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1.0 INTRODUCTION 

On April 29, 2015, the California State Historic Resources Commission’s (SHRC) recommended 
that the existing utility structure located on the Capistrano Substation site be deemed eligible for 
the National Register of Historic Places (NRHP).  The State Historic Preservation Office (SHPO) 
submitted the recommendation to the Keeper of the NRHP (Keeper) on July 17, 2015 and 
SDG&E submitted a formal objection on August 21, 2015.  In a communication dated September 
22, 2015, the Keeper declined to make a determination of eligibility and instead returned the 
nomination to the SHPO for substantive and technical revisions. In particular, the Keeper found 
that the nomination did not include an adequate analysis of the integrity of the original substation 
complex of which the Utility Structure was a part.   
 
However, based on the SHRC’s initial recommendation on April 29, 2015, SDG&E investigated 
the feasibility of a preservation alternative consistent with CEQA guidelines.  As outlined in the 
CEQA Guidelines §§ 15064.5(b)(4) and 15126(a), a preservation alternative should be 
considered where a historical resource is identified.  Therefore, SDG&E developed the 
Capistrano Preservation Alternative for the CPUC’s consideration and inclusion in the Final EIR. 

2.0 DESCRIPTION OF THE CAPISTRANO PRESERVATION 
ALTERNATIVE 

2.1 Scope and Design – Capistrano Preservation Alternative 

Following the SHRC recommendation, SDG&E identified and retained a historic preservation 
consulting firm, Chattel, Inc. (Chattel), to determine what would be necessary to avoid 
significant impact to the existing utility structure, assuming that the structure is ultimately 
deemed eligible for NRHP listing.  Notwithstanding that the Keeper has declined to make a 
determination of eligibility at this time, based on the inadequacy of the nomination, SDG&E has 
nonetheless elected to develop the Capistrano Preservation Alternative and for purposes of 
SDG&E’s comments on the Recirculated DEIR, it is assumed that the Utility Structure qualifies 
as an historical resource. 

 
In coordination with Chattel, SDG&E developed the Capistrano Preservation Alternative to 
avoid a potentially significant impact on the existing utility structure (refer to Substation Design 
Drawings in Attachment A).  As set forth in the Assessment of Capistrano Alternative prepared 
by Chattel (see Attachment B)1, the Capistrano Preservation Alternative would not result in a 
substantial adverse change to the utility structure, and therefore would have a less-than-
significant impact on the assumed historical resource, because the Capistrano Preservation 
Alternative has been designed, and would be implemented, in conformance with the Secretary of 
                                                            
1 Chattel’s September 22, 2015 report, entitled “Capistrano Substation Utility Structure, 31050 Camino 
Capistrano, San Juan Capistrano, California - Assessment of Capistrano Preservation Alternative” is 
attached hereto as Attachment B. 
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the Interior’s Standards for the Treatment of Historic Properties with Guidelines for Preserving, 
Rehabilitating, Restoring, and Reconstructing Historic Buildings (the “Secretary’s Standards”) 
and otherwise would not materially impair the historic significance of the utility structure. 
 Attachment A contains substation design drawings that depict the Capistrano Preservation 
Alternative’s design and layout. 

Based upon Chattel’s recommendations (see Attachment B) the Capistrano Preservation 
Alternative avoids significant impact to the existing utility structure (assuming the structure 
qualifies as a historic resource).  The west wing of the structure would be rehabilitated in 
conformance with the Secretary’s Standards while the east wing of the structure (located away 
from Camino Capistrano, which is less visible from the street and has less architectural detail) 
would be removed.  SDG&E would then utilize the remaining portion of the existing utility 
structure as part of utility operations.   

Under the Capistrano Preservation Alternative, in order to incorporate the retained portion of the 
existing utility structure into the San Juan Capistrano Substation design, 2 modifications to the 
design, specifications, and layout of the substation are made compared to the San Juan 
Capistrano Substation design included in SDG&E’s Proposed Project.  The primary modification 
to the substation design is a reduction in the size of the rebuilt 138/12 kV substation located on 
the “lower pad” portion of the substation site.  By reducing the ultimate distribution capacity of 
the proposed rebuilt Capistrano Substation from 120 MVA to 90 MVA, the proposed 230/138/12 
kV substation can be constructed within SDG&E’s existing property.  This modification would 
reduce the number of distribution 138/12kV transformers, 12kV switchgear sections and 12kV 
capacitors from four to three each (with no space for future expansion).  Attachment A, 
Substation Design Drawings, provides the substation site plan and other design drawings and 
figures for the San Juan Capistrano 230/138/12kV Substation under the Capistrano Preservation 
Alternative.   

Under the Capistrano Preservation Alternative, like the Proposed Project, the Applicant would 
rebuild and expand the 138/12kV substation at the Capistrano site, and would also construct a 
new 230/138kV substation at the Capistrano site.  All other elements of the Capistrano 
Preservation Alternative (new 230kV transmission lines, 138kV power line relocations and 
undergrounding west of the Capistrano Substation site, and 12kV distribution line relocations) 
would be the same as the design of the Applicant’s Proposed Project (as refined). 

Substation design modifications include: 

 The existing earthen mounds, vegetation and trees along the western edge of the 
property (between Camino Capistrano and the existing utility structure) would be 
removed and replaced with landscaping that returns the existing utility structure’s 
setting to an earlier appearance. 

                                                            
2 SDG&E proposes to name the rebuilt Capistrano Substation as the San Juan Capistrano Substation. 
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 Because the substation grade would be raised approximately 5 feet to accommodate 
vehicles carrying equipment, an approximately 5 foot tall retaining wall would be 
constructed parallel to the northern and eastern walls of the existing utility structure.  
The retaining wall would be set back a minimum of 5 feet from the existing utility 
structure walls providing a personnel access way on these sides of the building. 

 The western perimeter of the substation (along Camino Capistrano) would have a 
masonry wall approximately 10 feet tall on the inside of the substation and when 
viewed from the exterior would vary from approximately 12 feet to 15 feet in height.  
This is due to the fact that the substation grade behind the wall is raised by 
approximately 5 feet.  The lower approximately 5 feet is the retaining wall, which 
would be coupled with an upper approximately 10 feet of masonry wall to 
collectively serve as the substation security and screen wall.  The northern and 
southern perimeter walls would remain at approximately 10 feet in height, identical to 
the Proposed Project. 

 The security screen wall would abut the existing utility structure on the north and 
south sides terminating approximately 4 inches from the structure (refer to substation 
drawings in Attachment A) creating separation between the existing utility structure 
and the western perimeter wall.  

 The southern and western walls of the retained portion of the existing utility structure 
would be located outside of the secured substation facility and would be visible from 
Camino Capistrano.  The northern and eastern walls of the existing utility structure 
would effectively act as part of the substation security wall. 

 New steel replacement doors would be installed in the southern, eastern and northern 
walls of the existing utility structure and would replace the existing doors at these 
locations.  The northern and eastern doors will serve as part of the security wall. 

 A driveway access to the existing utility structure would be constructed from the 
main substation access drive to the structure’s southern door. 

 The southern driveway’s vehicle access gate to the rebuilt Capistrano Substation 
would be set back approximately 80 feet from Camino Capistrano.   

 The northern driveway’s access gate would remain (similar to the Proposed Project) 
set back approximately 35 feet from Camino Capistrano. 

 The northern and southern vehicular access gates would be approximately 30 feet in 
width, each comprised of a pair of black wrought iron sliding gates, each 
approximately 15 feet in width. 

 Grading and the phased site development, including cut and fill, would be similar to 
that of Proposed Project substation design. 
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With respect to the existing utility structure itself, the west wing would be retained and 
rehabilitated per the Secretary’s Standards.  The east wing would be removed to provide 
adequate room for redevelopment of the substation.  The northern and eastern walls of the 
retained portion of the existing utility structure would serve as part of the security wall of the 
substation, and would only be entered from the exterior (which would be inside the substation 
security wall).  Modifications to the existing utility structure include: 

 East Wing Demolition –12 inches of roof and walls would be retained at the point 
where the east wing intersects the west wing of the existing utility structure.  This 
work is designed to allow the remaining portion of the roof and wall visually to read 
as a “ghost” of the east wing once it is removed. 

 West Wing Rehabilitation: 

o Western Wall –The exterior wall where earthen mounds are to be removed 
would be repaired and waterproofed.  The concrete wall iron jacking would be 
repaired at locations where steel rebar is exposed at western interior wall.  
Window rehabilitation would include removal of existing glazing, repairing 
existing sash and frames, and reglazing with like-kind translucent wire glass.  
Security bars on all windows would be installed on the interior. 

o Northern Wall – Deteriorated, non-original doors, sidelights, and transom 
window would be replaced to match the original.  Doors, sidelights and 
transom would be constructed of steel rather than wood for increased security.  
Due to lack of visibility from the street, it is not proposed to include glazing, 
but rather this door assembly would be constructed exclusively of steel 
following the original pattern.  The northern wall and replacement door would 
serve as part of the security wall of the substation and would only be accessed 
from the exterior (i.e., from within the substation). 

o Eastern Wall –The interior door at the location of demolished east wing would 
be replaced with a new exterior door to match the original, but designed for 
exposure to the elements.  Due to the lack of visibility from the street, it is not 
proposed that glazing be included in either the new exterior door or existing 
windows, but rather for these assemblies would be constructed exclusively of 
steel following the original pattern.  The eastern wall, windows and 
replacement door would serve as part of the security wall of the substation and 
would only be accessed from the exterior (i.e., from within the substation). 

o Southern Wall – Deteriorated, non-original doors, sidelights, and transom 
window would be replaced to match the original.  Doors, sidelights and 
transom would be constructed of steel rather than wood for increased security.  
Due to the visibility from the street, it is proposed to include translucent wire 
glass at the transom only, but otherwise the new door assembly would be 
constructed of steel following the original pattern.  Where glazing occurs at 
the transom, security bars would be installed on the interior. 
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o Interior Window Sills - Damage to concrete would be repaired at windows 
sills where water infiltration has occurred. 

o Interior Crane – The moveable crane would be retained. 

o Lighting - Development and implementation of a lighting plan would include 
exterior wall sconces on the north and south walls.  Such exterior wall sconces 
would operate manually. 

Chattel determined that, assuming the utility structure subsequently qualifies as an historical 
resource, the Capistrano Preservation Alternative would not have a significant impact on the 
utility structure, in part because it conforms with the Secretary’s Standards.  However, to ensure 
conformance with the Secretary's Standards through final design and construction, Chattel 
recommended that SDG&E retain a qualified professional historic architect meeting the 
Secretary of the Interior’s Professional Qualifications Standards to monitor those activities.  
Chattel also recommended that SDG&E prepare Historic American Building Survey (HABS) 
photographic documentation for the utility structure before the east wing is removed.  Chattel 
concluded that these measures would further reduce the Capistrano Preservation Alternative’s 
already less-than-significant impact on the utility structure (assuming that it is subsequently 
determined to be an historical resource under CEQA). SDG&E is agreeable to these measures, 
which should therefore be considered Applicant Proposed Measures.  

As shown in San Juan Capistrano Substation drawings provided in Attachment A, the 138kV 
(GIS) switchgear building, the three 230/138kV transformers, the 230kV (GIS) switchgear 
building, and the 230kV capacitor banks would all have a design and be located on the substation 
property similar to the layout for the Proposed Project.  Table 1, Key Substation Ultimate Design 
Differences highlights the key differences between the Proposed Project and the Capistrano 
Preservation Alternative San Juan Capistrano Substation design. 

Table 1: Key Substation Ultimate Design Differences 

Substation Design 
Element 

Capistrano Preservation 
Alternative Design 

Proposed Project Design 

Former Utility Structure Western portion retained with  
rehabilitation consistent with 
Secretary’s Standards 

Entire structure removed 

138/12kV Transformers Three transformers Four transformers  

12kV Switchgear Three ¼ sections of switchgear (12 
circuits) 

Four ¼ sections  switchgear 
(16 circuits) 

12kV Capacitors Three 12kV capacitors Four 12kV capacitors 
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Table 1 (cont.): Key Substation Ultimate Design Differences 

Substation Design 
Element 

Capistrano Preservation 
Alternative Design Proposed Project Design 

Western Screen/Security 
Wall 

Varies up to 15 feet tall from the 
exterior 

10 feet tall 

Southern Driveway 80 foot setback from the Camino 
Capistrano 

35 foot setback from Camino 
Capistrano 

The construction schedule for the San Juan Capistrano Substation, under the Capistrano 
Preservation Alternative, is anticipated to be approximately 51 months.  Construction equipment 
and personnel would be similar to those identified for the Proposed Project in the Draft EIR, 
Section 2.4.1. 

2.2 Consideration of CEQA Criteria 
Consistent with CEQA Guidelines (Section 15126.6) and the South Orange County Reliability 
Enhancement Project Recirculated Draft Environmental Impact Report (RDEIR), the Capistrano 
Preservation Alternative was evaluated according to the following criteria: 

1. Would the Capistrano Preservation Alternative accomplish most of the basic project 
objectives? 

2. Would the Capistrano Preservation Alternative be economically, technically, and legally 
feasible? 

3. Would the Capistrano Preservation Alternative avoid or substantially lessen one or more 
significant impacts identified for the Proposed Project? 

4. Would the Capistrano Preservation Alternative increase the severity of any impact 
identified for the Proposed Project, or create a new potentially significant impact that was 
not identified for the Proposed Project? 

Conformance with Project Objectives 

The Capistrano Preservation Alternative would meet each of the Proposed Project objectives 
included within the DEIR (Section 1.3.1) as well as the Applicant’s objectives outlined in 
Proponent’s Environmental Assessment (PEA) Section 2.2.  Similar to the Proposed Project, the 
Capistrano Preservation Alternative would provide the following benefits: 

 Reduced risk of an uncontrolled outage of all of the South Orange County load; 

 Reduced risk of a controlled interruption of a portion of the South Orange County load; 

 Compliance with mandatory NERC, WECC, and CAISO transmission planning 
standards; 

 Rebuild of the Capistrano Substation to replace aging equipment and increase capacity; 
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 Improved transmission and distribution operating flexibility; 

 Provides a redundant second 230kV source for the South Orange County service area; 

 Accommodates projected customer load growth in the South Orange County area; and 

 Locates new and upgraded facilities within existing transmission corridors, SDG&E 
ROW, and utility owned property.  

Feasibility 

The Capistrano Preservation Alternative is feasible from a technological, legal, and economic 
perspective. SDG&E has conducted preliminary engineering and design (refer to Section 2.1 and 
Attachment A), and has determined that the Capistrano Preservation Alternative is in fact 
feasible from a technical, engineering, and construction perspective. While the cost of the 
Capistrano Preservation Alternative may increase in comparison to the cost of Proposed Project, 
such increase in cost would be minimal in relation to the overall cost of either the Capistrano 
Preservation Alternative or the Proposed Project. Therefore, the Capistrano Preservation 
Alternative is considered to be economically feasible.  Finally, the Capistrano Preservation 
Alternative would utilize the same existing SDG&E property proposed for use by the Proposed 
Project.  SDG&E has legal rights to the Capistrano Substation site as property owner and the 
CPUC would retain discretionary authority over the siting of the project, all in a similar manner 
as for the Proposed Project.  Therefore, the Capistrano Preservation Alternative is considered to 
be legally feasible. 

Environmental Advantages 

As described above and detailed within Attachment B, the Capistrano Preservation Alternative 
would reduce potentially significant impacts to the potentially historical resource to a level less 
than significant.  Therefore, if the Keeper ultimately finds that the existing utility structure is 
eligible for listing on the NRHP, the Capistrano Preservation Alternative would reduce at least 
one potentially significant impact in comparison to the Proposed Project. 

Environmental Disadvantages 

No environmental disadvantages have been identified with the Capistrano Preservation 
Alternative in comparison to the Proposed Project.  As further described in Section 3.0 below, 
the Capistrano Preservation Alternative would not be anticipated to increase the severity of any 
impact identified for the Proposed Project and would not create any new impact not previously 
identified for the Proposed Project.  

Conclusion 

The Capistrano Preservation Alternative is feasible, would meet the basic objectives of the 
Proposed Project, and would reduce potentially significant impacts to a potential historical 
resource identified for the Proposed Project. Therefore, the Capistrano Preservation Alternative 
should be considered by the CPUC and included in the Final Environmental Impact Report. 
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3.0 COMPARISON OF THE CAPISTRANO PRESERVATION 
ALTERNATIVE 

3.1 Methodology 

As stated in Section 2.1 above, the Capistrano Preservation Alternative was analyzed to ensure 
that at least one potentially significant impact identified for the Proposed Project would be 
avoided or substantially reduced (to a level less than significant) by implementation of the 
Capistrano Preservation Alternative.  The Capistrano Preservation Alternative was compared to 
the Proposed Project in terms of the resource areas that the DEIR/RDEIR found to be impacted 
by the Proposed Project. 

While the focus of the Comparison of the Capistrano Preservation Alternative to the Proposed 
Project is the six potentially significant impacts identified within the RDEIR, the comparison 
included below also analyzes whether or not the Capistrano Preservation Alternative would 
increase impacts for other resources affected by the Proposed Project.  The RDEIR and DEIR 
collectively identify six potentially significant impacts of the Proposed Project (air quality, 
biological resources, cultural resources, land use and planning, traffic and transportation, and 
cumulative impacts) with impacts to all other resource areas being less than significant. 

For purposes of this Comparison, SDG&E presents the RDEIR findings with respect to the 
Proposed Project’s impacts.  SDG&E does not agree that the RDEIR has properly identified as 
significant impacts to biological resources, land use and planning, traffic and transportation, and 
cumulative impacts.  The air quality impact would be similar for each Alternative considered. 3  
With respect to traffic impacts, as stated in SDG&E’s April 10, 2015 Comments on the Draft 
EIR, Detailed Comments at 3-4: “SDG&E’s construction and engineering contractors do not 
expect a full closure of any of these roads during underground construction and SDG&E did not 
state there would be any full road closures in the PEA.  The Project refinements identified in 
more detail in Attachment A - Minor Project Design Refinements will eliminate the temporary 
and cumulative traffic impacts.”  With respect to biological and land use impacts, as set forth in 
SDG&E’s September 24, 2015 RDEIR Comments at Section IV, SDG&E is in full compliance 
with its Natural Communities Conservation Plan (“NCCP”) and, with the Segment 4 Design 
Revisions set forth in Exhibit 2, bringing permanent transmission structures within SDG&E’s 
existing easements, the United States Fish & Wildlife Service (“USFWS”) has agreed that no 
conflict between the Proposed Project and recorded and potential conservation easements is 
expected.  With respect to land use impacts on local height limitations, the Commission’s 
General Order 131-D, CPUC Decision 94-06-014, and numerous court rulings confirm that the 
CPUC has exclusive jurisdiction over the construction of electric utility facilities, preempting 
local ordinances. Therefore the local ordinances cited in the RDEIR are not applicable to the 
Proposed Project.  With respect to the potential historical resource, on August 21, 2015, SDG&E 
                                                            
3  Rebuilding Capistrano Substation, at least as a 138/12 kV substation, is a reasonably anticipated outcome under all 
Alternatives considered in the RDEIR/DEIR.  Therefore, each such Alternative will have a similar effect on air 
quality as the Proposed Project—and many alternatives require rebuilding two substations rather than just one. 
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submitted to the Keeper its objection to the proposed determination of eligibility of the existing 
utility structure for the NRHP, opposing the SHRC’s recommendation.  If the Keeper ultimately 
finds that the existing utility structure is not eligible for listing on the NRHP, then the Proposed 
Project would not have a significant effect on a historical resource. 

SDG&E provides the Comparison below, based on the 
RDEIR’s findings, without conceding that the RDEIR 
findings are accurate. 

3.2 Analysis of the Capistrano Preservation 
Alternative 

An analysis of the environmental advantages and 
disadvantages of the Capistrano Preservation 
Alternative in comparison to the RDEIR’s findings 
regarding the Proposed Project is contained within the 
following subsections. Table 2, Comparison Summary, 
summarizes the determinations of impacts to CEQA 
resources for the Capistrano Preservation Alternative in 
comparison to RDEIR’s findings regarding the 
Proposed Project. As shown in Table 2 and detailed 
below, the Capistrano Preservation Alternative would 
have similar or less impacts than the Proposed Project 
for all CEQA resource areas. 

Under the Capistrano Preservation Alternative, the San 
Juan Capistrano Substation would be rebuilt and 
expanded to allow for additional 138kV connections as 
well as for the connection to new 230kV transmission 
lines. As described in Section 2.1 above, the principal 
difference between the Capistrano Preservation 
Alternative and the Proposed Project is the retention 
and rehabilitation of the west wing of the existing 
utility structure and the reduced ultimate substation 
buildout for the distribution facilities.  

Reduction of Potentially Significant Impacts 

Historic Resources 

As documented in Attachment B, the Capistrano 
Preservation Alternative would reduce impacts to 
historical resources to less than significant through the preservation and rehabilitation of the 
western wing of the existing utility structure in conformance with the Secretary’s Standards, 

Table 2: Comparison Summary 

Resource Area 
Proposed 
Project 

Pres. 
Alt. 

Aesthetics LTS Similar
Agriculture & 
Forestry LTS Similar
Air Quality S Similar
Biological 
Resources S1 Similar
Cultural Resources S Less 
Geology, Soils, & 
Minerals LTS Similar
Greenhouse Gases LTS Similar
Hazards LTS Similar
Hydrology and 
Water Quality LTS Similar
Land use and 
Planning S2 Similar
Noise LTS Similar
Population & 
Housing LTS Similar
Public Services and 
Utilities LTS Similar
Recreation LTS Similar
Transportation and 
Traffic S3 Similar
Cumulative S3 Similar
Notes: 
LTS = less than significant 
S = Significant 
1 Note that following initial consultation with 
USFWS, impacts would be LTS. 
2 As outlined in SDG&E’s comments, CPUC 
jurisdiction preempts local ordinances and 
impacts would be LTS. 
3 Traffic control plans submitted on 
SDG&E’s Minor Project Refinement (dated 
April 2015) reduce impacts to LTS. 
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consistent with the assessment included within Attachment B (historic site 30-179873)4.  
Therefore, the Capistrano Preservation Alternative would have less impacts to historical 
resources when compared to the Proposed Project. 

Air Quality 

The DEIR identified short term, significant impacts relating to the emission of criteria pollutants.  
Emission of criteria pollutants is governed by the location, extent (area of disturbance), duration 
(length of construction), and intensity (amount of equipment required) of construction activities.  
These impacts were the direct result of construction activities, including the use of heavy 
construction equipment.  The Capistrano Preservation Alternative would include construction 
activities very similar to the Proposed Project in location, extent, duration, and intensity.  
Therefore, Capistrano Preservation Alternative would have similar effects on air quality as the 
Proposed Project. 

Biological Resources 

The RDEIR found: “The proposed project may conflict with two conservation easements 
established within the Orange County Southern Subregion HCP and considered preserve areas 
under the SDG&E NCCP/HCP.”    As set forth in SDG&E’s September 24, 2015 RDEIR 
Comments at Section IV, SDG&E is in full compliance with its Natural Communities 
Conservation Plan (“NCCP”) and, with the Segment 4 Design Revision set forth in Exhibit 2, 
bringing permanent transmission structures and wires within SDG&E’s existing easements, the 
United States Fish & Wildlife Service (“USFWS”) has agreed to a process that would result in 
the Proposed Project being consistent (i.e. having no conflicts) with recorded and potential 
conservation easements and the Orange County Southern Subregion HCP.  The Capistrano 
Preservation Alternative would have similar (less than significant) effects on biological resources 
as the Proposed Project. 

Land Use and Planning 

Like the Proposed Project, the Capistrano Preservation Alternative would include rebuilding and 
expanding the San Juan Capistrano Substation, including the construction of a 138kV gas 
insulated substation (GIS) structure (approximately 45 feet tall), and a 230kV GIS structure 
(approximately 50 feet tall).  The RDEIR found in LU-2 that the “proposed project would 
directly conflict with applicable building height regulations defined within the San Juan 
Capistrano Municipal Code.” The Commission’s General Order 131-D, CPUC Decision 94-06-
014, and numerous court rulings confirm that the CPUC has exclusive jurisdiction over the 
construction of electric utility facilities, preempting local ordinances.  Therefore the local 
ordinances cited in the RDEIR are not applicable to the Proposed Project.    The Capistrano 

                                                            
4 Note that the potentially significant impact to historic resources was made in the RDEIR on the assumption that 
former utility structures would quality as a historic resource. However, the Keeper of NRHP has most recently 
declined to rule on the eligibility of the structure and has requested revisions to the nomination, including additional 
analysis concerning the integrity of the original substation complex. 
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Preservation Alternative would have an inconsistency with the inapplicable City of San Juan 
Capistrano zoning ordinance similar to that of the Proposed Project. 
 
The RDEIR found in LU-3: “The proposed project may also conflict with two conservation 
easements established under the Orange County Southern Subregion HCP.”  As set forth in 
SDG&E’s September 24, 2015 RDEIR Comments at Section IV, SDG&E is in full compliance 
with its Natural Communities Conservation Plan (“NCCP”) and, with the Segment 4 Design 
Revision set forth in Exhibit 2, bringing permanent transmission structures and wires within 
SDG&E’s existing easements, the USFWS has agreed to a process that would result in the 
Proposed Project being consistent with recorded and potential conservation easements and the 
Orange County Southern Subregion HCP.  The Capistrano Preservation Alternative would have 
similar effects on LU-3 as the Proposed Project. 

Traffic and Transportation 

The Capistrano Preservation Alternative would include rebuilding and expansion of the 
Capistrano Substation, including the undergrounding of existing 13kV and 12kV lines west of 
the Capistrano Substation site that would result in temporary impacts to traffic circulation on 
Camino Capistrano and Calle San Diego.  The Capistrano Preservation Alternative would 
include the same scope of work between the Talega Substation and up to the Capistrano 
Substation site. Therefore, similar impacts to traffic circulation would occur during stringing 
operations (for example – across the I-5 Freeway) and during underground construction at Vista 
Montana and Via Pamplona.  The Capistrano Preservation Alternative would have similar 
impacts on traffic circulation as the Proposed Project.  However, it is important to note that 
impacts to traffic circulation are actually less than significant, as detailed in SDG&E’s comments 
on the DEIR.  Specifically, SDG&E can construct underground lines at Vista Montana, Via 
Pamplona, and Calle San Diego without full road closures.  Additionally, SDG&E’s substation 
engineering consultant prepared draft traffic control plans for Camino Capistrano that would 
allow for construction to occur while retaining 3 lanes of travel, thus retaining roadway capacity 
and reducing impacts to traffic circulation to a less than significant level.  Similarly, the 
Capistrano Preservation Alternative would not result in significant impacts to traffic circulation. 

Cumulative Impacts 
 
The Capistrano Preservation Alternative would include rebuilding and expansion of the 
Capistrano Substation, including the undergrounding of existing 13kV and 12kV lines west of 
the Capistrano Substation site that would result in temporary cumulative impacts to traffic 
circulation on Camino Capistrano.  Therefore, the Capistrano Preservation Alternative would 
have similar cumulative impacts when compared to the Proposed Project.  However, it is 
important to note that impacts to traffic circulation (including the cumulative impacts identified 
within the DEIR) are actually less than significant, as detailed in SDG&E’s comments on the 
DEIR.  Pursuant to the Draft traffic control plans submitted with SDG&E’s comments on the 
DEIR, roadway capacity on Camino Capistrano could be maintained at three lanes, thus limiting 
impacts a less than significant level.  Similarly, the Capistrano Preservation Alternative would 
not result in significant cumulative impacts to traffic circulation on Camino Capistrano. 
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Other Resource Areas 

The Capistrano Preservation Alternative would have a very similar scope of work compared to 
the Proposed Project, and this would generally result in very similar impacts to CEQA resource 
areas, as summarized in Table 2 above.  A comparison of such impacts is included below for 
each of the 10 resources areas with less than significant impacts. 

Aesthetics 

The Capistrano Preservation Alternative would have the same alignment as the Proposed Project 
for all distribution, power, and transmission lines to be installed, removed, or relocated.  
Therefore, impacts to aesthetic resources (including viewsheds, view corridors, scenic highways 
and roads, and scenic vistas) would be similar for the Capistrano Preservation Alternative when 
compared to the Proposed Project.  Similarly, impacts to visual character from the distribution, 
power, and transmission lines would be similar for the Capistrano Preservation Alternative when 
compared to the Proposed Project.   

Potential impacts relating to degradation of the existing visual character at the San Juan 
Capistrano Substation site would be similar (or less) for the Capistrano Preservation Alternative 
when compared to the Proposed Project.  While the Capistrano Preservation Alternative includes 
a redesigned San Juan Capistrano Substation, the revisions are relatively minor and would 
actually result in less visual change from existing conditions when compared to the Proposed 
Project.  As further described above and within Attachments A and B, the western wing of the 
existing utility structure would be retained, rehabilitated, and incorporated into the design of the 
new San Juan Capistrano Substation.  The view of the San Juan Capistrano Substation would 
therefore not only be altered less under the Capistrano Preservation Alternative than under the 
Proposed Project, the design of the new substation under the Capistrano Preservation Alternative 
would also include positive measures such as wall design and landscaping that would increase 
the consistency of the site with the historic look and feel of the substation site.  In addition, 
prominent existing visual features, including existing overhead 138kV structures, would be 
removed (138kV lines would be relocated to an underground position as they enter the 
substation, similar to the design of the Proposed Project) thus providing for a more unified 
landscaped as discussed within the DEIR (page 4.1-26, lines 40 and 41).  Therefore, impacts 
relating to degradation of existing visual character for  the Capistrano Preservation Alternative 
would be similar, or less, when compared to the Proposed Project. 

Agriculture and Forestry Resources 

The Capistrano Preservation Alternative would have the same physical footprint as the Proposed 
Project, thereby have the same potential to affect agricultural and forestry resources.  Therefore, 
impacts to agricultural and forestry resources would be similar for the Capistrano Preservation 
Alternative when compared to the Proposed Project. 
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Geology, Soils, and Mineral Resources 

The Capistrano Preservation Alternative would have the same footprint as the Proposed Project, 
and would require a similar amount of grading, grubbing, and other earth disturbing activities as 
well as similar construction activities and equipment usage.  Therefore, impacts relating to 
geologic hazards, seismic hazards, landslides, unstable and expansive soils, liquefaction, and soil 
erosion would be similar for the Capistrano Preservation Alternative when compared to the 
Proposed Project. 

Greenhouse Gases 
 
The Capistrano Preservation Alternative would include similar construction activities, including 
duration, location, and intensity.  Therefore, impacts associated with greenhouse gas emissions 
from construction would be similar for the Capistrano Preservation Alternative when compared 
to the Proposed Project. 

The San Juan Capistrano Substation design and operation under the Capistrano Preservation 
Alternative would be similar to the Proposed Project, and would actually contain a smaller 
ultimate buildout (less equipment) when compared to the Proposed Project.  Therefore, impacts 
relating to the emission of greenhouse gases (including from the utilization of sulfur 
hexafluoride) would be similar or less for the Capistrano Preservation Alternative when 
compared to the Proposed Project. 

Hazards and Hazardous Materials 

The Capistrano Preservation Alternative would have the same footprint as the Proposed Project, 
and would require a similar construction equipment, materials, and equipment.  Therefore, 
impacts relating to fire hazards, emergency response plans, evacuation routes, hazardous 
materials sites, and hazardous materials and waste handling and exposure would be similar for 
the Capistrano Preservation Alternative when compared to the Proposed Project. 

Hydrology and Water Quality 

The Capistrano Preservation Alternative would have the same footprint as the Proposed Project, 
and would require a similar amount of grading, grubbing, and other earth disturbing activities.  
The Capistrano Preservation Alternative would also be subject to the same water quality related 
regulations and best management practices, such the SDG&E BMP Manual, NPDES Regulations 
(including preparation implementation of a SWPPP), and hazardous materials storage regulations 
(such as the preparation and implementation of SPCC plans).  Therefore, the Capistrano 
Preservation Alternative would have similar impacts on water quality standards and waste 
discharge requirements when compared to the Proposed Project. 

Because the Capistrano Preservation Alternative would have the same footprint as the Proposed 
Project, would include similar construction and operation activities, in the same locations, 
potential impacts relating flooding, flood hazards, tsunami hazards, mud flow hazards, and 
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drainage patterns would be similar for the Capistrano Preservation Alternative and the Proposed 
Project. 

The Capistrano Preservation Alternative would have a similar, low potential to require 
dewatering during construction activities.  Similar to the Proposed Project, the Capistrano 
Preservation Alternative would not be anticipated to affect groundwater (either directly or 
indirectly) in any other ways. Therefore, potential impacts on ground water would be similar for 
the Capistrano Preservation Alternative when compared to the Proposed Project. 

Noise 

Construction of the Capistrano Preservation Alternative would be similar to construction of the 
Proposed Project, including having a similar construction schedule and the same physical 
locations where construction activities would occur.  Therefore, less than significant impacts 
associated with construction noise and groundborne vibration would be similar for the 
Capistrano Preservation Alternative when compared to the Proposed Project. 

The Capistrano Preservation Alternative would include the same scope of work as the Proposed 
Project in relation to operation of new 230kV overhead transmission lines.  Therefore, potential 
impacts associated with corona noise would be similar for the Capistrano Preservation 
Alternative when compared to the Proposed Project. 

The revised ultimate substation layout under the Capistrano Preservation Alternative would 
include space for one less 138/12kV transformer, and the same number of 230/138kV 
transformers as the Proposed Project. The 230/138kV transformers would be located in the same 
location as the Proposed Project design.  The location of the 138/12kV transformers have been 
shifted slightly; however, the noise emission from the 138/12kV transformers are lower in 
relation to the 230kV transformers and the 138/12kV transformers are located further from 
sensitive noise receptors.  Therefore, impacts from transformers are anticipated to be similar for 
the Capistrano Preservation Alternative and the Proposed Project.  

Population and Housing 

The Capistrano Preservation Alternative would include a similar work force (both for 
construction and operation) as the Proposed Project and would have the same potential to 
indirectly induce growth through the improved electrical transmission system the Capistrano 
Preservation Alternative would provide.  Therefore, impacts to population and housing would be 
similar for the Capistrano Preservation Alternative when compared to the Proposed Project.  

Public Service and Utilities 

The Capistrano Preservation Alternative would include a similar work force (for both 
construction and operation) as the Proposed Project, would include the same physical footprint as 
the Proposed Project, and would have the same potential for use of public services including law 
enforcement, fire protection, parks, schools, and other public services.  Therefore, impacts would 
be similar for the Capistrano Preservation Alternative when compared to the Proposed Project. 
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The Capistrano Preservation Alternative would result in similar requirements for water use, 
wastewater, and solid waste.  Therefore, impacts upon these services would be similar for the 
Capistrano Preservation Alternative when compared to the Proposed Project. 

The Capistrano Preservation Alternative would occupy the same footprint as the Proposed 
Project, with no substantial difference in new impervious areas or anticipated runoff volumes.  
While retention of a portion of the existing utility structure would increase impervious area when 
compared to the Proposed Project substation design, the reduction in equipment would offset 
some of that increase. Therefore, impacts to stormwater retention and drainage facilities would 
be similar for the Capistrano Preservation Alternative when compared to the Proposed Project. 

Recreation 

The Capistrano Preservation Alternative would not induce increased substantial new use of 
existing recreational facilities such that existing facilities would be degraded.  The Capistrano 
Preservation Alternative would include a similar work force (for both construction and 
operation) as the Proposed Project.  Therefore, impacts to recreational facilities would be similar 
for the Capistrano Preservation Alternative when compared to the Proposed Project. 

Determination  

The Capistrano Preservation Alternative would result in fewer potentially significant impacts as 
the existing utility structure (historic site 30-179873) would be preserved in accordance with the 
Secretary’s Standards, with the west wing retained and rehabilitated, and incorporated into the 
design and future use of the San Juan Capistrano Substation (refer to Attachments A and B).  
Impacts associated with traffic and cumulative traffic would be similar for the Capistrano 
Preservation Alternative and the Proposed Project and, as noted in SDG&E’s comments on the 
DEIR and again summarized in SDG&E’s comments on the RDEIR, these impacts can be 
reduced to a level less than significant.  Similarly, the Capistrano Preservation Alternative would 
result in the same impacts to land use and planning and biological resources identified for the 
Proposed Project within the RDEIR.  However, as stated within SDG&E’s comments to the 
RDEIR, these impacts should be considered less than significant for the Proposed Project, and as 
such would be less than significant for the Capistrano Preservation Alternative.  Due to the 
substantially similar construction scenario between the Capistrano Preservation Alternative and 
the Proposed Project, similar temporary, significant impacts related to the emission of criteria 
pollutants would be anticipated to result.  Finally, the Capistrano Preservation Alternative would 
be anticipated to have similar or less, impacts to the remaining CEQA resource areas identified 
by the DEIR to have less than significant impacts under the Proposed Project. 

In addition, the Capistrano Preservation Alternative would meet the basic project objectives, 
including providing for a redundant second 230kV source that could adequately support the 
South Orange County load in the event of the loss of the Talega Substation, complying with 
mandatory NERC, WECC and CAISO reliability standards, and rebuilding Capistrano 
Substation so that it can provide reliable electric service to the citizens of San Juan Capistrano. 
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I. INTRODUCTION 
 
This report evaluates the Capistrano Preservation Alternative (the Preservation Alternative) prepared 
by San Diego Gas & Electric Company (SDG&E). It was developed for the Capistrano Substation 
located at 31050 Camino Capistrano in San Juan Capistrano, Orange County, California (the 
Property) as part of SDG&E’s comments on the Recirculated Draft Environmental Impact Report 
(RDEIR) prepared for the California Public Utilities Commission (CPUC) for the South Orange 
County Reliability Enhancement Project (the SOCRE Project). The CPUC originally circulated a 
Draft Environmental Impact Report Draft EIR) for the SOCRE Project on February 23, 2015. The 
proposed SOCRE Project analyzed in the Draft EIR included, among other regional utility 
improvements, substantial modifications to the Property and the existing improvements thereon, 
including demolition of an existing onsite utility structure ((the Utility Structure). The CPUC circulated 
the RDEIR for public comment on August 10, 2015. The objective of this report is to evaluate the 
Preservation Alternative with respect to its historical resources impact on the Utility Structure under 
the California Environmental Quality Act (CEQA). 
 
The Utility Structure is the only building currently located on the Property.  It was formerly used to 
house functions related to the Property’s function as an electrical substation.  However, while the 
substation continues to function as such today, the Utility Structure has played no role in the 
operation of the substation for decades and now sits vacant. The Utility Structure has been the 
subject of multiple historical resource assessments over the past several years.  Three qualified 
consultants, including one retained by the CPUC, concluded that the Utility Structure was not eligible 
for listing on the National Register of Historic Places (National Register) and did not qualify as an 
“historical resource” under CEQA.1  
 
Recently, however, the Utility Structure was nominated by a private citizen to the National Register. 
In the nomination, the Utility Structure was described as significant under Criterion A for its 
association with electrical power distribution in Southern California. Subsequently, on April 29, 2015, 
the State Historical Resources Commission (SHRC) recommended that the State Historic 
Preservation Officer (SHPO) nominate the Utility Structure as eligible for listing on the National 
Register.  That recommendation was forwarded to the Keeper of the National Register (Keeper) on 
July 17, 2015. On August 21, 2015, SDG&E submitted to the Keeper its objection to the proposed 
determination of eligibility. Most recently, in a communication dated September 22, 2015 (the Keeper 
Communication), the Keeper declined to make a determination of eligibility and instead returned the 
nomination to the SHPO for substantive and technical revisions. In particular, the Keeper found that 
the nomination did not include an adequate analysis of the integrity of the original substation 
complex of which the Utility Structure was a part.  
 
However, the CPUC completed the RDEIR prior to the Keeper's review of the nomination. As a 
result,the based upon the SHRC recommendation, the RDEIR states: “Because the former utility 
structure’s eligibility for listing in the NRHP [National Register] has not yet been determined, it is 
assumed for the purposes of this analysis that the structure will be determined to be eligible for 
listing in the NRHP.”2 
 
Notwithstanding that the Keeper has now declined to make a determination of eligibility based on the 
inadequacy of the nomination, SDG&E has nonetheless elected to develop the Preservation 
Alternative and for purposes of this report, it is assumed that the Utility Structure qualifies as an 
historical resource. It is, however, uncertain whether and when (1) the nomination will be further 

                                                            
1  Ecology and Environment, Inc., South Orange County Reliability Enhancement Project Recirculated 

Environmental Impact Report (RDEIR), August 2015, 2-97.  
2  Ibid, 2-97. 
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revised in accordance with the Keeper's comments and (2) the Keeper will find those revisions 
acceptable and make a determination of eligibility.  
 
Notwithstanding that the RDEIR found that the demolition of the Utility Structure would be 
considered a significant impact under CEQA because the structure is potentially an historical 
resource, the RDEIR did not include a preservation alternative to reduce or avoid the significant 
impacts on that assumed historical resource.  Therefore, SDG&E determined that it would prepare 
the Preservation Alternative for the CPUC's consideration.  SDG&E retained Chattel, Inc., a historic 
preservation consulting firm, to help formulate the Preservation Alternative in a manner that avoids a 
significant impact on the Utility Structure. Consequently, in coordination with Chattel, Inc., SDG&E 
developed the Preservation Alternative, which has been designed to conform with the Secretary of 
the Interior’s Standards for the Treatment of Historic Properties with Guidelines for Preserving, 
Rehabilitating, Restoring, and Reconstructing Historic Buildings (the Secretary’s Standards), while 
still meeting key objectives of the proposed SOCRE Project.  Projects that alter historical resources 
in conformance with the Secretary’s Standards are considered to have a less-than-significant impact 
under CEQA. 
 
The Preservation Alternative is described in a set of drawings prepared by NV5 engineers dated 
September 2015 (the Drawing Set). The Drawing Set is attached as Exhibit A. As shown on the 
Drawing Set, the Utility Structure includes a west wing along Camino Capistrano (the West Wing) 
and an east wing that is largely not visible from Camino Capistrano (the East Wing). The 
Preservation Alternative entails the retention and rehabilitation of the West Wing and the removal of 
the majority of the East Wing to provide adequate room to rebuild the substation, all in conformance 
with the Secretary’s Standards. The East Wing is less architecturally articulated than the more 
publically-oriented West Wing, and it is less visible from the street, as it is located away from Camino 
Capistrano and the West Wing blocks views of it. Following the removal of the East Wing, the 
proposed 230/138/12 kV substation would be constructed within the existing Property by reducing 
the ultimate distribution capacity of the proposed rebuilt Capistrano Substation from 120 MVA to 90 
MVA. This represents a modification of the project originally proposed by SDG&E, as it would reduce 
the number of distribution 138/12kV transformers, 12kV switchgear sections and 12kV capacitors 
from four to three each. All other elements (new 230kV transmission lines, 138kV power line 
relocations and undergrounding west of the Property, and 12kV distribution line relocations) would 
be the same as the project originally proposed by SDG&E, as analyzed in both the Draft EIR and the 
RDEIR as the SOCRE “Proposed Project”.  
 
This report evaluates the impact of the Preservation Alternative on the Utility Structure and its 
conformance with the Secretary Standards, and concludes that the Preservation Alternative would 
not result in a substantial adverse change in the significance of the Utility Structure, and that the 
Preservation Alternative does conform with the Secretary's Standards, as discussed in detail in 
Section VII, below. Therefore, the Preservation Alternative would not have a significant impact on an 
historical resource under CEQA. 
 
 
II. INFORMATION SOURCES 
 
The Property has been previously surveyed multiple times for historic and architectural significance 
(McKenna, Moomjian, and TRC). Historic context information was synthesized, verified, and further 
supplemented by Chattel, Inc.’s own research.  Robert Chattel and Gabrielle Harlan attended a site 
visit of the Property on July 17, 2015, and Ms. Harlan also attended a site visit on March 26, 2015. 
Primary research materials include: the Southern California Edison Company Collection and the 
Southern California Edison Records, 1848-1989 Manuscript Collection at the Huntington Library in 
San Marino, California; Sanborn fire insurance maps; historical background data available online 
from the San Diego Historical Society and the City of San Juan Capistrano history files; and historic 
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drawings of the Property made available by SDG&E. In addition, the history of SDG&E was compiled 
from aforementioned surveys and several published works on the history of the company, including 
Iris Engstrand and Kathleen Crawford’s Reflections – A History of the San Diego Gas & Electric 
Company 1881-1991, and William A. Myers, Iron Men and Copper Wires – Centennial History of the 
Southern California Edison Company.  
 
 
III. PROPERTY HISTORY 
 
The Utility Structure was constructed as part of a larger Capistrano Substation complex (the 
Substation Complex) on the Property, which is a large parcel of land adjacent to Camino Capistrano, 
a primary thoroughfare through San Juan Capistrano. The Property originally was owned by the 
Buchheim family. They were ranchers, and they had large orange groves in the area.  However, by 
1917, the Southern California Edison Company (SCE) had acquired the Property, and it soon began 
construction of its new Substation Complex, which was completed in 1918. A historic photograph 
illustrating the original Substation Complex, as well as historic photographs of the Utility Structure, 
are included as Exhibit B. 
 
The original Substation Complex served as a connection point between SCE’s 50 Hertz (Hz) 
transmission system and the 60 Hz system of San Diego Consolidated Gas & Electric Company. 
The electrical equipment in the Substation Complex included both indoor and outdoor components 
that were interdependent, and operated together as an integrated system. 
 
The Utility Structure was the main structure in the Substation Complex. It was referred to in early 
construction drawings as the “indoor substation.” However, the Substation Complex included several 
other structures. The Utility Structure was designed to have the most public presence on the street, 
as it was the only one that faced onto Camino Capistrano. Directly to the rear of the Utility Structure 
was a garage, which is no longer extant. All that remains of the garage structure is its scored 
concrete footprint. The original Substation Complex also included three residential structures, which 
were all located on the northern edge of the Property. The largest and most architecturally elaborate 
of the three was the Chief Operator's Cottage, and this residential unit was located in the closest 
proximity to the Utility Structure. The necessity for constructing the cottage on the Property was the 
fact that the chief operator was on call 24 hours a day. The other two cottages, which were 
substantially smaller and less architecturally elaborate, were workmen’s cottages, which provided 
housing for the staff who helped to operate and maintain both the Substation Complex and other 
facilities in the region. 
 
As is evidenced by historic site maps of the Property, another cottage was constructed sometime in 
the 1930s, bringing the total of residential cottages constructed as part of the substation to four. This 
later cottage was located in close proximity to the other two workmen’s cottages. None of these 
cottages remain extant on the Property today.3 Historic site maps illustrating the development of the 
Property are included as Exhibit C. 
 
The Substation Complex also included outdoor equipment that was more industrial in nature than 
the structures and not enclosed in any interior space. Instead, the equipment was designed to 
withstand an outdoor environment . As such, the equipment is referred to as components of the 
“outdoor substation” in early drawings. The outdoor substation components included high and low 

                                                            
3  According to the recent National Register nomination prepared for the Utility Structure, one of the four 

cottages on the Property was demolished or removed in 1960 when it was no longer needed for the operation of the 
Substation Complex. At approximately the same point in time, two of the cottages were relocated to the area of the 
Los Rios neighborhood in San Juan Capistrano. In 2002, the garage and the remaining cottage were also 
demolished. See Ilse Byrnes, San Diego Gas & Electric Capistrano Substation Revised Nomination to the National 
Register of Historic Places, 2014, Section Eight, Page 8. 



 

4 
  

voltage power lines that connected certain internal components of the substation (e.g., the frequency 
changer and switching station), racks and large transformers, control cables, circuit breakers, and 
meters. A cooling tower was located immediately adjacent to the Utility Structure on its north side (at 
the crux of the west and east wings of the structure) and a water tower was located at the northeast 
corner of the Property.  
 
Also located to the immediate north of the Utility Structure was an equipment track, which was 
comprised of two metal rail lines set parallel to one another and oriented in a roughly north-south 
direction.  The track traversed the small portion of the Property that lay between the outdoor 
substation and the Utility Structure. On this equipment track, equipment could be conveyed easily to 
and from the interior of the Utility Structure through doors located on its north side. The equipment 
track penetrated into the interior of the Utility Structure a distance of approximately five feet.  
 
Other than foundation remnants and the outdoor portion of the equipment track, none of the outdoor 
substation structures or equipment is extant today. 
 
The Utility Structure itself was designed in the shape of a “T” with two wings that were set 
perpendicular to one another. The structure also was functionally divided into two sections that 
corresponded to these two wings. The first section is rectangular-shaped and aligned with Camino 
Capistrano, the street that lies immediately to the west. This section was known historically as the 
"Converter Room,” and is referred to in this report as the “West Wing.” A lower rectangular section 
intersects with the West Wing at its midpoint on the east elevation. This section of the structure was 
historically known as the “Switch Room,” and is referred to in this report as the “East Wing.” 
 
The West Wing housed a large piece of machinery called a transmission converter or "frequency 
changer." This piece of equipment is no longer extant today. The frequency changer served as the 
connecting point between SCE and SDG&E’s electrical systems. Its function was to provide 
conversion between the 50 Hz system of SCE and the 60 Hz system of SDG&E. This allowed 
electricity to flow from one company's power grid to the other. The high voltage power lines of both 
companies fed directly into the frequency changer; the lines of SCE arrived to it from the north while 
the lines of SDG&E came in from the south. In addition to housing this piece of machinery, it also 
appears that the interior space of the West Wing functioned to provide for the movement and 
temporary storage of other heavy equipment necessary to the regular maintenance and operation of 
the frequency changer. Such movement of heavy equipment on a fairly regular basis was apparently 
required due to the nature of the Property, which was perceived as somewhat constrained in size. 
The equipment track conveyed heavy equipment from the outdoor substation into the Utility 
Structure’s interior. Once inside, the machinery could be further conveyed to virtually any location 
within the interior of the West Wing by means of a Maris Bros. Hoist (i.e., a crane), which was 
installed as an integral part of the Utility Structure.  
 
The East Wing, or “Switch Room”, housed a distribution switching station with small distribution 
controls for the 4kV system that fed the distribution circuits. Power lines feeding into the outdoor 
substation carried electricity over long distances. Therefore, for ease and efficiency in transport, this 
electricity needed to be at a high voltage. However, once the electricity arrived at the Substation 
Complex, it needed to be stepped down to a lower voltage before being delivered to customers. It 
was the function of the outdoor transformers to perform this stepping down, and this process worked 
both to reduce the loss of electricity and to make the system operate efficiently. The switch room 
located inside the East Wing was connected to the 4kV power lines located to the exterior by means 
of cables connected to low voltage circuit breakers. This set-up allowed for the Chief Operator and 
the workmen inside the Utility Structure to control, isolate, and repair electrical problems along the 
4kV system almost immediately as they came up.  
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IV. REGULATORY SETTING 
 
Federal and state law provides a framework for determining if (1) a structure is a historical resource 
for purposes of CEQA analysis, and (2) a proposed project, or alternative to that project, would result 
in a significant impact on an historical resource.   
 
A. National Register of Historic Places (National Register) 
 
The National Register is the nation’s official list of historic and cultural resources worthy of 
preservation.  Authorized under the National Historic Preservation Act of 1966, as amended, the 
National Register is part of a national program to coordinate and support public and private efforts to 
identify, evaluate, and protect the country’s historic and archaeological resources.  Properties listed 
in the National Register include districts, sites, buildings, structures, and objects that are significant 
in American history, architecture, archaeology, engineering, and culture.  The National Register is 
administered by the National Park Service (NPS), which is part of the U.S. Department of the 
Interior.  Resources are eligible for the National Register if they: 
 
A) are associated with events that have made a significant contribution to the broad patterns of 

our history;  
B) are associated with the lives of significant persons in our past;  
C) embody the distinctive characteristics of a type, period, or method of construction, or that 

represent the work of a master, or that possess high artistic values, or that represent a 
significant and distinguishable entity whose components may lack individual distinction; or 

D) have yielded or may be likely to yield, information important in history or prehistory.4 
 
Once a resource has been determined to satisfy one of the above-referenced criteria, then it must be 
assessed for “integrity.”  Integrity refers to the ability of a property to convey its significance, and the 
degree to which the property retains the identity, including physical and visual attributes, for which it 
is significant under the four basic criteria listed above.  The National Register recognizes seven 
aspects or qualities of integrity: location, design, setting, materials, workmanship, feeling, and 
association.  To retain its historic integrity, a property normally must possess most of these aspects. 
 
The National Register includes only those properties that retain sufficient integrity to accurately 
convey their physical and visual appearance from their identified period of significance.  Period of 
significance describes the period in time during which a property’s importance is established.  It can 
refer simply to the date of construction, or it can span multiple years, depending on the reason the 
property is important.  The period of significance is established based on the property’s relevant 
historic context and as supported by facts contained in the historic context statement. 
 
Relationship to Preservation Alternative 
 
The Property is not currently listed in the National Register and has not been determined eligible for 
listing on the National Register. As previously discussed, the SHRC has recommended that the 
Keeper determine that the Utility Structure is eligible for listing, but the Keeper has thus far declined 
to make a determination of eligibility and has returned the nomination to the SHPO for substantive 
and technical revisions. However, for purposes of this report, consistent with the RDEIR, it is 
assumed that the Utility Structure qualifies as an historical resource . 
 

                                                            
4 National Register Bulletin #15: How to Apply the National Register Criteria for Evaluation (National Park 

Service, 1990, revised 2002). 



 

6 
  

B. Secretary of the Interior’s Standards for Treatment of Historic Properties 
 
The Secretary of the Interior’s Standards for the Treatment of Historic Properties with Guidelines for 
Preserving, Rehabilitating, Restoring, and Reconstructing Historic Buildings or the Secretary of the 
Interior’s Standards for Rehabilitation and Guidelines for Rehabilitating Historic Buildings (Weeks 
and Grimmer, 1995) (previously defined as the Secretary's Standards), were promulgated pursuant 
to the National Historic Preservation Act, 16 U.S.C. 470 et seq. and provide general guidance on 
treatments for historical resources and their immediate surroundings or setting.  The NPS identifies 
four treatment approaches, which include preservation, rehabilitation, restoration and reconstruction.  
These treatments, in hierarchical order, are described as follows: 
 

Preservation focuses on the maintenance and repair of existing historic materials 
and retention of a property's form as it has evolved over time. 
 
Rehabilitation acknowledges the need to alter or add to a historic property to meet 
continuing or changing uses while retaining the property's historic character. 
 
Restoration depicts a property at a particular period of time in its history, while 
removing evidence of other periods. 
 
Reconstruction re-creates vanished or non-surviving portions of a property for 
interpretive purposes.5 

 
The Secretary’s Standards are not prescriptive or technical, but “are intended to promote 
responsible preservation practices” and “provide philosophical consistency” regarding treatments for 
historical resources (NPS, 2003).  The Secretary’s Standards are intended to be flexible and 
adaptable to specific project conditions to balance continuity and change while retaining historic 
building fabric to the extent feasible.  Their interpretation requires the exercise of professional 
judgment and balance of the various opportunities and constraints of any given project based on 
use, materials retention and treatment, and compatibility of new construction.  Not every standard 
necessarily applies to every aspect of a project, nor is it necessary to comply with every standard to 
achieve conformance. 
 
Relationship to Preservation Alternative  
 
As discussed in greater detail below, CEQA utilizes the Secretary’s Standards as a means of 
determining whether a project, or alternative to a project, would have a significant, or less than 
significant, impact on an historical resource.  In determining whether the Preservation Alternative is 
in conformance with the Secretary’s Standards, the rehabilitation standard has been used, as 
detailed in Section VII.B, below. 
 
C. California Register of Historical Resources (California Register)  
 
The California Register is the State's version of the National Register program.  It was enacted in 
1992, and became official on January 1, 1998. 
 
The California Register was established to serve as an authoritative guide to the State’s significant 
historical and archaeological resources (California Public Resources Code (PRC) §5024.1).  State 
law provides that the California Register shall include historical resources that the SHRC determines 
are significant and meet any of the following four criteria (which parallel National Register criteria): 
 

                                                            
5 http://www.nps.gov/tps/standards/four-treatments.htm (accessed 22 September 2015) 
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1. Is associated with events that have made a significant contribution to the broad 
patterns of California’s history and cultural heritage; 

2. Is associated with the lives of persons important in our past; 
3. Embodies the distinctive characteristics of a type, period, region, or method of 

construction, or represents the work of an important creative individual or 
possesses high artistic values; or 

4. Has yielded, or may be likely to yield, information important in prehistory or 
history. 
 

The California Register also includes properties which have been formally determined eligible for 
listing in, or are listed in, the National Register. 
 
Relationship to Project 
 
The Property is not currently listed in the California Register.  
 
D. California Environmental Quality Act (CEQA, Public Resources Code § 21000 et seq.) 
 
According to CEQA, an historical resource is a resource listed in, or determined eligible for listing in, 
the California Register.   
 
If a proposed project is expected to cause a substantial adverse change in a historical resource, that 
constitutes a significant impact on the historical resource.  “Substantial adverse change in the 
significance of an historical resource means the physical demolition, destruction, relocation, or 
alteration of the resource or its immediate surroundings such that the significance of an historical 
resource would be materially impaired” (PRC §15064.5 (b)(1)).  Section 15064.5 (b)(2) of the PRC 
provides that an historical resource is materially impaired when a project: 
 

(A) demolishes or materially alters in an adverse manner those physical 
characteristics of an historical resource that convey its historical significance and 
that justify its inclusion in, or eligibility for, inclusion in the California Register…; 

(B) demolishes or materially alters in an adverse manner those physical 
characteristics that account for its inclusion in a local register... or its identification 
in an historical resources survey... unless the public agency reviewing the effects 
of the project establishes by a preponderance of evidence that the resource is 
not historically or culturally significant; or 

(C) demolishes or materially alters those physical characteristics of an historical 
resource that convey its historical significance and that justify its inclusion in, or 
eligibility for, inclusion in the California Register... as determined by a lead 
agency for the purposes of CEQA. 

 
CEQA utilizes the Secretary's Standards as a means of evaluating when a proposed project will 
generally be found to have a less-than-significant impact on an historical resource.  Section 
15064.5(b)(3) of the State CEQA Guidelines provides: 
 

Generally, a project that follows the Secretary of the Interior’s Standards for the Treatment 
of Historic Properties with Guidelines for Preserving, Rehabilitating, Restoring, and 
Reconstructing Historic Buildings or the Secretary of the Interior’s Standards for 
Rehabilitation and Guidelines for Rehabilitating Historic Buildings (1995), Weeks and 
Grimmer, shall be considered as mitigated to a level of less than a significant impact on the 
historical resource. 

 
Similarly, Section 15126.4(b)(1) of the State CEQA Guidelines states: 
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Where maintenance, repair, stabilization, rehabilitation, restoration, preservation, 
conservation or reconstruction of the historical resource will be conducted in a 
manner consistent with the Secretary of the Interior’s Standards for the Treatment of 
Historic Properties with Guidelines for Preserving, Rehabilitating, Restoring, and 
Reconstructing Historic Buildings (1995), Weeks and Grimmer, the project’s impact 
on the historical resource shall generally be considered mitigated below a level of 
significance and thus is not significant. 
 

Relationship to Preservation Alternative: 
 
The Preservation Alternative has been evaluated in order to determine if it would result in a 
significant impact on the Utility Structure. As discussed in Section VII.A, below, the Preservation 
Alternative would not materially impair the Utility Structure, and therefore would not cause a 
substantial adverse change in its historic significance. This conclusion is reinforced in Section VII.B, 
below, where it is demonstrated that the Preservation Alternative would not cause a substantial 
adverse change in the historic significance of the Utility Structure because the Preservation 
Alternative conforms to the Secretary’s Standards. 
 
 
V. PROPERTY ASSESSMENT 
 
A. Physical Description 
 
Overview  
 
The Utility Structure is a single-story building with a “T”-shaped footprint. It is one-story in height, and 
it has a flat roof with parapet walls. The walls, roof and floor are poured-in-place reinforced concrete. 
The windows are metal sash, multi-light divided casements. Contemporary photographs of the Utility 
Structure and the Property as they currently exist today are included as Exhibit D.  
 
The Utility Structure is divided into two wings, in terms of both its architectural articulation and its 
historic function—the West Wing (the portion of the structure that runs parallel to Camino 
Capistrano) and the East Wing. Architecturally, the two wings are differentiated from each other in 
terms of both the amount of architectural decoration that they possess and in their physical massing. 
The West Wing measures 87 feet, 4 inches in length and 32 feet, 4 inches deep. The East Wing is a 
rectangular mass that is set perpendicular to the West Wing, intersecting the West Wing at its 
midpoint. It is the shorter of the two wings, measuring only 73 feet, 6 inches long. However, it has 
approximately the same width as the West Wing at 32 feet, 8 inches in width. The West Wing is the 
taller of the two wings, with walls that are 30 feet, 8 inches in height. The East Wing, which is set to 
the rear of the Property and away from the street, is significantly lower. Its walls are 22 feet, 10 
inches in height. 
 
The two wings are differentiated from each other in terms of architectural decoration as well.  The 
West Wing has a restrained use of the Neoclassical Revival style. Elements of Classical Revival 
style architecture include the strict symmetry of the wing’s façade, especially in relation to its 
fenestration pattern, as well as the decorative cornice that runs around its entire perimeter. In 
contrast, the East Wing is relatively stark and unadorned, although it too displays a strong sense of 
symmetry in its fenestration pattern. The only exterior ornamentation on the East Wing is a 
horizontal band at the top of its parapet wall that is of board-formed concrete and some “blind 
panels”, also constructed of concrete, that are located under each of the windows on its north and 
south facades. 
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The interior of the Utility Structure is divided into two primary spaces that correspond to the 
structure’s massing, as they are large, rectangular volumes connected by a pair of interior doors. 
The space of the West Wing is essentially one large, voluminous room, while the space of the East 
Wing is currently subdivided into a series of compartmentalized interior spaces divided by gypsum-
board partition walls. 
 
In its design, the Utility Structure features practices common to industrial buildings of its era; the 
West Wing with its detailed façade and large windows is intended as the public face of the structure, 
while the East Wing is more utilitarian. In comparison to the East Wing is relatively unfenestrated, 
with much smaller windows placed high upon its north and south facades. The East Wing was 
designed as a large box with small exterior openings to allow for the greatest amount of wall surface 
for the placement of switching of equipment. This pattern is typical of electrical utility buildings of the 
era, including the Pacific Gas & Electric Company (PG&E) Powerhouse in Sacramento and the 
Jessie Street Substation in San Francisco, both of which are considered exemplars of this building 
type. 
 
In architectural historian Mark D. Kessler’s book, titled The Early Public Garages of San Francisco: 
An Architectural and Cultural Study, 1906-1929, he dedicates a brief section to the architectural 
development of electrical substations at the turn of the twentieth century. Although Kessler’s work 
focuses on the design of electrical substations in northern California, and particularly substations in 
San Francisco designed for the PG&E, his work is applicable to substation design throughout the 
State during this era. Many architects in California designed electrical substations of similar design 
to those erected by PG&E. 
 
In his book, Kessler explains how the design of substations represented a curious dichotomy, one in 
which there was a distinct tension between the way that the exterior of a structure was represented 
to the public and the manner in which it functioned and was designed on the interior. In regard to 
substation structures at the turn-of-the-century, Kessler writes as follows: “…the substation is related 
to the exposition building, in a manner similar to the link between the garage and the train station.”6 
The Utility Structure conforms to the description provided by Kessler of a typical substation as a 
smaller structure “of reinforced concrete faced in stucco,” and the appearance of being a 
miniaturization of a larger prototype. 
 
As Kessler writes, “the exterior [of substation structures] focused exclusively on the representation of 
the client [the power company that commissioned the building] to the public, the interior determined 
solely by the dictates of efficiency and utility.” Therefore, the challenge for architects of substation 
facilities at the turn of the century was to design a structure that presented a formal and decorative 
appearance to the public that connoted qualities such as reliability and dependability—such as might 
be found on a more publically-oriented building such as a bank building, and which would invite the 
public into its interior—while also working to accommodate the technical functions of a working 
substation in the structure’s interior, a decidedly non-public function. 
 
The Utility Structure, which was part of the original Substation Complex, illustrates the dichotomy 
described by Kessler. The front of the structure, the West Wing that faces onto Camino Capistrano, 
exhibits the care that was taken by its unknown architect to present a dignified and public face to the 
street. As described in the recent National Register nomination, the “detailed primary façade was the 
most prominent and visible aspect of the substation complex, intended to be viewed by the 
community in front of the more prosaic and utilitarian elements of the complex.”7 In contrast, the East 
Wing is utilitarian and represents the purely functional, rather than the semi-public, aspect of the 

                                                            
6 See Mark D. Kessler, The Early Public Garages of San Francisco: An Architectural and Cultural Study, 

1906-1929. Jefferson (North Carolina: McFarland & Company, Inc., 2013), 174.  
7 See Byrnes, Section 8, Page 10. 
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Utility Structure. This dichotomy between the West Wing and the East Wing is illustrated in a 
Significant Spaces Diagram that is attached as Exhibit D. The Substation Complex worked as an 
integrated whole in order to provide electrical service to the public; however, it was the West Wing of 
the Utility Structure that conveyed to the public the image of the electrical company. 
 
Detailed Description of the Exterior Elevations of the Utility Structure 
 
West Wing – West Elevation 
 
The west elevation, or front façade, of the Utility Structure, which is part of the West Wing, faces 
Camino Capistrano. This elevation exhibits five large metal sash, divided-light casement windows 
with transom windows above them. These windows are placed symmetrically upon the elevation. In 
their design, they are windows typical of industrial applications during the early twentieth century; 
they have wire glass panes. Today, the window frames are covered with plywood to the exterior of 
the structure in order to protect the glass panes from breakage and to secure the structure from 
entry and vandalism. However, the windows are still in place behind the plywood. To the interior of 
the West Wing, the casement windows have a wheel and pulley system mechanism that allows all 
five windows to be opened at once. A band molding runs parallel to the exterior window sills. 
Beneath the band molding is a concrete band suggesting a plinth. Above the windows is an 
architrave and a frieze containing the words “SAN DIEGO GAS & ELECTRIC” beneath the 
projecting cornice.  
 
West Wing – North Elevation 
 
This elevation includes a pair of doors, as centered upon it, which provide access to the interior of 
the West Wing. The current doors are replacement doors, but originally, they were frame doors with 
glass panes to the interior. Over each door was a single transom, and over the transoms was 
located a 5/5 divided light transom. To each side of the doors were sidelights that spanned the 
height of both the doors, the single transom, and the divided light transom. These sidelights were 
comprised of two different windows on each side of the door. The bottom portion was a divided light 
window in a 2/6 configuration. The upper window was arranged in a 2/2 configuration. While the 
doors, single-pane transoms, and the lower portion of the sidelights are no longer extant, the upper 
divided-light transom and upper 2/2 sidelights appear to remain in place behind a plywood covering. 
There is also a projecting cornice on this elevation. Originally, exterior light fixtures were placed on 
either side of the entry doors, but these are no longer extant.  
 
West Wing – East Elevation 
 
The eastern elevation of the West Wing was designed to accommodate two windows that match 
those on the west elevation. These two windows flank the East Wing as it intersects with the 
midpoint of the West Wing. Each window is symmetrically placed on the wall in relation to the 
midpoint of the West Wing in its north-south orientation. There is also a projecting cornice on this 
elevation. 
 
West Wing – South Elevation  
 
The south elevation of the West Wing mirrors the north elevation in size and massing. The main 
entry on the south elevation was constructed exactly like that on the northern elevation. It is 
comprised of two paired doors. As originally designed, these paired doors were topped with single- 
pane transoms, a divided-light transom above that, and sidelights. However, like the north elevation, 
the paired doors are replacements, the single-pane transoms and lower portions of the sidelights are 
no longer extant. However, the upper portions of the sidelights and the upper, divided-light transoms 
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are still extant and simply covered with plywood. Like the north elevation, the two light fixtures that 
once flanked the doors are no longer extant. There is also a projecting cornice on this elevation. 
 
West Wing – Interior 
 
The interior of the West Wing is one large, voluminous space. On the east wall, it has an interior 
doorway that serves to connect the space with that of the adjacent East Wing. As illustrated in the 
1917 architectural drawings for the Utility Structure, the doorway was designed to consist of two 
matching metal doors with a transom window above it. The doors and transom remain extant, 
although it appears that a wood barrier has been placed on one side of them (if not two) to prevent 
access. The floor of the West Wing is scored concrete. To the north end of the space, the equipment 
track that exists to the exterior of the north elevation comes into the West Wing a distance of 5-10 
feet. The equipment track is comprised of steel rails embedded into the concrete floor, with which 
they are almost flush. The ceiling is exposed concrete beams. At the plane of the ceiling there is a 
built-in ledge that supports a Maris Bros. hoist of steel.  
 
East Wing 
 
East Wing – North Elevation 
 
The north elevation features seven metal sash windows in a 4/4 configuration. They are similar in 
design to the primary windows on the West Wing (those located on the west and east elevations). 
However, they are much smaller and located high on the wall, and at the same level as the divided-
light upper transom located above the doors on the north elevation of the West Wing. At the very top 
of the walls is a narrow concrete band of board-formed concrete; it is at the same level as the 
architrave on the West Wing. Beneath the sill of each of these seven windows is a recessed 
concrete panel, or “blind panel,” that is intended to suggest that the window opening is much larger 
than it actually is (likely an effort, in effect, to more closely match the dimensions of the windows 
located on the West Wing). Also located on the north elevation, below the fourth and fifth of the 
seven windows (left to right), are two small windows. These two windows originally opened into the 
restroom and to the office space to the East Wing’s interior. Today, like the rest of the windows on 
the north elevation of the East Wing, they are covered in plywood. One of the blind panels, the 
second from the east end of this elevation, has been altered in order to accommodate a new exterior 
door with a ramp, as well as a small gable-roofed porch enclosure over this new entry. The first blind 
panel from the east end of this elevation has also been altered to accommodate the opening for a 
loading dock.  
 
East Wing – East Elevation 
 
The east elevation of the East Wing features a single, centrally placed doorway. It has a single wide, 
solid panel door. Originally, there was a transom window above it in a 3/3 configuration, but it is no 
longer extant. As originally designed, this doorway was flush with the finished floor level of the 
structure’s interior. However, today, this door rests on a small stoop located outside the doorway. 
The stoop is flanked with pipe metal railings that appear to date from the late 1920s or 1930s, as 
they are vaguely Streamline Moderne in their design. At the very top of the wall is a narrow concrete 
band of board-formed concrete.  
 
East Wing –South Elevation 
 
The south elevation of the East Wing essentially mirrors that of the northern wing as originally 
designed, with the exception of the two windows that were integrated into the design of the blind 
panels. There are seven metal sash, divided-light windows in a 4/4 configuration with recessed, blind 
panels of concrete placed below them in order to give the impression of larger window openings, 
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similar to the ones located on the West Wing. At the very top of the wall is a narrow concrete band of 
board-formed concrete. 
 
East Wing – Interior 
 
The interior of the East Wing was originally designed as a large open space with the exception of a 
small office and restroom that were placed in the center of the north wall, as shown on the original 
floor plans for the structure. Subsequently, however, a mezzanine level was added and the space on 
both levels broken up into a series of compartmentalized rooms, divided by gypsum board partition 
walls. These rooms are generally arranged to an open space to the center of the wing. An interior 
stair was also added adjacent to the original restroom in order to access the mezzanine level. These 
alterations remain in place today. 
 
At the western end of the East Wing, the interior space of the East Wing connects with that of the 
West Wing by means of an interior doorway. As illustrated in the 1917 architectural drawings for the 
Utility Structure, the doorway was designed to consist of two matching metal doors with a transom 
window above it. The doors and transom remain extant, although it appears that a wood barrier has 
been placed on one side of them to prevent access. At the eastern end of the East Wing, at the 
location of the single door that leads to the exterior, is an interior stair comprised of three steps, 
which appears to be an addition that was added when the concrete pad, or stoop, to the exterior of 
the door was added.  
 
B. Alterations 
 
What follows is a list of the known alterations that have occurred at both the former Utility Structure 
and the rest of the Substation Complex since the original construction of the Substation Complex in 
1918. They are as follows:  
 
Alterations to the Utility Structure 
 
West Wing 
 
 Replacement of the door and sidelights located on the north and south elevations (the 

transom window located above both of these doors appears to be intact). 
 
 Removal of the frequency changer located inside the West Wing.  
 
 The infill of the “pit" located at the northern end of the interior of the West Wing (as shown on 

the original architectural drawings). 
 
 The alteration, at an unknown point in time (but likely sometime soon after June 8, 1928, 

when the Substation Complex was transferred from Southern California Edison to the San 
Diego Consolidated Gas and Electric Company), of the painted signage on the frieze located 
on the front of the structure. To reflect the change in ownership, it was altered to read “San 
Diego Gas & Electric.” The original signage reflected the original ownership of the structure 
and read as follows: “Southern California Edison Company.”   

 
 Addition of plywood covering on windows located on the west and east elevations, as well as 

over the transoms above the doors on the north and south elevations. 
 
 Removal of the two exterior light fixtures that flanked the exterior doors located on the north 

and south elevations (four light fixtures, total). 
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 Removal of interior light fixtures. 
 
 Removal of rain gutters.8 
 
East Wing 
 
 Addition of interior mezzanine level at an unknown date (but likely within the last two 

decades). 
 
 Addition of interior stairway to access mezzanine level. 
 
 Removal of original electrical switching equipment located to the interior of the East Wing. 
 
 Removal of original fixed ladder system to access the roof (as shown in the original 

architectural drawings). 
 
 Division of large undifferentiated space to the interior of the East Wing into 

compartmentalized rooms, as divided by gypsum-board covered walls and as arranged 
around a central open space. 

 
 Addition of plywood covering over the exterior window openings located on the north and 

south facades. 
 
 Alteration of an original concrete “blind panel” located on the north elevation to become an 

exterior door entry. 
 
 Alteration of an original concrete “blind panel” located on the north elevation to allow the 

construction of a loading dock. 
 
 Addition of a covered entrance porch and ramp at the location of the altered “blind panel” 

located on the north elevation. 
 
 Replacement of a historic exterior door located on the east elevation.  
 
 Removal of the transom window located above the exterior door located on the east 

elevation.  
 
 Addition of a concrete pad with steps adjacent to the exterior door located on the east 

elevation.  
 
 Addition of a pipe metal railing at the location of the exit door located on the east elevation  . 
 
 Removal of interior light fixtures. 
 

                                                            
8 There is no evidence on the original architectural drawings that the Utility Structure was originally 

constructed with rain gutters; however, it is quite possible that there were rain gutters or that they were installed 
shortly after the building’s completion, in which case they likely would still be considered a historic feature.  Jeannette 
McKenna’s report contends that there were originally rain gutters on the building, but no evidence has been located 
to substantiate that assertion. See McKenna, 33. 
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 Removal of rain gutters.9 
  

Alterations to the Property 
 
 Expansion of the Property on September 19, 1940 through acquisition of a parcel located to 

the immediate east of the original substation property. 
 
 Removal of original outdoor substation equipment (which was first removed and replaced in 

the 1940s, then completely removed at a later date).10 
 
 Addition of an outdoor substation on the eastern portion of the Property. 
 
 Removal of the Chief Operator’s cottage and the three workmen’s cottages. 
 
 Installation of contemporary landscaping, including a berm and trees located to the west of 

the Utility Structure in the front-yard setback adjacent to Camino Capistrano (this appears to 
have occurred sometime in the 1970s or 1980s based on undated, but contemporary, 
landscape drawings).  

 
 Addition of wood fencing along the northwest side of the Property (adjacent to Camino 

Capistrano). 
 
 Addition of metal barrier/gate along the west side of the Property (adjacent to Camino 

Capistrano) and south of the Utility Structure. 
 
 Addition of wood fencing along the west side of the property (adjacent to Camino Capistrano) 

and north of the Utility Structure. 
 
C. Character-Defining Features 
 
The NPS defines character-defining features as “the overall shape of the building, its materials, 
craftsmanship, decorative details, interior spaces and features, as well as the various aspects of its 
site and environment.”11 Establishing character-defining features is helpful in determining whether a 
project will result in material impairment that results in the loss of those physical characteristics that 
convey the significance of an historical resource. In Preservation Brief 17: Architectural Character: 
Identifying the Visual Aspects of Historic Buildings as an Aid to Preserving Their Character, the NPS 
recommends a three-step process to identify a building’s visual character and is employed below. 
 
Overall visual aspects: 

 Prominence of the West Wing, orientation to and setback from the street. 
 Open front-yard setback (landscape has been altered from original). 
 T-shaped plan comprised of the West Wing and the East Wing. 

                                                            
9 There is no evidence on the original architectural drawings that the Utility Structure was originally 

constructed with rain gutters; however, it is quite possible that there were rain gutters or that they were installed 
shortly after the building’s completion, in which case they likely would still be considered a historic feature.  Jeannette 
McKenna’s report contends that there were originally rain gutters on the building, but no evidence has been located 
to substantiate that assertion. See McKenna, 33. 

10 The Substation Complex ultimately required full replacement after higher voltage substations were 
constructed to the north in Orange and Los Angeles Counties, and to the south in Oceanside and San Diego County, 
and the electrical grid grew. 

11 See Lee H. Nelson, FAIA, “Preservation Brief 17: Architectural Character Identifying the Visual Aspects of 
Historic Buildings as an Aid to Preserving Their Character,” National Park Service, Technical Preservation Services. 
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 Neoclassical Revival style and decorative detailing on the West Wing. 
 Symmetrical design of all of the elevations (with the exception of the north elevation of the 

East Wing, which has been altered). 
 Regular pattern of divided-light, operable steel windows with wire glass panes on the West 

Wing, including the wheel and pulley system that operated all five windows on west 
elevation with one mechanism, as well as fixed-transom windows located above the 
operable sash. 

 Door fenestration on the north and south elevations of the West Wing (original doors, 
sidelights and transoms have all been altered). 

 Flat roof. 
 
Visual character at close range: 
 

 Smooth plaster finish on the exterior as well as the board-formed concrete finish visible in 
some locations. 

 
Visual character of interior spaces, features and finishes: 
 

 Open quality of the interior of the West Wing; the equipment track (or rails) located to the 
exterior and interior of the north side of the West Wing. 

 Maris Bros. hoist (i.e., crane) on the interior of the West Wing. 
 Interior paired doors with transom above that connects the West and East Wings. 

 
D. Integrity 
 
The Utility Structure has a fairly high degree of integrity, particularly the West Wing. There, the only 
real alterations to the structure include the replacement of the doors on the north and south 
elevations. The only other significant alterations relating to the West Wing are in regard to its setting. 
At an unknown date, most likely in the 1970s or 1980s, based on the style of some undated 
landscape plans for the Utility Structure that are in the drawing collection of SDG&E, earthen berms 
and trees were added to the site that are not in keeping with the structure’s historic appearance as a 
public presence along Camino Capistrano. Instead, these landscaping additions obscure the  West 
Wing from public view and, in addition, introduce potential water infiltration issues into the structure’s 
interior. Other modifications to the structure in the area of the West Wing are relatively insignificant, 
as they are easily reversible. These modifications include the addition of a plywood covering over all 
of the structure’s windows and the installation of security bars over the windows to the structure’s 
interior.  
 
The East Wing has a lesser degree of integrity than the West Wing, although it is still moderately 
high. Alterations to the East Wing include the modification of one of the “blind panels” on the north 
elevation to accommodate an entry door and the construction of a covered entry porch with ramp in 
this location. Another alteration is the modification of the adjacent “blind panel” on the same 
elevation in order to provide a loading dock located to the  East Wing’s exterior. Other alterations to 
the East Wing include the replacement of the single door located on the east elevation, the removal 
of the transom above the door, the addition of a mezzanine level to the interior and the addition of a 
staircase to provide access to the mezzanine level, and the compartmentalization of what was once 
one large volume of space through the addition of gypsum board partition walls throughout the 
space.  
 
The  original Substation Complex has a low degree of integrity overall. Alterations to the Property 
include the removal of the original outdoor substation equipment (and related outdoor components 
such as the water tower, circuit breakers, high and low voltage power lines, racks and large 
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transformers, control cable, meters, a water tower; and cooling tower) and the garage, the Chief 
Operator’s cottage, the two workmen’s cottages constructed in 1918, the additional workman’s 
cottage constructed in the 1930s, as well as the small orchard that existed on the site. 
 
 
VI. PRESERVATION ALTERNATIVE  
 
The Preservation Alternative involves the retention and rehabilitation of the West Wing for continued 
use, the removal of most of the East Wing, and related improvements at the Property.  The East 
Wing includes significantly less architectural articulation and public orientation than the West Wing, 
which faces the street. As previously described, the East Wing is located to the rear of the West 
Wing and was not intended to be seen from the street in the same manner as the West Wing. 
However, given that most of the East Wing would be removed, the Preservation Alternative seeks to 
balance continuity and change through rehabilitation of the retained portion, the street-facing West 
Wing. 
 
In order to incorporate the retained portion of the existing Utility Structure into the design of the 
proposed rebuilt substation, the Preservation Alternative includes modifications to the design, 
specifications, and layout of the substation.  The primary modification to the substation design is a 
reduction in the size of the rebuilt 138/12 kV substation that would be located on the “lower pad” 
portion of the Property.  As previously discussed, the analysis below of the Preservation Alternative 
is based on the Drawing Set for the Preservation Alternative attached as Exhibit A. 
 
Substation design modifications include: 
 

 The existing earthen mounds, vegetation and trees along the western edge of the 
Property (between Camino Capistrano and the existing Utility Structure) would be 
removed and replaced with landscaping that returns the appearance of the existing Utility 
Structure’s setting to one strongly reminiscent of its original appearance. 

 Because the substation grade would be raised approximately 5 feet to accommodate 
vehicles carrying equipment, an approximately 5-foot-tall retaining wall would be 
constructed parallel to the northern and eastern walls of the retained West Wing.  The 
retaining wall would be set back a minimum of 5 feet from the existing West Wing walls 
to provide a personnel access way on these sides of the building. 

 The western perimeter of the Property (along Camino Capistrano) would be improved 
with have a masonry wall approximately 10 feet tall on the inside of the rebuilt substation 
and when viewed from the street would vary from approximately 12 feet to 15 feet in 
height.  This is due to the fact that the substation grade behind the wall would be raised 
by approximately 5 feet.  The lower approximately 5 feet is the retaining wall, which 
would be coupled with an upper masonry wall approximately 10 feet in height to 
collectively serve as a substation security and screen wall.  The northern and southern 
perimeter walls would remain at approximately 10 feet in height, identical to the 
Proposed Project. 

 The security screen wall would abut the existing Utility Structure on the north and south 
sides, terminating approximately 4 inches from the structure (refer to Attachment 42) and 
creating separation between the existing Utility Structure and the western perimeter wall.  

 The southern and western walls of the retained portion of the existing Utility Structure 
would be located outside of the secured substation facility and would be visible from 
Camino Capistrano.  The northern and eastern walls of the existing Utility Structure 
would effectively act as part of the substation security wall. 

 New steel replacement doors would be installed in the southern, eastern and northern 
walls of the existing Utility Structure and would replace the existing doors at these 
locations.  The northern and eastern doors would serve as part of the security wall. 
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 A driveway access to the existing Utility Structure would be constructed from the main 
substation access drive to the structure’s southern door. 

 The southern driveway’s vehicle access gate to the rebuilt substation would be set back 
approximately 80 feet from Camino Capistrano.   

 The northern driveway’s access gate would remain (similar to the Proposed Project) set 
back approximately 35 feet from Camino Capistrano. 

 The northern and southern vehicular access gates would be approximately 30 feet in 
width, each comprised of a pair of black wrought iron sliding gates, each approximately 
15 feet in width. 

 Grading and the phased site development, including cut and fill, would be similar to that 
of Proposed Project substation design. 

 
With respect to the existing Utility Structure itself, the West Wing would be retained and rehabilitated 
in accordance with the Secretary’s Standards.  The East Wing would be removed to provide 
adequate room for redevelopment of the substation.  The northern and eastern walls of the retained 
portion of the existing Utility Structure would serve as part of the security wall of the rebuilt 
substation, and could only be entered from the exterior (which would be inside the substation 
security wall).  Proposed modifications to the existing Utility Structure include the following: 
 

 East Wing Demolition – 12 inches of the East Wing roof and walls would be retained at 
the point where the East Wing intersects the West Wing.  This work is designed to allow 
the remaining portion of the roof and wall visually to read as a “ghost” of the East Wing 
once it is removed. 
 

 West Wing Rehabilitation: 
o Western Wall – The exterior wall adjacent to where earthen mounds would be 

removed would be repaired and waterproofed.  The concrete wall iron jacking 
would be repaired at locations where steel rebar is exposed at western interior 
wall.  Window rehabilitation would include removal of existing glazing, repairing 
existing sash and frames, and reglazing with like-kind translucent wire glass.  
Security bars or polycarbonate security glass as storm windows would be 
installed on all windows on the interior. 

o Northern Wall – Deteriorated, non-original doors, sidelights, and transom 
windows would be replaced to match the original.  Doors, sidelights and 
transoms would be constructed of steel rather than wood for increased security.  
Due to lack of visibility from the street, glazing is not proposed, but rather this 
door assembly would be constructed exclusively of steel following the original 
pattern. The northern wall and replacement door would serve as part of the 
security wall of the rebuilt substation and would only be accessed from inside the 
substation (i.e., inside the security walls). 

o Eastern Wall – The interior door located at the juncture of the East Wing with the 
West Wing would be replaced with a new exterior door to match the original, but 
designed for exposure to the elements.  Due to the lack of visibility from the 
street, glazing would not be included in either the new exterior door or existing 
windows, but rather these assemblies would be constructed exclusively of steel 
following the original pattern.  The eastern wall, windows and replacement door 
would serve as part of the security wall of the rebuilt substation and would only 
be accessed from inside the substation (i.e., inside the security walls). 

o Southern Wall – Deteriorated, non-original doors, sidelights, and transom 
windows would be replaced to match the original.  Doors, sidelights and 
transoms would be constructed of steel rather than wood for increased security.  
Due to the visibility from the street, it is proposed to include translucent wire 
glass at the transom only, but otherwise the new door assembly would be 



 

18 
  

constructed of steel following the original pattern.  Where glazing occurs at the 
transom, security bars would be installed on the interior. 

o Interior Window Sills – Damage to concrete would be repaired at windows sills 
where water infiltration has occurred. 

o Interior Crane – The moveable crane would be retained. 
o Lighting – Development and implementation of a lighting plan to include exterior 

wall sconces on the north and south walls, which would operate manually. 
 
 
VII. REVIEW OF PRESERVATION ALTERNATIVE  
 
The Preservation Alternative was reviewed in detail in order to determine its potential for causing a 
substantial adverse change to the Utility Structure. To make this determination, pursuant to the State 
CEQA Guidelines, the Preservation Alternative was assessed for its potential to materially impair the 
Utility Structure and,  as part of that inquiry, whether it conforms with the Secretary’s Standards. 
 
As detailed in the analysis below, the Preservation Alternative would not result in a substantial 
adverse change to the Utility Structure, and therefore would have a less-than-significant impact on 
the assumed historical resource, because the Preservation Alternative has been designed, and 
would be implemented, in conformance with the Secretary’s Standards and otherwise would not 
materially impair the Utility Structure.  
 
A. Material Impairment/Substantial Adverse Change 
 
The following discussion assesses whether or not the Preservation Alternative would result in 
material impairment of the Utility Structure through alteration of those physical characteristics that 
convey its historical significance and justify its assumed eligibility for listing on the National Register 
under Criterion A.  These physical characteristics are the character-defining features identified in 
Section VI.C, above. 
 
Overall visual aspects: 

 Prominence of the West Wing, orientation to and setback from the street 
Under the Preservation Alternative, the West Wing and its relationship to the street would be 
unchanged. 
 

 Open front-yard setback (landscape has been altered from original) 
The open front-yard setback would be retained and enhanced by the restoration of the 
original grade to be consistent with the historic appearance. This area would be further 
improved with landscape planting that is strongly reminiscent of the original appearance. 
 

 T-shaped plan comprised of a West Wing and East Wing 
Most of the East Wing would be removed, but a small portion would be retained to reference 
the original T-shaped plan.  As previously discussed, the East Wing has a substantially more 
utilitarian design than the West Wing. The East Wing was designed as a more utilitarian 
container, or box, the primary purpose of which was only to house equipment supportive of 
the operations of the Substation Complex.  In comparison to the West Wing, which fronts on 
Camino Capistrano and has therefore always been visible to the public, the East Wing is 
located further from the street and largely unnoticed because the view of it is largely blocked 
by the West Wing. Moreover, while the East Wing has a moderately high degree of integrity, 
it is somewhat compromised by alterations to the exterior and interior and therefore has 
substantially less integrity than the West Wing. The retained portion of the Utility Structure, 
the West Wing, would continue to serve both primary use as the public face of the electric 
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company as well as the secondary use of providing space for support of substation 
operations.  
 

 Neoclassical Revival style and decorative detailing on the West Wing 
The West Wing and its Neoclassical Revival style and decorative detailing would be retained 
and rehabilitated. 
 

 Symmetrical design of all of the elevations (with the exception of the north elevation of the 
East Wing, which has been altered). 
The West Wing would retain its symmetry when viewed from the street. 
 

 Regular pattern of divided-light, operable steel windows with wire glass panes on the West 
Wing, including the wheel and pulley system that operated all five windows on west 
elevation with one mechanism, as well as fixed-transom windows located above the 
operable sash 
The West Wing would retain its fenestration. Windows facing the street will be restored 
including the wheel and pulley system.  
 

 Door fenestration on the north and south elevations of the West Wing (original doors, 
sidelights and transoms have all be altered) 
New doors, sidelights and transoms on the north and south elevations would match the 
historic pattern, but would be constructed of steel rather than wood for increased security. 
 

 Flat roof 
The flat roof on the retained West Wing would be unaltered. 
 

Visual character at close range: 
 

 Smooth plaster finish on the exterior as well as the board-formed concrete finish visible in 
some locations 
Exterior wall finishes would be restored on the retained West Wing. 

 
Visual character of interior spaces, features and finishes: 
 

 Open quality of the interior of the West Wing; the equipment track (or rails) located to the 
exterior and interior of the north side of the West Wing 
The open interior of the West Wing would be retained in support of the electrical substation. 
5’ of the exterior equipment track to the north of the West Wing, as well as the entirety of the 
equipment track to the interior of the structure, would be retained.  
 

 The Maris Bros. hoist (i.e., crane) on the interior of the West Wing 
The hoist would be retained. 
 

 Interior paired doors with transom above that connects the West and East Wings 
The interior door at the location of the removed East Wing would be replaced with a new 
exterior door to match the original, but designed for exposure to the elements. It would be 
constructed of steel rather than wood for increased security following the original pattern. 

 
For these reasons, the Preservation Alternative would not materially impair the ability of the Utility 
Structure to convey its historical significance and, therefore, the development of the Preservation 
Alternative would not cause a substantial adverse change in the historic significance of the Utility 
Structure. 
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B. Conformance with the Secretary’s Standards 
 

As previously discussed, another way to demonstrate that a project would not materially impair an 
historical resource is to show that the project conforms with the Secretary's Standards. Pursuant to 
Sections 15064.5(b)(3) and 15126.4(b)(1) of the State CEQA Guidelines, a project that follows the 
Secretary’s Standards generally has a less-than–significant impact on an historical resource.  
 
The appropriate, overarching treatment in judging the Preservation Alternative's impact on the Utility 
Structure is rehabilitation, which is defined as “the act or process of making possible a compatible 
use for a property through repair, alterations, and additions while preserving those portions or 
features which convey its historical, cultural, or architectural values.”12  The Preservation Alternative 
conforms with each of the applicable rehabilitation standards in the Secretary's Standards for the 
following reasons: 
 

1. A property will be used as it was historically or be given a new use that requires minimal 
change to its distinctive materials, features, spaces, and spatial relationships. 
 
In conformance with Standard 1, the Property would continue to be used for its historic 
purpose in support of an electrical substation. While Standard 1 does allow for some 
flexibility in use if the historic use cannot be maintained, it also stresses that new uses 
should always be compatible with the historic use. This is because introducing a new use 
into a structure—even a new use identified as compatible—has the potential to change, 
obscure, or destroy character-defining spaces, materials, features, or finishes to a greater 
extent than maintaining the use for which a structure was originally designed.  Therefore, in 
preservation practice, keeping the historic use is almost always preferable to introducing a 
new use. The continued use and operation of the retained portion of the Utility Structure as a 
functioning element of the rebuilt electrical substation for which it was designed is not only 
consistent with its historic use, but also with what is generally considered best preservation 
practice. 
 
If the Keeper concurs with the recommendation of the SHRC that the Utility Structure is 
eligible for listing on the National Register, it will be found eligible for significance under 
Criterion A for its association with electrical power distribution in Southern California. As 
described in the nomination for the Property to the National Register, the original Substation 
Complex “was the original location where electrical power distribution networks in Los 
Angeles and San Diego were connected, providing long-range distributed electrical power to 
this portion of Orange County for the first time,” and the Utility Structure “ is directly 
associated with the Southern California Edison Company’s expansion and growth in the 
wake of regional efforts to expand hydroelectric power capacity in the Los Angeles area, and 
its presence facilitated the suburban growth of San Juan Capistrano through reliable 
transmission of electrical power.”13 Just as the construction of the original Substation 
Complex was prompted by population growth and technological innovations during the 
1910s, the Preservation Alternative responds to the need for expanded capacity of electrical 
power due to growth and technological advances of the present era. Providing expanded 
capacity at this location is entirely consistent with the Property’s historical association with 
regional efforts to expand power capacity between Los Angeles and San Diego.  
 

                                                            
12 See Kay D. Weeks, “The Secretary of the Interior’s Standards for the Treatment of Historic Properties with 

Guidelines for Preserving, Rehabilitating, Restoring & Reconstructing Historic Buildings” (National Park Service, 
1995). 

13 See Byrnes, Section 9, Page 13. 
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The Preservation Alternative is consistent with the Property’s historical use as a substation, 
and the Utility Structure, which was designed to be the public face of the power company for 
which it was constructed, would continue to serve in exactly this same role. Moreover, its 
visibility as the public face for the electrical company to which it belongs would be 
strengthened by restoring the immediate setting around the Utility Structure to one 
resembling its historic appearance and improve the building’s visibility on Camino 
Capistrano. This visibility would be enhanced with the removal of a non-original earthen 
berm and trees located to the front of the Property, which currently serve to obscure the 
structure from full public view. The increased visibility of the structure with the removal of the 
non-historic elements, in addition to the improvements to the landscape in the immediate 
vicinity of the Utility Structure to one reminiscent of the historic appearance, results in strong 
conformance with this rehabilitation standard with respect to the West Wing.   
 
The loss of most of the East Wing would result in the removal of limited historic materials and 
features, but the overall Preservation Alternative conforms with Standard 1. The East Wing 
was not generally visible from the street, nor was it originally intended to be so. This is 
evident in the design of the East Wing, which has a low-slung massing in comparison to the 
taller West Wing. It is also evidenced by the fact that the East Wing exhibits very little 
architectural articulation as far as decorative detailing, and it is relatively unfenestrated. 
While the West Wing was designed to serve as the public face for the electrical company for 
which it was built, the East Wing was designed as a more utilitarian container, or box, the 
primary purpose of which was only to house equipment supportive of the operations of the 
Substation Complex. Moreover, while the East Wing has a moderately high degree of 
integrity, it is somewhat compromised by alterations to the exterior and interior and therefore 
has substantially less integrity than the West Wing. The interior of the retained portion of the 
Utility Structure, the West Wing, would continue to serve both primary use as the public face 
of the electric company, as well as the secondary use of providing space for support of 
substation operations.  The rehabilitation of the retained West Wing also would balance the 
limited loss of historic materials and features associated with the East Wing and achieve 
overall conformance with Standard 1.  
 

2. The historic character of a property will be retained and preserved.  The removal of 
distinctive materials or alteration of features, spaces, and spatial relationships that and 
therefore has characterize a property will be avoided. 
 
In conformance with Standard 2, the utilitarian character of the Property, as derived from its 
function as an electrical facility, would be maintained in the Preservation Alternative. Outdoor 
equipment would occupy the majority of the Property in much the same manner as it did 
historically. Changes in the specific equipment does not constitute an impact because it is 
only the Utility Structure itself that was found to be historically significant, not the original 
equipment housed inside it. The continued presence of electrical operations proximate to the 
Utility Structure would support its historic function and maintain its context. 
 
While most of the East Wing would be removed, the retention and rehabilitation of the West 
Wing would preserve the essential features, spaces and spatial relationships of the Utility 
Structure that characterize its function as the public face of the Property. The west and south 
elevations of the Utility Structure would remain open to public view. Windows and doors in all 
elevations of the retained West Wing would be rehabilitated or reconstructed with new 
materials consistent with the historic pattern, but with greater attention to security to meet 
contemporary needs. Regrading and new landscape improvements in the front yard setback 
would return the setting along the street to an earlier appearance. See discussion of 
Standard 5 regarding retention of character-defining features. 
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3. Each property will be recognized as a physical record of its time, place, and use.  Changes 
that create a false sense of historical development, such as adding conjectural features or 
elements from other historic properties, will not be undertaken. 
 
In conformance with Standard 3, the Preservation Alternative would not create a false sense 
of historical development and would not add conjectural features from other historic 
properties. 
 

4. Changes to a property that have acquired historic significance in their own right will be 
retained and preserved. 
 
The only feature of the Property that has historic significance is the Utility Structure. There 
are no other features of the Property that are extant or that have acquired significance in 
their own right. In conformance with Standard 4, as discussed under Standard 1, key 
features of the Utility Structure and its setting would be retained and rehabilitated.  
 

5. Distinctive materials, features, finishes, and construction techniques or examples of 
craftsmanship that characterize a property will be preserved. 
 
In conformance with Standard 5, the Preservation Alternative preserves the majority of the 
distinctive materials, features, finishes and construction techniques that characterize the 
Utility Structure and are considered character-defining features. Identification of such 
features includes three broad categories: the overall visual aspects; visual character of 
interior spaces, features and finishes; and, visual character at close range. Section VII.A, 
above, provides a detailed assessment of the Preservation Alternative’s potential impact on 
each of the character-defining features and demonstrates conformance with Standard 5. 
 

6. Deteriorated historic features will be repaired rather than replaced.  Where the severity of 
deterioration requires replacement of a distinctive feature, the new feature will match the old 
in design, color, texture, and, where possible, materials.  Replacement of missing features 
will be substantiated by documentary and physical evidence. 
 
In conformance with Standard 6, the Preservation Alternative includes the repair of the 
reinforced concrete exterior walls and windows of the retained portion of the Utility Structure. 
Since existing non-historic doors have deteriorated and historic doors are well documented, 
replacements would closely match the character of the original doors (see discussion of 
Standard 2). Window glazing has generally deteriorated beyond repair and would be 
replaced in kind or with additional steel required to ensure security of the Utility Structure. 
 

7. Chemical or physical treatments, if appropriate, will be undertaken using the gentlest means 
possible.  Treatments that cause damage to historic materials will not be used. 
 
In conformance with Standard 7, treatments would use the gentlest means possible. 
Mitigation for design review and construction monitoring would include review of proposed 
treatments and implementation by a historic preservation architect meeting the Secretary of 
the Interior’s Professional Qualifications Standards. 
 

8. Archeological resources will be protected and preserved in place.  If such resources must be 
disturbed, mitigation measures will be undertaken. 
 
Standard 8 does not apply to the Preservation Alternative. 
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9. New additions, exterior alterations, or related new construction will not destroy historic 
materials, features, and spatial relationships that characterize the property.  The new work 
will be differentiated from the old and will be compatible with the historic materials, features, 
size, scale and proportion, and massing to protect the integrity of the property and its 
environment. 

 
The immediate setting of the Utility Structure along the street, once the non-historic berms 
and trees are removed, would create a relatively flat and uniform area that approximates the 
level of the original grade as shown in historic photographs of the Property (i.e., nearly level 
with the sidewalk along Camino Capistrano that fronts the Utility Structure). The proposed 
new retaining walls that would be located proximate to the northern and eastern walls of the 
Utility Structure would be physically separated from the retained portion of the Utility 
Structure and not visible from the street. The north and east walls of the West Wing would 
serve as part of the security wall of the substation, thereby reducing the amount of new 
construction required in proximity to the retained portion of the Utility Structure. The 
proposed new security walls would complete the enclosure of the Property, but would be 
physically separated from the retained portion of the Utility Structure. 
 
The SOCRE Project also includes the construction and installation of outdoor switchgear, 
capacitors, transformers and two indoor gas insulated substations on the Property, but 
outside the immediate vicinity of the retained portion of the Utility Structure. These elements 
would not only be physically separated from the retained portion of the Utility Structure, but 
they are also compatible with the utilitarian features of an improved electrical facility. The two 
indoor gas insulated substations have been sensitively placed in a manner that maintains a 
substantial distance between them and the retained portion of the Utility Structure. Moreover, 
they would be located uphill from the Utility Structure, outside its immediate setting, so that 
they do not visually compete. The outdoor equipment replaces similar equipment that has 
existed over time at the Property. The indoor gas insulated substations, located at some 
distance from the retained portion of the Utility Structure, introduces a new element to the 
Property that is complementary to the historic use, allows for the continued viability of the 
substation, and would not detract from the Utility Structure’s historic character. 
 

10. New additions and adjacent or related new construction will be undertaken in such a manner 
that, if removed in the future, the essential form and integrity of the historic property and its 
environment would be unimpaired. 
 
In conformance with Standard 10, the Preservation Alternative would improve the Property in 
a manner consistent with its historic use as an electrical substation. No additions is proposed 
to the retained portion of the Utility Structure, and the proposed new retaining and security 
walls would be physically separated from it to allow for future removal without impact to the 
Utility Structure. The development of the two indoor gas insulated substations would not 
impact the immediate setting of the Utility Structure because these facilities would be located 
some distance from the Utility Structure. 

 
C. Proposed Measures 
 
The Drawing Set for the Preservation Alternative evaluated in this report has been found by a 
qualified professional historic architect to be in conformance with the Secretary’s Standards and 
otherwise not to materially impair the historical significance of the Utility Structure. Therefore, the 
Preservation Alternative would not result in a substantial adverse change in the Utility Structure’s 
historical significance and, accordingly, would have a less-than-significant impact on the Utility 
Structure under CEQA.   
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In order to ensure conformance with the Secretary's Standards through final design and 
construction, a measure for ongoing design review and construction monitoring by a qualified 
professional historic architect is recommended, as set forth below. In addition, a measure is 
recommended for Historic American Building Survey (HABS) documentation with respect to the 
removal of the East Wing, as set forth below. It is industry practice when a portion of a potential 
historical resource is removed to prepare HABS documentation to provide a high-quality record of 
the Property before alteration. There are many historic photographs that document the original 
construction of the Utility Structure, and HABS photographs would supplement them. These 
recommended measures would further reduce the Capistrano Preservation Alternative’s already 
less-than-significant impact on the Utility Structure (assuming that it is subsequently determined to 
be an historical resource under CEQA) and, if agreeable to SDG&E, would be considered Applicant 
Proposed Measures. 
 
Recommended Measure for Continued Design Collaboration and Construction Monitoring 
SDG&E shall retain a qualified professional historic architect meeting the Secretary of the Interior’s 
Professional Qualifications Standards (36 Code of Federal Regulations Part 61) to review and 
comment on design and construction drawings and monitor construction to ensure conformance with 
the Secretary’s Standards.  The role of the historic architect will include collaboration on a range of 
items relating to materials selection, construction methods, design of exterior and interior alterations, 
and monitoring of construction activities. The historic architect will participate in a pre-construction 
meeting with the general contractor and subcontractors and periodically monitor construction to 
completion of construction. The historic architect shall notify SDG&E and the CPUC if any 
unforeseen circumstance arises during construction that could potentially result in nonconformance 
with the Secretary’s Standards.  The historic architect, SDG&E and CPUC shall resolve any 
unforeseen circumstance in a manner that conforms with the Secretary’s Standards. 
 
Recommended Measure for Historic American Building Survey (HABS) Documentation 
SDG&E shall retain a qualified professional photographer to prepare HABS documentation. This 
documentation shall record the existing appearance of the Utility Structure in large and medium 
format HABS photographs. All documentation components shall be completed in accordance with 
the Guidelines for Architectural and Engineering Documentation (HABS standards). The 
photographs shall consist primarily of large format, 4-inch by 5-inch, black and white negatives (one 
set), contact prints (one set) and 8-inch by 10-inch prints (two sets), archivally processed and printed 
on fiber-based paper. The set of original negatives shall be made at the time the photographs are 
taken. The original, archivally-sound negatives and prints shall be and distributed as follows: (1) the 
Library of Congress in Washington, DC through the National Park Service (one set of negatives and 
contact prints); and (2) Huntington Library in San Marino, California (one set of 8-inch by 10-inch 
prints). The draft documentation shall be assembled and submitted to the SDG&E for review and 
approval prior to submittal to the repositories. The HABS documentation shall be completed prior to 
the start of the removal of the East Wing.  
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IX. QUALIFICATIONS 
 
This report was prepared by Chattel, Inc., a 20 plus year old historic preservation-consulting firm. 
Comprised of professionals meeting the Secretary of the Interior’s Professional Qualifications 
Standards (36 CFR Part 61, Appendix A) in history, architectural history and historic architecture, the 
firm offers a variety of professional services, including historical resources evaluation and project 
effects analysis, and consultation on federal, state and local historic preservation statutes and 
regulations. 
 
Chattel staff members engage in a collaborative process and work together as a team on individual 
projects. For preparation of this report, firm president Robert Chattel, AIA, and principal associate, 
Gabrielle Harlan, assumed lead roles, while consulting principal planner, Susan O’Carroll, provided 
support services. Robert Chattel, as historic architect, provided design consultation services to 
SDG&E’s engineering team on how to design the Preservation Alternative to ensure conformance 
with the Secretary’s Standards and drafted the conformance section of this report. Gabrielle Harlan, 
as architectural historian, was responsible for conducting the initial onsite assessment of the Utility 
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Figure 1:  Capistrano Substation, view northwest, date unknown (Photo 
source: San Diego Gas & Electric Company) 
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Figure 2:  Subject property prior to construction of the substation, 1917 
(Photo credit: Huntington Library, San Marino, CA) 

Figure 3:  Construction materials on the subject property prior to 
completion of the substation, 1918 
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 4:  Photograph of the construction of the Utility Structure, north 
elevation of the East Wing (left) and West Wing (right), view south, 1918 
(Photo credit: Huntington Library, San Marino, CA) 

Figure 5:  Photograph of the construction of the Utility Structure, south 
elevation of the West Wing (left) and East Wing (right), view north, 1918 
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 6:  Photograph of the construction of the Utility Structure, south 
elevation of the West Wing (left) and East Wing (right), view northwest, 
1918 (Photo credit: Huntington Library, San Marino, CA) 

Figure 7:  Scaffolding and formwork to the interior of the West Wing for the 
construction  of the exterior walls, view north, 1918 (Photo credit: 
Huntington Library, San Marino, CA) 
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Figure 9:  Photograph showing the interior of the West Wing with the 5,000 
kw frequency changer installed, view north, ca. 1918  
(Photo credit: Huntington Library, San Marino, CA) 

Figure 8:  Excavation of the interior to accommodate the concrete pad for 
the 5,000 kw frequency changer placed to the interior of the West Wing, 
view south, ca. 1918 (Photo credit: Huntington Library, San Marino, CA) 
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Figure 11:  Excavation of the interior of the East Wing before being 
finished with scored concrete flooring surface, view east, 1918  
(Photo collection: Huntington Library, San Marino, CA) 

Figure 10:  Photograph of the 5,000 kw frequency changer located to the 
interior of the West Wing, view southwest, ca. 1918  
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 12:  Construction  of the permanent scaffolding system from which 
to suspend the electrical panels, interior of the East Wing, view west, 1918 
(Photo credit: Huntington Library, San Marino, CA) 

Figure 13:  Photograph of the electrical panel installation located to the 
interior of the East Wing, exact direction of view unknown, ca. 1918  
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 14:  Photograph of the Utility Structure temporary tent camp 
erected at the site during construction of the utility structure, view west, 
1918  

Figure 15:  Photograph of the site with the temporary tent camp erected 
during construction of the Utility Structure shown to far right, view 
southwest, ca. 1918 (Photo credit: Huntington Library, San Marino, CA) 
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Figure 16:  Photograph of the completed substation Utility Structure and 
the open rack system located to the north, view southeast, 1918  
(Photo credit: Huntington Library, San Marino, CA) 
 

Figure 17:  Photograph showing the temporary tent city erected during 
construction with the east and south elevations of the completed Utility 
Structure in the background, 1918  
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 18:  The interior of the completed East Wing, view west, ca. 1918 
(Photo credit: Huntington Library, San Marino, CA) 

Figure 19:  Construction  of the interior view east, 1918 
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 20:  Capistrano Substation Utility Structure, 1918 
(Photo credit: Huntington Library, San Marino, CA) 

Figure 21:  The open racks located to the north of the Utility Structure, 
view northeast, 1918 
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 22:  The two workmen’s cottages erected on the subject property, 
1918 (Photo credit: Huntington Library, San Marino, CA) 

Figure 23:  North and west elevations of the West Wing, with a small 
portion of the East Wing visible to the rear, view southeast, 1921 
(Photo credit: Huntington Library, San Marino, CA) 
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Figure 24:  West and south elevations of the West Wing of the Utility 
Structure, with a small portion of the East Wing visible, view northeast,  
1921 (Photo credit: Huntington Library, San Marino, CA) 

Figure 25:  Interior of the East Wing, view east, 1923 (Photo credit: 
Huntington Library, San Marino, CA) 
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Figure 26:  Interior of the West Wing, view north, 1923 (Photo credit: 
Huntington Library, San Marino, CA) 

Figure 27:  The outdoor rack located to the north of the Utility Structure, 
view northwest, 1923 (Photo credit: Huntington Library, San Marino, CA) 
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Figure 28:  The Utility Structure and the outdoor rack located to the north 
of it, view southwest, 1923 (Photo credit: Huntington Library, San Marino, 
CA) 

Figure 29:  The Utility Structure with the outdoor rack located to the north of it, 
view northwest, 1923 (Photo credit: Huntington Library, San Marino, CA) 
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Figure 1: Floor plan of the Capistrano Substation Utility Structure 
(circa 1933) 

Assumed  
North 
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Figure 2:  1917 Assessor’s map showing the subject property with the 
Utility Structure in red  
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Figure 3:  1918 Assessor’s map showing the subject property with the 
Utility Structure in red  
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Figure 4: 1924 Assessor’s map showing the subject property with the 
Utility Structure in red  
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Figure 5: 1933 Assessor’s map showing the subject property with the 
Utility Structure in red  
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Figure 6: 1940 Assessor’s map of the subject property with the 
approximate location of the Utility Structure shown in red. Also note  the 
separate parcel located to the east of the site, to which the large black 
arrow is pointing, as that parcel would soon become part of the site. 
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Figure 7: 1967 Assessor’s map of the subject property showing the 
approximate location of the Utility Structure in red  
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Figure 8: 2004 Assessor’s map  of the subject property showing the 
location of the Utility Structure in red  
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Photo 1:  Aerial photo of the Capistrano Substation Complex (as outlined)  
with the Utility Structure located to the west of the site (Google Earth Map, 
2015) 

Assumed  
North 

Photo 2:  Utility Structure, west elevation of the West Wing, view 
southeast (Chattel 2015) 



EXHIBIT D: CONTEMPORARY PHOTOGRAPHS  
CAPISTRANO SUBSTATION UTILITY STRUCTURE 
31050 CAMINO CAPISTRANO, SAN JUAN CAPISTRANO, CA 

CHATTEL, INC. | HISTORIC PRESERVATION CONSULTANTS  

Photo 4:  Driveway entrance from Camino Capistrano to the site as 
located to the north of the Utility Structure, view east (Chattel 2015) 

Photo 3:  Utility Structure, detail of the landscaping adjacent to both the 
west elevation of the West Wing (left) and to Camino Capistrano (right) 
with contemporary, non-original berm and trees, view south (Chattel 2015) 
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Photo 6:  Utility Structure, north elevation of the West Wing (right) with 
partial north elevation of East Wing beyond (left), view south (Chattel 
2015) 

Photo 5:  Utility Structure, north elevation of the West Wing (right) and 
north elevation of the east wing beyond (left), view south east (Chattel 
2015) 



EXHIBIT D: CONTEMPORARY PHOTOGRAPHS  
CAPISTRANO SUBSTATION UTILITY STRUCTURE 
31050 CAMINO CAPISTRANO, SAN JUAN CAPISTRANO, CA 

CHATTEL, INC. | HISTORIC PRESERVATION CONSULTANTS  

Photo 8:  Utility Structure, the north elevation of the East Wing, view south 
(Chattel 2015) 

Photo 7:  Utility Structure, detail of the rail lines located in front of the 
entrance doors on the north elevation of the West Wing, view east (Chattel 
2015) 
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Photo 10:  Utility Structure, detail of windows and “blind panels” on the 
north elevation of the East Wing, view southwest (Chattel 2015) 

Photo 9:  Utility Structure, the alteration of the “blind panel” to 
accommodate an entry on the north elevation of the East Wing, view 
southwest (Chattel 2015) 
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Photo 12:  Utility Structure, south elevation with West Wing (left) and East 
Wing (right) (Chattel 2015) 

Photo 11:  Utility Structure, the East Wing of the building (left) with the 
West Wing beyond, view southwest (Chattel 2015) 
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Photo 13:  Utility Structure, south elevation of the West Wing (left) and 
East Wing (right) (Chattel 2015) 

Photo 14:  Utility Structure and view east of the subject property at 
driveway located to the south of the structure (Chattel 2015) 
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Photo 16:  Utility Structure  and view west towards Camino Capistrano 
from the southeastern edge of the  subject property (Chattel 2015) 

Photo 15:  Detail of the foundation of the demolished garage that lies east 
of the Utility Structure (Chattel 2015) 
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Photo 18:  View southwest towards Utility Structure from the location 
where the four residential cottages once stood on the northeastern portion 
of the subject property (Chattel 2015) 

Photo 17:  View north towards the location where the four residential 
cottages once stood on the northeast portion of the subject property 
(Chattel 2015) 



EXHIBIT D: CONTEMPORARY PHOTOGRAPHS  
CAPISTRANO SUBSTATION UTILITY STRUCTURE 
31050 CAMINO CAPISTRANO, SAN JUAN CAPISTRANO, CA 

CHATTEL, INC. | HISTORIC PRESERVATION CONSULTANTS  

Photo 20:  Utility Structure, interior of West Wing, view south. Note the 
Maris Bros. hoist (i.e. crane) located at the plane of the ceiling. (Chattel 
2015) 

Photo 19:  Utility Structure, interior of West Wing, view north (Chattel 
2015) 
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Photo 21:  Utility Structure, interior of West Wing, detail of connecting 
doors to East Wing, view east (Chattel 2015) 

Photo 22:  Utility Structure, interior of West Wing, detail of window, view 
east (Chattel 2015) 
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Photo 23:  Utility Structure, interior of West Wing, detail of doors and 
transom at south end of wing, view south (Chattel 2015) 

Photo 24:  Utility Structure, interior of West Wing, detail of windows on 
west wall, view west Chattel 2015) 
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Photo 25:  Utility Structure, ground floor level interior photo of the East 
Wing, view east (Chattel 2015) 

Photo 26:  Utility Structure, mezzanine level interior photo of the East 
Wing, view southwest (Chattel 2015) 
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Photo 27:  Utility Structure, ground floor level photo of the East Wing, view 
west (Chattel 2015) 

Photo 28:  Utility Structure, ground floor level photo of the East Wing, view 
north (Chattel 2015) 
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Figure 1:  Significant Space Diagram of the Capistrano Substation Utility Structure shows that 
portion of the building that is of primary significance as well as the portion of the building that is 
of secondary significance 
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INTRODUCTION 

San Diego Gas & Electric Company (SDG&E) filed a Proponent’s Environmental Assessment 
(PEA) as part of its application for a Certificate of Public Convenience and Necessity (CPCN) 
for the South Orange County Reliability Enhancement Project (Proposed Project) to the 
California Public Utilities Commission (CPUC) on May 18, 2012.  Following publication of the 
Recirculated Draft Environmental Impact Report (RDEIR), SDG&E transmission engineering 
staff evaluated the possibility of refining the transmission and power line design for Segment 4 
of the Proposed Project to minimize the need for new rights-of-way (ROW).  Segment 4 crosses 
an area that the United States Fish and Wildlife Service (USFWS) and the CPUC’s Energy 
Division have said will be subject to a proposed, unrecorded conservation easement relating to 
the existing Talega development (Talega Conservation Easement).   

SDG&E has prepared a preliminary design that would remove several structures and electrical 
transmission and power lines from one large area of Segment 4 not owned by SDG&E or subject 
to an SDG&E easement, and instead would place all of them within existing SDG&E ROW, 
easements, and fee-owned property.  See Figure 1, Segment 4 Design Revision Overview1, 
which depicts the new structure and electric line locations and existing SDG&E ROWs, 
easements, and fee-owned property.  By relocating proposed structures to be within existing 
SDG&E ROW, the amount of new ROW potentially required in Segment 4 of the Proposed 
Project would be significantly reduced, especially within the potential boundaries of the Talega 
Conservation Easement.2  

Based upon the preliminary design, SDG&E anticipates only potentially needing new ROW 
within the potential boundaries of the Talega Conservation Easement within three small areas 
(“wedges”) that occur between two existing SDG&E easements and immediately adjacent to fee-
owned property (See Figure 2, Segment 4 ROW Map).  While the design remains preliminary, 
and the final boundaries of property that will be subject to the Talega Conservation Easement are 
uncertain, SDG&E estimates that the area of required new ROW in Segment 4 would be reduced 
from 10.56 acres to approximately 2.22 acres, of which some portion could be subject to the 
Talega Conservation Easement. 

                                                            
1  SDG&E has further engineering (civil and transmission) to perform to achieve a design level similar to the 
Proposed Project included in the Draft EIR.  Placing all structures in the existing ROW presents more challenges 
from an outage coordination and construction standpoint.  Costs also are likely to increase due to the need for some 
69kV undergrounding, additional retaining walls and outage constraints.  These issues, and the final location and 
extent of work pads and stringing sites, will be addressed in final engineering. 
2  Neither USFWS nor Energy Division have provided SDG&E with the final boundaries of the properties that will 
be subject to the Talega Conservation Easement, and therefore the affected areas outside of SDG&E ROW or fee-
owned property but within the Talega Conservation Easement cannot be calculated precisely.  However, as USFWS 
agrees, SDG&E’s Proposed Project activities within SDG&E’s ROW or fee-owned property are not subject to the 
Talega Conservation Easement.   
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OVERVIEW 

The minor project changes that are included within the Segment 4 Design Revision are described 
in more detail under the Segment 4 Design Revision section of this attachment and are 
summarized below for each Proposed Project component.  

Although the precise number of structures to be installed may be further refined during final 
engineering, the Segment 4 design revision described herein and the April 2015 revisions will 
result in the estimated quantity of transmission line structures to be reduced from 82 to 75 
structures (50 230kV, 17 138kV, and 8 69kV) when comparing the Draft EIR Design (Design 
Date February 2015) to the Current Design (September 2015).  Figure 3, Preliminary Segment 4 
Design Revision Site Map, contains the preliminary design for construction including temporary 
and permanent work areas, retaining walls, access roads, and other project features. Figure 4, 
Impact Comparison Map, depicts a comparison of the Post-Draft EIR design (Design Date April 
2015) with the current Segment 4 design revision, including differences in structure location and 
work areas.   

SEGMENT 4 DESIGN REVISION 

The elements of the Segment 4 Design Revision are described in detail below for each segment 
of the Proposed Project Alignment.  For the purposes of analysis under CEQA, the Proposed 
Project was divided into segments as follows: 

 Segment 1a (West-side Getaways): 138kV powerline relocations west of the Capistrano 
Substation. 

 Segment 1b (East-Side Getaways and new 230kV Line): New 230kV between the 
Capistrano Substation and Rancho San Juan; relocated 138kV 12kV lines (getaways) 
between the Capistrano Substation (west) and I-5 freeway. 

 Segment 2 (230kV Underground at Rancho San Juan): Install new 230kV underground 
within Vista Montana road at the Rancho San Juan development. 

 Segment 3 (new 230kV between Rancho San Juan and the Talega Hub): Install new 
230kV line in an overhead position between the Rancho San Juan development and the 
Talega Hub. 

 Segment 4 (new 230kV and relocations of 138 and 69kV): New 230kV lines would be 
installed in an overhead position between the Talega Hub and the Talega Substation. 
Existing 138 and 69kV lines would be relocated between the Talega Hub and Talega 
Substation. 

 San Juan Capistrano Substation: The existing 138/12kV Capistrano Substation would be 
rebuilt and expanded (at the existing site) to be a new 230/138/12kV substation. 

 Talega Substation: Minor modifications would be made at the Talega Substation.  
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Changes for each of these Proposed Project segments resulting from the Segment 4 Design 
Revision are detailed below for each segment. 

Segment 1a 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

Segment 1b 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

Segment 2 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

Segment 3 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

Segment 4 

The Proposed Project alignment within Segment 4 was reconfigured to minimize the amount of 
new ROW required within Segment 4 where a new conservation easement is being proposed (the 
Talega Conservation Easement).  The Segment 4 Design Revision relocated all structures in 
Segment 4, as needed, that are west of the Talega Substation and expected to be within property 
subject to the Talega Conservation Easement, to be within existing SDG&E ROW, easement, or 
fee-owned property (refer to Figures 1 and 4).3  The specific design changes are detailed below 
for each aspect of the Proposed Project Segment 4 (Talega Hub to Talega Substation). 

230kV Transmission Line Refinements  

 Structure Additions  
o Two new 230kV structures (Structures 43 and 46) were added to Segment 4 to 

ensure all structures and 230kV lines would be within existing SDG&E ROW. 
New structures were required as the utilization of existing ROW requires a 
slightly longer alignment and additional angles (turns) in the alignment that 
require additional support structures.  

 Structure Relocations 
o Structures 44, 45, and 46 (now numbered 45, 47, and 48 respectively) were 

relocated to ensure that the new 230kV line would remain in existing SDG&E 
ROW (refer to Figure 4).  

                                                            
3 230kV Structure 49 would still require new ROW and was not relocated as there is no feasible alternative location 
that would not require new ROW.  This structure location, however, is not anticipated to be within property subject 
to the yet-to-be recorded Talega Conservation Easement. 
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 Structure Removals  
o None.  

138kV Power Line Refinements  

 Structure Additions  
o None.  

 Structure Relocations 
o Structure 11a was relocated approximately 300 feet west-southwest to a location 

within existing SDG&E ROW.  
 Structure Removals 

o Structures 13a and 19a were removed and replaced by Structure 15a. 

Minor 69kV Power Line Refinements  

 Structure Additions  
o New Structure 5b was added to Segment 4 to ensure that all 69kV lines remain 

within existing SDG&E ROW. The new structure was required to allow the 69kV 
line to navigate an additional angle point (turn) in the alignment. 

 Structure Relocations 
o Structures 4b and 5b (now numbered 3b and 4b respectively) were relocated south 

to create room for the new 230kV structures (45 and 46) within existing SDG&E 
ROW.  

 Structure Removals 
o None.  

 Underground Lines 
o A small section (approximately 310 feet) of underground 69kV power line was 

added between structures 2b and 3b to allow for clearance of the larger voltage 
lines (138kV and 230kV). 

Grading and Retaining Walls 

 Grading Requirements 
o New grading would be required to construct construction and/or maintenance 

pads at new structure locations 43, 11a, 3b, 47, and 48 (refer to Figure 2). 
o Grading would no longer be required at structures 11a (old location), 44 (old 

location), 4b (old location), 5b (old location) and 45 (old location). 
o Grading requirements will remain similar for structures 16a (formerly structure 

14a), and 49 (formerly structure 47). 
 Retaining Walls 

o Retaining walls were added at structures 46 and 5b. 
o Retaining walls were removed from the design at structure 45 (which was 

relocated to Structure site 47 and no longer requires a retaining wall). 
o The retaining wall at structure 16a would be similar between the April and 

September 2015 designs. 
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Table 1, Updated Segment 4 Structure Table, summarizes the design change (if any) and the 
structure heights for all structures now within Segment 4 of the project design.  Table 2, 
Summary of Impact Area, provides a summary of the estimated area of disturbance for the Draft 
EIR Proposed Project (February 2015), for SDG&E’s revised project (Design Date April 2015) 
and for the current Segment 4 Design Revision (Design Date September 2015). Table 3, 
Summary of Impacts Outside of SDG&E ROW, provides a summary of the currently anticipated 
impacts that would occur outside of SDG&E existing ROW or fee-owned property along 
Proposed Project Segments 3 and 4.4  

 

 

 

The remainder of this page is intentionally left blank. 

                                                            
4 The existing and proposed Conservation Easements in the Project vicinity are located in the vicinity of Segments 3 
and 4 only. Because the exact boundaries of the pending Talega Conservation Easement are not yet know, exact 
estimated impacts within the boundaries are not yet known but the parties have agreed to work to ensure there would 
not be any remaining significant impacts. 
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Table 1: Updated Segment 4 Structure Table 

Pole 
No.1 Rating 

Pole 
Height 
(feet) 

Design Change 

(from April 2015 design2) 

42 230kV 130 No change 
43 230kV 160 New Structure 
44 230kV 135 No change (old structure 43) 

45 230kV 95 Structure relocated ~410 feet southeast into SDG&E ROW (old structure 44)3 

46 230kV 105 New Structure 

47 230kV 95 Structure relocated ~170 feet into SDG&E ROW (old structure 45) 

48 230kV 135 Structure relocated ~100 feet into SDG&E ROW (old structure 46) 

49 230kV 125 Structure shifted slightly (~15 feet) (old structure 47) 

50 230kV 135 No change (old structure 48) 

9a 138kV 80 No change  

10a 138kV 65 No change 

11a 138kV 75 Structure relocated ~300 feet southwest into SDG&E ROW 

12a 138kV 75 No change (old structure 15a) 

13a 138kV 65 No change (old structure 16a) 

14a 138kV 70 Structure shifted slightly (~45 feet) (old structure 17a) 

15a 138kV 100 New structure (replaces old structures 13a and 19a) 

16a 138kV 100 Structure shifted slightly (~25 feet) (old structure 14a) 

17a 138kV 85 No change (old structure 23a) 

1b 69kV 90 No change 

2b 69kV 85 Structure is now a Cable Pole 

3b 69kV 65 Structure shifted ~180 feet west-southwest and is now a Cable Pole (old 
structure 4b) 

4b 69kV 75 Structure shifted ~180 feet west-southwest (old structure 5b) 

5b 69kV 85 New Structure 

6b 69kV 80 No change (old structure 7b) 

7b 69kV 75 Structure shifted slightly (~20 feet) (old structure 8b) 

8b 69kV 75 No change (old structure 9b) 
Notes: Table contents based upon preliminary engineering. 
1 Structure locations shown on Figures 1 - 4. 
2 SDG&E provided the April 2015 Minor Project Design Refinements as part of the SDG&E’s comments on the Draft 
EIR dated April 10, 2015. 
3 Old structure locations refer to the April 2015 design and are shown in Figure 4. 
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Table 2: Summary of Impact Area 

Impact Type 
Draft EIR 

Impact Area 
(February 2015) 

Revised 
Impact Area 
(April 2015) 

Current Impact 
Area    

(September 2015) 

Delta  
(Sept. - April) 

Temporary 
Impacts 

23.36 35.93 36.53 (1.4) 

Permanent 
Impacts 

20.46 16.39 16.19 0.2 

Table 3: Summary of Impacts Outside of SDG&E ROW for Segments 3 and 4 

Impact Type 
Impacts Outside of SDG&E 

ROW 
Temporary Impacts1 9.48 acres 
Permanent Impacts 1.27 acres 
Notes: 
1 Approximately 7.2 acres of the temporary impacts are associated 
with five potential staging yard locations.

 

San Juan Capistrano Substation 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the DEIR.  

Talega Substation 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

Construction Methods 

No changes from SDG&E’s Minor Project Design Refinements dated April 2015 and submitted 
as Attachment A to SDG&E’s comments on the Draft EIR.  

ELIMINATION OF ANY SIGNIFICANT ENVIRONMENTAL IMPACTS  

The RDEIR states:5 “The USFWS has indicated that establishing new ROW within the Talega 
Conservation Easement or impacting areas of the Prima Deshecha Landfill Conservation 
Easement that are outside of the applicant’s existing ROW would directly conflict with the 
provisions of the aforementioned conservation easement(s), and thereby the provisions of the 
Orange County Southern Subregion HCP.”   

The Segment 4 Design Revision was prepared specifically to eliminate, reduce or avoid conflicts 
between the Proposed Project and the yet-to-be recorded, proposed Talega Conservation 
Easement, which the RDEIR found will be incorporated into the Orange County Southern 
Subregion HCP (which the RDEIR found is a “preserve” area under SDG&E’s NCCP) such that 

                                                            
5 RDEIR at pg. 2-77, lines 23 – 26. 
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impacts would be reduced to less than significant. As outlined above, the Segment 4 Design 
Revision would result in all new and relocated structures and electric power and transmission 
lines that would be located within the potential boundaries of the proposed Talega Conservation 
Easement being located within existing SDG&E ROW.  This would greatly reduce the potential 
need for new ROW in order to construct and operate the Proposed Project.   

SDG&E staff met with USFWS staff on September 11, 2015 to discuss SDG&E’s existing 
easements and associated rights as well as USFWS concern that the Proposed Project may 
conflict with existing or proposed conservation easements located in the vicinity of the Proposed 
Project.  During the meeting, SDG&E reviewed a map showing SDG&E’s easements and the 
path of the Proposed Project, including the revised alignment included herein as the Segment 4 
Design Revision (Design Date September 2015).  SDG&E and USFWS discussed the 
preliminary redesign shown in Figures 1 and 3.  According to USFWS, there are portions of 
permanent work pads and some temporary string sites and other temporary work areas that could 
occur within potential areas of the proposed and unrecorded Talega Conservation Easement that 
are outside of SDG&E’s existing easements and ROW.   

USFWS stated that, based on the proposed redesign, they would work with SDG&E and the 
Talega Conservation Easement stakeholders to ensure that the remaining Proposed Project 
impacts would be mitigated to a level acceptable to both SDG&E and the USFWS.  Specifically, 
the USFWS proposed the following process (which is consistent with Mitigation Measure BR-
10) to ensure that the Proposed Project would be consistent with the proposed and unrecorded 
Talega Conservation Easement (and thus the Orange County Southern Subregion HCP): 

1. First, the USFWS would work with the Talega Conservation Easement stakeholders 
(Grantor and Grantees) to temporarily suspend recording the easement while the 
Proposed Project re-design of Segment 4 is finalized. 

2. Once the design is finalized, the specifics of any temporary or permanent work areas 
located outside of existing SDG&E ROW would be incorporated into the Talega 
Conservation Easement as “allowed uses.” 

3. USFWS and SDG&E would then agree on mitigation for the permanent and temporary 
impacts that occur outside of existing SDG&E ROW and within the finalized boundaries 
of the Talega Conservation Easement. 

With the Proposed Project thus being made consistent with the proposed and unrecorded Talega 
Conservation Easement and Orange County Southern Subregion HCP, Impacts BR-6 and LU-3 
would be effectively reduced to a level less than significant.  

As stated in the RDEIR:6 “MM BR-10 would require the applicant to participate in further 
coordination with implementing agencies.  While consultation with the USFWS may identify 
mechanisms for reducing potentially significant impacts to less than significant levels, MM BR-
10 on its own does not adequately ensure consistency with an adopted HCP at this time.  
Therefore, impacts under this criterion are being treated as significant and unavoidable until 
additional information is gathered.” 

                                                            
6 RDEIR at pg. 2-77; lines 26-30. 
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The preliminary consultation between SDG&E and the USFWS has provided a “mechanism for 
reducing potentially significant impacts” relating to the Proposed Project’s consistency with the 
proposed Talega Conservation Easement and the Orange County Southern Subregion HCP.  The 
measures set out in the SDG&E NCCP/HCP, along with the Segment 4 Design Revision, will 
result in impacts being mitigated to a level less than significant. 
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CHAPTER 1:  INTRODUCTION AND OVERVIEW (WITNESS: JOHN JONTRY) 1 

Section 1. The Project Is Needed to Provide Reliable Electric Service to South 2 
Orange County, Now and In the Future 3 

SDG&E’s Proposed Project is needed to address a number of reliability concerns in 4 

SDG&E’s South Orange County system, and ensure reliable electric service to the over 300,000 5 

people dependent on SDG&E’s electric service in that area.  The SDG&E customers in southern 6 

Orange County are primarily residential and large commercial.  The South Orange County’s 7 

population has grown substantially over the past several decades1; the city of San Clemente in 8 

Southern Orange County alone grew at an average rate between 2000 and 2010 of almost 3% per 9 

year.2  South Orange County is a geographically discrete local area which includes the following 10 

cities: Dana Point, San Clemente, San Juan Capistrano, Laguna Beach, Laguna Hills, Laguna 11 

Niguel and Mission Viejo. 12 

After thorough study of the reliability issues by SDG&E and in the open stakeholder 13 

transmission planning process of the California Independent System Operator (CAISO), SDG&E 14 

proposed, and CAISO approved, the Proposed Project to address the following reliability 15 

concerns:  16 

 SDG&E’s South Orange County customers are dependent on single power source, 17 

the 230 kV supply to Talega Substation, which then supplies power via 138 kV 18 

transmission lines to the distribution substations within South Orange County.  19 

Any event that interrupted the 230 kV or 138 kV service at Talega Substation, 20 

such as equipment failure, fire/explosion, earthquake, or vandalism/terrorism, 21 

                                                 
1 According to the U.S. Decennial Census, the population of Orange County as a whole doubled between 
1970 and 2000, to over three million people, and continues to grow at approximately 1% per year. 
(http://en.wikipedia.org/wiki/Orange_County,_California#Demographics). 
2 According to the U.S. Decennial Census, the population of San Clemente increased from 49,936 in 2000 
to 63,249 in 2010. (http://en.wikipedia.org/wiki/San_Clemente,_California#Demographics). 
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would leave over 300,000 people in South Orange County without electricity until 1 

the damage was fixed.  An extended outage of the 230 kV or 138 kV service at 2 

Talega Substation would threaten public safety and cause severe economic 3 

impacts to South Orange County.  The Proposed Project addresses this problem 4 

by providing a second 230 kV connection at a rebuilt Capistrano Substation (re-5 

named San Juan Capistrano Substation).   6 

 Because Talega Substation is the sole power source for SDG&E’s South Orange 7 

County system, and has a non-standard configuration that cannot be corrected 8 

within the existing footprint, planned outages for maintenance at Talega leave 9 

some or all South Orange County customers at risk that single forced outage of 10 

another element could interrupt their electric service.  The need for maintenance 11 

at Talega Substation, which is over 35 years old, is increasing.  A second 230 kV 12 

source at the new San Juan Capistrano Substation will allow maintenance at 13 

Talega without this risk. 14 

 There are number of events, falling under Category B or Category C of the North 15 

American Electric Reliability Corporation (NERC) reliability standards, under 16 

which it is expected that outages of one or more elements will cause overloads on 17 

SDG&E’s South Orange County transmission system and force SDG&E to 18 

interrupt customer service.  Some of these events will result in SDG&E’s 19 

transmission lines exceeding “Applicable Ratings,” which is a violation of NERC 20 

TPL-003-0b.  Other events will force SDG&E to “shed load,” meaning to drop 21 

electric service to customers, to keep its transmission facilities within Applicable 22 

Ratings or, as required by the NERC standards, to prepare the system to remain 23 
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within Applicable Ratings in the event of another outage, which may be 1 

interpreted as a violation of NERC TPL-002-0b.  The Proposed Project resolves 2 

these issues, and will avoid SDG&E having to interrupt customer service in these 3 

events.  4 

 The existing Capistrano Substation, built in approximately 1954, needs to be 5 

rebuilt as its aging equipment and infrastructure is at or close to the end of its 6 

useful life, its outdated bus configuration does not meet SDG&E’s reliability 7 

criteria, it does not meet SDG&E’s current seismic and security standards, and it 8 

lacks the capacity to reinforce its neighboring substations.  These problems cannot 9 

be fixed within the current substation footprint.  The Proposed Project will rebuild 10 

the substation on SDG&E’s existing substation property as the new San Juan 11 

Capistrano Substation, which will fix all of the above issues and allow it to be the 12 

second 230 kV source for the area. 13 

SDG&E’s Proposed Project includes the following three main components: 14 

 Complete re-build of the 60 year-old 138/12-kV 60 megavolt ampere (MVA) air-15 

insulated Capistrano Substation (2 acres) as a new 230/138/12-kV 784 MVA gas-16 

insulated substation (6.4 acres) called San Juan Capistrano Substation.  The 17 

rebuild would occur on SDG&E’s existing substation property.  Once complete, 18 

the San Juan Capistrano Substation would initially connect to six 138 kV 19 

transmission lines, two 230 kV transmission lines, and seven distribution lines; 20 

 Minor alterations to the existing Talega Substation within the existing substation 21 

footprint including the removal of two 230/138 kV transformers and the removal 22 

of one 230 kV connection (which would instead connect to the new San Juan 23 
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Capistrano Substation.  To accommodate these changes, existing 138 kV and 230 1 

kV structures within the Talega Substation would have to be re-arranged; 2 

 Removal, installation, and relocation of multiple transmission lines within the 3 

existing, approximately eight-mile transmission corridor between the Capistrano 4 

and Talega Substations.  This work includes a new double-circuit 230-kV 5 

transmission line (approximately 7.8-miles long) to the new San Juan Capistrano 6 

Substation. 7 

Section 2. SDG&E’s Project Objectives  8 

To meet SDG&E’s obligation to serve and to maintain reliable service to its over 300,000 9 

customers in South Orange County, SDG&E seeks a Certificate of Public Convenience and 10 

Necessity authorizing construction and operation of SDG&E’s Proposed Project.  The Project’s 11 

objectives are as follows: 12 

1. Provide transmission system reliability: 13 

a. Reduce the risk of an uncontrolled outage to South Orange County 14 

customers. 15 

b. Reduce the risk of a controlled interruption of service to a portion  South 16 

Orange County customers. 17 

c. Comply with mandatory North American Electric Reliability Corporation 18 

(NERC), Western Electric Coordinating Council (WECC) and CAISO 19 

transmission planning and operations standards. 20 

2. Rebuild Capistrano Substation to replace aging equipment and increase capacity. 21 

3. Improve transmission and distribution operating flexibility. 22 

4. Accommodate customer load growth in the South Orange County area. 23 
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5. Locate proposed facilities within existing transmission corridors, SDG&E ROW 1 

and utility owned property.3 2 

Section 3. Organization of SDG&E’s Testimony 3 

SDG&E’s opening testimony on the issue of “need” is organized as follows: 4 

 Chapter 2:  SDG&E’s Existing South Orange County Electric System 5 

 Chapter 3:  SDG&E Plans Its Transmission System To Provide Reliable 6 

Electric Service  7 

 Chapter 4:  SDG&E’s Proposed Project Is Needed To Provide Reliable 8 

Transmission Service To SDG&E’s South Orange County System  9 

 Chapter 5:  To Provide Reliable Electric Service, SDG&E’s Capistrano 10 

Substation Needs To Be Rebuilt 11 

 Chapter 6:  Without SDG&E’s Proposed Project, SDG&E’s Talega 12 

Substation Needs To Be Modified To Provide Reliable Electric Service  13 

 Chapter 7:  Purpose and Need for South Orange County Reliability Project  14 

  15 

                                                 
3 Application of San Diego Gas & Electric Company (U 902 E) For A Certificate Of Public Convenience 
And Necessity For The South Orange County Reliability Enhancement Project, A.12-05-020 
(“Application”) at 3-4. 
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CHAPTER 2:  SDG&E’S EXISTING SOUTH ORANGE COUNTY ELECTRIC SYSTEM   1 

Section 1: SDG&E’s Customers in South Orange County (Witness: John Jontry) 2 

SDG&E’s South Orange County (SOC) service area is located at the northern end of 3 

SDG&E’s service territory and has approximately 125,000 electric meters.  This service area 4 

represents approximately 10 percent of SDG&E’s total customer load of approximately 5000 5 

megawatts (MW).   6 

The customers served by SDG&E in South Orange County are primarily residential and 7 

large commercial.  The South Orange County population has grown substantially over the past 8 

several decades, as the area has gone from a semi-rural region of orange groves and a few small 9 

beach towns, to a densely populated and affluent suburb of the Los Angeles and San Diego 10 

metropolitan regions.  The aggregate population of Orange County doubled between 1970 and 11 

2000, to over three million, and continues to grow at about 1% per year. 12 

SDG&E serves 112,794 residential electric meters in South Orange County.  The number 13 

of South Orange County residents dependent upon SDG&E’s electric service is estimated to be 14 

over 300,000.  SDG&E fully serves Dana Point (2013 estimated population 34,062), San 15 

Clemente (2013 estimated population 65,040) and San Juan Capistrano (2013 estimated 16 

population 35,852), and shares service with SCE in Aliso Viejo (2013 estimated population 17 

50,175), Laguna Beach (2013 estimated population 23,250), Laguna Hills (2013 estimated 18 

population 30,880), Laguna Niguel (2013 estimated population 64,652) and Mission Viejo (2013 19 

estimated population 96,346).  In local unincorporated communities, SDG&E fully serves Ladera 20 

Ranch (2010 estimated population 22,980) and Las Flores (2010 estimated population 5,971) and 21 
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partially serves Coto de Caza (2010 estimated population 14,866).4 SDG&E also serves other 1 

unincorporated areas of South Orange County that are not included in the US Census, such as 2 

Wagon Wheel.   3 

SDG&E also serves 11,967 commercial meters and 43 industrial meters in South Orange 4 

County.  These businesses rely on SDG&E’s electric service to provide work for employees and 5 

goods and services to their customers.  These employees and customers may or may not reside in 6 

South Orange County.   7 

Physically, the region served by SDG&E in South Orange County is somewhat land-8 

locked, both by geographic features and by political and land-use boundaries.  The region is 9 

bounded on the east and west by the Cleveland National Forest and Pacific Ocean, respectively; 10 

it is bounded on the north by various state parks and wilderness areas, and on the south by MCB 11 

Camp Pendleton.  This is illustrated in Figure 2-1 below.  Egress from the area is by way of a 12 

single freeway, Interstate 5. 13 

// 14 

// 15 

  16 

                                                 
4 Population estimates are the 2013 population estimates provided by the U.S. Census for each referenced 
city.  http://quickfacts.census.gov/qfd/states/06000.html. 
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Figure 2-1 – South Orange County service area 1 

 2 

The South Orange County region is typical of Southern California in that it is subject to 3 

the risk of natural disasters in the form of earthquakes and wildfires. Portions of SDG&E’s South 4 

Orange County service area lie within the CALFIRE Fire Threat Zone (FTZ), as modified by 5 

SDG&E.  This area includes Talega Substation.   6 

Section 2. SDG&E’s Existing South Orange County Transmission System 7 
(Witness:  John Jontry) 8 

South Orange County’s electric load is supplied by seven SDG&E 138/12 kilovolt (kV) 9 

distribution substations (Capistrano, Laguna Niguel, Margarita, Pico, San Mateo, Rancho 10 

Mission Viejo, and Trabuco).  Each of these substations is fed from a local 138 kV network; the 11 

local network is in turn supplied from Talega Substation, which provides the sole 230/138 kV 12 
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connection to the Southern California bulk power network.  This local area network is operated 1 

by the California Independent System Operator (CAISO).  The substation interconnection 2 

diagram shown in Figure 2-2, South Orange County 138 kV Substation Interconnection 3 

Diagram, illustrates how the distribution substations within the South Orange County service 4 

area are connected to each other and to Talega Substation. 5 

Figure 2-2 – South Orange County Transmission Network Diagram 6 

 7 
Currently, there is no significant generation of electric energy in South Orange County 8 

service area.  Consequently, the only power source for this entire service area is the 230 kV 9 

transmission network at Talega Substation.  If the connection to the 230 kV bulk power system 10 

at Talega is unavailable, there is no other source to provide electric service to SDG&E’s South 11 

Orange County customers.  SDG&E’s Proposed Project addresses this reliability concern by 12 

adding a second 230 kV bulk power connection at Capistrano Substation so that, in the event of 13 

Talega 230kV

TITLE

A.12-05-020 SOCRE PEA
South OC Substation Connections

DESCRIPTION

Block diagram showing interconnection of the South OC 
substations as of January 2015, before SOCRE.

San Mateo 138kV
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138 kV Transmission Line
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loss of either the 230 kV or 138 kV voltage levels at Talega, electric service to South Orange 1 

County customers would continue uninterrupted. 2 

Even with Talega Substation in service, there are number of events, falling under 3 

Category C of the North American Electric Reliability Corporation (NERC) reliability standards, 4 

under which it is expected that outages of one or more elements will cause overloads on 5 

SDG&E’s South Orange County transmission system.  Some of these events will result in 6 

SDG&E’s transmission lines exceeding “Applicable Ratings,” which is a violation of NERC 7 

TPL-003-0b.  Other events will force SDG&E to “shed load,” meaning to drop electric service to 8 

customers, to keep its transmission facilities within Applicable Ratings or, as required by the 9 

NERC standards, to prepare the system to remain within Applicable Ratings in the event of 10 

another outage.  The Proposed Project resolves these issues, and will avoid SDG&E having to 11 

interrupt customer service in these events. 12 

Section 3. SDG&E’s Existing Talega Substation (Witness:  John Jontry) 13 

As noted in Section 2 above, power from the 230 kV transmission network enters South 14 

Orange County at the Talega Substation 230 kV bus and flows through the substation’s four 15 

230/138 kV transformers to the substation’s 138 kV bus.  The Talega Substation 138 kV bus 16 

supplies power to the 138 kV transmission network, which supplies the distribution substations.  17 

If a failure occurs that requires the Talega Substation 230 kV or 138 kV buses to be removed 18 

from service, power flow to South Orange County would be interrupted and SDG&E’s South 19 

Orange County customers would lose electric service.   20 

This scenario actually occurred on July 18, 2013, resulting in all SDG&E customers in 21 

South Orange County losing electric service for a period of several hours.  Fortunately, this event 22 

occurred in the early morning hours and there was little direct impact; however, had the event 23 

occurred during a busy working day, the economic and social impact would have been much 24 
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more significant.  Talega Substation has an unusual non-standard configuration in that two of the 1 

four 230/138 kV transformers are connected directly to the 230 kV bus instead of a connection to 2 

a circuit breaker then to the bus.  This means that for loss of either of these two transformers, it is 3 

necessary to take the entire bus out of service to disconnect the failed equipment.   4 

In addition to extreme events (fire, explosion, earthquake, vandalism or terrorism) that 5 

could result in the loss of all South Orange County load, the existing Talega Substation 6 

configuration restricts the conditions under which maintenance can be done and creates twenty-7 

nine different outage scenarios during planned maintenance outages that would cause 8 

uncontrolled loss of the entire customer load in South Orange County.  Because the Talega 9 

Substation is aging, maintenance needs are increasing. 10 

Required maintenance at Talega Substation is not the only threat to South Orange County 11 

load.  A contingency event during a planned maintenance outage at either Pico Substation, 12 

Rancho Mission Viejo Substation or Margarita Substations would lead to the outage of over 50% 13 

of South Orange County load.   14 

As discussed in more detail in Chapter 6, Talega Substation presents a number of 15 

reliability concerns.  The most significant arise from its non-standard configuration, space 16 

constraints, and role as the sole power source to SDG&E’s South Orange County system.  The 17 

Project addresses these issues by adding a second 230 kV bulk power connection at Capistrano 18 

Substation, allowing removal of two transformers from Talega Substation and reconfiguration of 19 

Talega within the existing substation footprint.  The second source at Capistrano Substation and 20 

reconfiguration also mitigate risks during planned maintenance outages at Talega Substation.  21 
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Section 4. SDG&E’s Existing Capistrano Substation (Witness:  Karl Iliev) 1 

Capistrano Substation is over 60 years old.  Its infrastructure and equipment are at or near 2 

the end of their useful lives, its non-standard configuration does not meet SDG&E’s current 3 

operating and reliability requirements, its infrastructure and some of its equipment do not meet 4 

current seismic standards, and its security measures do not meet SDG&E’s current standards.  5 

For the reasons discussed further in Chapter 5, Capistrano Substation must be rebuilt to provide 6 

reliable electric service to SDG&E’s customers served by that substation.  SDG&E’s Proposed 7 

Project will rebuild Capistrano Substation to not only provide reliable distribution service, but 8 

also to serve as a second 230 kV power source to SDG&E’s network of South Orange County 9 

distribution substations. 10 

SDG&E’s Substation Equipment Assessment team has identified its aging equipment and 11 

infrastructure as beyond its useful life.  Since 1997, Capistrano Substation has been on SDG&E’s 12 

priority list, identifying substations that are in need of upgrades or replacement due to poor 13 

performance.  This list was developed utilizing safety, condition of the equipment, probability of 14 

outages, and cost to maintain as key metrics.   15 

Trending of the preventative and corrective maintenance labor hours on the Capistrano 16 

Substation equipment shows both types of maintenance trending upward, which is expected for 17 

aging equipment.  Preventive and corrective maintenance at Capistrano Substation has been 18 

increasing since 1997, as has the need to replace failed equipment. Rising preventive and 19 

corrective maintenance issues are a strong indication of decreased equipment reliability and 20 

increased probability of failure.  It also is a direct indication of rising costs to maintain the 21 

equipment.  22 
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Additionally, replaced equipment due to failure is another metric that is an indicator that 1 

remaining equipment on a site has reached the end of its useful life.  Much of the significant 2 

equipment at Capistrano Substation ranks high on the replacements lists to be replaced before 3 

failure occurs. 4 

Capistrano Substation has a non-standard configuration that does not meet current 5 

operating criteria or reliability requirements.  When the substation was originally constructed, 6 

this configuration was the standard design.  However, this design no longer meets the current 7 

operating criteria, and the layout and configuration has a number of non-standard aspects that 8 

reduce the reliability of electric service to SDG&E’s customers.  Within the current substation 9 

footprint, there is insufficient space to install 138 kV and 12 kV circuit breakers between 10 

elements as required by SDG&E’s current standard design. 11 

Further, Capistrano Substation is located in a high seismic activity area and it is 12 

SDG&E’s standard practice to design substations and equipment that will have a high probability 13 

of withstanding seismic events to predefined ground acceleration levels.  The existing Capistrano 14 

Substation was designed and constructed long before these standard practices and guidelines 15 

were established.  Due to their age and type of construction, the existing structures, foundations, 16 

and equipment do not conform to the current recommended practices for seismic design of 17 

substations as provided in IEEE 693 and ASCE 113.  The older existing electrical equipment 18 

does not meet the seismic withstand capability and has not been seismically qualified as provided 19 

in IEEE 693.  Replacing equipment only does not allow for replacement of the existing structures 20 

and their foundations because current seismic requirements require more robust designs in 21 

equipment, foundations, and structures than aging substations can meet.    22 
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When Capistrano Substation was initially installed approximately 60 years ago, it met the 1 

design and equipment requirements of that time, and was adequate to meet system requirements 2 

based on projected loads at that time.  Now, over 60 years later, its infrastructure and equipment 3 

is at or near the end of its useful life, and its design does not meet current operating and 4 

reliability criteria.  Capistrano Substation, like other aging substations in SDG&E’s service 5 

territory, must be rebuilt to meet current requirements and provide reliable electric service to 6 

SDG&E’s customers. 7 

  8 



` 

15 
 

CHAPTER 3:   SDG&E PLANS ITS TRANSMISSION SYSTEM TO PROVIDE 1 
RELIABLE ELECTRIC SERVICE (WITNESS:  JOHN JONTRY) 2 

SDG&E is subject to both mandatory reliability standards and an obligation to provide 3 

reliable electric service to customers within its service area.  The Proposed Project helps SDG&E 4 

meet both of its obligations with respect to its customers in South Orange County.   5 

As the Commission recently recognized: 6 

California law repeatedly emphasizes the importance of maintaining the reliability of the 7 

electric grid.  For example: 8 

 “Reliable electric service is of utmost importance to the safety, health, and 9 

welfare of the state’s citizenry and economy.” (§ 330(g).) 10 

 “It is important that sufficient supplies of electric generation will be available to 11 

maintain the reliable service to the citizens and businesses of the state.” 12 

(§ 330(h).) 13 

 “Reliable electric service is of paramount importance to the safety, health, and 14 

comfort of the people of California.” (§ 334.) 15 

 The CAISO “shall ensure efficient use and reliable operation of the transmission 16 

grid” (§ 345) and shall “ensure the reliability of electric service and the health and 17 

safety of the public.” (§ 345.5(b).) 18 

 The Commission “shall ensure that facilities needed to maintain the reliability of 19 

the electric supply remain available and operational.” (§ 362(a).) 20 

D. 14-03-004 at 13.  SDG&E strives to plan its system to provide reliable electric service. 21 

In setting the level of reliability to be provided to its customers, SDG&E must comply 22 

with the mandatory North American Electric Reliability Council (NERC) reliability standards, 23 

the mandatory California Independent System Operator (CAISO) planning standards, and the 24 
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Commission’s direction.  SDG&E also uses industry best practices to determine the level of 1 

reliability it is reasonable and prudent to provide its customers under specific circumstances.   2 

Section 1. NERC Transmission Planning Reliability Standards  3 

At the minimum, SDG&E is obligated to comply with all NERC reliability standards by, 4 

among other things, the Federal Power Act § 215 and its Transmission Control Agreement with 5 

CAISO.5  NERC is the electric reliability organization certified by the Federal Energy 6 

Regulatory Commission (FERC) to establish and enforce reliability standards for the nation’s 7 

bulk power system.  NERC develops and enforces reliability standards that are approved by 8 

FERC.  NERC also assesses system adequacy annually; and it monitors the bulk power system.  9 

The NERC reliability standards are mandatory and set a floor for utility owned transmission 10 

systems. 11 

The NERC reliability standards for planning reinforcements for electric transmission 12 

systems are the transmission planning (TPL) standards.  Among other things, the TPL standards 13 

establish the required system performance with all elements in service and upon the loss of one, 14 

two, or more elements of a transmission system.  These system conditions are referred to as 15 

Categories A, B, C and D.  The TPL standards set the minimum level of reliability required for 16 

the system. 17 

NERC Category A planning criteria, as used in long-term planning, is defined in 18 

Requirement R1 as follows6: 19 

                                                 
5 http://www.caiso.com/Documents/TCA_Effective_20140601.pdf.  The CAISO’s Transmission Control 
Agreement is consistent with Public Utilities Code § 345: “The Independent System Operator shall ensure 
efficient use and reliable operation of the transmission grid consistent with achievement of planning and 
operating reserve criteria no less stringent than those established by the Western Electricity Coordinating 
Council and the North American Electric Reliability Council.”   
6 http://www.nerc.com/_layouts/PrintStandard.aspx?standardnumber=TPL-001-0.1&title=System Performance 
Under Normal (No Contingency) Conditions (Category A)&jurisdiction=United States 
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The Planning Authority and Transmission Planner shall each 1 
demonstrate through a valid assessment that its portion of the 2 
interconnected transmission system is planned such that, with all 3 
transmission facilities in service and with normal (pre-4 
contingency) operating procedures in effect, the Network can be 5 
operated to supply projected customer demands and projected Firm 6 
(non- recallable reserved) Transmission Services at all Demand 7 
levels over the range of forecast system demands, under the 8 
conditions defined in Category A of Table I. 9 

Table I of the NERC standard is reproduced as Figure 1 3-1 below.  For the purposes of 10 

interpreting the NERC standard, the CAISO is the “Planning Authority” for the SDG&E service 11 

area and SDG&E is the “Transmission Planner.”  Category A, as applied in long-term planning, 12 

generally means that the system, with all elements in service, must be capable of meeting the 13 

maximum forecast demand during the applicable planning window, without exceeding the 14 

applicable ratings of any of the system elements.  This is generally called the “N-0” requirement. 15 

// 16 

// 17 

 18 
 19 

  20 



` 

18 
 

Figure 3-1 - Table 1 of the NERC standard TPL-001-0.1 1 

Table I. Transmission System Standards – Normal and Emergency Conditions 2 
 3 

 
Category Contingencies System Limits or Impacts 

 

Initiating Event(s) and Contingency 
Element(s) 

System 
Stable and 

both Thermal 
and Voltage 

Limits within 
Applicable 

Rating a 

Loss of 
Demand or 

Curtailed Firm 
Transfers 

Cascading 
Outages 

A 
No Contingencies 

All Facilities in Service 
 

Yes No No 

B 
Event resulting in 
the loss of a single 
element. 

Single Line Ground (SLG) or 3-Phase 
(3Ø) 
Fault, with Normal Clearing: 
      1. Generator 
      2. Transmission Circuit 
      3. Transformer 
Loss of an Element without a Fault 

Yes 
Yes 
Yes 
Yes 

No b 
No b 
No b 
No b 

No 
No 
No 
No 

Single Pole Block, Normal Clearing e: 
      4. Single Pole (dc) Line  

Yes Nob No 

C 
Event(s) resulting 
in the loss of two 
or more (multiple) 
elements. 

 
SLG Fault, with Normal Clearing e: 
      1. Bus Section 
 
      2. Breaker (failure or internal Fault) 

Yes 
 

Yes 

Planned/ 
Controlledc 

Planned/ 
Controlledc 

No 
 

No 

 
SLG or 3Ø Fault, with Normal 
Clearinge, 
Manual System Adjustments, followed 
by another SLG or 3Ø Fault, with 
Normal Clearing e: 
      3. Category B (B1, B2, B3, or B4) 
          contingency, manual system 
          adjustments, followed by another 
          Category B (B1, B2, B3, or B4) 
          contingency 

Yes 
Planned/ 

Controlledc 
No 

 
Bipolar Block, with Normal Clearinge: 
      4. Bipolar (dc) Line Fault (non 3Ø), 
with Normal Clearinge: 
      5. Any two circuits of a multiple 
circuit towerlinef 

Yes 
 
 

Yes 

Planned/ 
Controlledc 

 
Planned/ 

Controlledc 

No 
 
 

No 

 
SLG Fault, with Delayed Clearinge 
(stuck breaker or protection system 
failure): 
      6. Generator 
 
 
      7. Transformer 
 
      8. Transmission Circuit 
 
      9. Bus Section 

 
 
 

Yes 
 

Yes 
 

Yes 
 

Yes 

 
Planned/ 

Controlledc 
 

Planned/ 
Controlledc 

 
Planned/ 

Controlledc 
 

Planned/ 
Controlledc 

 
 

No 
 
 

No 
 
 

No 
 
 

No 



` 

19 
 

D d 

Extreme event resulting 
in 
two or more (multiple) 
elements removed or 
Cascading out of service. 

3Ø Fault, with Delayed Clearing e (stuck breaker or protection 
system 
failure): 

     1.    Generator                                       3.    Transformer 

     2.    Transmission Circuit                     4.    Bus Section 

Evaluate for risks and 
consequences. 
� May involve 
substantial loss of 
customer Demand and 
generation in a 
widespread 
area or areas. 
� Portions or all of the 
interconnected systems 
may or may not achieve a 
new,stable operating 
point. 
� Evaluation of these 
events may require joint 
studies with neighboring 
systems. 

3Ø Fault, with Normal Clearinge: 

     5.   Breaker (failure or internal Fault) 

     6.    Loss of towerline with three or more circuits 

     7.    All transmission lines on a common right-of way 

     8.    Loss of a substation (one voltage level plus transformers) 

     9.    Loss of a switching station (one voltage level plus  
            Transformers) 

   10.    Loss of all generating units at a station 

   11.    Loss of a large Load or major Load center 

   12.    Failure of a fully redundant Special Protection System (or 
            remedial action scheme) to operate when required 

   13.   Operation, partial operation, or misoperation of a fully 
           redundant Special Protection System (or Remedial Action  
           Scheme) in response to an event or abnormal system  
           condition for which it was not intended to  operate 

   14.    Impact of severe power swings or oscillations from  
            Disturbances in another Regional Reliability 
Organization. 

 1 

a) Applicable rating refers to the applicable Normal and Emergency facility thermal Rating or system voltage limit as 2 
determined and consistently applied by the system or facility owner. Applicable Ratings may include Emergency 3 
Ratings applicable for short durations as required to permit operating steps necessary to maintain system control. All 4 
Ratings must be established consistent with applicable NERC Reliability Standards addressing Facility Ratings. 5 
 6 

b) Planned or controlled interruption of electric supply to radial customers or some local Network customers, connected 7 
to or supplied by the Faulted element or by the affected area, may occur in certain areas without impacting the overall 8 
reliability of the interconnected transmission systems. To prepare for the next contingency, system adjustments are 9 
permitted, including curtailments of contracted Firm (non-recallable reserved) electric power Transfers. 10 
 11 

c) Depending on system design and expected system impacts, the controlled interruption of electric supply to customers 12 
(load shedding), the planned removal from service of certain generators, and/or the curtailment of contracted Firm 13 
(non-recallable reserved) electric power Transfers may be necessary to maintain the overall reliability of the 14 
interconnected transmission systems. 15 
 16 

d) A number of extreme contingencies that are listed under Category D and judged to be critical by the transmission 17 
planning entity(ies) will be selected for evaluation. It is not expected that all possible facility outages under each listed 18 
contingency of Category D will be evaluated. 19 
 20 

e) Normal clearing is when the protection system operates as designed and the Fault is cleared in the time normally 21 
expected with proper functioning of the installed protection systems. Delayed clearing of a Fault is due to failure of 22 
any protection system component such as a relay, circuit breaker, or current transformer, and not because of an 23 
intentional design delay. 24 
 25 
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f) System assessments may exclude these events where multiple circuit towers are used over short distances (e.g., station 1 
entrance, river crossings) in accordance with Regional exemption criteria. 2 

 3 

NERC Category B planning criteria is defined in Requirement R1 as follows7: 4 

The Planning Authority and Transmission Planner shall each 5 
demonstrate through a valid assessment that its portion of the 6 
interconnected transmission system is planned such that the 7 
Network can be operated to supply projected customer demands 8 
and projected Firm (non-recallable reserved) Transmission 9 
Services, at all demand levels over the range of forecast system 10 
demands, under the contingency conditions as defined in Category 11 
B of Table I.  12 

The Category B requirement, as applied in long-term planning, generally means that the 13 

system must be capable of sustaining the loss of any single element (line, transformer, or 14 

generator) and meet the maximum forecast demand during the applicable planning window, 15 

without exceeding the applicable ratings of any of the system elements that remain in service.  16 

This is generally called the “N-1” requirement.  Specifically, deliberate rejection of firm 17 

customer load (“load shedding”) is not permitted.8   18 

Note that are situations where, following the loss of a single transmission line or 19 

transformer, it may be necessary for system operator to shed customer load in order to prevent an 20 

overload that would occur following a subsequent contingency.  This is referred to as “system 21 

readjustment”.  System readjustment can also take the form of adjusting generation dispatch; 22 

however, as noted elsewhere there is effectively no generation in South Orange County available 23 

for redispatch.  If the system operator is forced to shed load after the first N-1 to prepare for the 24 

                                                 
7 Attachment1 also found at:  http://www.nerc.com/files/TPL-002-0b.pdf 
8 “Footnote b” of Table I is not an exception.  It is a statement which explains that interruption of electric 
supply to customers served by an element will naturally be disconnected from the system if the element 
experiences a fault. 
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next N-1, this may be interpreted as a violation of the Category B requirement, as rejection of 1 

customer load is not permitted to secure the system following a single N-1 contingency.  2 

NERC Category C planning criteria is defined in Requirement R1 as follows9: 3 

The Planning Authority and Transmission Planner shall each 4 
demonstrate through a valid assessment that its portion of the 5 
interconnected transmission systems is planned such that the 6 
network can be operated to supply projected customer demands 7 
and projected Firm (non-recallable reserved) Transmission 8 
Services, at all demand Levels over the range of forecast system 9 
demands, under the contingency conditions as defined in Category 10 
C of Table I (attached). The controlled interruption of customer 11 
Demand, the planned removal of generators, or the Curtailment of 12 
firm (non-recallable reserved) power transfers may be necessary to 13 
meet this standard.  14 

The Category C requirement, as applied in long-term planning, generally means that the 15 

system must be capable of sustaining the loss of multiple single elements (lines, transformers, or 16 

generators) and meet the maximum forecast demand during the applicable planning window, 17 

without exceeding the applicable ratings of any of the system elements that remain in service.  18 

This is generally called the “N-1-1 or N-2” requirement.  This standard also applies to loss of a 19 

single bus section at a bulk power substation.  However, for NERC Category C contingencies, 20 

the use of “planned/controlled” load shedding may be used to achieve compliance with the 21 

NERC Category C requirement. 22 

Finally, NERC Category D planning criteria do not require a specific performance level, 23 

but instead require the Planning Authority and Transmission Planner to assess and understand 24 

the consequences of severe system contingencies, as described in Requirement R110: 25 

“The Planning Authority and Transmission Planner shall each 26 
demonstrate through a valid assessment that its portion of the 27 
interconnected transmission system is evaluated for the risks and 28 

                                                 
9  Attachment2 also found at:  http://www.nerc.com/files/TPL-003-0b.pdf 
10 Attachment 3 also found at:  http://www.nerc.com/pa/Stand/Reliability%20Standards/TPL-004-0a.pdf 
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consequences of a number of each of the extreme contingencies 1 
that are listed under Category D of Table I.” 2 

The loss of one voltage level at Talega Substation (138 kV or 230 kV), or the loss of the 3 

entire substation is considered a Category D contingency.  The NERC Category D requirement 4 

instructs utilities to “[e]valuate for risks and consequences” such Category D events because they 5 

“[m]ay involve substantial loss of customer Demand and generation in a widespread area or 6 

areas.” 7 

Section 2. NERC Transmission Operations Reliability Standards 8 

NERC also has set reliability standards for transmission operations.  Of particular 9 

relevance here, NERC TOP-004-2, R1 provides: “Each Transmission Operator shall operate 10 

within the Interconnection Reliability Operating Limits (IROLs) and System Operating Limits 11 

(SOLs).”11  The NERC Glossary of Terms defines a SOL as the most limiting value that ensures 12 

operation within acceptable reliability criteria.  A facility thermal rating is an SOL.  SDG&E is 13 

required by NERC Transmission Operating Standards to operate within SOLs, including thermal 14 

ratings.   15 

Section 3. CAISO Mandatory Planning Standards  16 

In addition to the applicable NERC reliability standards, CAISO may impose additional 17 

performance requirements.  Pursuant to California law and a FERC-approved tariff,12 CAISO is 18 

responsible for the planning and operation of the electric transmission system in California.  19 

Under Public Utilities Code § 345: “The Independent System Operator shall ensure efficient use 20 

and reliable operation of the transmission grid consistent with achievement of planning and 21 

                                                 
11 http://www.nerc.com/_layouts/PrintStandard.aspx?standardnumber=TOP-004-
2&title=Transmission%20Operations&jurisdiction=United%20States.  
12 http://www.caiso.com/Documents/ConformedTariff_Nov1_2014.pdf.  
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operating reserve criteria no less stringent than those established by the Western Electricity 1 

Coordinating Council and the North American Electric Reliability Council.”   2 

Under the CAISO’s Transmission Control Agreement, Section 6.1.3: “In operating and 3 

maintaining its transmission facilities, each Participating TO shall take proper care to ensure the 4 

safety of personnel and the general public.  It shall act in accordance with Good Utility Practice, 5 

applicable law, the CAISO Tariff, CAISO Protocols, the Operating Procedures, and the 6 

Applicable Reliability Criteria.”  The Applicable Reliability Criteria are defined as “The 7 

Reliability Standards and reliability criteria established by NERC and WECC and Local 8 

Reliability Criteria, as amended from time to time, including any requirements of the NRC.” 9 

CAISO has adopted Planning Standards as authorized by the CAISO Tariff and the 10 

Transmission Control Agreement, Section 5.1.5.  The CAISO Planning Standards currently in 11 

effect are effective from September 18, 2014 to March 30, 2015.  The CAISO Planning 12 

Standards recognize that the NERC reliability standards for transmission planning are the 13 

“minimum standards that ISO needs to follow in its planning process.”  The CAISO Planning 14 

Standards state:  “The California ISO (ISO) tariff provides for the establishment of planning 15 

guidelines and standards above those established by NERC and WECC to ensure the secure and 16 

reliable operation of the ISO controlled grid.  The primary guiding principle of these Planning 17 

Standards is to develop consistent reliability standards for the ISO grid that will maintain or 18 

improve transmission system reliability to a level appropriate for the California system.”13 19 

In addition to providing mandatory interpretations of the NERC TPL standards, the 20 

CAISO Planning Standards address other aspects of reliability, including:  (1) circumstances 21 

                                                 
13 See  Attachment4 - California ISO Planning Standards (Effective September 18, 2014 to March 30, 
2015)  
at 3. 
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where new transmission may be appropriate to mitigate load dropping permitted by NERC 1 

reliability standards (Planning Standard 6); (2) whether load shedding is appropriate for local 2 

areas even when permitted by NERC reliability standards (Planning Standard 7); (3) whether 3 

Category D events should be mitigated based on a case-by-case assessment (Planning Standard 4 

8); and (4) use of Special Protection Systems (Planning Guideline 1). 5 

Section 4. Commission Direction 6 

The Commission has endorsed the NERC reliability standards as the minimum level of 7 

reliability that California utilities should provide their customers.  The Commission recently 8 

expressed its disapproval of long term system planning that relies upon load shedding.  In 9 

Decision 14-03-004, the Commission considered the need for utilities to procure additional 10 

generation resources in light of the retirement of SONGS, and stated:  11 

Per § 345, the ISO is responsible for operating the transmission 12 
grid used by SCE, PG&E, and SDG&E “consistent with 13 
achievement of planning and reserve criteria no less stringent than 14 
those established by the Western Electricity Coordinating Council 15 
and the North American Reliability [Corporation].” The 16 
Commission is responsible for service reliability and maintaining 17 
reasonable rates.  In previous decisions, we rejected the notion of 18 
“reliability at any cost,” indicating instead that “measures that are 19 
proposed to promote greater grid reliability should be evaluated by 20 
weighing their expected costs against the value of their expected 21 
contribution to reliability…” 22 

We do not find that long-term reliance on an SPS to resolve LCR 23 
need related to the retirement of SONGS is appropriate.  We agree 24 
with SCE witness Chinn that “load shedding should only be used 25 
judiciously as mitigation for contingencies.” We also agree with 26 
IEP that we should not make a “change to long-term resource 27 
planning policy to incorporate blackouts as a standard, planned 28 
response to N-1-1 contingencies, a response on par with supply or 29 
demand-side additions, to avoid procuring the resources needed to 30 
reduce the risk of blackouts.” 31 

D.14-03-004 at 44 (footnotes omitted).  The Commission concluded that it was “prudent to wait 32 

to see what resources develop in the SONGS service area to determine whether an SPS or other 33 
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load-shedding protocol need serve as a bridge until such resources are in place,” but stated: “We 1 

agree with SDG&E and IEP that that it is not prudent to take a long-term system planning 2 

approach that assumes reliance on load shedding in a densely-populated urban area as mitigation 3 

for contingency events.”  D.14-03-004 at 45-46. 4 

Here, as discussed in Chapter 4, SDG&E serves over 300,000 people in South Orange 5 

County who may be subjected to long-term load shedding under certain contingency events. 6 

Section 5. SDG&E Models Its System Against NERC and CAISO Standards to 7 
Assess Risks to Reliability  8 

SDG&E conducts annual planning analyses of the bulk power system serving the overall 9 

SDG&E service area generally, and the South Orange County area specifically.  The purpose of 10 

this analysis is to ensure that the transmission system meets NERC, WECC, and CAISO 11 

Planning Standards.  SDG&E and CAISO planning staff observe the following general principles 12 

when performing the annual analyses: 13 

1) Ensure that the system is capable of meeting NERC Category A, B and C 14 

planning criteria for the ten-year planning window; 15 

2) Evaluate the impact of severe system contingencies (NERC Category D) on the 16 

bulk power system and consider what mitigation is appropriate; 17 

3) Use of a 1-in-10 California Energy Commission (CEC) coincident forecast for 18 

aggregate area studies, as directed to by CAISO planning staff; and 19 

4) Use of non-coincident, individual substation load forecast for “load pocket” or 20 

local area studies. 21 

Both SDG&E and CAISO perform their annual independent planning analyses of the 22 

bulk power system with the intent of meeting NERC criteria, but it is important to point out that 23 

these criteria are, in fact, a set of minimum criteria.  The CAISO reserves the right, as the 24 
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Planning Authority, to implement planning criteria that are more stringent that the minimum 1 

criteria as defined in the applicable NERC standards.  The CAISO and SDG&E also have the 2 

discretion to identify, select, and implement mitigations for identified NERC violations that may 3 

go beyond the minimum necessary to meet the criteria in order to provide a higher level of 4 

reliability for customers.  This includes identifying mitigations for Category B or Category C 5 

contingencies that also address severe Category D events. 6 

Section 6. The CAISO Determines Whether Reliability Projects are Needed  7 

The CAISO Transmission Control Agreement, Section 11 provides: “The provisions of 8 

Sections 24 and 25 of the CAISO Tariff will apply to any expansion or reinforcement of the 9 

CAISO Controlled Grid affecting the transmission facilities of the Participating TOs placed 10 

under the Operational Control of the CAISO.”  Section 24 of the CAISO Tariff outlines the 11 

CAISO Transmission Planning process.   12 

The CAISO prepares an annual transmission plan based on CAISO’s evaluation of the 13 

transmission system.  Under Section 24.4.6.2 of its FERC-approved Tariff, CAISO determines 14 

the solution to reliability driven system needs “that meets the identified reliability need in the 15 

more efficient or cost effective manner.”  With respect to SDG&E’s Proposed Project, the 16 

CAISO considered the needs of SDG&E’s South Orange County system and potential solutions 17 

since 2008 before approving the Proposed Project in its 2010-11 Transmission Plan.  18 

As noted in Section 5 above, both the CAISO and SDG&E reserve the right to identify 19 

and implement mitigations to correct identified deficiencies in the bulk power system, including 20 

mitigations that may exceed the bare minimum as required with respect to the NERC reliability 21 

standards.  Both SDG&E and CAISO, when evaluating the merit of each mitigation, examine 22 

several important criteria that are not addressed specifically by the NERC criteria but that go 23 

directly how effective and efficient a particular mitigation is.  This evaluation included: 24 
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1. Long-Term Effectiveness – Will the mitigation address the identified issues for 1 

the duration of the planning window?  As utility-scale projects tend to have long 2 

service lives, will it continue to be useful and effective in the decades afterwards? 3 

2. Addresses Multiple Issues – Will the mitigation have a narrow effectiveness, 4 

requiring multiple mitigations, or will it be effective at addressing multiple system 5 

deficiencies and avoid piecemeal projects? 6 

3. Addressing High Impact System Contingencies – Will the mitigation prevent 7 

customer impacts from severe system contingencies?  8 

4. Constructability - Can the mitigation be successfully implemented in the field, 9 

using available technology and construction practices? 10 

5. Timeliness – Can the project be constructed in a reasonable timeframe, allowing 11 

for the procurement of long lead time equipment, permitting, right of way 12 

acquisition, etc. 13 

With respect to the Project, the answers to these questions are as follows: 14 

1. Long-Term Effectiveness – The Proposed Project will continue to address NERC 15 

reliability, provide a second bulk-power source to South Orange County, and 16 

allow for operational flexibility not just for the duration of the planning window, 17 

but for decades afterwards. 18 

2. Addresses Multiple Issues – The Proposed Project will address all five of the 19 

main project objectives (provide transmission system reliability, rebuild 20 

Capistrano substation, improve operational flexibility, accommodate load growth, 21 

and use of existing utility-owned ROW). 22 
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3. Addressing High Impact System Contingencies – The Proposed Project will 1 

eliminate the possibility of loss of all Southern Orange County load for a 2 

catastrophic loss of Talega substation. 3 

4. Constructability – The Proposed Project will use common utility equipment and 4 

construction techniques. 5 

5. Timeliness – The Proposed Project can be accomplished in a reasonable time. 6 

Both SDG&E and the CAISO evaluated multiple mitigations for the reliability issues 7 

extant in South Orange County, and both concluded that the Proposed Project was the best 8 

alternative for meeting both the NERC reliability criteria and other important considerations as 9 

described above. 10 

Because CAISO has approved the Proposed Project, pursuant to its agreement with 11 

CAISO,14 SDG&E is required to seek authorization to construct, and to construct if authorized, 12 

the Proposed Project.   13 

  14 

                                                 
14 See Transmission Control Agreement § 4.3 (“Participating TOs shall be responsible for operating and 
maintaining those lines and facilities in accordance with this Agreement, the Applicable Reliability 
Criteria, the Operating Procedures, and other criteria, CAISO Protocols, procedures, and directions of the 
CAISO issued or given in accordance with this Agreement.”)   
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CHAPTER 4:  SDG&E’S PROPOSED PROJECT IS NEEDED TO PROVIDE 1 
RELIABLE TRANSMISSION SERVICE TO SDG&E’S SOUTH ORANGE COUNTY 2 
SYSTEM  3 

Section 1. Overview (Witness:  John Jontry) 4 

As discussed in Chapter 3, SDG&E has an obligation to provide reliable electric service 5 

to its over 300,000 customers in South Orange County.  SDG&E has determined that the 6 

Proposed Project is needed to provide an appropriate level of reliability.  In reaching that 7 

determination, SDG&E considered the various risks to its South Orange County electric service.   8 

SDG&E considered compliance with the NERC reliability criteria and CAISO Planning 9 

Standards discussed in Chapter 3, which are mandatory.  As discussed below, SDG&E’s 10 

Proposed Project is necessary for SDG&E’s South Orange County system to operate in 11 

compliance with the NERC TPL-003-0b requirement that the system remain within Applicable 12 

Ratings at all times. 13 

Further; however, the NERC reliability standards provide a floor, not a ceiling, for the 14 

reliability of electric service.  It is the job of the local authority, in this case the CAISO and its 15 

open stakeholder process, to determine when it is appropriate to shed customer load to remove 16 

transmission line overloads and when it is appropriate to create a project.  17 

NERC and CAISO realize that there are other factors that need to be evaluated when 18 

looking at dropping firm demand customers.  Thus, NERC TPL-004-0a requires utilities to 19 

“[e]valuate for risks and consequences” Category D events (Extreme Events Resulting in the 20 

Loss of Two or More Bulk Electric System Elements) with the understanding that such events 21 

“[m]ay involve substantial loss of customer Demand and generation in a widespread area or 22 

areas.”  Similarly, CAISO recognizes that the NERC reliability criteria are “minimum standards 23 

that ISO needs to follow in its planning process” and will adopt Planning Standards “to 24 

complement them where it is in the best interests of the security and reliability of the ISO 25 



` 

30 
 

controlled grid.”15  In reviewing transmission needs, CAISO has stated that it is its “intention to 1 

allow the build-up of transmission projects that are proven to have a positive benefit to 2 

ratepayers by reducing load drop exposure.”16  Utilities, regional transmission system operators, 3 

and state public utilities commissions must determine whether greater reliability serves the 4 

public interest under specific circumstances.  5 

Here, both SDG&E and CAISO have determined that the reliability concerns in South 6 

Orange County justify the Proposed Project.  Those concerns include: (1) because Talega 7 

Substation is the sole source of power to SDG&E’s South Orange County system, a Category D 8 

event at Talega could interrupt service to all of SDG&E’s over 300,000 customers in the area for 9 

a significant period of time; (2) because Talega is the sole source and has a non-standard 10 

configuration, 29 different maintenance events at Talega, which require a planned outage of 11 

certain equipment, leave all of SDG&E’s South Orange County customers at risk of losing 12 

service if there is a forced outage during the maintenance event; and (3) there are many Category 13 

C events that would disconnect over half of the customers or force SDG&E to interrupt service 14 

to some of its South Orange County customers, including both single and double outage events. 15 

SDG&E sets forth below, in order: (a) the history of SDG&E’s and CAISO’s 16 

determination that the Proposed Project is needed to provide adequate reliability to South Orange 17 

County, resulting in CAISO’s 2011 approval of the Proposed Project; (b) SDG&E’s updated 18 

modeling assumptions; (c) the reliability risk of Category D events at Talega Substation; (d) the 19 

reliability risk during maintenance events at Talega Substation; (e) the need for the Proposed 20 

Project to comply with TPL-003-0b’s mandate to remain within Applicable Ratings during 21 

Category C events; (f) the reliability risk of additional Category C single and double outage 22 
                                                 
15 California ISO Planning Standards (Effective September 18, 2014 to March 30, 2015) at 3. 
16 Id. at 16.   



` 

31 
 

events; and (g) the reliability risk during maintenance events at other South Orange County 1 

substations. 2 

Section 2. SDG&E And CAISO Concluded That SDG&E’s South Orange 3 
County Transmission System Needs A Reliability Upgrade (Witness: John Jontry) 4 

One of the primary objectives of the Proposed Project is to reduce the risk of a service 5 

interruption resulting from a transmission failure.  The mandatory reliability standards put in 6 

place by the FERC after the August 14, 2003 Northeast blackout set the foundation for reducing 7 

the possibility of power system failures and support the need to construct new transmission 8 

infrastructure.17  As discussed in Chapter 3, SDG&E must comply with mandatory NERC, 9 

WECC and CAISO reliability standards, as well as the Commission’s direction.  SDG&E and 10 

CAISO also consider the level of reliability that is reasonable and prudent to provide to utility 11 

customers in California. 12 

The Proposed Project was determined to be necessary and appropriate through two 13 

processes: 14 

1) SDG&E’s transmission planning studies (“Grid Assessment” or “GA” studies). 15 

2) The CAISO’s 2010/2011 transmission planning process (an open stakeholder 16 

process defined by the CAISO’s FERC tariff and business process manual). 17 

A. Beginning in 2007, SDG&E Identified the Need to Enhance Reliability 18 
in South Orange County 19 

The Project as presented herein was first identified and developed during the 2007-2008 20 

Grid Assessment planning process by SDG&E’s transmission planning personnel.  The issues 21 

identified were as follows: 22 

1) Forecast NERC Category B overloads on two 138 kV lines (TL13812 and 23 

                                                 
17 Energy Policy Act of 2005 and FERC Order No. 693 issued March 16, 2007. 
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TL13837); 1 

2) Non-standard bus and breaker arrangement at Talega Substation, creating 2 

significant risks during forced outages and maintenance events;  3 

3) A single bulk power source serving all of South Orange County load, 4 

exposing all SDG&E customers in the area to a loss of service if the 230 5 

kV or 138 kV service at Talega Substation failed; 6 

4) Radial (i.e., load pocket) arrangement of the 138 kV system serving South 7 

Orange County; 8 

5) Common-structure arrangement of 138 kV lines in South Orange County 9 

leaving them vulnerable to N-2 outages;  10 

6) Accommodating future load growth.  11 

The basic objectives and need for the Proposed Project have not significantly changed 12 

since it was initially identified. 13 

The Proposed Project was submitted to the CAISO as the South Orange County 14 

Reliability Upgrade (SOCRUP) for approval in December, 2008. 15 

B. In 2011, CAISO Found the Project Is Needed to Enhance Reliability 16 

The need for the Proposed Project was evaluated by CAISO, in accordance with the 17 

CAISO’s FERC-approved transmission tariff and Business Process Manual.  As a reliability 18 

project, the Proposed Project was evaluated as a part of CAISO’s Transmission Planning Process 19 

(TPP).  CAISO transmission planning staff evaluated whether the Proposed Project would allow 20 

the bulk power system to meet applicable NERC, WECC, and CAISO planning standards.  21 

CAISO staff also evaluated the overall reliability risks to South Orange County. 22 

The Proposed Project was evaluated over several CAISO TPP planning cycles.  As 23 
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described in the CAISO’s FERC-approved tariff and Business Process Manual, the TPP is an 1 

open stakeholder process.  Typically, three to four public stakeholder meetings are held during 2 

each planning cycle, and the CAISO solicits stakeholder input at each stage of the process 3 

(development of study assumptions, performance of powerflow study work by CAISO and utility 4 

staffs, development and public presentation of proposed reliability, policy and economic 5 

projects, and development and approval of the annual expansion plan).  Interested parties had 6 

ample opportunity to weigh in on the merits of the Proposed Project over a period of several 7 

years. 8 

Based upon the planning assumptions for the 2010-11 planning cycle, including load 9 

forecasts, CAISO concluded: 10 

“The southern Orange County area in SDG&E‘s service territory 11 
demonstrates multiple Category C-driven issues by 2020.  More 12 
than 40 combinations of contingencies can result in load shed in 13 
the southern Orange County area.  Some of these problems are 14 
existing ones and there are SPSs to address these issues.  Detailed 15 
contingency analysis results are presented in Appendix A.  There 16 
are more than 40 contingencies that result in overloads in 2020 and 17 
the number is more than 70 beyond 2025.  The ISO standards do 18 
not recommend using SPS that looks at more than six 19 
contingencies causing more than four elements to get overloaded.  20 
This highlights the need for a reliability upgrade in the area.  21 
Southern Orange County is fed by a single 230 kV source at 22 
Talega.  Failure of certain components in this area under 23 
maintenance conditions can result in loss of entire South Orange 24 
County load which is expected to be about 523 MW by 2020.  25 
There are 16 combinations of credible contingencies just at Talega 26 
substation which result in loss of partial or complete Orange 27 
County load under maintenance condition.  Historical planned 28 
outage data reveals that ‘load at risk’ notifications have been part 29 
of several planned outages in recent past.  These notifications are 30 
issued when more than 100 MW of load is at risk during planned 31 
outage conditions. In 2009-2010, ‘load at risk’ notifications were 32 
issued on 50 days.  This indicates that any maintenance work at 33 
Talega substation or at several other 138 kV facilities frequently 34 
results in an increased risk of loss of load on the southern Orange 35 
County system.  Loss of this load is also an existing concern due to 36 



` 

34 
 

the topology in this area.  The proposed solution and alternatives 1 
have proposed in-service date of June 2015.”18 2 

The CAISO transmission planning staff then evaluated three Project alternatives.19 3 

 Alternative 1:  Rebuild Capistrano 230 kV substation, build a new SONGS – 4 

Capistrano 230 kV line using existing right-of-way, and build a new Escondido to 5 

Capistrano 230 kV line using existing right-of-way.  Estimated cost for this 6 

alternative is $454.8 million. 7 

 Alternative 2:  Rebuild Capistrano 138kV substation (aging infrastructure 8 

maintenance project), reconductor 138kV lines – Talega – Pico, Talega – Laguna 9 

Niguel, Talega – Trabuco, Capistrano – Trabuco, Talega – Rancho Mission Viejo, 10 

and upgrade SONGS – Talega 230 kV lines. Upgrade two 230/138 kV 11 

transformer banks at Talega.  Estimated cost for this alternative is $347.6 million. 12 

 Alternative 3:  Rebuild Capistrano 230 kV substation, build a new SONGS – 13 

Capistrano 230 kV line using existing right-of-way, and tap off a 230 kV line to 14 

Capistrano from existing Escondido – Talega 230 kV line.  Estimated cost for this 15 

alternative is $364.8 million. 16 

After evaluating the three alternatives, CAISO staff reported, in the CAISO’s 2010-2011 17 

Transmission Plan, as follows: 18 

“Power flow study results of the peak load scenarios identified 19 
numerous facility loadings that exceeded their rated capabilities 20 
under Category C contingencies beyond 2015. All three 21 
alternatives considered here can mitigate the loading issues for 22 
Category C contingencies. In order to determine the most effective 23 
alternative, aspects beyond just the NERC compliance were taken 24 
into consideration. Historical data for bus outages at Talega and 25 
planned outages that put load at risk was accumulated and 26 

                                                 
18 Attachment 7 (CAISO 2010-2011 Transmission Plan, issued May 18, 2011, pg. 207) (emphasis added). 
19 Attachment 7 (CAISO 2010-2011 Transmission Plan, issued May 18, 2011, pg. 209). 
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examined. It was quite evident that the lack of second source into 1 
southern Orange County puts more load at risk than the Category 2 
C issues noticed in the reliability assessment of the system. Hence, 3 
in order to improve the overall reliability of this system, it is 4 
important to bring another source into this area. The project 5 
submitted by SDG&E (Alternative 1) aims to achieve this, but 6 
Alternative 3 achieves similar reliability performance at a 7 
considerably lower cost. Alternative 2 mitigates the Category C 8 
issues through 2021, but fails to deliver another source into this 9 
area and hence fails to address the risk of load shedding due to 10 
contingencies at Talega. Alternative 3 provides another source into 11 
southern Orange County system at very little extra cost compared 12 
to Alternative 2. It also offers a potential for future upgrades in 13 
case of further load growth. After a comprehensive analysis, the 14 
ISO staff concluded that SOCRUP Alternative 3 as the most 15 
effective, feasible solution to meet the reliability needs of southern 16 
Orange County area. Therefore, the ISO has found that the 17 
SOCRUP Alternative 3 project is needed to address the reliability 18 
concerns in the southern Orange County area.” 20 19 

The Proposed Project was approved by the CAISO Board as a reliability-driven project as a part 20 

of the 2010-2011 Transmission Plan on March 18, 2011. 21 

Section 3. SDG&E Has Updated its Review of the South Orange County 22 
Transmission System (Witness:  Cory Smith) 23 

CAISO approved the Proposed Project in 2011.  SDG&E filed its Application seeking a 24 

Certificate of Public Convenience and Necessity (CPCN) for the Proposed Project in May 2012.  25 

Given the passage of time, SDG&E updated its assessment of the reliability risks to South 26 

Orange County in 2013,  again in late 2014 and most recently in 2015.  This section presents the 27 

updated 2014 load, topology, and generation assumptions for the South Orange County area 28 

served by SDG&E’s 138 kV transmission network.    29 

                                                 
20 Attachment 7 (CAISO 2010-2011 Transmission Plan, issued May 18, 2011, pg. 209) (emphasis added). 
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A. SDG&E Updated its Load Forecast  1 

SDG&E performs a non-coincident load forecast for each distribution circuit and 2 

substation in its system every year.  This forecast is then used to perform capacity analysis on the 3 

distribution system for a one to ten year time frame.  SDG&E’s distribution system forecast is 4 

produced via a multi-step process.  First, the previous year’s peak load for each circuit and 5 

substation is documented, then the load is normalized for the weather experienced on that day.  If 6 

the weather experienced on the peak day was cooler than normal, the peak load is adjusted 7 

upward; if warmer, it is adjusted downward.  Once the peak loads are identified and normalized, 8 

the peak load is used as a baseline for the load forecast.  A load forecast is created based on 9 

normal growth, as well as any specific load additions.  These specific load additions can be, for 10 

example, a new shopping mall, housing tract, or industrial complex.   11 

The total load for each future year is then adjusted using an “adverse factor,” which 12 

adjusts the load from what is considered a “normal,” or “1 in 2” year, to a “1 in 10” year.  This 1 13 

in 10 year load forecast is used to plan the distribution system.  The distribution system forecast 14 

is considered a “non-coincident”, summer adverse weather, peak load forecast.  In other words, 15 

the forecast evaluates each substation and circuit during its respective peak, regardless of what 16 

happens on the overall system.   17 

South Orange County is largely residential in nature, which results in South Orange 18 

County substations tending to peak together, instead of at different times.  As such, it is 19 

appropriate to assess South Orange County’s transmission network using the non-coincident 20 

substation load forecast.  In addition, the fact that the area is presently served from one 21 

transmission source makes a non-coincident analysis even more important, as the transmission 22 

system will be required to serve the non-coincident peak load of South Orange County regardless 23 
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of when the rest of the SDG&E system peaks. 1 

SDG&E’s non-coincident load forecast for South Orange County has decreased since 2 

2011 for two reasons.  First, SDG&E has changed its forecasting process.  As described above, 3 

SDG&E now utilizes the previous year’s peak load as a baseline when forecasting future growth.  4 

Previously, SDG&E utilized the all-time peak as a baseline when forecasting future growth in 5 

the system.  This older method presumed that load growth is constant and that each year will 6 

have a higher peak than the previous year.  When SDG&E originally proposed the SOCRE 7 

Project, it forecasted load growth using the 2007 all-time peak as a baseline for each substation 8 

in the South Orange County.  SDG&E modified its forecasting baseline to reflect the previous 9 

year’s peak on a normalized basis, with those normalizing factors getting updated each year.   10 

For example, if the peak for a given year occurred during an exceptionally hot day (such 11 

as 2007) then the peak load would be adjusted downward, to reflect a “normal” year.  If the peak 12 

occurred during a cooler than normal year, this peak load would be adjusted upward, again to 13 

reflect what is believed to be a normal year for the area served by that substation.  This change to 14 

forecasting methodology resulted in a decrease to SDG&E’s load forecast for South Orange 15 

County.  While SDG&E made this change to avoid overstating likely demand, the connected 16 

load that created the peak demand experienced in 2007 are still there and the connected load 17 

capacity in South Orange County has actually increased 5% between 2007 and 2014.  18 

Second, SDG&E has adjusted its forecast of development in Rancho Mission Viejo to 19 

spread growth further into the future based on economic conditions.  This change also resulted in 20 

a decrease to the load forecast for South Orange County. As economic conditions improve, this 21 

load will come back and increase the future load forecast. 22 

SDG&E’s non-coincident forecast accounts for energy efficiency (EE) as a natural 23 
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component of distribution load growth.  That is, EE is not specifically called out in SDG&E’s 1 

distribution system load forecast, but is captured in peak data and normal growth parameters.  As 2 

more EE is incorporated in the electric system, each new peak reflects the greater efficiency, and 3 

growth factors are modified accordingly.   4 

SDG&E’s system wide non-coincident forecast also accounts for distributed generation 5 

(DG) on its distribution system.  SDG&E identifies DG on its system and modifies that 6 

generation with a capacity factor to account for non-coincidence between peak generation and 7 

peak load.  Typically SDG&E sees approximately 35% of nameplate for PV systems at peak load 8 

conditions.  This 35% of nameplate is then added back into the load calculation to reflect the 9 

actual electrical load being served by SDG&E and installed DG.  This is appropriate for the 10 

study of South Orange County.  As discussed above, South Orange County is largely residential 11 

and residential load reaches its peak late in the day just as solar production is decreasing. 12 

For its 2014 evaluation of the need for the Proposed Project, SDG&E used its non-13 

coincident load forecast for South Orange County, which is set forth in Table 4-1 below: 14 

Table 4-1 - 2014 Distribution Planning, Individual Non-Coincident Substation Load 15 
Forecast, Summer Adverse Weather (Load in MW) 16 

Substation 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 

Capistrano 52.0 52.5 53.1 53.6 54.1 54.6 55.2 55.7 56.2 56.7 

Laguna Niguel 95.2 95.7 96.1 96.6 97.1 97.5 97.9 98.2 98.6 99.0 

Margarita 99.6 100.2 100.8 101.4 102.0 102.6 103.1 103.7 104.3 104.9 

Pico 42.6 43.2 43.7 44.2 44.7 45.2 45.7 46.3 46.8 47.3 

Rancho Mission Viego 14.7 17.0 20.4 23.8 27.2 30.7 34.1 37.5 40.9 41.1 

San Mateo 36.2 37.0 37.7 38.5 38.9 39.3 39.7 40.0 40.4 40.8 

Trabuco 87.5 87.9 88.3 88.8 89.2 89.6 90.0 90.5 90.9 91.3 

Total South Orange County 427.8 433.5 440.1 446.9 453.2 459.5 465.7 471.9 478.1 481.1 

B. SDG&E Has Updated its Transmission Assumptions  17 

Since CAISO set the planning assumptions for its 2010-11 Transmission Planning 18 

Process cycle, the following relevant changes in transmission system have been implemented or 19 
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will be implemented, and therefore were included in SDG&E’s 2014 review of the need for the 1 

Proposed Project: 2 

1) Transmission line TL13812 was opened near Talega Substation and the two ends 3 

tied to adjacent transmission lines creating two three terminal transmission lines.  4 

The section of TL13812 from San Mateo Substation to the open point was 5 

connected to TL13833, creating a three terminal transmission line that ties San 6 

Mateo Substation to both Trabuco and Talega substations.  The section of 7 

TL13812 from Talega Substation to the open point was connected to TL13835.  8 

This created a second three terminal transmission line which ties Talega 9 

Substation to both San Mateo and Laguna Niguel substations. 10 

2) Transmission line TL13833 described above in (1) was comprised of three 11 

transmission line sections tied to a common point (tap).  The section of TL13833 12 

from the tap to Trabuco Substation was opened at Pico Substation and each end 13 

tied into the substation.  This created two transmission lines; Pico to Trabuco 14 

substation and Pico Substation to the tap point.  The transmission line from Pico 15 

Substation to Trabuco Substation retained the designation TL13833 and the three 16 

terminal transmission line which now ties San Mateo, Talega and Pico substations 17 

together is designated TL13846. 18 

3) A portion of the transmission lines emanating from Laguna Niguel Substation 19 

(TL13835A and TL13837) have been converted from overhead conductors to 20 

underground cables.  21 

4) A Special Protection System installed at Laguna Niguel Substation senses the 22 

flow of power on TL13835A.  The protection system is designed to open 23 
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TL13837 when the flow of power on TL13835A rises above the transmission 1 

line’s rating (571 Amps) for more than 5 seconds. 2 

5) Capacitor banks at Talega Substation 230 kV switchyard are being replaced with 3 

synchronous condensers. 4 

C. SDG&E Has Updated its Generation Assumptions  5 

At the time of the CAISO’s 2011 decision and to the present time, there is no significant 6 

generation of electric energy in South Orange County service area.   7 

Since 2011, the SONGS nuclear units were retired early, as announced on July 6, 2012.  8 

This removed a significant source of both real and reactive power from a critical location in the 9 

Southern California transmission system.  However, because South Orange County is supplied 10 

through Talega Substation, the removal of SONGS has a limited effect on the manner in which 11 

real power flows through the South Orange County 138 kV network.  Both San Onofre Nuclear 12 

Generating Station generators were removed from the model and a 7 MVA load was placed at 13 

the San Onofre 230 kV bus to represent the plant load which will remain as part of the 14 

decommissioning process. 15 

Section 4. A Category D Event Causing Outage of the 230 kV or 138 kV Service 16 
at Talega Substation Will Result in a Loss of Service to All of SDG&E’s South 17 
Orange County Customers (Witness: Cory Smith) 18 

As discussed in Chapter 3, NERC Standard TPL-004-0a requires that each Transmission 19 

Owner assess the risks and consequences of the loss of a substation.  SDG&E and the CAISO 20 

have evaluated the risks and consequences of the loss of the Talega Substation. 21 

SDG&E evaluated the risks and consequences of losing 230 kV service or 138 kV service 22 

at Talega Substation.  Examples of  Category D events include fire, explosion, seismic events, 23 

vandalism and terrorism.  As discussed in Chapter 6, space constraints at the Talega Substation 24 

have resulted in the transformers being in relatively close proximity, and no separation wall 25 
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between adjacent transformers.  South Orange County, like most of Southern California, is 1 

considered to have a significant seismic risk, at least from strong seismic shaking.21  The recent 2 

attack on PG&E’s Metcalf Substation has demonstrated that vandalism or terrorism events can 3 

happen. 4 

The evaluation of the consequences of such an event was done by inspection of the one-5 

line diagram shown on Figure [2-2] of chapter 2 and Figure [2-1] of the PEA.  The one-line 6 

diagram shows the interconnection of South Orange County’s ten 138 kV transmission lines and 7 

seven 138/12 kV substations.  Four of the 138 kV transmission lines terminate at the Talega 8 

Substation 138 kV bus and the Talega Substation 138 kV bus connects to the Talega Substation 9 

230 kV bus.  This is the only 230 kV bus in South Orange County and the only substation in 10 

South Orange County with a connection to the CAISO controlled grid.  Consequently, the loss of 11 

either the Talega 138 kV bus or Talega 230 kV bus will result in South Orange County being cut 12 

off from the CAISO 230 kV transmission system.  Without this connection, there is no path for 13 

power to flow from generation sources located outside South Orange County to customers 14 

located within South Orange County. 15 

For example, on July 18, 2013 at 11:40 pm an insulation failure on a 69 kV transmission 16 

line caused a fault which spread to an adjacent 138 kV transmission line which is connected to 17 

the Talega Substation 138 kV bus.  The protection system operated and removed the Talega 18 

Substation 138 kV east and west buses from the CAISO controlled grid.  All South Orange 19 

County customer load was interrupted. This outage lasted several hours. 20 

A momentary outage may cause sensitive electronic equipment to reset.  An outage 21 

lasting an hour or more may cause economic impacts (food spoilage, equipment damage, loss of 22 

                                                 
21 See SDG&E’s Proponent’s Environmental Assessment § 4.6.3.4. 



` 

42 
 

business for retail establishments, etc.).  A prolonged outage (days or weeks) would leave all 1 

customers without power for an extended period of time and cause extensive and serious 2 

economic impacts.  Although some sensitive loads (such as hospitals, emergency services, data 3 

centers, etc.) might have customer owned emergency backup systems, such systems can only 4 

operate for a limited duration and are not designed as a primary source of power. 5 

The time to restore a system component to service depends on, among other things, the 6 

nature of the event causing failure, the type of equipment that has been damaged or failed, the 7 

extent of damage, and the availability of skilled labor, specialized construction equipment, spare 8 

materials and equipment, and access to the site and damaged equipment.  An outage duration 9 

could range from hours to weeks.  For example, following the 2011 Mexicali earthquake, it took 10 

24 days to complete repairs at Imperial Valley Substation. 11 

To reduce the risks associated with the loss of Talega Substation, the Proposed Project 12 

would introduce a second 230 kV source into South Orange County at the new San Juan 13 

Capistrano Substation. Both San Juan Capistrano and Talega Substations would supply the area 14 

load during normal operation, maintenance operations at either substation and in the event that 15 

one of the substations is removed from service, the remaining substation would supply power to 16 

the area. 17 

Section 5. Necessary Maintenance Outages at Talega Substation Place Some or 18 
All of SDG&E’s South Orange County Customers at Risk of Interrupted Service In 19 
the Event of a Forced Outage of a Single Transmission Element (Witness: Cory 20 
Smith) 21 

In addition to Category D events that would result in the loss of all South Orange County 22 

load, the existing Talega Substation non-standard bus configuration restricts the conditions under 23 

which maintenance can be performed, and creates risk of service interruption to some or all of 24 

South Orange County from a single forced outage during each planned maintenance outage.   25 
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Table 4-2 shows combinations of maintenance and forced outages at Talega Substation 1 

that will result in an uncontrolled interruption of service to all South Orange County customers.  2 

Maintenance outages listed in the left column of the table will expose South Orange County to a 3 

complete loss of load for equipment failures listed on the same row, to the right.  Any 4 

combination, (ex. 230 West Bus maintenance outage in combination with a 230 East Bus forced 5 

outage), will disconnect South Orange County from the CAISO controlled grid.  6 

Table 4-2: Talega Substation Outages and Equipment Failures  7 
which Drop South Orange County 8 

Talega Bus  
Out of Service  

for Maintenance 

NERC Category Contingency 

C1: Bus Fault C2: Circuit Breaker Fault or Failure B: Transformers Fault

230 West Bus 230 East Bus BK60 1E 2E 3E 4E - - Bank 60 

230 East Bus 230 West Bus BK63 1W 2W 3W 4W - - Bank 63 

138 West Bus 138 East Bus BK60 5E 6T 7T 8E 11E - - 

138 East Bus 138 West Bus BK63 5W 6W 7W 8W 11W BK50 - 

In addition to the uncontrolled loss of customers under the outages identified in Table 4-9 

2, because Talega Substation is the sole power source for all of SDG&E’s distribution 10 

substations in South Orange County, when a planned maintenance outage is taken at Talega, a 11 

forced outage could result in an overload requiring SDG&E to “shed load” (i.e., intentionally 12 

drop customers) to keep its facilities within applicable ratings.  Table 4-3 lists six different 13 

maintenance outages of equipment which would put South Orange County load at risk.  In all, 14 

planned maintenance outages create twenty-eight different scenarios which could require load to 15 

be shed in South Orange County.   16 

Maintenance outages of the 230 kV Bus and the 4E circuit breaker are especially 17 

troublesome.  Requirement R1.3.12 of NERC Standard TPL-002-0b requires SDG&E to assess 18 

its transmission system and determine if overloads exist following the forced outage of a single 19 

transformer (Category B contingency) during the planned maintenance outage of equipment.  It 20 
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is a violation of the standard to shed load following a Category B contingency. To prevent a 1 

violation, the 230 West Bus and the 4E circuit breaker can only be taken out for maintenance 2 

when South Orange County load is below the Bank 60 transformer rating (168 MVA).  This 3 

limits the number of hours that the 230 West Bus or the 4E circuit breaker can be taken out of 4 

service. 5 

Table 4-3 - Equipment Maintenance Outages Requiring Load to be  6 
Shed Following a Contingency 7 

Talega Equipment  
out of service 

 for maintenance 

NERC Category Contingency 

C1: Bus Fault C2: Circuit Breaker Fault or Failure B: Transformer Fault 

230 West Bus - BK61 4T 5T 5E - - - Bank 61 

138 West Bus - BK61 4T 5T - - - - - 

Bank 61 - 4W 5W - - - - - - 

Bank 63 - 4T 4E 5T - - - - - 

4E 230 West Bus BK63 1W 2W 3W 4W - - Bank 63 

5E 138 West Bus BK63 BK50 5W 6W 7W 8W 11W - 
Because of these risks, CAISO restricts when SDG&E may take maintenance outages 8 

at Talega Substation.  However, because Talega’s equipment and infrastructure are aging, 9 

maintenance is necessary and will increase.  Note that the NERC criteria do not make any 10 

distinction as to whether an N-1 contingency is forced or planned.  A planned maintenance 11 

outage that results in involuntary load shedding in preparation for the next N-1 may be 12 

interpreted as a violation of the Cat. B reliability standard.  SDG&E, as a matter of 13 

operational procedure, would not schedule planned maintenance during system conditions 14 

that would result in involuntary load shedding to prepare for the next N-1; however, as the 15 

load in South Orange County continues to increase, the allowable window for planned 16 

maintenance will continue to shrink.  17 

The Proposed Project will address this by adding a second 230 kV bulk power connection 18 

at Capistrano Substation, so that in the event of a maintenance outage of a bus, transformer, or 19 



` 

45 
 

transmission line, service to South Orange County customers would continue uninterrupted for 1 

any subsequent contingencies at Talega. 2 

Section 6. The Existing South Orange County Transmission System Is Not 3 
Expected to Meet NERC Standard TPL-003-0b Beginning in 2020 (Witness: Cory 4 
Smith) 5 

As discussed in Chapter 3, SDG&E must design its system to comply with NERC 6 

Standard TPL-003-0b.  TPL-003-0b requires that before, during and after the failure of two or 7 

more transmission elements (a Category C event), the electric system must remain “System 8 

Stable and both Thermal and Voltage Limits within Applicable Rating.”   TPL-003-0b at 4, 9 

Table I (Column 1 under System Limits or Impacts).22  Footnote a to TPL-003-0b explains: 10 

“Applicable rating refers to the applicable Normal and Emergency facility thermal Rating or 11 

system voltage limit as determined and consistently applied by the system or facility owner.  12 

Applicable Ratings may include Emergency Ratings applicable for short durations as required to 13 

permit operating steps necessary to maintain system control.”  Attachment 5 (CAISO Procedure 14 

3100, “System Operating Limit Establishment Procedure for the Operations Horizon”) and 15 

Attachment 6 (CAISO Procedure 3100A, Examples on Acceptable Thermal Performance) 16 

explain this requirement in detail.  17 

The impact of this Category C requirement can be summarized as follows: 18 

(1) To avoid the System Operator shedding South Orange County load (i.e., taking 19 

lines out of service, which stops electric service to customers served off such 20 

lines) in a Category C event, SDG&E must design its system to: (1) avoid an N-1-21 

                                                 
22 The NERC Glossary of Terms defines a System Operating Limit (“SOL”) as the most limiting value 
that ensures operation within acceptable reliability criteria.  A facility thermal rating is a SOL.  SDG&E is 
required by NERC Transmission Operating Standards to operate within SOLs.  TOP-004-2_R1 (“Each 
Transmission Operator shall operate within the Interconnection Reliability Operating Limits (IROLs) and 
System Operating Limits (SOLs).”). 
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1 situation where a single outage of a transmission element would leave the 1 

system vulnerable, in the event of a second outage, to any line exceeding its 2 

Applicable Rating, as CAISO’s Operating Procedure 3100 would require 3 

preparing for such a second outage by shedding load after the first outage alone; 4 

and (2) avoid a situation where any Category C outage would result in any line 5 

exceeding its Applicable Rating.  Where a line has both a normal and emergency 6 

rating and the thermal loading of the line can be brought back to its normal rating 7 

within the time limit allowed by the emergency rating, then a line will not exceed 8 

its Applicable Rating.  However, in South Orange County, some lines have no 9 

emergency rating or very short-term emergency ratings (15 minutes to 30 10 

minutes), and therefore load shedding must occur immediately upon the thermal 11 

loading of the line exceeding its normal rating. 12 

(2) In South Orange County, because lines have no emergency rating or very short-13 

term emergency ratings (15 minutes to 30 minutes), SDG&E’s system must be 14 

designed for immediate load shedding under the circumstances described above to 15 

remain within Applicable Ratings.  Because there is insufficient time for manual 16 

load shedding, the only method for such immediate load shedding is a Special 17 

Protection System (SPS), which implements automatically within seconds.  18 

However, while CAISO considers SPS an appropriate mitigation tool in certain 19 

circumstances, its planning standards state: “There should be no more than 6 local 20 

contingencies (single or credible double contingencies) that would trigger the 21 

operation of a SPS. The SPS should not be monitoring more than 4 system 22 

elements or variables.”  There are too many Category C contingencies in South 23 
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Orange County where the Applicable Ratings would not allow time for manual 1 

adjustment of the system for SDG&E to utilize SPSs in compliance with CAISO 2 

planning standards.  As SDG&E is bound to follow CAISO planning standards, 3 

SDG&E cannot employ SPS to mitigate all of the Category C contingency events 4 

in South Orange County.  As a result, the Proposed Project is needed to comply 5 

with TPL-003-0b. 6 

Below, SDG&E explains these issues in more detail. 7 

Under TPL-003-0b, SDG&E must assess system performance under a number of 8 

contingency events (Category C1 through C9).  Of particular note, Category C3 provides that the 9 

assessed contingency is as follows: “Category B (B1, B2, B3, or B4) contingency, manual 10 

system adjustments, followed by another Category B (B1, B2, B3, or B4) contingency.”  This 11 

“N-1-1” scenario means that, after a single outage, SDG&E must be able to make manual system 12 

adjustments that will allow the system to perform within applicable ratings (the SOL) in the 13 

event of another outage.   14 

During normal operations, SDG&E operators monitor system conditions and make 15 

adjustments as necessary to maintain reliability.  Following a single element outage (N-1), the 16 

Transmission Security Management (TSM) software will assess the system to determine if a 17 

second element outage, referred to as (N-1)-1, will create a system condition which results in an 18 

overload.  If the TSM finds a potential overload exists, then operators must take action to prevent 19 

the overload prior to the second outage.  In laymen’s term, “operators are securing the system for 20 

the next outage.”   21 

In South Orange County, because there is no significant generation to turn on to reduce 22 

overloads, the only option is to shed load (i.e., stop serving customers).  This will result in 23 
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lowering the flow of power through the overloaded element and removing the overload.  1 

Therefore, in South Orange County, following the loss of a single element system (“N-1”), 2 

operators must make adjustments to prepare for the loss of the next element (“N-1-1”), and the 3 

only option is to shed load.  Note that, if such a single outage (an “N-1”) directly caused 4 

operators to shed load, a loss of customer service, it would violate NERC TPL-002-0b (Category 5 

B), which does not permit load shedding.  6 

The time within which SDG&E must make such adjustments, i.e., shed load, is 7 

determined by the line ratings.  When a transmission line has a thermal overload, the temperature 8 

of the metal conductor increases.  For overhead lines, as the conductor heats up, the transmission 9 

line will sag.  Under CPUC General Order 95, SDG&E’s transmission lines must maintain 10 

certain clearances from the ground and structures.  Whether there is tolerance for sag depends on 11 

the circumstances of each transmission line.  If the temperature continues to increase, at some 12 

point the conductor will be damaged, requiring replacement of the line and a long duration 13 

outage.   14 

In setting Normal and Emergency Ratings, a utility must take into account the physical 15 

limitations of the conductor itself, the construction of the line and tolerance for any sag, the 16 

normal demand on the line and, if any emergency rating is set, how long the line can be above 17 

the normal rating before the physical limits are exceeded. 18 

In South Orange County, SDG&E’s transmission lines were designed for maximum 19 

loading without margin for emergency ratings.  This was an acceptable practice when these 20 

transmission lines were constructed.  The Normal Rating of the South Orange County 21 

transmission lines have been set at the maximum load that SDG&E believes can be safely 22 

accommodated by these lines.  There is no tolerance for sag on many of these transmission lines.  23 
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Although some lines have short emergency ratings (15 to 30 minutes), other lines have no 1 

Emergency Ratings.   2 

Because there are no Emergency Ratings on some lines in South Orange County, and 3 

because TPL-003-0b requires that all other lines in SDG&E’s South Orange County system 4 

remain within Applicable Ratings even after specified outages of two other transmission 5 

elements, SDG&E’s measures to reduce overloads on other lines must be essentially 6 

instantaneous or SDG&E will be in violation of TPL-003-0b.   7 

To keep the system within Applicable Ratings during a Category C contingency, on lines 8 

with no emergency rating (or a short emergency rating), there is no time for operators to 9 

manually determine which load to shed.  Instead, an automatic protection system must be utilized 10 

to disconnect customers within seconds after the other elements fail.  These automatic protection 11 

systems are known as Special Protection Schemes (“SPS”). 12 

SDG&E will employ SPS in accordance with CAISO planning standards.  Under its 13 

Transmission Control Agreement with CAISO, Section 6.1.3: “In operating and maintaining its 14 

transmission facilities, each Participating TO shall take proper care to ensure the safety of 15 

personnel and the general public.  It shall act in accordance with Good Utility Practice, 16 

applicable law, the CAISO Tariff, CAISO Protocols, the Operating Procedures, and the 17 

Applicable Reliability Criteria.”  CAISO has adopted Planning Standards as authorized by the 18 

CAISO Tariff.  The CAISO Planning Standards currently in effect are effective from September 19 

18, 2014 to March 30, 2015.  See  Attachment4 (CAISO Planning Standards). 20 

CAISO has considered the advantages and disadvantages of SPS.  See Attachment 4 21 

(CAISO Planning Standards at 9).  Given concerns about over-use of SPS, CAISO set specific 22 

guidelines for the use of SPSs that are binding on SDG&E.  SPS6 provides: “A) There should be 23 
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no more than 6 local contingencies (single or credible double contingencies) that would trigger 1 

the operation of a SPS.  B) The SPS should not be monitoring more than 4 system elements or 2 

variables.”  Attachment 4 (CAISO Planning Standards at 10).   3 

SDG&E’s  modeling of its South Orange County system for the years 2016 to 2035 with 4 

the Capistrano capacitor bank ON has identified 22 Category C contingencies requiring 5 

instantaneous load shedding.  SDG&E cannot address all of these contingencies using SPSs and 6 

stay within CAISO Planning Standard guidelines.  As a result, SDG&E expects that its South 7 

Orange County system will be in violation of TPL-003-0b by 2020 without the Proposed Project.  8 

Using the 2014 load forecast, SDG&E has identified Category C contingencies that are 9 

predicted to lead to a violation of NERC TPL-003-0b and/or TPL-002-0b.  The violations were 10 

confirmed using SDG&E’s 2015 load forecast and are listed here: 11 

1. NERC Category C1: Pico Substation East Bus Fault 12 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that without 13 

an SPS in place by 2024, power flowing on TL13831 will exceed the emergency rating of the 14 

transmission line following a fault on the Pico East Bus.  This would be a violation of TPL-003-15 

0b.  Analysis done using the 2015 load forecast with the Capistrano generator OFF confirmed the 16 

violation but shows it occurring in 2022.  Turning the Capistrano generator ON moves the 17 

violation to 2023. 18 

2. NERC Category C2: TL13836  Circuit Breaker Fault at Pico Substation 19 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that without 20 

an SPS in place by 2024, power flowing on TL13831 will exceed the emergency rating of the 21 

transmission line following a fault at Pico Substation on the TL13836 circuit breaker.  This 22 

would be a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the 23 
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Capistrano generator OFF confirmed the violation but shows it occurring in 2022.  Turning the 1 

Capistrano generator ON moves the violation to 2023. 2 

3. NERC Category C2: TL13846  Circuit Breaker Fault at Pico Substation 3 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that without 4 

an SPS in place by 2024, power flowing on TL13831 will exceed the emergency rating of the 5 

transmission line following a fault at Pico Substation on the TL13846 circuit breaker.  This 6 

would be a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the 7 

Capistrano generator OFF confirmed the violation but shows it occurring in 2022.  Turning the 8 

Capistrano generator ON moves the violation to 2023. 9 

4. NERC Category C1: Pico Substation West Bus Fault 10 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 2029 11 

without an SPS in place power flowing on TL13831 will exceed the emergency rating of the 12 

transmission line following a fault at Pico Substation on the TL13833 circuit breaker.  This 13 

would be a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the 14 

Capistrano generator OFF confirmed the violation but shows it occurring in 2027.  Turning the 15 

Capistrano generator ON moves the violation to 2028. 16 

5. NERC Category C2: TL13833 Circuit Breaker Fault at Pico Substation 17 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 2029 18 

without an SPS in place power flowing on TL13831 will exceed the emergency rating of the 19 

transmission line following a fault at Pico Substation on the TL13833 circuit breaker.  This 20 

would be a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the 21 

Capistrano generator OFF confirmed the violation but shows it occurring in 2027.  Turning the 22 

Capistrano generator ON moves the violation to 2028. 23 
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6. NERC Category C2: TL13816 Circuit Breaker Fault at Pico Substation 1 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 2029 2 

without an SPS in place power flowing on TL13831 will exceed the emergency rating of the 3 

transmission line following a fault at Pico Substation on the TL13816 circuit breaker.  This 4 

would be a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the 5 

Capistrano generator OFF confirmed the violation but shows it occurring in 2027.  Turning the 6 

Capistrano generator ON moves the violation to 2028. 7 

7. NERC Category C2: Pico Substation Bus Tie Circuit Breaker 8 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by2029 9 

without an SPS in place power flowing on TL13831 will exceed the emergency rating of the 10 

transmission line following a fault on the Pico Substation bus tie circuit breaker.  This would be 11 

a violation of TPL-003-0b.  Analysis done using the 2015 load forecast with the Capistrano 12 

generator OFF confirmed the violation but shows it occurring in 2027. Turning the Capistrano 13 

generator ON moves the violation to 2028. 14 

8. NERC Category C2: Talega Substation 8T Circuit Breaker Fault 15 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 16 

2021, without an SPS in place, power flowing on TL13846A and TL13846C will exceed the 17 

emergency rating of the transmission lines following a fault on the 8T circuit breaker at Talega 18 

Substation.  This would be a violation of TPL-003-0b.  Analysis done using the 2015 load 19 

forecast with the Capistrano generator OFF confirmed the violation but shows it occurring in 20 

2019.  Turning the Capistrano generator ON moves the violation to 2020. 21 

9. NERC Category C3: Talega Bank 61 + Talega Bank 63 22 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 23 
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2018, power flowing on Talega Bank 62 will exceed the emergency rating of the transformer 1 

bank following the overlapping outage of Talega Bank 61 and Talega Bank 63.  This would be a 2 

violation of TPL-003-0b.  Analysis done using the 2015 forecast with the Capistrano generator 3 

OFF confirmed the violation but shows it occurring in 2017.  Turning the Capistrano generator 4 

ON does not move the violation to a later year.  It continues to occur in 2017. 5 

Without an SPS in place, operators will be forced to shed load following the outage of the 6 

first transformer bank (Bank 61 or Bank 63) to prevent an overload of Talega Bank 62..  This 7 

may be interpreted as a violation of TPL-002-0b which does not allow load shedding following 8 

the outage of a single transformer. 9 

10. NERC Category C3: TL13831 + Capistrano Bank 41 10 

Using the 2014 forecast with the Capistrano generator OFF showed that by 2033, power 11 

flowing on TL13833 will equal the emergency rating of the transmission line following the 12 

overlapping outage of TL13831 and Capistrano Bank 41.  As load growth increases, this may 13 

become be a violation of TPL-003-0b.  Analysis done using the 2015 forecast with the 14 

Capistrano generator OFF confirmed the violation but showed it occurring in 2032.  Turning the 15 

Capistrano generator ON moves the violation to 2033. 16 

Without an SPS in place, operators will be forced to shed load following the first outage 17 

(TL13831 or Capistrano Bank 41) to prevent an overload of TL13833.  This may be interpreted 18 

as a violation of TPL-002-0b which does not allow load shedding following the outage of a 19 

single transmission line or transformer. 20 

11. NERC Category C3: TL13835  + TL13846 21 

Using the 2014 forecast with the Capistrano generator OFF showed that by 2021, power 22 

flowing on TL13836 will exceed the emergency rating of the transmission line following the 23 
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overlapping outage of TL13835 and TL13846.  This would be a violation of TPL-003-0b.  The 1 

2015 forecast with the Capistrano generator OFF confirms the violation but shows it occurring in 2 

2018.  Turning the Capistrano generator ON moves the violation to 2019. 3 

Without an SPS in place, operators will be forced to shed load following the first 4 

transmission line outage (TL13835 or TL13846) to prevent an overload of TL13836.  This may 5 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 6 

outage of a single transmission line. 7 

12. NERC Category C3: TL13836  + TL13846 8 

Using the 2014 forecast with the Capistrano generator OFF showed that by 2019, power 9 

flowing on TL13831 will exceed the emergency rating of the transmission line following the 10 

overlapping outage of TL13836 and TL13846.  This would be a violation of TPL-003-0b.  11 

Analysis done using the 2015 forecast with the Capistrano generator OFF confirmed the 12 

violation but shows it occurring in 2018.  Turning the Capistrano generator ON moves the 13 

violation to 2019. 14 

Without an SPS in place, operators will be forced to shed load following the first 15 

transmission line outage (TL13836 or TL13846) to prevent an overload of TL13831.  This may 16 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 17 

outage of a single transmission line. 18 

13. NERC Category C3: TL13831  + TL13846 19 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 20 

2016, power flowing on TL13836 will exceed the emergency rating of the transmission line 21 

following the overlapping outage of TL13831 and TL13846.  This would be a violation of TPL-22 

003-0b.  Analysis done using the 2015 forecast with the Capistrano generator OFF confirmed the 23 
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violation and showed it occurring in 2016.  Turning the Capistrano generator ON does not 1 

change the year the violation occurs. 2 

Without an SPS in place, operators will be forced to shed load following the first 3 

transmission line outage (TL13831 or TL13846) to prevent an overload of TL13836.  This may 4 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 5 

outage of a single transmission line. 6 

14. NERC Category C3: TL13838  + TL13846 7 

Using the 2014 forecast with Capistrano generator OFF, analysis showed that by2017, 8 

power flowing on TL13836 will exceed the emergency rating of the transmission line following 9 

the overlapping outage of TL13838 and TL13846.  This would be a violation of TPL-003-0b.  10 

Analysis done using the 2015 forecast with Capistrano generator OFF confirmed the violation 11 

but shows it occurring in 2016.  Turning the Capistrano generator ON does not change the year 12 

the violation occurs. 13 

Without an SPS in place, operators will be forced to shed load following the first 14 

transmission line outage (TL13838 or TL13846) to prevent an overload of TL13836.  This may 15 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 16 

outage of a single transmission line. 17 

15. NERC Category C3: TL13835  + TL13836 18 

Using the 2014 forecast with Capistrano generator OFF, analysis shows that by 2024, 19 

power flowing on TL13846C will exceed the emergency rating of the transmission line 20 

following the overlapping outage of TL13835 and TL13836.  This would be a violation of TPL-21 

003-0b.  Analysis done using the 2015 forecast with Capistrano generator OFF confirmed the 22 

violation but shows it occurring in 2022  Turning the Capistrano generator ON moves the 23 
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violation to 2023. 1 

Without an SPS in place, operators will be forced to shed load following the first 2 

transmission line outage (TL13835 or TL13836) to prevent an overload of TL13846C.  This may 3 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 4 

outage of a single transmission line. 5 

16. NERC Category C3: TL13835  + TL13831 6 

Using the 2014 forecast with Capistrano generator OFF, analysis shows that by 2016, 7 

power flowing on TL13816 will exceed the emergency rating of the transmission line following 8 

the overlapping outage of TL13835 and TL13831.  This would be a violation of TPL-003-0b.  9 

Analysis done using the 2015 forecast with Capistrano generation OFF confirmed the violation 10 

and shows it occurring in 2016.  Turning the Capistrano generation ON does not change the year 11 

the violation occurs. 12 

Without an SPS in place, operators will be forced to shed load following the first 13 

transmission line outage (TL13835 or TL13831) to prevent an overload of TL13816.  This may 14 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 15 

outage of a single transmission line. 16 

17. NERC Category C3: TL13835  + TL13833 17 

Using the 2014 forecast with the Capistrano generation OFF, analysis showed that by 18 

2022, power flowing on TL13816 will exceed the emergency rating of the transmission line 19 

following the overlapping outage of TL13835 and TL13833.  This would be a violation of TPL-20 

003-0b.  Analysis done using the 2015 forecast with Capistrano generator OFF confirmed the 21 

violation but shows it occurring in 2018  Turning the Capistrano generator ON moves the 22 

violation to 2019. 23 
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Without an SPS in place, operators will be forced to shed load following the first 1 

transmission line outage (TL13835 or TL13833) to prevent an overload of TL13816.  This may 2 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 3 

outage of a single transmission line. 4 

18. NERC Category C3: TL13835  + TL13816 5 

Using the 2014 forecast with the Capistrano generation OFF, analysis showed that by 6 

2027, power flowing on TL13834 will exceed the emergency rating of the transmission line 7 

equipment located at Capistrano following the overlapping outage of TL13835 and TL13816.  8 

The equipment at Capistrano limits TL13834 to 157 MVA, but the TL13834 conductor is rated 9 

273 MVA.  Exceeding the emergency rating of the equipment at Capistrano would be a violation 10 

of TPL-003-0b.  Analysis done using the 2015 load forecast confirms the violation and shows it 11 

occurring in 2025. 12 

Without an SPS in place, operators will be forced to shed load following the first 13 

transmission line outage (TL13835 or TL13816) to prevent an overload of TL13834.  This may 14 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 15 

outage of a single transmission line. 16 

19. NERC Category C3: TL13835  + TL13838 17 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 18 

2022, power flowing on TL13816 will exceed the emergency rating of the transmission line 19 

following the overlapping outage of TL13835 and TL13838.  This would be a violation of TPL-20 

003-0b.  Analysis done using the 2015 load forecast with the Capistrano generator OFF 21 

confirmed the violation but shows it occurring in 2016.  Turning the Capistrano generator ON 22 

does not change the year the violation occurs. 23 
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Without an SPS in place, operators will be forced to shed load following the first 1 

transmission line outage (TL13835 or TL13838) to prevent an overload of TL13816.  This may 2 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 3 

outage of a single transmission line. 4 

20. NERC Category C3: TL13831  + TL13833 5 

Using the 2014 load forecast with the Capistrano generator OFF, analysis showed that by 6 

2016, power flowing on TL13816 and TL13834 will exceed the emergency ratings of the 7 

transmission lines following the overlapping outage of TL13831 and TL13833.  This would be a 8 

violation of TPL-003-0b.  Analysis done using the 2015 forecast with the Capistrano generator 9 

OFF confirmed that the violation will occur by 2016.  Turning the Capistrano generator ON does 10 

not change the year the violation occurs. 11 

Without an SPS in place, operators will be forced to shed load following the first 12 

transmission line outage (TL13831 or TL13833) to prevent an overload of TL13816 and 13 

TL13834.  This may be interpreted as a violation of TPL-002-0b which does not allow load 14 

shedding following the outage of a single transmission line. 15 

21. NERC Category C3: TL13831  + TL13816 16 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 17 

2028, power flowing on TL13833 will exceed the emergency rating of the transmission line 18 

following the overlapping outage of TL13831 and TL13816.  This would be a violation of TPL-19 

003-0b.  Analysis done using the 2015 forecast with the Capistrano generator OFF confirmed the 20 

violation but showed it occurring in 2027.  Turning the Capistrano generator ON moves the 21 

violation to 2028. 22 

Without an SPS in place, operators will be forced to shed load following the first 23 
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transmission line outage (TL13831 or TL13816) to prevent an overload of TL13833.  This may 1 

be interpreted as a violation of TPL-002-0b which does not allow load shedding following the 2 

outage of a single transformer. 3 

22. NERC Category C3: TL13833  + TL13838 4 

Using the 2014 forecast with the Capistrano generator OFF, analysis showed that by 5 

2016, power flowing on TL13816 and TL13834 will exceed emergency ratings following the 6 

overlapping outage of TL13833 and TL13838.  This would be a violation of TPL-003-0b.  7 

Analysis done using the 2015 forecast with the Capistrano generator OFF confirmed the 8 

violation and shows it occurring in 2016.  Turning the Capistrano generator ON does not change 9 

the year the violation occurs. 10 

Without an SPS in place, operators will be forced to shed load following the first 11 

transmission line outage (TL13833 or TL13838) to prevent an overload of TL13816 and 12 

TL13834.  This may be interpreted as a violation of TPL-002-0b which does not allow load 13 

shedding following the outage of a single transmission line. 14 

Section 7. Numerous Additional Category C Events Will Force SDG&E to 15 
Interrupt Service to Customers (Witness: Cory Smith) 16 

In addition to Category C events that will result in violation of TPL-003-0b, using 17 

SDG&E’s 2014 load forecast modeling for the year 2020 has identified many other Category C 18 

events that will force SDG&E to shed load (i.e., interrupt customer service) to remain within 19 

Applicable Ratings.  Under TPL-003-0b, so long as SDG&E can drop customers quickly enough 20 

to keep its facilities within Applicable Ratings, SDG&E is in compliance with the NERC 21 

standard.  From the standpoint of SDG&E and its customers, however, electric service is still 22 

lost. 23 

The following Category C3 events will result in a loss of customer service after a forced 24 
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outage of a single transmission line or transformer followed by another transmission line or 1 

transformer outage: 2 

1) C3_TL13831 + Capistrano Bank 40 3 

A fault removes TL13831 (Cat-B) from service. There are no-system adjustments available in 4 

South Orange County and a Capistrano Bank 40 failure (Cat-B) will cause the power flowing on 5 

TL13833 to exceed the transmission lines normal rating. To bring flows below the normal rating, 6 

load will need to be shed within 15 minutes. 7 

2) C3_TL13831 + Capistrano Bank 41 8 

A fault removes TL13831 (Cat-B) from service. There are no-system adjustments available in 9 

South Orange County and a Capistrano Bank 41 failure (Cat-B) will cause the power flowing on 10 

TL13833 to exceed the transmission lines normal rating. To bring flows below the normal rating, 11 

load will need to be shed within 15 minutes. 12 

3) C3_TL13838 + Capistrano Bank 41 13 

A fault removes TL13838 (Cat-B) from service. There are no-system adjustments available in 14 

South Orange County and a Capistrano Bank 41 failure (Cat-B) will cause the power flowing on 15 

TL13833 to exceed the transmission lines normal rating. To bring flows below the normal rating, 16 

load will need to be shed within 15 minutes. 17 

4) C3 TL13816+ TL13831 18 

A fault removes TL13831 (Cat-B) from service.  There are no-system adjustments available in 19 

South Orange County and a TL13816 failure (Cat-B) will cause the power flowing on TL13833 20 

to exceed the transmission lines normal rating.  To bring flows below the normal rating, load will 21 

need to be shed within 30 minutes. 22 

5) C3_TL13836 + TL13838 23 
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A fault removes TL13836 (Cat-B) from service. There are no-system adjustments available in 1 

South Orange County and a TL13838 failure (Cat-B) will cause the power flowing on 2 

TL13846A and TL13846C to exceed the transmission lines normal rating. To bring flows below 3 

the normal rating, load will need to be shed within 15 minutes. 4 

6) C3_TL13831 + TL13834 5 

A fault removes TL13831 (Cat-B) from service. There are no-system adjustments available in 6 

South Orange County and a TL13834 failure (Cat-B) will cause the power flowing on TL13833 7 

to exceed the transmission lines normal rating. To bring flows below the normal rating, load will 8 

need to be shed within 15 minutes. 9 

7) C3_TL13833 + TL13816 10 

A fault removes TL13833 (Cat-B) from service. There are no-system adjustments available in 11 

South Orange County and a TL13816 failure (Cat-B) will cause the power flowing on TL13831 12 

to exceed the transmission lines normal rating. To bring flows below the normal rating, load will 13 

need to be shed within 30 minutes. 14 

8) C3_TL13838 + TL13816 15 

A fault removes TL13838 (Cat-B) from service. There are no-system adjustments available in 16 

South Orange County and a TL13816 failure (Cat-B) will cause the power flowing on TL13831 17 

to exceed the transmission lines normal rating. To bring flows below the normal rating, load will 18 

need to be shed within 15 minutes. 19 

9) C3 TL13831 + TL13836 20 

A fault removes TL13831 (Cat-B) from service.  There are no-system adjustments available in 21 

South Orange County and a TL13836 failure (Cat-B) will cause the power flowing on 22 
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TL13846A and TL13846C to exceed the transmission lines normal rating.  To bring flows below 1 

the normal rating, load will need to be shed within 15 minutes. 2 

10) C3 TL13835 + TL13836 3 

A fault removes TL13836 (Cat-B) from service.  There are no-system adjustments available in 4 

South Orange County and a TL13835 failure (Cat-B) will cause the power flowing on 5 

TL13846A and TL13846C to exceed the transmission lines normal rating.  To bring flows below 6 

the normal rating, load will need to be shed within 15 minutes. 7 

11) C3 TL13835 + TL13846 8 

A fault removes TL13846 (Cat-B) from service.  There are no-system adjustments available in 9 

South Orange County and a TL13835 failure (Cat-B) will cause the power flowing on TL13836 10 

to exceed the transmission lines normal rating.  To bring flows below the normal rating, load will 11 

need to be shed within 30 minutes. 12 

The following Category C events will result in a loss of customer service after a forced 13 

outage of multiple transmission elements: 14 

12) NERC Category C1: Pico East Bus Fault. 15 

a) Two transmission lines (TL13836 and TL13846), a transformer (Pico bank 16 

41) and Pico west bus are all connected to the Pico east bus by circuit 17 

breakers.  In order to remove the fault, and isolated the faulted bus, the 18 

protection system will automatically open the circuit breakers connected 19 

to the Pico east bus.  Consequently, the connection between the Pico 20 

138kV east and west buses will be opened and the two transmission lines 21 

will be disconnected from the Pico east bus. 22 

b) Prior to the fault, power flowing to substations located north of Pico 23 
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substation will flow into the Pico east bus on TL13836 and TL13846, flow 1 

to the Pico west bus through the bus tie circuit breaker and flow north out 2 

of the Pico west bus on TL13816 and TL13833.  After the circuit breakers 3 

open, power flowing through Pico Substation will be cutoff and forced to 4 

flow on two parallel transmission lines; TL13831 and TL13835A. The 5 

flow increase on TL13835A will cause the TL13835A Special Protection 6 

System to operate and remove TL13837 from service. 7 

c) After all protection systems have operated three transmission lines will be 8 

out of service (TL13836, TL13846, TL13837) and power flowing through  9 

TL13831 will exceed the normal continuous rating of the transmission 10 

line, but be within the emergency rating of the line. 11 

d) To prevent a violation of NERC standards, operators must reduce the 12 

amount of power flowing on TL13831 by shedding 6.5% of the South 13 

Orange County load within 15 minutes.  14 

e) As discussed in Section 6 (1), this contingency will result in a violation by 15 

2024.  16 

13) NERC Category C1: Pico West Bus Fault 17 

a) Two transmission lines (TL13833 and TL13816), a transformer (Pico bank 18 

42) and Pico east bus are all connected to the Pico west bus by circuit 19 

breakers.  In order to remove the fault, and isolate the faulted bus, the 20 

protection system will automatically open the circuit breakers connected 21 

to the Pico west. Consequently, the connection between the Pico east and 22 

west buses will be opened and the two transmission lines will be 23 
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disconnected from Pico west bus. 1 

b) Prior to the fault, power flowing to substations located north of Pico 2 

substation will come into the Pico east bus on TL13836 and TL13846, 3 

move to the Pico west bus through the bus tie circuit breaker and go north 4 

out of the Pico west bus on TL13816 and TL13833.  After the circuit 5 

breakers open, power flowing through Pico Substation will be cutoff and 6 

forced to flow on two parallel transmission lines; TL13831 and 7 

TL13835A. The flow increase on TL13835A will cause the TL13835A 8 

Special Protection System to operate and remove TL13837 from service. 9 

c) After all protection systems have operated, three transmission lines will be 10 

out of service (TL13833, TL13816, TL13837) and power flowing on 11 

TL13831 will exceed its normal continuous rating, but be within its 12 

emergency rating. 13 

d) To prevent a violation of NERC standards, operators must reduce the 14 

amount of power flowing on TL13831 by shedding approximately 24% of 15 

the South Orange County load within 30 minutes.  16 

As discussed in Section 6 (4), this contingency will lead to a violation by 2029. 17 

14) NERC Category C2: Pico Bus Tie Circuit Breaker Fault 18 

a) The Pico bus tie circuit breaker connects Pico east and west 138 kV buses 19 

together.  In order to remove the fault, and isolate the faulted circuit 20 

breaker, the protection system will automatically open all circuit breakers 21 

connected to Pico east and west buses.  Consequently, all customers 22 

served from Pico Substation will be disconnected from the system and 23 
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four transmission lines will be removed from service; TL13836, TL13846, 1 

TL13816 and TL13833. 2 

b) Prior to the fault, power flowing to substations located north of Pico 3 

substation will come into the Pico east bus on TL13836 and TL13846, 4 

move to the Pico west bus through the bus tie circuit breaker and go north 5 

out of the Pico west bus on TL13816 and TL13833.  After the circuit 6 

breakers open, power flowing through Pico Substation will be cutoff and 7 

forced to flow on two parallel transmission lines; TL13831 and 8 

TL13835A. The flow increase on TL13835A will cause the TL13835A 9 

Special Protection System to operate and remove TL13837 from service. 10 

c) After all protection systems have operated, five transmission lines will be 11 

out of service (TL13836, TL13846A, TL13816, TL13833, TL13837) and 12 

power flowing through TL13831 will exceed its normal continuous rating, 13 

but be within its emergency rating. 14 

d) To prevent a violation of NERC standards, operators must reduce the 15 

amount of power flowing on TL13831 by shedding approximately 42% of 16 

the South Orange County load within 30 minutes. 17 

15) NERC Category C2: Pico TL13836 Circuit Breaker Fault 18 

a) The TL13836 Circuit Breaker connects the Pico 138 kV east bus to 19 

TL13836. In order to remove the fault, and isolate the faulted circuit 20 

breaker, the protection system will automatically open all circuit breakers 21 

connected to the Pico east bus and the circuit breakers at Talega 22 

Substation protecting TL13836.  Consequently,  the connection between 23 
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the Pico east and west buses will be opened and the connection of 1 

TL13846 to the Pico east bus will be opened. 2 

b) Prior to the fault, power flowing to substations located north of Pico 3 

substation will come into the Pico east bus on TL13836 and TL13846, 4 

move to the Pico west bus through the bus tie circuit breaker and go north 5 

out of the Pico west bus on TL13816 and TL13833.  After the protection 6 

system opens the circuit breakers, power flowing through Pico Substation 7 

will be cutoff and forced to flow on two parallel transmission lines; 8 

TL13831 and TL13835A. The flow increase on TL13835A will cause the 9 

TL13835A Special Protection System to operate and remove TL13837 10 

from service. 11 

c) After all protection systems have operated, three transmission lines will be 12 

out of service (TL13836, TL13846 and TL13837) and over 65% of South 13 

Orange County load will be served through a single transmission line. 14 

Power flowing on TL13831 will exceed the transmission lines normal 15 

continuous rating, but will be within its emergency rating.  16 

d) To prevent a violation of NERC standards, operators must take action to 17 

reduce the amount of power flowing on TL13831 by shedding 18 

approximately 46.5% of the South Orange County load within 15 minutes. 19 

e) As discussed in Section 6 (2), this contingency will result in a violation by 20 

2023.  21 

16) NERC Category C2: Pico TL13846 Circuit Breaker Fault 22 

a) The TL13846 Circuit Breaker connects the Pico 138 kV east bus to 23 
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TL13846.  In order to remove the fault, and isolate the faulted circuit 1 

breaker, the protection system will automatically open all circuit breakers 2 

connected to the Pico east bus and the circuit breakers at Talega 3 

Substation and San Mateo Substation protecting TL13846.  Consequently,  4 

the connection between the Pico east and west buses will be opened and 5 

the connection of TL13836 to the Pico east bus will be opened. 6 

b) Prior to the fault, power flowing to substations located north of Pico 7 

substation will come into the Pico east bus on TL13836 and TL13846, 8 

move to the Pico west bus through the bus tie circuit breaker and go north 9 

out of the Pico west bus on TL13816 and TL13833.  After the protection 10 

system opens the circuit breakers, power flowing through Pico Substation 11 

will be cutoff and forced to flow on two parallel transmission lines; 12 

TL13831 and TL13835A. The flow increase on TL13835A will cause the 13 

TL13835A Special Protection System to operate and remove TL13837 14 

from service. 15 

c) After all automatic protection systems have operated and power 16 

redistributes over the remaining transmission lines, power flowing on 17 

TL13831  will exceed each transmission lines normal continuous rating, 18 

but be within its emergency rating.  19 

d) To prevent a violation of NERC standards, operators must reduce the 20 

amount of power flowing on TL13831  by shedding approximately 46.5% 21 

of the South Orange County load within 15 minutes. 22 

e) As discussed in Section 6 (3), this contingency will result in a violation by 23 
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2024.  1 

17) NERC Category C2: Pico TL13816 Circuit Breaker Fault 2 

a) The TL13816 Circuit Breaker connects the Pico 138kV west bus to 3 

TL13816. In order to remove the fault, and isolate the faulted circuit 4 

breaker, the protection system will automatically open all circuit breakers 5 

connected to the Pico west bus and the circuit breakers at San Juan 6 

Capistrano Substation protecting TL13816.  Consequently, the connection 7 

between the Pico east and west buses will be opened and the connection of 8 

TL13833 to the Pico west bus will be opened. 9 

b) Prior to the fault, power flowing to substations located north of Pico 10 

substation will come into the Pico east bus on TL13836 and TL13846, 11 

move to the Pico west bus through the bus tie circuit breaker and go north 12 

out of the Pico west bus on TL13816 and TL13833.  After the protection 13 

system opens the circuit breakers, power flowing through Pico Substation 14 

will be cutoff and forced to flow on two parallel transmission lines; 15 

TL13831 and TL13835A. The flow increase on TL13835A will cause the 16 

TL13835A Special Protection System to operate and remove TL13837 17 

from service. 18 

c) After all automatic protection systems have operated and power 19 

redistributes over the remaining transmission lines, power flowing on 20 

TL13831 will exceed its normal continuous rating, but be within the 21 

emergency rating.  22 

d) To prevent a violation of NERC standards, operators must reduce the 23 
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amount of power flowing on TL13831 by shedding approximately 4% of 1 

the South Orange County load within 30 minutes. 2 

e) As discussed in Section 6(6), this contingency will result in a violation by 3 

2029. 4 

18) NERC Category C2: Pico TL13833 Circuit Breaker Fault 5 

a) The TL13833 Circuit Breaker connects the Pico west bus to TL13833. In 6 

order to remove the fault, and isolate the faulted circuit breaker, the 7 

protection system will automatically open all circuit breakers connected to 8 

the Pico west bus and the circuit breakers at Trabuco Substation protecting 9 

TL13833.  Consequently, the connection between the Pico east and west 10 

buses will be opened and the connection of TL13816 to the Pico west bus 11 

will be opened. 12 

b) Prior to the fault, power flowing to substations located north of Pico 13 

substation will come into the Pico east bus on TL13836 and TL13846, 14 

move to the Pico west bus through the bus tie circuit breaker and go north 15 

out of the Pico west bus on TL13816 and TL13833.  After the protection 16 

system opens the circuit breakers, power flowing through Pico Substation 17 

will be cutoff and forced to flow on two parallel transmission lines; 18 

TL13831 and TL13835A. The flow increase on TL13835A will cause the 19 

TL13835A Special Protection System to operate and remove TL13837 20 

from service. 21 

c) After all automatic protection systems have operated and power 22 

redistributes over the remaining transmission lines, power flowing on 23 
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TL13831 will exceed its normal continuous rating, but be within the 1 

emergency rating.  2 

d) To prevent a violation of NERC standards, operators must reduce the 3 

amount of power flowing on TL13831 by shedding approximately 42% of 4 

the South Orange County load within 30 minutes. 5 

e) As discussed in Section 6(5), this contingency will result in a violation by 6 

2029. 7 

19) NERC Category C2: Talega 8T Circuit Breaker Fault 8 

a) The 8T circuit breaker located at Talega Substation connects TL13831 and 9 

TL13836.  In order to remove the fault, and isolate the faulted circuit 10 

breaker, the protection system will automatically open circuit breakers 8E 11 

and 8W at Talega and the transmission line circuit breakers TL13836 and 12 

TL13831 at Pico and Ranch Mission Viejo substations, respectively. 13 

b) After the protection system operates, two of the four 138 kV transmission 14 

lines which serve South Orange County will be out of service and the 15 

power flowing on TL13846A and TL13846C will exceed the transmission 16 

lines normal rating. 17 

c) To prevent a violation of NERC standards, operators must reduce the 18 

amount of power flowing on TL13846A and TL13846C by shedding 19 

approximately 12% of the South Orange County Load within 30 minutes. 20 

Section 8. Numerous Substation Maintenance Outages Expose South Orange 21 
County Customers to Service Interruptions (Witness: Cory Smith) 22 

Power flowing out of Talega Substation to substations located in the north must flow 23 

through the four 138kV transmission lines tied to the Talega 138 kV bus.  Substation 24 
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maintenance outages open the path for power to flow weakening the transmission system and 1 

creating situations that would result in large portion of South Orange County load being dropped  2 

following a single fault. Tables [4-4], [4-5] and [4-6] below list the amount of South Orange 3 

County load, in percent, that will be dropped if the contingency listed on the left side of the 4 

column occurs during the maintenance outage listed in the column header. Each column 5 

represents a single maintenance outage with all other equipment in service in South Orange 6 

County.  For example, referring to Table [4-4], under the column titled, “Pico East Bus Out of 7 

Service on Maintenance”, the contingency event listed to the left of the column, “B_13831”, 8 

would result in approximately 71% of the South Orange County customer load being dropped 9 

from the system (no longer served).  10 

Table 4-4 – Percent of South Orange County at Risk of being Dropped During Pico 11 
Substation Maintenance Outage 12 

Contingency Event 
Pico East Bus 
Out of Service 

on Maintenance 

Pico West Bus 
Out of Service 

on Maintenance 

Pico Bus Tie CB 
Out of Service 

on Maintenance 

Pico TL13846 CB 
Out of Service 

on Maintenance 
B_13831 71% 71% 66%  
B_13838 63% 53% 58% 

 
C1_Maragarita East 52% 53% 47% 

 
C1_Rancho Mission Viejo East 67% 57% 62%  
C1_Rancho Mission Viejo West 63% 53% 58% 

 
C2_RMV TL13838 CB 63% 53% 58% 

 
C2_RMV TL13831 CB 67% 57% 62%  
C2_RMV BT CB 63% 53% 62% 

 
C2_Talega 8T CB 71% 61% 66% 71% 

C2_Talega 8E CB 71% 61% 66% 
 

 13 

  14 
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Table 4-5 – Percent of South Orange County at Risk of being Dropped During 1 
Margarita Substation Maintenance Outage 2 

Contingency Event 
Margarita East Bus 

Out of Service 
on Maintenance 

Margarita TL13838 CB 
Out of Service 

on Maintenance 
C1_Pico East 58% 58% 

C1_Pico West 53% 53% 

C2_Pico BT 53% 53% 

C2_Pico 13836 58% 58% 

C2_Pico 13846 58% 58% 

C2_Pico 13833 53% 53% 

C2_Pico 13816 31% 53% 

 3 

Table 4-6 – Percent of South Orange County at Risk of being Dropped During 4 
Rancho Mission Viejo Substation Maintenance Outage 5 

Contingency Event 

Rancho 
Mission Viejo 

West Bus 
Out of Service 

on 
Maintenance 

Rancho 
Mission Viejo

East Bus 
Out of Service

on 
Maintenance 

Rancho 
Mission Viejo
TL13838 CB 

Out of Service
on 

Maintenance 

Rancho 
Mission Viejo 
TL13831 CB 

Out of Service 
on 

Maintenance 

Rancho 
Mission Viejo

BT CB 
Out of Service

on 
Maintenance 

C1_Pico East  58% 66% 58% 66% 62% 

C1_Pico West  53% 61% 53% 61% 57% 

C2_Pico BT  53% 61% 53% 61% 57% 

C2_Pico 13836  58% 66% 58% 66% 62% 

C2_Pico 13846  58% 66% 58% 66% 62% 

C2_Pico 13833  53% 61% 53% 61% 57% 

C2_Pico 13816  53% 61% 53% 61% 57% 

 6 

  7 
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CHAPTER 5:  TO PROVIDE RELIABLE ELECTRIC SERVICE, SDG&E’S 1 
CAPISTRANO SUBSTATION NEEDS TO BE REBUILT (WITNESS:  KARL ILIEV) 2 

To provide reliable electric service to SDG&E’s South Orange County customers, 3 

SDG&E’s existing Capistrano Substation, built over 60 years ago, needs to be rebuilt to, among 4 

other things, upgrade its current bus configuration to a more reliable configuration, replace 5 

deteriorating infrastructure and equipment near the end of its useful life, meet current seismic, 6 

safety and security standards, and allow 12 kV ties with neighboring substations that increase the 7 

reliability of the overall system.  SDG&E sets forth below its process for assessing aging 8 

substations, including whether to rebuild such substations or simply replace equipment, and then 9 

the results of assessment of the Capistrano Substation. 10 

In addition, SDG&E’s Proposed Project provides for Capistrano Substation to be a 11 

second 230 kV source for SDG&E’s South Orange County system.  The need for a second 230 12 

kV source for SDG&E’s South Orange County system is set forth in Chapter 4.  Capistrano 13 

Substation can be rebuilt to accommodate a 230 kV transmission connection, and it is efficient 14 

and cost-effective to plan the rebuild to do so. 15 

Section 1. SDG&E Assessment Process for Aging Substations 16 

SDG&E’s Substation Equipment Assessment team reviews SDG&E’s aging substations 17 

to identify infrastructure and equipment that has little or no remaining useful life.  Useful life is 18 

determined by considering numerous factors, including age of equipment, maintenance history 19 

trends, and/or signs of degradation based on observations and analytical testing.  SDG&E has 20 

had a proactive program for over 10 years specifically to analyze and ensure that equipment that 21 

is likely to fail, based on these factors and SDG&E’s experience, is replaced before it fails and 22 

impacts customers. 23 
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SDG&E tracks the age of the equipment used in its substations.  Equipment age, the 1 

manufacturer’s estimated useful life, and SDG&E’s experience with such equipment are factors 2 

in assessing remaining useful life.  SDG&E also considers the trending of the preventative and 3 

corrective maintenance labor hours on equipment.  Rising preventive and corrective maintenance 4 

issues are a strong indication of decreased equipment reliability and increased probability of 5 

failure.  SDG&E may also conduct analytical tests on equipment, including oil analysis (gas and 6 

moisture content), insulation measurements, and/or electrical tests (including megger, power 7 

factor, and Doble tests).   8 

In addition to increased maintenance trends, another factor which indicates aging 9 

infrastructure is equipment showing signs of degradation including rusting steel structures and 10 

equipment housings, control cable deterioration, and failing seals and gaskets on equipment.  11 

SDG&E also considers any lack of available equipment parts due to age (as many of the 12 

equipment parts are no longer supported by manufacturers).  Additionally, replaced equipment 13 

due to failure is another metric that indicates that remaining equipment on a site has reached the 14 

end of its useful life.   15 

SDG&E does not consider it prudent to wait to replace equipment only after it has failed 16 

and interrupted customer service.  Therefore, SDG&E analyzes the useful life of substation 17 

equipment as discussed above and determines whether the risk of failure is sufficient to warrant 18 

its replacement. 19 

Once SDG&E has determined that a substation has poor performance through the 20 

analysis discussed above, then SDG&E conducts an overall substation and equipment assessment 21 

to determine if SDG&E’s customers would benefit more from a complete rebuild of the 22 
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substation or in kind equipment replacement.  SDG&E proposes substation rebuilds based on 1 

assessment of the following issues: 2 

• Non-standard configuration, 3 

• Potential safety issues, 4 

• Poor performing equipment due to age, type, and condition, 5 

• Substation customer load size and customer exposure to outages, 6 

• Exceeded loading limits, 7 

• Increasing or excessive maintenance issues, 8 

• History of outages/failures, 9 

• Lack of adjacent 12 kV circuit ties or tie capacity, 10 

• Available property for rebuild, and 11 

• Poor existing security. 12 

Section 2. The Capistrano Substation’s Equipment and Infrastructure is At or 13 
Close to the End of its Useful Life  14 

Capistrano Substation was originally built in approximately 1954.  SDG&E’s Substation 15 

Equipment Assessment team has identified its aging equipment and infrastructure as beyond its 16 

useful life.  Since 1997, Capistrano Substation has been on SDG&E’s priority list, identifying 17 

substations that are in need of upgrades or replacement due to poor performance.  This list was 18 

developed utilizing safety, condition of the equipment, probability of outages, and cost to 19 

maintain as key metrics.  Based on the prioritized list, in the early 2000s, studies and cost 20 

estimates were started to develop a plan and design for the rebuild of Capistrano Substation.  In 21 

the mid-2000s, SDG&E determined that it would be most cost effective and create the most 22 

construction synergies if the rebuilt Capistrano Substation included a second 230 kV source for 23 

South Orange County.  Therefore, the rebuild became part of what is now the Proposed Project. 24 
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Trending of the preventative and corrective maintenance labor hours on the Capistrano 1 

Substation equipment shows both types of maintenance trending upward, which is expected for 2 

aging equipment.  Preventive maintenance at Capistrano Substation has been increasing since 3 

1997 at a rate of approximately 15% per year.  This indicates an increase in equipment that is not 4 

operating within performance specifications when crews maintain it.  Additionally, corrective 5 

maintenance (maintenance required due to failure of equipment between time based preventive 6 

maintenance intervals) has slowly increased.  Rising preventive and corrective maintenance 7 

issues are a strong indication of decreased equipment reliability and increased probability of 8 

failure.  It also is a direct indication of rising costs to maintain the equipment. 9 

In addition to maintenance increases, the equipment at Capistrano Substation is showing 10 

signs of degradation, including rusting steel structures and equipment housings, control cable 11 

deterioration, and failing seals and gaskets on equipment.  SDG&E has experienced a lack of 12 

available equipment parts for Capistrano Substation equipment due to age (as many of the 13 

equipment parts are no longer supported by manufacturers).  Additionally, SDG&E has had to 14 

replace equipment at Capistrano Substation due to failure.  In 2014 alone, both 12 kV and 138 15 

kV capacitors at Capistrano Substation have failed.  Because repair parts were not available, 16 

SDG&E was required to completely or partially replace the equipment.  Over the past 12 years at 17 

Capistrano Substation, one transformer has failed requiring replacement, and several 12 kV 18 

circuit breakers on the site were replaced because rising customer load caused conditions to 19 

exceed the design specification of that equipment.  20 

All of these factors indicate that it is time to rebuild or replace the Capistrano Substation 21 

equipment and infrastructure.    22 
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Section 3. The Capistrano Substation Needs to be Rebuilt to Provide Reliable 1 
Electric Service to SDG&E’s South Orange County Customers 2 

Following SDG&E’s usual substation assessment protocol, Capistrano Substation was 3 

analyzed for issues that determine whether a rebuild would better serve SDG&E’s customers 4 

than in-kind equipment replacement.  Each factor weighed in favor of rebuilding the substation. 5 

(1) Non-Standard Configuration 6 

Capistrano Substation has a non-standard configuration that does not meet current 7 

operating criteria or reliability requirements.  Capistrano Substation currently is fed by three 138 8 

kV transmission lines: TL13816 (CP-PI), TL13834 (CP-TB), and TL13837 (CP-LNL).  These 9 

three transmission lines feed the transmission bus, which is constructed as a single bus, single 10 

breaker configuration, consisting of four elements: the three TLs, and one 138 kV capacitor.  It 11 

also includes a 138 kV bus tie for sectionalizing capability (which separates the 138 kV bus into 12 

a north and south bus).   13 

Currently at Capistrano Substation, two 138/12 kV transformers are connected directly to 14 

the 138 kV north and south bus (respectively).  The two 138/12 kV transformers (identified by 15 

SDG&E’s nomenclature as Bank 41 and Bank 40) feed the 12 kV bus.  The 12 kV bus consists 16 

of a main bus (divided by a bus tie breaker) and a transfer bus.  The 12 kV bus is divided into a 17 

west and east bus, and has six 12 kV circuits fed through circuit breakers and three 12 kV 18 

capacitors connected directly to the 12 kV bus.  These six 12 kV circuits support the San Juan 19 

Capistrano community, which has approximately 35,000 people. 20 

The existing configuration at Capistrano Substation does not meet SDG&E’s current 21 

operating and reliability criteria for either the transmission system or the distribution system. 22 

When the substation was originally constructed in approximately 1954, the transmission 23 

and distribution bus configuration was the standard design of that era.  However, this design no 24 
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longer meets SDG&E’s current operating and reliability criteria due to the transmission system 1 

impacts of a transformer outage.   2 

SDG&E’s standard for a substation of this size requires a breaker and half configuration 3 

to meet operating and reliability criteria.  This configuration means each transmission bay has 4 

two elements (lines, capacitors, transmission class transformers, etc.) connected to separate 5 

busses with a tie breaker between each element, allowing each element to be fed by either bus.  6 

This allows continuity of service to each element in the event of a bus outage.  SDG&E’s design 7 

criteria for a smaller transmission bus is a single breaker-single bus, in which each element is fed 8 

by only one breaker and one bus. Both of these SDG&E designs require a breaker protecting 9 

each transformer feeding a distribution bus.  This prevents a transmission bus outage from 10 

occurring if a transformer has a problem because the additional sectionalizing breaker will 11 

decrease the infrastructure impacted.  A breaker and a half configuration is more reliable and 12 

therefore preferred by SDG&E since it limits any single point of failure to a maximum of two 13 

elements, minimizing transmission outage impacts. 14 

SDG&E is prevented from installing the current standard of 138 kV bank breakers and/or 15 

a breaker and a half configuration due to space limitations at this location.    16 

In addition to the transmission bus issues, the 12 kV capacitors are all connected directly 17 

to the 12 kV bus through fuses instead of circuit breakers.  Without a circuit breaker installed 18 

between the equipment and its service bus, a failure may require customer load shed on the 12 19 

kV bus in order to isolate the problem for repair.  This design of not having a protective circuit 20 

breaker creates a reliability risk to the system and customers. SDG&E’s current operating and 21 

reliability criteria require a circuit breaker between each 12 kV capacitor and the 12 kV bus. 22 

There is currently insufficient room on the distribution bus to install these capacitor breakers.  23 
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As a result of the Capistrano Substation’s non-standard configuration, SDG&E’s 1 

customers face the following reliability risks: 2 

• If Bank 41 trips, isolation also occurs to the 138 kV north bus, TL13816 and the 3 

138 kV capacitor.  Tripping the 138 kV capacitor could result in transmission 4 

loading and voltage issues depending upon system characteristics at the time of 5 

the loss.   6 

• If Bank 40 trips, isolation also occurs to the 138 kV south bus, including TL13834 7 

and TL13837.  The loss of these two transmission lines radializes Capistrano 8 

Substation on TL13816. Tripping TL13837 also radializes Laguna Niguel 9 

Substation.  As a result, both of these substations are at risk to load shed as they 10 

would be served with only one transmission line until restoration efforts succeed 11 

at Capistrano.   12 

• The failure of a 12 kV capacitor oil or vacuum switch may require isolation of the 13 

12 kV bus, resulting in temporary load shed off either the 12 kV west or east bus 14 

(and thus loss of service to customers) to safely isolate the equipment at issue for 15 

repairs.   16 

Because of space constraints, the non-standard configuration at Capistrano Substation 17 

cannot be corrected to meet SDG&E’s current design criteria without rebuilding the substation. 18 

(2) Potential Safety Issues 19 

The aging infrastructure at the existing Capistrano Substation includes oil circuit breaker 20 

and oil switch technology.  This technology has since been replaced with newer gas and vacuum 21 

technologies at other substations.  These newer technologies are less volatile during equipment 22 

failure, mitigating fire and explosion risk during these events.  In addition, the current 23 
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configuration of Capistrano Substation, due to the site constraints, has the 138 kV capacitor in a 1 

less than optimal location.  Typically SDG&E prefers that this equipment is located further from 2 

the property line. 3 

Rebuilding Capistrano Substation as described in the Proposed Project allows for 4 

installation of the newer technologies and also placement of volatile equipment farther from the 5 

property line.  Installing the GIS equipment inside a building also offers additional protection in 6 

both security of the facility and equipment failure protection. 7 

As noted above, rebuilding Capistrano Substation will also provide room for the addition 8 

of 138 kV breakers to protect the distribution transformers and 12 kV breakers to protect the 12 9 

kV capacitors.  Replacing equipment in kind will not allow positions for these breakers.  As 10 

described above, the current configuration results in a greater risk to customer electric service, 11 

which can be a safety issue for customers. 12 

(3) Age, Type, Condition and Quantity of Equipment  13 

Capistrano Substation is approximately 60 years old and its aging equipment has been 14 

identified by SDG&E’s Substation Equipment Assessment team as beyond its useful life.  Much 15 

of the significant equipment at Capistrano Substation ranks high on the replacements lists.  The 16 

Bank 41 transformer ranks #1 to be replaced, with a current approximation of two years of 17 

expected life left.  The 138 kV breakers have been identified for replacement.  Instrument 18 

transformers (used to provide control voltage and current to relays and metering) are also 19 

identified for replacement.  The control shelter also needs to be replaced due to limited size, age, 20 

and security issues.  Upgrading some of the electromechanical relays to current solid-state 21 

models within the control shelter would also allow further automation and event recording 22 

capabilities at the site. 23 
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The 138 kV and 12 kV buses are both undersized and their insulators and disconnects can 1 

create operational risks due to their age and risk of failure.  The current bus design is pieced 2 

together with different sizes of bus, which limits available ampacity.  The insulators, because of 3 

their age and type, will likely start failing because of deterioration of the bonding material.  4 

When a bus insulator fails, it will trip out the bus and may damage nearby equipment and pose a 5 

risk to personnel due to falling debris.  The disconnect switches need replacement because their 6 

mechanical mechanisms and arcing blades wear out over repeated use, causing failure to operate 7 

properly.  If a disconnect switch fails during operation, it may also cause an arc, tripping the bus 8 

relaying and leading to customer outages.   9 

Further, Capistrano Substation is located in a high seismic area and it is SDG&E’s 10 

standard practice to design substations and equipment to have a high probability of withstanding 11 

seismic events to predefined ground acceleration levels.  The primary industry standards that 12 

SDG&E follows are the IEEE 693 Recommended Practice for Seismic Design of Substations, 13 

ASCE 96 Guide to Improved Earthquake Performance of Electric Power Systems and ASCE 113 14 

Substation Structure Design Guide.  The existing Capistrano Substation was designed and 15 

constructed long before these standard practices and guidelines were established.  Due to their 16 

age and type of construction, the existing structures, foundations, and equipment do not conform 17 

to the current recommended practices for seismic design of substations as provided in IEEE 693 18 

and ASCE 113.  The older existing electrical equipment does not meet the seismic withstand 19 

capability and has not been seismically qualified as provided in IEEE 693. 20 

Replacing equipment only does not allow for replacement of the existing structures and 21 

their foundations.  Aging circuit breakers and transformers can be replaced along with their 22 

foundations, but they will still be connected to aging structures and bus that are not seismically 23 
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qualified.  Disconnect switches, bus, and insulators can be replaced but not to required size due 1 

to strength and space limitations of the existing structures and foundations.  Also, the larger 2 

equipment cannot be installed on existing structures as they do not meet current seismic 3 

requirements.  Newer electrical safety clearances cannot be incorporated because the structures 4 

cannot be expanded. 5 

The Capistrano Substation rebuild as described in the Proposed Project will allow for the 6 

new substation to meet these recommended practices for seismic design because all new 7 

structures can be built in a new yard and the new structures, foundations, and equipment will 8 

meet these seismic requirements.  9 

(4) Number of Customers 10 

Capistrano Substation currently serves approximately 14,000 meters in the San Juan 11 

Capistrano area, including 13,400 residential and 1,784 commercial and industrial meters.  The 12 

U.S. Census reports that San Juan Capistrano alone had an estimated 2013 population of 35,852 13 

people.  http://quickfacts.census.gov/qfd/states/06/0668028.html.  This does not include the 14 

employees of businesses located in San Juan Capistrano, visitors to the City, or patrons of its 15 

businesses.  16 

(5) Loading Limits 17 

Capistrano Substation transformer loading is currently at 85% capacity at peak.  When 18 

customer load exceeds the current capacity, the existing substation site cannot be expanded to 19 

accommodate the required amount of additional transformers.  High transformer loading at 20 

Capistrano also limits its ability to support neighboring substations via 12 kV circuit ties thereby 21 

limiting flexibility in distribution line equipment and substation transformer outages.    22 

(6) Maintenance Issues 23 
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As previously noted, preventive maintenance hours have been increasing at 15% 1 

annually, mainly due to the aging infrastructure.  Increasing maintenance hours are being spent 2 

on breaker, transformer, and disconnect switch repairs due to the age and wear of the existing 3 

equipment.  The breakers and transformers can be replaced individually to reduce their 4 

maintenance requirements, but disconnect switches will not be able to be replaced with 5 

SDG&E’s larger seismically qualified disconnects because of the age of the steel and the 6 

substation configuration.   7 

Rebuilding the entire substation will enable all equipment to be replaced on appropriately 8 

sized and seismic qualified structures and foundations.  Rebuilding the entire substation will also 9 

allow for all new equipment and associated hardware to be installed which will eliminate the 10 

issues outlined above.  An entire substation rebuild will also allow for the substation to be 11 

configured per SDG&E’s current operating and reliability criteria.  This will create operational 12 

flexibility, allowing equipment to be easily taken out of service for planned maintenance.   13 

(7) History of outages/failures 14 

The outage history and corrective (non-programmed) maintenance history over the last 15 

15 years shows increasing trends caused by 138 kV and 12 kV disconnect switches not operating 16 

properly, 12 kV and 138 kV capacitor issues, 138 kV and 12 kV potential transformer issues, and 17 

various hot spots from connections on both 138 kV and 12 kV busses. Rebuilding the substation 18 

will allow for all new equipment and associated hardware to be installed which will eliminate 19 

these issues.  20 

(8) Adjacent 12 kV Circuit Ties 21 

Capistrano Substation currently has distribution circuit ties with its neighboring 22 

substations: Laguna Niguel and Trabuco.  However, these ties cannot be utilized during certain 23 
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system conditions because of Capistrano Substation’s high loading and lack of available 1 

capacity.  The circuits and transformers at Capistrano Substation are highly loaded during peak 2 

conditions, limiting operational flexibility between circuits and other substations.  As a result: 3 

 In the advent of a transformer problem at Capistrano, up to 10,000 meters could 4 

lose power for over 14 hours or longer until the time a portable transformer is set 5 

and energized. In the event of a bus failure, this time frame can be longer because 6 

a portable transformer cannot be used in place of a bus failure. Both of these 7 

problems would result in load loss because of the limited tie capacity to other 8 

substations.  These 10,000 meters represent customers that cannot be offloaded 9 

from Capistrano Substation during peak load. 10 

 In the event of a major substation failure at the neighboring Laguna Niguel 11 

substation, Capistrano Substation could not be used to pick up all customer load, 12 

resulting in the loss of service in up to approximately 20,000 meters.  The City of 13 

Laguna Niguel had a 2013 population of 64,652 people, according to the U.S. 14 

Census.23   15 

Rebuilding the entire Capistrano substation will allow for expansion from the existing 60 16 

MVA substation to an ultimate 120 MVA substation.  This additional capacity will allow for 17 

load transfers from neighboring substations into the new Capistrano Substation when needed.  18 

Replacing equipment in kind will not allow room for expansion and will not allow for additional 19 

transformers to be installed without deviating from acceptable SDG&E reliability criteria.  20 

Without the Capistrano Substation being fully rebuilt, the capacity of the existing substation 21 

cannot be increased and therefore will not allow load transfers to Capistrano Substation.   22 

                                                 
23 http://quickfacts.census.gov/qfd/states/06/0639248.html.  
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(9) Size of existing property 1 

The existing Capistrano Substation is located on only a portion of the existing SDG&E-2 

owned substation property, and there is room to rebuild the substation elsewhere on the property.  3 

This makes the existing Capistrano Substation an ideal rebuild candidate because: 4 

 A new substation can be built without compromising the reliability of the existing 5 

substation during construction or placing construction personnel at risk;  6 

 The new substation will facilitate SDG&E’s long range transmission and 7 

distribution needs to serve its customers; and 8 

 The new substation would comply with SDG&E’s current operating and 9 

reliability criteria and seismic and safety design requirements.  10 

(10) Security Issues 11 

The current control shelter configuration does not meet SDG&E’s new security 12 

guidelines due to its unprotected windows and size restrictions.  The empty yard and 13 

deteriorating buildings on the same parcel as the existing substation create security issues as 14 

vagrants have broken into the building and made camp. 15 

Rebuilding the substation will allow space for a new control shelter in each of the 230 kV 16 

and 138 kV yards.  Each control shelter will be of masonry block design without windows and a 17 

secured door.  Additionally, all sides of the entire SDG&E property will be secured with security 18 

block wall or fence. 19 

In the existing substation yard, a new control shelter cannot be built without blocking 20 

drive access to other equipment due to the limited size of the existing site.  The existing control 21 

shelter cannot have its windows removed due to proximity of the protection and control 22 

equipment inside the shelter. 23 
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For all of these reasons, SDG&E determined that the Capistrano Substation needs to be 1 

rebuilt. 2 

Section 4. Simply Replacing Equipment at Capistrano Substation Will Not 3 
Provide Reliable Electric Service to SDG&E’s South Orange County Customers 4 

In contrast to the factors favoring rebuilding Capistrano Substation, analysis of the same 5 

factors indicates that simply replacing equipment at the existing substation will not provide the 6 

desired level of reliability. 7 

Replacing equipment in kind will not change the existing layout configuration and 8 

therefore will not eliminate the risks of forced outages to SDG&E’s customers arising from the 9 

non-standard configuration of the transmission bus and the distribution bus.  The existing 10 

substation site is not large enough to rebuild the 138 kV switchyard in a breaker and a half 11 

configuration.  If SDG&E were to rebuild inside the existing yard, the configuration of the 12 

transmission rebuild would be limited to a single breaker – single bus configuration.  Rebuilding 13 

in-place would also create physical limitations on the number of additional element positions that 14 

can be added to only two (transmission lines and distribution transformers).  This limitation 15 

would not meet the needs for a reliable transmission configuration as mentioned above or any 16 

future customer load growth.  Additionally, when more transmission lines are added to the 17 

substation, more space would be required to build a new and larger control shelter.  The enlarged 18 

control shelter would contain all the necessary control, protection equipment, and battery 19 

systems required to monitor the substation. 20 

Current seismic requirements also require more robust designs in equipment, foundations, 21 

and structures than aging substations can meet.  Capistrano, like other aging substations in 22 

SDG&E’s service territory, must be rebuilt to meet these current requirements.  Simply replacing 23 

equipment does not bring the existing structures and foundations up to the latest seismic 24 
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standards.  Placing IEEE 693-qualified equipment in and on the existing structures and 1 

foundations still leave the equipment at risk.  SDG&E does not consider that prudent or that it 2 

will adequately ensure reliable electric service for its South Orange County customers.   3 

Simply replacing equipment does not allow for greater use of distribution ties between 4 

Capistrano Substation and Laguna Niguel and Trabuco Substations.  These ties allow each 5 

substation to support service to other substations’ customers if a substation experiences an 6 

outage.  Additional capacity that meets SDG&E reliability criteria at Capistrano Substation can 7 

only be accomplished by adding additional transformers.   8 

Simply replacing equipment does not address the security concerns regarding the existing 9 

substation.  The recent attack at PG&E’s Metcalf Station and other electric facilities around the 10 

United States has raised the general threat level within the energy/electric sector.  Various 11 

federal agencies (including the Federal Energy Regulatory Commission, the Department of 12 

Energy, and the Department of Homeland Security), as well as the North American Reliability 13 

Corporation, have issued security alerts specific to physical attacks against the electric utilities 14 

and have suggested mitigation measures.  SDG&E is currently upgrading its security standards 15 

for substations and the new standards will be implemented in the Proposed Project. 16 

Rebuilding a substation in its existing yard also increases reliability risks to customers 17 

and safety risks to workers because of the proximity of the energized equipment.  It generally 18 

takes twice as long to perform construction in an energized substation because of outage 19 

restrictions required for worker safety along with delays due to requirements for working around 20 

energized equipment.  Outages to customers may be required to perform certain construction 21 

activities.  Temporary configurations of the transmission bus would be required during this type 22 

of rebuild as existing elements are transferred from the old configuration to the new 23 
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configuration.  Portable transformers, breakers, and cable may be required for continuity of 1 

service to customers while existing elements are taken out of service to make room for the new 2 

equipment.  While use of portable equipment is a normal construction technique when required, 3 

it is much less reliable than permanent equipment, creates less reliable system configurations, 4 

and affects voltage regulation while in-service. 5 

For these reasons, among others, simply replacing equipment at the Capistrano 6 

Substation does not provide adequate reliability for SDG&E’s South Orange County customers 7 

or meet SDG&E’s transmission objectives set forth in Chapter 4. 8 

CHAPTER 6:  WITHOUT SDG&E’S PROPOSED PROJECT, SDG&E’S TALEGA 9 
SUBSTATION NEEDS TO BE MODIFIED TO PROVIDE RELIABLE ELECTRIC 10 
SERVICE (Witness Karl Iliev) 11 

Without SDG&E’s Proposed Project, significant work at Talega Substation will be 12 

required to improve the reliability of electric service.  However, upgrading Talega Substation 13 

alone cannot provide the reliability benefits of a second source of power to SDG&E’s South 14 

Orange County system.  SDG&E’s Proposed Project not only provides a second source, it avoids 15 

the need to perform an estimated $95 to $120 million of work at Talega Substation.  Without a 16 

second source of power to South Orange County, SDG&E not only would need to perform such 17 

work, but also would have to evaluate the feasibility of acquiring additional property to rebuild 18 

the Talega Substation in a more reliable configuration.   19 

Section 1. Reliability Issues at Talega Substation  20 

As discussed in Chapter 2, Talega Substation is the sole source of power to SDG&E’s 21 

South Orange County system.  Talega’s source of power is at 230 kV which is then stepped 22 

down from 230 kV to 138 kV through four 230/138 kV transformers at Talega Substation.  23 

Currently, these are the only 230/138 kV transformers serving the SDG&E’s South Orange 24 
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County system.  Talega then transmits the power at 138 kV to SDG&E’s South Orange County 1 

distribution substations.   2 

Two of the existing 230/138 kV transformers at Talega Substation, Banks 60 and 62, 3 

which were purchased in the 1960s, are beyond their useful life.  Moreover, Banks 60 and 62 are 4 

rated 162 MVA and 150 MVA, respectively, and are not adequately sized to operate in support 5 

of Banks 61 and 63, each rated 392 MVA. 6 

There are a number of problems that arise from having all four transformers at Talega 7 

Substation.  Because of space constraints within the substation footprint, the transformers are in 8 

close proximity to each other, which increases the equipment damage and outage impact if an 9 

adjacent transformer or other equipment catches fire or fails.  Currently, Banks 61 and 62 are 10 

immediately adjacent to the control shelter without enough separation to install a fire wall.  If 11 

one of these transformers catches on fire, it will create difficulty in entering the control shelter to 12 

perform operations necessary to de-energize the equipment to allow workers to safely extinguish 13 

the fire.   14 

Also because of space constraints, transformer Banks 60 and 63 are currently fed directly 15 

off the 230 kV bus without bank breakers.  This is a non-ideal configuration because any bus 16 

outage will force a transformer outage and vice versa.  There is not sufficient space in the current 17 

substation footprint to reconfigure Bank 63 to be fed from a more reliable breaker and a half 18 

configuration (where the transformer may stay in-service during a bus outage and vice versa).  19 

Banks 61 and 62 are currently fed from a breaker and a half configuration, but are in the same 20 

bay, which does not meet current SDG&E’s reliability criteria as they are exposed to single point 21 

of failure from their shared tie breaker. 22 
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Overall, Talega Substation is an aging substation, constructed in 1978.  Talega has had 1 

numerous equipment replacements in the last 10 years due to its age and poor reliability of the 2 

equipment.  As Talega Substation gets older, increased frequency and duration of equipment 3 

maintenance (both proactive and reactive) will be required to maintain reliability.   4 

These issues pose reliability risks.  Because Talega Substation currently is the source of 5 

all power to South Orange County, Category D events at Talega Substation (loss of the 230 kV 6 

service or the loss of 138 kV service) would drop service to all SDG&E customers in South 7 

Orange County—approximately 300,000 people.  The space constraints at Talega Substation 8 

result in the transformers being in close proximity without a separation wall between two of 9 

them, which increases the risk of a catastrophic failure.  Even if risks arising from space 10 

constraints could be addressed by rebuilding the substation, it would not address all risks arising 11 

from having Talega Substation be the sole source of power to South Orange County.  That risk 12 

can only be addressed by having a second source, as proposed by SDG&E’s Proposed Project. 13 

Further, because Talega Substation’s equipment (including two transformers) is aging, 14 

more maintenance is needed.  However, because Talega Substation has a non-standard 15 

configuration due to space constraints and is the sole source of power to South Orange County, a 16 

single forced outage (such as Category B events) that occurs during a planned maintenance 17 

outage at Talega will drop service to all or some SDG&E customers in South Orange County.  18 

See Chapter 4, Section 5 above; CAISO 2010-2011 Transmission Plan at 207 (“Failure of certain 19 

components in this area under maintenance conditions can result in loss of entire South Orange 20 

County load which is expected to be about 523 MW by 2020.”)  This risk makes it difficult to 21 

perform maintenance at Talega Substation. 22 
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Section 2. Work Avoided at Talega Substation If the Proposed Project is 1 
Implemented 2 

SDG&E’s Proposed Project resolves a number of reliability issues at Talega Substation 3 

by rebuilding Capistrano Substation to serve as a second source of power to SDG&E’s South 4 

Orange County system.  In addition to eliminating the failure modes that could damage all four 5 

transformers in one location (Talega Substation), SDG&E’s Proposed Project avoids work at 6 

Talega Substation that otherwise would be necessary. 7 

First, by installing two 230/138 kV transformers at the new San Juan Capistrano 8 

Substation, SDG&E would not need to replace the two aging and undersized transformers at 9 

Talega Substation (Banks 60 and 62).  Replacement of those transformers at Talega Substation is 10 

estimated to cost between $15 and $20 million. Having 230/138 kV transformers serving South 11 

Orange County customers from two different substations located several miles apart is a key 12 

component to preventing a blackout of South Orange County. 13 

Second, by removing these two transformers from Talega Substation, there would be 14 

room within the existing Talega Substation to reconfigure Bank 63 to be fed from a more reliable 15 

breaker and a half configuration (where the transformer may stay in-service during a bus outage 16 

and vice versa).  Because there would be a second source at San Juan Capistrano Substation, the 17 

work to perform this reconfiguration would not place SDG&E’s South Orange County customers 18 

at risk from a single forced outage during the construction work.  Once performed, maintenance 19 

work at Talega Substation could be performed without placing SDG&E’s customers at risk from 20 

a single forced outage during a planned maintenance outage. 21 

Third, SDG&E’s Proposed Project avoids the need to replace the STATCOM at Talega 22 

Substation when it reaches the end of its life.  If the Proposed Project does not proceed, the 23 

existing STATCOM device would have to be replaced with a similar voltage control device once 24 
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the technology becomes obsolete and unrepairable.  The STATCOM provides fast acting voltage 1 

support to prevent a South Orange County voltage collapse.  With a new 230 kV source located 2 

at San Juan Capistrano, the local system’s voltage strength is vastly improved and the 3 

STATCOM would not need to be replaced in the future as much less expensive options would be 4 

available.  Replacing the STATCOM at Talega Substation is estimated to cost between $80 and 5 

$100 million. 6 

Section 3. Work Needed at Talega Substation if the Proposed Project is Not 7 
Implemented 8 

If SDG&E’s Proposed Project is not implemented, SDG&E will perform, or where 9 

necessary seek authorization to perform, work at Talega Substation.  As noted above, SDG&E 10 

will need to replace two transformers at Talega and eventually the STATCOM.  These steps 11 

alone, however, do not address the reliability risks of Talega Substation’s non-standard 12 

configuration or having Talega serve as the sole source of power for SDG&E’s South Orange 13 

County system. 14 

The reliability impact during planned maintenance and from some forced outages could 15 

be reduced if Talega Substation could be rebuilt with a new bay in a breaker and a half 16 

configuration.  This configuration would allow more flexibility in taking maintenance outages 17 

and responding to forced outages.  However, because Talega Substation is the sole source of 18 

power to South Orange County, it cannot be taken out of service to reconfigure equipment on the 19 

existing substation site, assuming it would be feasible to do so within the existing space.  20 

Assuming it would be feasible to phase and safely perform reconfiguration work by de-21 

energizing certain equipment in the substation, such an approach would place all of SDG&E’s 22 

South Orange County customers at risk of a long-term outage in the event of a single forced 23 

outage of other elements during the construction work (temporary substation configurations 24 
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would be required to facilitate the removal and addition of equipment).  Depending upon the 1 

status of the construction work and the nature of the forced outage, it could be a significant 2 

period of time before service could be restored. 3 

For these reasons, SDG&E considered rebuilding the Talega Substation on adjacent 4 

property.  As discussed in SDG&E’s Proponent’s Environmental Assessment (PEA) starting a 5-5 

13, this alternative to the Proposed Project was rejected for a number of reasons.  Among others, 6 

doing so would not address the risk posed by having Talega Substation as the sole source of 7 

power to SDG&E’s South Orange County system.  Further, it would require acquiring new  8 

property from Camp Pendleton, which SDG&E’s PEA found raised environmental concerns.24  9 

Moreover, SDG&E estimated that it would cost $782 million and require incremental 10 

construction of system improvements and ultimately result in SDG&E having to include the 11 

costs associated with the No Project Alternative (regarding the rebuilding of Capistrano 12 

Substation and upgrading the 138 kV system) in with this rebuild, significantly increasing the 13 

cost of this alternative in excess of the Proposed Project cost.   14 

Rebuilding the Talega Substation would also require removal and replacement of the 15 

Synchronous Condensers devices already on-site. 16 

Replacing the two transformers and the STATCOM at Talega Substation, and even the 17 

purchase of additional property and re-configuration to a breaker and a half scheme, would not 18 

eliminate the risk of a Category D event at Talega Substation.  Because Talega Substation 19 

currently is the source of all power to South Orange County, Category D events at Talega 20 

                                                 
24 SDG&E’s PEA at 5-16 (“Short- and long-term impacts would increase at Talega Substation due to the 
required expansion of the substation into undisturbed land which has several environmental constraints.  
These long-term impacts include sensitive and/or occupied habitat for arroyo toad and California 
gnatcatcher, recent land slide area which would require significant remedial grading requiring a large 
impact footprint and 25 percent or greater slopes which would be subject to erosion during 
construction.”). 
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Substation (loss of the 230 kV service or the loss of 138 kV service) would drop service to all 1 

SDG&E customers in South Orange County—roughly around 300,000 people.  Therefore, 2 

SDG&E does not consider rebuilding Talega Substation to be a prudent or cost-effective solution 3 

to the South Orange County reliability issues. 4 

  5 
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CHAPTER 7:  PURPOSE AND NEED FOR SOUTH ORANGE COUNTY RELIABILITY 1 
PROJECT  2 

Section 1. The Purpose of the Project Is To Increase the Reliability of SDG&E’s 3 
South Orange County Electric System (Witness John Jontry) 4 

The Proposed Project meets the SDG&E’s goal to provide safe and reliable electric 5 

power to the cities and communities of South Orange County served by SDG&E’s system.  The 6 

Proposed Project will improve the reliability by:  7 

1. Protecting all South Orange County customers against a potentially lengthy loss 8 

of electric service in the event that fire, explosion, earthquake, vandalism, 9 

terrorism or other cause results in the loss of 230 kV or 138 kV service at Talega 10 

Substation. 11 

2. Protecting South Orange County customers against a complete loss of electric 12 

service under 29 scenarios, and a partial loss of electric service under 28 13 

scenarios, involving a forced outage during a planned maintenance event at 14 

Talega Substation.  15 

3. Protects South Orange County customers against loss of electric service caused by 16 

Category C load shedding in the event of numerous single outage or multiple 17 

element outages.  18 

4. Permitting SDG&E to design its South Orange County system to comply with 19 

mandatory requirements under NERC TPL-003-0b and TPL-002-0b.  20 

5. Rebuilding Capistrano Substation to replace equipment and infrastructure at or 21 

close to the end of its useful life, implement a more reliable configuration meeting 22 

SDG&E’s operating and reliability criteria, meet current seismic, security and 23 

safety standards, and provide more capacity to aid neighboring substations in the 24 

event of an outage, and. 25 
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6. Improve transmission and distribution operating flexibility to, among other things, 1 

perform maintenance and respond to outages. 2 

Section 2. The Project Mitigates the Reliability Risks Found in the South 3 
Orange County Transmission System (Witness John Jontry) 4 

A. The Project Mitigates the Risk of All Customers Losing Service After 5 
Loss of 230 kV or 138 kV Service at Talega Substation  6 

SDG&E's South Orange County customers are dependent on single power source, the 7 

230 kV supply to Talega Substation, which then supplies power via 138 kV transmission lines to 8 

the distribution substations within South Orange County.  Any event that interrupted the 230 kV 9 

or 138 kV service at Talega Substation, such as equipment failure, fire/explosion, earthquake, or 10 

vandalism/terrorism, would leave over 300,000 people in South Orange County without 11 

electricity until the damage was repaired.  An extended outage of the 230 kV or 138 kV service 12 

at Talega Substation would threaten public safety and cause severe economic impacts to South 13 

Orange County.  The Proposed Project addresses this problem by providing a second 230 kV 14 

connection at a rebuilt Capistrano Substation (re-named San Juan Capistrano Substation).   15 

B. The Project Mitigates the Risk of Customers Losing Service During 16 
Maintenance Events at Talega Substation 17 

Because Talega Substation is the sole power source for SDG&E’s South Orange County 18 

system, and has a non-standard configuration that cannot be corrected within the existing 19 

footprint, planned outages for maintenance at Talega leave some or all South Orange County 20 

customers at risk that single forced outage of another element could interrupt their electric 21 

service.  As discussed in Chapter 4, Section 5, there are 29 scenarios under which a forced 22 

outage during a maintenance event at Talega Substation would immediately drop all customer 23 

load in South Orange County.  There also are 28 scenarios where a forced outage during a 24 

maintenance event at Talega Substation would require SDG&E to shed load, thus interrupting 25 
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electric service to a significant number of South Orange County customers.  The need for 1 

maintenance at Talega Substation, which is over 35 years old, is increasing.  A second 230 kV 2 

source at the new San Juan Capistrano Substation will allow maintenance at Talega without this 3 

risk. 4 

C. The Project Mitigates the Risk of Customers Losing Service After an 5 
Outage of One or More Transmission Elements 6 

As discussed in Chapter 4, Sections 6 and 7, as of 2020, SDG&E expects that a number 7 

of potential events, falling under Category C of the North American Electric Reliability 8 

Corporation (NERC) reliability standards, involving outages of one or more transmission lines, 9 

transformers, or other equipment, will directly result in interruption of service to customers.  10 

SDG&E has identified 18 Category C scenarios where SDG&E would not be able to keep the 11 

system within its Applicable Ratings before SDG&E could shed load, and 12 Category C 12 

scenarios where SDG&E would shed load to keep the system within Applicable Ratings.  Under 13 

all scenarios, customer service would be interrupted. 14 

SDG&E notes that, although NERC TPL-003-0b permits “controlled/planned” load 15 

shedding to remain within Applicable Ratings, that NERC standard requires SDG&E to engage 16 

in “controlled/planned” load shedding under the same circumstances that NERC TPL-002-0b 17 

forbids any loss of customer load.  This may be interpreted as a violation of NERC TPL-002-0b.  18 

In any event, the effect on SDG&E’s customers is exactly the same—a single outage results in a 19 

loss of electrical service.  20 

The Proposed Project resolves most of these Category C issues by providing a second 21 

bulk power source for the South Orange County load pocket.       22 
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D. The Project Provides the Same Level of Service to South Orange 1 
County as Provided to the Rest of the SDG&E Service Territory 2 

The South Orange County portion of the SDG&E service territory is unique, in that it is 3 

served by a single connection to the 230 kV bulk power system.  The remainder of the SDG&E 4 

system (metropolitan San Diego and the rural portions of East San Diego County) is supplied 5 

through multiple 230 kV gateways.  The Proposed Project resolves this issue by providing a 6 

second bulk power source for the South Orange County load pocket, and providing the same 7 

level of reliability to customers there as provided to SDG&E customers elsewhere.     8 

Section 3. The Project Allows SDG&E to Comply with NERC Reliability 9 
Standards (Witness John Jontry) 10 

As discussed in Chapter 4, Section 6, as of 2020 there are 18 events, falling under 11 

Category C of the NERC reliability standards, under which it is expected that outages of one or 12 

more elements will cause overloads on SDG&E's South Orange County transmission system that 13 

result in SDG&E's transmission lines exceeding "Applicable Ratings."  These events cannot be 14 

mitigated using a Special Protection Systems because CAISO’s Planning Standards forbid use of 15 

the number of SPSs that would be necessary to address all of these events.  These events would 16 

be a violation of the mandatory requirements of NERC TPL-003-0b.  In addition, there are many 17 

events where SDG&E would be required to shed load after a single Category B event in order to 18 

prepare for a subsequent outage.  These events may be interpreted to be violations of NERC 19 

TPL-002-0b.  The Proposed Project will allow SDG&E to comply with NERC TPL-003-0b, as 20 

well as avoid SDG&E having to interrupt customer service in these events.  21 

Section 4. The Project Mitigates Reliability Risks at the Capistrano Substation 22 
By Rebuilding It As the New San Juan Capistrano Substation (Witness Karl Iliev) 23 

As discussed in Chapter 5, Capistrano Substation, built over 60 years ago, long has been 24 

on SDG&E’s priority list of substations that are in need of upgrades or replacement due to poor 25 
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performance.  To provide reliable electric service to SDG&E’s South Orange County customers, 1 

the existing Capistrano Substation needs to be rebuilt to, among other things, upgrade its current 2 

bus configuration to a more reliable configuration, replace deteriorating infrastructure and 3 

equipment near the end of its useful life, meet current seismic, safety and security standards, and 4 

allow 12 kV ties with neighboring substations that increase the reliability of the overall system.  5 

The aging Capistrano Substation has the following issues, which threaten the reliability 6 

of electric service to SDG&E’s customers served by the substation: 7 

• Capistrano Substation has a non-standard configuration that does not meet current 8 

operating criteria or reliability requirements.   9 

• Capistrano Substation uses older technology that is more volatile than current 10 

technology, and site constraints has the 138 kV capacitor in a less than optimal 11 

location. 12 

• Capistrano Substation has poorly performing equipment due to age, type, and 13 

condition.  The existing structures, foundations, and equipment do not conform to 14 

the current recommended practices for seismic design of substations as provided 15 

in IEEE 693 and ASCE 113, and older existing electrical equipment does not 16 

meet the seismic withstand capability and has not been seismically qualified as 17 

provided in IEEE 693. 18 

• Capistrano Substation currently serves 13,400 residential and 1,784 commercial 19 

and industrial meters, and San Juan Capistrano alone had an estimated 2013 20 

population of 35,852 people.  These customers are at risk due to the lack of 21 

reliability.  22 

• Capistrano Substation’s transformer loading is currently at 85% capacity at peak, 23 
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and has little capacity for load growth or supporting neighboring substations., 1 

• Preventive maintenance hours have been increasing at 15% annually, mainly due 2 

to the aging infrastructure.  SDG&E has had to replace equipment that has failed 3 

or is obsolete such that no spare parts are available. , 4 

• The outage history and corrective (non-programmed) maintenance history over 5 

the last 15 years shows increasing trends caused by 138 kV and 12 kV disconnect 6 

switches not operating properly, 12 kV and 138 kV capacitor issues, 138 kV and 7 

12 kV potential transformer issues, and various hot spots from connections on 8 

both 138 kV and 12 kV busses., 9 

• Capistrano Substation currently has distribution circuit ties with its neighboring 10 

substations, Laguna Niguel and Trabuco, but these ties cannot be utilized during 11 

certain system conditions because of Capistrano Substation’s high loading and 12 

lack of available capacity.   13 

• The current control shelter configuration does not meet SDG&E’s new security 14 

guidelines due to its unprotected windows and size restrictions. 15 

By completely replacing equipment, upgrading and rebuilding the substation to 16 

SDG&E’s current design standards, all of the above reliability concerns are addressed.  The 17 

reliability gains from the Proposed Project, which are not achieved by only replacing equipment, 18 

include: 19 

 A new substation configuration which will improve reliability by creating more 20 

opportunities to isolate substation buses, transmission lines and transformers 21 

during equipment failures and maintenance outages.  Additional capacity will 22 

improve operating conditions during maintenance and after an equipment failure 23 
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resulting in a forced outage. 1 

 Additional distribution tie capacity between Capistrano Substation and its two 2 

neighboring substations, Trabuco and Laguna Niguel substations, which provide 3 

additional reliability for customers fed by each of those substations. 4 

 Equipment, structures, and foundations constructed to current seismic 5 

qualifications. 6 

 New control shelter (in each 230 kV and 138 kV yard) built to current security 7 

design. 8 

 New and updated security systems. 9 

 Updated relaying and improved SCADA. 10 

 Reduced maintenance. 11 

 Improved aesthetics. 12 

 Increased safety.  13 

 Rebuilding in an adjacent part of SDG&E’s parcel instead of the existing yard 14 

will also avoid the reliability and safety issues of performing rebuild/replacement 15 

construction in an existing yard. 16 

Adequate reliability can only be gained by a complete rebuild and expansion of the 17 

existing substation.  The Proposed Project does so. 18 

SDG&E also determined that it would be most cost effective and create the most 19 

construction synergies if the rebuild of Capistrano Substation included a second 230 kV source 20 

for South Orange County.  As discussed above, a second 230 kV source is necessary to address 21 

reliability concerns created by having Talega Substation serve as the only source of power to 22 

SDG&E’s South Orange County system.  Rebuilding Capistrano Substation as the new San Juan 23 
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Capistrano Substation allows it to serve as the second source.   1 

Section 5. Talega Substation (Witness Karl Iliev) 2 

Talega Substation currently is the sole source of power to SDG&E’s South Orange 3 

County system.  A non-standard bus configuration and aging equipment increase the risk of both 4 

forced outages to customer service in South Orange County.  As discussed in more detail in 5 

Chapter 6, SDG&E’s Proposed Project addresses these reliability concerns by creating a second 6 

230 kV power source at the rebuilt Capistrano Substation, which also creates space at Talega 7 

Substation to re-configure the transmission bus to a more reliable configuration.  The Proposed 8 

Project will also reduce the loading at Talega Substation, which will allow SDG&E to not 9 

replace two existing 230/69 kV transformers and the existing STATCOM voltage regulating 10 

device when it reaches the end of its useful life. 11 

Without the Proposed Project, SDG&E will need to perform, or seek to perform, 12 

significant work at Talega Substation to improve reliability.  SDG&E would need to replace the 13 

two existing transformers and eventually the STATCOM noted above, at an estimated $95 to 14 

$120 million cost.  That alone would not address the reliability concerns arising from the non-15 

standard configuration.  SDG&E also would have to evaluate the feasibility of acquiring 16 

additional property to rebuild the Talega Substation in a more reliable configuration.  However, 17 

even rebuilding Talega Substation cannot provide the reliability benefits of a second source of 18 

power to SDG&E’s South Orange County system.   19 

The Proposed Project addresses all of the reliability concerns at Talega Substation 20 

directly and will allow SDG&E to reconfigure Talega Substation within the existing substation 21 

property.  22 
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Section 6. The Project Improves Transmission and Distribution Operating 1 
Flexibility (Witness John Jontry) 2 

The Proposed Project meets this objective of improving transmission and distribution 3 

operating flexibility by providing additional bulk power sources, and modernizing and expanding 4 

the outdated 138 kV and 12 kV busses at Capistrano Substation.  5 

The new 230 kV source provided by the Proposed Project will significantly improve the 6 

ability of the Electric Transmission (Grid) Operations to schedule outages for maintenance 7 

purposes not only at Talega Substation but also for neighboring substations at San Mateo, 8 

Rancho Mission Viejo, Pico, and Trabuco.  This improved transmission operational flexibility is 9 

the result of two 230 kV transmission lines serving San Juan Capistrano and Talega Substations 10 

and two 230/138 kV sources serving the South Orange County 138 kV network as proposed by 11 

SDG&E. 12 

The modernized 138 kV bus at the new San Juan Capistrano Substation will improve 13 

operational flexibility with its breaker and a half design and increased positions to allow for the 14 

feed of the new 230 kV source and three additional 138 kV transmission lines. This increased 15 

operational flexibility will also allow SDG&E’s Grid Operations to utilize the 138 kV system 16 

more efficiently and reliably in normal operations and in programming routine maintenance.  17 

The additional distribution capacity of the San Juan Capistrano Substation will improve 18 

distribution reliability by providing tie capacity to neighboring substations.  This improved 19 

reliability and operational flexibility comes from allowing existing cicuits to be more fully 20 

utilized and allow for new 12 kV circuits to be added at San Juan Capistrano Substation. 21 

Section 7. The Project Increases the Load Serving Capability of the South 22 
Orange County System to Meet Customer Load Growth (Witness John Jontry) 23 

The South Orange County is an area in SDG&E’s service territory experiencing 24 

continuing load growth – it is expected to increase 13% over the next ten years. To provide 25 
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efficient and effective service in the South Orange County area, SDG&E must locate the 1 

proposed facilities (a new 230/138 kV substation and associated 230 kV transmission lines) 2 

within the transmission load center.  Capistrano Substation is in very close in proximity to the 3 

electrical center of South Orange County's transmission load.  Approximately 81 percent of the 4 

load served by South Orange County 138 kV transmission network is within four miles of the 5 

Capistrano Substation.  By utilizing the Capistrano Substation location and its proximity to the 6 

transmission load center, efficiencies will be obtained by reducing transmission line losses and 7 

allow for more effective service.  The rebuilding of Capistrano Substation will also allow for 8 

increased capacity to more effectively serve the customer load surrounding Capistrano 9 

Substation and support neighboring substations. 10 

Section 8. A Transmission Project Is The Best Alternative To Address The 11 
Reliability Deficit In South Orange County (Witness:  John Jontry) 12 

Public Utilities Code Section 1002.3 provides:  “In considering an application for a 13 

certificate for an electric transmission facility pursuant to Section 1001, the commission shall 14 

consider cost-effective alternatives to transmission facilities that meet the need for an efficient, 15 

reliable, and affordable supply of electricity, including, but not limited to, demand-side 16 

alternatives such as targeted energy efficiency, ultraclean distributed generation, as defined in 17 

Section 353.2, and other demand reduction resources.” 18 

SDG&E’s Proposed Project addresses the potential loss of all power to SDG&E’s South 19 

Orange County system and the over 300,000 people it serves as the result of a Category D event, 20 

or a forced outage during a maintenance event, at Talega Substation.  Energy efficiency, demand 21 

response programs, and distributed generation cannot solve these reliability concerns and thus 22 

are not feasible alternatives to the Proposed Project.  Energy efficiency and demand response 23 

programs can slow demand growth and can reduce local load levels in emergencies, but these 24 
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programs cannot mitigate the potential loss of all power to SDG&E’s South Orange County 1 

customers if either the 230 kV service or 138 kV service at Talega Substation are out of service.   2 

Similarly, distributed generation is not a feasible alternative to the Proposed Project.  3 

First, even homes and businesses with solar panels are unlikely to have power during an outage 4 

on SDG&E’s South Orange County system.  Absent a specially customized system, inverters 5 

that serve solar and battery systems are designed to disconnect when they detect loss of service 6 

from the utility, and do not reconnect until they detect 60 seconds or more of stable electric 7 

service on the utility side of the inverter.  This is a safety requirement.  Second, even if some 8 

residents or businesses have such customized systems, they must disconnect from the grid to 9 

draw power from their batteries and thus cannot supply electricity to any other customers in the 10 

area. Higher levels of energy efficiency and distributed generation can, at times, reduce load on 11 

SDG&E’s system, thus potentially making Category C outages less likely to trigger load 12 

shedding.  However, as discussed in Chapter 4, Section 3, SDG&E’s local area forecasts already 13 

account for anticipated levels of energy efficiency and distributed generation.  Further, 14 

distributed solar generation does not provide electricity to the grid when the sun is not shining on 15 

the solar panels.  16 

The need to rebuild Capistrano Substation exists regardless of any energy efficiency, 17 

demand response programs or distributed generation.  18 
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STATEMENT OF QUALIFICATIONS 1 

 KARL ILIEV, PE 2 

My name is Karl Iliev and my business address is 8316 Century Park Court, San Diego, 3 

California 92123.  I am the System Protection & Control Engineering Manager in the Electric 4 

Transmission & Distribution Engineering Department of San Diego Gas & Electric (SDG&E).  5 

My section’s primary responsibities are to provide protective relay and control schemes, 6 

settings, and communication systems for a safe and reliable grid, including providing technical 7 

support, scoping advice, and review of substation electrical designs. 8 

I began work at SDG&E in June 1999 as an Engineering Intern and have held positions 9 

around the company on both transmission and distribution sides ranging from planning to 10 

engineering to construction and operations.  Since 2003, I’ve held positions of increasing 11 

responsibility related to substation design and construction including work in System Protection 12 

Engineering & Maintenance, Substation Construction & Maintenance, and Substation 13 

Engineering & Design.  I was the Substation Engineering & Design Manager for over 4 years 14 

from 2009 into 2014 where my responsibities included cost estimatation, design specifications 15 

and scoping, material procurement, apparatus assessment, engineering review, substation 16 

drawing management, construction support, and real-time operational involvement for all of 17 

SDG&E’s substations and substation related capital projects. 18 

Immediately prior to obtaining full time employment with SDG&E in 2001, I graduated 19 

California State University of Sacramento with a Bachelor of Science in Electrical and 20 

Electronic Engineering with a concentration in Power Systems and a minor in Physics.  In 2004, 21 

I earned my license as a Professional Engineer in the State of California. 22 

I have previously testified before this Commission. 23 
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 JOHN M. JONTRY 1 

My name is John M. Jontry. My business address is 8330 Century Park Court, San Diego, 2 

California, 92123.  I am employed by San Diego Gas & Electric Company (SDG&E) as 3 

Transmission Planning Manager. I have been employed by SDG&E since 2005. For the past five 4 

years I have managed the Grid Planning group within the Transmission Planning department, 5 

with the primary responsibility of overseeing the annual grid reliability studies and the planning 6 

studies for major special projects such as the South Orange Country Reliability Enhancement 7 

project (SOCRE). Prior to working for SDG&E, I worked for electric utilities in Texas and 8 

Illinois and for the Midwest Independent System Operator (MISO) in Indiana in various 9 

engineering and operational roles for approximately fifteen years. I hold a bachelor’s degree in 10 

Electrical Engineering from the University of Illinois and a master’s degree in Industrial 11 

Technology from Eastern Illinois University. I am a Registered Professional Engineer in the 12 

states of Illinois and Texas. 13 

I have previously testified before this Commission.  14 
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 CORY SMITH 1 

My name is Cory Smith and my business address is 8330 Century Park Court, San Diego, 2 

California 92123.  I am employed as a Principal Engineer in the Transmission Planning 3 

Department of San Diego Gas & Electric where I have worked since 2008.  My duties include 4 

assessing SDG&E’s transmission system for compliance with NERC Transmission Planning 5 

Standards and creating technical models of SDG&E’s high voltage transmission system to assess 6 

transmission system performance.  7 

Prior to joining SDG&E, I was employed by Northeast Utilities in Berlin, Connecticut as 8 

a Senior Engineer. My duties included the creation of technical models and the application of 9 

specialized software to assess the reliability performance of the high voltage transmission system 10 

owned by Northeast Utilities.  Before my employment with Northeast Utilities I was employed 11 

as an Engineer by the New York Independent System Operator in Schenectady, New York.  My 12 

duties included reliability assessments of the high voltage transmission system serving the State 13 

of New York. 14 

I received my Bachelor of Science degree in Electrical Engineering from Arizona State 15 

University in 1989, my Master of Engineering degree in Electric Power Engineering from 16 

Rensselaer Polytechnic Institute in 1994 and my Master of Business Administration degree from 17 

The College of Saint Rose in 2003.  In addition, I am a Registered Professional Engineer in the 18 

states of California and New York. 19 



Attachment 1 



Standard  TPL-002-0b — Sys tem Performance  Following Los s  of a  Single  BES Element

Page 1 of 10

A. Introduction
1. Title: System Performance Following Loss of a Single Bulk Electric System 

Element (Category B)

2. Number: TPL-002-0b

3. Purpose: System simulations and associated assessments are needed periodically to ensure 
that reliable systems are developed that meet specified performance requirements 
with sufficient lead time, and continue to be modified or upgraded as necessary 
to meet present and future system needs.

4. Applicability:

4.1. Planning Authority

4.2. Transmission Planner

5. Effective Date: Immediately after approval of applicable regulatory authorities.

B. Requirements
R1. The Planning Authority and Transmission Planner shall each demonstrate through a valid 

assessment that its portion of the interconnected transmission system is planned such that the 
Network can be operated to supply projected customer demands and projected Firm (non-
recallable reserved) Transmission Services, at all demand levels over the range of forecast 
system demands, under the contingency conditions as defined in Category B of Table I.  To be 
valid, the Planning Authority and Transmission Planner assessments shall:

R1.1. Be made annually.

R1.2. Be conducted for near-term (years one through five) and longer-term (years six 
through ten) planning horizons.

R1.3. Be supported by a current or past study and/or system simulation testing that 
addresses each of the following categories,, showing system performance following 
Category B of Table 1 (single contingencies). The specific elements selected (from 
each of the following categories) for inclusion in these studies and simulations shall 
be acceptable to the associated Regional Reliability Organization(s).   

R1.3.1. Be performed and evaluated only for those Category B contingencies that 
would produce the more severe System results or impacts.  The rationale for 
the contingencies selected for evaluation shall be available as supporting 
information.  An explanation of why the remaining simulations would 
produce less severe system results shall be available as supporting 
information.

R1.3.2. Cover critical system conditions and study years as deemed appropriate by 
the responsible entity.

R1.3.3. Be conducted annually unless changes to system conditions do not warrant 
such analyses.

R1.3.4. Be conducted beyond the five-year horizon only as needed to address 
identified marginal conditions that may have longer lead-time solutions.

R1.3.5. Have all projected firm transfers modeled.

R1.3.6. Be performed and evaluated for selected demand levels over the range of 
forecast system Demands.
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R1.3.7. Demonstrate that system performance meets Category B contingencies.

R1.3.8. Include existing and planned facilities.

R1.3.9. Include Reactive Power resources to ensure that adequate reactive resources 
are available to meet system performance.

R1.3.10. Include the effects of existing and planned protection systems, including any 
backup or redundant systems.

R1.3.11. Include the effects of existing and planned control devices.

R1.3.12. Include the planned (including maintenance) outage of any bulk electric 
equipment (including protection systems or their components) at those 
demand levels for which planned (including maintenance) outages are 
performed.

R1.4. Address any planned upgrades needed to meet the performance requirements of 
Category B of Table I.

R1.5. Consider all contingencies applicable to Category B.

R2. When System simulations indicate an inability of the systems to respond as prescribed in 
Reliability Standard TPL-002-0_R1, the Planning Authority and Transmission Planner shall 
each:

R2.1. Provide a written summary of its plans to achieve the required system performance as 
described above throughout the planning horizon:

R2.1.1. Including a schedule for implementation.

R2.1.2. Including a discussion of expected required in-service dates of facilities.

R2.1.3. Consider lead times necessary to implement plans.

R2.2. Review, in subsequent annual assessments, (where sufficient lead time exists), the 
continuing need for identified system facilities.  Detailed implementation plans are not 
needed.

R3. The Planning Authority and Transmission Planner shall each document the results of its 
Reliability Assessments and corrective plans and shall annually provide the results to its 
respective Regional Reliability Organization(s), as required by the Regional Reliability 
Organization.

C. Measures
M1. The Planning Authority and Transmission Planner shall have a valid assessment and corrective 

plans as specified in Reliability Standard TPL-002-0_R1 and TPL-002-0_R2.

M2. The Planning Authority and Transmission Planner shall have evidence it reported 
documentation of results of its reliability assessments and corrective plans per Reliability 
Standard TPL-002-0_R3.

D. Compliance
1. Compliance Monitoring Process

1.1. Compliance Monitoring Responsibility

Compliance Monitor: Regional Reliability Organizations.  
Each Compliance Monitor shall report compliance and violations to NERC via the NERC 
Compliance Reporting Process.
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1.2. Compliance Monitoring Period and Reset Timeframe

Annually.

1.3. Data Retention

None specified.

1.4. Additional Compliance Information

None.

2. Levels of Non-Compliance

2.1. Level 1: Not applicable.

2.2. Level 2: A valid assessment and corrective plan for the longer-term planning horizon is 
not available.

2.3. Level 3: Not applicable.

2.4. Level 4: A valid assessment and corrective plan for the near-term planning horizon is not 
available.

E. Regional Differences
1. None identified.

Version History
Version Date Action Change Tracking

0 February 8, 
2005

Adopted by NERC Board of Trustees New

0 April 1, 2005 Effective Date New

0a July 30, 2008 Adopted by NERC Board of Trustees New

0a October 23, 
2008

Added Appendix 1 – Interpretation of TPL-
002-0 Requirements R1.3.2 and R1.3.12 
and TPL-003-0 Requirements R1.3.2 and 
R1.3.12 for Ameren and MISO

Revised

0b November 5, 
2009

Added Appendix 2 – Interpretation of 
R1.3.10 approved by BOT on November 5, 
2009

Interpretation

0b September 15,
2011

FERC Order issued approving the 
Interpretation of R1.3.10 (FERC Order 
becomes effective October 24, 2011)

Interpretation
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Table I.  Transmission System Standards — Normal and Emergency Conditions

Category
Contingencies System Limits or Impacts

Initiating Event(s) and Contingency 
Element(s)

System Stable 
and both 

Thermal and 
Voltage 

Limits within 
Applicable 

Rating a

Loss of Demand 
or

Curtailed Firm 
Transfers

Cascading 
Outages

A
No Contingencies

All Facilities in Service Yes No No

B
Event resulting in 
the loss of a single 
element.

Single Line Ground (SLG) or 3-Phase (3Ø) Fault, 
with Normal Clearing:

1. Generator
2. Transmission Circuit 
3. Transformer 

Loss of an Element without a Fault.

Yes
Yes
Yes
Yes

No b

No b

No b

No b

No
No
No
No

Single Pole Block, Normal Clearinge:
4. Single Pole (dc) Line Yes Nob No

C
Event(s) resulting in 
the loss of two or 
more (multiple) 
elements. 

SLG Fault, with Normal Clearinge:
1. Bus Section

2. Breaker (failure or internal Fault)

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG  or 3Ø Fault, with Normal Clearinge, Manual 
System Adjustments, followed by another SLG or 
3Ø Fault, with Normal Clearinge:

3. Category B (B1, B2, B3, or B4) 
contingency, manual system adjustments, 
followed by another Category B (B1, B2, 
B3, or B4) contingency

Yes Planned/
Controlledc

No

Bipolar Block, with Normal Clearinge:
4. Bipolar (dc) Line Fault (non 3Ø), with 

Normal Clearinge:

5. Any two circuits of a multiple circuit 
towerlinef

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG Fault, with Delayed Clearinge (stuck breaker  
or protection system failure): 

6. Generator 

7. Transformer

8. Transmission Circuit

9. Bus Section

Yes

Yes

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

No

No

No

No
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D
d

Extreme event resulting in 
two or more (multiple) 
elements removed or 
Cascading out of service

3Ø Fault, with Delayed Clearinge (stuck breaker or protection system 
failure):

1. Generator 3. Transformer

2. Transmission Circuit 4. Bus Section

3Ø Fault, with Normal Clearinge:

5. Breaker (failure or internal Fault)

6. Loss of towerline with three or more circuits
7. All transmission lines on a common right-of way
8. Loss of a substation (one voltage level plus transformers)
9. Loss of a switching station (one voltage level plus transformers)

10. Loss of  all generating units at a station
11. Loss of a large Load or major Load center
12. Failure of a fully redundant Special Protection System (or 

remedial action scheme) to operate when required
13. Operation, partial operation, or misoperation of a fully redundant 

Special Protection System (or Remedial Action Scheme) in 
response to an event or abnormal system condition for which it 
was not intended to operate

14. Impact of severe power swings or oscillations from Disturbances 
in another Regional Reliability Organization.

Evaluate for risks and 
consequences.

May involve substantial loss of 
customer Demand and 
generation in a widespread 
area or areas.

Portions or all of the 
interconnected systems may 
or may not achieve a new, 
stable operating point.

Evaluation of these events may 
require joint studies with 
neighboring systems.

a) Applicable rating refers to the applicable Normal and Emergency facility thermal Rating or system voltage limit as 
determined and consistently applied by the system or facility owner.  Applicable Ratings may include Emergency Ratings 
applicable for short durations as required to permit operating steps necessary to maintain system control.  All Ratings 
must be established consistent with applicable NERC Reliability Standards addressing Facility Ratings.

b) Planned or controlled interruption of electric supply to radial customers or some local Network customers, connected to or 
supplied by the Faulted element or by the affected area, may occur in certain areas without impacting the overall 
reliability of the interconnected transmission systems.  To prepare for the next contingency, system adjustments are 
permitted, including curtailments of contracted Firm (non-recallable reserved) electric power Transfers.

c) Depending on system design and expected system impacts, the controlled interruption of electric supply to customers 
(load shedding), the planned removal from service of certain generators, and/or the curtailment of contracted Firm (non-
recallable reserved) electric power Transfers may be necessary to maintain the overall reliability of the interconnected 
transmission systems.

d) A number of extreme contingencies that are listed under Category D and judged to be critical by the transmission 
planning entity(ies) will be selected for evaluation.  It is not expected that all possible facility outages under each listed
contingency of Category D will be evaluated.

e) Normal clearing is when the protection system operates as designed and the Fault is cleared in the time normally expected 
with proper functioning of the installed protection systems.  Delayed clearing of a Fault is due to failure of any protection
system component such as a relay, circuit breaker, or current transformer, and not because of an intentional design delay. 

f) System assessments may exclude these events where multiple circuit towers are used over short distances (e.g., station 
entrance, river crossings) in accordance with Regional exemption criteria.



Standard  TPL-002-0b — Sys tem Performance  Following Los s  of a  Single  BES Element

Page 6 of 10

Appendix 1
Interpretation of TPL-002-0 Requirements R1.3.2 and R1.3.12 and 
TPL-003-0 Requirements R1.3.2 and R1.3.12 for Ameren and MISO
NERC received two requests for interpretation of identical requirements (Requirements R1.3.2 and 
R1.3.12) in TPL-002-0 and TPL-003-0 from the Midwest ISO and Ameren.  These requirements state:

Requirement R1.3.2

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 
Received from Ameren on July 25, 2007:
Ameren specifically requests clarification on the phrase, ‘critical system conditions’ in R1.3.2. Ameren
asks if compliance with R1.3.2 requires multiple contingent generating unit Outages as part of possible
generation dispatch scenarios describing critical system conditions for which the system shall be planned
and modeled in accordance with the contingency definitions included in Table 1.

TPL-003-0:

[To be valid, the Planning Authority and Transmission Planner assessments shall:]

R1.3 Be supported by a current or past study and/or system simulation testing that addresses each 
of the following categories, showing system performance following Category C of Table 1 
(multiple contingencies). The specific elements selected (from each of the following 
categories) for inclusion in these studies and simulations shall be acceptable to the associated 
Regional Reliability Organization(s).   

R1.3.2  Cover critical system conditions and study years as deemed appropriate by the 
responsible entity.

R1.3.12 Include the planned (including maintenance) outage of any bulk electric equipment 
(including protection systems or their components) at those demand levels for which 
planned (including maintenance) outages are performed.

TPL-002-0:

[To be valid, the Planning Authority and Transmission Planner assessments shall:]

R1.3 Be supported by a current or past study and/or system simulation testing that addresses each 
of the following categories, showing system performance following Category B of Table 1 
(single contingencies). The specific elements selected (from each of the following categories) 
for inclusion in these studies and simulations shall be acceptable to the associated Regional 
Reliability Organization(s).   

R1.3.2  Cover critical system conditions and study years as deemed appropriate by the
responsible entity.

R1.3.12 Include the planned (including maintenance) outage of any bulk electric equipment 
(including protection systems or their components) at those demand levels for which 
planned (including maintenance) outages are performed.
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Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 
Received from MISO on August 9, 2007:
MISO asks if the TPL standards require that any specific dispatch be applied, other than one that is 
representative of supply of firm demand and transmission service commitments, in the modeling of system 
contingencies specified in Table 1 in the TPL standards.

MISO then asks if a variety of possible dispatch patterns should be included in planning analyses 
including a probabilistically based dispatch that is representative of generation deficiency scenarios, 
would it be an appropriate application of the TPL standard to apply the transmission contingency
conditions in Category B of Table 1 to these possible dispatch pattern.

The following interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 was developed by 
the NERC Planning Committee on March 13, 2008:

The selection of a credible generation dispatch for the modeling of critical system conditions is within the 
discretion of the Planning Authority.  The Planning Authority was renamed “Planning Coordinator” (PC) 
in the Functional Model dated February 13, 2007.  (TPL -002 and -003 use the former “Planning 
Authority” name, and the Functional Model terminology was a change in name only and did not affect 
responsibilities.)

Under the Functional Model, the Planning Coordinator “Provides and informs Resource Planners, 
Transmission Planners, and adjacent Planning Coordinators of the methodologies and tools for the 
simulation of the transmission system” while the Transmission Planner “Receives from the Planning 
Coordinator methodologies and tools for the analysis and development of transmission expansion 
plans.”  A PC’s selection of “critical system conditions” and its associated generation dispatch falls 
within the purview of “methodology.” 

Furthermore, consistent with this interpretation, a Planning Coordinator would formulate critical system 
conditions that may involve a range of critical generator unit outages as part of the possible generator 
dispatch scenarios.

Both TPL-002-0 and TPL-003-0 have a similar measure M1:

M1. The Planning Authority and Transmission Planner shall have a valid assessment and 
corrective plans as specified in Reliability Standard TPL-002-0_R1 [or TPL-003-0_R1] 
and TPL-002-0_R2 [or TPL-003-0_R2].”

The Regional Reliability Organization (RRO) is named as the Compliance Monitor in both standards.  
Pursuant to Federal Energy Regulatory Commission (FERC) Order 693, FERC eliminated the RRO as the 
appropriate Compliance Monitor for standards and replaced it with the Regional Entity (RE).  See 
paragraph 157 of Order 693.  Although the referenced TPL standards still include the reference to the
RRO, to be consistent with Order 693, the RRO is replaced by the RE as the Compliance Monitor for this 
interpretation.  As the Compliance Monitor, the RE determines what a “valid assessment” means when 
evaluating studies based upon specific sub-requirements in R1.3 selected by the Planning Coordinator and 
the Transmission Planner.  If a PC has Transmission Planners in more than one region, the REs must 
coordinate among themselves on compliance matters.
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Requirement R1.3.12

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 
Received from Ameren on July 25, 2007:
Ameren also asks how the inclusion of planned outages should be interpreted with respect to the 
contingency definitions specified in Table 1 for Categories B and C. Specifically, Ameren asks if R1.3.12 
requires that the system be planned to be operated during those conditions associated with planned 
outages consistent with the performance requirements described in Table 1 plus any unidentified outage.

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 
Received from MISO on August 9, 2007:
MISO asks if the term “planned outages” means only already known/scheduled planned outages that may 
continue into the planning horizon, or does it include potential planned outages not yet scheduled that 
may occur at those demand levels for which planned (including maintenance) outages are performed? 

If the requirement does include not yet scheduled but potential planned outages that could occur in the 
planning horizon, is the following a proper interpretation of this provision?

The system is adequately planned and in accordance with the standard if, in order for a system operator 
to potentially schedule such a planned outage on the future planned system, planning studies show that a 
system adjustment (load shed, re-dispatch of generating units in the interconnection, or system 
reconfiguration) would be required concurrent with taking such a planned outage in order to prepare for 
a Category B contingency (single element forced out of service)? In other words, should the system in 
effect be planned to be operated as for a Category C3 n-2 event, even though the first event is a planned 
base condition?

If the requirement is intended to mean only known and scheduled planned outages that will occur or may 
continue into the planning horizon, is this interpretation consistent with the original interpretation by 
NERC of the standard as provided by NERC in response to industry questions in the Phase I development 
of this standard1?

The following interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 was developed by 
the NERC Planning Committee on March 13, 2008:

This provision was not previously interpreted by NERC since its approval by FERC and other regulatory 
authorities.  TPL-002-0 and TPL-003-0 explicitly provide that the inclusion of planned (including 
maintenance) outages of any bulk electric equipment at demand levels for which the planned outages are 
required.  For studies that include planned outages, compliance with the contingency assessment for TPL-
002-0 and TPL-003-0 as outlined in Table 1 would include any necessary system adjustments which 
might be required to accommodate planned outages since a planned outage is not a “contingency” as 
defined in the NERC Glossary of Terms Used in Standards.
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Appendix 2

Requirement Number and Text of Requirement

R1.3. Be supported by a current or past study and/or system simulation testing that addresses each of the 
following categories, showing system performance following Category B of Table 1 (single 
contingencies). The specific elements selected (from each of the following categories) for inclusion in 
these studies and simulations shall be acceptable to the associated Regional Reliability Organization(s).

R1.3.10. Include the effects of existing and planned protection systems, including any backup or 
redundant systems.

Background Information for Interpretation

Requirement R1.3 and sub-requirement R1.3.10 of standard TPL-002-0a contain three key obligations:  
1. That the assessment is supported by “study and/or system simulation testing that addresses each 

the following categories, showing system performance following Category B of Table 1 (single 
contingencies).”

2. “…these studies and simulations shall be acceptable to the associated Regional Reliability 
Organization(s).”

3. “Include the effects of existing and planned protection systems, including any backup or 
redundant systems.”

Category B of Table 1 (single Contingencies) specifies:
Single Line Ground (SLG) or 3-Phase (3Ø) Fault, with Normal Clearing:

1. Generator
2. Transmission Circuit 
3. Transformer

Loss of an Element without a Fault.
Single Pole Block, Normal Clearinge:
4. Single Pole (dc) Line

Note e specifies:
e) Normal Clearing is when the protection system operates as designed and the Fault is cleared in the time 
normally expected with proper functioning of the installed protection systems. Delayed clearing of a Fault 
is due to failure of any protection system component such as a relay, circuit breaker, or current 
transformer, and not because of an intentional design delay.
The NERC Glossary of Terms defines Normal Clearing as “A protection system operates as designed and 
the fault is cleared in the time normally expected with proper functioning of the installed protection 
systems.”

Conclusion

TPL-002-0a requires that System studies or simulations be made to assess the impact of single 
Contingency operation with Normal Clearing.  TPL-002-0a R1.3.10 does require that all elements 
expected to be removed from service through normal operations of the Protection Systems be removed in 
simulations.
This standard does not require an assessment of the Transmission System performance due to a Protection 
System failure or Protection System misoperation.  Protection System failure or Protection System 
misoperation is addressed in TPL-003-0 — System Performance following Loss of Two or More Bulk 
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Electric System Elements (Category C) and TPL-004-0 — System Performance Following Extreme 
Events Resulting in the Loss of Two or More Bulk Electric System Elements (Category D).  
TPL-002-0a R1.3.10 does not require simulating anything other than Normal Clearing when assessing the 
impact of a Single Line Ground (SLG) or 3-Phase (3Ø) Fault on the performance of the Transmission 
System. 
In regards to PacifiCorp’s comments on the material impact associated with this interpretation, the 
interpretation team has the following comment: 

Requirement R2.1 requires “a written summary of plans to achieve the required system performance,” 
including a schedule for implementation and an expected in-service date that considers lead times 
necessary to implement the plan.  Failure to provide such summary may lead to noncompliance that could 
result in penalties and sanctions.
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A. Introduction
1. Title: System Performance Following Loss of Two or More Bulk Electric System 

Elements (Category C)

2. Number: TPL-003-0b

3. Purpose: System simulations and associated assessments are needed periodically to ensure 
that reliable systems are developed that meet specified performance requirements, with 
sufficient lead time and continue to be modified or upgraded as necessary to meet present and 
future System needs.

4. Applicability:

4.1. Planning Authority

4.2. Transmission Planner

5. Effective Date: April 23, 2010

B. Requirements
R1. The Planning Authority and Transmission Planner shall each demonstrate through a valid 

assessment that its portion of the interconnected transmission systems is planned such that the 
network can be operated to supply projected customer demands and projected Firm (non-
recallable reserved) Transmission Services, at all demand Levels over the range of forecast 
system demands, under the contingency conditions as defined in Category C of Table I 
(attached). The controlled interruption of customer Demand, the planned removal of 
generators, or the Curtailment of firm (non-recallable reserved) power transfers may be 
necessary to meet this standard.  To be valid, the Planning Authority and Transmission Planner 
assessments shall:

R1.1. Be made annually.

R1.2. Be conducted for near-term (years one through five) and longer-term (years six 
through ten) planning horizons.

R1.3. Be supported by a current or past study and/or system simulation testing that 
addresses each of the following categories, showing system performance following 
Category C of Table 1 (multiple contingencies).  The specific elements selected (from 
each of the following categories) for inclusion in these studies and simulations shall 
be acceptable to the associated Regional Reliability Organization(s).  

R1.3.1. Be performed and evaluated only for those Category C contingencies that 
would produce the more severe system results or impacts. The rationale for 
the contingencies selected for evaluation shall be available as supporting 
information. An explanation of why the remaining simulations would 
produce less severe system results shall be available as supporting 
information.

R1.3.2. Cover critical system conditions and study years as deemed appropriate by 
the responsible entity.

R1.3.3. Be conducted annually unless changes to system conditions do not warrant 
such analyses.

R1.3.4. Be conducted beyond the five-year horizon only as needed to address 
identified marginal conditions that may have longer lead-time solutions.

R1.3.5. Have all projected firm transfers modeled.
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R1.3.6. Be performed and evaluated for selected demand levels over the range of 
forecast system demands.

R1.3.7. Demonstrate that System performance meets Table 1 for Category C 
contingencies.

R1.3.8. Include existing and planned facilities.

R1.3.9. Include Reactive Power resources to ensure that adequate reactive resources
are available to meet System performance.

R1.3.10. Include the effects of existing and planned protection systems, including any 
backup or redundant systems.

R1.3.11. Include the effects of existing and planned control devices.

R1.3.12. Include the planned (including maintenance) outage of any bulk electric 
equipment (including protection systems or their components) at those 
Demand levels for which planned (including maintenance) outages are 
performed.

R1.4. Address any planned upgrades needed to meet the performance requirements of 
Category C.

R1.5. Consider all contingencies applicable to Category C.

R2. When system simulations indicate an inability of the systems to respond as prescribed in 
Reliability Standard TPL-003-0_R1, the Planning Authority and Transmission Planner shall each:

R2.1. Provide a written summary of its plans to achieve the required system performance as 
described above throughout the planning horizon:

R2.1.1. Including a schedule for implementation.

R2.1.2. Including a discussion of expected required in-service dates of facilities.

R2.1.3. Consider lead times necessary to implement plans.

R2.2. Review, in subsequent annual assessments, (where sufficient lead time exists), the 
continuing need for identified system facilities.  Detailed implementation plans are not 
needed. 

R3. The Planning Authority and Transmission Planner shall each document the results of these 
Reliability Assessments and corrective plans and shall annually provide these to its respective 
NERC Regional Reliability Organization(s), as required by the Regional Reliability 
Organization.

C. Measures
M1. The Planning Authority and Transmission Planner shall have a valid assessment and corrective 

plans as specified in Reliability Standard TPL-003-0_R1 and TPL-003-0_R2.

M2. The Planning Authority and Transmission Planner shall have evidence it reported 
documentation of results of its reliability assessments and corrective plans per Reliability 
Standard TPL-003-0_R3.

D. Compliance
1. Compliance Monitoring Process

1.1. Compliance Monitoring Responsibility
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Compliance Monitor: Regional Reliability Organizations.

1.2. Compliance Monitoring Period and Reset Timeframe

Annually.

1.3. Data Retention

None specified.

1.4. Additional Compliance Information

None.

2. Levels of Non-Compliance

2.1. Level 1: Not applicable.

2.2. Level 2: A valid assessment and corrective plan for the longer-term planning horizon 
is not available.

2.3. Level 3: Not applicable.

2.4. Level 4: A valid assessment and corrective plan for the near-term planning horizon is 
not available.

E. Regional Differences
1. None identified.

Version History
Version Date Action Change Tracking

0 February 8, 2005 Adopted by NERC Board of Trustees New

0 April 1, 2005 Effective Date New

0 April 1, 2005 Add parenthesis to item “e” on page 8. Errata

0a July 30, 2008 Adopted by NERC Board of Trustees

0a October 23, 2008 Added Appendix 1 – Interpretation of TPL-
002-0 Requirements R1.3.2 and R1.3.12 and 
TPL-003-0 Requirements R1.3.2 and R1.3.12 
for Ameren and MISO

Revised

0a April 23, 2010 FERC approval of interpretation of TPL-003-
0 R1.3.12

Interpretation

0b February 7, 2013 Interpretation adopted by NERC Board of 
Trustees

0b June 20, 2013 FERC order issued approving Interpretation 
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Table  I.  Trans mis s ion  Sys tem Stand ards  – Norm al and  Em ergency Conditio ns

Category
Contingencies System Limits or Impacts

Initiating Event(s) and Contingency 
Element(s)

System Stable 
and both 

Thermal and 
Voltage 

Limits within 
Applicable 

Rating a

Loss of Demand 
or

Curtailed Firm 
Transfers

Cascading c
Outages

A
No Contingencies

All Facilities in Service Yes No No

B
Event resulting in 
the loss of a single 
element.

Single Line Ground (SLG) or 3-Phase (3Ø) Fault, 
with Normal Clearing:

1. Generator
2. Transmission Circuit 
3. Transformer 

Loss of an Element without a Fault.

Yes
Yes
Yes
Yes

No b

No b

No b

No b

No
No
No
No

Single Pole Block, Normal Clearinge:
4. Single Pole (dc) Line Yes Nob No

C
Event(s) resulting in 
the loss of two or 
more (multiple) 
elements. 

SLG Fault, with Normal Clearinge:
1. Bus Section

2. Breaker (failure or internal Fault)

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG  or 3Ø Fault, with Normal Clearinge, Manual 
System Adjustments, followed by another SLG or 
3Ø Fault, with Normal Clearinge:

3. Category B (B1, B2, B3, or B4) 
contingency, manual system adjustments, 
followed by another Category B (B1, B2, 
B3, or B4) contingency

Yes Planned/
Controlledc

No

Bipolar Block, with Normal Clearinge:
4. Bipolar (dc) Line Fault (non 3Ø), with 

Normal Clearinge:

5. Any two circuits of a multiple circuit 
towerlinef

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG Fault, with Delayed Clearinge (stuck breaker  
or protection system failure): 

6. Generator 

7. Transformer

8. Transmission Circuit

9. Bus Section

Yes

Yes

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

No

No

No

No
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D
d

Extreme event resulting in 
two or more (multiple) 
elements removed or 
Cascading out of service

3Ø Fault, with Delayed Clearing e (stuck breaker or protection system 
failure):

1. Generator 3. Transformer

2. Transmission Circuit 4. Bus Section

3Ø Fault, with Normal Clearinge:

5. Breaker (failure or internal Fault)

6. Loss of towerline with three or more circuits
7. All transmission lines on a common right-of way
8. Loss of a substation (one voltage level plus transformers)
9. Loss of a switching station (one voltage level plus transformers)

10. Loss of  all generating units at a station
11. Loss of a large Load or major Load center
12. Failure of a fully redundant Special Protection System (or 

remedial action scheme) to operate when required
13. Operation, partial operation, or misoperation of a fully redundant 

Special Protection System (or Remedial Action Scheme) in 
response to an event or abnormal system condition for which it 
was not intended to operate

14. Impact of severe power swings or oscillations from Disturbances 
in another Regional Reliability Organization.

Evaluate for risks and 
consequences.

May involve substantial loss of 
customer Demand and 
generation in a widespread 
area or areas.

Portions or all of the 
interconnected systems may 
or may not achieve a new, 
stable operating point.

Evaluation of these events may 
require joint studies with 
neighboring systems.

a) Applicable rating refers to the applicable Normal and Emergency facility thermal Rating or system voltage limit as
determined and consistently applied by the system or facility owner.  Applicable Ratings may include Emergency Ratings 
applicable for short durations as required to permit operating steps necessary to maintain system control.  All Ratings 
must be established consistent with applicable NERC Reliability Standards addressing Facility Ratings.

b) Planned or controlled interruption of electric supply to radial customers or some local Network customers, connected to or 
supplied by the Faulted element or by the affected area, may occur in certain areas without impacting the overall 
reliability of the interconnected transmission systems.  To prepare for the next contingency, system adjustments are 
permitted, including curtailments of contracted Firm (non-recallable reserved) electric power Transfers.

c) Depending on system design and expected system impacts, the controlled interruption of electric supply to customers 
(load shedding), the planned removal from service of certain generators, and/or the curtailment of contracted Firm (non-
recallable reserved) electric power transfers may be necessary to maintain the overall reliability of the interconnected 
transmission systems.

d) A number of extreme contingencies that are listed under Category D and judged to be critical by the transmission 
planning entity(ies) will be selected for evaluation.  It is not expected that all possible facility outages under each listed
contingency of Category D will be evaluated.

e) Normal clearing is when the protection system operates as designed and the Fault is cleared in the time normally expected 
with proper functioning of the installed protection systems.  Delayed clearing of a Fault is due to failure of any protection
system component such as a relay, circuit breaker, or current transformer, and not because of an intentional design delay. 

f) System assessments may exclude these events where multiple circuit towers are used over short distances (e.g., station 
entrance, river crossings) in accordance with Regional exemption criteria.
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Appendix 1
Interpretation of TPL-002-0 Requirements R1.3.2 and R1.3.12 and TPL-003-0
Requirements R1.3.2 and R1.3.12 for Ameren and MISO
NERC received two requests for interpretation of identical requirements (Requirements R1.3.2 and 
R1.3.12) in TPL-002-0 and TPL-003-0 from the Midwest ISO and Ameren.  These requirements state:

Requirement R1.3.2

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 
Received from Ameren on July 25, 2007:
Ameren specifically requests clarification on the phrase, ‘critical system conditions’ in R1.3.2. Ameren
asks if compliance with R1.3.2 requires multiple contingent generating unit Outages as part of possible
generation dispatch scenarios describing critical system conditions for which the system shall be planned
and modeled in accordance with the contingency definitions included in Table 1.

TPL-003-0:

[To be valid, the Planning Authority and Transmission Planner assessments shall:]

R1.3 Be supported by a current or past study and/or system simulation testing that addresses each 
of the following categories, showing system performance following Category C of Table 1 
(multiple contingencies). The specific elements selected (from each of the following 
categories) for inclusion in these studies and simulations shall be acceptable to the associated 
Regional Reliability Organization(s).   

R1.3.2  Cover critical system conditions and study years as deemed appropriate by the 
responsible entity.

R1.3.12 Include the planned (including maintenance) outage of any bulk electric equipment 
(including protection systems or their components) at those demand levels for which 
planned (including maintenance) outages are performed.

TPL-002-0:

[To be valid, the Planning Authority and Transmission Planner assessments shall:]

R1.3 Be supported by a current or past study and/or system simulation testing that addresses each 
of the following categories, showing system performance following Category B of Table 1 
(single contingencies). The specific elements selected (from each of the following categories) 
for inclusion in these studies and simulations shall be acceptable to the associated Regional 
Reliability Organization(s).   

R1.3.2  Cover critical system conditions and study years as deemed appropriate by the 
responsible entity.

R1.3.12 Include the planned (including maintenance) outage of any bulk electric equipment 
(including protection systems or their components) at those demand levels for which 
planned (including maintenance) outages are performed.
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Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 
Received from MISO on August 9, 2007:
MISO asks if the TPL standards require that any specific dispatch be applied, other than one that is 
representative of supply of firm demand and transmission service commitments, in the modeling of system 
contingencies specified in Table 1 in the TPL standards.

MISO then asks if a variety of possible dispatch patterns should be included in planning analyses 
including a probabilistically based dispatch that is representative of generation deficiency scenarios, 
would it be an appropriate application of the TPL standard to apply the transmission contingency
conditions in Category B of Table 1 to these possible dispatch pattern.

The following interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.2 was developed by 
the NERC Planning Committee on March 13, 2008:

The selection of a credible generation dispatch for the modeling of critical system conditions is within the 
discretion of the Planning Authority.  The Planning Authority was renamed “Planning Coordinator” (PC) 
in the Functional Model dated February 13, 2007.  (TPL -002 and -003 use the former “Planning 
Authority” name, and the Functional Model terminology was a change in name only and did not affect 
responsibilities.)

Under the Functional Model, the Planning Coordinator “Provides and informs Resource Planners, 
Transmission Planners, and adjacent Planning Coordinators of the methodologies and tools for the 
simulation of the transmission system” while the Transmission Planner “Receives from the Planning 
Coordinator methodologies and tools for the analysis and development of transmission expansion 
plans.”  A PC’s selection of “critical system conditions” and its associated generation dispatch falls 
within the purview of “methodology.” 

Furthermore, consistent with this interpretation, a Planning Coordinator would formulate critical system 
conditions that may involve a range of critical generator unit outages as part of the possible generator 
dispatch scenarios.

Both TPL-002-0 and TPL-003-0 have a similar measure M1:

M1. The Planning Authority and Transmission Planner shall have a valid assessment and 
corrective plans as specified in Reliability Standard TPL-002-0_R1 [or TPL-003-0_R1] 
and TPL-002-0_R2 [or TPL-003-0_R2].”

The Regional Reliability Organization (RRO) is named as the Compliance Monitor in both standards.  
Pursuant to Federal Energy Regulatory Commission (FERC) Order 693, FERC eliminated the RRO as the 
appropriate Compliance Monitor for standards and replaced it with the Regional Entity (RE).  See 
paragraph 157 of Order 693.  Although the referenced TPL standards still include the reference to the 
RRO, to be consistent with Order 693, the RRO is replaced by the RE as the Compliance Monitor for this 
interpretation.  As the Compliance Monitor, the RE determines what a “valid assessment” means when 
evaluating studies based upon specific sub-requirements in R1.3 selected by the Planning Coordinator and 
the Transmission Planner.  If a PC has Transmission Planners in more than one region, the REs must 
coordinate among themselves on compliance matters.
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Requirement R1.3.12

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 
Received from Ameren on July 25, 2007:
Ameren also asks how the inclusion of planned outages should be interpreted with respect to the 
contingency definitions specified in Table 1 for Categories B and C. Specifically, Ameren asks if R1.3.12 
requires that the system be planned to be operated during those conditions associated with planned 
outages consistent with the performance requirements described in Table 1 plus any unidentified outage.

Request for Interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 
Received from MISO on August 9, 2007:
MISO asks if the term “planned outages” means only already known/scheduled planned outages that may 
continue into the planning horizon, or does it include potential planned outages not yet scheduled that 
may occur at those demand levels for which planned (including maintenance) outages are performed? 

If the requirement does include not yet scheduled but potential planned outages that could occur in the 
planning horizon, is the following a proper interpretation of this provision?

The system is adequately planned and in accordance with the standard if, in order for a system operator 
to potentially schedule such a planned outage on the future planned system, planning studies show that a 
system adjustment (load shed, re-dispatch of generating units in the interconnection, or system 
reconfiguration) would be required concurrent with taking such a planned outage in order to prepare for 
a Category B contingency (single element forced out of service)? In other words, should the system in 
effect be planned to be operated as for a Category C3 n-2 event, even though the first event is a planned 
base condition?

If the requirement is intended to mean only known and scheduled planned outages that will occur or may 
continue into the planning horizon, is this interpretation consistent with the original interpretation by 
NERC of the standard as provided by NERC in response to industry questions in the Phase I development 
of this standard1?

The following interpretation of TPL-002-0 and TPL-003-0 Requirement R1.3.12 was developed by 
the NERC Planning Committee on March 13, 2008:

This provision was not previously interpreted by NERC since its approval by FERC and other regulatory 
authorities. TPL-002-0 and TPL-003-0 explicitly provide that the inclusion of planned (including 
maintenance) outages of any bulk electric equipment at demand levels for which the planned outages are 
required.  For studies that include planned outages, compliance with the contingency assessment for TPL-
002-0 and TPL-003-0 as outlined in Table 1 would include any necessary system adjustments which 
might be required to accommodate planned outages since a planned outage is not a “contingency” as 
defined in the NERC Glossary of Terms Used in Standards.
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Appendix 2

Interpretation 2012-INT-02: Response to Request for Interpretation of TPL-003-0a, 
Requirements R1.3.1, R1.3.10 and R1.5 and TPL-004-0, Requirements R1.3.1, R1.3.7 and R1.4 
for the System Protection and Control Subcommittee

Date submitted: December 12, 2011 

The following interpretations of TPL-003-0a, System Performance Following Loss of Two or More Bulk 
Electric System Elements (Category C), Requirements R1.3.1, R1.3.10 and R1.5 and TPL-004-0, System 
Performance Following Extreme Events Resulting in the Loss of Two or More Bulk Electric System 
Elements (Category D), Requirements R1.3.1, R1.37 and R1.4 were developed by members of the Assess 
Transmission Future Needs Standard Drafting Team (ATFNSTD), Protection System Misoperations 
Standard Development Team (PSMSDT), and Protection System Maintenance and Testing Standard 
Drafting Team (PSMTSDT).

Standard Requirement (and text)

TPL-003-0a R1.3.1 Be performed and evaluated only for those Category C contingencies that 
would produce the more severe system results or impacts.  The rationale for the 
contingencies selected for evaluation shall be available as supporting information. 
An explanation of why the remaining simulations would produce less severe system 
results shall be available as supporting information. 

TPL-003-0a R1.3.10. Include the effects of existing and planned protection systems, including 
any backup or redundant systems. 

TPL-003-0a R1.5. Consider all contingencies applicable to Category C. 

TPL-004-0 R1.3.1. Be performed and evaluated only for those Category D contingencies that 
would produce the more severe system results or impacts.  The rationale for the 
contingencies selected for evaluation shall be available as supporting information.  
An explanation of why the remaining simulations would produce less severe system 
results shall be available as supporting information.

TPL-004-0 R1.3.7. Include the effects of existing and planned protection systems, including any 
backup or redundant systems.

TPL-004-0 R1.4. Consider all contingencies applicable to Category D.

Please explain the clarification needed (as submitted).

This interpretation request has been developed to address Commission concerns related to the term 
“Single Point of Failure” and how it relates to system performance and contingency planning 
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clarification regarding the following questions about the listed standards, requirements and terms.  
More specifically, clarification is needed about the comprehensive study of system performance 
relating to Table 1’s, Category C and D contingency of a “protection system failure” and specifically the 
impact of failed components (i.e., “Single Point of Failure”).  It is not entirely clear whether a valid 
assessment of a protection system failure includes evaluation of shared or non-redundant protection 
system components.  Protection systems that have a shared protection system component are not two 
independent protection systems, because both protection systems will be mutually impacted for a 
failure of a single shared component.  A protection system component evaluation would include the 
evaluation of the consequences on system performance for the failure of any protection system 
component that is integral to the operation of the protection system being evaluated and to the 
operation of another protection system. 

On March 30, 2009, NERC issued an Industry Advisory — Protection System Single Point of Failure1

Question 1: For the parenthetical “(stuck breaker or protection system failure)” in TPL-003-0a (Category 
C contingencies 6-9) and TPL-004-0 (Category D contingencies 1-4), does an entity have the option of 
evaluating the effects

 (i.e., 
NERC Alert) for three significant events.  One of which, the Westwing outage (June 14, 2004) was 
caused by failure of a single auxiliary relay that initiated both breaker tripping and the breaker failure 
protection.  Since breaker tripping and breaker failure protection both shared the same auxiliary relay, 
there was no independence between breaker tripping and breaker failure protection systems, therefore 
causing both protection systems to not operate for the single component failure of the auxiliary relay.  
The failure of this auxiliary relay is known as a “single point of failure.” It is not clear whether this 
situation is comprehensively addressed by the applicable entities when making a valid assessment of 
system performance for both Category C and D contingencies. 

2 of either “stuck breaker” or “protection system failure” contingency3

There is a lack of clarity whether R1.3.1

, or does an 
applicable entity have to evaluate the contingency that produces the more severe system results or 
impacts as identified in R1.3.1 of both standards? 

4

1
 NERC Website: (

 requires an entity to assess which contingency causes the most 
severe system results or impacts (R1.3.1) and this ambiguity could result in a potential reliability gap.  
Whether the simulation of a stuck breaker or protection system failure will produce the worst result 
depends on the protection system design.  For example when a protection system is fully redundant, a 
protection system failure will not affect fault clearing; therefore, a stuck breaker would result in more 
severe system results or impacts.  However, when a protection system failure affects fault clearing, the 
fault clearing time may be longer than the breaker failure protection clearing time for a stuck breaker 
contingency and may result in tripping of additional system elements, resulting in a more severe system 

http://www.nerc.com/fileUploads/File/Events%20Analysis/A-2009-03-30-01.pdf)
2
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.3.10. and/or TPL-004-0, Requirement 

R1.3.7. 
3
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 

4
 “Be performed and evaluated only for those Category (TPL-003-0a Category C and TPL-004-0 Category D) 

contingencies that would produce the more severe system results or impacts.” 
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response. 

Question 2: For the phrase “Delayed Clearing5” used in Category C6 contingencies 6-9 and Category D7

contingencies 1-4, to what extent does the description in Table 1, footnote (e)8 require an entity to 
model a single point of failure of a protection system component that may prevent correct operation of 
a protection system, including other protection systems impacted by that failed component based on 
the as-built design of that protection system? 

There is a lack of clarity whether footnote (e) in Table 1 requires the study and/or simulation of a failure 
of a protection system component (i.e., single point of failure) that may prevent correct operation of 
the protection system(s) impacted by the component failure.  Protection systems that share a 
protection system component are fully dependent upon the correct operation of that single shared 
component and do not perform as two independent protection systems.  This lack of clarity may result 
in a potential reliability gap.  

Clarity is necessary as to whether (1) a valid assessment should include evaluation of delayed clearing 
due to failure of the protection system component (i.e., single point of failure), such as the failure of a 
shared protection system component, that produces the more severe system results or impacts; and (2) 
the study and/or simulation of the fault clearing sequence and protection system(s) operation should 
be based on the protection system(s) as-built design. 

The lack of clarity is compounded by the similarity between the phrase “Delayed Clearing” used in TPL-
003-0a and TPL-004-0, footnote (e), and the NERC glossary term “Delayed Fault Clearing.” While TPL-
003-0a and TPL-004-0 do not use the glossary term, the similarity may lead to confusion and 
inconsistency in how entities apply footnote (e) to “stuck breaker” or “protection system failure” 
contingency assessments. 

Question 1

For the parenthetical “(stuck breaker or protection system failure)” in TPL-003-0a (Category C 
contingencies 6-9) and TPL-004-0 (Category D contingencies 1-4), does an entity have the option of 
evaluating the effects9 of either “stuck breaker” or “protection system failure” contingency10

5
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4.

, or does 
an applicable entity have to evaluate the contingency that produces the more severe system results or 
impacts as identified in R1.3.1 of both standards?

6
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. 

7
 As required by NERC Reliability Standard TPL-004-0, Requirement R1.4. 

8
 Footnote (e) Delayed Clearing: “failure of any protection system component such as a relay, circuit breaker, or 

current transformer, and not because of an intentional design delay,” 
9
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.3.10. and/or TPL-004-0, Requirement 

R1.3.7. 
10

 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4.
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Response 1

The interpretation drafting team concludes that the Planning Authority and Transmission Planner must 

evaluate the situation that produces the more severe system results or impacts (i.e., TPL-003-0a, R1.3.1 

and TPL-004-0, R1.3.1) due to a delayed clearing condition regardless of whether the condition resulted 

from a stuck breaker or protection system failure.  The Reliability Standards TPL-003-0a (Table I, 

Category C contingencies 6-9) and TPL-004-0 (Table I, Category D contingencies 1-4) involve an 

assessment of the effects of either a stuck breaker or a protection system failure.  The single line 

ground (SLG) (TPL-003-0a, Table I, Category C) Fault and 3-phase (3ø) (TPL-004-0, Table I, Category D) 

Fault contingencies with delayed clearing are further defined by footnote (e) and the parenthetical 

phrase “(stuck breaker or protection system failure).”  Footnote (e) explains that “Delayed clearing of a 

Fault is due to failure of any protection system component such as a relay, circuit breaker, or current 

transformer, and not because of an intentional design delay.”  The parenthetical further emphasizes 

that the failure may be a “stuck breaker or protection system failure” that causes the delayed clearing 

of the fault.  The text in Table 1 in either standard explains that when selecting delayed clearing 

contingencies to evaluate, both conditions “(stuck breaker or protection system failure)” must be 

considered.   

Question 2

For the phrase “Delayed Clearing11” used in Category C12 contingencies 6-9 and Category D13

contingencies 1-4, to what extent does the description in Table 1, footnote (e)14

Response 2

 require an entity to 
model a single point of failure of a protection system component that may prevent correct operation of 
a protection system, including other protection systems impacted by that failed component based on 
the as-built design of that protection system?

The term “Delayed Clearing” that is described in Table I, footnote (e) refers to fault clearing that results 
from a failure to achieve the protection system’s normally expected clearing time.  For Category C or D 
contingencies, each Planning Authority and Transmission Planner is permitted engineering judgment in 
its selection of the protection system component failures for evaluation that would produce the more 
severe system results or impact (i.e., TPL-003-0a, R1.3.1 and TPL-004-0, R1.3.1). The evaluation would 
include addressing all protection systems affected by the selected component. 

A protection system component failure that impacts one or more protection systems and increases the 
total fault clearing time requires the Planning Authority and Transmission Planner to simulate the full 

11
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 

12
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. 

13
 As required by NERC Reliability Standard TPL-004-0, Requirement R1.4. 

14
 Footnote (e) Delayed Clearing: “failure of any protection system component such as a relay, circuit breaker, or 

current transformer, and not because of an intentional design delay,”
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impact (clearing time and facilities removed) on the Bulk Electric System performance. 

The interpretation drafting team bases this conclusion on the footnote (e) example “…any protection 
system component such as, relay, circuit breaker, or current transformer...” because the component 
“circuit breaker” is not addressed in the current or previously defined NERC glossary term.  The 
interpretation drafting team initially believed the lowercase usage of “protection system” inferred the 
NERC glossary term and the components described therein; however, based on the interpretation 
drafting team’s further assessment of footnote (e), it concludes that the existing TPL standards (TPL-
003-0a and TPL-004-0) do not implicitly use the NERC glossary term.  Without an explicit reference to 
the NERC glossary term, “Protection System,” the two standards do not prescribe the specific 
protection system components that must be addressed by the Planning Authority and Transmission 
Planner in performing the studies required in TPL-003-0a and TPL-004-0.   
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A. Introduction
1. Title: System Performance Following Extreme Events Resulting in the Loss of Two or 

More Bulk Electric System Elements (Category D)

2. Number: TPL-004-0a

3. Purpose: System simulations and associated assessments are needed periodically to ensure that
reliable systems are developed that meet specified performance requirements, with sufficient 
lead time and continue to be modified or upgraded as necessary to meet present and future 
System needs.

4. Applicability:

4.1. Planning Authority

4.2. Transmission Planner

5. Effective Date: April 1, 2005

B. Requirements
R1. The Planning Authority and Transmission Planner shall each demonstrate through a valid 

assessment that its portion of the interconnected transmission system is evaluated for the risks 
and consequences of a number of each of the extreme contingencies that are listed under 
Category D of Table I. To be valid, the Planning Authority’s and Transmission Planner’s 
assessment shall:

R1.1. Be made annually.

R1.2. Be conducted for near-term (years one through five). 

R1.3. Be supported by a current or past study and/or system simulation testing that 
addresses each of the following categories, showing system performance following 
Category D contingencies of Table I.  The specific elements selected (from within 
each of the following categories) for inclusion in these studies and simulations shall 
be acceptable to the associated Regional Reliability Organization(s).

R1.3.1. Be performed and evaluated only for those Category D contingencies that would 
produce the more severe system results or impacts.  The rationale for the 
contingencies selected for evaluation shall be available as supporting 
information.  An explanation of why the remaining simulations would produce 
less severe system results shall be available as supporting information.

R1.3.2. Cover critical system conditions and study years as deemed appropriate by the 
responsible entity.

R1.3.3. Be conducted annually unless changes to system conditions do not warrant 
such analyses.

R1.3.4. Have all projected firm transfers modeled.

R1.3.5. Include existing and planned facilities.

R1.3.6. Include Reactive Power resources to ensure that adequate reactive resources 
are available to meet system performance.

R1.3.7. Include the effects of existing and planned protection systems, including any 
backup or redundant systems.

R1.3.8. Include the effects of existing and planned control devices.
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R1.3.9. Include the planned (including maintenance) outage of any bulk electric 
equipment (including protection systems or their components) at those demand 
levels for which planned (including maintenance) outages are performed.

R1.4. Consider all contingencies applicable to Category D.

R2. The Planning Authority and Transmission Planner shall each document the results of its 
reliability assessments and shall annually provide the results to its entities’ respective NERC 
Regional Reliability Organization(s), as required by the Regional Reliability Organization.

C. Measures
M1. The Planning Authority and Transmission Planner shall have a valid assessment for its system 

responses as specified in Reliability Standard TPL-004-0_R1.

M2. The Planning Authority and Transmission Planner shall provide evidence to its Compliance 
Monitor that it reported documentation of results of its reliability assessments per Reliability 
Standard TPL-004-0_R1.

D. Compliance
1. Compliance Monitoring Process

1.1. Compliance Monitoring Responsibility

Compliance Monitor: Regional Reliability Organization.  
Each Compliance Monitor shall report compliance and violations to NERC via the 
NERC Compliance Reporting Process.

1.2. Compliance Monitoring Period and Reset Timeframe

Annually.

1.3. Data Retention

None specified.

1.4. Additional Compliance Information

None.

2. Levels of Non-Compliance

2.1. Level 1: A valid assessment, as defined above, for the near-term planning horizon 
is not available.

2.2. Level 2: Not applicable.

2.3. Level 3: Not applicable.

2.4. Level 4: Not applicable.
E. Regional Differences

1. None identified.

Version History

Version Date Action Change Tracking
0 April 1, 2005 Effective Date New

0a February 7, 2013 Interpretation adopted by NERC Board of 
Trustees
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0a June 20, 2013 Interpretation approved in FERC order 
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Table I.  Transmission System Standards – Normal and Emergency Conditions

Category
Contingencies System Limits or Impacts

Initiating Event(s) and Contingency 
Element(s)

System Stable 
and both 

Thermal and 
Voltage 

Limits within 
Applicable 

Rating a

Loss of Demand 
or

Curtailed Firm 
Transfers

Cascading 
Outages

A
No Contingencies

All Facilities in Service Yes No No

B
Event resulting in 
the loss of a single 
element.

Single Line Ground (SLG) or 3-Phase (3Ø) Fault, 
with Normal Clearing:

1. Generator
2. Transmission Circuit 
3. Transformer 

Loss of an Element without a Fault.

Yes
Yes
Yes
Yes

No b

No b

No b

No b

No
No
No
No

Single Pole Block, Normal Clearinge:
4. Single Pole (dc) Line Yes Nob No

C
Event(s) resulting in 
the loss of two or 
more (multiple) 
elements. 

SLG Fault, with Normal Clearinge:
1. Bus Section

2. Breaker (failure or internal Fault)

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG  or 3Ø Fault, with Normal Clearinge, Manual 
System Adjustments, followed by another SLG or 
3Ø Fault, with Normal Clearinge:

3. Category B (B1, B2, B3, or B4) 
contingency, manual system adjustments, 
followed by another Category B (B1, B2, 
B3, or B4) contingency

Yes Planned/
Controlledc

No

Bipolar Block, with Normal Clearinge:
4. Bipolar (dc) Line Fault (non 3Ø), with 

Normal Clearinge:

5. Any two circuits of a multiple circuit 
towerlinef

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

No

No

SLG Fault, with Delayed Clearinge (stuck breaker  
or protection system failure): 

6. Generator 

7. Transformer

8. Transmission Circuit

9. Bus Section

Yes

Yes

Yes

Yes

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

Planned/
Controlledc

No

No

No

No
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D
d

Extreme event resulting in 
two or more (multiple) 
elements removed or 
Cascading out of service

3Ø Fault, with Delayed Clearinge (stuck breaker or protection system 
failure):

1. Generator 3. Transformer

2. Transmission Circuit 4. Bus Section

3Ø Fault, with Normal Clearinge:

5. Breaker (failure or internal Fault)

6. Loss of towerline with three or more circuits
7. All transmission lines on a common right-of way
8. Loss of a substation (one voltage level plus transformers)
9. Loss of a switching station (one voltage level plus transformers)

10. Loss of  all generating units at a station
11. Loss of a large Load or major Load center
12. Failure of a fully redundant Special Protection System (or 

remedial action scheme) to operate when required
13. Operation, partial operation, or misoperation of a fully redundant 

Special Protection System (or Remedial Action Scheme) in 
response to an event or abnormal system condition for which it 
was not intended to operate

14. Impact of severe power swings or oscillations from Disturbances 
in another Regional Reliability Organization.

Evaluate for risks and 
consequences.

May involve substantial loss of 
customer Demand and 
generation in a widespread 
area or areas.

Portions or all of the 
interconnected systems may 
or may not achieve a new, 
stable operating point.

Evaluation of these events may 
require joint studies with 
neighboring systems.

a) Applicable rating refers to the applicable Normal and Emergency facility thermal Rating or System Voltage Limit as
determined and consistently applied by the system or facility owner.  Applicable Ratings may include Emergency Ratings 
applicable for short durations as required to permit operating steps necessary to maintain system control.  All Ratings 
must be established consistent with applicable NERC Reliability Standards addressing Facility Ratings.

b) Planned or controlled interruption of electric supply to radial customers or some local network customers, connected to or 
supplied by the Faulted element or by the affected area, may occur in certain areas without impacting the overall 
reliability of the interconnected transmission systems.  To prepare for the next contingency, system adjustments are 
permitted, including curtailments of contracted Firm (non-recallable reserved) electric power Transfers.

c) Depending on system design and expected system impacts, the controlled interruption of electric supply to customers 
(load shedding), the planned removal from service of certain generators, and/or the curtailment of contracted Firm (non-
recallable reserved) electric power Transfers may be necessary to maintain the overall reliability of the interconnected 
transmission systems.

d) A number of extreme contingencies that are listed under Category D and judged to be critical by the transmission 
planning entity(ies) will be selected for evaluation.  It is not expected that all possible facility outages under each listed
contingency of Category D will be evaluated.

e) Normal clearing is when the protection system operates as designed and the Fault is cleared in the time normally expected 
with proper functioning of the installed protection systems.  Delayed clearing of a Fault is due to failure of any protection
system component such as a relay, circuit breaker, or current transformer, and not because of an intentional design delay. 

f) System assessments may exclude these events where multiple circuit towers are used over short distances (e.g., station 
entrance, river crossings) in accordance with Regional exemption criteria.
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Appendix 1

Interpretation 2012-INT-02: Response to Request for Interpretation of TPL-003-0a, 
Requirements R1.3.1, R1.3.10 and R1.5 and TPL-004-0, Requirements R1.3.1, R1.3.7 and R1.4 
for the System Protection and Control Subcommittee

Date submitted: December 12, 2011 

The following interpretations of TPL-003-0a, System Performance Following Loss of Two or More Bulk 
Electric System Elements (Category C), Requirements R1.3.1, R1.3.10 and R1.5 and TPL-004-0, System 
Performance Following Extreme Events Resulting in the Loss of Two or More Bulk Electric System 
Elements (Category D), Requirements R1.3.1, R1.37 and R1.4 were developed by members of the Assess 
Transmission Future Needs Standard Drafting Team (ATFNSTD), Protection System Misoperations 
Standard Development Team (PSMSDT), and Protection System Maintenance and Testing Standard 
Drafting Team (PSMTSDT).

Standard Requirement (and text)

TPL-003-0a R1.3.1 Be performed and evaluated only for those Category C contingencies that 
would produce the more severe system results or impacts.  The rationale for the 
contingencies selected for evaluation shall be available as supporting information. 
An explanation of why the remaining simulations would produce less severe system 
results shall be available as supporting information. 

TPL-003-0a R1.3.10. Include the effects of existing and planned protection systems, including 
any backup or redundant systems. 

TPL-003-0a R1.5. Consider all contingencies applicable to Category C. 

TPL-004-0 R1.3.1. Be performed and evaluated only for those Category D contingencies that 
would produce the more severe system results or impacts.  The rationale for the 
contingencies selected for evaluation shall be available as supporting information.  
An explanation of why the remaining simulations would produce less severe system 
results shall be available as supporting information.

TPL-004-0 R1.3.7. Include the effects of existing and planned protection systems, including any 
backup or redundant systems.

TPL-004-0 R1.4. Consider all contingencies applicable to Category D.

Please explain the clarification needed (as submitted).

This interpretation request has been developed to address Commission concerns related to the term 
“Single Point of Failure” and how it relates to system performance and contingency planning 
clarification regarding the following questions about the listed standards, requirements and terms.  
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More specifically, clarification is needed about the comprehensive study of system performance 
relating to Table 1’s, Category C and D contingency of a “protection system failure” and specifically the 
impact of failed components (i.e., “Single Point of Failure”).  It is not entirely clear whether a valid 
assessment of a protection system failure includes evaluation of shared or non-redundant protection 
system components.  Protection systems that have a shared protection system component are not two 
independent protection systems, because both protection systems will be mutually impacted for a 
failure of a single shared component.  A protection system component evaluation would include the 
evaluation of the consequences on system performance for the failure of any protection system 
component that is integral to the operation of the protection system being evaluated and to the 
operation of another protection system. 

On March 30, 2009, NERC issued an Industry Advisory — Protection System Single Point of Failure1

Question 1: For the parenthetical “(stuck breaker or protection system failure)” in TPL-003-0a (Category 
C contingencies 6-9) and TPL-004-0 (Category D contingencies 1-4), does an entity have the option of 
evaluating the effects

 (i.e., 
NERC Alert) for three significant events.  One of which, the Westwing outage (June 14, 2004) was 
caused by failure of a single auxiliary relay that initiated both breaker tripping and the breaker failure 
protection.  Since breaker tripping and breaker failure protection both shared the same auxiliary relay, 
there was no independence between breaker tripping and breaker failure protection systems, therefore 
causing both protection systems to not operate for the single component failure of the auxiliary relay.  
The failure of this auxiliary relay is known as a “single point of failure.” It is not clear whether this 
situation is comprehensively addressed by the applicable entities when making a valid assessment of 
system performance for both Category C and D contingencies. 

2 of either “stuck breaker” or “protection system failure” contingency3

There is a lack of clarity whether R1.3.1

, or does an 
applicable entity have to evaluate the contingency that produces the more severe system results or 
impacts as identified in R1.3.1 of both standards? 

4

Question 2: For the phrase “Delayed Clearing

 requires an entity to assess which contingency causes the most 
severe system results or impacts (R1.3.1) and this ambiguity could result in a potential reliability gap.  
Whether the simulation of a stuck breaker or protection system failure will produce the worst result 
depends on the protection system design.  For example when a protection system is fully redundant, a 
protection system failure will not affect fault clearing; therefore, a stuck breaker would result in more 
severe system results or impacts.  However, when a protection system failure affects fault clearing, the 
fault clearing time may be longer than the breaker failure protection clearing time for a stuck breaker 
contingency and may result in tripping of additional system elements, resulting in a more severe system 
response. 

5” used in Category C6 contingencies 6-9 and Category D7

contingencies 1-4, to what extent does the description in Table 1, footnote (e)8

1
 NERC Website: (

 require an entity to 

http://www.nerc.com/fileUploads/File/Events%20Analysis/A-2009-03-30-01.pdf)
2
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.3.10. and/or TPL-004-0, Requirement 

R1.3.7. 
3
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 

4
 “Be performed and evaluated only for those Category (TPL-003-0a Category C and TPL-004-0 Category D) 

contingencies that would produce the more severe system results or impacts.” 
5
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 
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model a single point of failure of a protection system component that may prevent correct operation of 
a protection system, including other protection systems impacted by that failed component based on 
the as-built design of that protection system? 

There is a lack of clarity whether footnote (e) in Table 1 requires the study and/or simulation of a failure 
of a protection system component (i.e., single point of failure) that may prevent correct operation of 
the protection system(s) impacted by the component failure.  Protection systems that share a 
protection system component are fully dependent upon the correct operation of that single shared 
component and do not perform as two independent protection systems.  This lack of clarity may result 
in a potential reliability gap.  

Clarity is necessary as to whether (1) a valid assessment should include evaluation of delayed clearing 
due to failure of the protection system component (i.e., single point of failure), such as the failure of a 
shared protection system component, that produces the more severe system results or impacts; and (2) 
the study and/or simulation of the fault clearing sequence and protection system(s) operation should 
be based on the protection system(s) as-built design. 

The lack of clarity is compounded by the similarity between the phrase “Delayed Clearing” used in TPL-
003-0a and TPL-004-0, footnote (e), and the NERC glossary term “Delayed Fault Clearing.” While TPL-
003-0a and TPL-004-0 do not use the glossary term, the similarity may lead to confusion and 
inconsistency in how entities apply footnote (e) to “stuck breaker” or “protection system failure” 
contingency assessments. 

Question 1

For the parenthetical “(stuck breaker or protection system failure)” in TPL-003-0a (Category C 
contingencies 6-9) and TPL-004-0 (Category D contingencies 1-4), does an entity have the option of 
evaluating the effects9 of either “stuck breaker” or “protection system failure” contingency10

Response 1

, or does 
an applicable entity have to evaluate the contingency that produces the more severe system results or 
impacts as identified in R1.3.1 of both standards?

The interpretation drafting team concludes that the Planning Authority and Transmission Planner must 

evaluate the situation that produces the more severe system results or impacts (i.e., TPL-003-0a, R1.3.1 

and TPL-004-0, R1.3.1) due to a delayed clearing condition regardless of whether the condition resulted 

6
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. 

7
 As required by NERC Reliability Standard TPL-004-0, Requirement R1.4. 

8
 Footnote (e) Delayed Clearing: “failure of any protection system component such as a relay, circuit breaker, or 

current transformer, and not because of an intentional design delay,”
9
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.3.10. and/or TPL-004-0, Requirement 

R1.3.7. 
10

 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 
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from a stuck breaker or protection system failure.  The Reliability Standards TPL-003-0a (Table I, 

Category C contingencies 6-9) and TPL-004-0 (Table I, Category D contingencies 1-4) involve an 

assessment of the effects of either a stuck breaker or a protection system failure.  The single line 

ground (SLG) (TPL-003-0a, Table I, Category C) Fault and 3-phase (3ø) (TPL-004-0, Table I, Category D) 

Fault contingencies with delayed clearing are further defined by footnote (e) and the parenthetical 

phrase “(stuck breaker or protection system failure).”  Footnote (e) explains that “Delayed clearing of a 

Fault is due to failure of any protection system component such as a relay, circuit breaker, or current 

transformer, and not because of an intentional design delay.”  The parenthetical further emphasizes 

that the failure may be a “stuck breaker or protection system failure” that causes the delayed clearing 

of the fault.  The text in Table 1 in either standard explains that when selecting delayed clearing 

contingencies to evaluate, both conditions “(stuck breaker or protection system failure)” must be 

considered.   

Question 2

For the phrase “Delayed Clearing11” used in Category C12 contingencies 6-9 and Category D13

contingencies 1-4, to what extent does the description in Table 1, footnote (e)14

Response 2

 require an entity to 
model a single point of failure of a protection system component that may prevent correct operation of 
a protection system, including other protection systems impacted by that failed component based on 
the as-built design of that protection system?

The term “Delayed Clearing” that is described in Table I, footnote (e) refers to fault clearing that results 
from a failure to achieve the protection system’s normally expected clearing time.  For Category C or D 
contingencies, each Planning Authority and Transmission Planner is permitted engineering judgment in 
its selection of the protection system component failures for evaluation that would produce the more 
severe system results or impact (i.e., TPL-003-0a, R1.3.1 and TPL-004-0, R1.3.1). The evaluation would 
include addressing all protection systems affected by the selected component. 

A protection system component failure that impacts one or more protection systems and increases the 
total fault clearing time requires the Planning Authority and Transmission Planner to simulate the full 
impact (clearing time and facilities removed) on the Bulk Electric System performance. 

The interpretation drafting team bases this conclusion on the footnote (e) example “…any protection 
system component such as, relay, circuit breaker, or current transformer...” because the component 
“circuit breaker” is not addressed in the current or previously defined NERC glossary term.  The 
interpretation drafting team initially believed the lowercase usage of “protection system” inferred the 

11
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. and/or TPL-004-0, Requirement R1.4. 

12
 As required by NERC Reliability Standard TPL-003-0a, Requirement R1.5. 

13
 As required by NERC Reliability Standard TPL-004-0, Requirement R1.4. 

14
 Footnote (e) Delayed Clearing: “failure of any protection system component such as a relay, circuit breaker, or 

current transformer, and not because of an intentional design delay,”
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NERC glossary term and the components described therein; however, based on the interpretation 
drafting team’s further assessment of footnote (e), it concludes that the existing TPL standards (TPL-
003-0a and TPL-004-0) do not implicitly use the NERC glossary term.  Without an explicit reference to 
the NERC glossary term, “Protection System,” the two standards do not prescribe the specific 
protection system components that must be addressed by the Planning Authority and Transmission 
Planner in performing the studies required in TPL-003-0a and TPL-004-0.   
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I. Introduction 

The California ISO (ISO) tariff provides for the establishment of planning guidelines and 
standards above those established by NERC and WECC to ensure the secure and 
reliable operation of the ISO controlled grid. The primary guiding principle of these 
Planning Standards is to develop consistent reliability standards for the ISO grid that will 
maintain or improve transmission system reliability to a level appropriate for the 
California system.

These ISO Planning Standards are not intended to duplicate the NERC and WECC 
reliability standards, but to complement them where it is in the best interests of the 
security and reliability of the ISO controlled grid. The ISO planning standards will be 
revised from time to time to ensure they are consistent with the current state of the 
electrical industry and in conformance with NERC Reliability Standards and WECC 
Regional Criteria. In particular, the ISO planning standards: 

o Address specifics not covered in the NERC Reliability Standards and WECC 
Regional Criteria; 

o Provide interpretations of the NERC Reliability Standards and WECC Regional 
Criteria specific to the ISO Grid; 

o Identify whether specific criteria should be adopted that are more stringent than 
the NERC Reliability Standards and WECC Regional Criteria where it is in the 
best interest of ensuring the ISO controlled grid remains secure and reliable. 

NERC Reliability Standards and WECC Regional Criteria:  

The following links provide the minimum standards that ISO needs to follow in its 
planning process unless NERC or WECC formally grants an exemption or deference to 
the ISO. They are the NERC Transmission Planning (TPL) standards, other applicable 
NERC standards (i.e., NUC-001 Nuclear Plant Interface Requirements (NPIRs) for 
Diablo Canyon Power Plant), and the WECC Regional Criteria: 

http://www.nerc.com/page.php?cid=2|20

http://www.wecc.biz/library/Documentation%20Categorization%20Files/Forms/AllItems.
aspx?RootFolder=%2flibrary%2fDocumentation%20Categorization%20Files%2fRegion
al%20Criteria&FolderCTID=&View=%7bAD6002B2%2d0E39%2d48DD%2dB4B5%2d9
AFC9F8A8DB3%7d

Section II of this document provides additional details about the ISO Planning 
Standards. Guidelines are provided in subsequent sections to address certain ISO 
planning standards, such as the use of new Special Protection Systems, which are not 
specifically addressed at the regional level of NERC and WECC. Where appropriate, 
background information behind the development of these standards and references 
(web links) to subjects associated with reliable transmission planning and operation are 
provided. 
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II.  ISO Planning Standards 

The ISO Planning Standards are: 

1. Applicability of NERC Reliability Standards to Low Voltage Facilities under 
ISO Operational Control 

The ISO will apply NERC Transmission Planning (TPL) standards, the NUC-001 
Nuclear Plant Interface Requirements (NPIRs) for Diablo Canyon Power Plant, and 
the approved WECC Regional Criteria to facilities with voltages levels less than 
100 kV or otherwise not covered under the NERC Bulk Electric System definition 
that have been turned over to the ISO operational control.     

2. Combined Line and Generator Outage Standard  

A single transmission circuit outage with one generator already out of service and 
the system adjusted shall meet the performance requirements of the NERC TPL 
standards for single contingencies (TPL002).  Supporting information is located 
within Section IV of this document. 

3. Voltage Standard  

Standardization of low and high voltage levels as well as voltage deviations across 
the TPL-001, TPL-002, and TPL-003 standards is required across all transmission 
elements in the ISO controlled grid. The low voltage and voltage deviation 
guideline applies only to load and generating buses within the ISO controlled grid 
(including generator auxiliary load) since they are impacted by the magnitude of 
low voltage and voltage deviations. The high voltage standard applies to all buses 
since unacceptable high voltages can damage station and transmission 
equipment. These voltage standards are shown in Table 1. 

All buses within the ISO controlled grid that cannot meet the requirements 
specified in Table 1 will require further investigation. Exceptions to this voltage 
standard may be granted by the ISO based on documented evidence vetted 
through an open stakeholder process. The ISO will make public all exceptions 
through its website. 
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Table 1 
(Voltages are relative to the nominal voltage of the system studied) 

Voltage level 
Normal Conditions (TPL-

001) 
Contingency Conditions 
(TPL-002 & TPL-003) Voltage Deviation 

Vmin (pu) Vmax (pu) Vmin (pu) Vmax (pu) TPL-002 TPL-003 
 200 kV 0.95 1.05 0.90 1.1 5% 10%
200 kV 0.95 1.05 0.90 1.1 5% 10%
 500 kV 1.0 1.05 0.90 1.1 5% 10%

Voltage and system performance must also meet WECC Regional Criteria TPL-
001-WECC-CRT-2.1: 
http://www.wecc.biz/library/Documentation%20Categorization%20Files/Regional%
20Criteria/TPL-001-WECC-CRT-2.1.pdf   

The bus voltage at the San Onofre Switchyard must be maintained within 
established limits as determined by transmission entities (Southern California 
Edison and San Diego Gas & Electric) through grid operations procedures.  

4. Specificc Nuclear Unit Standards  

The criteria pertaining to the Diablo Canyon Power Plant (DCPP), as specified in 
the NUC-001 Nuclear Plant Interface Requirements (NPIRs) for DCPP, and 
Appendix E of the Transmission Control Agreement located on the ISO web site at:  
http://www.caiso.com/Pages/documentsbygroup.aspx?GroupID=3972DF1A-2A18-
4104-825C-E24350BA838F   

5. Loss of Combined Cycle Power Plant Module as a Single Generator Outage 
Standard  

A single module of a combined cycle power plant is considered a single 
contingency (G-1) and shall meet the performance requirements of the NERC TPL 
standards for single contingencies (TPL002).  Supporting information is located in 
Section V of this document. Furthermore a single transmission circuit outage with 
one combined cycle module already out of service and the system adjusted shall 
meet the performance requirements of the NERC TPL standards for single 
contingencies (TPL002) as established in item 1 above. 

A re-categorization of any combined cycle facility that falls under this standard to a 
less stringent requirement is allowed if the operating performance of the combined 
cycle facility demonstrates a re-categorization is warranted. The ISO will assess 
re-categorization on a case by case based on the following:  

a) Due to high historical outage rates in the first few years of operation no 
exceptions will be given for the first two years of operation of a new combined 
cycle module.  
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b) After two years, an exception can be given upon request if historical data 
proves that no outage of the combined cycle module was encountered since 
start-up. 

c) After three years, an exception can be given upon request if historical data 
proves that outage frequency is less than once in three years. 

The ISO may withdraw the re-categorization if the operating performance of the 
combined cycle facility demonstrates that the combined cycle module exceeds a 
failure rate of once in three year. The ISO will make public all exceptions through 
its website. 

6. Planning for New Transmission versus Involuntary Load Interruption 
Standard 

This standard sets out when it is necessary to upgrade the transmission system 
from a radial to a looped configuration or to eliminate load dropping otherwise 
permitted by WECC and NERC planning standards through transmission 
infrastructure improvements. It does not address all circumstances under which 
load dropping is permitted under NERC and WECC planning standards.  

1. No single contingency (TPL002 and ISO standard [G-1] [L-1]) should result in 
loss of more than 250 MW of load. This includes consequential loss of load as 
well as load that may need to be dropped after the first contingency (during the 
system adjustment period) in order to position the electric system for reliable 
operation in anticipation of the next worst contingency. 

2. All single substations of 100 MW or more should be served through a looped 
system with at least two transmission lines “closed in” during normal operation. 

3. Existing radial loads with available back-tie(s) (drop and automatic or manual 
pick-up schemes) should have their back-up tie(s) sized at a minimum of 50% 
of the yearly peak load or to accommodate the load 80% of the hours in a year 
(based on actual load shape for the area), whichever is more constraining. 

4. Upgrades to the system that are not required by the standards in 1, 2 and 3 
above may be justified by eliminating or reducing load outage exposure, 
through a benefit to cost ratio (BCR) above 1.0 and/or where there are other 
extenuating circumstances.  

7. Planning for High Density Urban Load Area Standard 

7.1 Local Area Planning 

A local area is characterized by relatively small geographical size, with limited 
transmission import capability and most often with scarce resources that 
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usually can be procured at somewhat higher prices than system resources.1

The local areas are planned to meet the minimum performance established in 
mandatory standards or other historically established requirements, but tend to 
have little additional flexibility beyond the planned-for requirements taking into 
account both local generation and transmission capacity. Increased reliance on 
load shedding to meet these needs would run counter to historical and current 
practices, resulting in general deterioration of service levels.  

For local area long-term planning, the ISO does not allow non-consequential 
load dropping in high density urban load areas in lieu of expanding 
transmission or local resource capability to mitigate NERC TPL002 and 
TPL003 standards and impacts on the 115 kV or higher voltage systems.   

 In the near-term planning, where allowed by NERC standards, load 
dropping, including high density urban load, may be used to bridge the 
gap between real-time operations and the time when system 
reinforcements are built. 

 In considering if load shedding, where allowed by NERC standards, is a 
viable mitigation in either the near-term, or the long-term for local areas 
that would not call upon high density urban load, case-by-case 
assessments need to be considered.  Assessments should take in 
consideration, but not limited to, risk assessment of the outage(s) that 
would activate the SPS including common right of way, common 
structures, history of fires, history of lightning, common substations, 
restoration time, coordination among parties required to operate pertinent 
part of the transmission system, number of resources in the area, number 
of customers impacted by the outage, outage history for resources in the 
area, retirement impacts, and outage data for the local area due to 
unrelated events. 

7.2 System Wide Planning 

System planning is characterized by much broader geographical size, with greater 
transmission import capability and most often with plentiful resources that usually 
can be procured at somewhat lower prices than local area resources.  Due to this 
fact more resources are available and are easier to find, procure and dispatch.  
Provided it is allowed under NERC reliability standards, the ISO will allow non-
consequential load dropping system-wide SPS schemes that include some non-
consequential load dropping to mitigate NERC TPL002 and TPL003 standards and 
impacts on the 115 kV or higher voltage systems. 

1 A “local area” for purposes of this Planning Standard is not necessarily the same as a Local Capacity Area as 
defined in the CAISO Tariff. 
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8. Extreme Event Reliability Standard 

The requirements of NERC TPL004 require Extreme Event contingencies to be 
assessed; however the standard does not require mitigation plans to be developed 
for these Extreme Events.  The ISO has identified in Section 7.1 below that the 
San Francisco Peninsula area has unique characteristics requiring consideration of 
corrective action plans to mitigate the risk of extreme events.  Other areas of the 
system may also be considered on a case-by-case basis as a part of the 
transmission planning assessments. 

8.1 San Francisco-Peninsula - Extreme Event Reliability Standard 

The ISO has determined through its Extreme Event assessments, conducted 
as a part of the annual transmission planning process, that there are unique 
characteristics of the San Francisco Peninsula area requiring consideration for 
mitigation as follows. 

 high density urban load area,  
 geographic and system configuration,  
 potential risks of outages including seismic, third party action and 

collocating facilities; and 
 challenging restoration times. 

The unique characteristics of the San Francisco Peninsula form a credible 
basis for considering for approval corrective action plans to mitigate the risk of 
outages that are beyond the application of mitigation of extreme events in the 
reliability standards to the rest of the ISO controlled grid.  The ISO will consider 
the overall impact of the mitigation on the identified risk and the associated 
benefits that the mitigation provides to the San Francisco Peninsula area. 

III. ISO Planning Guidelines 

The ISO Planning Guidelines include the following: 

1. Special Protection Systems 

As stated in the NERC glossary, a Special Protection System (SPS) is “an automatic 
protection system designed to detect abnormal or predetermined system conditions, 
and take corrective actions other than and/or in addition of faulted components to 
maintain system reliability.” In the context of new projects, the possible action of an SPS 
would be to detect a transmission outage (either a single contingency or credible 
multiple contingencies) or an overloaded transmission facility and then curtail 
generation output and/or load in order to avoid potentially overloading facilities or 
prevent the situation of not meeting other system performance criteria. A SPS can also 
have different functions such as executing plant generation reduction requested by 
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other SPS; detecting unit outages and transmitting commands to other locations for 
specific action to be taken; forced excitation pulsing; capacitor and reactor switching; 
out-of-step tripping; and load dropping among other things.  

The primary reasons why SPS might be selected over building new transmission 
facilities are that SPS can normally be implemented much more quickly and at a much 
lower cost than constructing new infrastructure. In addition, SPS can increase the 
utilization of the existing transmission facilities, make better use of scarce transmission 
resources and maintain system reliability. Due to these advantages, SPS is a commonly 
considered alternative to building new infrastructure in an effort to keep costs down 
when integrating new generation into the grid and/or addressing reliability concerns 
under multiple contingency conditions. While SPSs have substantial advantages, they 
have disadvantages as well. With the increased transmission system utilization that 
comes with application of SPS, there can be increased exposure to not meeting system 
performance criteria if the SPS fails or inadvertently operates. Transmission outages 
can become more difficult to schedule due to increased flows across a larger portion of 
the year; and/or the system can become more difficult to operate because of the 
independent nature of the SPS. If there are a large number of SPSs, it may become 
difficult to assess the interdependency of these various schemes on system reliability. 
These reliability concerns necessarily dictate that guidelines be established to ensure 
that performance of all SPSs are consistent across the ISO controlled grid. It is the 
intent of these guidelines to allow the use of SPSs to maximize the capability of existing 
transmission facilities while maintaining system reliability and optimizing operability of 
the ISO controlled grid. Needless to say, with the large number of generator 
interconnections that are occurring on the ISO controlled grid, the need for these 
guidelines has become more critical. 

It needs to be emphasized that these are guidelines rather than standards and should 
be used in the development of any new SPS. In general, these guidelines are intended 
to be applied with more flexibility for low exposure outages (e.g., double line outages, 
bus outages, etc.) than for high exposure outages (e.g., single contingencies). This is to 
emphasize that best engineering practice and judgment will need to be exercised by 
system planners and operators in determining when the application of SPS will be 
acceptable. It is recognized that it is not possible or desirable to have strict standards 
for the acceptability of the use of SPS in all potential applications. 

ISO SPS1
The overall reliability of the system should not be degraded after the combined addition 
of the SPS.

ISO SPS2 
The SPS needs to be highly reliable. Normally, SPS failure will need to be determined 
to be non-credible. In situations where the design of the SPS requires WECC approval, 
the WECC Remedial Action Scheme Design Guide will be followed. 
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ISO SPS3 
The total net amount of generation tripped by a SPS for a single contingency cannot 
exceed the ISO’s largest single generation contingency (currently one Diablo Canyon 
unit at 1150 MW). The total net amount of generation tripped by a SPS for a double 
contingency cannot exceed 1400 MW. This amount is related to the minimum amount of 
spinning reserves that the ISO has historically been required to carry. The quantities of 
generation specified in this standard represent the current upper limits for generation 
tripping. These quantities will be reviewed periodically and revised as needed. In 
addition, the actual amount of generation that can be tripped is project specific and may 
depend on specific system performance issues to be addressed. Therefore, the amount 
of generation that can be tripped for a specific project may be lower than the amounts 
provided in this guide. The net amount of generation is the gross plant output less the 
plant’s and other auxiliary load tripped by the same SPS. 

ISO SPS4 
For SPSs, the following consequences are unacceptable should the SPS fail to operate 
correctly: 

A) Cascading outages beyond the outage of the facility that the SPS is intended to 
protect: For example, if a SPS were to fail to operate as designed for a single 
contingency and the transmission line that the SPS was intended to protect were 
to trip on overload protection, then the subsequent loss of additional facilities due 
to overloads or system stability would not be an acceptable consequence. 

B) Voltage instability, transient instability, or small signal instability: While these are 
rare concerns associated with the addition of new generation, the consequences 
can be so severe that they are deemed to be unacceptable results following SPS 
failure.

ISO SPS5 
Close coordination of SPS is required to eliminate cascading events. All SPS in a local 
area (such as SDG&E, Fresno, etc.) and grid-wide need to be evaluated as a whole and 
studied as such. 

ISO SPS6 
The SPS must be simple and manageable. As a general guideline: 

A) There should be no more than 6 local contingencies (single or credible double 
contingencies) that would trigger the operation of a SPS.  

B) The SPS should not be monitoring more than 4 system elements or variables. A 
variable can be a combination of related elements, such as a path flow, if it is 
used as a single variable in the logic equation.  Exceptions include: 

i. The number of elements or variables being monitored may be increased if 
it results in the elimination of unnecessary actions, for example: 
generation tripping, line sectionalizing or load shedding. 
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ii. If the new SPS is part of an existing SPS that is triggered by more than 4 
local contingencies or that monitors more than 4 system elements or 
variables, then the new generation cannot materially increase the 
complexity of the existing SPS scheme. However, additions to an existing 
SPS using a modular design should be considered as preferable to the 
addition of a new SPS that deals with the same contingencies covered by 
an existing SPS.  

C) Generally, the SPS should only monitor facilities that are connected to the plant 
or to the first point of interconnection with the grid. Monitoring remote facilities 
may add substantial complexity to system operation and should be avoided. 

D) An SPS should not require real-time operator actions to arm or disarm the SPS 
or change its set points.  

ISO SPS7 
If the SPS is designed for new generation interconnection, the SPS may not include the 
involuntary interruption of load. Voluntary interruption of load paid for by the generator is 
acceptable. The exception is that the new generator can be added to an existing SPS 
that includes involuntary load tripping. However, the amount of involuntary load tripped 
by the combined SPS may not be increased as a result of the addition of the generator. 

ISO SPS8 
Action of the SPS shall limit the post-disturbance loadings and voltages on the system 
to be within all applicable ratings and shall ultimately bring the system to within the long-
term (4 hour or longer) emergency ratings of the transmission equipment. For example, 
the operation of SPS may result in a transmission line initially being loaded at its one-
hour rating. The SPS could then automatically trip or run-back additional generation (or 
trip load if not already addressed under ISO SPS7 above) to bring the line loading within 
the line’s four-hour or longer rating. This is intended to minimize real-time operator 
intervention. 

ISO SPS9 
The SPS needs to be agreed upon by the ISO and may need to be approved by the 
WECC Remedial Action Scheme Reliability Task Force. 

ISO SPS10 
The ISO, in coordination with affected parties, may relax SPS requirements as a 
temporary “bridge” to system reinforcements. Normally this “bridging” period would be 
limited to the time it takes to implement a specified alternative solution. An example of a 
relaxation of SPS requirement would be to allow 8 initiating events rather than limiting 
the SPS to 6 initiating events until the identified system reinforcements are placed into 
service. 

ISO SPS11 
The ISO will consider the expected frequency of operation in its review of SPS 
proposals. 
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ISO SPS12 
The actual performance of existing and new SPS schemes will be documented by the 
transmission owners and periodically reviewed by the ISO and other interested parties 
so that poorly performing schemes may be identified and revised. 

ISO SPS13 
All SPS schemes will be documented by the owner of the transmission system where 
the SPS exists. The generation owner, the transmission owner, and the ISO shall retain 
copies of this documentation. 

ISO SPS14 
To ensure that the ISO’s transmission planning process consistently reflects the 
utilization of SPS in its annual plan, the ISO will maintain documentation of all SPS 
utilized to meet its reliability obligations under the NERC reliability standards, WECC 
regional criteria, and ISO planning standards. 

ISO SPS15 
The transmission owner in whose territory the SPS is installed will, in coordination with 
affected parties, be responsible for designing, installing, testing, documenting, and 
maintaining the SPS. 

ISO SPS16 Generally, the SPS should trip load and/or resources that have the highest 
effectiveness factors to the constraints that need mitigation such that the magnitude of 
load and/or resources to be tripped is minimized.  As a matter of principle, voluntary 
load tripping and other pre-determined mitigations should be implemented before 
involuntary load tripping is utilized. 

ISO SPS17 
Telemetry from the SPS (e.g., SPS status, overload status, etc.) to both the 
Transmission Owner and the ISO is required unless otherwise deemed unnecessary by 
the ISO. Specific telemetry requirements will be determined by the Transmission Owner 
and the ISO on a project specific basis. 

IV. Combined Line and Generator Unit Outage Standards Supporting 
Information 

Combined Line and Generator Outage Standard - A single transmission circuit 
outage with one generator already out of service and the system adjusted shall meet 
the performance requirements of the NERC TPL standards for single contingencies 
(TPL002). 

The ISO Planning Standards require that system performance for an over-lapping 
outage of a generator unit (G-1) and transmission line (L-1) must meet the same system 
performance level defined for the NERC standard TPL-002. The ISO recognizes that 
this planning standard is more stringent than allowed by NERC, but it is considered 
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appropriate for assessing the reliability of the ISO’s controlled grid as it remains 
consistent with the standard utilized by the PTOs prior to creation of the ISO.  

V. Loss of Combined Cycle Power Plant Module as a Single Generator 
Outage Standard Supporting Information 

Loss of Combined Cycle Power Plant Module as a Single Generator Outage 
Standard - A single module of a combined cycle power plant is considered a single (G-
1) contingency and shall meet the performance requirements of the NERC TPL 
standards for single contingencies (TPL002).   

The purpose of this standard is to require that an outage of any turbine element of a 
combustion turbine be considered as a single outage of the entire plant and therefore 
must meet the same performance level as the NERC TPL standard TPL-002.  

The ISO has determined that, a combined cycle module should be treated as a single 
contingency.  In making this determination, the ISO reviewed the actual operating 
experience to date with similar (but not identical) combined cycle units currently in 
operation in California.  The ISO's determination is based in large part on the 
performance history of new combined cycle units and experience to date with these 
units.  The number of combined cycle facility forced outages that have taken place does 
not support a double contingency categorization for combined cycle module units in 
general.  It should be noted that all of the combined cycle units that are online today are 
treated as single contingencies.   

Immediately after the first few combined cycle modules became operational, the ISO 
undertook a review of their performance. In defining the appropriate categorization for 
combined cycle modules, the ISO reviewed the forced outage history for the following 
three combined cycle facilities in California:  Los Medanos Energy Center (Los 
Medanos), Delta Energy Center (Delta), and Sutter Energy Center (Sutter)2.  Los 
Medanos and Sutter have been in service since the summer of 2001, Delta has only 
been operational since early summer 2002.  

Table 2 below sets forth the facility forced outages for each of these facilities after they 
went into operation (i.e. forced outages 3that resulted in an output of zero MWs.)  The 
table demonstrates that facility forced outages have significantly exceeded once every 3 
to 30 years.  Moreover, the ISO considers that the level of facility forced outages is 

2 Los Medanos and Sutter have two combustion turbines (CT’s) and one steam turbine (ST) each in a 2x1 
configuration. Delta has three combustion turbines (CT’s) and one steam turbine (ST) in a 3x1 configuration.  All 
three are owned by the Calpine Corporation. 
3 Only forced outages due to failure at the power plant itself are reported, forced outages due to failure on the 
transmission system/switchyard are excluded.  The fact that a facility experienced a forced outage on a particular 
day is public information.  In fact, information on unavailable generating units has been posted daily on the ISO 
website since January 1, 2001.  However, the ISO treats information regarding the cause of an outage as confidential 
information.
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significantly above the once every 3 to 30 years even accounting for the fact that new 
combined cycle facilities tend to be less reliable during start-up periods and during the 
initial weeks of operation.  For example, four of the forced outages that caused all the 
three units at Los Medanos to go off-line took place more than nine months after the 
facility went into operation. 

Facility Date # units lost 
Sutter4 08/17/01 No visibility 
Sutter 10/08/01 1 CT 
Sutter 12/29/01 All 3 
Sutter 04/15/02 1 CT + ST 
Sutter 05/28/02 1 CT 
Sutter 09/06/02 All 3 
Los Medanos5 10/04/01 All 3 
Los Medanos 06/05/02 All 3 
Los Medanos 06/17/02 All 3 
Los Medanos 06/23/02 1CT+ST 
Los Medanos 07/19/02 All 3 
Los Medanos 07/23/02 1CT+ST 
Los Medanos 09/12/02 All 3 
Delta6 06/23/02 All 4 
Delta 06/29/02 2 CT’s + ST
Delta 08/07/02 2 CT’s + ST

Table 2: Forced outages that have resulted in 0 MW output from Sutter, Los Medanos 
and Delta after they became operational 

The ISO realizes that this data is very limited. Nevertheless, the data adequately 
justifies the current classification of each module of these three power plants as a single 
contingency.   

VI. Background behind Planning for New Transmission versus 
Involuntary Load Interruption Standard 

For practical and economic reasons, all electric transmission systems are planned to 
allow for some involuntary loss of firm load under certain contingency conditions. For 
some systems, such a loss of load may require several contingencies to occur while for 
other systems, loss of load may occur in the event of a specific single contingency. 
Historically, a wide variation among the PTOs has existed predominantly due to slightly 
differing planning and design philosophies. This standard is intended to provide a 

4 Data for Sutter is recorded from 07/03/01 to 08/10/02 
5 Data for Los Medanos is recorded from 08/23/01 to 08/10/02 
6 Data for Delta is recorded from 06/17/02 to 08/10/02 
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consistent framework upon which involuntary load interruption decisions can be made 
by the ISO when planning infrastructure needs for the ISO controlled grid. 

The overarching requirement is that implementation of these standards should not result 
in lower levels of reliability to end-use customers than existed prior to restructuring. As 
such, the following is required: 

1. No single contingency (TPL002 and ISO standard [G-1] [L-1]) may result in loss of 
more than 250 MW of load. This includes consequential loss of load as well as 
load that may need to be dropped after the first contingency (during the system 
adjustment period) in order to protect for the next worst single contingency. 

This standard is intended to coordinate ISO planning standards with the WECC 
requirement that all transmission outages with at least 300 MW or more be directly 
reported to WECC. It is the ISO’s intent that no single contingency (TPL002 and 
ISO standard [G-1] [L-1]) should trigger loss of 300 MW or more of load. The 250 
MW level is chosen in order to allow for differences between the load forecast and 
actual real time load that can be higher in some instances than the forecast and to 
also allow time for transmission projects to become operational since some require 
5-6 years of planning and permitting with inherent delays. It is also ISO’s intent to 
put a cap on the footnote to the NERC TPL-002 that may allow radial and/or non-
consequential loss of load for single contingencies. 

2. All single substations of 100 MW or more should be served through a looped 
system with at least two transmission lines “closed in” during normal operation.

This standard is intended to bring consistency between the PTOs’ substation 
designs. It is not the ISO’s intention to disallow substations with load below 100 
MW from having looped connections; however it is ISO’s intention that all 
substations with peak load above 100 MW must be connected through a looped 
configuration to the grid. 

3. Existing radial loads with available back-tie(s) (drop and automatic or manual pick-
up schemes) should have their back-up tie(s) sized at a minimum of 50% of the 
yearly peak load or to accommodate the load 80% of the hours in a year (based on 
actual load shape for the area), whichever is more stringent. 

This standard is intended to insure that the system is maintained at the level that 
existed prior to restructuring. It is obvious that as load grows, existing back-ties for 
radial loads (or remaining feed after a single contingency for looped substations) 
may not be able to pick up the entire load; therefore the reliability to customers 
connected to this system may deteriorate over time. It is the ISO’s intention to 
establish a minimum level of back-up tie capability that needs to be maintained. 

4. Upgrades to the system that are not required by the standards in 1, 2 and 3 above 
may be justified by eliminating or reducing load outage exposure through a benefit 
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to cost ratio (BCR) above 1.0 and/or where there are other extenuating 
circumstances.  

It is ISO’s intention to allow the build-up of transmission projects that are proven to 
have a positive benefit to ratepayers by reducing load drop exposure.  

Information Required for BCR calculation: For each of the outages that required 
involuntary interruption of load, the following should be estimated: 

o The maximum amount of load that would need to be interrupted. 
o The duration of the interruption. 
o The annual energy that would not be served or delivered. 
o The number of interruptions per year. 
o The time of occurrence of the interruption (e.g., week day summer afternoon). 
o The number of customers that would be interrupted. 
o The composition of the load (i.e., the percent residential, commercial, industrial, 

and agricultural). 
o Value of service or performance-based ratemaking assumptions concerning the 

dollar impact of a load interruption. 

The above information will be documented in the ISO Transmission Plan for areas 
where additional transmission reinforcement is needed or justified through benefit to 
cost ratio determination.   

VII. Background behind Planning for High Density Urban Load Area 
Standard for Local Areas 

A local area is characterized by relatively small geographical size, with limited 
transmission import capability and most often with scarce resources that usually can be 
procured at somewhat higher prices than system resources.  These areas are planned 
to meet the minimum performance established in mandatory standards or other 
historically established requirements, but tend to have little additional flexibility beyond 
the planned-for requirements taking into account both local resource and transmission 
capacity.  The need for system reinforcement in a number of local areas is expected to 
climb due to projected resource retirements, with single and double contingency 
conditions playing a material role in driving the need for reinforcement.  Relying on load 
shedding on a broad basis to meet these emerging needs would run counter to 
historical and current practices, resulting in general deterioration of service levels.  One 
of the fundamental ISO Tariff requirements is to maintain service reliability at pre-ISO 
levels, and it drives the need to codify the circumstances in which load shedding is not 
an acceptable long-term solution: 

1. For local area long-term planning, the ISO does not allow non-consequential load 
dropping in high density urban load areas in lieu of expanding transmission or local 
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resource capability to mitigate NERC TPL002 and TPL003 standards and impacts 
on the 115 kV or higher voltage systems. 

This standard is intended to continue avoiding the need to drop load in high density 
urban load areas due to, among other reasons, high impacts to the community 
from hospitals and elevators to traffic lights and potential crime.  

The following is a link to the 2010 Census Urban Area Reference Maps: 

http://www.census.gov/geo/maps-data/maps/2010ua.html

This site has diagrams of the following urbanized areas which contain over one 
million persons. 

Los Angeles--Long Beach--Anaheim, CA 
San Francisco--Oakland, CA 
San Diego, CA 
Riverside--San Bernardino, CA 
San Jose, CA 

2. In the near-term planning, where allowed by NERC standards, load dropping, 
including high density urban load, may be used to bridge the gap between real-
time operations and the time when system reinforcements are built. 

This standard is intended to insure that a reliable transition exists between the time 
when problems could arise until long-term transmission upgrades are placed in 
service. 

3. In considering if load shedding, where allowed by NERC standards, is a viable 
mitigation in either the near-term, or the long-term for local areas that would not 
call upon high density urban load, case-by-case assessments need to be 
considered.  Assessments should take in consideration, but not limited to, risk 
assessment of the outage(s) that would activate the SPS including common right 
of way, common structures, history of fires, history of lightning, common 
substations, restoration time, coordination among parties required to operate 
pertinent part of the transmission system, number of resources in the area, outage 
history for resources in the area, retirement impacts, and outage data for the local 
area due to unrelated events.  

It is ISO’s intention to thoroughly evaluate the risk of outages and their 
consequences any time a load shedding SPS is proposed regardless of population 
density.  
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VIII. Interpretations of terms from NERC Reliability Standard and 
WECC Regional Criteria 

Listed below are several ISO interpretations of the terms that are used in the NERC 
standards that are not already addressed by NERC. 

Combined Cycle Power Plant Module: A combined cycle is an assembly of heat 
engines that work in tandem off the same source of heat, converting it into mechanical 
energy, which in turn usually drives electrical generators. In a combined cycle power 
plant (CCPP), or combined cycle gas turbine (CCGT) plant, one or more gas turbine 
generator(s) generates electricity and heat in the exhaust is used to make steam, which 
in turn drives a steam turbine to generate additional electricity.

Entity Responsible for the Reliability of the Interconnected System Performance: 
In the operation of the grid, the ISO has primary responsibility for reliability. In the 
planning of the grid, reliability is a joint responsibility between the PTO and the ISO 
subject to appropriate coordination and review with the relevant local, state, regional 
and federal regulatory authorities.  

Entity Required to Develop Load Models: The PTOs, in coordination with the utility 
distribution companies (UDCs) and others, develop load models. 

Entity Required to Develop Load Forecast: The California Energy Commission 
(CEC) has the main responsibility for providing load forecast. If load forecast is not 
provided by the CEC or is not detailed and/or specific enough for a certain study then 
the ISO, at its sole discretion, may use load forecasts developed by the PTOs in 
coordination with the UDCs and others. 

High Density Urban Load Area: Is an Urbanized Area, as defined by the US Census 
Bureau7 with a population over one million persons. 

Projected Customer Demands: The load level modeled in the studies can significantly 
impact the facility additions that the studies identify as necessary. For studies that 
address regional transmission facilities such as the design of major interties, a 1 in 5-
year extreme weather load level should be assumed. For studies that are addressing 
local load serving concerns, the studies should assume a 1 in 10-year extreme weather 
load level. The more stringent requirement for local areas is necessary because fewer 
options exist during actual operation to mitigate performance concerns. In addition, due 
to diversity in load, there is more certainty in a regional load forecast than in the local 
area load forecast. Having a more stringent standard for local areas will help minimize 
the potential for interruption of end-use customers. 

7 Urbanized Area (UA): A statistical geographic entity consisting of a densely settled core created from census tracts 
or blocks and contiguous qualifying territory that together have a minimum population of at least 50,000 persons. 
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Planned or Controlled Interruption: Load interruptions can be either automatic or 
through operator action as long as the specific actions that need to be taken, including 
the magnitude of load interrupted, are identified and corresponding operating 
procedures are in place when required. 

Time Allowed for Manual Readjustment: This is the amount of time required for the 
operator to take all actions necessary to prepare the system for the next contingency. 
This time should be less than 30 minutes.
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Purpose

The NERC FAC-011-2 Standard requires that the Reliability Coordinator 
have a documented methodology for use in developing SOLs (SOL 
Methodology) within its Reliability Coordinator area.  This document 
provides implementation details on how the California ISO applies the 
Peak1 Reliability SOL Methodology to the California ISO-Controlled Grid 
to meet NERC FAC-014-2 R2 in establishing SOLs for the Operations 
Horizon.  The Operations Horizon is defined as a rolling 12-month period 
starting at Real-time (now) through the last hour of the twelfth month into 
the future, including the following Sub-horizons: Seasonal, Outage 
Planning, Next-day, Same-day, and Real-time.

1. Responsibilities
ISO
System 
Operators 

Hold authority, as delegated by the executive officers of the 
ISO, to take or direct timely and appropriate Real-Time 
actions necessary to ensure reliable operation of the ISO
Controlled Grid, up to and including shedding Firm Load to 
prevent or alleviate System Operating Limit or 
Interconnection Reliability Operating Limit exceedance and 
comply with NERC and WECC Standards and follow the 
reliability criteria and guidelines in this procedure. 

ISO
Operations
Engineers

Follow the reliability criteria and guidelines in this procedure 
when performing engineering studies and establishing System 
Operating Limits (SOLs) during all Operations Horizons, 
including Seasonal, Outage Planning, Next-day, Same-day, 
and Real-time.

1 Peak Reliability is an independent corporation, separated from Western Electricity Coordinating Council – WECC, 
designated as the Reliability Coordinator of the Western Interconnection, starting from January 1st, 2014.
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2. Scope/Applicability

2.1 Background
Applicable Reliability Standards
This implementation document is based on the North American Electric 
Reliability Corporation (NERC) Reliability Standards FAC-014 R2 and is in 
accordance with the Peak Reliability Coordinator’s System Operating Limits 
(SOL) Methodology for the Operations Horizon.  

2.2 Scope/Applicability

Applicability to California ISO
This SOL implementation document is applicable to the ISO-Controlled Grid 
in establishing System Operating Limits for the Operations Horizon. 

SOLs and IROLs
All operating limits, including Facility Ratings1 and WECC Path SOLs, are 
designated SOLs to the California ISO in the Operations Horizon. A subset of 
the SOLs which, if exceeded, could cause severe impacts on neighboring 
Balancing Authorities (BAs) and/or Transmission Operators (TOPs), will be 
coordinated with the RC to be considered as Interconnection Reliability 
Operating Limits (IROLs). These severe impacts include instability, 
uncontrolled separation, and cascading outages.  

1 As specified by the associated Participating Transmission Owners facility rating methodology.
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3. Procedure Detail

3.1   Acceptable System Performance and Response

An SOL represents the value (such as MW, MVAr, Amperes, Frequency or Volts) that satisfies 
the most limiting of the prescribed operating criteria for a specified system configuration to 
ensure operation within acceptable operating criteria. These criteria include, but are not limited 
to, the following:

Thermal limits are provided to the California ISO by the Participating Transmission 
Owners (PTOs)1 and are documented in the ISO Transmission Register2 or in PTO 
Operating Procedures provided to the ISO

o In pre-contingency analysis, the California ISO utilizes continuous/normal 
ratings of the monitored elements in establishing SOLs 

o In post-contingency analysis, the California ISO utilizes short-term ratings of 
the monitored elements in establishing SOLs. If a short-term rating3 is not 
available, the California ISO will utilize the normal/continuous rating.

Transient stability limits are established as pre-contingency flow limits on paths, cut 
planes or interfaces to facilitate monitoring in both operational planning studies and 
real time operations.  Paths, cut planes or interfaces should be clearly defined and the 
metering point should be identified.
Voltage stability limits are established as pre-contingent flow limits on paths, cut 
planes or interfaces to facilitate monitoring in both operational planning studies and 
real time operations
System voltage limits are provided to the California ISO by Participating 
Transmission Owners (PTOs) as listed in Appendix 3100B.

An Interconnection Reliability Operating Limit (IROL) is a System Operating Limit (SOL) that, 
if exceeded, could lead to instability, uncontrolled separation, or cascading outages that 
adversely impact the reliability of the Bulk Electric System (BES).

In accordance to the Reliability Standards Agreement, the Participating Transmission Owners, in 
coordination with the California ISO, calculates and establishes SOLs based on the most 
restrictive of the above four criteria as determined by pre-contingency analysis, single-
contingency analysis, and credible multiple contingency analysis.

1 Normal/Continuous and short-term rating provided by PTO may reflect limitation on the protection system in the 
equipment which could be more limiting than the actual thermal capability of the transmission line/transformer.
2 The ISO Transmission Register (TR) is the official rating source for the ISO. Any modifications to existing ratings 
used for real time operations must be documented in the TR or a written PTO procedure.
3 Including an associated duration applicable to the short-term rating.
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3.1.1   Acceptable System Performance for Pre-Contingency State

In the pre-contingency state under conditions that reflect current or expected system conditions 
and system topology, all Facilities shall be within their continuous Facility Rating, thermal 
limits, pre-contingency voltage limits, transient stability limits, and voltage stability limits.

3.1.2   Acceptable System Performance and Response for Single Contingency

Following a single contingency, all Facilities shall be operating within their short term Facility 
Rating, thermal limits, post-contingency voltage limits, transient stability limits, and voltage 
stability limits.  In addition, cascading outages or uncontrolled separation shall not occur.
A single contingency is defined as any of following:

Single-line-to-ground or 3-phase fault (whichever is more severe), with normal clearing, 
on any faulted generator, line, transformer, or shunt device.
Loss of any generator, line, transformer, or shunt device without a fault.
Single pole block, with normal clearing, in a monopolar or bipolar high voltage direct 
current system.

Please note that a single contingency may impact one or more facilities due to system 
configuration or protection settings.

In determining the system’s response to a single contingency, the following shall be acceptable:

Planned or controlled interruption of electric supply to radial customers or some local 
network customers connected to or supplied by the faulted facility or by the affected area.
Interruption of other network customers, only if the system has already been adjusted, or 
is being adjusted, following at least one prior outage, or, if the real-time operating 
conditions are more adverse than anticipated in the corresponding studies (e.g., load 
greater than studied).
System reconfiguration through manual or automatic control or protection actions.  

To prepare for the next single contingency, system adjustments may be made, including but not 
limited to changes to generation, uses of the transmission system, and the transmission system 
topology, as required.

3.1.3   Acceptable System Performance and Response for Credible Multiple Contingency

As required by the RC SOL Methodology for Operations Horizon, the California ISO, as the 
TOP, must determine which Multiple Contingencies, if any, in its TOP area are credible for 
operations horizon by working with the Planning Coordinator, TOs, Generator Owners (GOs), 
and Transmission Planner (TP), and referencing the applicable NERC/WECC standards (TPL-
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003-0a, FAC-011-2, and TPL-001-WECC-RBP-2, etc.). The comprehensive list of credible 
multiple contingencies applicable to the California ISO are included in Appendix 3100B.

During the different Operations Sub-horizons (Seasonal, Outage Planning, Next-day, Same-day, 
and Real-time), the credibility of a Multiple Contingency could change. If the credibility of the 
Multiple Contingency is determined to be changing, such change shall be communicated in time 
with the RC and impacted TOPs to coordinate the required studies. 

Following any of the credible multiple contingencies, the following may not occur: voltage 
instability, cascading outages or uncontrolled separation, and all Facilities shall be within their 
applicable short-term Facility Ratings and thermal limits, post-contingency voltage limits, and 
stability limits. Due to equipment outages, topology changes and other conditions for which the 
system was not designed, when studies indicate that the requirement that all facilities shall be 
within their applicable short-term Facility Ratings, and thermal limits and post-contingency 
voltage limits may not be met in the Outage Planning, Next-day, Same-day, or Real-time Sub-
horizons, the California ISO shall coordinate with impacted TOPs and establish adequate plans, 
processes, and procedures to contain and mitigate the impacts.

In addition, the following system responses are acceptable:

Depending on system design and expected system impacts, the following may be 
necessary to maintain the overall security of the interconnected transmission systems:

o controlled interruption of electric supply to customers (load shedding)
o planned removal from service of certain generators
o curtailment of contracted firm (non-recallable reserved) electric power 

transfers

Interruption of firm transfer, load or system reconfiguration is permitted through 
manual or automatic control or protection actions, including RAS/SPS.
To prepare for the next contingency, system adjustments are permitted, including 
changes to generation, load and the transmission system topology when determining 
limits.

3.2   Study Model

The California ISO utilizes both the EMS model (which includes the WECC area’s full loop 
model) and the approved WECC Regional Entity Operating Base Cases for establishing, 
calculating and monitoring SOLs/IROLs in the operations horizon. These cases are updated
periodically to reflect expected system topology based on known and reported facility outages
and upgrades.

The California ISO’s EMS model contains detailed representations of all the California ISO 
controlled facilities, including sub-100 kV facilities, (with proper equivalence, e.g., some loads 
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fed by radial lines are lumped at the delivery bus) and the representations of the WECC area’s 
full loop model.

3.3   Reliability Criteria and Guidelines for Determining SOLs and IROLs

The following criteria and guidelines will be applied in determining SOLs and IROLs to ensure 
the acceptable system performance is maintained following single and credible multiple 
contingencies.

3.3.1    Determining Post-Contingency Steady State Limits 

Following a single contingency, the flow on all facilities must be within their short-term facility 
ratings and thermal ratings, and post-contingency voltage limits. In addition, voltage instability, 
cascading outages, or uncontrolled separation must not occur.  The thermal rating for post-
contingency operation is defined as the short-term thermal rating (if a short-term rating is not 
available, the California ISO will utilize the normal/continuous rating).
For single and multiple credible contingencies, the following post-contingency voltage deviation 
guideline should be applied to identify contingencies for potential further evaluation:

Voltage deviation threshold is 5% for a single contingency, and 10% for a credible 
multiple contingency.  

The ISO engineers will work with PTO engineers to discuss further actions, if needed, about the 
contingencies causing voltage deviation beyond the above guideline.

In addition to the above voltage deviation guideline, post-contingency steady state voltage limits
and guidelines in Appendix 3100B are applied.  

In the post-contingency steady-state assessment, system reconfiguration through manual or 
automatic control or special protection scheme actions are allowed if it has been proven that 
these adjustments can be done in timely manner and will be sufficient to prevent the system from 
equipment damage, voltage collapse, cascading outages or uncontrolled separation.  This 
includes automatic voltage regulators, automatic fast-switched shunt capacitors, and special 
protection scheme actions.

3.3.2    Determining Post-Transient and Voltage Stability Limits 

The California ISO performs post-transient and voltage stability simulations for the areas and 
paths that have been known to have potential post-transient or voltage stability issues.
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Following single or credible multiple contingencies, voltage instability, cascading outages and 
uncontrolled separation must not occur.  

The following margins should be applied when setting voltage stability limited SOLs that are in 
proximity of power flow solution divergence:

For the worst single contingency, a 5% MW margin from the last good power flow 
solution
For the worst credible multiple contingency, a 2.5% MW margin from the last good 
power flow solution

If this voltage stability SOL qualifies as an IROL, the ISO will coordinate with the RC and 
impacted TOPs.

3.3.3    Determining Transient Stability Limits 

The California ISO performs transient stability simulations for the areas and paths that have been 
known to have potential transient stability issue. Following single or credible multiple 
contingencies, transient instability, cascading outages and uncontrolled separation must not 
occur.

If transient instability, un-damped oscillation (if the transient oscillation cannot be positively 
damped within 30 seconds, it is deemed as un-damped oscillation1), cascading outages or 
uncontrolled separation is observed following a single or credible multiple contingency, a
transient stability limited SOL should be established by using the following margin from the last 
acceptable transient simulation (meaning stable, damped oscillation, and no cascading and 
uncontrolled separation).

For the worst single contingency, a 5% MW margin from the last acceptable transient 
simulation
For the worst credible multiple contingency, a 2.5% MW margin from the last acceptable 
transient simulation
The maximum margin is 200 MW

If this transient stability SOL qualifies as an IROL, the ISO will coordinate with the RC and 
impacted TOPs.

1 This stipulation is not intended to require that transient stability simulations be run out to 30 seconds all the time in 
order to ensure the system is stable and positively damped. Shorter runs are permissible as long as the system can be 
demonstrated to be stable and positively damped in the simulation. 
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If the studies show that the instability is contained in a pre-defined local area, the ISO will
coordinate with the impacted PTOs to determine if a transient stability SOL is needed, and to 
determine the SOL values and develop mitigation plans if a transient stability SOL is needed.

In addition, the following guidelines may be applied to identify contingencies for potential 
further evaluation:

Transient voltage dip should not exceed 25% at load buses (including pump load) or 
30% at non-load buses after fault clearing for a single contingency.
Transient voltage dip should not exceed 20% for more than 20 cycles at load buses 
(including pump load) for a single contingency.
Transient frequency should not fall below 59.6 Hz for more than 6 cycles at a load 
bus for a single contingency.
Transient voltage dip should not exceed 30% at any buses after fault clearing for a 
credible multiple contingency.
Transient voltage dip should not exceed 20% for more than 40 cycles at load buses 
(including pump load) for a credible multiple contingency.
Transient frequency should not fall below 59.0 Hz for more than 6 cycles at a load 
bus following a credible multiple contingency.

In the transient stability assessment, only system reconfigurations through automatic, fast-
switched shunt capacitors and special protection scheme actions are allowed.  Other automatic 
actions may be included if the Transmission Owner provides documentation of the capability of 
the device to automatically react within the transient/dynamic window.  

3.3.4    Determining SOLs Affecting Other TOPs

When an SOL is identified that would affect other and adjacent TOPs, the ISO will notify and
coordinate with the impacted TOPs to determine SOL value and develop mitigation plans, 
processes, and procedures. If there is disagreement between the ISO and the impacted TOPs on 
the value of the SOL, the most conservative value shall be used until the issue is resolved.

3.3.5    Determining SOLs That Qualify as IROLs

When studies in the Operations Horizon indicate pre- or post-contingency instances of 
instability, uncontrolled separation, or cascading, a potential IROL condition is present. Any of 
the SOLs qualifies as an IROL if

(1) The impact of instability, uncontrolled separation or cascading cannot be demonstrated to 
be contained in the pre-defined area, or
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(2) The impacted load level is equal to or greater than 1000 MW regardless of demonstrated 
containment. The load loss due to the intended RAS/SPS actions can be excluded.

Please note that the 1000 MW load impact level threshold is only an upper bound. Depending on 
the real time operating conditions, an SOL with load impact level less than 1000 MW can be 
identified and determined as an IROL by working with the RC and impacted TOPs.

When an SOL is identified as a potential IROL, the ISO will communicate the study results to
the RC and other impacted TOPs. The RC shall make the final determination whether the 
identified SOL shall be deemed an actual IROL. Once an IROL is determined, the RC shall work 
with all impacted TOPs to develop plans, processes, and procedures to prevent IROL exceedance 
and to mitigate the magnitude and duration of IROL exceedance.

3.3.6    Determining Thermally Limited IROLs 

Cascading outages potentially occurs when studies indicate that a contingency results in severe 
overloading on one or a few facilities, triggering a chain reaction of facility disconnections by 
relay actions (including UVLS and UFLS), equipment failures, or forced immediate manual 
disconnections of the facilities. When the cascading outages cannot be contained within a pre-
defined area or the load impact level exceeds 1000 MW regardless of demonstrated containment,
a thermally limited IROL shall be established to prevent cascading outages from happening. The 
California ISO employs the following general steps in identifying potential cascading outages 
and thermally limited IROLs:

(1) Run contingency analysis and flag contingencies that result in post-contingency loading 
in excess of the lower of the facility relay trip setting or 125% of the highest facility 
rating.

(2) For each flagged contingencies, disconnect both the contingent element(s) and all the 
facilities whose post-contingency loading in excess of the lower of the facility relay trip 
setting or 125% of the highest facility rating, then re-run power flow analysis.

(3) Identify whether or not there is any facility whose loading exceeds the lower of the 
facility relay trip setting or 125% of the highest facility rating.

(4) Repeat the above steps (2) and (3) until cascading outages stops within a pre-defined area 
or the power solution fails.

(5) Determine if the impacted load level exceeds 1000 MW (excluding load impacted by 
RAS/SPS).

(6) Evaluate the results to identify thermally limited SOLs that qualify as IROLs.   
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3.3.7    Criteria for Nuclear Power Interface Requirement 

With the retirement of the San Onofre Nuclear Generating Station (SONGS), there is only one
Nuclear Power Plant – Diablo Canyon Power Plant (DCPP), within the CAISO TOP area. The 
voltage requirements (both steady state and transient) for DCPP are considered as SOLs.

The specific voltage requirements for DCPP are specified under the corresponding Nuclear Plant 
Interface Requirements (NPIRs) and listed in Appendix 3100B.

3.3.8    Exception to these Criteria

Exception to the above criteria should only be allowed with permission of the owner of the 
impacted facilities.  In addition, exception should only be allowed if there is no wide-spread 
impact and does not conflict with the RC SOL Methodology for the Operations Horizon and 
applicable NERC Reliability Standards.

3.3.9    Re-assessing and Updating SOLs

Although SOLs are established based on the anticipated transmission system configuration, 
generation dispatch, and load level, the system condition may still be different than the 
anticipated conditions as time approaches to Real-time, including in Real-time. The ISO may re-
assess the anticipated system conditions and perform new studies at any time, including in Real-
time, to establish new SOLs or revise the existing SOLs if the anticipated system conditions are
significantly different with that in the previous studies. The revised SOLs can be higher or lower 
than those established in the previous studies (including seasonal studies, outage studies, or 
procedure studies), even for the same contingency and limiting element. 

3.4   SOL Documentation in ISO Operating Procedure

SOLs that are established during seasonal assessment are documented in ISO Operating 
Procedure. Each operating procedure would contain tables in the specified format as illustrated in 
Table 1 or Table 2 below.

Table 1: Operating Limits (Option 1)

SOL # Transmission Facilities

Operating Limit 
(MW) Stability, 

Thermal, or 
Voltage 
Limit

a) Contingency
b) Limiting Factors

a) Contingency Name / Flowgate Name      
b) Nomogram Name
c) Flowgate Name (for single line flow 
monitoring)Summer Winter
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Table 2: Operating Limits (Option 2)
SOL # 

Transmission Facilities 
Operating Limit

(MW)
Stability, Thermal 

or Voltage
a) Contingency
b) Limiting Factors

Contingency/
Nomogram Name

a)
b)

The column “Transmission Facilities” contains the list of facilities, flow limit, path, cut plane, or
interface that will be monitored

The column “Operating Limit” contains the System Operating Limits and indicates if the limit is 
an SOL or an IROL and the applicable season.

The Column “Stability, Thermal or Voltage” contains limit type as follows:

Stability limit can be due to transient stability or voltage stability
Thermal limit is due to thermal equipment of the facilities
Voltage limit is due to stead state voltage limit or voltage deviation criteria

The column “Contingency and Limiting Factor” contains the information on the contingent 
element and the limiting elements that are to be protected by the SOL established.

The column “Contingency/Nomogram/Flowgate Name” contains the information on how the 
potential congestion, SOLs and IROLs are being managed and respected in the ISO Security 
Constrained Economic Dispatch tool.

In addition to Table 1 and 2, each procedure contains facility rating as illustrated in Table 3 or 
Table 4.  These tables include the Facility/thermal capability of the lines and will include the 
time duration on which those ratings are derived for.
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Table 3: Ratings Tables (Option 1)

Transmission 
Facilities

Short Term 
Rating (MVA or 

Amps)

Short Term 
Rating Duration

Normal 
Rating 

(MVA or 
Amps)

Short Term 
Rating 

(MVA or Amps)

Short Term 
Rating Duration

Normal 
Rating 

(MVA or 
Amps)

Summer Winter

230/115 Transformers

60kV Lines

115kV Lines

          

230kV Lines

Table 4: Ratings Tables (Option 2)

Transmission Facility Normal 
Rating

Short Term 
Rating - 4 Hour
(MVA or Amps)

Short Term 
Rating - 1 Hour
(MVA or Amps)

Short Term 
Rating – 0.5 Hour
(MVA or Amps)

Short Term 
Rating – 0.25 Hour

(MVA or Amps)

Communication and sharing of the Operating Procedure containing SOL and IROLs will be sent 
to the Operationally Affected Parties including, but not limited to, the Participating Transmission 
Owner, Affected Neighboring BA/TOP, and the Reliability Coordinator

3.5   SOL and Constraint Management in ISO Market Application

SOLs and IROLs that are established can be modeled as transmission constraint within the ISO
Market System. This would allow the ISO Market system to economically dispatch the resources 
within ISO market while respecting SOLs that are established.  Information on modeling of 
transmission constraint within the ISO Market system can be found in the Technical Bulletin 
posted on April 1, 2012.  (http://www.caiso.com/Documents/TechnicalBulletin-Information-
Modeling_TransmissionConstraints.pdf)

3.6   Criteria and Guidelines for Mitigating SOL/IROL Exceedance

California ISO System Operators shall monitor established SOLs and IROLs in the Real-time 
and utilize the following criteria and guidelines to mitigate SOL/IROL exceedance.
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3.6.1    Mitigating SOLs in Pre-contingency State 

When an SOL is exceeded in pre-contingency state, it means that the system either is 
experiencing unacceptable pre-contingency performance or will experience unacceptable post-
contingency performance if the corresponding contingency occurs. The system must be adjusted 
as soon as practicable to mitigate the SOL exceedance by taking pre-contingency actions, which 
include, at a minimum, the following:

Commit and re-dispatch generation
Make adjustments to the uses of the transmission system (e.g., schedule 
curtailments/adjustments)
Make changes to system topology

For any transient or voltage stability SOL, which has impacts on other TOPs but is not an SOL 
that qualifies as an IROL, the ISO will coordinate with the impacted TOPs in developing plans, 
processes, and procedures to mitigate the SOL exceedance within a pre-defined time duration. If 
an agreement for the pre-defined time duration cannot be reached, a default 30-minute time 
duration will be utilized.  

3.6.2    Mitigating SOLs in Post-contingency State 

After a contingency occurs, the system may be in the following states:

(1) Post-contingency Acceptable System Performance is not met. The System Operators 
shall take immediate actions to adjust the system to meet the Post-contingency 
Acceptable System Performance.

(2) All Post-contingency Acceptable System Performance is met. However, Pre-contingency
Acceptable System Performance is not met. The System Operators shall take immediate
actions to adjust system to meet the Pre-contingency Acceptable System Performance
within applicable time duration.

(3) All Post-contingency Acceptable System Performance and Pre-contingency Acceptable
System Performance are met. However, studies indicate that the system will experience 
unacceptable post-contingency performance if another contingency is to occur. The 
system needs to be adjusted as soon as practicable to prepare for the next contingency.

3.6.3    Mitigating Thermal Limited SOLs 

While there are stability or voltage limited SOLs within the ISO system, the majority of the 
SOLs are established based on thermal limitations1. Since no facility should be operated above 
its applicable thermal limits, an SOL may be established as a pre-contingency flow limit to 

1 Most Facilities are rated based on thermal limitations; however some facilities may be rated based on relay 
settings.  In these cases the same philosophy that is applied to thermal ratings applies.
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ensure that following a contingency, all facilities remain within their applicable Facility Ratings. 
For these flow limits, System Operators must be aware what facilities are being protected under 
their applicable facility ratings, so that if the contingency occurs, they can take appropriate 
actions.

Facility ratings are generally defined as normal or short-term with the distinction being that 
normal ratings may be used continuously whereas use of short-term ratings is time limited.  In 
addition, there may be multiple short-term ratings with different time limits applicable for their 
use.  In all cases, ratings must have a time duration (whether continuous or other) specified for 
that rating.

When a pre-contingency flow limit is established, it is important to understand that if the actual 
pre-contingency flow is at or near the flow limit, three scenarios exist for post-contingency flow
(as illustrated in 3100A, WECC Examples on Acceptable Thermal Performance):

1. Post-contingency facility loading may be within normal ratings1 in which case no further 
action is necessary.  

2. Post-contingency facility loading may be above normal ratings, but within a defined 
short-term rating. In that case the System Operator must take whatever action is 
necessary to return facility loading to an applicable continuous rating within the time 
frame allowed by the short-term rating. For example, consider a line with the following 
ratings:

Description Limit Duration
Normal 800 MVA Continuous
Short-term 4-hour 900 MVA 4 hour
Short-term 15-min 950 MVA 15 min

And assume that the post-contingency loading of the line is 910 MVA.  In this case the 
line loading is within its 15 minute short-term rating and the System Operator has 15
minutes to return line loading to an appropriate lower level.  In most cases this will be to 
the 800 MVA normal rating; however, each Participating Transmission Owner defines 
short-term ratings based on its facility rating methodology and the conditions under 
which they may be applied.  It is possible, for example, for the 15 minute rating to be 
based on returning the line loading to be within the 4 hour rating in 15 minutes and to be
within the normal rating in an additional 4 hours.

For PG&E facilities, the facility rating methodology is to return the facility loading below 
the normal rating within the associated short-term rating duration. In the absence of 
specific instructions to the contrary as provided by PG&E, it is assumed that following a 

1 Meaning a rating with no time limit specified for its use, i.e. a rating that can be used continuously.
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contingency which loads some facility above its normal rating, but within a defined short-
term rating, the facility loading must be returned below its normal rating within the time 
duration specified for the short-term rating in use1.

However, for facilities in SCE, SDG&E, and VEA, the facility rating methodology is to 
return the facility loading below the next available lower short-term rating within the 
associated time duration, then to return the facility loading below the normal rating 
within additional time duration associated with the lower short-term rating. In the 
absence of specific instructions to the contrary as provided by SCE, SDG&E, or VEA, it 
is assumed that following a contingency which loads some facility above its normal 
rating, but within a defined short-term rating, the facility loading can be returned below 
the next available lower short-term rating within the associated time duration and then be 
returned below the normal rating within the additional time duration as specified for the
lower short-term rating in use2.

3. Post-contingency facility loading may be above all defined ratings.  If pre-contingency 
loading was within the defined pre-contingency SOL, this should not be the case; 
however, if at any time any facility is loaded above its highest defined short-term rating, 
the System Operator shall take immediate actions to get the facility loading within its
defined rating.

A clear distinction needs to be made between exceeding a pre-contingency flow limit and 
exceeding all defined Facility Ratings.  If a pre-contingency flow limit is being exceeded, 
actions must be taken to either reduce loading or mitigate the concern, (such as checking 
with the facility owner to determine if higher short-term ratings can be applied based on 
current conditions).  If some facility is loaded above all defined ratings for that facility, 
the System Operator must act immediately to reduce loading to within a defined rating.

If system conditions are such that the contingency is imminent and that there are no available 
resources to mitigate the flows, the System Operator should ensure that an adequate and timely 
plan exists to prevent cascading outages. The System Operator needs to ensure, if utilized, that 
any post-contingency mitigation plans respect the time necessary to take mitigating actions, 
including control actions, to return the system to a secure state as soon as possible.  If post-
contingency mitigation cannot be implemented within the required time frame and the 
contingency could cause cascading outages and wide spread impact, the System Operator should 
consider shedding load to return to the acceptable operating range.

1 The rating in use is always the rating above the last rating exceeded.
2 The rating in use is always the rating above the last rating exceeded.
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3.6.4    IROL TV 

The IROL TV is the maximum time that an IROL can be violated before the risk to the 
interconnection or other Reliability Coordinator Area(s) becomes greater than acceptable. Within 
the California ISO BA, the default IROL TV is 30 minutes. The shorter IROL TV can be 
established according to the real time operating conditions in coordination with other impacted 
TOPs based on relay/protection settings and other considerations.

In the real time operations, after an IROL is confirmed being exceeded by working with the RC
and other impacted TOPs, the System Operators must take any appropriate actions, up to and 
including load shedding pre-contingency, to bring the system below the IROL within the IROL 
TV. IROL exceedence shall be mitigated in the pre-contingency state to prevent cascading, 
voltage collapse, or instability in the post contingency state.

3.6.5    Mitigating SOL Exceedance for Major WECC Paths 

NERC Standard TOP-007-WECC-1 defines 40 major WECC transfer paths in the BES which 
are significant components for reliable delivery of power in the Western Interconnection. The 
following WECC major paths are within the ISO TOP area:

Path 15 – Midway-Los Banos
Path 24 – PG&E-SPP
Path 26 – Northern-Southern California
Path 45 – SDGE-CFE
Path 46 – West of Colorado River (WOR)
Path 61 – Lugo-Victorville 500 kV
Path 66 – California Oregon Intertie (COI)
Southern California Import Transmission (SCIT)

When the actual flow exceeds an SOL for these WECC major paths, the System Operators shall 
take immediate action to reduce the actual flow on these paths to be below the SOL within 30 
minutes.

3.7 Study Guidelines for Non-Credible Multiple Contingencies

Under certain conditions, the ISO may choose to study some non-credible multiple contingencies
as described below. Based on the study results, the ISO will coordinate with the impacted PTOs 
to determine if any actions are applicable to mitigate the impacts of the multiple contingencies.
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The following guidelines are applied for non-credible multiple contingencies.

1. Bus Section Contingencies
1.1 Under system intact condition, bus section contingency will not be studied and no 

SOLs will be established. Sometimes, bus section contingencies may be studied for 
situational awareness only.

1.2 Only when one of the bus sections in a substation is out of service and all equipments 
are rolled to another bus section, the bus section contingency will be treated as 
credible multiple contingency and the corresponding SOLs will be established, if 
needed.

2. Stuck Breaker Contingencies
2.1 Stuck breaker contingencies will not studied and no SOLs will be established. 

Sometimes, stuck breaker contingency may be studied for situational awareness only.

3. Common Tower Circuit Contingencies (230 kV and Below)
3.1 Only the common tower circuit contingencies (230 kV and below) which are known 

to cause potential reliability issues to the studied area will be studied in the 
Operations Horizon to identify potential instability, uncontrolled separation, voltage 
collapse, or cascading issues.

3.2 The ISO will coordinate with the impacted PTOs to determine if any actions are
agreed upon to mitigate the impacts of instability, uncontrolled separation, voltage 
collapse, or cascading outages.

4. Under certain conditions, such as fire threat or extreme weather threat, a non-credible 
multiple contingency may become credible in the shorter sub-horizons, the ISO will 
coordinate with the impacted PTOs and communicate such information in a timely 
manner to the RC. The ISO will coordinate with the impacted PTOs to develop SOLs and 
mitigation plans, if needed.
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4. Supporting Information

Operationally 
Affected Parties

Shared on the Internet

References Resources studied in the development of this procedure and that may have an 
effect upon some steps taken herein include but are not limited to:

NERC Standards FAC-011-2 System Operating Limit Methodology for the 
Operations Horizon

NERC Standards FAC-014-2 Establish and Communicate System 
Operating Limits

NERC Standards TPL-003-0 System Performance Following Loss of 
Two or More Bulk Electric System Elements 
(Category C)

NERC Standards TOP-007-WECC-1 Major WECC Transfer Paths in 
the Bulk Electric System

Peak Reliability Establish and Communicate System Operating Limits v. 
4.0.

Peak Reliability Reliability Coordinator System Operating Limit
Methodology for the Operations Horizon Rev 7.0 –
Effective Date 3-3-2014

Definitions Unless the context otherwise indicates, any word or expression defined in the 
Master Definitions Supplement to the ISO Tariff shall have that meaning 
when capitalized in this Operating Procedure. The following additional terms 
are capitalized in this Operating Procedure when used as defined below:

Credible Meaning plausible (i.e., believable) with a sufficiently high 
degree of likelihood of occurrence. 

Multiple 
Contingency

The simultaneous failure of multiple system facilities that are 
wither physically or electrically linked in response to a 
single initiating event or common mode failure, e.g., 
common transmission tower failure, common right-of-way 
or breaker failure.

Operations
Horizon

A rolling 12-month period starting at Real-time (now) 
through the last hour of the twelfth month into the future. 
The Operations Horizon is subdivided into sub-horizons that 
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include Seasonal, Outage Planning, Next-day, Same-day, 
and Real-time, as shown in the figure below.

Real-time

Same-day

Next-day

Outage Planning, i.e., a rolling
45-day period starting after Next-day

Seasonal

Up to 12-month

from Real-time

The system changes as Real-time approaches

Regionally
Critical
Multiple 
contingency

The contingency that is determined by the RC to have 
interconnection-wide impact (including but not limited to 
cascading, voltage collapse, and instability) and special 
circumstances which, considered together, supersede the 
determination of credibility by the TOPs. The special 
circumstances include historical performances and practices, 
system disturbances, system analysis, etc.

Single 
Contingency

The failure of any single element of facility that impacts one 
or more facilities as determined by prevailing zones of 
protection.

Transmission 
Path

Any defined grouping of BES facilities that are treated as a 
monitored power system element. Transmission Paths may 
include for example, paths internal to a TOP Area, paths 
spanning multiple TOP Areas, and paths defined by the list 
of “Major WECC Transfer Paths in the Bulk Electric 
System” referenced in NERC Reliability Standard TOP-007-
WECC-1.
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5. Periodic Review Procedure

Review Criteria This procedure shall be reviewed annually. In addition, follow instructions in 
Procedures 5510 and 5520.

Frequency Review as recommended in Procedures 5510 and 5520.

Incorporation 
of Changes

There are no specific criteria for changing this document, follow instructions 
in Procedures 5510 and 5520.
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Appendix ‘II’: Acceptable Thermal Performance Example

1. Transmission line Facility Rating/Thermal example

A sample Facility has the following set of Facility Ratings or thermal limits and 
corresponding time durations as provided by the Transmission Owner consistent with 
their Facility Rating Methodology.

2. Pre-and Post-Contingency State
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3. Pre-Contingency State (i.e., actual Real-time operations)

4. Post-Contingency State (i.e., where the system is expected to land in response to 
a Single Contingency)
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5. Pre-Contingency State (i.e., actual Real-time operations)

6. Post-Contingency State (i.e., where the system is expected to land in response to 
a Single Contingency)
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7. Pre-Contingency State (i.e., actual Real-time operations)
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a Single Contingency)
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SDG&E’S SOCRE PROJECT 1 

CHAPTER 1.  INTRODUCTION AND OVERVIEW (Witness John Jontry) 2 

San Diego Gas & Electric Company (“SDG&E”) submits the following testimony to supplement 3 

its January 15, 2015 Prepared Testimony of John Jontry, Karl Iliev, and Cory Smith, as corrected 4 

(“SDG&E January 15 Testimony”). 5 

  SDG&E’s Supplemental Opening Testimony is organized as follows: 6 

 Chapter 2: SDG&E’s supplemental testimony on the need for the Proposed Project 7 

directed to the specific issues identified in the Scoping Memo. 8 

 Chapter 3: The infeasibility of the “No Project” alternative as set forth in Energy 9 

Division’s Draft Environmental Impact Report for the South Orange County Reliability 10 

Enhancement Project (“DEIR”). 11 

 Chapter 4: The infeasibility of the DEIR’s “Alternative B1, Reconductor Laguna Niguel–12 

Talega 138-kV Line” alternative (the “Reconductoring Alternative”). 13 

 Chapter 5: The infeasibility of the DEIR’s “Alternative D, SCE 230-kV Loop In to 14 

Reduced-Footprint Substation at Landfill” alternative (the “SCE Alternative”). 15 

 Chapter 6:  The infeasibility of certain of the DEIR’s proposed mitigation measures. 16 

 Chapter 7: The estimated cost of the Proposed Project.  17 

 Chapter 8:  The Proposed Project design comports with Commission rules and 18 

regulations and other applicable standards governing safe and reliable operations. 19 

 Chapter 9:  Economic and social impacts of an outage of the Talega Substation. 20 

21 
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CHAPTER 2  THE PROPOSED PROJECT IS NEEDED TO PROVIDE RELIABLE 1 
ELECTRIC SERVICE TO SDG&E’S SOUTH ORANGE COUNTY CUSTOMERS. 2 

Section 1. Introduction (Witness John Jontry) 3 

SDG&E testified in detail regarding the need for SDG&E’s Proposed Project in 4 

SDG&E’s January 15 Testimony.  The February 23, 2015 Scoping Memo, in addition to 5 

identifying as an issue whether the benefits of the Proposed Project are needed generally, 6 

specifically identified the following need-related issues to be addressed:   7 

a.  Is there a genuine risk of uncontrolled outages for the entire South Orange County 8 
load, and if so, is the Project necessary to reduce this risk in an appreciable way or are 9 
there alternative ways to reduce this risk? 10 

b.  Is there a genuine risk of a controlled interruption of a portion of the South Orange 11 
County load, as SDG&E asserts, and if so, is the Project necessary to reduce this risk in 12 
an appreciable way or are there alternative ways to reduce this risk? 13 

c.  Is the Project necessary to comply with mandatory North America Electric Reliability 14 
Corporation (NERC), Western Electricity Coordinating Council (WECC), and California 15 
Independent System Operator (CAISO) transmission and operations standards or are 16 
there other ways to comply with the standards above? 17 

d.  What is the projected load growth over the next 10 years in the Project area? 18 

e.  Is the Project necessary to accommodate the projected load growth in the Project area 19 
over the next ten years, or are there alternative ways to accommodate this load growth? 20 

Scoping Memo at 8.  SDG&E addresses each of these issues below, seeking to limit repeating its 21 

January 15 Prepared Testimony. 22 

Section 2. The Public Safety Risk of Uncontrolled Outages For The Entire South 23 
Orange County Load (Witness John Jontry) 24 

The purpose of the South Orange County Reliability Enhancement Project (SOCRE) is to 25 

provide a second, independent bulk power source to SDG&E’s customers in South Orange 26 

County.   As currently configured, SDG&E’s 230/138 kV Talega substation is the sole source of 27 

electricity for all 300,000 residents of South Orange County, including all commercial, 28 

industrial, and other major customers.  A catastrophic loss of either the 230 kV or 138 kV service 29 
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at Talega Substation will result in loss of service to all South Orange County customers; service 1 

will not be restored until Talega substation is returned to service.  If major pieces of equipment at 2 

Talega are damaged or otherwise inoperable, service will not be restored until such equipment is 3 

either repaired or replaced.   4 

It cannot be emphasized enough that, without the SOCRE project, there will be no way to 5 

provide service to South Orange County in the event of the catastrophic loss of Talega substation 6 

– there are no alternate, temporary, or emergency sources of electricity capable of providing 7 

service to the 120,000 meters served by SDG&E in that region.  If this event were to occur, 8 

South Orange County would be without electric service; if the damage were severe or restoration 9 

efforts hindered, this loss of service could extend for multiple days, potentially for up to several 10 

weeks.  In other words, South Orange County will go dark, and stay dark, until Talega Substation 11 

is placed back into service. 12 

To say that catastrophic loss of Talega substation and an extended outage of electric 13 

service would negatively impact the physical and economic well-being of the 300,000 residents 14 

of South Orange County would be a considerable understatement.  As discussed in further detail 15 

in Chapter 9, a widespread long-term outage would negatively impact nearly every facet of life 16 

from public safety issues such as health care, police and fire response, and traffic signals, to 17 

access to telecommunications and the supply of fresh water and treatment of wastewater.  Public 18 

school, hospitals, and other community resources would be severely impacted.   Finally, 19 

widespread loss of electric service coupled with the landlocked nature of the topology of South 20 

Orange County would make any attempt at a mass evacuation of the area in the event of a major 21 

natural disaster extremely problematic. 22 
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As discussed in SDG&E’s January 15 Prepared Testimony at pp. 40-42, a forced outage 1 

at Talega Substation could occur as a result of equipment failure, fire, explosion, wildfire, 2 

seismic events, vandalism or terrorism.  In addition, as discussed in SDG&E’s January 15 3 

Testimony, Chapter 4, Section 5, there are 29 scenarios under which a forced outage during 4 

Talega Substation maintenance would directly interrupt all South Orange County customer 5 

electric service.  Because Talega’s equipment and infrastructure are aging, maintenance is 6 

necessary and will increase.  Forced outages during such maintenance would interrupt service 7 

until the equipment undergoing maintenance could be returned to service or the failed equipment 8 

could be returned to service.   9 

The SOCRE project will mitigate these risks by providing a second, independent source 10 

of electricity to South Orange County.  When the SOCRE project is complete, SDG&E will be 11 

able to provide uninterrupted electric service to all of the customer load in South Orange County 12 

even after the complete, catastrophic loss of Talega Substation.  The SOCRE project brings other 13 

reliability and operational benefits to the system as well, but from a public safety standpoint, this 14 

is the most significant benefit the project offers. 15 

 16 

Each of these issues is addressed in more detail below.   17 

A. Equipment Failure, Fire or Explosion Risk (Witness Karl Iliev) 18 

SDG&E takes measures consistent with Good Utility Practice to minimize the risk of 19 

equipment failure, fire or explosion, but risk remains.  SDG&E has experienced forced outages 20 

caused by such events.  Recent events include:  21 

 230 kV Potential Transformers violently failed at San Luis Rey (2013) and 22 
Escondido (2007) substations, each resulting in an oil fire and shrapnel that 23 
damaged surrounding insulators in these substations.  Initial restoration of 24 
damaged line positions took three days and it was months before all damage was 25 
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repaired.  Because of transmission redundancy, no customer load was lost, but the 1 
initial loss of transmission lines impacted SDG&E system power import 2 
capabilities until restoration was made.  3 
 4 

 12kV Shunt Capacitors at Montgomery (2010) and Imperial Beach (2011) 5 
substations violently failed resulting in chemical fires at both locations.  A similar 6 
failure occurred on the 12kV shunt reactor at Margarita substation in early 2014.  7 
No customer load was lost during these incidents as upstream protection isolated 8 
the devices.  Shunt capacitors and reactors make the electric system more efficient 9 
and allow finer voltage control.   These failures impacted ability to control power 10 
quality to customers fed from these stations, but did not interrupt their service. 11 

 12 
 69kV Shunt capacitor bank current limiting reactor caught fire at Los Coches 13 

substation (2007) due to insulation failure and arcing, which electrically ignited 14 
the device.  The damage was isolated to the capacitor unit, which was out of 15 
service for several weeks.  This resulting outage to the shunt capacitor resulted in 16 
loss of grid voltage optimization in the region until its repair was completed.   17 

 18 
 500/230kV single-phase autotransformer experienced a bushing failure that 19 

caused a tank rupture and subsequent transformer fire at SDG&E’s Miguel (2013) 20 
substation.  Firewalls on-site prevented the failure from damaging an adjacent 21 
transformer unit.  No customer outage resulted from this loss of equipment due to 22 
additional transformer capacity and redundant transmission lines to feed the San 23 
Diego region.  The incident did cause significant impacts to SDG&E’s power 24 
import capability for the duration of the outage.  News video from the incident 25 
can be seen at the following link: 26 
https://www.youtube.com/watch?v=UCQMKCixawI 27 

 28 
 The Palomar Energy Center generator step-up transformer (GSU) violently failed 29 

in 2010, leading to a transformer fire.  Firewalls contained the damage and 30 
prevented it from spreading to an adjacent transformer unit.  The power plant was 31 
off-line for approximately 3 months, while a replacement unit was procured and 32 
installed.  Amateur video from the event can be seen at: 33 
https://www.youtube.com/watch?v=iEHvpo9i4fU 34 

 35 
 In 2014, an oil switch used to turn on and off a 12kV capacitor at Capistrano 36 

violently failed due to mechanical wear, resulting in an oil fire.  The smoke from 37 
this fire caused a secondary arc on the 138 kV bus, resulting in a transmission 38 
outage to half of the Capistrano substation transmission lines.  Restoration of 39 
service took an hour as damage was limited to the failed device, which is non-40 
essential and could be isolated.  The device was replaced within 2 weeks.     41 

 42 
 In 2008, a 500kV Series Capacitor violently failed at Imperial Valley Substation, 43 

causing a major 500kV Transmission Line outage and triggering customer load 44 
shed in a neighboring utility.  The fire caused extensive damage to the series 45 
capacitor, which was bypassed to restore load flow on the line in roughly 3 hours.  46 
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The capacitor outage lasted several months, which caused limited generation 1 
power import capability on the SDG&E grid during that time.  2 

 3 

In general, the Commission is aware of the risk of substation fires, and initiated a 4 

rulemaking for substation inspections following a 2003 fire at PG&E’s Mission Substation.1  5 

Based on the history of catastrophic transformer failures in the last 10 years that resulted 6 

in fire inside an SDG&E substation (taking into account the given population of transformers) 7 

the failure rate per year is 0.238% per transformer per year.  Given that Talega Substation has 8 

four critical transformers on-site and extrapolating the previous statistic, the chance of one of 9 

them failing catastrophically is near 1% per year (0.95%). 10 

Because Talega Substation, constructed in the late 1970s, has had equipment added over 11 

the years to meet load growth, it has greater risk from fire or explosion than newer substations 12 

meeting SDG&E’s current standards.  As shown in Confidential Attachment 82, photographs of 13 

Talega Substation, because of space constraints within the substation footprint, the transformers 14 

are in close proximity to each other, which increases the equipment damage and outage impact if 15 

an adjacent transformer or other equipment catches fire, explodes or otherwise fails.  16 

There are four 230/138 kV transformers at Talega Substation (Bank 60 = 168 MVA; 17 

Bank 61 = 392 MVA; Bank 62 = 150 MVA; Bank 63 = 392 MVA).  So long as one of the two 18 

392 MVA transformers, plus one other transformer, is in service, Talega Substation has 19 

sufficient transformer capability to serve all of the expected South Orange County load through 20 

2030.  However, loss of more than two transformers will result in a loss of electric service to 21 

some or all of SDG&E’s customers in South Orange County.   22 

                                                            
1 See Order Instituting Rulemaking to Implement Commission Regulations Relating to the Safety of 
Electric Utility Substations, R.10-09-001. 
2 SDG&E is seeking confidential treatment for photographs that identify specific structures inside Talega 
Substation. 
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Currently, Banks 61 and 62 are immediately adjacent to the control shelter without 1 

enough separation to install a fire wall.  If one of these transformers catches on fire, it will create 2 

difficulty in entering the control shelter to perform operations necessary to de-energize the 3 

equipment to allow workers to safely extinguish the fire.  It could also cause direct damage to the 4 

control shelter and the control/protection equipment housed within, which would further and 5 

significantly hinder any power restoration as installation of this critical equipment is labor 6 

intense, and therefore would take a long time to replace. 7 

Additionally, a fire on Bank 61 may spread to Bank 60 and/or Bank 62 because space and 8 

access constraints prevent construction of a firewall or a 50 foot intervening distance.  The 9 

control shelter is not tall enough to act as a firewall.  Likewise, a fire on Bank 62 may spread to 10 

Bank 63 and/or Bank 61 because space and access constraints prevent construction of a firewall 11 

or a 50 foot intervening distance as well.  This would result in more collateral damage than the 12 

initial failure of Bank 62. 13 

Moreover, the outage risk is not solely from the threat of transformer outages.  A 14 

maintenance outage of one 138 kV or 230 kV bus at Talega, followed by loss of the remaining 15 

bus, will result in loss of all South Orange County load.  Certain overlapping outages of multiple 16 

138 kV or 230 kV transmission lines (N-1-1 or N-2) will also result in at least a partial loss of 17 

customer load.  A physical attack that causes failure of mechanical structures and supports inside 18 

the substation or the surrounding transmission lines would also cause long-term significant 19 

outages.   20 

Other types of equipment failures, such as relays, instrument transformers, insulators, and 21 

circuit breakers would also cause outages.  Direct explosion of these devices could damage 22 

surrounding equipment including the transformers, insulators, structures, and any burning 23 
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resulting from a failure could cause arcing on surrounding infrastructure.  These types of 1 

equipment usually have shorter duration outages than power transformers because replacement 2 

parts and units are easier to procure and install. 3 

In general, Good Utility Practice calls for reducing system vulnerabilities using accepted 4 

industry practices.  While some system vulnerabilities seem small, a single point of failure can 5 

cause widespread outage on the electric system, the risk typically is larger than anticipated.  In 6 

addition to the risks discussed above, the potential for adverse events is higher than anticipated 7 

due to the potential for human error.  Safe work practices and careful system design can help 8 

mitigate this threat, but will not provide the security provided by removing the vulnerability.   9 

For example, as noted in SDG&E’s January 15 Testimony at p. 41, on July 18, 2013, an 10 

insulation failure on a 69 kV transmission line caused a fault which spread to an adjacent 138 kV 11 

transmission line which is connected to the Talega Substation 138 kV bus.  The protection 12 

system operated and removed the Talega Substation 138 kV east and west buses from the 13 

CAISO controlled grid.  All South Orange County customer load was interrupted for three hours 14 

while the system was restored.  This event was caused by a system fault coupled with 15 

intermittent protection communication, coupled with the single 230kV source to the Southern 16 

Orange County load center, and also coupled with a control and protection design vulnerability 17 

at Talega Substation.   18 

A seemingly improbable event resulted in a complete loss of load to SDG&E’s South 19 

Orange County customers because the Talega-supplied 138kV system was and is the sole source 20 

to SDG&E’s Southern Orange County system.  A second 230kV source into the South Orange 21 

County system would have prevented this 3 hour outage.  Fortunately, the event occurred in the 22 

middle of the night and did minimal damage and thus had minimal impact.  Although this event 23 
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represents a “best case” scenario, where a system vulnerability could be corrected with minimal 1 

system impact due to the small duration and timeframe, it serves as an important lesson to point 2 

out the vulnerability of the configuration of Southern Orange County.  A similar but longer 3 

event, occurring during business hours, would be a much more significant impact to the 4 

communities within Southern Orange County.   5 

Another example of a system vulnerability is the Southwest Power Outage of 2011.  This 6 

event was the result of a technician error in a neighboring utility that accidentally caused 7 

isolation of a 500kV transmission line.  The outage of that line cascaded through the San 8 

Diego/Imperial Valley/Baja California grid due to generation and protection vulnerabilities 9 

identified in the FERC incident investigation report.  This resulted in a 14 hour outage to most of 10 

SDG&E’s load.  This illustrates how a system vulnerability can be exposed by human error, 11 

leaving a higher probability of damaging impacts to the electric power system and the customers 12 

served by this system.   13 

These examples serve as a warning that careful system planning, along with early 14 

identification and mitigation of potential system vulnerabilities, are appropriate to avoid both 15 

high probability-medium impact events and high impact-lower probability events, because both 16 

may create significant risk and cost to SDG&E’s customer base.  Having Talega Substation serve 17 

as the only 230kV source for SDG&E’s South Orange County system poses a risk that only a 18 

second 230kV source to the system can mitigate.  The Proposed Project provides such a second 19 

source at the rebuilt Capistrano Substation. 20 

B. Wildfire Risk (Witness Hal Mortier) 21 

Talega Substation is located on the Camp Pendleton Marine Corps base.  As recognized 22 

in the DEIR: “The California Department of Forestry and Fire Protection (CAL FIRE) is the 23 
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state agency responsible for fire protection in State Responsibility Areas (SRAs) of California 1 

and also identifies and maps fire risks in SRA’s, Federal Responsibility Areas (FRAs), and Local 2 

Responsibility Areas (LRAs).  CAL FIRE designates areas as having very high, high, or 3 

moderate fire hazards. Fire Hazard Severity Zone designations are based on fuels, terrain, fire 4 

history, and weather of the area (CAL FIRE 2009).”3  Talega Substation is located within a zone 5 

identified by CAL FIRE as having a “very high” fire hazard risk.4 6 

The CAL FIRE rankings aggregate a number of risk components including the condition 7 

of available fuel, fire return interval, and relative slope.  A close look at the surrounding 8 

vegetation as it exists today validates these rankings as still very accurate today.  Fire occurrence 9 

in the area is very high due primarily to the fire activity associated with Camp Pendleton Marine 10 

Base.  Camp Pendleton keeps very little records on fire occurrence on the base, but fire return 11 

intervals are frequent with many fires occurring in each decade in much of their wildland area.  12 

This is evidenced by visible fuel type conversion from moderate chaparral to a mix of grasses 13 

and light brush which present a much flashier fuel component.   14 

CALFIRE fire occurrence records reveal about 10 fires (9.6 to be exact) a decade within 15 

a 10 mile radius around Talega Substation over the last 50+ years.  This only includes fires large 16 

enough to be mapped and recorded, generally 10 acres or larger.  This again would not include 17 

all of the Camp Pendleton fires that did not have CALFIRE/Orange County Fire Authority 18 

involvement.  Fire professionals and fire ecologists alike agree that even 3 fires per decade is a 19 

much too frequent return interval for fire occurrence in chaparral species.  So the 10 per decade 20 

fires reported in CALFIRE records, combined with an equal number or more on the base, easily 21 

represent a very high fire occurrence for this area. 22 

                                                            
3 DEIR at 4.8-5. 
4 DEIR at Figure 4.8-1. 
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Recent fires on Camp Pendleton near Talega Substation include:5  1 

 Basilone Complex Fire, May 17, 2014 (21,420 acres) near Basilone Road was the 2 
combination of three fires;  3 
 4 
o Pulgas Fire: May 15, 2014, near Las Pulgas. 5 
o San Mateo Fire: May 16, 2014, near Talega. 6 
o Tomahawk Fire: May 13, 2014, near Naval Weapons Station Fallbrook.  7 
 8 

 Ammo Fire, October 23, 2007 (21,004 acres). 9 
 10 

Basically, Talega Substation and the transmission lines to and from it lie in the western 11 

edge of the SDG&E Fire Threat Zone.  As a result, these components of SDG&E’s system are at 12 

risk to wildfire and the consequences thereof.  The potential consequences include: 13 

 Heavy smoke from wildfires can be dense enough to cause phase to phase and/or 14 
phase to ground arcing, which can take the lines and/or substation completely out 15 
of service.  For example, smoke took a 500 kV line out of service during the 16 
Harris Fire in October 2007, and a 69 kV line out of service during the Old Fire  17 
in June 2012.  In the May 2014 wild fires this phenomenon was caught by local 18 
Channel 10 news at a fire in San Marcos. (see video “230kV Flashover San 19 
Marcos Fire 5-15-2014” https://www.youtube.com/watch?v=Te_1WTXi2YE) 20 
 21 

 All but one of the transmission structures supporting the 138 kV lines leaving 22 
Talega Substation to serve SDG&E substations in South Orange County are made 23 
of wood. Where wooden structures still exist, they are at risk to catch fire, burn 24 
down, and potentially cause system failure.  Examples of transmission structure 25 
failures include the 2003 and 2007 San Diego County Wildfires. In the 2007 fires, 26 
which started on October 21st, approximately 1,880 wood poles were replaced 27 
with service restorations to all customers being completed by November 12th.6  In 28 
May of 2014, approximately a dozen wildfires burned across the county and 29 
approximately 135 pole wood poles had to be replaced. As seen from the 2007 30 
fires, the restoration efforts could take days or weeks depending on the severity of 31 
the fire damage, access restrictions by fire agencies due to safety and/or fire 32 
investigation, and material availability and construction resources.  33 

 34 
 Much of the electric system in this area parallels high valued structures and other 35 

assets at the immediate edge of the wildland community.  During a fire, fire 36 
personnel may be more apt to request shut-down of the system for firefighter 37 
safety due to proximity of at risk values.  Both the Cocos Fire and Poinsettia Fire 38 

                                                            
5 http://cdfdata.fire.ca.gov/incidents/incidents_current.   
6 http://www.sdge.com/newsroom/press-releases/2007-11-13/sdge-completes-service-restoration-all-fire-
impacted-customers  
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in May of 2015 had formal firefighter request for de-energization (138 kV and 1 
230 kV) and SDG&E complied.  This is a very frequent occurrence. 2 

 3 
 Air tactical firefighting operations can put the system at risk as well.  Fire 4 

retardant can cause problems to the electric system during firefighting operations.  5 
For example, airtanker drops took a 500 kV line out of service during the 6 
Jacumba Fire in June 2011. 7 

 8 

SDG&E’s Proposed Project will bring a second 230 kV source into South Orange County 9 

at a rebuilt Capistrano Substation.  This system redundancy will increase the electric reliability 10 

for Southern Orange County by reducing the likelihood and magnitude of effect from wildfire 11 

and/or adverse weather conditions, such as high speed winds from Santa Ana Wind conditions or 12 

severe wind weather storms. The new 230kV source will be designed to a higher wind pressure 13 

than what is dictated in General Order 95, Rule 43.2 (18 psf versus 8 psf) and will be on self 14 

supporting steel poles that do not require guys and anchors.  Because the new structures will be 15 

of man-made steel, the variability of strength will be much less than that of a naturally grown 16 

wood structure and thus yield a lower probability of failure. 17 

A recent gathering at Talega Substation was attended by SDG&E, Orange County 18 

Sheriff, Orange County Fire Authority, Camp Pendleton F.D., FBI, DHS, and Camp Pendleton 19 

Military Police to discuss the unique nature and specific vulnerabilities of the Southern Orange 20 

County electric system, and how loss of the Talega substation would have extremely disruptive 21 

effects on the general public in Southern Orange County.  Discussions took place regarding 22 

wildfire, terrorism, vandalism, and other outside influences that could potentially affect all of 23 

Southern Orange County.  The fire and law enforcement agencies in attendance strongly support 24 

and encourage all efforts to improve system reliability in this area as currently it poses a 25 

vulnerability with which they are not comfortable. 26 
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C. Seismic Risk (Witness Karl Iliev) 1 

South Orange County, like most of Southern California, is considered to have a 2 

significant seismic risk, at least from strong seismic shaking.7  As recognized in the DEIR:  3 

The proposed project would be located in a seismically active region and would likely 4 
experience moderate to severe ground shaking if a large magnitude earthquake occurs on 5 
one of the region’s active faults during the lifespan of the proposed project.  Seismic 6 
hazards in a region are estimated using statistics of earthquake occurrence to estimate the 7 
level of potential ground motion.  A common parameter used for estimating ground 8 
motion at a particular location is the peak ground acceleration (PGA).  PGA is a measure 9 
of earthquake intensity; it is a measure of how hard the earth shakes at a given geographic 10 
location during the course of an earthquake (USGS 2007).  The higher the PGA value, 11 
the more intense the ground shaking. 12 

The U.S. Geological Survey (USGS) National Seismic Hazards Mapping Program 13 
performed a probabilistic seismic hazard assessment for the continental United States.  14 
Using an interactive web mapping tool, PGA values were assessed for a location near the 15 
center of the project site in Transmission Line Segment 3.  Based on the interactive map, 16 
there is a 10 percent chance in 50 years (a recurrence interval of 475-years) that areas 17 
within and in the vicinity of the proposed project area would experience ground shaking 18 
with a PGA exceeding 0.25g (very strong perceived shaking and moderate property 19 
damage).  There is a 2 percent chance in 50 years (a recurrence interval of 2,475 years) 20 
that areas within and in the vicinity of the proposed project area would experience ground 21 
shaking with a PGA exceeding 0.46g (severe perceived shaking and moderate to heavy 22 
property damage).8 23 

SDG&E asked URS to calculate the PGA values for Talega Substation, which are set forth in 24 

Table 4-7 below: 25 

26 

                                                            
7  See SDG&E’s Proponent’s Environmental Assessment § 4.6.3.4. 
8  DEIR at 4.6-6 (footnotes omitted). 
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Table 4-7 1 

Estimated Ground Motions at Talega Substation (33.4533, -117.5714) 

Annual Frequency of 
Exceedance 

Ground Motion Source 

10% in 50 years 0.315g USGS Uniform Hazard 
Values 

2% in 50 years 0.517g USGS Uniform Hazard 
Values 

Risk-Targeted MCE PGAM 0.467g ASCE 7-10 

URS calculated the PGA values using the USGS Seismic Design Maps (Site Class D, 2 

which represents the presence of stiff soil at the site) and the ASCE 7-109 risk-targeted peak 3 

ground acceleration adjusted for site class effects (PGAM) values.  The values from the DEIR are 4 

lower than those estimated by URS from USGS Seismic Design Maps.  URS suspects this 5 

difference is probably due to the DEIR using the USGS National Hazard Mapping Program 6 

(USGS 2008, Java Program), which calculates ground motions only for Site Class B.  Site Class 7 

B is only appropriate for sites where the average shear wave velocity in the upper 100 feet of the 8 

site is between 2,500 and 5,000 feet per second (a “rock” site).   Either predicted PGA will 9 

produce “severe” perceived shaking with “moderate/heavy” potential damage based on a USGS 10 

scale. 11 

The ASCE 7-10 ground motions are slightly lower than the 2% in 50 yr year hazard level 12 

ground motion from the USGS Seismic Design Maps.  This is because the ASCE 7-10 ground 13 

motions (design values) are geometric mean, risk-targeted values and are not derived from a 14 

                                                            
9 American Society of Civil Engineers, Standards: Minimum Design Loads for Buildings and Other 
Structures (ASCE/SEI 7-10). 
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uniform-hazard spectra.  These design values are the lesser of the probabilistic and deterministic 1 

values. 2 

Seismic shaking can damage equipment at substations.  For example, a 7.2 Mw on the 3 

Moment Magnitude Scale earthquake that struck near Mexicali caused damage to transformers at 4 

SDG&E’s Imperial Valley Substation in 2010.  Earthquake ground movement, with an estimated 5 

PGA of 0.29 to 0.35 g, caused oil to move inside the transformers, which caused a pressure 6 

increase, setting off pressure relaying systems designed to detect an internal faults in the units.  7 

Normal protocol requires physical inspection and electronic testing of the transformer to ensure 8 

that no permanent damage is present.  Upon physical inspection, crews noticed that bushing 9 

gaskets had been damaged from the ground motion and were protruding outside of the bushing 10 

wells, breaking the oil to air seals on the bushing tank, and requiring repairs prior to re-11 

energizing the transformers.  Between procurement of custom replacement bushing, which were 12 

luckily available, around the clock shipping from utilities across the United States, removal and 13 

installation time, re-sealing and processing of exposed oil, and final electrical testing, it was 14 

roughly a month before all transformer repairs could be made.   15 

In the 2010 Imperial Valley event, system capacity and redundancy avoided losing 16 

customer service during the transmission equipment outage.  A seismic event at Talega 17 

Substation that damages all of the transformers on-site would create an outage to near all 18 

customer load in the Southern Orange County area for the duration of the transformer inspection 19 

and repairs.  An event which damages two or more transformers could lead to long duration 20 

outages for a significant portion of SDG&E’s South Orange County customers.  21 

The Talega Substation was designed and constructed in the early 1980’s and similar to 22 

the Capistrano Substation, this was before the establishment of the primary industry standards 23 
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that SDG&E uses, which include the IEEE 693 Recommended Practice for Seismic Design of 1 

Substations, ASCE 96 Guide to Improved Earthquake Performance of Electric Power Systems 2 

and ASCE 113 Substation Structure Design Guide.  Similar to the Capistrano Substation, the 3 

majority of the existing structures, foundations, and equipment do not conform to the current 4 

recommended practices for seismic design of substations as provided in the latest IEEE 693 and 5 

ASCE 113 and the existing electrical equipment has not been seismically qualified as provided in 6 

IEEE 693.  7 

The primary seismic hazard at the Talega Substation will be from the Rose Canyon-8 

Newport Inglewood fault zone located about 7 miles west-southwest (offshore).  Seismic 9 

induced damage within the substation potentially would include:  10 

 Some damage to the 230kV power transformers, primarily to the 230 kV surge 11 
arrestors and the 230 kV bushings. 12 
 13 

 Swinging motions of the 230 kV line drops, especially those with hanging 14 
CCVTs, could potentially damage adjacent disconnect switches. 15 

 16 

There is also concern about earthquake triggered landslides occurring in the vicinity of 17 

the Talega Substation.  Regional and local hazard mapping efforts have identified numerous 18 

landslides and possible landslides in the vicinity of the Talega Substation with several extensive 19 

ancient landslides shown in the general area.  A landslide occurred within and adjacent to the 20 

substation in July 1997.10  This landslide was located within the cut slopes on the southwestern 21 

portion of the substation.  The landslide was determined to be a reactivation of an existing 22 

ancient landslide.   23 

Access to the Talega Substation is limited to a single access road from E Avenida Pico.  24 

This access road is on top of a flood water retention basin fill embankment.  Any failures of this 25 

                                                            
10 See Confidential Attachment 8. 
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1 
 2 

E. Potential Outage Duration (Witness Karl Iliev) 3 

The duration of any forced outage at Talega Substation would depend upon the nature 4 

and extent of damage.  Certain outages might be resolved within a few hours; other possible 5 

outages could last weeks or several months.   6 

The longest total outage would be caused by transformer damage to all four 230/138 kV 7 

transformers at Talega.  Damage to three of the four Talega transformers would cause a lengthy 8 

partial outage to SDG&E’s customers. The normal time to install a transmission transformer is 9 

approximately 60 days or more depending on the complexity of the design and the size of the 10 

transformer.  In the event that all four transformers were catastrophically damaged, full electric 11 

service to South Orange County would be lost until replacement of at least two the transformers 12 

could be made.  SDG&E would work around the clock to install two new transformers, but it 13 

likely would take at least three to four weeks to do so.   14 

Catastrophic events that damage transformers beyond repair usually include an electric 15 

arc that creates and ignites combustible gasses inside the transformer oil.  This results in an 16 

explosion and oil fire that may spread up to a radius of 50 feet.  Transformer oil fires may get so 17 

hot that they cannot be easily extinguished.  In the event of the Palomar Energy GSU transformer 18 

fire, the transformer burned oil for 48 hours before it cooled enough to be extinguished by fire-19 

fighting crews.  In some cases, depending upon the scope of the fire and prevailing wind, it may 20 

be necessary to de-energize other equipment at the substation until the fire is contained or out.  21 

Resulting damage, burn time, and forensic analysis, may hamper removal of the transformer 22 

from the site for up to a week.   23 
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In a parallel fashion, when a transformer fails, Substation Engineering & Design begins 1 

work to assess if the system spare transformer will fit on the existing pad (if undamaged—a 2 

damaged pad would cause further delays) and within the space vacated by the failed unit.  3 

Design work must also be completed to structurally anchor the transformer, look at electrically 4 

connecting it given new dimensions, look at the pad integrity and size for any modifications 5 

necessary, look at existing conduit for control and auxiliary power connections, and perform 6 

electrical design.  Crews begin disassembling the spare for transport.  This process includes 7 

pumping down the oil level and replacing it with dry pressurized nitrogen to make it lighter.  8 

Also, radiators and other accessories are removed to ready the transformer for transport.  A 9 

heavy hauler transportation company is called-in to relocate the transformer to the new location.  10 

This process may take up to 2 weeks.   11 

Once design is completed, modifications to the existing foundation and conduit must be 12 

made before the transformer is placed.  Setup of the transformer then proceeds, including re-13 

installation of the radiators and/or bushings (if necessary), vacuum processing of the transformer 14 

tank to remove moisture (to maintain electrical integrity of the transformer and prevent 15 

degradation of the paper insulation), filling the tank with hot oil and circulating it using an oil 16 

processing rig to remove moisture from the oil, and finally electrical testing to ensure the 17 

transformer is ready for service.  SDG&E likely would need to retain outside transformer 18 

technicians to assist in this work.  This process may take another 2 weeks or more.   19 

SDG&E keeps two spare transmission 230/138 kV class transformers to provide 20 

emergency replacement if a failure of this classification were to occur.  It is possible that 21 

SDG&E could have only one spare transformer at the time of a Talega Substation event as these 22 

transformers are installed when an opportunity arises to ensure that the spare transformers are 23 
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energized before their 5-year warranty expires.  This practice ensures a higher level of reliability 1 

and manufacturer support for the SDG&E spare fleet.  An example of not having one of these 2 

spares available is shown as SDG&E is installing one of its spare transformers in June 2015 and 3 

will receive its replacement spare in early 2016 due to long lead times for a transformer purchase 4 

and manufacturing.  The typical manufacturing time for a transformer of this size is 45 weeks.   5 

If SDG&E lost all four of the Talega transformers with only one spare available, it would 6 

need to procure another transformer to meet the Southern Orange County loading requirements.  7 

If the cause of the damage was a terrorist attack, it would seek a federal emergency declaration.  8 

Such a declaration would allow SDG&E to utilize the Edison Electric Institute (EEI) program 9 

spares (a program under which SDG&E and other utilities pool nationwide spares).  With or 10 

without such a declaration, SDG&E would ask other utility members to sell or lend SDG&E a 11 

spare or two.  If the EEI protocols are not put in place, SDG&E would be at the mercy of the 12 

market availability for a transformer, which (if none are suitable for SDG&E use) would subject 13 

it to the 45 week manufacturer timeframe.  If SDG&E were able to find a spare meeting its 14 

specifications, the outage under that scenario might be limited to around 6-8 weeks.  The extra 15 

time beyond a normal spare installation would be used for communication with other utilities, 16 

engineering review of the sufficiency of the available transformer, and transport of the 17 

transformer to SDG&E’s facility from the location in North America where it resides. 18 

The next most critical outage would be a complete loss of the control and protection 19 

system located inside the control shelter.  As previously mentioned, this could be caused by a 20 

catastrophic loss of Bank 61 or Bank 62, which are in close proximity to the shelter and do not 21 

have firewalls installed between the shelter and the transformers.  Typical installation time for a 22 

control shelter the size of that needed at Talega would be 4 months.  Under an emergency 23 
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situation, creation of a temporary shelter to perform minimal control and protection could be 1 

accomplished within 3-5 weeks. 2 

There are other examples of shorter, but still significant outage risks at the Talega site.  A 3 

common failure is a potential transformer or circuit breaker bushing failure.  If this failure is 4 

catastrophic, the failure usually causes an explosion, resulting in shrapnel being expelled by the 5 

fragmenting of the porcelain bushing.  This shrapnel can damage insulation on-site and injure 6 

any workers in proximity (100 feet or less) of the device failure.  The shrapnel damage or 7 

resulting equipment fire could result in outages of multiple transmission lines or transformers.  8 

Repairs could take 1 to 3 days if damage is limited to insulation.  It may take much more time, 9 

depending on the location of the damage and the severity of the damage to other equipment 10 

within the substation.  The time to replace a damaged transformer is discussed above. 11 

Other outages may be less than a day.  When infrastructure is taken out for maintenance, 12 

this further increases the probability of a concurrent event causing a forced customer outage at 13 

Talega.  A maintenance outage on Bank 61 or one of the 138/230 kV busses, coupled with the 14 

resulting failure of Bank 63 or the other bus would result in an outage to the Southern Orange 15 

County system.  The other bank or bus outage may be caused by multiple types of failures 16 

including a stuck breaker during a fault, a failure of any infrastructure on the Bank or bus 17 

position, or human error as crews are working in close proximity to energized equipment.  18 

Restoration for this type of event would be determined by restoration time (or “recall” time) of 19 

the maintenance outage, and would likely range from 1-4 hours, depending on how much 20 

disassembly has occurred of the infrastructure that maintenance is being performed on. 21 
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Section 3. The Risk Of A Controlled Interruption of a Portion Of The South 1 
Orange County Load (Witness Cory Smith) 2 

A “controlled outage,” also known as load shed, is the deliberate interruption of service 3 

to customers by operating personnel to prevent damage to equipment, prevent violation of 4 

NERC/WECC/CAISO requirements or prevent a violation of a regulatory requirement (e.g., 5 

CPUC G.O. 95).  As noted in SDG&E’s January 15 Testimony, Chapter 4, Sections 5-8, 6 

SDG&E has identified failures in South Orange County that would require customer load to be 7 

shed, some as early as 2016: 8 

 22 Category C events that would result in system elements exceeding Applicable 9 
Ratings and thus violate NERC TPL reliability standards, thus requiring SDG&E 10 
to take pre-contingency action to interrupt customer service after a single outage. 11 
(pages 50-59) 12 
 13 

 19 Category C events that would require SDG&E to interrupt customer service to 14 
stay within Applicable Ratings and thus comply with NERC TPL-003-0b. (pages 15 
59-70) 16 

 17 
 28 scenarios under which a forced outage during Talega Substation maintenance 18 

would require SDG&E to interrupt customer electric service to stay within 19 
Applicable Ratings. (Table 4-3 on page 44) 20 
 21 

 80 scenarios under which a forced outage during maintenance at a substation 22 
would directly interrupt electric service to over half of South Orange County 23 
customers (this would be an uncontrolled loss of service). (tables 4-4, 4-5 and 4-6 24 
on pages 71-72)   25 

 26 
Under the Federal Power Act, Section 215, the FERC-adopted NERC standards are 27 

mandatory for SDG&E.  There is no provision in the NERC transmission planning standards to 28 

consider the “risk” of an event.  NERC transmission planning criteria requires SDG&E to 29 

develop plans for the future not based on the mathematical probability of an event (risk), but 30 

based on the results of required simulations.  Requirement R1 of TPL-003-0a states; 31 

“The Planning Authority and Transmission Planner shall each demonstrate through a 32 
valid assessment that its portion of the interconnected transmission system is planned 33 
such that the Network can be operated to supply projected customer demands and 34 
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projected Firm (non-recallable reserved) Transmission Services, at all demand levels over 1 
the range of forecasted system demands, under the contingency conditions as defined in 2 
Category C of Table I. The controlled interruption of customer Demand, the planned 3 
removal of generators, or the Curtailment of firm (non-recallable reserved) power 4 
transfers may be necessary to meet this standard.” 5 

The “contingency conditions” for Category C (and Categories A and B) in Table I 6 

include the system remaining within Applicable Ratings.   7 

CAISO is the registered Planning Authority and SDG&E is the registered Transmission 8 

Planner for South Orange County.  As required, both CAISO and SDG&E simulated the 9 

response of South Orange County’s 138 kV transmission system to Category C contingencies 10 

and found overloads.  Requirement R2 of NERC standard TPL-003-0b requires the CAISO and 11 

SDG&E to create a Corrective Action Plan to remove the overloads.  The standard allows the use 12 

of planned and controlled load shedding as a Corrective Action Plan to remove overloads 13 

following a Category C contingency (but not following the first outage of a Category C3 14 

contingency, as discussed below).  Throughout, all equipment ratings must be respected.  When 15 

simulations show that an equipment rating will be exceeded, the Corrective Action Plan must 16 

prevent such a result. 17 

SDG&E also is required to comply with CAISO Planning Standards.  In addition to 18 

limiting the use of Special Protection Systems (“SPS”), CAISO has adopted Planning Standards 19 

for its control area that require transmission planning “to eliminate load dropping otherwise 20 

permitted by WECC and NERC planning standards through transmission infrastructure 21 

improvements.”68  In Planning Standard 5, “Planning for New Transmission versus Involuntary 22 

Load Interruption Standard,” CAISO identifies three specific circumstances where new 23 

transmission is required over load shedding, and includes a fourth where “Upgrades to the 24 

                                                            
68 Attachment 13 (CAISO Planning Standards, effective April 1, 2015, at 6). 
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system that are not required by the standards in 1, 2 and 3 above may be justified by eliminating 1 

or reducing load outage exposure, through a benefit to cost ratio (BCR) above 1.0 and/or where 2 

there are other extenuating circumstances.”69  This standard was in place when CAISO approved 3 

SDG&E’s Proposed Project. 4 

Since CAISO’s approval of the Proposed Project, CAISO has adopted Planning Standard 5 

6, “Planning for High Density Urban Load Area Standard.”  CAISO notes: “Increased reliance 6 

on load shedding to meet these needs would run counter to historical and current practices, 7 

resulting in general deterioration of service levels.”70  Therefore, CAISO provides: “For local 8 

area long-term planning, the ISO does not allow non-consequential load dropping in high density 9 

urban load areas in lieu of expanding transmission or local resource capability to mitigate NERC 10 

TPL-001-4 standard P1-P7 contingencies and impacts on the 115 kV or higher voltage 11 

systems.”71 12 

South Orange County does not qualify as a “high density urban load area,” which CAISO 13 

defines as a population of one million people or more.  However, South Orange County is 14 

surrounded by “high density urban load areas”.  Specifically, Los Angeles-Long Beach-Anahiem 15 

in the north, Riverside-San Bernardino in the northeast and San Diego in the south.  CAISO 16 

Planning Standards also state: 17 

In considering if load shedding, where allowed by NERC standards, is a viable mitigation 18 
in either the near-term, or the long-term for local areas that would not call upon high 19 
density urban load, case-by-case assessments need to be considered. Assessments should 20 
take in consideration, but not limited to, risk assessment of the outage(s) that would 21 
activate the SPS including common right of way, common structures, history of fires, 22 
history of lightning, common substations, restoration time, coordination among parties 23 
required to operate pertinent part of the transmission system, number of resources in the 24 

                                                            
69 Attachment 13 (CAISO Planning Standards, effective April 1, 2015, at 6). 
70 Attachment 13 (CAISO Planning Standards, effective April 1, 2015, at 6). 
71 Attachment 13 (CAISO Planning Standards, effective April 1, 2015, at 6). 
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area, number of customers impacted by the outage, outage history for resources in the 1 
area, retirement impacts, and outage data for the local area due to unrelated events.72 2 

Although this specific portion of the CAISO Planning Standard did not exist when 3 

CAISO approved the Proposed Project, CAISO could chose to apply it in considering whether 4 

the risk of certain events that would cause load shedding in South Orange County should be 5 

mitigated. 6 

To the extent that NERC reliability standards and CAISO Planning Standards allow load 7 

shedding as a planned response to potential outages, the “risk” of a failure occurring that would 8 

require operators to shed load is relatively low, but real.  Since the NERC requirements took 9 

effect in 2007, systems have been planned with load shedding as an accepted corrective action 10 

following multi-element outages.  Because of the long term planning required for transmission 11 

systems, the corrective actions in transmission plans are not fully realized until years after 12 

decisions are made and the systems either upgraded or not.  At this time, there is not enough data 13 

to quantify the risk.  That said, SDG&E expects load shedding to occur more often because 14 

systems in the future will be operated using transmission plans created today and load shedding 15 

is used as acceptable mitigation in recent CAISO transmission plans.  16 

The Proposed Project removes the need to shed load or replace other transmission 17 

equipment in South Orange County for the foreseeable future. 18 

Section 4. The Proposed Project Is Necessary to Comply with Mandatory 19 
Reliability Standards (Witness John Jontry) 20 

The Proposed Project is necessary for SDG&E to comply with the mandatory NERC 21 

reliability standard TPL-003-0b and TPL-002-0b, as interpreted by the Federal Energy 22 

Regulatory Commission (“FERC”). 23 

                                                            
72 Attachment 13 (CAISO Planning Standards, effective April 1, 2015, at 7). 
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A. Load Shedding under NERC Transmission Planning Standards 1 

Under the Federal Power Act § 215, FERC has adopted the NERC reliability standards, 2 

including its Transmission Planning and Transmission Operations standards, as mandatory for all  3 

“users, owners, and operators of the bulk power system.”73  As discussed in SDG&E’s January 4 

15 Testimony at 16-22, among other things, NERC TPL-002-0b requires that the “Transmission 5 

Planner” (here, SDG&E) plan its system to stay within Applicable Ratings and not interrupt any 6 

firm customer service following the loss of any one transmission system element reflected in 7 

Category B of Table I (a “Category B” or “N-1 event).74  NERC TPL-003-0b requires that 8 

SDG&E plan its system to stay within Applicable Ratings following the loss of any two 9 

transmission system elements reflected in Category C of Table I (a “Category C” or “N-2 event), 10 

but some planned and controlled interruption of customer service is permitted to do so.75 11 

NERC TPL-003-0b also requires that SDG&E plan its system to stay within Applicable 12 

Ratings following the consecutive loss of two transmission system elements as reflected in 13 

Category C3 of Table I (a “Category C3” or “N-1-1” event).  Category C3 describes the 14 

contingency to be planned for as “Category B (B1, B2, B3 or B4) contingency, manual system 15 

adjustments, followed by another Category B ((B1, B2, B3 or B4) contingency.”76 16 

In adopting the relevant NERC TPL reliability standards, FERC stated: “Based on the 17 

record before us, we believe that the transmission planning Reliability Standard should not allow 18 

                                                            
73 16 U.S.C. § 215: “(b) Jurisdiction and applicability. (1) The Commission shall have jurisdiction, within 
the United States, over the ERO certified by the Commission under subsection (c) of this section, any 
regional entities, and all users, owners and operators of the bulk-power system, including but not limited 
to the entities described in section 824 (f) of this title, for purposes of approving reliability standards 
established under this section and enforcing compliance with this section. All users, owners and operators 
of the bulk-power system shall comply with reliability standards that take effect under this section.” 
74 TPL-002-0b, R1 & Table I (SDG&E January 15 Testimony, Attachment 1). 
75 TPL-003-0b, R1 & Table I (SDG&E January 15 Testimony, Attachment 2). 
76 TPL-003-0b, Table I (SDG&E January 15 Testimony, Attachment 2). 
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an entity to plan for the loss of non-consequential load in the event of a single contingency.”77  1 

Referring to “footnote b” of Table I, FERC stated it “allows for the interruption of firm load for 2 

consequential load loss,”78 which FERC defined as “the load that is directly served by the 3 

elements that are removed from service as a result of the contingency.”79  FERC further stated: 4 

“The Commission agrees that footnote (b) should permit manual adjustments including 5 

generation redispatch and transmission reconfiguration, but not load shedding, to return the 6 

system to a normal operating state within the time period permitted by the emergency or short 7 

term ratings.”80  FERC repeated this admonition in later Order 762: “In Order No. 693, the 8 

Commission stated that it believes that the transmission planning Reliability Standard should not 9 

allow an entity to plan for the loss of non-consequential firm load in the event of a single 10 

contingency.”81 11 

Citing these FERC directives, CAISO also has stated that it “ISO does not plan for load 12 

loss for category B contingencies other than on:  radial supplied load within the allowable load 13 

levels identified in the ISO Planning Standards; and interim basis prior to the completion of 14 

needed transmission upgrades.”82  SDG&E’s South Orange County system is considered network 15 

load and not radial supplied load.  16 

NERC TPL-003-0b, Table I describes allowable “Impacts” permitted following a 17 

Category C contingency.  The Standard allows the Transmission Planner to plan to use “load 18 

shedding” to keep the system within Applicable Ratings when overloads and/or voltage 19 

                                                            
77 Attachment 14 (FERC Order 693, Paragraph 1795, 72 Federal Register 16416, 16583 (April 4, 2007)).  
78 Attachment 14 (FERC Order 693, Paragraph 1772 fn. 453, 72 Federal Register at 16580). 
79 Attachment 14 (FERC Order 693, Paragraph 1795 fn. 461, 72 Federal Register at 16583). 
80 Attachment 14 (FERC Order 693, Paragraph 1797, 72 Federal Register at 16583) (emphasis added). 
81 Attachment 15 (FERC Order 762, Paragraph 4, 77 Federal Register 26686, 26687 (May 7, 2012)). 
82 Attachment 16 (R. Sparks’ 4/25/12 Email to SDG&E and W. Stephenson).  
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violations occur as a result of one of the Category C contingencies listed in Table I.  Category C 1 

contingencies are defined as “Events resulting in the loss of two or more (multiple) elements.”   2 

Based on FERC’s direction that a system should not be planned to shed load after a single 3 

Category B contingency and that allowable manual system adjustments do not include load 4 

shedding, and the definition of Category C contingencies as an outage of two or more elements, 5 

SDG&E believes that it may not plan to shed load following the first Category B outage of a 6 

Category C3 contingency (the N-1) to stay within Applicable Ratings following the second 7 

Category B outage of a Category C3 contingency (the N-1-1).  Otherwise, SDG&E would be 8 

shedding load after a single element contingency. 9 

B. Staying within Applicable Ratings May Require Pre-Contingency 10 
Action 11 

Under the NERC TPL Standards, “Applicable rating refers to the applicable Normal and 12 

Emergency facility thermal Rating or system voltage limit as determined and consistently 13 

applied by the system or facility owner.”83  As described in SDG&E’s January 15 Testimony at 14 

47-48, exceeding applicable thermal ratings can cause physical damage to transmission lines.  In 15 

addition to the risk of physical damage to transmission facilities, transmission lines operated at 16 

temperatures in excess of their design limits may exceed their designed sag limits, resulting in 17 

clearance violations and increased risk to utility personnel and the general public.  18 

As noted above, the mandatory NERC Transmission Planning Standards require SDG&E 19 

to plan its system not to exceed Applicable Ratings.  The system must remain within Applicable 20 

Ratings after each of an N-1 event, an N-1-1 event, or an N-2 event.  No facility can exceed its 21 

highest emergency rating at any point.  If a facility has an emergency rating, then a facility can 22 

exceed its normal (or continuous) rating so long as it never exceeds its emergency rating and is 23 

                                                            
83 E.g., TPL-003-0b, Table I footnote a (SDG&E January 15 Testimony, Attachment 2). 
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brought back down to its normal rating within the time limits of the emergency rating.84  If a 1 

facility does not have an emergency rating, then its highest Applicable Rating is its normal or 2 

continuous rating, and it cannot be exceeded. 3 

This is consistent with the mandatory NERC Transmission Operations Standards.  In 4 

particular, NERC TOP-004-02 R1 provides: “Each Transmission Operator shall operate within 5 

the Interconnection Reliability Operating Limits (IROLs) and System Operating Limits 6 

(SOLs).”85  The NERC Glossary of Terms defines a SOL as the most limiting value that ensures 7 

operation within acceptable reliability criteria. A facility thermal rating is a SOL. 8 

CAISO’s Operating Procedure 3100 and 3100A, Attachments 5 and 6 to SDG&E’s 9 

January 15 Testimony provide a detailed discussion of this requirement.  Operating Procedure 10 

3100A, Paragraph 8, labeled “Post-Contingency State (i.e., where the system is expected to land 11 

in response to a Single Contingency),” clearly presents the operating requirements.  Showing a 12 

post-contingency state that exceeds the highest emergency rating, CAISO states: “Landing here 13 

in response to a Single Contingency is not acceptable.  In this case, there is no time for post-14 

contingency operator action.  Pre-contingency actions must be taken.  When Real Time 15 

Assessments indicate that a Single Contingency will result in exceeding the highest available 16 

Facility Rating, an SOL is being exceeded.”86 17 

SDG&E must plan its system to take pre-contingency action if necessary to stay within 18 

Applicable Ratings.  Under Category C3, that includes taking action after the first Category B 19 

                                                            
84 Attachment 14 (FERC Order 693, Paragraph 1789, 72 Federal Register at 16582: “The N–1 condition is 
a Category B event under TPL–002–0, and, following the N–1 contingency, the system must be stable 
and thermal loading and voltages be within applicable limits. Some adjustment of generation or other 
controls is permitted to return loadings to within continuous ratings, provided the loadings before 
adjustments are within the emergency or short-term ratings.”) 
85 http://www.nerc.com/_layouts/PrintStandard.aspx?standardnumber=TOP-004- 
2&title=Transmission%20Operations&jurisdiction=United%20States.  
86 CAISO Operating Procedure 3100A at 34 (SDG&E January 15 Testimony, Attachment 6) (emphasis 
added). 
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outage so that the second Category B outage will not result in facilities exceeding their 1 

Applicable Ratings. 2 

C. Load Flow Analyses Indicate that SDG&E Will Have to Shed Load To 3 
Stay within Applicable Ratings, Including Pre-Contingency Action 4 

As discussed in SDG&E’s January 15 Testimony at 50-59, SDG&E’s load flow analyses, 5 

based upon SDG&E’s 2014 load forecast, predicted 22 Category C1, C2 and C3 events that will 6 

result in SDG&E’s facilities exceeding their Applicable Ratings absent use of a Special 7 

Protection System (“SPS”).  As required by NERC TPL-003-0b,87 South Orange County was 8 

reassessed using the 2015 load forecast.  The reassessment confirmed the findings of the power 9 

flow analysis done using the 2014 load forecast.  The 2015 load forecast is approximately 2% 10 

higher than the 2015 load forecast.  This increase does not change the need for the project, but 11 

moves the date needed forward.  Because many of SDG&E’s South Orange County transmission 12 

lines highest Applicable Rating is the normal rating, without an SPS the identified Category C 13 

contingencies would result in the identified elements exceeding their highest Applicable Rating, 14 

and thus violating NERC TPL-003-0b.88  15 

An SPS can take automatic and instantaneous action to shed load and thus prevent 16 

facilities from exceeding Applicable Ratings.  However, SDG&E is bound to use SPSs in 17 

accordance with good utility practice and the CAISO Planning Standards.  CAISO has provided 18 

guidance that limits the number of SPSs in use, recognizing that use of SPS has both benefits and  19 

20 

                                                            
87  SDG&E Attachment 2 (TPL-003-0b, R2.2 requires the continuing need be reassessed on an annual 
basis).  
88 See SDG&E January 15 Testimony at 50-59. 
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risks.89  SPS 6 provides: “A)  There should be no more than 6 local contingencies (single or 1 

credible double contingencies) that would trigger the operation of a SPS.  B) The SPS should not 2 

be monitoring more than 4 system elements or variables.”90    3 

SDG&E agrees that use of multiple SPSs to address 18 different Category C 4 

contingencies in South Orange County is not prudent because:  5 

 SPSs are complex electronic systems that depend on multiple inputs applied to a control 6 
system to perform properly and as such have numerous points of failure.  Transformers 7 
and transmission lines with adequate capacity to handle the forecast demand have none 8 
these complexities.  9 
 10 

 Assessing the interaction of 18 different load shedding SPSs will be difficult, if not 11 
impossible.  Without this assessment, unknown interactions leading to mis-operation 12 
could be present.  When called upon to operate, the mis-operation of a load shedding SPS 13 
may result in shedding more load than is necessary, or not shedding any load at all. 14 
 15 

 An SPS can operate and drop customer load under normal conditions.  The inadvertent 16 
operation of an SPS may shed load when it is not necessary to do so, or for no reason at 17 
all. 18 
 19 
Because CAISO Planning Standards and Good Utility Practice indicate that SDG&E 20 

cannot use SPSs to address all of these Category C events, the system would not remain within 21 

Applicable Ratings.  This is a violation of NERC TPL-003-0b. 22 

As described in SDG&E’s January 15 Testimony, Chapter 4, Section 6, SDG&E must 23 

take pre-contingency action to ensure that its system will remain within Applicable Ratings.  For 24 

the two C1 and six C2 overloads described in numbers 1-8 on page 50-52, SDG&E would have 25 

                                                            
89 CAISO Planning Standards at 9 (SDG&E January 15 Testimony, Attachment 4): “While SPSs have 
substantial advantages, they have disadvantages as well. With the increased transmission system 
utilization that comes with application of SPS, there can be increased exposure to not meeting system 
performance criteria if the SPS fails or inadvertently operates. Transmission outages can become more 
difficult to schedule due to increased flows across a larger portion of the year; and/or the system can 
become more difficult to operate because of the independent nature of the SPS. If there are a large 
number of SPSs, it may become difficult to assess the interdependency of these various schemes on 
system reliability.” 
90 CAISO Planning Standards at 10 (SDG&E January 15 Testimony, Attachment 4): 
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no choice but to shed load pre-contingency to avoid violating Applicable Ratings. For the 1 

remaining fourteen C3 overloads described in numbers 9-22 on pages 52 through 59, SDG&E 2 

would have to shed load after the first Category B outage to ensure that the system would not 3 

exceed Applicable Ratings after the second Category B outage.  As discussed above, shedding 4 

load after a single Category B contingency violates FERC’s interpretation of NERC TPL-002-0b 5 

and is not an allowable manual adjustment after the first Category B contingency under Category 6 

C3. 7 

In the case of the 19 predicted Category C overloads described in SDG&E’s January 15 8 

Testimony, Chapter 4, Section 7 that do not exceed the Applicable Rating, SDG&E would resort 9 

to load shedding to remove the overloads.   10 

Section 5. SDG&E’s Proposed Project is the Best Available Means to Mitigate 11 
the Risk of Load Dropping or Load Shedding in South Orange 12 
County (Witness John Jontry) 13 

With respect to the risk of dropping some or all South Orange County customers 14 

discussed above, the Scoping Memo asks “are there alternative ways to reduce this risk.”  15 

Similarly, with respect to the NERC violations, the Scoping Memo asks “are there other ways to 16 

comply with the standards.”  SDG&E interprets these questions as asking if there are any other 17 

cost-effective, reasonably feasible alternative ways of solving the identified reliability needs. 18 

As discussed in SDG&E’s January 15 Testimony at 104-05, a transmission project is the 19 

best solution to address the reliability concerns for South Orange County.  Energy efficiency, 20 

demand response programs, and distributed generation cannot address the risk of dropping all or 21 

some of the South Orange County load as a result of an event at Talega Substation or a forced 22 

outage during a maintenance event.  These programs are meant to reduce the amount of load 23 

being served from the 138 kV transmission system, but as described in the January 15 Testimony 24 
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at 43, the contingency events in Table 4-2 will result in all South Orange County load being 1 

dropped regardless of the load level.  2 

SDG&E does not consider construction of a natural gas-fired electric generation facility 3 

in South Orange County to be a cost-effective or reasonably feasible solution. 4 

Although individual overloads caused by specific contingencies in South Orange County 5 

could be addressed by reconductoring a number of transmission lines and replacing the smaller 6 

transformers at Talega, implementing such projects would not address the risk of a total loss of 7 

service to SDG&E’s South Orange County customers arising from a significant event at Talega 8 

Substation, which currently is the sole source of power to the South Orange County system.  9 

Moreover, as discussed in Chapter 3, Sections 5 and 6 with respect to the DEIR’s No Project 10 

Alternative, the multitude of projects required to provide most of the reliability benefits of the 11 

Proposed Project likely would cost significantly more than the Proposed Project and could well 12 

have greater environmental impacts. 13 

The aging Capistrano Substation must be rebuilt to provide reliable electric service.  As 14 

discussed in SDG&E’s January 15 Testimony at 103-04, Capistrano is near the electrical center 15 

of South Orange County’s transmission load.  The SDG&E-owned Capistrano Substation 16 

property also is large enough to accommodate a rebuild of the substation including a 230 kV 17 

yard.  Therefore, SDG&E determined that it would be most cost effective and create the most 18 

construction synergies if the rebuild of Capistrano Substation included a second 230 kV source 19 

for South Orange County.  20 
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Section 6. Forecasted Load Growth By 2025 and Load Serving Capacity 1 
Assuming All Transmission Elements In Service (Witness John 2 
Jontry) 3 

As discussed in SDG&E’s January 15 Testimony at 38, the aggregate summer adverse 4 

weather load forecast for SDG&E’s South Orange County service territory was forecasted to 5 

reach approximately 481 MW by 2023.  This 2014 forecast has since been updated by SDG&E’s 6 

Distribution Planning Department, based on load and weather data inclusive of the 2014 calendar 7 

year and reflecting the new peak load for the SDG&E service territory set in September 2014.  8 

The 2015 load forecast for the South Orange County service area is shown in Table 2-1, below: 9 

Table 2-1: South Orange County’s 2015 Load Forecast 10 

Substation 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 

Capistrano 53.6 54.1 54.7 55.2 55.7 56.3 56.8 57.3 57.9 58.4 
Laguna Niguel 102.6 103.1 103.6 104.1 104.6 105.0 105.4 105.8 106.2 106.6 
Margarita 106.4 107.0 107.5 108.1 108.7 109.3 109.8 110.4 111.0 111.6 
Pico 42.6 43.1 43.6 44.1 44.6 45.1 45.5 46.0 46.5 47.0 
Rancho Mission Viejo 14.4 17.6 20.9 24.1 27.3 30.8 34.2 37.6 41.0 44.4 
San Mateo 33.4 34.3 35.1 35.6 36.1 36.5 36.9 37.3 37.7 38.2 
Trabuco 90.3 90.7 91.2 91.6 92.0 92.4 92.8 93.2 93.6 94.0 

Total South Orange County 443.3 449.9 456.6 462.8 469.0 475.4 481.4 487.6 493.9 500.2 

For comparison purposes, Table 2-2 below reproduces the 2014 load forecast from Table 4-1 of 11 

SDG&E's January 15 Testimony. 12 

Table 2-2: South Orange County’s Previous 2014 Load Forecast 13 
Substation 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 

Capistrano 52.0 52.5 53.1 53.6 54.1 54.6 55.2 55.7 56.2 56.7 

Laguna Niguel 95.2 95.7 96.1 96.6 97.1 97.5 97.9 98.2 98.6 99.0 

Margarita 99.6 100.2 100.8 101.4 102.0 102.6 103.1 103.7 104.3 104.9 

Pico 42.6 43.2 43.7 44.2 44.7 45.2 45.7 46.3 46.8 47.3 

Rancho Mission Viejo 14.7 17.0 20.4 23.8 27.2 30.7 34.1 37.5 40.9 41.1 

San Mateo 36.2 37.0 37.7 38.5 38.9 39.3 39.7 40.0 40.4 40.8 

Trabuco 87.5 87.9 88.3 88.8 89.2 89.6 90.0 90.5 90.9 91.3 

Total South Orange County 427.8 433.5 440.1 446.9 453.2 459.5 465.7 471.9 478.1 481.1 
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The latest forecast represents an approximately 2% increase over the previous forecast.  1 

SDG&E’s September 10, 2015 corrections to its Opening Testimony reflect use of the 2014 load 2 

forecast and the 2015 load forecast.  Results found using 2014 load forecast were confirmed 3 

using the 2015 load forecast. 4 

Note that any load forecast estimates future load growth using a set of assumptions – past 5 

load levels, estimated population and economic growth, changes in load composition, effects of 6 

energy efficiency programs, etc.  No forecast can be perfect.  However, it is important to point 7 

out that there are several important factors that may push the load growth in South Orange 8 

County beyond what is currently forecast.  Current uncertainties that could place additional 9 

demands on the transmission system include: 10 

 More rapid than expected adoption of electric vehicle technology and a 11 
concomitant growth in electric vehicle charging demand 12 

 Changing customers behavior might reduce cooperation with and effectiveness of 13 
demand response and energy efficiency programs 14 

 New energy storage technology may change energy consumption patterns 15 
 Reduction of subsidies or rate incentives may slow the growth of distributed 16 

generation (i.e. rooftop solar) 17 
 Regulatory risk associated with the repowering and/or replacement of OTC units 18 

in Southern California 19 
 The possibility of a robust economic recovery following the long and lingering 20 

effects of the 2009 recession leading to faster than expected load growth in South 21 
Orange County, especially with regard to a rebounding of the residential housing 22 
market. 23 

Based on the current load forecast, and with the caveats as described above, following is 24 

an analysis of the load-service capacity of the South Orange County transmission system as 25 

currently configured. 26 

A. Load Serving Capacity 27 

South Orange County is a non-radial, networked transmission system.  Load serving 28 

capacity is the maximum amount of load which can be served following a failure which removes 29 
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a single or multiple elements from service without violating the Applicable Rating of the 1 

remaining elements.  Failures may result in load being dropped or shed. 2 

The most optimistic pre-contingency setting for South Orange County under normal 3 

conditions with all transmission lines and transformers in-service will have the TL13835A 4 

Special Protection System in-service, the Prima Deshecha Landfill Generator in-service, the 5 

Capistrano 138 kV capacitor in-service and the Talega transformer taps set to increase the Talega 6 

138 kV bus voltage 5% above nominal.  Under these conditions, SDG&E’s transmission system 7 

in South Orange County can support 410 MW of load without violating the Applicable Rating of 8 

a transmission element in the event of a NERC Category B or C contingency.  South Orange 9 

County peak load already exceeds 410 MW. 10 

At this load level, for example, the overlapping outage of two 138 kV transmission lines 11 

will result in a third line being loaded to its maximum rating.  The outage of the transmission line 12 

connecting Talega and Rancho Mission Viejo substations [TL13831] and the outage of the 13 

transmission line connecting Pico and Trabuco substations [TL13833] will cause the power 14 

flowing on the transmission line connecting Pico and Capistrano substations [TL13816] to 15 

increase to the transmission line’s maximum allowable power flow (Applicable Rating).  As 16 

described in Section 5(B), when South Orange County load exceeds 410 MW and an outage of 17 

either TL13831 (or TL13833) occurs, system operators will be forced to shed load to prepare the 18 

transmission system for the outage of TL13833 (or TL13831) to prevent a violation of the 19 

Applicable Rating of TL13816.   20 

Another example, continuing with the same optimal conditions described above, when 21 

the load reaches 490 MW, a fault on the 8T circuit breaker at Talega (a single event), will 22 

remove two transmission lines; TL13836 which connects Talega to Pico and TL13831 which 23 
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connects Talega to Rancho Mission Viejo.  The outage of these two transmission lines will cause 1 

the flow of power on sections A and C of the transmission line connecting three substations, 2 

Talega to Pico to San Mateo substations [TL13846], to reach its maximum loading.  Above 490 3 

MW, SDG&E will be forced to shed load either pre-contingency or install an SPS which will 4 

automatically shed load following the event. 5 

The 2014 forecast showed South Orange County reaching 490 MW beyond 2023, but the 6 

most recent 2015 load forecast now shows South Orange County reaching 490 MW in 2023. 7 

B. Forecasted Load Growth by 2025 8 

As discussed above, the forecast shown on Table 4-1 of the January 15 Testimony on 38 9 

was created in 2014.  It shows load growing to 481 MW by 2023.  Using this data, the 2025 load 10 

is found to be 496 MW.  The 2015 forecast is complete, and the 2015 forecasted load is higher 11 

than the 2014 forecast (see Table 2-1 above).   12 

Past and present forecasts have shown growth in South Orange County and the rate of 13 

growth is accelerating.  The 2015 forecast is higher than the previous 2014 forecast.  Also, the 14 

all-time South Orange County peak load occurred in 2007 and SDG&E has added customers to 15 

its customer base since then.  The accelerating load forecasts and the expanding customer base 16 

are indications that South Orange County is growing.  This combined with the recorded 2007 17 

peak event set conditions for an extreme peak day which may exceed the forecast. The Proposed 18 

Project will provide the transmission infrastructure necessary to meet load needs well into the 19 

future.  It will prevent a prolonged outage caused by a failure at Talega Substation.  It will 20 

remove the need to interrupt customer load (shed load).  It will ensure that SDG&E and CAISO 21 

meet regulatory compliance requirements. 22 

23 
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CHAPTER 3  THE DEIR’S “NO PROJECT” ALTERNATIVE IS NOT FEASIBLE 1 

Section 1. Introduction (Witness Scott Boczkiewicz) 2 

The CPUC’s DEIR states: “The purpose of describing and analyzing a No Project 3 

Alternative is to allow decision-makers to compare the effects of approving versus not approving 4 

the proposed project.”91   5 

In Section 3.0 “Description of Alternatives,” the DEIR makes various statements about 6 

what it is reasonable to expect will happen if SDG&E’s Proposed Project is not approved.  These 7 

include: 8 

 “Regardless of whether the proposed project is constructed, it is reasonably foreseeable 9 
that the following would occur prior to 2018 (SDG&E 2012; CAISO 2014): “Talega 10 
Substation’s STATCOM would be replaced …”92 11 
 12 

 “In addition, if equipment at Capistrano Substation or existing distribution or 138-kV 13 
lines within the South Orange County Service Area fail or would be inadequate to serve 14 
customer demand, it is anticipated that the applicant would replace the equipment or 15 
facilities pursuant to CPUC General Order 131-D and CEQA Guidelines Section 15260 16 
et seq. and 15300 et seq. (statutory and categorical exemptions).”93 17 
 18 

 “Given the applicant’s ability to replace failed or inadequate equipment at Capistrano 19 
Substation to meet conditions that may occur under the No Project Alternative pursuant 20 
to General Order 131-D and CEQA (see above), it is clear that the No Project Alternative 21 
would meet Objective 2 as defined by the CPUC (Section 1.2.1, ‘Objectives of the 22 
Proposed Project’).”94 23 
 24 

 Referring to two expected NERC Category C (N-1-1) overloads, the DEIR states: “In 25 
accordance with CPUC General Order 131-D, it is anticipated that the applicant would 26 
implement system adjustments (e.g., reconductor 138-kV line segments) prior to this date 27 
to ensure that some or all of these overload scenarios do not occur.  Examples of system 28 

                                                            
91 DEIR at 3-3. 
92 DEIR at 3-4 (footnotes omitted). 
93 DEIR at 3-4 (footnotes omitted). 
94 DEIR at 3-5. 
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adjustments that could be implemented may be similar to the installations discussed 1 
under Alternatives B1 through B4.”95 2 
 3 

 “In addition, under the No Project Alternative, it is assumed that energy efficiency 4 
improvements and distributed generation facilities (including rooftop solar generation) 5 
will continue to be implemented throughout the 10-year planning horizon that will 6 
incrementally reduce load on SDG&E’s 138-kV South 12 Orange County System.”96 7 
 8 

 “Given the anticipated rooftop solar facility installations and the applicant’s ability to 9 
replace both distribution line facilities and 138-kV line facilities to meet conditions that 10 
may occur under the No Project Alternative, this alternative would fully meet Objective 1 11 
as defined by the CPUC (Section 1.2.1, ‘Objectives of the Proposed Project’).”97 12 
 13 
Notwithstanding the above description of the No Project Alternative, in DEIR Section 5.0 14 

“Comparison of Alternatives,” which compares the environmental impacts of the No Project 15 

Alternative to the Proposed Project, the DEIR states: 16 

Under the No Project Alternative, it is assumed that none of the components of the 17 
proposed project would be constructed.  All of the significant impacts from construction 18 
and operation of the proposed project would be avoided.  It is anticipated that minor 19 
maintenance work would occur as needed to repair or replace failed or inadequate 20 
substation equipment and transmission line facilities as described in Chapter 3, 21 
“Description of Alternatives.”  Such maintenance activities are not expected to cause a 22 
significant impact as they would be constructed without obtaining a Certificate of Public 23 
Convenience and Necessity or Permit to Construct from the CPUC pursuant to CPUC 24 
General Order 131-D and CEQA Guidelines Section 15260 et seq. and 15300 et seq. 25 
(statutory and categorical exemptions).  Work that may require review pursuant to CEQA 26 
is not considered part of the No Project Alternative.98 27 

In the sections below, SDG&E addresses the infeasibility of the No Project Alternative as 28 

described in DEIR Section 5.0, including the projects that are reasonably expected to occur in the 29 

near future if the Commission were to select the No Project Alternative and their estimated cost.  30 

                                                            
95 DEIR at 3-6 (footnotes omitted). 
96 DEIR at 3-6.  
97 DEIR at 3-6. 
98 DEIR at 5-4 (emphasis added). 
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Section 2. The No Project Alternative Does Not Comply with Mandatory NERC 1 
Reliability Standards (Witness John Jontry) 2 

As set forth in SDG&E’s January 15 Testimony and in Chapter 2 above, SDG&E’s 3 

Proposed Project will mitigate expected violations of mandatory NERC Reliability Standards 4 

TPL-003-0b and TPL-002-0b as interpreted by FERC.  The No Project Alternative does not 5 

mitigate these violations of the NERC reliability standards. 6 

SDG&E’s Project Objectives include providing transmission system reliability to South 7 

Orange County.  A critical and express part of that objective is: “Comply with mandatory North 8 

American Electric Reliability Corporation (NERC), Western Electric Coordinating Council 9 

(WECC) and California Independent System Operator (CAISO) transmission planning and 10 

operations standards.”99  11 

The CPUC recognizes: “Components of the applicant’s South Orange County 12 

transmission system that connect to the regional electrical grid managed by the CAISO must be 13 

constructed and maintained in compliance with mandatory NERC, WECC, and CAISO 14 

standards.”100   15 

The CPUC’s DEIR, however, provides “objectives of the proposed project defined by the 16 

CPUC for CEQA review.”101  Notwithstanding SDG&E’s obligation to comply with FERC 17 

approved NERC Reliability Standards under the Federal Power Act Section 215,102 the CPUC re-18 

wrote SDG&E’s project objective to exclude compliance with the mandatory NERC Reliability 19 

Standards.  Instead of providing the transmission reliability required by FERC through the 20 

NERC Reliability Standards, the CPUC’s DEIR identifies the project objective as: “Reduce the 21 

                                                            
99 Proponent’s Environmental Assessment at 1-3. 
100 DEIR at 1-8. 
101 DEIR at 1-8 
102 16 USC § 215. 
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risk of instances that could result in the loss of power to customers served by the South Orange 1 

County 138-kV System through the 10-year planning horizon.”103   2 

The No Project Alternative fails to meet a basic objective of the Proposed Project, 3 

prevents SDG&E from complying with the FERC-approved NERC Reliability Standards, and is 4 

infeasible. 5 

Section 3. The No Project Alternative Is Infeasible Unless it Includes Rebuilding 6 
Capistrano Substation 7 

A. To Provide Reliable Electric Service, Capistrano Substation Must be 8 
Rebuilt (Witness Karl Iliev) 9 

SDG&E’s January 15 Testimony, Chapter 5, discusses the need to rebuild the Capistrano 10 

Substation in detail.  As summarized: 11 

The aging Capistrano Substation has the following issues, which threaten the reliability 12 

of electric service to SDG&E’s customers served by the substation: 13 

• Capistrano Substation has a non-standard configuration that does not meet current 14 
operating criteria or reliability requirements. 15 
 16 

• Capistrano Substation uses older technology that is more volatile than current 17 
technology, and site constraints have the 138 kV capacitor in a less than optimal 18 
location. 19 

 20 
• Capistrano Substation has poorly performing equipment due to age, type, and 21 

condition.  22 
 23 
• The existing structures, foundations, and equipment do not conform to the current 24 

recommended practices for seismic design of substations as provided in IEEE 693 25 
and ASCE 113, and older existing electrical equipment does not meet the seismic 26 
withstand capability and has not been seismically qualified as provided in IEEE 693. 27 

 28 
• Capistrano Substation currently serves 13,400 residential and 1,784 commercial and 29 

industrial meters, and San Juan Capistrano alone had an estimated 2013 population of 30 
35,852 people.  These customers are at risk due to the lack of reliability. 31 

                                                            
103 DEIR at 1-8. 
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• Capistrano Substation’s transformer loading is currently at 85% capacity at peak, and 1 
has little capacity for load growth or supporting neighboring substations.  2 
 3 

• Preventive maintenance hours have been increasing at 15% annually, mainly due to 4 
the aging infrastructure. SDG&E has had to replace equipment that has failed or is 5 
obsolete such that no spare parts are available.  6 

 7 
• The outage history and corrective (non-programmed) maintenance history over the 8 

last 15 years shows increasing trends caused by 138 kV and 12 kV disconnect 9 
switches not operating properly, 12 kV and 138 kV capacitor issues, 138 kV and 12 10 
kV potential transformer issues, and various hot spots from connections on both 138 11 
kV and 12 kV busses. 12 

 13 
• Capistrano Substation currently has distribution circuit ties with its neighboring 14 

substations, Laguna Niguel and Trabuco, but these ties cannot be utilized during 15 
certain system conditions because of Capistrano Substation’s high loading and lack 16 
of available capacity. 17 

 18 
• The current control shelter configuration does not meet SDG&E’s new security 19 

guidelines due to its unprotected windows and size restrictions. 20 
 21 
By completely replacing equipment, upgrading and rebuilding the substation to 22 

SDG&E’s current design standards, all of the above reliability concerns are addressed.104  23 

Capistrano Substation needs to be rebuilt to address these issues even if Capistrano 24 

remains a 138/12 kV substation and does not include a 230/138 kV substation yard.  Attached as 25 

Confidential Attachment 17 are recent photographs of Capistrano Substation and some of its 26 

equipment.  These photographs show its non-standard configuration, aging and outdated 27 

equipment, and structures not meeting current seismic standards.  28 

Rebuilding the Capistrano Substation as a 138/12 kV substation is estimated to cost 29 

between $135 million - $165 million (includes AFUDC).  If the No Project Alternative does not 30 

permit the rebuilding of Capistrano Substation, at least as a 138/12 kV substation, then it does 31 

not permit SDG&E to provide reliable electric service to its customers served by the Capistrano 32 

Substation. 33 
                                                            
104 SDG&E January 15 Testimony at 98-102. 
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B. Simply Replacing Equipment As It Fails Is Not Prudent and Does Not 1 
Provide Reliable Electric Service (Witness Karl Iliev) 2 

SDG&E’s January 15 Testimony explains that simply replacing failing equipment at the 3 

existing Capistrano Substation is not adequate to provide reliable electric service.  For example: 4 

“Replacing equipment in kind will not change the existing layout configuration and therefore 5 

will not eliminate the risks of forced outages to SDG&E’s customers arising from the non-6 

standard configuration of the transmission bus and the distribution bus.”105  “Simply replacing 7 

equipment does not bring the existing structures and foundations up to the latest seismic 8 

standards.  Placing IEEE 693-qualified equipment in and on the existing structures and 9 

foundations still leave the equipment at risk.”106  “Simply replacing equipment does not address 10 

the security concerns regarding the existing substation.”107 11 

More fundamentally, SDG&E does not consider replacing equipment only as it fails, and 12 

thus disrupts electric service, to be prudent or consistent with its obligation to provide reliable 13 

electric service.   14 

Capistrano Substation is over 60 years old.  SDG&E’s Substation Equipment Assessment 15 

team has identified its aging equipment and infrastructure as beyond its useful life.  SDG&E 16 

analyzes the useful life of substation equipment as discussed in its January 15 Testimony and 17 

determines whether the risk of failure is sufficient to warrant its replacement.  Under that 18 

standard, SDG&E has determined that much of the significant equipment at Capistrano 19 

Substation needs to be replaced. 20 

                                                            
105 SDG&E January 15 Testimony at 86. 
106 SDG&E January 15 Testimony at 86-87. 
107 SDG&E January 15 Testimony at 87. 
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As discussed in SDG&E’s January 15 Testimony,108 rebuilding Capistrano Substation 1 

within its existing footprint would pose a safety risk to workers, would take longer—thus costing 2 

more, and would create a greater reliability risks to customer electric service.  Moreover, as 3 

stated in SDG&E’s January 15 Testimony, the “existing substation site is not large enough to 4 

rebuild the 138 kV switchyard in a breaker and a half configuration.  If SDG&E were to rebuild 5 

inside the existing yard, the configuration of the transmission rebuild would be limited to a single 6 

breaker – single bus configuration.  Rebuilding in-place would also create physical limitations on 7 

the number of additional element positions that can be added to only two (transmission lines and 8 

distribution transformers).  This limitation would not meet the needs for a reliable transmission 9 

configuration as mentioned above or any future customer load growth.”109 10 

To achieve reliability, even if 230 kV service were not added at Capistrano Substation, 11 

the rebuild of Capistrano Substation would occur in the same locations on the SDG&E-owned 12 

substation property as the Proposed Project. 13 

C. Simply Replacing Equipment Does Not Allow Additional Transmission 14 
Lines to Be Connected to Capistrano Substation (Witness Karl Iliev) 15 

The CPUC’s DEIR asserts that the No Project Alternative meets the CPUC’s “Objective 16 

2,” which is stated to be “Replace inadequate equipment at Capistrano Substation.”110  The 17 

CPUC asserts that, “[g]iven the applicant’s ability to replace failed or inadequate equipment at 18 

Capistrano Substation to meet conditions that may occur under the No Project Alternative,”111 19 

the No Project Alternative meets the CPUC’s Objective 2.  20 

Referring to Objective 2 and Capistrano Substation, the DEIR states:  “The replacement 21 

of equipment (e.g., transformers) is expected to increase the electrical distribution capacity of 22 
                                                            
108 SDG&E January 15 Testimony at 87. 
109 SDG&E January 15 Testimony at 86. 
110 DEIR at 1-8, 3-5. 
111 DEIR at 3-5. 
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Capistrano Substation as well as help ensure the substation’s reliability.  It would also allow for 1 

the connection of three additional 138-kV transmission lines to the substation.”112  2 

To the contrary, no new lines or transformers can be added to Capistrano Substation 3 

without rebuilding the current station, either as proposed by SDG&E’s Proposed Project or in-4 

place, to add positions.  Simply replacing equipment at Capistrano Substation also would not 5 

increase capacity as increasing equipment ratings is not feasible for reasons outlined in previous 6 

testimony.   7 

A rebuild in place at the existing substation would limit the number of new elements to 8 

only two (either a TL or transformer) due to the space limitations of the existing substation site.  9 

Additional capacity at Capistrano Substation can only be accomplished by adding additional 10 

transformers, for which there is limited connection capability if additional transmission lines are 11 

to be added. 12 

In addition, if multiple transmission lines are added, then it is SDG&E’s standard to build 13 

a breaker and half configuration to ensure that any single point of failure is limited to a 14 

maximum of two elements, thereby minimizing transmission outage impacts, which is a 15 

reliability requirement for a transmission bus of this size.  16 

In order for the substation to accommodate future transformers and transmission lines 17 

that may be required under the extended life of the station beyond the current planning horizon 18 

and to allow for a safe, more reliable, and faster construction schedule, a complete rebuild of the 19 

138/12kV station would be proposed in the lower yard, similar to the 138/12kV elements of the 20 

Proposed Project. 21 

                                                            
112 DEIR at 1-9. 
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D. The DEIR’s Comparison of Alternatives Assumes Capistrano 1 
Substation Will Not Be Rebuilt (Witness Scott Boczkiewicz) 2 

The CPUC’s DEIR suggests that the No Project Alternative addresses SDG&E’s need to 3 

address the reliability issues at Capistrano Substation, stating: “Given the applicant’s ability to 4 

replace failed or inadequate equipment at Capistrano Substation to meet conditions that may 5 

occur under the No Project Alternative pursuant to General Order 131-D and CEQA (see above), 6 

it is clear that the No Project Alternative would meet Objective 2, as defined by the CPUC 7 

(Section 1.2.1, ‘Objectives of the Proposed Project’).”113 8 

In comparing the No Project Alternative to the Proposed Project, however, the CPUC’s 9 

DEIR asserts: “Under the No Project Alternative, it is assumed that none of the components of 10 

the proposed project would be constructed.  All of the significant impacts from construction and 11 

operation of the proposed project would be avoided.  It is anticipated that minor maintenance 12 

work would occur as needed to repair or replace failed or inadequate substation equipment and 13 

transmission line facilities as described in Chapter 3, ‘Description of Alternatives.’”114 14 

Rebuilding the 138/12kV Capistrano Substation is not “minor maintenance work.”  15 

Because the DEIR’s comparison of environmental impacts assumes no significant work at 16 

Capistrano Substation, SDG&E interprets the No Project Alternative to exclude rebuilding 17 

Capistrano Substation.  For the reasons set forth above, that is not feasible. 18 

As noted above, if the Proposed Project is not approved, the required work would still 19 

include rebuilding the Capistrano Substation as a 138/12 kV Substation in the same location as 20 

the Proposed Project locates the 138/12 kV yard.  Therefore, the DEIR overstates the reduction 21 

                                                            
113 DEIR at 3-5. 
114 DEIR at 5-4. 
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in temporary impacts that the No Project Alternative will have because it entirely omits those 1 

impacts associated with the required rebuild of the Capistrano Substation.  2 

The DEIR identifies the significant and unavoidable environmental impacts of the 3 

Proposed Project as (1) temporary impacts to air quality, largely from the rebuild of Capistrano 4 

Substation, (2) temporary traffic impacts from partial closure (one of three lane) on Camino 5 

Capistrano to allow undergrounding of existing power and distribution lines,115 and from any full 6 

closure of Camino Capistrano, Via Pamplona and Calle San Diego during undergrounding of 7 

existing power and distribution lines. (3) cumulative impacts on traffic, which arise specifically 8 

from the Camino Capistrano lane closure identified as having a significant traffic impact.   9 

The DEIR’s asserted reductions of these temporary adverse effects under the No Project 10 

Alternative are largely related to omission of the impacts associated with rebuilding the 11 

Capistrano Substation.  Because Capistrano Substation must be rebuilt even if it remains a 12 

138/12 kV substation, many of these impacts will occur under the No Project Alternative as 13 

well.116 14 

Unless the CPUC precludes SDG&E from rebuilding Capistrano Substation, at least as a 15 

138/12 kV substation, then rebuilding Capistrano Substation is work that should reasonably be 16 

expected to occur in the near future if the CPUC selects the No Project Alternative.   17 

                                                            
115 DEIR at 4.15-19.  Id.  SDG&E’s construction and engineering contractors do not expect a full closure 
of any of these roads during underground construction and SDG&E did not state any full road closures in 
its Proponents Environmental Assessment (PEA). 
 
116 Only the 230/138 kV yard of the rebuilt Capistrano Substation under the Proposed Project would be 
avoided by the No Project Alternative.  The emissions from that work constitute less than half of the total 
anticipated Localized Significance Thresholds (LST) exceedances for all Capistrano Substation emissions 
estimated for the Proposed Project (DEIR Table 4.3-8a).  Per the DEIR, the total emissions of the 
Proposed Project constitute “less than one percent of the total SCAQMD’s daily emissions inventory.”  
DEIR at 6-15.  
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Section 4. The No Project Alternative Does Not Provide Reliable Transmission  1 

A. The No Project Alternative Fails to Address Transmission Reliability 2 
Concerns (Witness Cory Smith)  3 

The No Project Alternative does not include a 2nd 230kV source independent of Talega 4 

Substation and therefore does not meet SDG&E’s reliability Objectives 1(a) or 3, or even 5 

CPUC’s Objective 3.  The approximately 300,000 people who rely on SDG&E electricity in 6 

South Orange County would remain exposed to the risk of service interruption arising from 7 

catastrophic events at Talega Substation or a forced outage during Talega maintenance events, as 8 

discussed in SDG&E’s January 15 Testimony, Chapter 4, Sections 4-5, and in Chapter 2 above. 9 

The No Project Alternative would require replacement of two transformers at Talega 10 

Substation estimated to cost between $15 million - $20 million and future replacement of the 11 

STATCOM currently located at Talega Substation or addition of a new dynamic voltage control 12 

device at a rebuilt Capistrano Substation to maintain voltage support at an estimated cost of $81 13 

million - $99 million.  This cost estimate does not include the potential purchase of additional 14 

easements on Camp Pendleton to accommodate the replacement equipment.  None of these 15 

replacements is needed if the Proposed Project is constructed.   16 

The No Project Alternative does not address the risk of losing service to some or all 17 

South Orange County customers during or after Category C events, forced outages during a 18 

Talega Substation maintenance outage, or forced outages during maintenance at other 19 

substations.  This alternative does not address Category C contingencies under which SDG&E 20 

would not be able to shed load quickly enough to remain within Applicable Ratings, and thus 21 

would not permit SDG&E to remain compliant with FERC-approved NERC Reliability 22 

Standards as required by Section 215 of the Federal Power Act. 23 
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In the DEIR, the CPUC recognizes that Category C3 (N-1-1) overloads will occur, and 1 

states: “In accordance with CPUC General Order 131-D, it is anticipated that the applicant would 2 

implement system adjustments (e.g., reconductor 138-kV line segments) prior to this date to 3 

ensure that some or all of these overload scenarios do not occur.”117  But in comparing the No 4 

Project Alternative to the Proposed Project, the DEIR states that only “minor maintenance work 5 

would occur as needed to repair or replace failed or inadequate substation equipment and 6 

transmission line facilities.”118  Because the DEIR Alternative B1 proposes the same 7 

reconductoring that the CPUC identifies as “anticipated” under the No Project Alternative,119 it 8 

seems clear that the CPUC’s No Project Alternative only includes “minor maintenance work” 9 

and not reconductoring of any 138 kV lines.  10 

SDG&E’s practice is to provide reliable service to its customers and the No Project 11 

Alternative fails to meet SDG&E’s operating and reliability criteria. 12 

As the CPUC agrees, demand side management and energy conservation programs would 13 

not offset current transmission overload issues in the south Orange County System as the 14 

expected impact of such programs is already included in SDG&E’s load forecasts for the area.120 15 

B. Solar Rooftop Systems Will Not Provide Reliable Electric Service to 16 
SDG&E’s South Orange County Customers (Witness Cory Smith) 17 

The CPUC’s DEIR asserts: 18 

In addition, under the No Project Alternative, it is assumed that energy efficiency 19 
improvements and distributed generation facilities (including rooftop solar generation) 20 
will continue to be implemented throughout the 10-year planning horizon that will 21 
incrementally reduce load on SDG&E’s 138-kV South Orange County System.  The 22 
installation of new rooftop solar generation facilities is expected to continue during the 23 
10-year planning horizon for the proposed project.  Nationwide, the cost of new solar 24 

                                                            
117 DEIR at 3-6. 
118 DEIR at 5-4. 
119 Compare DEIR at 3-5 to 3-6 with DEIR at 3-7. 
120 DEIR, Appendix B, CEQA Alternatives Screening Report at 3-4. 
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installations is anticipated to continue to decrease, and the amount of solar power 1 
generation is expected to increase through 2024.  …  2 
The applicant’s data indicate that by the end of 2014, more than 12.6 megawatts (MW) of 3 
demand within the south Orange County service area will be provided by rooftop solar 4 
generation, which is approximately 3 percent of the approximately 450 MW South 5 
Orange County 138-kV System (see Appendix B). Should the installation of new rooftop 6 
solar generation continue to increase within southern Orange County, the additional 7 
generation would substantially offset the increase in electrical demand anticipated by the 8 
applicant, which is estimated at 5.7 MW per year (1.1 percent per year) through 2024; 9 
Table 1-1.  In 2013, 3.1 MW of new solar generation [nameplate] was installed within the 10 
applicant’s South Orange County service area (see Appendix B).  Additionally, peak 11 
demand typically occurs during daylight hours in the summer, when rooftop solar 12 
facilities are capable of generating power.121  13 

The DEIR’s analysis is mistaken in several respects and rooftop solar (PV) will not 14 

ensure reliable electric service for SDG&E’s South Orange County customers. 15 

While PV produces energy when the sun shines, the majority of PV systems are oriented 16 

due south to maximize energy production with a resultant production peak occurring at 17 

approximately 1 pm.  However, as shown in Figure 3-1 below, residential customer load will 18 

peak at 6 pm or later when PV system output is de-minimus.  This is confirmed in Figure 3-2, 19 

which is a plot showing actual load consumed in South Orange County with an estimate of 20 

possible solar production.  Hourly solar production data was created using the known installed 21 

capacity of solar installations in South Orange County (12.5 MW) and data available from 22 

NREL.122  The plot shows load supplied to each substation and the sum of all the substation 23 

loads for a 24 hour period starting at 12 am.  At the bottom of the plot is an estimate of PV 24 

                                                            
121 DEIR at 3-6 (footnote omitted).  As recognized in footnote 6, DEIR at 3-6: “The rooftop solar 
generation capacity data provided by the applicant refer to the nameplate capacity of installed rooftop 
solar equipment. The applicant is not able to report the specific amount of power provided by Net Energy 
Metering program participants with rooftop solar installations.”  SDG&E does not know how much 
energy is produced by a customer’s PV system as that energy is consumed by the customer.  As the 
CPUC’s footnote recognizes: “Net Energy Metering program generation, however, is accounted for in the 
South Orange County 138-kV System’s recorded (historical) peak loads (Figure 1-1) and is reflected in 
the applicant’s system-wide load forecasts, which are based in part, on historical peak loads.” 
122 NREL National Renewable Energy Laboratory. http://gisatnrel.nrel.gov/PVWatts_Viewer/index.html 
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production for each hour.  Note, actual PV production is netted with load (it is included with 1 

substation load data).  As Figure 3-2 shows, South Orange County load is reaching its peak as 2 

the PV production is waning.   3 

Figure 3-1: Typical Residential PV Customer Load Profile 4 

 5 

6 
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Figure 3-2: South Orange County Load Profile with Installed PV MW Nameplate Profile. 1 

 2 

In order to shift the PV production to the evening, some form of energy storage needs to 3 

be utilized.  Existing PV systems do not have energy storage and it is unlikely that future PV 4 

installations will install energy storage given the additional costs.  Additionally, an energy 5 

management system is required to accomplish this time shifting action at another additional cost. 6 

Additionally, as the amount of South Orange County PV increases, the marine layer will 7 

impact all PV systems uniformly and create an aggregate transmission issue that must be 8 

mitigated at the transmission level.  Figure 3-3 is a plot showing the aggregate solar production 9 

of a group of PV customers over a five day period.  Day 1, production smoothly rises to a peak 10 

of a little over 2 MW (2,000,000 Watts) and falls off smoothly.  Day 2 is roughly the same, but 11 

by Day 3 a marine layer interferes causing spotty production.  Day 4 is a little worse than Day 3 12 

and on Day 5 production begins to improve.  This example is only 2 MWs.  As suggested by the 13 
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DEIR, this could grow to 20 MW and beyond.   Large power swings combined with 1 

intermittency will require addition control measures which may require costly equipment ($81 2 

million - $99 million for a dynamic voltage control device) which is not included in the DEIR 3 

No Project Alternative.  The Proposed Project provides a connection to the larger 230 kV 4 

system, which will mitigate these impacts.  5 

Figure 3-3: Five Days of Aggregated Residential Solar Production 6 

 7 

Because South Orange County receives all of its power through Talega Substation, loss 8 

of the 230 kV or 138 kV service at or from Talega will result in the loss of power to the entire 9 

South Orange County area.  Contrary to popular belief, customers’ PV systems will also go dark 10 

as the inverters, in response to Rule 21 and IEEE 1547 standards, disconnect upon loss of a grid 11 

DAY 1
 

DAY 2 DAY 3 DAY 4 DAY 5

WATT
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voltage reference.  While there is a great deal of discussion regarding microgrids, there are no 1 

generation resources and control systems in place to allow an islanded South Orange County to 2 

operate as an island away from the main grid.  The generator located at Prima Deshecha landfill 3 

which is connected to the 12 kV distribution network is not designed for islanded operation. 4 

The Proposed Project creates a second connection to the main grid at a rebuilt Capistrano 5 

Substation.  This will ensure that PV systems continue to operate during an outage of Talega 6 

Substation.  Furthermore, the second connection at Capistrano will stabilize power fluctuations 7 

caused by PV generation.  South Orange County will be able to accept a large penetration of 8 

residential PV without costly transmission upgrades. 9 

The DEIR assumptions about PV growth also may be overly optimistic. There is 10 

uncertainty regarding the pace of future PV installations.  Potential changes in rate design, NEM 11 

2.0 and investment tax credits likely will have some impact on PV adoption in South Orange 12 

County.123  Rate design changes can have a significant impact, as shown in the attached article 13 

regarding a lawsuit in Arizona.124  Regulatory actions are currently active in California on rate 14 

design.125  The federal investment tax credit is set to expire on December 31, 2016.  In sum, there 15 

is no guarantee that the predicted amount of PV penetration in South Orange County (which 16 

would not impact the peak loads there in any event), will even materialize. 17 

                                                            
123 See, e.g., Attachment 18 (“Rooftop solar finds out utilities can disrupt, too”) 
124 See, e.g., Attachment 19 (“SolarCity sues Salt River Project over 'anti-competitive' 
solar customer rates”). 
125 See Order Instituting Rulemaking on the Commission’s Own Motion to Conduct a Comprehensive 
Examination of Investor Owned Electric Utilities’ Residential Rate Structures, the Transition to Time 
Varying and Dynamic Rates, and Other Statutory Obligations, R.12-06-013.  
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Section 5. To Provide Reliable Electric Service Without the Proposed Project, 1 
SDG&E Would Pursue Numerous Other Reliability Projects.  2 
(Witness Cory Smith) 3 

SDG&E has an obligation to meet NERC reliability standards and CAISO planning 4 

standards.  If the Commission were to select the No Project Alternative, SDG&E would have an 5 

obligation to implement, or where necessary seek authorization to implement, other projects in 6 

an attempt to ensure compliance with NERC reliability standards as well as more stringent 7 

CAISO standards.   8 

To comply with the mandatory NERC Reliability Standards and provide reliable electric 9 

service, but not addressing the vulnerability created by having Talega Substation as the sole 10 

source of power to SDG&E’s South Orange County system, SDG&E would seek to implement 11 

the following projects: 12 

 SDG&E has identified upgrades needed to meet NERC standards under the CPUC’s No 13 
Project Alternative.  SDG&E would need to implement projects to upgrade transmission 14 
lines; TL13835A, TL13816, TL13836, TL13846A and TL13846C.  15 
 16 

 As described in Section 3 above (and to add any transmission lines to Capistrano 17 
Substation), SDG&E also would need to proceed with rebuilding Capistrano Substation 18 
with space to add a voltage control device at Capistrano Substation. 19 
 20 

 Without the Proposed Project, SDG&E will need to replace the two transformers at 21 
Talega Substation and replace the Talega STATCOM with a new dynamic voltage 22 
control device to be installed at either Capistrano or Talega substation.  23 

In addition, to address the vulnerabilities arising from Talega Substation serving as the 24 

sole source of power to SDG&E’s South Orange County system, SDG&E would seek 25 

authorization to construct a 138 kV transmission line from its San Luis Rey Substation located 26 

south of Camp Pendleton to San Mateo Substation located on the northern border of Camp 27 

Pendleton.  Connection of a 138kV transmission line at San Luis Rey Substation, located in the 28 

city of Oceanside, County of San Diego, would require the addition of two new 230/138kV 29 
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transformers.  Since the PEA was filed, the generation at San Onofre was unexpectedly retired. 1 

This event prompted the CAISO to approve local voltage support equipment to be installed at 2 

San Onofre, Talega and San Luis Rey substations.  To make room for the new equipment at San 3 

Luis Rey, the 138 kV yard is being retired and removed.  The addition of new 138/230 kV 4 

transformers would require building of a 138 kV yard within the San Luis Rey Substation.   5 

Section 6. The Reliability Projects That Would Be Necessary under the No 6 
Project Alternative Are More Costly Than the Proposed Project.  7 
(Witness Willie Thomas) 8 

The projects that SDG&E would need to pursue if the Commission selected the No 9 

Project Alternative can be broken into several groups: (a) the work necessary to comply with 10 

NERC Reliability Standards; (b) the additional work necessary to mitigate the risk of a Talega 11 

Substation outage and other events that would cause load shedding; and (c) the additional work 12 

that would not be avoided if the Proposed Project is not approved.  13 

Based on conceptual engineering and comparisons to other projects, SDG&E’s 14 

preliminary estimate of the costs of the projects that SDG&E would reasonably expect to 15 

implement, and where necessary seek authorization to implement, to comply with NERC 16 

Reliability Standards  if the CPUC selects the No Project Alternative are as follows:  17 

 At an estimated cost from $97 million - $118 million (including AFUDC), upgrade or 18 

replace the several 138kV transmission lines identified in Section 5.  The scope of work 19 

would include the following: 20 

(1) TL13835A (Laguna Niguel to Talega Hub) 21 
(a) Reconductor approximately 9.5 miles of overhead conductor and replace all 22 

structures. 23 
(b) Reconductor of approximately 1,800 feet of underground cable in Vista 24 

Montana with and associated cable splices and termination.  25 
(c) Reconductor of approximately 10,000 feet of underground cable segment 26 

from Laguna Niguel Substation to cable pole structure and associated cable 27 
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splices and terminations, includes new spices and terminations. The route 1 
generally goes south from Laguna Niguel Substation, on to Park Rd, east on 2 
Del Avion, and north on Golden Lantern Street, to a cable riser structure 3 
across the street from Laguna Niguel Dog Park. Traffic control will be 4 
required for cable pulling and splicing at six different vaults along the route. 5 

(d) By reconductoring the line a SPS (special protection scheme) would be 6 
eliminated. 7 

(e) Distribution facilities would need to be transferred (approximately 3.0 miles) 8 
to the new 138kV poles from Capistrano to Prima Deshecha Landfill. 9 
 10 

(2) TL13816 (Capistrano to Pico) 11 
(a) Reconductor approximately 1,800 feet of underground cable in Vista Montana 12 

and associated cable splices and terminations. To install the cable, extended 13 
outages would be required on TL13816 and TL13833 because they share the 14 
same trench and vaults, and crews would need the facilities de-energized to 15 
safely perform their work.  Also, getting outages on the lines at the same time 16 
are likely not feasible due to system outage constraints. To facilitate the 17 
reconductor in this section of the line, a third trench, conduit and vault 18 
package would likely be necessary in Vista Montana, and would be similar to 19 
the Proposed Project. 20 

(b) Reconductor approximately 24,000 feet of overhead conductor from 21 
approximately San Juan Creek road to San Juan Hills High School, and from 22 
the intersection of Vista Montana and La Pata avenue to Pico substation. 23 
 24 

(3) TL13836 (Pico to Talega Sub) 25 
(a) Reconductor approximately 2,200 feet from Talega to Talega Hub and replace 26 

six wood poles from Talega Sub to Talega Hub to improve reliability and fire 27 
resistance as they are within fire prone areas. 28 
 29 

(4) TL13846A (Pico to Talega Hub) 30 
(a) Reconductor approximately 4,000 feet of overhead conductor with bundled 31 

conductor, and replace approximately 3 poles with steel poles. 32 
 33 

(5) TL13846C (Talega Hub to Talega Sub) 34 
(a) Reconductor approximately 1,900 feet of overhead conductor and replace 35 

approximately 7 wood poles with steel poles. 36 
 37 

(6) Move TL13846A From Pico East Bus to Pico West Bus 38 
(a) To facilitate  TL13846 crossing TL13833, replace steel pole adjacent to Pico 39 

with cable riser pole and install approximately 500ft of trench, conduit, cable 40 
to route to west bus. 41 
 42 

(7) Move TL13833 From Pico West Bus to Pico East Bus 43 
(a) To facilitate  TL13833 crossing TL13846, replace steel pole adjacent to Pico 44 

with cable riser pole and install approximately 500ft of trench, conduit, cable 45 
to route to east bus. 46 



(PUBLIC/REDACTED VERSION) 

 

79 
 

 1 
 As stated in Chapter 3, Section 3, rebuilding Capistrano Substation as a 138/12 kV 2 

substation at an estimated cost between $135 million - $165 million (includes AFUDC). 3 

 As described in Section 5 above, construct a new dynamic voltage control device (SVC, 4 

STATCOM or Synchronous Condenser) at the new rebuilt 138/12 kV Capistrano 5 

Substation or replace the existing STATCOM at Talega Substation at an estimated cost of 6 

$81 million - $99 million (with AFUDC, $89 million to $109 million).  7 

Based on conceptual engineering and comparisons to other projects, SDG&E’s 8 

preliminary estimate of the costs of the projects that SDG&E would not avoid without 9 

construction of the Proposed Project is as follows:  10 

 As stated in Section 4 above, replacement of the two transformers at Talega Substation is 11 

estimated to cost between $15 million - $20 million (with AFUDC, $17 million to $21 12 

million). 13 

Based on conceptual engineering and comparisons to other projects, SDG&E’s 14 

preliminary estimate of the costs of the projects that SDG&E would reasonably expect to 15 

implement, and where necessary seek authorization to implement, to provide a second source of 16 

power to South Orange County if the CPUC selects the No Project Alternative are as follows: At 17 

an estimated cost of $242 million - $296 million (includes AFUDC), add a second source from 18 

San Luis Rey Substation to San Mateo Substation by: 19 

o Addition of a new 138 kV substation at San Luis Rey, by adding two new 20 
230/138kV transformers and expanding the existing San Luis Rey Substation, 21 

o 138kV Underground getaway from San Luis Rey into TL23006 Overhead 22 
structure (approximately 1,500 feet), 23 

o Reconductor of both sides of TL23006 with bundled conductor from San Luis 24 
Rey to SONGS Tap (approximately 18 miles), 25 

o Reconductor TL99904 (de-energized TL13832) from SONGS Tap to San Mateo 26 
Tap with bundled conductor (approximately 6.5 miles) on existing steel lattice 27 
towers, 28 
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o Replacement of TL13835 from San Mateo Tap to San Mateo with double circuit 1 
steel pole structures (approximately 12 structures), transfer of TL13835 2 
conductor, and add new bundled wire for new 138kV (approximately 3,500 feet), 3 

o Addition of a new transmission line terminal at San Mateo Substation (created by 4 
rebuilding the existing substation) and additional dynamic voltage support in 5 
South Orange County. 6 

The total estimated cost of these projects would range from $580 million to $708 million, 7 

well in excess of the Proposed Project’s estimated cost.  This estimated cost would not be used 8 

for actual project budget costs, which could not be obtained until a higher level of engineering is 9 

done on the proposed design, but is provided for a comparison of the Proposed Project’s cost to 10 

the No Project Alternative’s reasonably anticipated costs.  11 

Section 7. The Reasonably Expected Actions If the No Project Alternative Is 12 
Selected May Have Greater Environmental Impacts Than the 13 
Proposed Project (Witness Scott Boczkiewicz) 14 

The CPUC’s DEIR states: “The purpose of describing and analyzing a No Project 15 

Alternative is to allow decision-makers to compare the effects of approving versus not approving 16 

the proposed project.”126  The reasonably anticipated actions that would arise if the Commission 17 

were to select the No Project Alternative may have greater environmental impacts than the 18 

Proposed Project. 19 

First, the CPUC’s DEIR recognizes that at least one 138 kV line segment would need to 20 

be reconductored, but does not consider its environmental impacts.  The CPUC asserts that the 21 

No Project Alternative would meet Objective 1 because of “the anticipated rooftop solar facility 22 

installations and the applicant’s ability to replace both distribution line facilities and 138-kV line 23 

facilities to meet conditions that may occur under the No Project Alternative.”127  24 

Referring to two expected NERC Category C (N-1-1) overloads on a section of the 25 

Talega–Laguna Niguel–San Mateo 138-kV Line (TL13835) by 2020, the DEIR states: “In 26 
                                                            
126 DEIR at 3-3. 
127 DEIR at 3-6. 
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accordance with CPUC General Order 131-D, it is anticipated that the applicant would 1 

implement system adjustments (e.g., reconductor 138-kV line segments) prior to this date to 2 

ensure that some or all of these overload scenarios do not occur.  Examples of system 3 

adjustments that could be implemented may be similar to the installations discussed under 4 

Alternatives B1 through B4.”128 5 

In other words, the work reasonably expected under the No Project Alternative includes 6 

numerous potential smaller projects, including reconductoring of the same segment of the 7 

Laguna Niguel–Talega 138-3 kV Line (TL13835) that is contemplated under DEIR Alternative 8 

B-1.  Thus, the environmental impacts of the No Project Alternative should be at least as great as 9 

the environmental impacts of Alternative B-1.129   10 

The DEIR, however, when comparing environmental impacts of the Project and its 11 

alternatives, does not include any environmental impacts of the reconductoring project that it 12 

agrees would occur under the No Project Alternative.  Specifically, reconductoring of TL13835 13 

by itself, even without rebuilding Capistrano Substation, could still result in temporary 14 

exceedance of SCAQMD LST thresholds, which would be significant and unavoidable under 15 

CEQA.130  16 

Second, as discussed above, to provide reliable electric service, SDG&E would seek to 17 

construct additional projects, including the reconductoring of other 138kV power lines in the 18 

south Orange County service territory and the construction of a new 138kV power line between 19 

the San Luis Rey Substation (located in the City of Oceanside, San Diego County) and the San 20 

Mateo Substation located in San Clemente, Orange County.  These additional projects would 21 

                                                            
128 DEIR at 3-6 (footnotes omitted). 
129 SDG&E discusses the infeasibility of Alternative B-1 in Chapter 4 infra. 
130 DEIR at 5-5. 
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result in increases in emissions of criteria pollutants, and could also include potential impacts to 1 

aquatic, biological and cultural resources during construction of the new 138kV power line from 2 

the San Luis Rey Substation.  The environmental impacts of these projects may exceed those of 3 

the Proposed Project. 4 

Section 8. The Talega STATCOM Would Not Be Replaced If the Proposed 5 
Project is Approved (Witness Cory Smith). 6 

The CPUC’s DEIR states: “Regardless of whether the proposed project is constructed, it 7 

is reasonably foreseeable that the following would occur prior to 2018 …: � Talega Substation’s 8 

STATCOM would be replaced …”131   9 

This is not correct.  As SDG&E expressly informed Energy Division: “The SOCRE 10 

Project removes the need to upgrade and replace 138 kV transmission in South Orange County 11 

and the need to replace the STATCOM when it reaches the end of its useful life.  The 12 

STATCOM will only be replaced if the Project is not constructed and there is no 2nd 230 kV 13 

source.”132   14 

As stated in SDG&E’s January 15 Testimony at 91-92, the STATCOM will be replaced, 15 

at an approximate cost of $81 million - $99 million (without AFUDC), only if the Proposed 16 

Project is not approved.  Therefore, the environmental impacts of replacing the STATCOM 17 

should have been, but were not, considered for the No Project Alternative, but not for the 18 

Proposed Project.  19 

20 

                                                            
131 DEIR at 3-4 (footnotes omitted). 
132 SDGE 2/11/2015 Response to Energy Division Data Informal Data Request Dated February 6, 2015. 
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CHAPTER 4  THE DEIR’S RECONDUCTORING ALTERNTATIVE IS NOT 1 
FEASIBLE  2 

Section 1. Introduction (Witness John Jontry) 3 

The CPUC’s DEIR describes “Alternative B1 – Reconductor Laguna Niguel–Talega 138-4 

kV Line” (the “Reconductoring Alternative”) as follows: 5 

Under Alternative B1, which was identified by the CPUC, a segment of the Laguna 6 
Niguel–Talega 138-kV Line (TL13835) would be reconductored with conductor of a 7 
comparable size but higher capacity, such as aluminum conductor steel supported 8 
(ACSS) or similar. ACSS has a higher operating temperature and greater resistance to 9 
overload than other types of comparably sized conductor, such as aluminum conductor 10 
steel reinforced (ACSR) (Southwire 2014). The use of ACSS or similar high-capacity 11 
conductor would allow for high power transfer (e.g., 273 megavolt amperes [MVA]) in 12 
comparison to the existing 138-kV line’s 136 MVA rating.  13 

Under this alternative, a 138-kV segment (approximately 7. 8 miles long) from 14 
Capistrano Substation to Talega Substation would be reconductored (Figure 3-1). 15 
Reconductoring would occur along the same transmission line route (Segments 1b to 4) 16 
as the proposed project (Figures 2-1 and 3-1). In addition, an approximately 2.5-mile-17 
long segment of transmission line (TL13835) from Laguna Niguel Substation would be 18 
tied into Capistrano Substation (but would not require reconductoring) at a location 19 
adjacent to the substation to create a new Laguna Niguel–Capistrano 138-kV Line under 20 
this alternative. Some structures may need to be replaced during reconductoring.  21 
Equipment at Capistrano Substation found to be inadequate would also be replaced.133 22 

The Reconductoring Alternative is not feasible for the reasons discussed below.  In brief, 23 

the Reconductoring Alternative does not achieve compliance with NERC Reliability Standards, 24 

does not rebuild Capistrano Substation as necessary to provide reliable electric service to its 25 

customers and to accommodate the proposed interconnection, and does not mitigate the 26 

vulnerability of Talega Substation serving as the sole source of power to SDG&E’s South 27 

Orange County system.  If the Commission were to select the Reconductoring Alternative, 28 

SDG&E reasonably expects to implement, or where necessary seek authorization to implement, 29 

numerous other reliability projects that likely will cost more than the Proposed Project and which 30 

may have much greater environmental impacts. 31 

                                                            
133 DEIR at 3-7. 
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Section 2. The Reconductoring Alternative Does Not Comply with Mandatory 1 
NERC Reliability Standards (Witness Cory Smith) 2 

Compliance with NERC transmission planning standards require that all transmission 3 

equipment must be within Applicable Ratings at all times. The category or type of contingency 4 

does not change this.  NERC standards allow load shedding to be used following an event which 5 

removes multiple elements from service as long as all transmission elements remain within the 6 

Applicable Rating.  If any element falls outside the Applicable Rating, a System Operating Limit 7 

has been violated which is a violation of NERC operating standards.   8 

NERC transmission planning standards are designed to identify elements which may load 9 

above the Applicable Rating in the future.  In compliance with NERC transmission planning 10 

standards, SDG&E assessed DEIR Alternative B1 (Reconductor section of TL13835A & loop 11 

into Capistrano).   12 

The description in the DEIR of Alternative B1 lacks detail about the termination points of 13 

the new Capistrano transmission line interconnections.  This is important.  The location of circuit 14 

breakers with respect to transmission equipment will define how the system reacts to a 15 

contingency event (fault) which forces the protection system to isolate failed equipment (e.g., a 16 

single circuit breaker may protect two pieces of equipment).  To create a power flow model, 17 

SDG&E had to make assumptions about this CPUC alternative.  There are no vacant positions on 18 

the existing 138 kV bus at Capistrano and there is not enough space to extend the existing bus.  19 

SDG&E would need to build a new 138 kV substation in the location identified by the Proposed 20 

Project, which is located on the same property as the existing 138 kV substation, and move all 21 

connections to the new substation (the old substation would be razed).  The rebuilt Capistrano 22 

138 kV substation would be designed to minimize exposure to bus faults (Category C1) and 23 

circuit breaker failures (Category C2).  To accomplish this, the new substation would be of 24 
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“breaker and a half” design and transmission lines would be connected in such a way that no two 1 

transmission lines share a common circuit breaker. This reduces the risk of a circuit breaker 2 

failure removing two transmission lines from service. 3 

Assuming SDG&E is successful in its design goals, Category C1 and C2 contingencies at 4 

a rebuilt Capistrano Substation will only remove a single transmission line or transformer.  This 5 

leaves the overlapping outage of transmission elements (Category C3). 6 

SDG&E has identified contingencies which would cause transmission equipment to load 7 

above the Applicable Rating. Table 4-8 lists four transmission lines that will exceed the 8 

maximum Applicable Rating. These are C3 (N-1-1) events, which would require SDG&E to 9 

shed load following the first transmission line outage to prevent a violation following the second 10 

transmission line outage. 11 

Table 4-8 – Alternative B1: Transmission Lines which will Exceed Emergency Rating. 12 

South Orange 
County Load 
Level. (MW) 

Based on latest 
forecast. Year 
load will be 

Reached 

Transmission 
Line Outage 

Transmission 
Line Outage 

Transmission Line 
which will meet or 

exceed its emergency 
rating 

450 2017 TL13831 TL13835 TL13816 
475 2020 TL13831 TL13846 TL13836 
500 2024 TL13835 TL13836 TL13846C 
500 2024 TL13836 TL13846 TL13835C 

If the Commission were to select the DEIR Alternative B1, the “Reconductoring 13 

Alternative,” SDG&E would need to upgrade these four additional transmission lines to remain 14 

compliant with mandatory NERC transmission planning standards.  In all, under this Alternative, 15 

SDG&E would need to implement projects to upgrade transmission lines TL13816, TL13846C, 16 

TL13835C, and TL13836 in addition to the transmission line reconductored as part of 17 

Alternative B1 “a 138-kV segment (approximately 7.8 miles long) from Capistrano Substation to 18 
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Talega Substation”).134  As set forth in Section 7 below, without preliminary engineering of such 1 

project and based solely on comparison to similar projects, SDG&E estimates that such projects 2 

would cost from $64 million - $79 million. 3 

As discussed below, upgrading these lines alone would not provide reliable electric 4 

service to SDG&E’s South Orange County customers. 5 

Section 3. The Reconductoring Alternative Is Infeasible Because it Does Not 6 
Rebuild Capistrano Substation (Witness Karl Iliev) 7 

For the reasons set forth above with respect to the DEIR’s No Project Alternative, the 8 

failure of the DEIR’s Reconductoring Alternative to include rebuilding the Capistrano 9 

Substation—at least as a 138/12 kV substation--means that it will not provide reliable electric 10 

service to SDG&E’s South Orange County customers.  The DEIR’s Reconductoring Alternative 11 

provides only that “Equipment at Capistrano Substation found to be inadequate would also be 12 

replaced.”135   13 

Adequate reliability can only be gained by a complete rebuild and expansion of the 14 

existing substation.  Replacing aging equipment after it fails136 will not achieve the 15 

improvements provided by the Proposed Project, and will not achieve SDG&E’s goal to provide 16 

reliable electric service to its South Orange County customers. 17 

Moreover, the Reconductoring Alternative cannot be implemented without rebuilding 18 

Capistrano Substation.  The CPUC DEIR’s Reconductoring Alternative states: “In addition, an 19 

approximately 2.5-mile-long segment of transmission line (TL13835) from Laguna Niguel 20 

Substation would be tied into Capistrano Substation (but would not require reconductoring) at a 21 

                                                            
134 DEIR at 3-7. 
135 DEIR at 3-7. 
136 SDG&E already has identified Capistrano Substation equipment as at or near the end of its useful life.  
By not directly stating that the Reconductoring Alternative includes rebuilding the Capistrano Substation, 
the DEIR presumably is stating that SDG&E must wait until the equipment fails to replace it. 
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location adjacent to the substation to create a new Laguna Niguel–Capistrano 138-kV Line under 1 

this alternative.”137 2 

Even if the Capistrano Substation did not otherwise require rebuilding, Capistrano 3 

Substation and the transmission lines feeding into it would require a rebuild to facilitate 4 

TL13835 entrance into the substation.  To loop TL13835 into Capistrano Substation would 5 

require the addition of two new positions, which the current configuration cannot accommodate.   6 

Any rebuild of Capistrano Substation should also account for spare positions to meet 7 

future needs for additional lines, distribution transformers, or other elements outside of the 8 

current planning time horizon, but within the service life of the rebuilt station.  It is more 9 

efficient to account for these needs at the time of the rebuild, rather than to build the station for 10 

the minimum needs identified and require another expensive rebuild for any unforeseen 11 

substation expansion. SDG&E would rebuild the station to add an ultimate capacity of a 12 

minimum of four new elements, which would necessitate relocation of the switchyard to the 13 

lower yard on SDG&E-owned property to obtain these positions.  The additional Tie Lines 14 

would also require the bus configuration to be a breaker and half to meet SDG&E’s reliability 15 

standards.  These additional positions and new configuration will require Capistrano Substation 16 

to be rebuilt similar to that identified in SDG&E’s Proposed Project, without the proposed scope 17 

of the 230 kV switchyard. 18 

Additionally, the ability to rebuild the substation within its existing footprint (to a 19 

maximum of two additional positions) would be limited under the current transmission 20 

configuration as CAISO does not allow extended outages on TL13835 that would be needed to 21 

                                                            
137  DEIR at 3-7. 
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implement Alternative B1 because this would result in Laguna Niguel substation being fed by 1 

only one transmission line.   2 

Rebuilding Capistrano Substation as a 138/12 kV substation is estimated to cost $135 3 

million - $165 million (includes AFUDC). 4 

Section 4. As Described, the Reconductoring Alternative Lacks Transmission 5 
and Distribution Work Necessary to Make It Feasible (Witness Willie 6 
Thomas) 7 

As described in the DEIR, the transmission and distribution line work set forth in 8 

Alternative B-1 is not feasible because: 9 

a. TL13835A (Talega to Capistrano substations) – cannot simply be reconductored 10 
with a similar size ACSS.  A larger diameter ACSS compared to what exists 11 
today would be required to reach the ampacity rating of 273 MVA.  The sag of 12 
the ACSS wire may also exceed the minimum ground clearance requirements 13 
required in GO 95.  It is best to assume that all approximately 45 structures will 14 
need to be replaced.   15 

b. Existing UG cables do not meet required rating of 273 MVA.  Cables would have 16 
to be replaced for TL13835A, requiring an extended outage which may not be 17 
feasible as it would leave Laguna being fed by only one transmission line, 18 
TL13837, during the extended outage. 19 

c. A distribution circuit shares many of the same structures from Capistrano to the 20 
west end of Vista Montana Rd. The new poles would need to be designed to 21 
support the 138kV and well as the distribution level, unless the distribution was 22 
relocated as in the Proposed Project.  To avoid relocating the distribution, it 23 
would be reasonable to build the new line as double circuit structures rather than 24 
single circuit. 25 

Section 5. The Reconductoring Alternative Does Not Provide Reliable Electric 26 
Service (Witness Cory Smith) 27 

The DEIR’s Reconductoring Alternative does not include a second 230 kV source 28 

independent of Talega Substation.  Therefore, it does not address the system vulnerabilities that 29 

arise from having Talega Substation serve as the sole source of power to SDG&E’s South 30 

Orange County system.  This vulnerability would remain, despite incurring the cost to 31 
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reconductor most of the 138 kV transmission lines in South Orange County, which the Proposed 1 

Project renders unnecessary. 2 

Moreover, the Reconductoring Alternative, by not providing a second source, would 3 

require SDG&E to replace two transformers at Talega Substation at an estimated cost between 4 

$15 million - $20 million and future replacement of the STATCOM currently located at Talega 5 

Substation or addition of a new dynamic voltage control device at a rebuilt Capistrano Substation 6 

to maintain voltage support at an estimated cost of $81 - $99 million.  This cost estimate does not 7 

include the potential purchase of additional easements to accommodate the replacement 8 

equipment.  None of these projects at Talega Substation is needed if the Proposed Project is 9 

constructed. 10 

Section 6. To Provide Reliable Electric Service, SDG&E Would Pursue Other 11 
Reliability Projects (Witness Cory Smith).  12 

If the Commission were to select the Reconductoring Alternative, SDG&E would 13 

reasonably expect to implement, and where necessary seek authorization to implement, the 14 

following projects in addition to the work stated in this Alternative. 15 

To comply with the mandatory NERC Reliability Standards and provide reliable electric 16 

service, but not addressing the vulnerability created by having Talega Substation as the sole 17 

source of power to SDG&E’s South Orange County system, SDG&E would seek to implement 18 

the following projects: 19 

 As described in Section 2 above, SDG&E has identified transmission line 20 
upgrades in addition to the upgrade contemplated by DEIR Alternative B1 which 21 
are needed to meet NERC standards under this Alternative.  SDG&E would need 22 
to implement projects to upgrade transmission lines; TL13835A, TL13835C, 23 
TL13816, TL13846C, and TL13836.  (Not all of these projects require 24 
transmission line replacement). 25 
 26 

 As described in Section 3 above, SDG&E also would need to proceed with 27 
rebuilding Capistrano Substation as a 138/12 kV substation. 28 
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 1 

 Without the Proposed Project, SDG&E will need to replace the two transformers 2 
at Talega Substation and replace the Talega STATCOM with a new dynamic 3 
voltage control device to be installed at either Capistrano or Talega substation.  4 

In addition, to address the vulnerabilities arising from Talega Substation serving as the 5 

sole source of power to SDG&E’s South Orange County system, SDG&E would seek 6 

authorization to construct a 138 kV transmission line from its San Luis Rey substation located 7 

south of Camp Pendleton to San Mateo Substation located on the northern border of Camp 8 

Pendleton.  This additional 138kV transmission line at San Luis Rey Substation, located in the 9 

city of Oceanside, County of San Diego, would also require the addition of two new 230/138kV 10 

transformers.  Since the PEA was filed, the generation at San Onofre was unexpectedly retired. 11 

This event prompted the CAISO to approve local voltage support equipment to be installed at 12 

San Onofre, Talega and San Luis Rey substations.  To make room for the new equipment at San 13 

Luis Rey, the 138 kV yard is being retired and removed.  The addition of new 138/230 kV 14 

transformers would require building a new 138 kV yard within the San Luis Rey substation. 15 

Section 7. The Reliability Projects That Would Be Necessary under the 16 
Reconductoring Alternative Are More Costly Than the Proposed 17 
Project.  (Witness Willie Thomas) 18 

The projects that SDG&E would need to pursue if the Commission selected the 19 

Reconductoring Alternative can be broken into several groups: (a) the work necessary to simply 20 

implement what the DEIR describes as the Reconductoring Alternative; (b) the additional work 21 

necessary to comply with NERC Reliability Standards; (c) the additional work necessary to 22 

mitigate the risk of a Talega Substation outage and other events that would cause load shedding; 23 

and (d) the additional work that would not be avoided if the Proposed Project is not approved.  24 
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Based on conceptual engineering and comparisons to other projects, SDG&E’s 1 

preliminary estimate of the costs simply to implement the CPUC’s Reconductoring Alternative is 2 

as follows: 3 

 At an estimated cost from $48 million - $58 million (includes AFUDC), upgrade or 4 

replace the 138kV transmission lines identified in the DEIR Alternative.  The scope of 5 

work would include the following: 6 

 Reconductoring the transmission line identified as part of Alternative B1 7 
(TL13835A & C), “a 138-kV segment (approximately 7.8 miles long) from 8 
Capistrano Substation to Talega Substation”).138  Some of the DEIR assumptions 9 
under this alternative are flawed. To facilitate the reconductor of this circuit, 10 
SDG&E would need to replace the wire with a wire larger in diameter and weight 11 
to meet the required rating. This would be true even if we used an “ACSS” wire 12 
as they are suggesting in the Draft EIR in section 3.2.2.  In doing so the sag and 13 
clearances of the wire are likely to cause clearance violations per GO 95, Rule 37 14 
and 38, Tables 1 & 2.  Without detailed engineering analysis, it is correctly 15 
assumed that replacement of all structures is necessary to accommodate the higher 16 
ampacity and larger conductor (both in weight and diameter).   Therefore, the 17 
work would include: 18 
 Reconductor approximately 7.5 miles of overhead conductor, removal of 19 

approximately 57 structures, and installation of approximately 46 new 20 
steel poles, and would be similar in scope to the Proposed Project except 21 
for slightly shorter structures and smaller foundations due to the reduced 22 
spacing required to build 138 kV structures versus 230 kV structures. The 23 
Draft EIR incorrectly assumes “…designed to support a single 24 
circuit…”139. It fails to address the need to transfer and accommodate the 25 
existing 12kV line from Capistrano Substation to the Landfill. In addition, 26 
it is common industry practice to design foundational steel structures to 27 
accommodate double circuit configurations. 28 

 Reconductor of approximately 1,800 feet of underground cable in Vista 29 
Montana with and associated cable splices and termination. 30 

 Tie an approximately 2.5-mile-long segment of transmission line (TL13835) from 31 
Laguna Niguel Substation into Capistrano Substation, without reconductoring to 32 
create a new Laguna Niguel–Capistrano 138-kV Line under this alternative. 33 

 Transfer Distribution conductor and equipment to new steel poles from 34 
Capistrano to Prima Deshecha Landfill. The 66/69kV structures that carry only 35 
the distribution facilities would be permanently removed. 36 

                                                            
138 DEIR at 3-7. 
139 Draft EIR 5.2.2 
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 As stated in Chapter 4, Section 3 above, Capistrano Substation would need to be rebuilt 1 

as a 138/12 kV substation to accommodate the tie-in of a new transmission line, and the 2 

estimated cost of doing so is between $135 and $165 million (includes AFUDC). 3 

Based on conceptual engineering and comparisons to other projects, SDG&E’s 4 

preliminary estimate of the costs of the projects that SDG&E would reasonably expect to 5 

implement, and where necessary seek authorization to implement, to comply with NERC 6 

Reliability Standards  if the CPUC selects the Reconductoring Alternative are as follows:  7 

 Upgrading or replacing the 138kV transmission lines identified in Section 2 above is 8 

estimated to cost $17 million to $20 million (includes AFUDC).  This includes: 9 

 13816 (Pico to Capistrano) 10 
o Reconductor approximately 1,800 feet of underground cable in 11 

Vista Montana and associated cable splices and terminations.  To 12 
install the cable extended outages would be required on TL13816 13 
and TL13833, and because they share the same trench and vaults, 14 
crews would need both circuits de-energized to safely perform 15 
their work.  In the case of TL13816 it would de-energized for 16 
weeks. Also, getting outages on the lines at the same time are 17 
likely not feasible due to system operating constraints. To facilitate 18 
the reconductor in this section of the line a third trench, conduit 19 
and vault package would likely be necessary in Vista Montana, and 20 
would be similar to the Proposed Project. 21 

o Reconductor approximately 24,000 feet of overhead conductor 22 
from approximately San Juan Creek road to San Juan Hills High 23 
school, and from the intersection of Vista Montana and La Pata 24 
avenue to Pico substation. 25 

 13836 (Pico to Talega) 26 
o Reconductor approximately 2,200 feet from Talega to Talega Hub. 27 

Six wood poles from Talega Sub to Talega Hub should be replaced 28 
to improve reliability and fire resistance as they are within fire 29 
prone areas. 30 

 13846C (Talega Hub to Talega Sub) 31 
o Reconductor approximately 1,900 feet of overhead conductor and 32 

replace approximately 7 wood poles with steel poles 33 
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Based on conceptual engineering and comparisons to other projects, SDG&E’s 1 

preliminary estimate of the costs of the projects that SDG&E would not avoid without 2 

construction of the Proposed Project are as follows:  3 

 Replacement of the two transformers at Talega Substation is estimated to cost between 4 

$15 million - $20 million (with AFUDC, $17 million to $21 million). 5 

 Replacement of the STATCOM currently located at Talega Substation or addition of a 6 

new dynamic voltage control device at Capistrano Substation is estimated to cost $81 7 

million - $99 million (with AFUDC, $89 million to $109 million).  This cost estimate 8 

does not include the potential purchase of additional easement on Camp Pendleton to 9 

accommodate the replacement equipment.  10 

Based on conceptual engineering and comparisons to other projects, SDG&E’s 11 

preliminary estimate of the costs of the projects that SDG&E would reasonably expect to 12 

implement, and where necessary seek authorization to implement, to provide a second source of 13 

power to South Orange County if the CPUC selects the Reconductoring  Alternative are as 14 

follows: 15 

 At an estimated cost of $242 million to $296 million (includes AFUDC), add a second 16 

source from San Luis Rey Substation to San Mateo Substation by: 17 

o Addition of a new 138 kV substation at San Luis Rey, by adding two new 18 
230/138kV transformers and expanding the existing San Luis Rey 19 
Substation, 20 

o 138kV Underground getaway from San Luis Rey into TL23006 Overhead 21 
structure (approximately 1,500 feet), 22 

o Reconductor of both sides of TL23006 with bundled conductor from San 23 
Luis Rey to SONGS Tap (approximately 18 miles), 24 

o Reconductor TL99904 (de-energized TL13832) from SONGS Tap to San 25 
Mateo Tap with bundled conductor (approximately 6.5 miles) on existing 26 
steel lattice towers, 27 

o Replacement of TL13835 from San Mateo Tap to San Mateo with double 28 
circuit steel pole structures (approximately 12 structures), transfer of 29 
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TL13835 conductor, and add new bundled wire for new 138kV 1 
(approximately 3,500 feet), 2 

o Addition of a new transmission line terminal at San Mateo Substation 3 
(created by rebuilding the existing substation) and additional dynamic 4 
voltage support in South Orange County. 5 

The total estimated cost of these projects would range from $548 million - $669 million 6 

(includes AFUDC), well in excess of the Proposed Project’s estimated cost.  This estimated cost 7 

would not be used for actual project budget costs, which could not be obtained until a higher 8 

level of engineering is done on the proposed design, but provides a basis for comparison of the 9 

Alternative’s cost compared to the Proposed Project’s cost.  10 

Section 8. The Reasonably Expected Actions If the Reconductoring Alternative 11 
Is Selected May Have Greater Environmental Impacts Than the 12 
Proposed Project (Witness Scott Boczkiewicz). 13 

The reasonably anticipated actions that would arise if the Commission were to select the 14 

Reconductoring Alternative may have greater environmental impacts than the Proposed Project. 15 

First, the DEIR identifies the significant and unavoidable environmental impacts of the 16 

Proposed Project as (1) temporary impacts to air quality, largely from the emissions during the 17 

rebuild of Capistrano Substation, (2) temporary traffic impacts from partial closure (one lane) on 18 

Camino Capistrano to allow undergrounding of existing transmission and distribution lines, and 19 

from any full closure of Camino Capistrano, Via Pamplona and Calle San Diego during 20 

undergrounding of existing power and distribution lines140, and (3) cumulative impacts on traffic, 21 

which arise specifically from the Camino Capistrano lane closure identified as having a 22 

significant traffic impact.   23 

The DEIR’s asserted reductions of these temporary adverse effects under the 24 

Reconductoring Alternative are largely related to omission of the impacts associated with 25 

                                                            
140 DEIR at 4.15-19.  SDG&E’s construction and engineering contractors do not expect a full closure of 
any of these roads during underground constructionand SDG&E did not state any full road closures in its 
Proponents Environmental Assessment (PEA). 
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rebuilding the Capistrano Substation.  Because Capistrano Substation must be rebuilt even if it 1 

remains a 138/12 kV substation, as set forth above, essentially all of these impacts will occur 2 

under the Reconductoring Alternative as well.141 3 

The DEIR’s Reconductoring Alternative understates the full extent of the required work 4 

at the Capistrano Substation in two respects and therefore understates the impacts that would 5 

occur (and overstates the reduction in impacts when compared to the Proposed Project). While 6 

the Reconductoring Alternative would remove the 230/138 kV substation yard at the Capistrano 7 

Substation site; the Capistrano 138/12 kV substation would still have to be rebuilt to provide 8 

reliable electric service to SDG&E’s South Orange County customers, as discussed in SDG&E 9 

January 15 Testimony, Chapter 5, and above at Section 3).  In addition, even if Capistrano 10 

Substation did not require being rebuilt to address reliability concerns, it would need to be rebuilt 11 

and expanded to accommodate the addition of the two new 138 kV connections (the Capistrano 12 

Substation currently does not contain capacity (space) to accommodate any new 138kV 13 

connections).  14 

Second, the DEIR states that the Reconductoring Alternative would reduce traffic 15 

impacts along Via Pamplona by utilizing an existing 138kV underground duct bank.  However, 16 

as described in Section 7 above, utilizing the existing duct bank to replace/upgrade the cable 17 

                                                            
141 Only the 230/138 kV yard of the rebuilt Capistrano Substation under the Proposed Project would be 
avoided by the Reconductoring Alternative.  The emissions from that work constitute less than half of the 
total anticipated Localized Significance Thresholds (LST) exceedances for all Capistrano Substation 
emissions estimated for the Proposed Project (DEIR Table 4.3-8a). Per the DEIR, the total emissions of 
the Proposed Project constitute “less than one percent of the total SCAQMD’s daily emissions inventory.”  
DEIR at 6-15. 
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would still likely require work (cable pulling and splicing) within Via Pamplona and Vista 1 

Montana.  Therefore, partial closures of Via Pamplona would still occur.142 2 

Third, as outlined in Chapter 4, Sections 2 and 6, SDG&E reasonably expects to 3 

implement or propose to implement additional projects to comply with NERC Reliability 4 

Standards and provide reliable electric service, including the reconductoring of other 138kV 5 

power lines in the south Orange County service territory and the construction of a new 138kV 6 

power line between the San Luis Rey Substation (located in the City of Oceanside, San Diego 7 

County) and the San Mateo Substation located in San Clemente.  These additional projects 8 

would result in increases in emissions of criteria pollutants, and could also include potential 9 

impacts to aquatic, biological and cultural resources during construction of the new 138kV 10 

power line from the San Luis Rey Substation. 11 

The combined environmental impacts of these projects would likely exceed those of the 12 

Proposed Project. 13 

14 

                                                            
142 Note that work required on Proposed Project Segment 2 (new 230kV underground in Vista Montana 
and Via Pamplona) would not require full road closures at Via Pamplona, and therefore would not result 
in significant, unavoidable impacts. 
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CHAPTER 5  THE DEIR’S SCE ALTERNATIVE IS NOT FEASIBLE  1 

Section 1. Introduction (Witness John Jontry) 2 

The CPUC’s DEIR describes “Alternative D – SCE 230-kV Loop In to Reduced-3 

Footprint Substation at Landfill” (the “SCE Alternative”) as follows: 4 

Alternative D includes design details sufficient to ensure that analysis pursuant to CEQA 5 
may be conducted.  Under this alternative, a new 230/138/12-kV substation would be 6 
constructed at PDL [Prima Deshecha Landfill] in proximity to the transmission corridor 7 
that crosses the landfill (Figure 3-3).  Both SDG&E and SCE transmission lines are 8 
located within this corridor.  Power would be provided to the new substation from SCE’s 9 
Serrano–SONGS 230-kV line.  A new double-circuit 230-kV line segment (less than 0.25 10 
miles long) would be constructed, possibly within new ROW, which would loop the new 11 
substation into SCE’s 230-kV line.  12 

Under this alternative, a new, single-circuit 138-kV line segment (approximately 0.75 13 
miles long) would be installed that would use the existing 66-kV/69-kV transmission line 14 
route described for Alternative B2.  This line segment would extend from the new 15 
substation west to the applicant’s transmission ROW and then extend north along the 66-16 
kV/69-kV line route to the San Juan Hills High School area, where it would connect to 17 
the applicant’s existing underground 138-kV line.  18 

Distribution circuit 315 (12 kV) would be relocated as described for the proposed project, 19 
which would allow the existing 138-kV line that extends from the San Juan Hills High 20 
School area to Capistrano Substation to be energized at 138 kV instead of 12 kV.  The 21 
new 138-kV segment would be used to create a continuous new 138-kV line between the 22 
new substation and Capistrano Substation.  23 

One 230/138-kV transformer would be installed at the new substation with space for a 24 
spare if the applicant provides data indicating a spare could be needed.  One 138/12-kV 25 
transformer would also be installed.  Space for additional 138/12-kV transformers and/or 26 
additional distribution-level transformers would also be included in the substation design 27 
if the applicant provides data indicating that the space could be needed.  The substation 28 
would be gas insulated and require 3 to 10 acres of land.  In addition, equipment at 29 
Capistrano Substation found to be inadequate would be replaced.143 30 

The SCE Alternative is not a feasible solution to South Orange County’s reliability needs 31 

for the following reasons: 32 

1) This arrangement would parallel a robust 230 kV path with a relatively weak 138 kV 33 

network.  This would have the dual negative impacts of restricting the allowable flow 34 

                                                            
143 DEIR at 3-12. 
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on the 230 kV path while subjecting the 138 kV system to network flows for which it 1 

was not designed. 2 

2) Restricting allowable flow on the SCE lines in South Orange County could result in 3 

limiting the transfer capability between the SDG&E and SCE systems, resulting in 4 

reduced import capability for both utilities. 5 

3) This alternative is not as effective at serving the South Orange County load following 6 

the catastrophic of Talega substation as the SOCRE project as proposed by SDG&E, 7 

and thus does not provide the full benefit of the additional independent bulk power 8 

source. 9 

4) Seeking an interconnection with SCE’s system under the Transmission Owner’s 10 

Tariff and the Transmission Control Agreement will delay any project for years. 11 

5) SCE’s System Impact Study is likely to identify significant impacts to a number of 12 

important import paths and therefore require Reliability Upgrades to SCE’s and 13 

SDG&E’s systems at SDG&E’s expense. 14 

6) Capistrano Substation will need to be rebuilt to accommodate the interconnection 15 

proposed by this Alternative, and rebuilding a 138/12 kV Capistrano Substation plus 16 

a building a new 230/138/12 kV Prima Deshecha Landfill  substation will be more 17 

costly and have greater environmental impacts than simply rebuilding a 230/138/12 18 

kV Capistrano Substation.   19 

7) The costs imposed on ratepayers may be greater under the SCE Alternative than 20 

under the Proposed Project. 21 

In short, while the SCE Alternative provides a second independent source to South 22 

Orange County, it also presents numerous drawbacks, delays, and operational complications.  It 23 
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also does not bring any additional reliability benefits beyond what is provided by the SOCRE 1 

Project as proposed by SDG&E.   2 

These issues are discussed in greater detail below. 3 

Section 2. Any Interconnection to SCE’s System Would Take Years to 4 
Accomplish (Witness John Jontry) 5 

Among other steps that would be required for a transmission interconnection to SCE’s 6 

system, SDG&E would need to comply with SCE’s Transmission Owner Tariff,144 the 7 

Transmission Control Agreement among transmission owners and the California Independent 8 

System Operator (“CAISO”),145 and the CAISO Tariff.146   9 

The Transmission Owner (“TO”) Tariff, Sections 8 and 10, would govern requests to 10 

SCE to allow SDG&E to interconnect to SCE’s transmission facilities.  Section 8.1 provides: 11 

“The Participating TO shall, at the request of a third party pursuant to Section 10, interconnect its 12 

system to the … wholesale load of such third party, or modify an existing wholesale 13 

Interconnection.”  However, there are a number of requirements that must be met before such 14 

interconnection may be approved.  Among others: 15 

 Section 8.1.1 “Interconnection must be consistent with Good Utility Practice, in 16 
conformance with all Applicable Reliability Criteria, all applicable statutes, 17 
regulations, and ISO reliability criteria for the ISO Controlled Grid. The 18 
Participating TO will not accommodate the Interconnection if doing so would 19 
impair system reliability.” 20 
 21 

 Section 8.1.2 “Each party requesting Interconnection shall pay the costs of 22 
planning, installing, owning, operating, and maintaining any Direct Assignment 23 
Facilities and, if applicable, any Reliability Upgrades required to provide the 24 
requested Interconnection.  In addition, such party shall implement all existing 25 
operating procedures necessary to safely and reliably interconnect such party’s 26 
wholesale load to the facilities of the Participating TO and to ensure the ISO 27 

                                                            
144 https://www.sce.com/wps/wcm/connect/ec2671c9-f6ba-4085-a72d-
513f9549cb9e/TransmissionOwnerTariffv5.pdf?MOD=AJPERES  
145 http://www.caiso.com/Documents/TCA_Effective_20140601.pdf  
146 http://www.caiso.com/Documents/ConformedTariff_Nov1_2014.pdf  
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Controlled Grid’s conformance with the ISO Grid Planning Criteria, and shall 1 
bear all costs of implementing such operating procedures.” 2 

 3 

 Section 8.1.3 “Pursuant to Section 10.4, 10.7.1, or 10.9.1, a party requesting 4 
Interconnection shall request in writing that the Participating TO tender to such 5 
party an Interconnection Agreement that will be filed with FERC ….  The 6 
Interconnection Agreement will include, without limitation, cost responsibilities 7 
and payment provisions for any engineering, equipment, construction, ownership, 8 
operation and maintenance costs for any Direct Assignment Facilities, any 9 
Reliability Upgrades, and for any other mitigation measures.” 10 

 11 

 Section 10.2 “A party requesting Interconnection shall submit a written 12 
Interconnection Application which provides the information required in Section 13 
10.3 to the Participating TO and shall send a copy of the application to the ISO.  14 
The Participating TO shall time-stamp the application to establish study priority.”  15 
The priority of any SDG&E request to connect to SCE’s system is unknown, and 16 
thus the timing of any study is unknown. 17 

 18 

 Section 10.5: “If the Participating TO determines that a System Impact Study is 19 
necessary to accommodate the requested Interconnection, the Participating TO 20 
shall so inform the applicant, as soon as practicable.”  Because SCE would need 21 
to consider the impact on the SCE system of the NERC mandated outage 22 
scenarios studied by SDG&E and CAISO, SDG&E believes that SCE would 23 
conclude that a System Impact Study is necessary.  The System Impact Study 24 
would be performed by SCE at SDG&E’s expense. 25 

 26 

 Section 10.7 “Upon receipt of an executed System Impact Study Agreement or 27 
initiation of the ISO ADR Procedures and receipt of payment for estimated study 28 
costs, the Participating TO will use due diligence to complete the required System 29 
Impact Study within a sixty (60) calendar day period. The System Impact Study 30 
will identify whether any Direct Assignment Facilities or Reliability Upgrades are 31 
necessary, as well as whether any transmission additions or upgrades are 32 
necessary to serve a wholesale load.  … In the event that the Participating TO is 33 
unable to complete the required System Impact Study within such time period, it 34 
shall so notify the applicant, in writing, and provide an estimated completion date 35 
along with an explanation of the reasons why additional time is required to 36 
complete the required studies.  A copy of the completed System Impact Study and 37 
related work papers shall be made available to the applicant and the ISO.” 38 

 39 

 Section 10.8  “If a System Impact Study indicates that additions or upgrades to 40 
the ISO Controlled Grid are needed to satisfy an applicant’s request for 41 
Interconnection, the Participating TO shall, within fifteen (15) Business Days of 42 
the completion date of the System Impact Study tender to the applicant a 43 
Facilities Study Agreement that defines the scope, content, assumptions and terms 44 
of reference for such study; the estimated time required to complete the required 45 
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study; and such other provisions as the parties may reasonably require, and 1 
pursuant to which the applicant agrees to reimburse the Participating TO for the 2 
reasonable actual costs of performing the required Facilities Study.” 3 

 4 

 Section 10.9 “Upon receipt of an executed Facilities Study Agreement or 5 
initiation of the ISO ADR Procedures and receipt of payment for the estimated 6 
study costs, the Participating TO will use due diligence to complete the required 7 
Facilities Study within a sixty (60) calendar day period. In the event that the 8 
Participating TO is unable to complete the required Facilities Study within such 9 
time period, it shall so notify the applicant, in writing, and provide an estimated 10 
completion date along with an explanation of the reasons why additional time is 11 
required to complete the required studies.” 12 

 13 

 Section 3.30: “Facility or Facilities Study. An engineering study conducted to 14 
determine required modifications to the Participating TO’s transmission system, 15 
including the estimated cost and scheduled completion date for such 16 
modifications that will be required to provide needed services.”   17 

SDG&E estimates that it would take a minimum of twelve months and could take as long 18 

as twenty-four months to complete an interconnection application, System Impact Study, and a 19 

Facilities Study for an interconnection with SCE as described in the SCE Alternative.   20 

Two recent examples of “seams” projects involving SDG&E and other interconnecting 21 

utilities include the synchronous condenser project at the SONGS 230 kV switchyard, and the 22 

request from the Imperial Irrigation District (IID) to add a 500/230 kV transformer at the 23 

Imperial Valley substation.  In the case of IID, the initial negotiations over how and what to 24 

study have already consumed six months, for a project that would install an additional 25 

transformer at an existing interconnection.  For a substantially more complicated project (in this 26 

case, establishing a new interconnection point between SCE and SDG&E and converting what is 27 

essentially a load pocket to network transmission) developing reasonable assumptions, 28 

performing the necessary study work, identifying potential issues, and then reaching agreement 29 

on acceptable mitigations, will likely take much longer (potentially several years).    30 
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SDG&E estimates that the Application and reports would cost on the order of $150,000-1 

250,000147, but could go higher depending on the complexity of the required study work.  This 2 

cost would not include any required system upgrades. 3 

Once these studies are completed, the interconnection request would undergo further 4 

review at CAISO.  The Transmission Control Agreement, Section 10.3.5 provides: “Each 5 

Participating TO and the CAISO shall process requests for interconnection of transmission 6 

facilities or load to the CAISO Controlled Grid in accordance with the CAISO Tariff and the TO 7 

Tariff as applicable, provided that the terms of the CAISO Tariff shall govern to the extent there 8 

is any inconsistency between the CAISO Tariff and the TO Tariff.”  Section 11 then provides: 9 

“The provisions of Sections 24 and 25 of the CAISO Tariff will apply to any expansion or 10 

reinforcement of the CAISO Controlled Grid affecting the transmission facilities of the 11 

Participating TOs placed under the Operational Control of the CAISO.”  Both SCE and SDG&E 12 

are parties to the Transmission Control Agreement.  13 

Section 24 of the CAISO Tariff outlines the CAISO Transmission Planning process.  As 14 

the CPUC is aware, the CAISO prepares an annual transmission plan based on CAISO’s 15 

evaluation of the transmission system.  Under Section 24.4.6.2 of its FERC-approved Tariff, 16 

CAISO determines the solution to reliability driven system needs “that meets the identified 17 

reliability need in the more efficient or cost effective manner.”  With respect to SDG&E’s 18 

SOCRE Project, the CAISO considered the needs of SDG&E’s South Orange County system and 19 

potential solutions since 2008 before approving the SOCRE Project in its 2010-11 Transmission 20 

Plan.   21 

                                                            
147 Estimated costs based on similar study work for large generator interconnections. 
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If the Commission were to deny SDG&E authorization to construct the Proposed Project 1 

and instead authorize SDG&E to construct the SCE Alternative, SDG&E would have to return to 2 

CAISO to seek CAISO’s approval of the SCE Alternative.  SDG&E would need to apply to 3 

implement the CPUC’s solution to the identified South Orange County reliability needs, 4 

providing CAISO with SCE’s System Impact Study and Facilities Study.  CAISO then would 5 

conduct its own studies of the SCE Alternative’s impact on the CAISO-controlled grid.   6 

Although SDG&E cannot predict the outcome of such an evaluation by CAISO, SDG&E 7 

believes that such an application would go through the normal annual transmission planning 8 

process.  Depending when the CPUC provided such direction, and SCE completed its studies, it 9 

could be up to a year before CAISO would decide whether to approve the Commission’s 10 

preferred solution (and any “Reliability Upgrades” to SCE’s or other systems determined to be 11 

necessary to permit the interconnection). 12 

SDG&E raised its concerns about the reliability of electric service in South Orange 13 

County with CAISO beginning in 2008.  CAISO approved the SOCRE project in May 2011.  14 

SDG&E filed its Application for Commission authorization to construct the SOCRE project in 15 

May 2012.  SDG&E is hopeful that the Commission will render a decision in 2015.  If the 16 

Commission were to select the SCE Alternative, it is likely that SDG&E would not learn whether 17 

SCE and CAISO would approve implementation of such a solution until 2017 or 2018.   18 

At that point, assuming an SCE determination that interconnection would not impact the 19 

reliability of SCE’s system and subsequent CAISO approval, SDG&E could begin construction 20 

of the project.  However, if SCE or CAISO determined that Reliability Upgrades were necessary 21 

to allow the interconnection, SDG&E might need to return to the CPUC to seek permission for 22 
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SCE or other affected utilities to perform the necessary Reliability Upgrades at SDG&E’s 1 

expense per the Transmission Owner’s Tariff. 2 

Throughout this period of time, SDG&E’s approximately 300,000 South Orange County 3 

customers are at risk of losing electric service under a variety of outage scenarios.  SDG&E does 4 

not believe that the SCE Alternative is capable of being accomplished in a successful manner 5 

within a reasonable period of time. 6 

Section 3. An SCE Interconnection Likely Would Have Impacts to Both the SCE 7 
and SDG&E Transmission Systems That Would Need to be Mitigated 8 
(Witness John Jontry)   9 

Until SCE performs a System Impact Study and any follow-on Facilities Study, the full 10 

scope of activities that would be required to implement the SCE Alternative is unknown.  The 11 

SCE Alternative does not reflect any of the Direct Assignment Facilities148 or Reliability 12 

Upgrades149 that may be required by SCE and CAISO for SDG&E to implement the SCE 13 

Alternative.  And until SCE conducts a Facilities Study to determine the modifications to SCE’s 14 

facilities necessary to permit interconnection, the construction activities, new structures and new 15 

lines that may be needed for such modifications is not known. 16 

Although the Transmission Owner Tariff provides that SCE will conduct the System 17 

Impact Study for an SDG&E request to interconnect to the SCE system, SDG&E has evaluated 18 

                                                            
148 Under the TO Tariff, § 3.18, “Direct Assignment Facilities” are “[f]acilities or portions of facilities 
that are owned by the Participating TO necessary to physically and electrically interconnect a particular 
party requesting Interconnection under this TO Tariff to the ISO Controlled Grid at the point of 
interconnection.” 
149 Under the TO Tariff, § 3.88, a “Reliability Upgrade” is “[t]he transmission facilities, other than Direct 
Assignment Facilities, beyond the first point of Interconnection necessary to interconnect a wholesale 
load safely and reliably to the ISO Controlled Grid, which would not have been necessary but for the 
Interconnection of a wholesale load, including network upgrades necessary to remedy short circuit or 
stability problems resulting from the interconnection of a wholesale load to the ISO Controlled Grid. 
Reliability Upgrades also include, consistent with WECC practice, the facilities necessary to mitigate any 
adverse impact a wholesale load’s interconnection may have on a path’s WECC path rating.” 
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the potential CAISO-controlled system impacts of the interconnection proposed in the SCE 1 

Alternative. 2 

A. As Described, the SCE Alternative Will Impact SCE’s Transfer 3 
Capability on the 230 kV Interconnection with SDG&E (Witness John 4 
Jontry) 5 

SDG&E submits that this Alternative will impact the ability of SCE to rely on their 230 6 

kV interconnection with SDG&E to serve their load.  As currently configured, the four 230 kV 7 

lines connecting SCE with SDG&E form a direct connection with the San Onofre switchyard to 8 

three of SCE’s major 230 kV substations in Southern California: 9 

1) San Onofre-Santiago 230 kV #1 and #2 10 
2) San Onofre-Viejo 230 kV 11 
3) San Onofre-Serrano 230 kV 12 

This series of lines (formerly referred to as Path 43 in the WECC path rating catalog) has 13 

served as a major import gateway for the SCE service territory.  For the purposes of this 14 

discussion, this testimony will refer to this set of four lines as Path 43. 15 

These lines are significantly larger than the 230 kV lines proposed as a part of SDG&E’s 16 

SOCRE Project.  The ratings of each of SCE’s lines are as follows: 17 

1) San Onofre-Santiago 230 kV #1 –1195/1315 MVA normal/emergency 18 
2) San Onofre-Santiago 230 kV #2 - 1195/1315 MVA normal/emergency 19 
3) San Onofre-Viejo 230 kV - 1195/1339 MVA normal/emergency 20 
4) San Onofre-Serrano 230 kV - 1195/1315 MVA normal/emergency 21 

By contrast, the 230 kV lines proposed by SDG&E to connect with the rebuilt Capistrano 22 

Substation would have normal ratings of 456 MVA – easily sufficient for SG&E’s forecasted 23 

South Orange County load. 24 

The DEIR’s SCE Alternative would insert a new 230/138/12 kV substation at the Prima 25 

Deshecha landfill, and by extension the SDG&E 138 kV system in South Orange County into 26 

SCE’s Path 43 import pathway.  Depending on the outcome of the system studies, this could 27 
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reduce or restrict SCE’s ability to import through Path 43. This could occur due to 1) additional 1 

demand now being placed on the SCE system, thus reducing the capacity available to serve SCE 2 

load, or 2) SCE being forced to restrict flow on their 230 kV system to avoid overloading the 3 

underlying 138 kV system in South Orange County following system contingencies.  In order to 4 

prevent restricting flow on the 230 kV interface between SDG&E and SCE in this scenario, 5 

additional system upgrades would likely be required in both systems.  The second point will be 6 

discussed further in Section 3B, below.  7 

B. As Described, the SCE Alternative Will Induce Undesirable Loop Flows 8 
on SDG&E’s South Orange County 138 kV System (Witness John 9 
Jontry) 10 

As currently configured, the 138 kV system serving South Orange County is effectively a 11 

load pocket, and is not subject to significant system loop flow.  This is true from an electrical 12 

standpoint, although it is technically considered network transmission from a NERC, WECC, 13 

and CAISO reliability standpoint.  For the future South Orange County transmission system, as 14 

planned by SDG&E in the Proposed Project, the 138 kV system would effectively remain a load 15 

pocket, and again not be subject to any significant system loop flows.  System loop flows (i.e. 16 

energy transfers that flow across a transmission interface from a remote generator to a remote 17 

load) are not inherently undesirable, if the portion of the system carrying such flows is designed 18 

to accommodate them.  The 138 kV system serving South Orange County has never been subject 19 

to such flows, and is not designed to accommodate them. 20 

SCE had used SONGS generation to support voltage on the four transmission lines 21 

owned by SCE.  Since the retirement of SONGS, these four transmission lines have taken 22 

voltage supported from SDG&E.  Reactive power in the form of MVars (megavolt –amperes-23 

reactive) has been flowing north out of San Onofre into these SCE transmission lines.  The DEIR 24 
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Alternative D creates a connection to one of these 230 kV transmission lines.  Preliminary 1 

analysis shows that South Orange County 138 kV transmission system would supply MVars to 2 

SCE’s 230kV transmission system.  This would require SDG&E to add voltage support 3 

equipment to supply the SCE MVars at the point of interconnection.  Additional analysis and 4 

study is necessary to fully determine the scope and capability of the additional reactive support 5 

equipment; however, the cost of this additional equipment should be considered when evaluating 6 

the total cost of this alternative and the estimated cost is in Section 5 below. 7 

The DEIR’s SCE Alternative would insert a new 230/138/12 kV substation at the Prima 8 

Deshecha landfill , and by extension the SDG&E 138 kV system in South Orange County, into 9 

SCE’s Path 43 import pathway.  The 138 kV system in South Orange County would now 10 

effectively be a part of SCE’s import path, a function for which it is not designed.  Similarly, the 11 

138 kV system in South Orange County would also be a part of SDG&E’s import pathway from 12 

SCE, particularly during severe system contingencies, and may cause restrictions on energy that 13 

could be imported into the San Diego load center under extreme system conditions.  If this is the 14 

case, it would be necessary to reduce the effective import capability of either SCE, or SDG&E, 15 

or both, thus requiring the procurement of additional generation resources to meet customer 16 

demand and meet resource adequacy criteria, or it would be necessary to perform additional 17 

system upgrades to maintain the present import capability. 18 

Of greater importance is the effect such a change may have on Southern California’s 19 

import capability.  CAISO imports electric power from its neighbors through WECC monitored 20 

and controlled Paths (Paths are groups of transmission lines which define the interconnection 21 

between neighboring areas).   Southern California is bounded by Path 49 on its eastern border 22 

with Arizona and Path 45 which separates California from Mexico.  Power flowing on Path 49 23 
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and Path 45 are sensitive to the flow of power on the 230 kV transmission lines that emanate 1 

from San Onofre.  When one of the transmission lines in the northern part of Path 49 comes out 2 

of service, power flowing from Arizona to SCE will be cut off and will flow to SCE through 3 

SDG&E.  Additional power will flow into SDG&E’s southern transmission lines, then through 4 

SDG&E traveling north and on to SCE through the four 230 kV transmission lines owned by 5 

SCE which extend from San Onofre into the SCE service territory north of San Onofre.  The 230 6 

kV transmission line referenced in DEIR Alternative D is one of these transmission lines. When 7 

one of the transmission lines making up the southern part of Path 49 comes out of service, 8 

specifically the 500 kV transmission line connecting SDG&E’s Imperial Valley Substation to 9 

Arizona Public Service’s North Gila Substation, the reverse happens.  Power flowing from 10 

Arizona to San Diego is cut off and must flow through SCE to reach the load in San Diego.  This 11 

will increase the amount of power flowing from north to south on the four SCE transmission 12 

lines connected to San Onofre.  13 

This increased flow, either north to south, or south to north, may be limited by the 14 

proposed Alternative D interconnection and as such, this new proposed interconnection to the 15 

SCE 230 kV transmission line may limit imports into Southern California.  To properly assess 16 

the risk to the import limit, a WECC PRG (Path Rating Group) would be formed.  The PRG is a 17 

committee of engineers who represent path owners and other affected parties.  The PRG will 18 

assess the SCE loop-in Alternative D and determine what effect, if any, it has on surrounding 19 

path ratings.  During the assessment, additional projects may be found that will be required 20 

before the PRG will accept the DEIR Alternative D project. 21 
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The WECC path review process will take several years to complete.  Any upgrades that 1 

are identified as necessary by the WECC path review process would presumably be borne by 2 

CAISO ratepayers. 3 

Section 4. The DEIR’s Description of the SCE Alternative Does Not Accurately 4 
Reflect the Work That Would be Required Under this Alternative. 5 

A. As Described, the SCE Alternative Lacks Transmission and 6 
Distribution Work Necessary to Make It Feasible (Witness Willie 7 
Thomas) 8 

The DEIR describes the SCE Alternative as set forth in Section 1 above.  The DEIR’s 9 

description, however, lacks the necessary transmission and distribution work to actually 10 

implement the SCE Alternative, even leaving aside projects that may be required to mitigate the 11 

interconnection’s impacts on SCE’s system and the various WECC Paths described in Sections 2 12 

and 3 above.  The transmission line work required simply to perform the work called for by the 13 

SCE Alternative as described in the DEIR includes:  14 

1. The use of the existing 66-kV/69-kV transmission line is not feasible. The 15 
structures are not capable of supporting 138kV construction. To meet GO 95 16 
requirements additional pole height and strength is necessary to accommodate the 17 
138kV reconstruction.  18 

2. All structures on TL13835 would need to be rebuilt from the Prima Deshecha 19 
Landfill to Capistrano Substation to accommodate the new 138kV transmission 20 
line and existing TL13835.  Since the new line needs to have the capacity to carry 21 
all South Orange county load, it would require bundled conductor of larger size 22 
than the existing lattice and foundational steel poles were designed for. The 23 
structures were also not designed for the higher wind pressures being used in the 24 
proposed project, 18 psf versus 8 psf as indicated in Chapter 10, Section B.  This 25 
would result in the construction of a transmission line similar to the Proposed 26 
Project. 27 

3. As indicated in the Draft EIR section 3.2.8 the remaining distribution that is 28 
attached on existing structures or on adjacent 66/69kV structures from Vista 29 
Montana to Capistrano Substation would need to be relocated as described in the 30 
proposed project. 31 

4. To accommodate a new 138kV transmission line Capistrano Substation will have 32 
to be rebuilt and expanded. 33 
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5. Reconductor and replace structures from Laguna Niguel to Talega Hub 1 
[TL13835A], and remove SPS on TL13835A to meet NERC Transmission 2 
Planning Requirement. 3 

6. In Vista Montana, a new trench and conduit package will be required to 4 
accommodate the new 138kV line due to the need for two cables per phase to 5 
meet capacity requirements and lack of available conduits in the existing 6 
TL13835 trench. The two existing cable riser poles would need to be replaced to 7 
accommodate both lines. This underground portion of this alternative would result 8 
in work similar to the proposed project. 9 

7. A Connection to SCE would require new structures on both existing SCE lines 10 
and the existing SDG&E lines. SDG&E estimates that connection of the 230kV 11 
lines into the PDL Substation would require at least 6 new 230kV structures, 12 
approximately 7 138kV cable poles structures and approximately 4,500ft of 13 
trench. Detailed engineering studies and discussion with the Prima Deshecha 14 
Landfill and SCE would be required to refine this estimate of work scope. 15 

The alternative does not include distribution impacts from running lines from the 16 

138/12kV landfill substation to the load areas. 17 

B. The SCE Alternative Requires Further Work to Mitigate NERC 18 
Violations and Serve as a Reliable Second Source for South Orange 19 
County (Witness Cory Smith) 20 

Furthermore, the connection to SCE at Prima Deshecha Landfill would not remove all 21 

NERC violations without additional upgrades.  For the overlapping outage of TL13831 and 22 

TL13834, TL13833 will load above its Applicable Rating when load rises above 450 MW.  The 23 

2015 load forecast shows this happening as early as 2016.  For the overlapping outage  of 24 

TL13834 and TL13838, TL13833 will load above is Applicable Rating when load rises above 25 

482 MW.  The 2015 load forecast shows this happening as early as 2021.  These scenarios are 26 

violations of NERC standard TPL-003-0b.  To avoid a violation, the new TL13833 rating needed 27 

will exceed 1200 Amps.  28 

Based on analysis done using the 2015 load forecast,  the transmission lines listed below 29 

will need to be upgraded in order for the new substation at Prima Deshecha Landfill to carry all 30 

South Orange County load with Talega Substation out-of-service;  31 
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 TL13834 will reach the transmission lines maximum rating of 1145 Amps by 1 

2032 and will need to carry 1221 Amps by 2035. 2 

 TL13837 will reach the transmission lines maximum rating of 569 Amps by 2027 3 

and will need to carry 608 Amps by 2035. 4 

 TL13830 will reach the transmission lines maximum rating of 816 Amps by 2031 5 

and will need to carry 903 Amps by 2035. 6 

Additionally, in order to secure the South Orange County transmission system for the loss 7 

of a single element with Talega Substation out of service, more transmission upgrades are 8 

needed.  When South Orange County load reaches 450 MW (2015 forecasted peak load for 2016 9 

peak load level), the transmission lines listed below will load above emergency ratings; 10 

 The outage of TL13834 will increase flow on TL13816 to 1036 Amps.  TL13816 11 

has an emergency rating of 841 Amps.  To prevent damage to TL13816, either 12 

South Orange County load must be limited to 371 MW or TL13816 must be 13 

upgraded.  Load would be limited by shedding load before the contingency. 14 

 The outage of TL13834 will increase flow on TL13833 to 985 Amps.  TL13833 15 

has an emergency rating of 858 Amps.  To prevent damage to TL13833, either 16 

South Orange County load must be limited to 388 MW or TL13833 must be 17 

upgraded.  Load would be limited by shedding load before the contingency. 18 

 The outage of TL13837 will increase flow on TL13846B to 142 MVA (594 19 

Amps).  TL13846B has an emergency rating of 569 Amps.  To prevent damage to 20 

TL13846B, either South Orange County load must be limited to 449 MW or 21 

TL13846B must be upgraded.  Load would be limited by shedding load before the 22 

contingency.  23 
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C. As Described, the SCE Alternative Lacks Capistrano Substation Work 1 
Necessary to Make It Feasible (Witness Karl Iliev) 2 

The SCE Alternative is infeasible for failure to rebuild Capistrano Substation to address 3 

the reliability issues discussed in SDG&E’s January 15 Testimony, Chapter 5.  Without 4 

rebuilding Capistrano Substation, at least as a 138/12 kV substation, SDG&E cannot provide 5 

reliable electric service to SDG&E’s South Orange County customers.  6 

Moreover, Capistrano Substation will have to be rebuilt to allow for the interconnection 7 

of the proposed transmission line between the new Prima Deshecha Landfill Substation and 8 

Capistrano Substation.  As noted in Chapters 3 and 4, any rebuild of the Capistrano Substation 9 

would expand to the lower yard within SDG&E-owned property and add a minimum of two 10 

spare 138kV positions for future needs that may arise outside of the planning time horizon, but 11 

within the expanded lifetime of the newly rebuilt substation.  Additionally, as mentioned in 12 

Chapter 3, rebuilding the substation cannot be built in its current location and needs to be built in 13 

the lower yard of the existing SDG&E owned site to maintain construction safety and station 14 

reliability during the rebuild project.   15 

The estimated cost of rebuilding Capistrano Substation as a 138/12 kV substation, with 16 

the same configuration and location as proposed in the Proposed Project, is between $135 17 

million and $165 million (includes AFUDC).  18 

D. The SCE Alternative Does Not Identify a Specific Site Or Design 19 
Scope for the New Prima Deshecha Landfill Substation (Witness Karl 20 
Iliev) 21 

The SCE Alternative does not include a specific site or design details and assumes 22 

SDG&E would construct a new substation at Prima Deshecha Landfill.  The CPUC’s DEIR does 23 

not identify exactly where this substation would be sited other than to provide a small scale map 24 

with a conceptual location and to say “in proximity to the transmission corridor that crosses the 25 
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landfill.”150 SDG&E would need to identify and study a suitable location, and incur the cost to 1 

acquire it.   2 

The CPUC asserts that the new Prima Deshecha Landfill (PDL) Substation will be GIS 3 

design.  It is SDG&E’s standard to use an air insulated (AIS) design because of the reduced cost 4 

of this design if there is space available.  An AIS design (and also a GIS design) requires a larger 5 

yard than described in the DEIR because of the increased scope required for this substation.   6 

The DEIR incorrectly assumes that SDG&E would construct a tapped (one that is 7 

connected directly to the transmission line with no interrupting protective or sectionalizing 8 

devices) single 230/138-kV transformer at the new PDL Substation. Because of outage 9 

restrictions required when maintenance is performed, which would impact load flow and system 10 

reliability, SDG&E would install circuit breakers and relaying systems.  Additionally, SDG&E 11 

would also install at a minimum two (392 MVA) 230/138kV transformers and space for a future 12 

third transformer to enable enough capacity to feed the South Orange County load center at the 13 

system peak demand.  This would also increase the size of the site needed for the proposed new 14 

substation, increasing grading and below grade impact. Preliminary estimates indicate that a new 15 

AIS substation in this area would require approximately 12 acres. 16 

The estimated cost of this new substation is between $221 million and $270 million 17 

(includes AFUDC).  This cost includes construction of the substation only and does not include 18 

permitting, environmental mitigation, or transmission costs.  This estimate may also be subject to 19 

change, as it is based on SDG&E’s past experience, which may not perfectly apply to the scope 20 

of the proposed substation.  Preliminary engineering would need to be performed to create a 21 

more detailed cost estimate. 22 

                                                            
150 DEIR at 3-12. 
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If SDG&E were to install a GIS alternative at this site, it would impose an increased cost 1 

of approximately 20-30% of the AIS alternative.  SDG&E would not propose GIS as its 2 

preferred solution as it increases cost that is passed on to its customers.  SDG&E would only 3 

implement GIS if instructed by the Commission.    4 

Section 5. The SCE Alternative Will Be More Costly Than the Proposed Project 5 
(Witness Willie Thomas) 6 

If the Commission were to select the SCE Alternative, and SCE, CAISO and WECC 7 

were to approve the interconnection pursuant to the Transmission Owner Tariff and the 8 

Transmission Control Agreement, then SDG&E would have to implement, or where necessary 9 

seek authorization to implement, the following actions to implement the SCE Alternative 10 

(leaving aside necessary Reliability Upgrades): 11 

 As described in Section 4C above, construct a new 230/138/12 kV Air Insulated 12 

Substation at Prima Deshecha Landfill (“PDL”), with two transformers, and acquire the 13 

property to do so, at an estimated cost of $221 million - $270 million (includes AFUDC).  14 

A Commission directive to construct a GIS substation would increase this cost. 15 

 As described in Section 3 above, construct a new dynamic voltage control device (SVC, 16 

STATCOM or Synchronous Condenser) at the PDL Substation at an estimated cost of 17 

$81 million - $99 million (with AFUDC, $89 million to $109 million). 18 

 As described in Section 4 above, construct a new double-circuit 230-kV line segment to 19 

loop the new PDL Substation into SCE’s Serrano–SONGS 230-kV line, potentially 20 

including new ROW, at an estimated cost of $28 million - $34 million (includes 21 

AFUDC). 22 
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 As described in Section 4 above, construct a single circuit 138 kV line between the new 1 

PDL Substation and Capistrano Substation, and the additional upgrades to TL13835 at an 2 

estimated cost of $85 million - $104 million (includes AFUDC). 3 

 As described in Section 4B above, rebuild the Capistrano Substation as a 138/12 kV 4 

substation at an estimated cost of $135 million - $165 million (includes AFUDC). 5 

 As described in Section 3 above, construct a new dynamic voltage control device (SVC, 6 

STATCOM or Synchronous Condenser) at the new rebuilt 138/12 kV Capistrano 7 

Substation at an estimated cost of $81 million - $99 million (with AFUDC, $89 million to 8 

$109 million).  9 

In addition to those costs, as described in Section 4.B above, SDG&E will need to 10 

upgrade TL13833 to meet NERC reliability standards and, by 2027, to ensure that this alternative 11 

could serve as a reliable second source for South Orange County, SDG&E would also need to 12 

upgrade TL13837, TL13830 and TL13846B. 13 

In addition to those costs, as described in Sections 2 and 3 above, SDG&E would have to 14 

pay SCE the costs to construct all Reliability Upgrades required on SCE’s system that are 15 

identified as required to permit the contemplated SCE interconnection, and also incur the cost to 16 

construct all Reliability Upgrades to SDG&E’s system required by CAISO or WECC to permit 17 

the interconnection.  SDG&E cannot estimated the costs of performing all of the required 18 

Reliability Upgrades because it will take several years to complete the necessary System Impact 19 

Study, Facilities Study, CAISO review and WECC Path Rating Study.  20 

At a total estimated cost of $647 million to $791 million (includes AFUDC), not 21 

including the necessary Reliability Upgrades, the SCE Alternative imposes greater costs on 22 
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ratepayers, as well as exposing them to unknown future costs that may be much more costly than 1 

the Proposed Project.  2 

Section 6. The Reasonably Expected Actions If the SCE Alternative Is Selected 3 
May Have Greater Environmental Impacts Than the Proposed 4 
Project (Witness Scott Boczkiewicz). 5 

The reasonably expected actions if the SCE Alternative is selected may have greater 6 

environmental impacts than the Proposed Project.  Not only does the DEIR description of the 7 

SCE Alternative fail to identify the construction necessary simply to implement the SCE 8 

interconnection, the DEIR fails to identify the environmental impacts of the likely Reliability 9 

Upgrades that will be required to mitigate the interconnection’s impacts on SCE’s system and the 10 

WECC Paths. 11 

The DEIR identifies the significant and unavoidable environmental impacts of the 12 

Proposed Project as (1) temporary impacts to air quality, largely from the rebuild of Capistrano 13 

Substation, (2) temporary traffic impacts from partial closure (one of three lanes) on Camino 14 

Capistrano to allow undergrounding of existing power and distribution lines and from any full 15 

closure of Camino Capistrano, Via Pamplona and Calle San Diego during undergrounding of 16 

existing power and distribution lines151, and (3) cumulative impacts on traffic, specifically from 17 

the Camino Capistrano lane closure identified as having a traffic impact.   18 

19 

                                                            
151 DEIR at 4.15-19SDG&E’s construction and engineering contractors do not expect any full closure of 
these roads and SDG&E did not state any full road closures in its Proponents Environmental Assessment 
(PEA). 
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Because Capistrano Substation must be rebuilt even if it remains a 138/12 kV substation, 1 

essentially all of these impacts will occur under the SCE Alternative as well.152  2 

The DEIR concludes that the SCE Alternative would result in less of a temporary 3 

significant and unavoidable impact to air quality than the Proposed Project (although temporary 4 

air quality impacts of the SCE Alternative would still be anticipated to exceed local significance 5 

thresholds).  The DEIR also concludes that the SCE Alternative would result in less of a 6 

temporary significant and unavoidable impact to traffic and cumulative impacts than the 7 

Proposed Project, with those impacts of the SCE Alternative being less than significant.153  8 

Finally, the DEIR concluded that the SCE Alternative would reduce impacts relating to noise and 9 

visual resources while increasing impacts relating to hazardous materials and land use.  Impacts 10 

to other resource areas would be similar to those identified for the Proposed Project.154 11 

However, the comparison of the SCE Alternative’s impacts to those anticipated for the 12 

Proposed Project excludes certain scope items that would be required in order to construct the 13 

SCE Alternative.  The missing construction scope includes: 14 

 As set forth in Section 4B above, rebuilding Capistrano Substation to solve its 15 
reliability issues and to create a position to accept the transmission lines needed to 16 
implement the SCE Alternative.  17 

 As set forth in Section 4A above, additional transmission and distribution line 18 
work necessary to implement the SCE Alternative. 19 

 As set forth in Section 4C above, sufficient design scope for the new PDL 20 
substation, which SDG&E would construct as an Air-Insulated Substation due to 21 
the potential availability of the required amount of land needed, the need for 22 

                                                            
152 Only the 230/138 kV yard of the rebuilt Capistrano Substation under the Proposed Project would be 
avoided by the SCE Alternative.  The emissions from that work constitute less than half of the total 
anticipated Localized Significance Thresholds (LST) exceedances for all Capistrano Substation emissions 
estimated for the Proposed Project (DEIR Table 4.3-8a).  Per the DEIR, the total emissions of the 
Proposed Project constitute “less than one percent of the total SCAQMD’s daily emissions inventory.”  
DEIR at 6-15. 
153 DEIR at 5-15. 
154 DEIR at 5-14 and 5-15. 
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additional transformers, and the additional cost associated with a GIS substation.  1 
Key preliminary design analysis has not been conducted for any potential new 2 
substation site located at the Landfill, including geotechnical analysis. Without at 3 
least some preliminary design analysis of the Landfill substation site, key 4 
construction and land requirements cannot be known, such as extent of grading, 5 
volume of cut and fill (including required depth of over-excavation), and site 6 
access.  The results of the design could alter/increase specific impacts, such as air 7 
quality (increases in grading and site preparation would increase emissions), 8 
biological/cultural/aquatic resources (the extent of site preparation [substation 9 
footprint] would be proportional to the extent for potential adverse effects on 10 
resources located at the Landfill site). 11 

The immediate construction impacts associated with the SCE Alternative are understated 12 

based upon the scope of work known to be necessary to implement it. 13 

The DEIR’s assessment of the SCE Alternative’s environmental impacts also fails to 14 

address any of the Reliability Upgrades that are likely to be required for interconnection to SCE’ 15 

system.  As discussed in Section 1 above, to interconnect with SCE’s system, SDG&E must 16 

follow the process set forth in the Transmission Owner Tariff, including paying for any 17 

necessary Reliability Upgrades to the SCE system.  The interconnection with the existing SCE 18 

system under the SCE Alternative will require approval at CAISO and WECC.  This alternative 19 

has not yet been studied and the approval process may take several years.  As set forth in Section 20 

2 above, without an analysis of the interconnection, it is impossible to define the full extent of 21 

work that may be required.  Specifically, it is uncertain how the SCE Alternative interconnection 22 

with SCE would affect the SCE or SDG&E systems.  The impacts of any work required on the 23 

SCE system (or additional work required for the SDG&E system) are not accounted for.  24 

Depending upon the scope and location of such system upgrades, impacts could increase for any 25 

number of CEQA resource areas.   26 
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CHAPTER 6  THE DEIR’S MITIGATION MEASURES ARE NOT ALL FEASIBLE 1 
(Witness Don Houston) 2 

CEQA defines “feasible” as “capable of being accomplished in a successful manner 3 

within a reasonable period of time, taking into account economic, environmental, social and 4 

technological factors.”  SDG&E believes that the following mitigation measures are infeasible, 5 

in whole or in part, and discusses the reasons for that determination.  6 

Mitigation Measure AES-1 7 

MM AES-1: Architectural Review of San Juan Capistrano Substation.  To ensure 8 
that the design of San Juan Capistrano Substation facilities such as walls, buildings, and 9 
landscaping are consistent with the City of San Juan Capistrano’s design criteria, the 10 
applicant shall submit a revised series of elevations and a landscape plan to the City’s 11 
Architectural Review Board (ARB) prior to filing for grading and building permits. The 12 
ARB shall determine if the applicant’s revised plans are consistent with the City’s design 13 
criteria and if any modifications are needed. The applicant shall not initiate ground 14 
disturbing activities until the ARB approves the design and landscaping plan for the 15 
proposed San Juan Capistrano Substation.155 16 

Mitigation Measure AES-1 is infeasible, and threatens to derail the Proposed Project, by 17 

requiring approval of the City of San Juan Capistrano’s Architectural Review Board (ARB) of 18 

“the design of San Juan Capistrano Substation facilities such as walls, buildings, and 19 

landscaping,” and barring SDG&E from initiating any “ground disturbing activities” until the 20 

ARB has granted such approval.   21 

The City of San Juan Capistrano has opposed the Proposed Project in this proceeding and 22 

most recently, on March 17, 2015, authorized hiring a consultant to comment on the DEIR in 23 

opposition to the Proposed Project.156  During that City Council meeting, a Councilmember 24 

spoke about his concerns about EMF from the Proposed Project.157  Even if not motivated by the 25 

                                                            
155 DEIR at 4.1-43. 
156 Attachment 20 (City of San Juan Capistrano Agenda Report (March 17, 2015).   
157 A recording of the City Council meeting is at 
http://www.sanjuancapistrano.org/Index.aspx?page=1474. 
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City’s opposition to the Proposed Project, the ARB has no demonstrated expertise in the design 1 

of appropriate walls, buildings and landscaping for electrical substations. 2 

The Commission asserted its exclusive jurisdiction over public utilities’ facilities in 3 

General Order 131-D, Section XIV.B, which states that "local jurisdictions action pursuant to 4 

local authority are preempted from regulating electric power line projects, distribution lines, 5 

substations or electric facilities constructed by public utilities subject to the Commission's 6 

jurisdiction."  If the Commission authorizes the Proposed Project, ARB should not have the 7 

ability to block its commencement through MM AES-1. 8 

While SDG&E appreciates the ARB’s substantive input on the landscaping and exterior 9 

wall for the Substation location, the CPUC determines the appropriate design and mitigation 10 

necessary for electric utility projects. MM-AES-1 should be limited to requiring SDG&E to 11 

consult with the ARB, and obtaining CPUC approval of its plans.  12 

Mitigation Measure AQ-1 13 

MM AQ-1: Oxides of Nitrogen (NOX) Credits.  The emissions of NOX due to 14 
construction of the proposed project will be mitigated through the purchase of Regional 15 
Clean Air Incentive Market Trading Credits (RTCs) for every pound of NOx emissions in 16 
excess of the SCAQMD regional significance threshold of 100 pounds per day. The total 17 
amount of NOX RTCs to be purchased will be calculated when the construction schedule 18 
is finalized. The applicant will purchase and submit the required RTCs to the SCAQMD 19 
prior to the start of project construction.  The applicant will also track actual daily 20 
emissions during construction according to a monitoring plan that includes records of 21 
equipment and vehicle usage.158  22 

Mitigation Measure AQ-1 requires the purchase of Regional Clean Air Incentive Market 23 

Trading Credits (RTCs) for every pound of NOx emissions in excess of the regional significance 24 

threshold of 100 pounds per day.  The total amount of NOx RTCs to be purchased will be 25 

calculated once the construction schedule is finalized.  SDG&E concurs with the mitigation 26 

                                                            
158 DEIR at 4.3-19 to 4.3-20. 
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proposed to offset NOx emissions from project construction, and concurs that calculation based 1 

on the construction schedule is the appropriate approach.  However, SDG&E believes that 2 

requiring the tracking of daily emissions during construction, according to a monitoring plan that 3 

includes records of equipment and vehicle usage, is infeasible, imposes unnecessary costs on 4 

ratepayers, and not necessary to achieve the intent of the mitigation measure.  Furthermore, 5 

because this mitigation measure requires purchasing the credits prior to construction based on 6 

construction schedule, it renders the requirement to track daily emissions both redundant and 7 

unnecessary.  8 

Mitigation Measure CUL-4 9 

MM CUL-4: Native American Consultation and Participation Planning. As a supplement 10 
to APM CUL-7, prior to construction, the applicant will provide evidence to the CPUC 11 
that tribes requesting consultation with the applicant regarding the project design and 12 
impacts on cultural resources were consulted.  In addition, the applicant will provide 13 
evidence to the CPUC that tribes that have expressed interest in the project during any 14 
phase (i.e., project application through end of construction and restoration) have been 15 
given the opportunity to participate in additional cultural resources surveys (MM CUL-1) 16 
and cultural resources monitoring when performed by a CPUC-approved cultural 17 
resources consultant (MM CUL-3).  18 

 19 
To outline the expected duties and responsibilities of all parties involved, the applicant 20 
and a CPUC-approved cultural resources consultant will submit a Native American 21 
Participation Plan prior to construction.  The final Native American Participation Plan 22 
shall be implemented, as specified, throughout construction and restoration.  Tribes that 23 
have expressed interest in the project prior to construction will be given the opportunity 24 
to participate in development of the plan. At a minimum, the plan will specify that: [list 25 
of eight requirements including compensation for Native American monitoring]159 26 
 27 
Mitigation Measure CUL-4 requires that SDG&E provide evidence to the CPUC that any 28 

tribes that have expressed interest in the project during any phase (application through 29 

construction and restoration) have been given the opportunity to participate in additional cultural 30 

resources surveys and monitoring when performed by a CPUC-approved cultural resources 31 

                                                            
159 DEIR at 4.5-20. 
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consultant.  To be clear, it would be infeasible for tribes that express an interest in the project 1 

only during later project phases (e.g. end of construction and restoration) to have had the 2 

opportunity to participate in surveys that typically occur during the early phases of a project.  3 

Furthermore, it is likely that the majority of cultural surveys will take place in the earlier phases 4 

of the project.  Therefore, this mitigation measure must make clear that tribes may participate in 5 

any surveys that have not yet occurred at any given project phase, but this mitigation measure 6 

does not confer an implied right to reconduct any surveys that have already occurred prior to the 7 

tribe’s expressed interest.   8 

Mitigation Measure BR-4 9 

MM BR-4: Limit Removal of Native Vegetation Communities and Trees.  The 10 
removal of native vegetation and trees will be limited to the minimum practicable area 11 
required for construction of the project. Grading, grubbing, graveling, or paving will only 12 
occur for permanent project components.  Temporary staging areas will be used in such a 13 
way that it facilitates post-construction restoration, per Section 7 of the SDG&E 14 
Subregional NCCP/HCP.  Drive-and-crush methods will be employed. 15 

Mitigation Measure BR-4 requires, among other items, that “drive and crush methods 16 

will be employed.”  However, drive and crush methods may not be feasible or appropriate in all 17 

cases, in particular for some temporary staging areas for safety reasons (e.g. fire, trip hazards) 18 

and may not be suitable for use for placement of temporary structures such as construction 19 

trailers and drop tanks.  Furthermore, Section 7 of the SDG&E NCCP/HCP does not prohibit the 20 

use of grading, grubbing, graveling, or paving in a temporary work area as long as the area is 21 

returned to pre-construction conditions and the area is rehabilitated per the enhancement program 22 

and defined success criteria.  The success of the restoration efforts is the responsibility of 23 

SDG&E under the NCCP/HCP.  Because SDG&E is already required to successfully restore 24 

impacted areas, the means and methods need not be dictated, as this mitigation measure does not 25 

provide any additional resource protection.  Following the NCCP/HCP Operation Protocols and 26 
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Enhancement Plan is sufficient to ensure adequate resource protection, and avoids potentially 1 

contradictory requirements.   2 

 Mitigation Measure BR-6 3 

MMBR-6: Migratory Birds and Raptors Impact Reduction Measures. The applicant 4 
will develop a Nesting Bird Management Plan in consultation with the USFWS, CDFW, 5 
and CPUC that outlines protective measures and BMPs that will be employed to prevent 6 
disturbance to active nests of both special status and Migratory Bird Treaty Act (MBTA)-7 
protected bird species with the potential to occur in the project area.  The Nesting Bird 8 
Management Plan will include the following components: … The Nesting Bird 9 
Management Plan will specify that active bird nests will not be removed during breeding 10 
season unless the project is expressly permitted to do so by the USFWS or CDFW.  … 11 
Buffer reductions for special status species and raptors must be approved by appropriate 12 
wildlife agencies and the CPUC.  … The Nesting Bird Management Plan will be 13 
submitted to the USFWS, CDFW, and CPUC for comment and approval no more than six 14 
months prior to the start of construction ….160 15 

Mitigation Measure BR-6 outlines the elements the CPUC requires to be included in a 16 

Nesting Bird Management Plan, prepared in consultation with USFWS, CDFW and the CPUC.  17 

However, based on SDG&E’s experience with USFWS and CDFW on its recent East County 18 

Substation and South Bay Substation Relocation Projects, two proposed elements of the Plan 19 

render it infeasible.  First, the measure is inconsistent with current wildlife agency guidance, in 20 

that USFWS and CDFW cannot expressly permit removal of an active bird nest.  Instead, it is 21 

incumbent on SDG&E to make its own determination as to whether the removal of a nest is 22 

permitted within the meaning of the State and Federal code.  Second, USFWS and CDFW cannot 23 

expressly approve a buffer size or reduction.  Rather, SDG&E must make its own determination 24 

of appropriate nesting bird buffer sizes and/or the implementation of other appropriate avoidance 25 

measures to ensure minimization of impacts to nesting birds.  When making these 26 

determinations, SDG&E may seek and receive guidance from the agencies, but they will not 27 

provide approval or concurrence.  28 

                                                            
160 DEIR at 4.4-50. 
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Mitigation Measure TR-3 1 

MM TR-3: Notification and Monitoring of Helicopter Use. SDG&E will notify the 2 
Long Beach Flight Standards District Office at least one week in advance of all days 3 
during which helicopter operations are planned to occur or as required by the Flight 4 
Standards District Office. In addition, SDG&E will notify all residents, businesses, and 5 
owners of property within 0.25 miles of planned or emergency helicopter flight paths and 6 
landing areas at least one week in advance of all days during which helicopter operations 7 
are planned to occur. 8 

Mitigation Measure TR-3 requires that SDG&E “… notify all residents, businesses, and 9 

owners of property within 0.25 miles of planned or emergency helicopter flight paths and 10 

landing areas at least one week in advance of all days during which helicopter operations are 11 

planned to occur.”  By definition, an emergency is an event or incident that requires an 12 

immediate response; therefore advance notification to all residents with 0.25 miles is infeasible. 13 

Additionally, the term “flight path” should be clarified to pertain only to low altitude helicopter 14 

activities at or near the project site that could affect residents, business owners and owners of 15 

property. Otherwise the term “flight path,” if broadly interpreted, could apply from the airport of 16 

origin to the project location many miles away.  If interpreted in this manner, the notification 17 

requirement would impose unnecessary costs on ratepayers, be unduly burdensome and 18 

infeasible.  19 

20 



(PUBLIC/REDACTED VERSION) 

 

125 
 

CHAPTER 7  COST ESTIMATE FOR SDG&E’S PROPOSED PROJECT (Witnesses -- 1 
Willie Thomas and Karl Iliev) 2 

Section 1. Cost Estimate for SDG&E’s Proposed Project 3 

A. Proposed Project Cost 4 

The Proposed Project includes the following key elements that have contributed to the 5 

assumptions for the cost estimate: 6 

 Complete re-build and expansion of the existing 138/12kV Capistrano Substation to a 7 

230/138/12kV GIS substation (including site grading) on existing SDGE property, 8 

 Relocate three 138kV transmission lines into the new San Juan Capistrano Substation, 9 

 Install new 138 kV underground getaways from the substation Install new underground 10 

distribution circuit getaways, 11 

 Minor alterations and 138kV transmission lines reconfiguration at Talega Substation, 12 

 Install approximately 8 miles of new overhead and some underground double-circuit 230 13 

kV transmission lines and remove existing 138kV transmission line and structures, 14 

The construction of the new 230 kV transmission line between Talega and the proposed San 15 

Juan Capistrano Substations will utilize approximately 7.5 miles of existing ROW, and 16 

approximately 1,900 feet of franchise and ROW in the City of San Juan Capistrano along an 17 

existing street (Vista Montana). 18 

Grade new or refresh existing construction maintenance pads and spur roads as-needed. 19 

Table 1, Proposed Project Cost Estimate, presents the estimated total cost for construction 20 
of the Proposed Project. 21 

22 
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 1 

Table 1:  Proposed Project Cost Estimate 2 

Proposed Project Cost Component Approximate Cost 

Substation (including site development, below 
and above grade at the proposed San Juan 
Capistrano Substation). 

$160.8 Million +/-10% 

Talega Substation $0.3 Million +/-10%  

Talega Area 138kV Transmission $9.9 Million +/-10% 

San Juan Capistrano Substation 138kV 
Underground Getaways 

$15.1 Million +/-10% 

230kV Overheads (includes removal of the 
138kV) 

$58.6 Million +/-10% 

230kV Underground $33.3 Million +/-10% 

Permitting, Environmental and Mitigation $31.6 Million +/-10% 

ROW Acquisitions $3.1 Million +/-10% 

Distribution Circuits $7.1 Million +/-10% 

Allowance for Funds Used During Construction 
(AFUDC) 

$63.7 Million +/-10% 

Grand Total Project Cost Estimate $383.6 Million +/-10% 

Notes: 

All costs are approximate and based on preliminary engineering, and include a 
15% contingency.  Final costs will be determined upon approved final project 
scope and contracting costs. Costs do not include associated O&M annual 
expenditures. 

Source: SDG&E 

Project costs have decreased from those presented in 2012.  This cost decrease is 3 

comprised of savings due to the smaller scope pertaining to the construction of TL13835 and 4 
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also due to the reconciliation of the estimated construction and equipment costs at Capistrano 1 

substation with actual bids to procure the equipment and perform the work by a contractor. 2 

Section 2. Methodology for Preparing Cost Estimates  3 

A. Cost Estimate Development Process 4 

SDG&E utilized the following process to determine the Proposed Project’s cost estimate: 5 

During the alternative selection process, each internal SDG&E department and their 6 

respective project leads developed their costs based on past estimated costs for similar projects, 7 

manufacturer suggested costs on specific equipment, and average cost per mile for transmission 8 

and/or distribution circuits for all proposed alternatives. 9 

Once the alternatives were analyzed and the proposed project was determined, each 10 

department completed a more detailed cost analysis for their respective section of the Proposed 11 

Project. This included the cost for initial design and permitting stages, through construction and 12 

into potential post-construction mitigation measures. 13 

Within each SOCRE and non-SOCRE alternative estimate, SDG&E has accounted for 14 

costs associated with the various levels of SDG&E project management, engineering, land 15 

services, environmental, regulatory, public affairs, and others, including the various consultants 16 

who support these departments.  The cost estimates include consideration for the expected level 17 

of participation from each department for each project. 18 

The Finance and Project Management teams conducted internal meetings with all groups 19 

in order to better understand all cost elements, and once each section was agreed upon, the costs 20 

were included within the Work Breakdown Structure (WBS). 21 

Contingency level was determined based on the level of detailed engineering and costs 22 

able to be done on each portion of the project and the amount of undeterminable factors that 23 
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could affect the project cost, including weather, outage restrictions, permit issues, environmental 1 

unknowns, material issues, etc. 2 

SDG&E has approximated the potential costs associated for both the environmental and 3 

construction related mitigation measures based on past project’s spend and known costs 4 

associated with the Proposed Project. 5 

SDG&E’s AFUDC is an estimate of SDG&E’s cost of capital invested in the project 6 

during construction and is applied to all capital orders or projects that have a construction period 7 

of greater than 30 days. AFUDC is applied to a project’s total direct cost, applicable taxes, 8 

capital A&G, and any escalation. AFUDC is accrued from the first month that costs are first 9 

charged to a project and continues until the month a project is declared energized and 10 

operational. The percentage used is an internal calculation updated monthly for SDG&E and is 11 

based on current costs of short term debt and equity during the actual construction. 12 

B. Cost Estimate Sources and Assumptions 13 

 Utilization of historical spends on past SDG&E projects.  This includes but is not 14 
limited to costs for labor and engineering, materials, acquisition and 15 
condemnation, environmental analysis and monitoring, and regulatory and legal. 16 
 17 

 AFUDC is a generally accepted regulatory accounting procedure to capitalize the 18 
cost of debt and equity funds used to finance capital additions. 19 

 20 

 Initial solicitations of design and construction consultants and contractors. 21 
 22 

 Overhead and indirect costs, including Allowance for Funds Used During 23 
Construction (AFUDC), have been calculated based on the company wide 24 
planning rates provided by SDG&E Financial Planning for the period from 2015 25 
through 2020. 26 

 27 

 SDG&E budgeted electric and magnetic field (“EMF”) reduction measures at 4% 28 
of the estimated cost of SDG&E’s transmission project cost consistent with 29 
CPUC Decision 06-01-042.  30 

 31 
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 SDG&E adds escalation to the estimate of any long-term project (i.e., greater than 1 
one year in duration) as a provision for increases in costs resulting from inflation. 2 
Escalation within these estimates is primarily broken into two categories: (1) 3 
SDG&E labor and (2) non-SDG&E labor and non-labor. The percentages used for 4 
SDG&E labor is in accordance with SDG&E’s Capital Accounting Guidelines 5 
which are based upon rates provided by Global Insight.   6 
 7 

These guidelines are a tool used by SDG&E to provide guidance when no additional 8 

information is available. 9 

Non-SDG&E labor and non-labor for transmission construction projects have been 10 

historically higher than those published by Global Insight. With the known volatility of the 11 

market over the past few years and the size of the project, additional consideration was required 12 

to establish the appropriate escalation rate for these estimates. 13 

The Proposed Project estimate submitted in 2012 involved a review of the status of 14 

market conditions with regards to recent past and future material and labor markets. Overall, the 15 

feedback from various manufacturers and contractors, as well as market analysis consultants, 16 

showed a tendency for basic transmission materials such as resin, copper, aluminum, and steel to 17 

be increasing at a rate of 3% to 8% per year. Market analysis further indicated that additional 18 

finished good price adjustment over the next few years in excess of projected standard 19 

inflationary rates could be due to (a) pricing for finished goods tending to lag raw material 20 

increases, (b) cost uncertainty increased by the volatile fuel (hence transportation) cost increases, 21 

as well as (c) increasing interest rates.  SDG&E made a decision to utilize 6% per year escalation 22 

for non-SDG&E labor and non-labor costs. As much as possible, SDG&E has been pro-actively 23 

seeking to control these price uncertainties by entering into contractual agreements with major 24 

material manufacturers to try to stabilize pricing as well as to maintain manufacturing windows 25 

necessary to meet required in-service dates. 26 
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With consideration of the above and additional feedback from vendors on price and 1 

availability over the next few years and the unknown construction start date, SDG&E has made a 2 

decision not to deviate from the 6% escalation rate originally used for the 2012 estimate.  3 

This decision is consistent with typical SDG&E transmission and high voltage substation 4 

project estimates. 5 

 Some of the key project assumptions include the following: 6 

o California Public Utilities Commission (CPUC) approval time (CPCN) 7 
o Approximately 60 month construction schedule from January 2016 8 

through December 2020.              9 
o Minimal modifications to the proposed project  during the approval 10 

process 11 
o Minimal outage and/or weather delays. 12 
o Minimal environmental issues. 13 

C. SDG&E’s Internal Resources, Alliances and Preferred Contractors 14 

SDG&E is a regulated public utility that since 1887 has had experience owning, 15 

operating and constructing electric infrastructure. This long and successful experience coupled 16 

with the internal resources and external relationships results in a very knowledgeable 17 

understanding of the associated costs of a project like the Proposed Project. This fundamental 18 

knowledge results in a reduction of the Proposed Project’s risk related to cost and schedule and is 19 

therefore an indirect cost containment strategy. 20 

• SDG&E currently has existing and internal departments for every aspect of the 21 
Proposed Project which enables known internal labor and engineering costs. 22 

• Utilization of existing SDG&E material alliances including substation equipment, 23 
steel poles, cable, hardware, etc. reduces uncertainty about price and availability.   24 

• Preferred design and engineering consultants of which have existing master 25 
service agreements. 26 

• Preferred construction contractors of which have existing contracts. These 27 
contractors include grading, foundation, electric, substation, construction 28 
monitoring and Storm Water Pollution Prevention Plan (SWPPP) implementation.  29 
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Section 3. O&M Costs 1 

SDGE has also estimated its future annual operation and maintenance costs for the 2 

Proposed Project. Transmission Operations and Maintenance (O&M) costs will include 3 

transmission line monitoring, surveying and reporting.  4 

The average annual Transmission & Substation Operations and Maintenance (O&M) 5 
costs will include: 6 

 Approximately 8 miles of Transmission Line O&M ($118,500) 7 
 Substation O&M 8 

o 138 GCB testing and maintenance ($70,800/yr) 9 
o 230kV GCB testing and  maintenance ($32,500/yr) 10 
o Transformer testing and maintenance ($22,100/yr) 11 
o Switchgear maintenance ($11,200/yr) 12 
o 12kV and 230kV capacitor testing and maintenance ($3,700/yr) 13 
o Control and relay testing ($36,400/yr) 14 
o Battery testing and maintenance ($2,600/yr) 15 
o General yard maintenance ($16,400/yr) 16 
o Corrective maintenance (50% of preventive maintenance ($97,800/yr) 17 

 18 
The total Transmission Line and Substation O&M annual costs are approximately 19 
$412,000. 20 

Section 4. SUMMARY 21 

The Proposed Project is designed to improve transmission system reliability and safely 22 

increase capacity for projected load growth in the South Orange County service area.  With the 23 

addition of a new 230 kV transmission line between the Talega and Capistrano Substations, the 24 

proposed project will meet SDG&E’s long term planning and reliability goals and CAISO’s 25 

Functional Specifications for the Project including all NERC, CAISO, and WECC transmission 26 

planning standards.  The Proposed Project will mitigate transmission overloads identified by 27 

CAISO and SDG&E, by delivering reliable power safely, efficiently and effectively to the South 28 

Orange County service area  Additional benefits of the Proposed Project will include the 29 

reduction of the risk of a service interruption resulting from a transmission and/or substation 30 
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equipment failure, infrastructure improvement of existing transmission lines and of Capistrano 1 

Substation, fire hardening existing wood structures, and the fact that the Proposed Project is 2 

located entirely within existing utility corridors and franchise position.   3 

SDG&E’s Proposed Project cost estimate of approximately $383.6 Million has been 4 

thoroughly analyzed and includes the appropriate amount of contingency given the current 5 

design of the Proposed Project. If any aspect of the Proposed Project is modified, revised or 6 

altered for any reason, the current cost estimate may not be applicable. Potential reasons for 7 

changes to the cost estimate include but are not limited to: 8 

• Route and/or project modification through the CEQA process 9 

• Schedule delays due to permit acquisition timing, unforeseen weather and/or 10 
outage constraints 11 

• Post construction mitigation measures above and beyond SDG&E’s Applicant 12 
Proposed Measures (APMs). 13 

14 
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CHAPTER 8  THE PROPOSED PROJECT WILL BE CONSTRUCTED IN 1 
ACCORDANCE WITH THE COMMISSION’S RULES AND POLICIES ON SAFE AND 2 
RELIABLE OPERATION   3 

Section 1. INTRODUCTION (Witness Willie Thomas ) 4 

The Scoping Memo at 9 identifies as one issue: “Does the Project design comport with 5 

Commission rules and regulations and other applicable standards governing safe and reliable 6 

operations.”   7 

SDG&E proposes to construct and operate a new, approximately 8-mile double-circuit 8 

230 kV transmission line between the existing SDG&E Talega Substation and a new San Juan 9 

Capistrano Substation to be constructed on the existing Capistrano Substation property 10 

(Proposed Project).  The Proposed Project will remove the existing 138/12 kV Capistrano 11 

substation and replace it with the new 230/138/12 kV San Juan Capistrano Substation 12 

(sometimes referred to as the rebuilt Capistrano Substation).   13 

Section 2. SAFETY AND RELIABILITY 14 

A. Transmission Planning (Sponsored by John Jontry)  15 

As described in the SDG&E’s January 15, 2015 Prepared Testimony and in Chapter 2 16 

above, the Proposed Project is needed to provide reliable electric service to South Orange 17 

County, and to comply with mandatory NERC, WECC, and CAISO reliability standards.   18 

In addition to the NERC Category A and Category B performance categories described in 19 

the testimony referenced above, SDG&E is required to study the effects of NERC Category D 20 

contingencies.  Category D system performance addresses the impact of an extreme event on the 21 

bulk power system.  Category D contingencies include the loss of a substation.   22 

The Proposed Project, over significant sections of the proposed route, will occupy a 23 

common right-of-way with as many as three other transmission or power lines.  SDG&E, as the 24 
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NERC registered Transmission Planner, is obligated to assess the risks and consequences of such 1 

a system contingency.  The applicable NERC standard, however, does not necessarily require 2 

mitigation for these extreme system contingencies.  Note that the WECC has a somewhat stricter 3 

requirement for transmission lines in common corridors, but it is only applicable to lines with 4 

voltages over 300 kV.  The Proposed Project will share common-corridor segments with other 5 

230 kV, 138 kV, and 69 kV lines, so the WECC common-corridor standard does not apply. 6 

As a practical matter, location of multiple transmission lines in a common corridor is a 7 

common industry practice.  This is due to several factors, primary among them being the expense 8 

and difficulty of obtaining new right-of-way in populated areas, and the desire of utilities to 9 

minimize impact on communities by fully utilizing existing available right-of-way.  It is also 10 

more efficient to use existing corridors, since they already tend to connect major load centers and 11 

thus already go right where utility planners see the need to go.  Utility standards and construction 12 

practices allow for the construction and operation of lines on common structures and in common 13 

ROW in a safe and reliable manner. 14 

Although SDG&E is required to study the simultaneous loss of all transmission circuits 15 

in the corridor occupied by the Proposed Project, as a practical matter the addition of the 16 

Proposed Project to the existing corridors cannot degrade system performance.  As described in 17 

SDG&E’s January 15 Testimony and Chapter 2 above, the Proposed Project will significantly 18 

improve the performance of the system from a NERC Category B and C perspective.  From a 19 

NERC Category D perspective, loss of all lines in the common-corridor segments occupied by 20 

the Proposed Project will not leave the bulk power system in a worse condition than exists today.  21 

Since the scope of the Proposed Project will upgrade portions of the existing transmission lines 22 

in the common ROW, as well as add a second connection to the Southern California bulk power 23 
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system at San Juan Capistrano and provide a second source to serve the South Orange County 1 

load, the overall performance of the system even under the most extreme Category D 2 

contingencies will improve.  Also, as a practical matter, all of the available mitigation options for 3 

loss of all lines in the common ROW available before the Proposed Project goes into service will 4 

also be available once the Proposed Project is energized. 5 

To summarize, the Proposed Project will significantly improve system performance, and 6 

will in no way degrade system performance.  7 

B. Transmission Engineering & Design (Witness Willie Thomas) 8 

 General Orders 95, General Order 128 & Additional SDG&E Standards 9 

o All applicable rules in General Orders 95 and 128 will be met in the design and 10 

construction of the Proposed Project, including but not limited to the: 11 

 Sag and tension limits of the overhead conductor and OPGW/shield wire, 12 

 Overhead conductor clearances to ground, waterways, bridges, buildings, 13 

overhead crossings and many other obstacles, 14 

 Underground clearances and depths will be maintained, 15 

 Trench and conduit system will be constructed with adequate provision for 16 

safety of the workmen, safety of the general public, and the preservation 17 

of property, 18 

 Loading cases that dictate wind speeds and temperature, 19 

 Safety factors for all components on a structure (wire, pole, tower, guys, 20 

anchors, insulators, etc.), 21 

 Grounding for equipment and personal safety, 22 

 Climbing and working space, 23 
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 Proper warning and high voltage marking, 1 

 Proper guarding of structures, such as fencing and a steel shroud around 2 

230kV cable poles to prevent climbing or vandalism. 3 

In cases where there is ambiguity in the rules, the most conservative 4 

interpretation of the rules will be applied. 5 

o SDG&E Standards 6 

 In addition to the minimum loading and safety factors required in Section 7 

IV of General Order 95, a more stringent loading condition of 18 psf will 8 

be used for the design criteria of new structures proposed in the project. 9 

This is due to the fact a portion of the line resides in fire prone areas such 10 

as in and around Camp Pendleton. 11 

 Additional clearances above and beyond General Order 95 will be 12 

included in the design criteria for the project to the extent feasible. This 13 

provides additional margin of safety to account for any variations with 14 

materials and/or construction of the project.  Land Surveyors will be 15 

utilized to ensure the design clearances are achieved during construction. 16 

 Steel Poles have become the most common structure type used on the 17 

SDG&E transmission system.  It’s important to note there are two types of 18 

steel poles used at SDG&E, the direct burial poles (aka wood equivalent) 19 

that come in standard heights and dimensions, and the engineered steel 20 

poles that sit on top of foundations and are engineered specifically for 21 

each site. Since steel poles have standard heights and dimensions, the tools 22 

and hardware used to install them can be easily standardized unlike wood 23 
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poles whose diameters vary greatly.  Since steel poles are man-made there 1 

is greater confidence the strength and quality of the material meet design 2 

requirements.  Wood poles strengths can vary significantly since they are 3 

naturally grown product.  Engineered steel poles can be designed to meet 4 

nearly any loading requirements and eliminate the need for guys and 5 

anchors, thus improving the safety and reliability of the system by 6 

eliminating additional points of failure and maintenance.  Lastly, steel 7 

poles are more resistant to fires than are wood poles. 8 

 Seismic loading for transmission lines will be considered and is above and 9 

beyond what is required by GO 95, or by the National Electric Safety 10 

Code (NESC), or by the American Society of Civil Engineers (ASCE). 11 

SDG&E will avoid locations on seismic faults and will design for seismic-12 

induced soil liquefaction if foundations are located in soils prone to 13 

liquefaction.  Currently GO 95 and NESC focuses on loading 14 

requirements based on effects of wind, ice, gravity, and temperature 15 

induced loading.  The American Society of Civil Engineers (ASCE) No. 16 

74 Manual “Guidelines for Electrical Transmission Line Loading” 17 

similarly has no provisions for seismic loading, but do comment in 18 

Appendix F that transmission structures are not typically designed for 19 

seismic loading, and wind/ice combinations and broken wire generally 20 

exceed design earthquake loads. 21 

22 
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C. Substation Engineering & Design (Witness Karl Iliev) 1 

 General Order 174/NERC Regulation 2 

o The new San Juan Capistrano substation will have an inspection program that 3 

meets compliance with GO 174 inspection requirements.  Additionally, SDG&E 4 

will maintain the substation in compliance with all applicable NERC and WECC 5 

reliability standards including CIP version 5, pertaining to cyber security and CIP 6 

014, pertaining to substation physical security.   7 

 Industry Standards 8 

o SDG&E will design substations to meet its own internal standards, which are 9 

largely based on IEEE equipment and substation design standards.   10 

o Seismic requirements will meet the IEEE 693 Recommended Practice for Seismic 11 

Design of Substations, ASCE 96 Guide to Improved Earthquake Performance of 12 

Electric Power Systems and ASCE 113 Substation Structure Design Guide.  13 

These standard serves as an industry guide to seismic design of utility substations 14 

and the associated equipment design specifications and testing standards used by 15 

manufacturers of substation equipment throughout North America.  16 

Manufacturers of a range of utility substation equipment have adopted the testing 17 

requirements of IEEE 693-2005 in their equipment design specifications and offer 18 

commercially available IEEE 693-2005 compliant products to the utility industry.  19 

This includes key products such as transformer bushings (composite design), 20 

transformer surge arrestors (composite design), disconnect switches, circuit 21 

breakers, capacitive coupling voltage transducers (CCVTs) and other devices that 22 

are essential to the operation of electric utility substations.  Use of these Standards 23 
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such as IEEE 693 and 1527 and proper application of these standards can be 1 

expected to provide significant loss avoidance benefits for utilities in seismically 2 

active regions and customers served by those utilities.  In addition to avoided 3 

losses related to the utility’s assets, customers enjoy benefits of shortened service 4 

interruption following large earthquakes.   5 

 Substation Technology 6 

o The following equipment and technology enhancements can be seen as an 7 

upgrade to the safety and reliability of the substation: 8 

o GAS INSULATED SUBSTATION (GIS):  GIS technology enables a flexible 9 

and compact design of the new San Juan Capistrano substation.  GIS technology 10 

uses Sulfur Hexafluoride (SF6) gas as an insulating medium rather than 11 

atmospheric air.  SF6 is non-toxic, inert and is safely used by SDG&E in circuit 12 

breakers and switching gear due to its high dielectric strength.  This technology in 13 

a GIS application allows conductors to be spaced closer together without an 14 

increased risk of arcing and has the potential of significantly reducing a substation 15 

size of that required by an air insulated substation (AIS), depending on site 16 

specifics and restrictions.  Additionally, GIS technology may reduce field 17 

assembly time, as most of the equipment is pre-assembled by the manufacturer 18 

prior to arriving on-site.  This allows reduced construction schedules on this 19 

project. 20 

o CONDITION BASED MONITORING (CBM):  Substation transformers and 21 

circuit breakers are monitored with devices for the purposes of detecting and 22 

preventing catastrophic failure and reducing maintenance.  Transformer monitors 23 
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perform Dissolved Gasses Analysis (DGA) in dielectric oil (DGA), and measure 1 

thermal performance, auxiliary device load, and bushing insulation.  These 2 

analytics allow SDG&E’s field operations group to detect and repair manufacturer 3 

defects that could lead to early failure of transformers on this project.  It also 4 

allows field crews to quickly repair auxiliary devices that have failed on these 5 

transformers, allowing for more operability and increased reliability.  Gas circuit 6 

breaker monitoring measures SF6 density, operating mechanism timing, and 7 

cumulative fault interruption.  This technology helps crews identify and mitigate 8 

SF6 leaks, which pose an environmental risk for their greenhouse gas 9 

contribution.  It also reduces maintenance on circuit breakers, while increasing 10 

reliability for these devices.  Circuit breaker monitoring tells crews when 11 

maintenance needs to be performed, rather than them performing it on time-based 12 

intervals. 13 

o ADVANCED SECURITY:  Advanced physical and cyber security systems at 14 

San Juan Capistrano substation will use state-of-the-art security technologies for 15 

electronic access control, monitoring, intrusion detection, intruder tracking, 16 

motion & thermal video capture, centralized monitoring and intelligent analytics.  17 

Additionally, these systems will be used to create a physical security perimeter to 18 

protect cyber assets enabling SDG&E to maintain compliance with NERC 19 

standards.  These systems will use industry best practices and durable best-of-20 

breed security technology to protect life, property, and electric system reliability 21 

while complying with Local, State, and Federal regulatory guidance that control 22 

and protect the SDG&E Transmission system. 23 
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o SUPERVISORY CONTROL AND DATA ACQUISITION (SCADA) and 1 

SYNCHROPHASORS:  San Juan Capistrano substation will utilize both 2 

SCADA infrastructure and Synchrophasor technology.  SCADA infrastructure 3 

allows for remote operational control and visibility of the electric system which 4 

directly increases reliability to customers.  SCADA enables centralized operators 5 

to remotely see voltage, current, open/close, and alarm status of equipment.  It 6 

also allows remote operation of circuit breakers, load tap changers, and other 7 

devices.  Synchrophasor technology goes above and beyond standard data 8 

collection by providing high fidelity, high resolution data across high speed data 9 

streams.  Synchrophasors, or Phasor Measurement Units (PMU), measure the 10 

electrical waves on an electric system in real-time using a common GPS time 11 

source for synchronization.  This time synchronization allows correlating of 12 

measurements of multiple remote measurement points on the electric system, 13 

which is required for precisely timed operations and situational awareness.  14 

Synchrophasors improve the sampling rate over traditional data collection by a 15 

hundred fold and advance data accuracy down to fractions of microseconds.  16 

Synchorphasors are considered one of the most important measuring devices in 17 

the future of electric system and may lend to monitor system stresses, improve 18 

voltage stability, detect oscillations and instabilities, validate system models, 19 

provide wide area protection and automation, efficient integration of distributed 20 

generation and renewable energy, and allow for accurate post disturbance 21 

analysis. 22 
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o ULTRA FAST ACTING EARTHING SWITCH (UFAS):  SDG&E’s new 1 

12kV switchgear are retrofitted with this technology that is designed to protect 2 

personnel from potentially hazardous arc flashovers.  This relaying system detects 3 

the ultra violet light associated with an arc flash and closes an ultra fast acting 4 

earthing-switch to ground the electrical bus where the arc flash originates, thus 5 

lowering the available arc flash energy and reducing potential harm to personnel 6 

in close proximity to the flashover.   7 

D. Proposed Project Design (Witness Willie Thomas) 8 

The Proposed Project is designed to improve transmission system reliability and safely 9 

increase capacity for projected load growth in the South Orange County service area. Specific 10 

design elements that accomplish the Proposed Project’s safety and reliability objectives include 11 

the following: 12 

 Existing ROW, Access Roads and Work Pads 13 

o The construction of the new 230 kV transmission line between Talega and the 14 

proposed San Juan Capistrano Substations will utilize approximately 7.5 miles of 15 

existing ROW, and approximately 1,900 feet of franchise and ROW in the City of 16 

San Juan Capistrano along an existing street (Vista Montana).  The Proposed  17 

18 
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Project therefore requires very little new additional ROW, which is consistent 1 

with state law guiding the use of existing transmission corridors, known as the 2 

Garamendi Principle.161 3 

o Due to the fact that the existing ROW for the Proposed Project contains existing 4 

transmission and power line structures, access roads and work pads, the need to 5 

create additional infrastructure is minimized.  Existing structures, access roads 6 

and works pads will be utilized to the extent feasible. Some access roads and 7 

work pads will be expanded where necessary to accommodate the safe 8 

construction and maintenance of the new structures.   9 

 Standard SDG&E Components 10 

o The Proposed Project will use many components that are standard and familiar to 11 

SDG&E including but not limited to: 12 

 Overhead Conductor (ACSR/AW and ACSS/AW), 13 

 Underground Cable (XLPE), 14 

 Polymer Insulators, 15 

 Foundational Poles that do not require guys and anchors, 16 

 Standard 12kV, 69kV, 138kV, and 230 kV Hardware. 17 

o By utilizing standard components, no significant change in SDG&E’s operations 18 

and maintenance practices and restrictions along the Proposed Project overhead 19 

                                                            
161 Garamendi Principle – Transmission Siting SB 2431 (Garamendi), Chapter 1457, 62, Statutes of 1988: 
1) Encourage the use of existing ROW by upgrading existing transmission facilities where technically and 
economically feasible; 2) When construction of new transmission lines is required, encourage expansion 
of existing ROW, when technically and economically feasible; and 3) Provide for the creation of new 
ROW when justified by environmental, technical, or economic reasons defined by the appropriate 
licensing agency. 
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route is anticipated.  Additionally, replacement material and parts are typically 1 

much more readily available which further increases the reliability of the line. 2 

 Electric Standard Practice 113.1 – Wildland Fire Prevention and Fire Safety. 3 

o The Proposed Project will be constructed consistent with Electric Standard 4 

Practice 113.1 – Wildland Fire Prevention and Fire Safety which outlines 5 

practices and procedures for SDG&E activities occurring within areas of potential 6 

wildland fire threat within SDG&E’s service territory.  The Proposed Project 7 

design includes replacement of wood poles with steel poles, increased conductor 8 

spacing to maximize line clearances, installation of steel poles to withstand an 9 

extreme wind loading case and known local conditions, and undergrounding of a 10 

portion of the power line.  These design components of the Proposed Project 11 

minimize the fire risk through enhanced safety and reliability of the power line 12 

system, particularly during extreme weather conditions. The standard practices in 13 

Electrical Standard Practice 113.1 include avoidance and minimization measures 14 

to comply with state and local fire ordinances.  15 

 Steel Poles 16 

o New structures are designed utilizing dulled galvanized steel to avoid potential 17 

adverse effects relating to fire and fire damage, as well as adverse effects due to 18 

high moisture content in coastal areas. The dulled aspect of the steel poles also 19 

minimizes the potential for visual impacts relating to glare. 20 

 Engineered Foundations  21 

o The Proposed Project will use concrete pier foundations for all new 230 kV steel 22 

poles and the majority of the new 69 kV steel poles.  Concrete pier foundations 23 
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are types of engineered foundations that are specifically designed to support the 1 

new steel poles and are typically much stronger than a direct embedded type of 2 

foundation.  Additionally, with the use of an engineered foundation, the need for 3 

guying is typically eliminated further reducing the footprint of structure locations 4 

and improving reliability. 5 

 Reconductoring, Insulation and Hardware 6 

o Where lines are being replaced or transferred for the Proposed Project, the 7 

existing conductor will be replaced and reconductored with new conductor 8 

creating a newer, more safe line.  Additionally, all hardware including insulators 9 

associated with the replacement conductor will also be replaced with new 10 

hardware. 11 

o All new and reconductored structures will utilize polymer insulators. These 12 

polymer insulators are stronger and require less maintenance as compared to the 13 

existing insulators that are made with porcelain. Corona rings and dampers will be 14 

utilized as needed.  15 

 Shield Wire/Optical Ground Wire (OPGW) 16 

o The Proposed Project includes installation of OPGW on the new 230 kV 17 

structures as well as replacement of existing shield wire with new OPGW when 18 

possible. The OPGW will serve as a new communication line between the 19 

existing substations. Additionally the OPGW will serve as lightning shielding for 20 

the conductor below and will further improve reliability. 21 

22 
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 Underground Segment –Vista Montana 1 

o The new 230 kV cables will be installed in a new duct bank package. Each 2 

package will consist of 8-inch conduits for electrical cable and 2-inch conduits for 3 

telecommunications fiber optic cable. The duct package will be protected by a 4 

2,000 pounds per square inch (psi) concrete encasement to 6 inches above the 5 

ducts. The remainder of the trench will be filled with backfill concrete or fluidized 6 

thermal backfill. One splice vault will be installed mid-way along the 7 

underground alignment. The new splice vault will be designed to accommodate 8 

all local and federal safety and loading requirements including the American 9 

Association of State Highway and Transportation Officials highway loading 10 

guidelines.  The trenches will be widened and shored where necessary to meet 11 

California Occupational Safety and Health Administration safety requirements. 12 

o By undergrounding a segment of the Proposed Project, certain unforeseen events 13 

including the following may be minimized or limited: 14 

 Chance of damage from severe weather (high winds, etc.) 15 

 Susceptibility to fires 16 

 Vehicular contact  17 

This minimization of unforeseen events therefore has the potential to create 18 

additional safety and reliability measures by reducing the frequency and duration 19 

of outages due to unforeseen events. 20 

 Operations and Maintenance (O&M) 21 

o By utilizing taller, stronger steel poles, the Proposed Project is able to decrease 22 

the overall amount of structures within the existing ROW. The design as proposed 23 
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reduces the overall amount of structures by approximately 52 and therefore 1 

SDG&E needs to maintain approximately 52 less structures.  2 

o Replacement of wood poles with steel further reduces the O&M of the structures 3 

as galvanized steel lasts longer, stands up to weather elements better and requires 4 

overall less maintenance than wood. 5 

o Utilization of polymer insulators reduces the maintenance required for the 6 

existing lines because polymer insulators require less washing than the existing 7 

porcelain. This reduction in washing potentially reduces the need for additional 8 

outages due to maintenance on the line. 9 

 Safe Worker and Environmental Awareness Program 10 

o To ensure safe and environmentally compliant construction, SDG&E will prepare 11 

a Safe Worker and Environmental Awareness Program (SWEAP) for project-12 

personnel.  A dedicated field safety representative will be assigned to the project 13 

to provide oversight to all contract and SDG&E personnel.  The SWEAP may 14 

include training for relevant topics such as: 15 

 General safety procedures 16 

 General environmental procedures 17 

 Fire safety 18 

 Biological resources 19 

 Water Resources 20 

 Cultural resources 21 

 Paleontological resources 22 

 Hazardous materials protocols and BMPs 23 
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 SWPPP 1 

 Hazardous Materials 2 

o SDG&E shall address potential impacts relating to the handling and use of 3 

hazardous materials through compliance with numerous state and federal 4 

regulations, including, but not limited to: 5 

 Federal Occupational Safety and Health Administration (OSHA) 6 

regulations for worker safety in hazardous material remediation and 7 

hazardous waste operations (29 CFR Section 1910.120), 8 

 Federal OSHA regulations hazard communication for workers (29 CFR 9 

Section 1910.1200). 10 

 Proposed Project Fire Plan 11 

o A project-specific fire prevention plan will be drafted for the Proposed Project 12 

consistent with Electric Standard Practice 113.1 and the SDG&E Operations & 13 

Maintenance Wildland Fire Prevention Plan. The project-specific fire plan 14 

identifies project-specific risk-related activities as well as measures (including 15 

tools and procedures) to address said risks. 16 

 SDG&E Subregional NCCP 17 

o The Proposed Project will avoid and minimize impacts to biological resources 18 

through implementation of the SDG&E Subregional NCCP. The SDG&E 19 

Subregional NCCP establishes a mechanism for addressing biological resource 20 

impacts incidental to the development, maintenance, and repair of SDG&E 21 

facilities within the SDG&E Subregional NCCP coverage area. The Proposed 22 

Project is located within the SDG&E Subregional NCCP coverage area. 23 



(PUBLIC/REDACTED VERSION) 

 

149 
 

o Specific NCCP Operational Protocols  that are incorporated into the Proposed 1 

Project design to comply with the SDG&E Subregional NCCP include but are not 2 

limited to the following: 3 

 Vehicles will be kept on access roads and limited to 15 miles per hour, 4 

 Supplies, equipment, or construction excavations where wildlife could 5 

hide (e.g., pipes, culverts, poles holes, trenches) would be inspected prior 6 

to removing or working on/in them, 7 

 Field crews would refer all environmental issues, including wildlife 8 

relocations, dead or sick wildlife, or questions regarding environmental 9 

impacts to the Environmental Surveyor.  Biologist or experts in wildlife 10 

handling may be necessary to assist with wildlife relocations, 11 

 No pets are allowed within the ROW, 12 

 Measures to prevent or minimize wild fires will be implemented, 13 

including exercising care when driving and not parking vehicles where 14 

catalytic converters can ignite dry vegetation, 15 

 All SDG&E personnel will participate in an environmental training 16 

program conducted by SDG&E, with annual updates. 17 

 Standard Traffic Control Procedures 18 

o SDG&E will implement traffic control plans to address potential disruption of 19 

traffic circulation during construction activities and address any safety issues. 20 

These traffic control plans will be prepared by the project engineer or contractor 21 

and subject to review by the appropriate jurisdictional agency, such as the Cities 22 

of San Juan Capistrano and San Clemente, the County of Orange and Caltrans. 23 
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 Encroachment Permits 1 

o SDG&E will obtain any required encroachment permits from the Cities of San 2 

Juan Capistrano and San Clemente and the County of Orange for crossings at city 3 

streets and Caltrans for work near I-5, and will ensure that proper safety measures 4 

are in place while construction work is occurring near public roadways. These 5 

safety measures include flagging, proper signage, and orange cones to alert the 6 

public to construction activities near the roadway. 7 

 Clear Working Space 8 

o SDG&E maintains a clear working space area around certain poles pursuant to 9 

requirements found within General Order 95 and Public Resources Code (PRC) 10 

4292. SDG&E keeps these areas clear of shrubs and other obstructions for fire 11 

prevention purposes. In addition, vegetation that has a mature height of 15 feet or 12 

taller are not allowed to grow within 10 horizontal feet of any conductor within 13 

the ROW for safety and reliability reasons. 14 

 Outage Coordination 15 

o SDG&E will coordinate any necessary line outages in order to maintain system 16 

reliability and construction personnel safety.  Based upon preliminary 17 

engineering, SDG&E does not anticipate any project based interruption of service 18 

to customers during construction. 19 

20 
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CHAPTER 9  ECONOMIC AND SOCIAL IMPACTS OF AN OUTAGE OF THE 1 
TALEGA SUBSTATION (Witness Michael Sullivan) 2 

Section 1. Estimated Total Outage Cost for South Orange County 3 

A. Overview of Outage Cost Study 4 

San Diego Gas and Electric (SDG&E) has retained Nexant Inc. to estimate the economic 5 

costs arising from power outages that could result from a catastrophic failure of the equipment 6 

located in or near the Talega Substation.  This station is the single connection to the California 7 

grid for 7 substations serving approximately 120,000 customers including about 8,000 businesses 8 

and  108,000 households (comprising about 300,000 people) in and around the cities of Dana 9 

Point, San Clemente, San Juan Capistrano, Laguna Beach, Laguna Hills, Laguna Niguel and 10 

Mission Viejo – the area known as South Orange County (SOC). 11 

To estimate the costs of outages of varying duration for customers in this area, Nexant 12 

first estimated outage costs on a per customer basis for a relatively short duration outage (16 13 

hours), based on the outage cost estimation equations reported in: “Updated Value of Service 14 

Reliability Estimates for Electric Utility Customers in the United States”, Lawrence Berkeley 15 

National Laboratory, January 2015 (Attachment 21).  This is the most authoritative source of 16 

information about the economic impacts of electric outages in the US.   17 

To estimate the costs for longer duration outages, these short duration costs were scaled 18 

up to longer duration costs using the observed relationship between short and long duration 19 

outage costs reported by PG&E in conjunction with its justification for constructing a third 20 

transmission line to serve the downtown San Francisco Embarcadero substation.  That study 21 

included a careful estimate of the economic costs that its downtown customers would experience 22 

as a result of an electric outage lasting from 24 hours to 7 weeks (Attachment 22). 23 
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Table 1 summarizes the estimated direct economic costs to businesses and households in 1 

SOC by customer class for a 16-hour outage.  The direct cost of a 16-hour outage to customers in 2 

SOC is estimated to be approximately $105.2 million.  As Table 1 indicates, most of this cost 3 

will be borne by the 8,558 business customers operating in the area.162  The average costs per 4 

event reported in this table are similar to those reported for businesses in the updated LBNL 5 

report in Attachment 21.  However, they were not taken directly from the report.  Rather they 6 

were estimated from the econometric models contained in the report for each customer on 7 

SDG&E’s SOC system and then rolled up to the sums and averages displayed in the table. 8 

Table 1: Estimated Direct Outage Costs in SOC ($ Millions) – 16 Hour Outage 9 

Customer Type 
Number of 
Customer

s 
Cost per 

Customer ($) 

Range of Cost per Customer 
($) Total 16-

hour Cost 
($ Millions) 

Minimum Maximum 

Medium and Large C&I (> 
50,000 Annual kWh) 1,806 $27,131 $14,638 $167,396 $49.0 

Small C&I 
(<= 50,000 Annual kWh) 6,752 $7,904 $2,038 $21,089 $53.4 

Residential 108,407 $25.7 $2.8 $113.6 $2.8 

All 116,965 $899.1 $2.8 $167,396 $105.2 

Table 2 displays the estimated range of total costs arising from an outage of the area 10 

served by SDG&E in SOC for outages lasting from 16 hours to 3 weeks.  The estimated outage 11 

costs are divided into two components: (1) direct outage costs experienced by businesses and 12 

households in the area as a result of outages of varying duration; and (2) indirect outage costs 13 

experienced by businesses and households inside and outside the area served by SDG&E that are 14 

not directly experienced by the individual customers in the area (also known as spillover costs).  15 

                                                            
162 About 1,800 small business customer accounts were removed from the file before estimation of the 
outage cost because they are believed to represent traffic signals, cable transponders, cell towers and other 
automated equipment for which outage costs are not well represented in the cost estimation data base. 
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The 16-hour direct costs were estimated based on the econometric equations described in the 1 

LBNL report cited above.  The indirect outage costs were obtained from a careful review of the 2 

literature on hazard losses summarized in Attachment 23.  Indirect outage costs are reported as a 3 

range because a relatively wide range of indirect outage cost ratios have been reported in the 4 

hazard loss literature.  Although indirect costs are impossible to precisely estimate, they are no 5 

less real and tangible than the direct costs reported   Combining the direct and indirect cost in 6 

Table 2, a 16-hour outage to businesses and households inside and outside the area is estimated 7 

to cost between $158 million and $316 million.   8 

Table 2: Estimated Total Outage Cost for SOC by Duration ($ Millions) 9 

Outage Duration Direct Cost 
($ Millions) 

Indirect Cost 
($ Millions) 

Total Outage Cost 
($ Millions) 

16 hours $105.2 $52.6 to $210.3 $157.8 to $315.5 

24 hours $141.3 $70.6 to $282.5 $211.9 to $423.8 

4 days $457.9 $228.9 to $915.7 $686.8 to $1,373.6 

3 weeks $1,592.5 $796.3 to $3,185.0 $2,388.8 to $4,777.5 

Costs for outages lasting longer than 16 hours cannot be estimated from the econometric 10 

equations reported in the updated LBNL report because the costs of long duration outages have 11 

not been extensively studied.  Surveys designed to estimate long duration outage costs have been 12 

conducted only very recently and then only for one geographical area (Downtown San 13 

Francisco).  However, it is possible to extrapolate the estimated costs from the 16-hour outage 14 

cost estimate to longer duration outages by taking account of the relationships that were observed 15 

for long and short duration outages in the instance where the costs of long duration outages have 16 

been carefully studied.  The assumptions required to make this extrapolation are described in 17 

detail in the next section. 18 
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Applying reasonable assumptions about the likely increase in outage cost as duration 1 

increases from 16 to 24 hours results in a direct cost to SOC customers of $141 million.  When 2 

duration rises to 4 days, the direct outage cost is $458 million; and by the time the duration 3 

reaches 3 weeks the direct outage cost is about $1.6 billion.  Including indirect costs, the 4 

projected impact on the surrounding economy becomes more severe.  At 4 days, the total 5 

projected outage cost ranges from about $687 million to nearly $1.4 billion.  If the area is 6 

without power for 3 weeks, the total projected outage cost ranges from about $2.4 billion to 7 

nearly $4.8 billion.   8 

B. Estimating Direct Costs 9 

Ideally, the direct costs of a long duration outage should be estimated by surveying 10 

potentially affected customers to ask them to estimate the direct costs they would experience as a 11 

result of long duration outages of varying length (e.g., 24 hours, 4 days, one week or longer).  12 

Nexant employed this approach in estimating the cost of electricity service interruptions that 13 

might occur in downtown San Francisco if both 230 kV lines serving the Embarcadero substation 14 

were simultaneously forced out for an extended period of time.  The costs were estimated for 15 

outages ranging in duration from 24 hours to 7 weeks.  The CPUC authorized construction of a 16 

third 230 kV line to serve the downtown area of San Francisco based in part on the estimated 17 

economic impacts on customers in the event of an outage.   18 

Unfortunately, time constraints prevent the use of this approach in the present case.  19 

Instead, the cost of long duration outages for SOC were estimated by inflating reliable estimates 20 

of the costs from a short duration outage costs for SOC (i.e., 16 hours) using the observed 21 

relationships between (1) the 8 hour and 24 hour outage costs reported in PG&E’s 2012 VOS 22 

study; and (2) the relationship between long duration outage costs observed in PG&E’s 2013 23 
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survey of downtown customers which included outage cost estimates for interruptions ranging 1 

from 24 hours to 7 weeks.  The estimated costs for long duration outages for SOC were derived 2 

in a three step process. 3 

In the first step, Nexant used outage cost estimation equations published in the “Updated 4 

Value of Service Reliability Estimates for Electric Utility Customers in the United States” to 5 

estimate the direct cost that each customer in SOC would experience as a result of a 16-hour 6 

outage.  To derive these cost estimates, Nexant obtained a digital file containing customer 7 

characteristics required to estimate the per event interruption costs for all the customers served 8 

by the Talega 230 kV interconnection.  The information for each customer included: 9 

 Annual electricity consumption for the most recent year; 10 
 Type of customer (i.e., household, large to medium sized business and small 11 

business), and 12 
 For businesses, the type of enterprise (from NAICS codes). 13 

The direct outage costs for the 16-hour outage were calculated by applying the outage 14 

cost estimation equations in the above referenced report, inserting the appropriate outage and 15 

customer characteristics for each customer.  As explained in this 2015 report, the econometric 16 

models for predicting interruption costs are based on an analysis of 34 outage cost surveys (and 17 

over 100,000 outage cost survey responses) conducted by the utility industry over the past 25 18 

years using a standard survey methodology developed and published by EPRI in the 1990s.  The 19 

econometric models developed in the report are called customer damage functions.  They express 20 

customer damages (outage costs) as a function of interruption characteristics (e.g. duration, onset 21 

time, season) and customer characteristics (e.g., customer type, electricity consumption, type of 22 

business, etc.).  The customer damage functions provided in the updated report cited above are 23 

two- part econometric equations.  They are called two-part models because predicted customer 24 

outage costs are calculated in two parts. In the first part, the likelihood that a customer’s outage 25 
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costs are zero is estimated.  This part is necessary because some customers experience no real 1 

outage costs under some circumstances (e.g., outages of short duration occurring at times when 2 

customers are not using much electricity or outages to customers with full backup generation).  3 

The likelihood that customers experience no outage costs as a result of a given outage is 4 

estimated using a Probit model that predicts the likelihood that customers report they will 5 

experience zero cost given the characteristics of the interruption and characteristics of the 6 

customers.  The output from this step is the likelihood that the outage cost is positive for a given 7 

customer.  The Probit model output can range from 0 to 1.   8 

In the second part of the estimation process, a generalized linear model (GLM) regression 9 

equation is used to estimate the magnitude of the outage costs for customers who have positive 10 

outage costs using the same predictors of outage costs as were used in the first part.  The 11 

relationship between outage costs and the predictor variables in the econometric equations used 12 

to estimate outage costs for medium and large commercial and industrial customers are presented 13 

in Tables 3-4 and 3-5 in the updated interruption cost report on pages 28 and 29.  To estimate the 14 

direct cost of the 16-hour outage, the output from the GLM regression equation is multiplied by 15 

the output from the Probit equation – in effect scaling the estimate to take account of the 16 

likelihood that the outage cost is zero for a given customer.   17 

The parameters used in the estimation equations for medium and large commercial and 18 

industrial customers are presented in Table 3. Because the model is non-linear with respect to a 19 

number of variables in the equation, the parameters in the model are not directly interpretable. 20 

21 
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Table 3: Model Estimation Parameters for Medium and Large C&I Customers 1 

Variable 
Probit GLM 

Coefficient Std. Error Coefficient Std. Error 

Interruption Characteristics 

duration 0.005 0.000 0.006 0.001 

duration2 -2.820E-06 0.000 -3.260E-06 0.000 

summer 0.410 0.023 0.113 0.060 

Customer Characteristics 

ln(annual MWh) 0.118 0.006 0.495 0.016 

Interactions         

duration x ln(annual MWh) -3.416E-04 0.000 -1.882E-04 0.000 

duration2 x ln(annual MWh) 1.640E-07 0.000 1.480E-07 0.000 

Industry 

manufacturing 0.200 0.025 0.823 0.069 

Constant -0.958 0.047 5.292 0.127 

Tables 4 and 5 summarize the model estimation parameters for small commercial 2 

customers and households respectively. 3 

Table 4: Model Estimation Parameters for Small C&I Customers 4 

Variable 
Probit GLM 

Coefficient Std. Error Coefficient Std. Error 

Interruption Characteristics 

duration 0.003 0.000 0.004 0.000 

duration2 -1.780E-06 0.000 -2.160E-06 0.000 

summer 0.215 0.030 -0.384 0.073 

morning 0.537 0.022 -0.057 0.070 

afternoon 0.664 0.029 -0.032 0.083 

Customer Characteristics 

ln(annual MWh) 0.124 0.013 0.069 0.035 

backupgen or power conditioning 0.082 0.025 0.308 0.058 

backupgen and power conditioning 0.272 0.059 0.538 0.129 

Industry 

construction 0.261 0.054 0.786 0.153 

manufacturing 0.176 0.042 0.587 0.104 

Constant -1.332 0.048 7.000 0.135 

	5 
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Table 5: Model Estimation Parameters for Households163 1 

Variable 
Probit GLM 

Coefficient Std. Error Coefficient Std. Error 

Interruption Characteristics 

duration 0.003 0.000 0.002 0.000 

duration2 -1.130E-06 0.000 -9.450E-07 0.000 

summer 0.541 0.019 0.161 0.029 

afternoon -0.266 0.026 -0.282 0.041 

evening -0.755 0.024 -0.095 0.047 

Customer Characteristics 

ln(annual MWh) 0.038 0.018 0.249 0.028 

household income 9.660E-07 0.000 1.850E-06 0.000 

Constant -0.266 0.051 1.379 0.080 

Using the above described model parameters, outage costs are estimated for every 2 

customer in SOC; and the results reported for the direct costs of a 16-hour outage in Tables 1 and 3 

2 are obtained by statistically summarizing this customer file to obtain total outage costs and 4 

averages. 5 

The next step in calculating longer duration outage costs that will be experienced in SOC 6 

is to escalate the estimated direct outage cost estimate for SOC from 16 to 24 hours.  This is 7 

necessary because the outage cost estimation equations in the LBNL report are only reliable for 8 

outages of 16 hours duration or shorter.   9 

In 2012, Nexant (then Freeman, Sullivan & Co.) carried out a Value of Service study for 10 

the Pacific Gas and Electric Company in which outage costs for 8-hour and 24-hour outages 11 

were reported.  The report entitled: “Pacific Gas and Electric Co.’s 2012 Value of Service 12 

                                                            
163 Income information for residential customers was not included in the estimation model because of 
uncertainty about the reliability of this information in the utility’s records.  Eliminating this parameter has 
the effect of setting the income in the households for SOC at the average value of income observed in 
prior outage cost studies.  Eliminating this parameter will introduce a small downward bias in the 
estimated interruption costs for residential customers, but is not expected to significantly affect the overall 
outage cost estimate because of the small impact that residential outage costs have on the total outage cost 
for the area. 
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Study,” was filed with the CPUC in support of its November 2012 GRC filing (A.12-11-009).  In 1 

that report (Attachment 24), the costs per event for outages of different durations in the PG&E 2 

service territory were reported in Table 1-2 on page 6.  To extrapolate the per event costs from 3 

the 16-hour outage for SOC to 24 hours, Nexant calculated the ratio of the cost per event for the 4 

24-hour outage to the cost per event of the 16-hour outage for each customer type in the PG&E 5 

short duration outage cost survey and then applied that ratio to estimate the cost of the 24-hour 6 

event for SOC.  The use of this ratio to inflate the 16-hour outage costs to 24 hours effectively 7 

rests on the assumption that the increase in cost for customers in SOC (going from 16 to 24 8 

hours) is proportional to increase in cost observed for PG&E customers in the Bay Area going 9 

from 16 to 24 hours.  Table 6 displays the results of the calculation.   10 

Table 6: Imputed Cost of 24 Hour Outage in South Orange County 11 

Customer 
Type 

Outage Cost Per Customer Per Event 
PG&E 2012 VOS Study Bay Area 

Escalation 
Ratio 
24/16 

South Orange County Total 
Outage Cost $ million 

 8 Hour 16 Hour 24 Hour  16 Hour 24 Hour 

Households $27  $32 $38 1.174 $2.80  $3.30 

Small and 
Medium 

Businesses 
$16,464  $25,122 $33,781 1.345 $53.40  $71.55 

Large 
Businesses $1,080,310  $1,666,302 $2,252,293 1.352 $49.00  $66.25 

There is a slight difference in the way that business customers are segmented in the 12 

Updated VOS report for the US and PG&E’s segmentation of business customers.  The Updated 13 

VOS for the US groups medium and large sized C&I customers together into a single segment, 14 

leaving the small customers to stand alone, while the PG&E segmentation groups the small and 15 
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medium sized customers together leaving the large customers to stand alone.  This difference in 1 

segmentation does not significantly impact the imputation of 24-hour costs from 16-hour costs in 2 

this case because the escalation ratios for both business segments are essentially the same (i.e. 3 

1.35). 4 

The final step in calculating the long duration outage costs for SOC is to extrapolate the 5 

24-hour outage costs for SOC for outages of longer duration based on the observed relationship 6 

between duration and outage cost reported in PG&E’s study of long duration outage costs for 7 

downtown San Francisco.   To our knowledge, this is the only robust, survey-based study of the 8 

cost of long duration outages that has been conducted to date.  It employed a value of service 9 

survey designed to measure the cost of outages ranging from 24 hours to 7 weeks, including 10 

outages lasting 4 days and 3 weeks. 11 

For obvious reasons, one would expect the actual cost of a long duration outage for the 12 

central business district of downtown San Francisco and the cost for SOC to be quite different.  13 

However, it is reasonable to expect that the change in the magnitude of outage cost as duration 14 

increases will be similar, regardless of location.  In other words, if the cost of a 4-day outage for 15 

the area served by the Embarcadero substation in San Francisco is 3.2 times the cost of a 24-hour 16 

outage for the area, the cost of a 4-day outage in SOC should be assumed to rise at the same rate.  17 

This is the assumption we are making to estimate the cost of long duration outage costs for SOC, 18 

that is, that the cost rises in proportion to the cost increase observed for long duration outage 19 

costs reported in PG&E’s long duration outage cost study. As described above, time constraints 20 

prevent the use of a survey of SOC customers in this case. 21 

In 2012, the estimated direct cost of a 24-hour outage for the customers served by the 22 

Embarcadero substation in downtown San Francisco (serving about 3,000 commercial accounts 23 
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and 24,000 residences) was estimated to be about $126 million.  After four days, the reported 1 

estimated direct cost increased to about $407 million – a factor of 3.2.  After three weeks, the 2 

estimated direct cost increased to about $1.4 billion – a factor of 11.3.  After applying these same 3 

factors to the 24-hour outage costs for SOC, the direct cost of a 4-day outage is about $458 4 

million, while the direct cost of a 3-week outage is about $1.6 billion.  These are the estimates 5 

reported in Table 2 above.   6 

C. Estimating Indirect Costs 7 

Indirect costs come in three forms.  For businesses and residents in the affected area, 8 

indirect costs result from the chain reaction of economic losses stemming from direct costs: 9 

interactions between businesses (e.g., changes in quantities of inputs bought or outputs sold, 10 

changes in relative prices) and interactions between consumers and businesses (e.g., lost wages 11 

and reduced spending). Indirect costs are thus incurred not only by people and firms subject to an 12 

outage, but also to people and firms located outside of the affected area.  13 

A second category of indirect costs arise from the loss of vital publicly available services 14 

(e.g. communications systems, signs, signals, water supply and  treatment, etc,) and from public 15 

and private expenditures required to overcome the societal effects of the outage.  (e.g., homeland 16 

security overtime, assistance programs, emergency services, etc.)   17 

Finally, in a third category of indirect costs are injury, sickness, property damage and loss 18 

of life that can result from the outage. These kinds of losses can be extremely difficult to predict 19 

and are even more difficult to value economically. 20 

Measuring indirect costs is challenging for several reasons. By their very nature, indirect 21 

losses cannot be readily determined through a survey in the way that direct economic costs can.  22 

Indirect effects on businesses and residents are spatially dispersed; if a firm in SOC suspends 23 
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operations for a significant period of time, it may affect businesses elsewhere in the Southern 1 

California, the US or the world.  These interactions are difficult to capture in an outage cost 2 

survey.  3 

A further challenge is that indirect losses vary substantially with the resiliency of the 4 

social infrastructure in the affected area (i.e., the ability of the market area to adapt to the 5 

conditions of the outage).  An area in which essential services such as police, fire, 6 

communications, water treatment health services and transportation have been “hardened” 7 

against electric supply interruptions will have much lower indirect outage costs than one in 8 

which these services depend significantly on the electric grid for operations.  9 

A good example of the difference between direct and indirect costs is the electric service 10 

interruption of the Exxon refinery in Torrance, California in 2012.  In that year, the refinery 11 

experienced a momentary power outage that caused it to shut down for approximately 5 days – a 12 

rare but historically likely event. The direct outage cost to the Exxon refinery was essentially the 13 

lost margin on 5 days of lost production (a very significant cost) plus the damage caused by the 14 

momentary interruption – which also may have been significant.  The indirect costs on the other 15 

hand were arguably even more dramatic.  The curtailment of production from the Exxon refinery 16 

at that particular time caused wholesale gasoline supplies to tighten significantly in the 17 

California market, which in turn caused the retail price of gasoline to spike dramatically over a 18 

period of about 10 days. Under normal conditions, removal of the productive output of that 19 

refinery would not have materially changed the wholesale price of gasoline because other 20 

suppliers would take up the slack. Unfortunately, these were not normal conditions because 21 

producers were drawing down their summer gasoline formulation stocks and the Chevron 22 

Richmond refinery was off line because of a fire in the preceding month. While we are not aware 23 
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of any efforts to calculate the indirect cost to gasoline consumers of this outage, there is no doubt 1 

that this cost was dramatically higher than it would have been if it occurred either one month 2 

earlier or one month later in the annual production cycle.  This outage also illustrates another 3 

very perplexing issue with estimating indirect costs. As with direct costs, indirect costs represent 4 

a net value, since some California businesses stand to benefit in the case of an outage – whether 5 

by substituting for adversely-affected competitors or responding to new demand.  6 

Given the above problems, any calculation of indirect costs must necessarily be 7 

understood as simply an order-of-magnitude approximation. It is our view that indirect costs 8 

should be estimated from a simple multiplier based on the literature or a regional economic 9 

model, and estimates can vary substantially based on the approach used to model them and the 10 

scope of costs under consideration. One thing, however, is clear: accounting for indirect costs 11 

always leads to a significant increase in the total cost estimate. A wide range of indirect costs 12 

have been calculated for real and hypothetical electricity outages in the hazard loss literature. 13 

These cost estimates and the methods and procedures that were used to calculate them are 14 

discussed in detail in Attachment 23. Based on our review of this literature, we believe it is 15 

reasonable to expect indirect costs to be between one-half and two times the direct costs 16 

experienced by households and businesses in SOC.  17 

Section 2. Other Considerations 18 

In addition to the outage impacts that have economic consequences that can be readily 19 

identified, there are outage impacts that profoundly affect the functioning of society that have 20 

costs that have not been well documented.  A report submitted for publication in National Hazard 21 

Review in 2012 by Miles, Gallagher and Huxford provides a careful analysis of the societal 22 

impacts of the widespread outage that occurred in San Diego County in 2011 as a result of the 23 
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collapse of the electric grid serving San Diego County, Imperial County, Yuma Arizona and Baja 1 

Del Norte.  The outage lasted 6 to 12 hours depending on location and affected virtually all 2 

electric service.  From the situation observed in this recent outage to San Diego County, it is 3 

reasonable to infer that a number of problems will occur in addition to the outage costs set forth 4 

above.  They are discussed below and described in detail in Attachment 25. 5 

A. Displaced Residents  6 

The human population served by the Talega substation comprises some 108,000 7 

households containing over 300,000 residents.  An outage lasting 3 weeks would certainly cause 8 

a major disruption in the lives of most of these households -- in many cases leading to outage 9 

costs that are dramatically higher than those derived from the LBNL study of interruption costs.  10 

Without electric power from the grid, the only light at night would come from backup 11 

generation, kerosene lamps, battery powered flashlights and lamps or candles.  After about 24 12 

hours, battery backup in the cell towers would fail and unless cell tower providers brought in 13 

backup generation, there would be no phone service available for many households.   14 

From the San Diego County outage, it is reasonable to assume that most traffic signals in 15 

the area would be off line within 24 hours of the onset of a long duration outage.  Because of the 16 

dangers from traffic, schools would probably close until power to the traffic control system was 17 

restored – and in any event would be prevented from operating until portable backup generators 18 

were installed at significant cost.  The lost funding due to the decline in average daily attendance 19 

(ADA) alone would be a staggering cost to school systems.   20 

From the report of the 2011 outage is also reasonable to assume that essential services 21 

such as food and fuel would be difficult, to obtain in the affected area because retail facilities that 22 

provide these products seldom have backup generators.  It is impossible to predict how many 23 
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residents might be displaced as a result of such a long duration outage, but it is reasonable to 1 

imagine that a substantial percentage of the residents in the area would relocate to temporary 2 

residences outside the area while the electricity system was repaired. It is doubtful that sufficient 3 

short term housing exists within a reasonable distance from the area to accommodate a large 4 

percentage of the affected population.   5 

B. Environmental Impacts 6 

Municipal water and wastewater systems in SOC rely on electricity from the grid to 7 

deliver fresh water and remove and treat contaminated water produced by the communities 8 

served by SDG&E in SOC.  These systems are vital yet nearly invisible parts of the public health 9 

infrastructure in modern human communities.  Without clean, fresh water, human populations 10 

cannot be maintained at the densities found in much of SOC without the onset of life threatening 11 

diseases such as dysentery, hepatitis and cholera.   12 

We have not done a careful analysis of the vulnerability of water supply and wastewater 13 

treatment systems to interruption of the grid electricity supply in SOC.  However the 14 

performance of these systems in San Diego County during the relatively short 2011 outage of 15 

San Diego County suggests that interruption of grid supplied electricity to water and wastewater 16 

systems could cause serious problems within hours of the onset of the outage (See Attachment 17 

25).  Interruptions to pumps moving wastewater caused significant sewage spills into local 18 

rivers, lagoons and the ocean within only a few hours of the interruption of electric service.  Had 19 

the outage persisted, the situation would have become much worse and would not have been 20 

rectified until long after sufficient backup generation had been delivered to key pumps and 21 

processing systems to resume normal operation.  Sewage spills are not just an aesthetic problem.  22 

They are a potentially serious threat to public health – particularly if they persist for a long time. 23 
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On the water supply side, serious risks to public health emerged within hours of the 1 

interruption of electric service to San Diego County because pressure was lost at significant lines 2 

in the water supply system where pumps were off line, raising the possibility that contaminated 3 

water could back flow into the fresh water supply.  As a preventative measure, residents and food 4 

services operators were instructed to start using boiled water within a few hours of the outage; 5 

and were told to continue to do so for days after the electricity service was restored.  Again, if 6 

contamination of the water delivery system occurs, the situation may persist for days or weeks 7 

following the restoration of electricity service to vital system components.  Based on the events 8 

that occurred in San Diego County just a few years ago, it is reasonable to assume that similar 9 

results would occur in SOC in the event of a long duration outage.  10 

C. Transportation 11 

The findings from the investigation of the 6-12 hour outage to San Diego County in 2011 12 

are also instructive of the likely impacts of a long duration outage on the transportation 13 

infrastructure serving SOC.  Within seconds of the onset of the outage to San Diego County, 14 

gasoline supplies to the entire area were completely interrupted causing many residents and their 15 

vehicles to become physically stranded over the course of the ensuing hours.  To make matters 16 

worse, the failure of traffic signals and grade crossing controls that did not have long lasting 17 

battery backup caused gridlock in the transportation system lasting long into the night (the 18 

outage occurred at 3:26 PM). These impacts occurred immediately and lasted throughout the 19 

duration of the outage.  It is unknown whether the situation as a result of a long duration outage 20 

in SOC in 2015 would be significantly different from the situation that occurred in San Diego 21 

County in 2011.  It is reasonable to assume that it would not be – particularly in light of the 22 

extended duration of the potential SOC outage (i.e., 3 weeks).  23 
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D. Lost Businesses and Employment  1 

Another important impact of a long duration outage in SOC is the likely increase in 2 

business failures and unemployment.  Among the small and medium businesses surveyed in 3 

PG&E’s recent long duration outage cost survey, the average reported likelihood of complete 4 

business failure (i.e., going out of business) as a result of an extended outage was 20% for an 5 

outage lasting 3-weeks.  More than one out of 10 small and medium businesses report that they 6 

have a 70% or greater likelihood of going out of business as a result of an outage lasting 3 to 7 7 

weeks.  In contrast, the average reported likelihood among large businesses is 1.5% for a 3-week 8 

outage and 4.1% for a 7-week outage.  Only one large business respondent indicated that they 9 

had a greater than 10% likelihood of going out of business.  Clearly, smaller businesses would be 10 

disproportionately impacted by a long duration outage. 11 

Survey respondents were also asked to report the percentage of employees by labor 12 

category that they would forego paying during the 4-day, 3-week and 7-week power outages.  As 13 

expected, contract/temporary employees would be most seriously affected by a long duration 14 

outage.  For an outage lasting 3 to 7 weeks, businesses said they would stop paying around 35% 15 

of their contract/temporary employees on average.  Part-time employees working for small and 16 

medium businesses would be similarly affected by a long duration outage, with those businesses 17 

reporting that over 40% of part-time employees would not be paid throughout a 3-week outage.   18 

19 
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STATEMENT OF QUALIFICATIONS 1 

SCOTT BOCZKIEWICZ 2 

My name is Scott Boczkiewicz and my business address is 8316 Century Park Court, San 3 

Diego, California 92123.  I am the Air and Water Team Lead in the Environmental Programs 4 

Group, within the Environmental Services Department of San Diego Gas & Electric (SDG&E).  5 

My primary responsibilities include administrative, supervisory and technical oversight of a team 6 

that ensures company compliance with all aspects of the Federal Clean Air and Clean Water 7 

Acts, as well as compliance with state and local regulations and ordinances that protect air and 8 

water quality.  I administer technical review, permitting and environmental compliance programs 9 

for both capital projects and operations and maintenance programs. 10 

I began work at SDG&E in June 2012 as a Senior Waters and Wetlands Specialist, and 11 

have held my current supervisory position with the Air and Water Team since November 2013.  I 12 

have over 20 years of experience completing biotechnical project impact analysis and regulatory 13 

permitting for utility and commercial development projects, and specialize in wetlands science, 14 

compensatory mitigation planning and mitigation program implementation for large-scale 15 

projects.  I worked as a professional consultant for 11 years in Southern California prior to 16 

joining SDG&E, and have comparable work experience from prior positons in Oregon, 17 

Washington, New Mexico, North Dakota and Wisconsin. 18 

I graduated from the University of Wisconsin, Madison with a Bachelor of Science in 19 

Conservation Biology and a concentration in Restoration Ecology and Environmental Law.  20 

I have not previously testified before the Commission in a proceeding.  21 

22 
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DON HOUSTON 1 

My name is Don Houston and my business address is 1010 Tavern Road, Alpine, 2 

California 91901. I am the Major Projects Environmental Manager in the Environmental 3 

Services Department of San Diego Gas & Electric (SDG&E). My primary responsibilities 4 

include overall management of environmental compliance during construction of SDG&E’s 5 

larger electric infrastructure projects that are permitted by the California Public Utilities 6 

Commission and other state and federal regulatory agencies.  7 

I began work at SDG&E in September 2002 as a District Biologist and have held 8 

multiple positions of increasing responsibility in the Environmental Services Department at both 9 

SDG&E and Southern California Gas Company (SoCalGas) ranging from Senior Biologist, 10 

Team Lead to Project Manager. My job responsibilities have included conducting habitat 11 

assessments and endangered species surveys to identify environmental constraints for operations, 12 

maintenance and new construction activities; recruiting, hiring and managing a staff of 13 

environmental subject matter experts that support environmental compliance management; and 14 

managing environmental budgets and environmental consultant contracts associated with large 15 

electric infrastructure projects. 16 

I graduated from San Diego State University with a Bachelor of Science in Biological 17 

Sciences.  In 1999, I earned a Professional Certificate in Natural Resource Management from the 18 

University of California, San Diego. 19 

I have not previously testified before the Commission in a proceeding.  20 

21 
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JOHN M. JONTRY 1 

My name is John M. Jontry. My business address is 8330 Century Park Court, San Diego, 2 

California, 92123.  I am employed by San Diego Gas & Electric Company (SDG&E) as 3 

Transmission Planning Manager.  I have been employed by SDG&E since 2005. For the past 4 

five years I have managed the Grid Planning group within the Transmission Planning 5 

department, with the primary responsibility of overseeing the annual grid reliability studies and 6 

the planning studies for major special projects such as the South Orange Country Reliability 7 

Enhancement project (SOCRE).  Prior to working for SDG&E, I worked for electric utilities in 8 

Texas and Illinois and for the Midwest Independent System Operator (MISO) in Indiana in 9 

various engineering and operational roles for approximately fifteen years.  I hold a bachelor’s 10 

degree in Electrical Engineering from the University of Illinois and a master’s degree in 11 

Industrial Technology from Eastern Illinois University.  I am a Registered Professional Engineer 12 

in the states of Illinois and Texas. 13 

I have previously testified before this Commission. 14 

15 
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KARL ILIEV, PE 1 

My name is Karl Iliev and my business address is 8316 Century Park Court, San Diego, 2 

California 92123.  I am the System Protection & Control Engineering Manager in the Electric 3 

Transmission & Distribution Engineering Department of San Diego Gas & Electric (SDG&E).  4 

My section’s primary responsibities are to provide protective relay and control schemes, settings, 5 

and communication systems for a safe and reliable grid, including providing technical support, 6 

scoping advice, and review of substation electrical designs. 7 

I began work at SDG&E in June 1999 as an Engineering Intern and have held positions 8 

around the company on both transmission and distribution sides ranging from planning to 9 

engineering to construction and operations.  Since 2003, I’ve held positions of increasing 10 

responsibility related to substation design and construction including work in System Protection 11 

Engineering & Maintenance, Substation Construction & Maintenance, and Substation 12 

Engineering & Design.  I was the Substation Engineering & Design Manager for over 4 years 13 

from 2009 into 2014 where my responsibities included cost estimatation, design specifications 14 

and scoping, material procurement, apparatus assessment, engineering review, substation 15 

drawing management, construction support, and real-time operational involvement for all of 16 

SDG&E’s substations and substation related capital projects. 17 

Immediately prior to obtaining full time employment with SDG&E in 2001, I graduated 18 

California State University of Sacramento with a Bachelor of Science in Electrical and 19 

Electronic Engineering with a concentration in Power Systems and a minor in Physics.  In 2004, 20 

I earned my license as a Professional Engineer in the State of California. 21 

I have previously testified before this Commission. 22 
23 
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HAL MORTIER 1 

My name is Hal Mortier and my business address is 9060 Friars Rd. San Diego, CA  2 

92108.  I am the Fire Program Manager for San Diego Gas & Electric.  I started with SDG&E 3 

just over 11 years ago as the lone Fire Coordinator within the company.  The program has since 4 

grown to (4) full-time fire positions in which I oversee the group as the manager.  Our group is 5 

essentially the hub for all fire related activities within the company and serves as the conduit to 6 

all 1st Responder agencies within our service territory both on and off emergencies.  My 7 

qualifying experience for this position came from 30 years with the U.S. Forest Service in Fire 8 

Management.  I retired as a Division Chief on the Cleveland National Forest having occupied a 9 

diverse set of positions leading up to this level.  I served as a National Incident Commander on a 10 

Type 1 fire management team comprised of about 50 people who traveled the United States and 11 

beyond managing complex fires and other “all risk” catastrophic events.  I have had extensive 12 

training in fire behavior, firefighting tactics & strategy and the Incident Command System (ICS).  13 

I have served in a leadership capacity for the management of numerous large wildfires, 14 

hurricanes, the Northridge Earthquake, and the Columbia Space Shuttle recovery efforts. 15 

16 
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HENRY NEMBACH 1 

My name is Henry Nembach and my business address is 101 Ash Street, San Diego, CA 2 

92101. I am a Manager for Sempra Energy, Corporate Security.  As Manager of Corporate 3 

Security, my primary duties include the protection of company employees, property, and assets.  4 

Among my responsibilities is the consideration of the risk of terrorism, vandalism or theft that 5 

may impact SDG&E’s ability to maintain customer electric service.  I’ve performed numerous 6 

site security evaluations and facilitate physical security upgrades for SDG&E infrastructure. 7 

Prior to working for Sempra Energy, I was a Federal Bureau of Investigation (FBI) 8 

Special Agent for more than 20 years.  My primary responsibilities included investigating a wide 9 

variety of federal crimes, developing cases to support federal prosecutors, and managing 10 

professional law enforcement agents.  I was also the Supervisory Special Agent for the FBI 11 

Special Weapons and Tactics (SWAT) team responds to crisis management/major critical 12 

incidents, including execution of arrest and search warrants, hostage rescue, executive protection 13 

detail, special events management, and airport hijackings. 14 

15 
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CORY SMITH 1 

My name is Cory Smith and my business address is 8330 Century Park Court, San Diego, 2 

California 92123.  I am employed as a Principal Engineer in the Transmission Planning 3 

Department of San Diego Gas & Electric where I have worked since 2008.  My duties include 4 

assessing SDG&E’s transmission system for compliance with NERC Transmission Planning 5 

Standards and creating technical models of SDG&E’s high voltage transmission system to assess 6 

transmission system performance.  7 

Prior to joining SDG&E, I was employed by Northeast Utilities in Berlin, Connecticut as 8 

a Senior Engineer.  My duties included the creation of technical models and the application of 9 

specialized software to assess the reliability performance of the high voltage transmission system 10 

owned by Northeast Utilities.  Before my employment with Northeast Utilities I was employed 11 

as an Engineer by the New York Independent System Operator in Schenectady, New York.  My 12 

duties included reliability assessments of the high voltage transmission system serving the State 13 

of New York.   14 

I received my Bachelor of Science degree in Electrical Engineering from Arizona State 15 

University in 1989, my Master of Engineering degree in Electric Power Engineering from 16 

Rensselaer Polytechnic Institute in 1994 and my Master of Business Administration degree from 17 

The College of Saint Rose in 2003.  In addition, I am a Registered Professional Engineer in the 18 

states of California and New York.19 
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WILLIE THOMAS 1 

My name is Willie Thomas and my business address is 8316 Century Park Court, San 2 

Diego, California 92123.  I am currently the manager of Electric Transmission Engineering and 3 

Design at San Diego Gas & Electric (SDG&E).  My duties for the two years include managing a 4 

diverse group of designers and engineers in the design, engineering, construction and 5 

management of electric transmission facilities in the SDG&E service territory.  In addition, my 6 

duties include the development of specifications, cost estimates, budgeting, managing material 7 

and engineering service contracts, and ensuring the proper application of electrical codes, safety 8 

regulations, and regulatory agency requirements governing the design and installation of electric 9 

transmission facilities.  My previous experience includes the design and engineering for the 10 

Sycamore Penasquitos 230kV project (CPCN), the transmission facility relocations for the 11 

County of Orange La Pata Avenue Gap Closure project (Advice Letter), and the South Bay 12 

Substation relocation project (PTC).  I hold a Bachelor’s of Science in Electrical Engineering 13 

from California Polytechnic University of San Luis Obispo in 2004.  I am a licensed Professional 14 

Engineer (Electrical) in the State of California and an active IEEE member. 15 

I have previously testified before this Commission. 16 

17 
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Senior Vice President 
Dr. Sullivan is a Senior Vice President of Nexant, Inc. and is a 
recognized expert in utility business planning, research design, and 
program evaluation. He has directed numerous research and business 
planning projects involving utility customers including: the design of 
pricing and information feedback studies, end-use surveys, customer 
value of service studies, studies of customer satisfaction with service, 
evaluations of DSM programs, and studies of utility customer 
preferences for new service offerings and rates.  

Dr. Sullivan co-leads Nexant’s Customer Strategy, Planning and 
Analysis (CSPA) practice – a department containing approximately 70 
professionals with expertise in engineering and the social sciences.  He 
currently leads Nexant’s Resilience and Reliability Risk and Cost 
Benefit Analysis Project for the U.S. Department of Energy / Lawrence 
Berkeley National Laboratory – a project to provide assistance to 
utilities and regulators in applying customer outage costs to assess the 
economic worth of investments in projects designed to improve 
resilience and reliability.  Consulting in the utility industry for over 30 
years, Dr. Sullivan’s clients have included many of the country’s largest 
utilities, such as: Pacific Gas and Electric, SEMPRA Energy, Southern 
California Edison, Sacramento Municipal Utility District, Consolidated 
Edison, Exelon, Puget Sound Energy, Duke Energy, Southern 
Company, Salt River Project, and Iberdrola. Outside the utility industry, 
Dr. Sullivan consults with a variety of Fortune 100 companies including 
Toyota Motor Corporation, International Paper Company, and Google in 
matters related to product performance and cost of failure.

Representative Project Experience  
LBNL/DOE – 2015 Resilience and Reliability Risk and Cost Benefit 
Analysis Project 

Dr. Sullivan currently leads Nexant’s project with DOE and LBNL 
assembling data, information and economic analysis techniques to be 
integrated into a national resource web portal making technical papers, 
data and computer software available to utilities and regulators to 
support the economic evaluation of resilience and reliability 
reinforcement projects.  The project involves: 

Assembling a library of robust technical papers describing methodologies
for estimating the economic value of reliability and resilience;

Providing technical assistance to utilities seeking to employ VBRP;
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Publishing case studies describing practical applications of VBRP by utilities; and

Providing ongoing support in the maintenance and improvement of statistical and economic models
including DOE’s ICE calculator.

Confidential Client – Cost and Risk Benefit Analysis of Transmission Reinforcement Project 

Dr. Sullivan is leading Nexant’s effort to assess the economic benefits and costs associated with 
alternative designs for reinforcing a transmission corridor serving a major metropolitan area in the 
US.  Nexant is assisting the client in identifying the impacts of different outage scenarios (to lines 
and transformers) on load flows and resulting service interruptions required to maintain compliance 
with NERC operational guidelines.  Based on the service interruptions that will occur under some 
circumstances, Nexant is calculating and reporting the outage costs that may occur for customers 
served by substations and feeders that may be forced out to maintain safety and security of the 
grid.

U.S. Department of Energy – Meta Analysis of Value of Service Studies 

Since 2003 Dr. Sullivan has directed three research projects designed to estimate customer 
damage functions for residential, commercial and industrial electricity customers in the US for the 
US DOE. The first time Nexant carried out this project (in 2003) it obtained raw survey responses 
from all utilities that had completed outage cost studies in the United States between 1987 and 
2002 using the protocols described in EPRI’s Outage Cost Estimation Guidebook.  In two 
subsequent updates of the national outage cost database, Nexant obtained outage cost survey 
responses from utilities that had completed outage cost surveys between 2002 and 2009 and in 
the most recent update, outage cost survey information was incorporated for outage cost surveys 
undertaken between 2009 and 2012.  In each update, the responses from the customer surveys 
were used to estimate customer damage functions describing the statistical relationships between 
estimated outage costs reported by customers and outage characteristics (i.e., type, duration, time 
of day, and season), and customer characteristics (i.e., customer type, geographical location, size, 
and business activities).   The most recent update of the national outage cost database entitled 
“Updated 2015 Outage Cost Estimation Report”, was published in January 2015. 

LBNL/DOE –Development of and Technical Support for DOE/LBNL ICE Calculator 

In 2011, Dr. Sullivan led Nexant’s effort to develop an on-line software system capable of 
calculating customer outage costs from data supplied by utilities concerning the customers 
connected to utility circuits.  Since transmission and distribution planners are not familiar with 
econometric techniques, DOE and LBNL commissioned the development of an easy to use on-line 
computational tool that could be used to estimate outage costs using the customer damage 
functions contained in the report.  The system allows users to input information describing the 
customers served by a given circuit and assumptions about the performance of the circuit CAIDI 
and SAIFI (before and after investment).  It reports estimated customer outage costs based on the 
inputs.  The system is now regularly used by a number of utilities and consultants to assess the 
economic consequences of reliability investments. 
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PG&E – 2012 Value of Service Study (2012) 

Dr. Sullivan directed PG&E’s 2012 Customer Value of Service Study. PG&E was ordered by the 
CPUC to study the cost of service interruptions for its electricity customers and to measure their 
willingness to pay for service reliability. Dr. Sullivan was retained by PG&E to carry out this study 
and report the results to PG&E and the CPUC. To complete this work, Dr. Sullivan surveyed all of 
PG&E's rate classes and gathered information about outage costs using industry standard 
measurement protocols. Results were filed with the CPUC and used by PG&E in transmission and 
distribution planning and evaluation of smart grid initiatives. 

PG&E – 2012 Downtown San Francisco Long Duration Outage Cost Study (2013) 

Dr. Sullivan directed PG&E’s 2012 Downtown San Francisco Long Duration Outage Cost Study. 
PG&E retained Nexant (then Freeman, Sullivan & Company) to estimate the outage cost resulting 
from long term outages that might result if the 230 kV lines serving San Francisco’s Embarcadero 
substation were forced out as a result of an earthquake or other calamity.  To assess the costs that 
might arise Nexant surveyed business customers served by the downtown substation asking them 
to estimate the costs they would experience as a result of outages of durations ranging from 24 
hours to 7 weeks.  The survey collected information from 224 randomly selected customers 
including large building operators, small and medium sized building operators and tenants of 
master metered facilities. 

Southern Company – 2012 Value of Service Study 

Dr. Sullivan directed Southern Company’s 2012 Customer Value of Service Study. Southern 
Company was ordered by the Georgia Public Utilities Commission to study the cost of service 
interruptions for its electricity customers and to measure their willingness to pay for service 
reliability. Dr. Sullivan has been retained by Southern Company to carry out this study and report 
the results to Southern Company and the Georgia PUC. To complete this work, Dr. Sullivan 
surveyed all of Southern Company’s rate classes in Georgia and Mississippi and gathered 
information about outage costs using industry standard measurement protocols. Results were 
reported to the GPUC. 

Southern Company – 2007 Power Quality and Value of Service Customer Needs 
Assessment

In 1998, Dr. Sullivan directed the Value of Service (VOS) study for Southern Company, addressing 
their customers’ willingness to pay for reliable electric service. Nine years later, Southern 
Company’s management retained Dr. Sullivan again to assess its customers’ power quality needs 
and its employees’ familiarity with and knowledge of power quality issues, reasoning that 
addressing customer PQ needs would enable it to maintain its strong customer satisfaction scores. 
Dr. Sullivan directed the preparation of a survey that was given to PQ employees at Alabama 
Power and Mississippi Power designed to assess their comfort and familiarity with PQ issues and 
how they address such questions when contacted by customers. Strategic advice was given to 
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Southern Company on the basis of these results addressing training needs and recommended 
practices and organizational structures to improve its handling of customer PQ inquiries. 

After addressing Southern Company’s internal PQ needs, Dr. Sullivan directed the development of 
a customer needs assessment tool for Company account representatives to use in addressing its 
customers’ PQ needs. Dr. Sullivan trained a select group of the Company’s experienced account 
representatives in the use of this tool and then monitored their progress in a beta test of 
administering the tool with their larger customers. Feedback from the account representatives was 
gathered and the information—along with additional insights—was presented to Southern 
Company. These insights were used to improve the needs-assessment tool. Dr. Sullivan then 
trained a larger group of Company account representatives in the implementation of the tool and 
monitored their progress. The results of this series of customer interviews was then analyzed to 
identify opportunities for Southern Company to improve its PQ services, and a PQ services 
enhancement action plan was developed and presented to the Company. 

PG&E – Value of Service Reliability Study (2005) 

PG&E was ordered by the CPUC to study the cost of service interruptions for its electricity 
customers and to measure their willingness to pay for service reliability. Dr. Sullivan was retained 
by PG&E to carry out this study and report the results to PG&E and the CPUC. To complete this 
work, Dr. Sullivan surveyed all of PG&E's rate classes and gathered information about outage 
costs using industry standard measurement protocols. The interruption cost and willingness to pay 
measurements were obtained using mail surveys and executive in-person interviews. Dr. Sullivan 
integrated the results from the 2005 outage cost study with data from prior PG&E value of service 
studies (conducted in 1989, 1991, and 1993) and conducted statistical comparisons to determine 
whether and by how much outage costs and customer expectations about reliability had changed 
over time. In addition, Dr. Sullivan estimated customer damage functions for all major customer 
classes in PG&E's territory, providing insights into factors that affect outage costs and their impact, 
as well as allowing tailored estimates of customer interruption costs for specific banks, circuits, 
substations, and transmission lines. The data was also incorporated into a meta-database of 
customer interruption costs from surveys conducted across various regions of the U.S., and 
analyzed. Results of the study, including interruption cost estimates and customer damage 
functions, were reported to PG&E and the CPUC and filed as part of its 2006 General Rate Case. 

SDG&E – Non-core Customer Interruption Cost Study 

Dr. Sullivan directed the study of non-core gas customers of the SDG&E’s to determine the 
economic costs they would experience given natural gas outages of different durations. These cost 
estimates were used to establish an appropriate level of investment in their gas distribution system 
and were filed with the California Public Utilities Commission. 

Cinergy – Customer Value of Service Studies 

Dr. Sullivan directed the survey of 200 of the largest and most sensitive customers of Cinergy as 
well as 400 of their small and medium-sized commercial and industrial customers to determine 
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their satisfaction with service, cost of interruptions, and expectations for service reliability. Cinergy 
uses these costs estimates in targeted marketing and in evaluating transmission and distribution 
reliability investments. 

Duke Power Company – System Planning Department, Charlotte, North Carolina, Customer 
Value of Service Study 

Duke Power Company uses customer interruption costs in a number of reliability planning 
applications to represent the economic benefits obtained from decision alternatives. Dr. Sullivan 
directed the survey of 1,500 residential and 1,250 small and medium-sized commercial and 
industrial customers of Duke Power Company to update Duke Power’s interruption costs in 1997. 

Sacramento Municipal Utility District – Power Quality Surveys 

Dr. Sullivan directed the on-site interviews with selected large commercial and industrial customers 
to identify causes and costs of power quality problems for purposes of evaluating the economic 
benefits associated with enhanced transmission services. 

Duke Power – Customer Value of Service Study 

Dr. Sullivan directed the survey of 210 of the largest and most sensitive customers of Duke Power 
Company, 1,250 of its small and medium-sized commercial and industrial customers, and 1,500 of 
its residential customers to determine their satisfaction with service reliability, costs of interruption, 
and expectations for service reliability. In addition, Dr. Sullivan developed a circuit level interruption 
cost data base for the utility, which contained estimated costs for different kinds of service 
interruptions for all of the transmission and distribution circuits on the Duke Power System. The 
study was jointly funded by Duke Power and the Electric Power Research Institute. 

PG&E – Agricultural Value of Service Survey 

Dr. Sullivan directed the design and management of a combined telephone and mail survey of 
1,500 agricultural customers to estimate interruption costs experienced under different conditions.  

PG&E – Evaluation of Impacts of OPOWER Home Energy Reports (2010–Current)  

Since the summer of 2010, Dr. Sullivan has directed the study of the impacts of OPOWER Home 
Energy Reports on residential home energy consumption. The study consists of a randomized 
controlled trial (RCT) containing more than 1,300,000 treatment and control customers. In 
collaboration with the PG&E EM&V department, Dr. Sullivan specified the experimental design, the 
sample design, surveying, and other activities required to estimate impacts of HERs on electricity 
and gas consumption. As PG&E’s evaluator, Dr. Sullivan has also been responsible for 
development of stratified random samples of customers to participate in the test; for assigning 
customers to treatment and control conditions; and for analyzing and reporting the impacts of 
HERs on customer energy consumption. The study will also isolate the impacts of the HERs from 
the impacts of other utility programs. 
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Salt River Project – Evaluation of Impacts of Energy Scorecard (2012-2014) 

Dr. Sullivan assisted SRP in the design and execution of an evaluation of a pilot study of its Energy 
Scorecard Service. This service is a home energy report similar to the product offered by 
OPOWER . Dr. Sullivan reviewed the evaluation activities undertaken by SRP staff including 
experimental design, sample design, implementation, and oversaw Nexant’s third-party evaluation 
of the impacts of the program on customer energy consumption. 

HECO – Design of Commercial and Industrial Dynamic Pricing Pilot (2011–2012) 

In 2011, Dr. Sullivan directed the design of a Commercial and Industrial Dynamic Pricing Pilot for 
HECO. The pilot is intended to assess the usefulness of dynamic pricing in meeting short and long 
term capacity requirements arising out of the increasing installation of renewable resources on the 
island of Oahu. In designing the pilot, FSC assessed the available demand response program 
alternatives that could meet 10-minute reserve, 20 minute reserve, and 24-hour reserve 
requirements on the electric system serving Oahu and recommended testing a two part critical 
peak pricing strategy in which participating customers would receive significant discounts in return 
for agreeing to interrupt loads to a designated firm service level given varying amounts of notice. 
Dr. Sullivan completed the pilot study design and implementation plan in late 2011 and HECO filed 
the plan in early 2012. 

PG&E – Evaluation of Impacts of Smart Phone Controllable Thermostat 

Dr. Sullivan was one of three senior consultants at Nexant who worked with PG&E, Honeywell, and 
OPOWER to design and carry out a pilot study of the use of a new smart phone enabled 
programmable thermostat. The technology allowed utility customers with smart phones to control 
their home thermostats using their smart phones from anywhere at any time. The technology was 
tested in a randomized controlled trial containing approximately 500 treatment customers and 500 
controls who volunteered for the study but were not treated.   

KCP&L – Evaluation of Smart Meter Enabled Rates and Technologies 

Dr. Sullivan is directing the effort to evaluate the impacts of time of use rates in combination with in 
home displays, programmable communicating thermostats, and home area networks. Dr. Sullivan 
has advised KCP&L in the development of an experimental design to be used to observe changes 
in energy consumption resulting from the different combinations of rate design and enabling 
technology. The size of the target market (about 14,000) and design of the marketing campaign 
make the use of RCT and RED designs impractical. So, Dr. Sullivan has developed an evaluation 
design calling for comparison of changes in electricity consumption for treatment and non-
participating customers located outside the target market area based on similarity of their load 
shape and energy use to customers who are participants in the study.  
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Pacific Gas and Electric Company and Lawrence Berkeley National Laboratory – Ancillary 
Services Pilot—Phase I (2009) 

In the summer of 2009, Dr. Sullivan designed and directed a pilot study of the ability of PG&E’s 
130,000 customer air conditioner direct control program to provide 10-minute reserve in the CAISO 
ancillary services market. In the pilot project, the responsiveness of AC loads of 8,000 customers 
(on four feeders) was observed during 75 test operations (notch tests). The notch tests took place 
under varying temperature conditions and at all hours of the afternoon and evenings during the 
months of August and September. Load impacts were observed at SCADA nodes as well as on 
telemetered air conditioners. A total of 400 sites within the feeders were directly observed on each 
test. Over the course of the tests, both the signal latency (i.e., time to appliance control) and load 
impacts were observed. The results of this effort were published in a report to the California Public 
Utilities Commission entitled: 2009 SmartAC Ancillary Services Pilot available from the California 
Public Utilities Commission.

Electric Power Research Institute (EPRI) – Design of Information Feedback Pilot 

Dr. Sullivan and Dr. Stephen George assisted CenterPoint (under contract with EPRI) in 
developing a pilot study of the use of in home display devices to foster energy efficiency on the 
part of residential customers. CenterPoint had installed over 600,000 AMI meters in its service 
territory. In the study, Nexant recruited approximately 1,000 residential customers to receive an 
home display devices capable of displaying electricity consumption and cost at 15-second 
intervals. Recruiting took place in selected neighborhoods in which customers were offered the 
IHD (a $125 value) for $25. The impact of the IHD and goal setting was tested over the course of 
two summers. 

Central Maine Power – Design of Information Feedback Pilot 

Dr. Sullivan and Dr. George were retained by Central Maine Power to design an information 
feedback pilot intended to test the impacts of different feedback strategies on customer electricity 
consumption. In the pilot, four different information feedback strategies are being tested including: 
bill alerts, in-home displays, real time consumption, and cost information pushed to PCs and Smart 
Phones on a day-late basis. Dr. Sullivan prepared an RFP describing the project suitable for use in 
acquiring the services of a support service contractor qualified to carry out the pilot. 

Philadelphia Electric Company – Design of Information Feedback Pilot 

Dr. Sullivan and Dr. George were by Philadelphia Electric Company to design a pilot project to 
develop an effective combination of marketing strategy, pricing, and technology to be used in 
conjunction with the deployment of its AMI system. The pilot used a “test and learn” experimental 
strategy offering various combinations of dynamic pricing (CPP, CPP/TOU and RTP) with and 
without enabling technology (IHD) to residential and commercial customers, using different 
marketing strategies and information. The purpose of the pilot was to identify the most cost-
effective methodology for recruiting and retaining customers on cost-effective dynamic pricing 
arrangements. Dr. Sullivan and Dr. George assisted in the design of the experiment and in seeking 
approval for going forward with the pilot from regulators and stakeholders in the process.  
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Sacramento Municipal Utility District – Design of Pricing and Information Feedback Pilot 

Dr. Sullivan and Dr. George assisted SMUD in designing the Customer Behavior Study (CBS) that 
was implemented in the context of its Smart Grid Investment Grant received under the ARRA. The 
pilot study tested alternative market strategies (opt out and opt in) for recruiting customers to 
dynamic pricing (CPP and TOU) and enabling technology (in home displays and programmable 
communicating thermostats). Dr. Sullivan was responsible for assisting SMUD in identifying 
appropriate pricing and enabling technologies to test over the course of the pilot and in developing 
the sample designs that supplied sufficient statistical precision to support going forward with the 
program development. 

Lawrence Berkeley National Laboratory and the U.S. Department of Energy (DOE) – Smart 
Grid Investment Grant Technical Advisory Group (TAG) 

Dr. Sullivan and Dr. George were members of a technical advisory group that provided assistance 
to utilities carrying out Customer Behavior Studies (CBS) in conjunction with the Smart Grid 
Investment Grants. They were responsible for guiding several utilities through the course of 
developing experimental designs intended to assess the impacts of dynamic pricing and enabling 
technologies on customer loads. They also provided advice concerning experimental design, 
customer recruiting strategies, sample design, and econometric analysis to the US DOE and LBNL 
in the course of the project. 

Electric Power Research Institute (EPRI) – Protocols for Designing Information Feedback 
and Pricing Trials 

Dr. Sullivan and Dr. George worked with EPRI to develop protocols and guidelines for the design 
of customer feedback experiments appropriate for examining the impacts of information feedback 
and time-varying pricing options enabled by Smart Grid investments. These protocols are designed 
to help guide the design of customer trials that will clearly establish causality between program 
treatments and changes in consumer behavior. Another objective is to establish a common set of 
outputs that will support comparisons of impacts and data pooling across various utility trials. The 
results of the effort were published in: Guidelines for Designing Effective Information Feedback 
Pilots: Research Protocols (2010) – publically available on the EPRI website. 

Understanding the Impact of Lifestyles and Perceptions on DR Behavior 

Dr. Sullivan led a team of experts that investigated how customer lifestyles and perceptions 
influence energy use and how such information can be used to improve DR program effectiveness. 
This exploratory research included the use of appliance level usage data as input to in-person 
surveys to understand household behaviors that underlie energy use. The goal of the project was 
to develop a useful framework for incorporating information about lifestyles and behavior into DR 
program design and to determine how best to obtain valid information on lifestyles and behavior 
from a statistically representative sample of consumers. The results of the project have been 
provided in draft form to the California Demand Response Measurement and Evaluation 
Committee.



Michael Sullivan | Ph.D. 

www.nexant.com 9

California Investor-Owned Utility Consortium – Demand Response Load Impact Protocols 
Development

Dr. Sullivan worked with experts to develop a comprehensive set of protocols and guidance for 
estimating the load impacts of DR resources for the three California investor-owned utilities: Pacific 
Gas & Electric, San Diego Gas & Electric, and Southern California Edison. The protocols 
developed focused on what impacts should be estimated; what issues should be considered when 
selecting an estimation approach; and what to report. The goal of the project was to ensure that 
the load impact estimates provided were useful for planners and operators and that the 
robustness, precision, and bias (or lack thereof) of the methods employed were transparent. As 
part of the effort, Dr. Sullivan conducted a detailed critical analysis of regression, day-matching, 
and other methods common to load impact research. The final product was a set of protocols and 
guidance for planning and conducting load impact evaluations of DR programs and time-varying 
pricing, which encompassed both ex post evaluation and ex ante estimation. 

Lawrence Berkeley National Laboratory – Demand Response Valuation—Phase I 

Dr. Sullivan assisted in scoping out a robust demand response benefit-cost valuation framework 
tailored to California. Dr. Sullivan provided expertise in the valuation of reliability as well as 
participant benefits and costs. The research team’s initial analytical phase consisted of creating a 
topology of candidate benefit/cost methodologies; evaluating those methodologies; identifying 
alternative approaches for valuing demand response in California; and identifying key data gaps 
and other issues that require further research. The more detailed task of crafting a complete 
delineation of identified research gaps (as well as potential resolutions) was left for the second 
phase of the research. 

Lawrence Berkeley National Laboratory – Incentives and Rate Design for Efficiency and 
Demand Response—Phase I 

Dr. Sullivan assisted in identifying and developing alternative incentives and rate designs to 
support long-run integration of demand response into the California electric industry landscape. Dr. 
Sullivan led the development of customer participation and acceptance screening tools to help 
produce effective demand response designs. As part of the development of the screening tools, Dr. 
Sullivan systematically reviewed the literature on participation rates and customer acceptance, 
while paying special attention to the strength of the underlying methodologies; applicability to 
California; and the ability to provide insight into new DR designs. Screens for technical potential, 
resource value (to the system), bill impacts, and customer acceptance and participation were then 
applied to the catalogue of different demand response rates and programs to identify those with 
high potential. The process provided a proof of-concept that was refined and will be applied in the 
second phase of the research. 

California Institute for Energy and the Environment – White Paper on Behavioral 
Assumptions Underlying Energy Efficiency Programs 

This white paper examined the assumptions underlying the design and implementation of energy 
efficiency programs and the basis and validity of these assumptions. For example, one assumption 
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is the rational economic actor model (where a person makes logical, rational self-interested 
decisions that weigh costs against benefits and maximize value and profit to the person). Another 
assumption is that changing attitudes changes behavior. The paper was developed for CIEE and 
subsequently distributed to the various stakeholders within California’s energy efficiency arena. 

California Institute for Energy and the Environment – White Paper on Experimental Design 
Parameters for Energy Efficiency Programs 

This white paper examined how experimental design a) Is currently being used in designing and 
implementing energy efficiency programs; both in California as well as in other markets, and b) 
Could be used or improved relative to future energy efficiency initiatives within California. The 
paper also explored how competition can come into play among companies, communities, and 
other resources such as schools in terms of how best to promote energy efficiency among the 
general populace. The paper was developed for CIEE and subsequently distributed to the various 
stakeholders within California’s energy efficiency arena. 

Pacific Gas & Electric – Plug-in Hybrid Electric Vehicle (PHEV) Market Assessment 

PG&E was interested in developing a better understanding of the incremental impacts various 
utility-related incentives could have on PHEV market potential. Dr. Sullivan directed the 
development of a study plan that included baseline research (which consisted of a literature search 
as well as interviews with globally positioned OEMs). The results of the baseline research then 
drove the content associated with four focus groups conducted among recent automotive buyers 
who were segmented into vehicle strata. The focus groups probed on how much value the 
participants placed on the variety of utility-oriented incentives which were being discussed. The 
focus group results then fed development and implementation of a choice modeling exercise that 
provided Dr. Sullivan with a more quantitative sense of customers’ preferences surrounding the 
various incentive options. The collective results allowed Dr. Sullivan to provide bounded estimates 
of the incentives that were considered by the utility client. 

Large West Coast Utility – Solar Power Demand Study 

Dr. Sullivan directed this project to assess the impact, feasibility, and market potential for a 
proposed solar program designed to increase solar presence in local communities and provide 
additional solar educational resources. Dr. Sullivan embedded an experiment into a choice 
exercise used to define attitudes toward, and demand for, solar power. The study, survey, and 
analysis methods were designed to help answer six specific research questions: 1) How did 
customers view the reliability of information about solar power from the utility, compared to other 
sources of information? 2) What were the impacts of the candidate program on attitudes and 
knowledge about solar power? 3) What was the impact of the candidate program on demand for 
solar power? 4) How would utility inspection and certification of solar power systems impact the 
demand for solar power? 5) What does the full-demand curve for solar power look like and what 
are the key drivers of demand for it? 6) Are customers willing to finance the candidate program via 
a public goods charge? Dr. Sullivan developed an extensive survey about customer attitudes and 
knowledge about solar power designed to answer the above research questions. The experiment 
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that was embedded in the survey consisted of three experimental narrative videos developed by 
Dr. Sullivan, which involved varying levels of exposure to imagery and information about solar 
panels. Participants viewed the experimental videos and completed the survey online. Results of 
the work were then summarized statistically and reported to the client. 

BC Hydro – Customer Engagement Process—Business Town Halls for 
Commercial/Industrial Customers (2008) 

In the latter portion of 2008, Dr. Sullivan was contracted to work closely with BC Hydro in 
designing, developing, scheduling, recruiting, and facilitating a series of seven customer 
engagement sessions with representatives of their Large General Service customer class. These 
in-depth, four-hour sessions were designed with three goals in mind: 1) Provide the attending 
customers (who, in aggregate, added up to almost 400 individuals) with sufficient rate design 
education and background to inform their preferences; 2) Gather their input on a series of rate 
design conceptual questions and options; and 3) provide an opportunity for meaningful dialogue 
and customer engagement. The sessions incorporated the benefits of the qualitative inputs that are 
strived for with focus groups, as well as quantitative feedback on specific questions that were 
posed to all the attendees. The polling aspect of the Town Halls was made possible through the 
use of an Audience Response System, which allowed for real-time compilation of the results and 
immediate probing of the attendees in terms of how they collectively responded. 

Southern Company – AMR Service Concept Evaluation 

Dr. Sullivan directed the evaluation of the technical and economic potential of automated meter 
reading technologies applied to electric, water, and gas meters located in the southeastern U.S. In 
the evaluation, Dr. Sullivan identified the costs and benefits of alternative technologies and 
business models; interviewed potential customers to identify interest in, and willingness to, pay for 
AMR services offered under various business models; quantified the size of the potential and near 
term actual market; and recommended a going forward business strategy. 

Pacific Gas and Electric – Compact Fluorescent Lighting Program Evaluation 

Dr. Sullivan directed the evaluation of the impact of the Statewide Compact Fluorescent Lighting 
Program on the market penetration of compact fluorescent lighting products in retail stores, 
consumer purchases of the products, and their reactions to the products they had purchased. In 
this project, Dr. Sullivan conducted in-store surveys throughout California; interviews with 
representative samples of consumers; and analyses of sales records provided by participating 
manufacturers. Results were summarized and reported to PG&E. 

Pacific Gas and Electric – Residential Retrofit Market Needs Assessment 

Dr. Sullivan directed the evaluation of PG&E’s Residential Retrofit Market Needs Assessment and 
the assessment of training needs and programs designed to encourage energy efficient 
construction in the residential retrofit market. In the course of the project, Dr. Sullivan reviewed and 
summarized training needs identified in prior research and presented it to the Residential Retrofit 
and Renovation Planning Public Input Workshop. After obtaining comments from the public, Dr. 
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Sullivan interviewed representatives of specific groups, including general contractors, retailers, and 
building inspectors. The results were summarized and reported to the California Energy 
Commission. 

Representative Publications  
“Updated Value of Service Reliability Estimates for Electric Utility Customers in the United States”,
January 2015, LBNL -XXXX 

“Incorporating Customer Interruption Costs Into Reliability Planning”, Published in IEEE. August 
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Smart Grid Economics: The Cost Benefit Analysis. April 2011. (with Josh Schellenberg). In Renew 
Grid.

How to Estimate the Value of Service Reliability Improvements. July 2010. (with Josh 
Schellenberg, Matthew Mercurio, and Joseph Eto). Conference Proceedings: 2010 IEEE Power & 
Energy Society General Meeting. Minneapolis, MN.  

Guidelines for Designing Effective Energy Information Feedback Pilots: Research Protocols. April 
2010. (with Stephen George). Prepared for Electric Power Research Institute. EPRI Report 
1020855.

Estimated Value of Service Reliability for Electricity Customers in the United States, (with Matthew 
Mercurio and Josh Schellenberg), Office of Electricity Delivery and Reliability, U.S. Department of 
Energy, LBNL 2132E, June 2009. 

Using Experiments to Foster Innovation and Improve the Effectiveness of Energy Efficiency 
Programs. March 2009. Prepared for California Institute for Energy and Environment and the 
California Public Utilities Commission’s Energy Division.  

Behavioral Assumptions Underlying Energy Efficiency Programs for Businesses. January 2009. 
Prepared for CIEE Behavior and Energy Program and California Institute for Energy and 
Environment.  

A Framework and Review of Customer Outage Costs: Integration and Analysis of Electric Utility 
Outage Cost Surveys. 2004. (with Leora Lawton, Ph.D., Kent Van Liere, Ph.D., Aaron Katz, and 
Joseph Eto). Prepared for Energy Storage Program, Office of Electric Transmission and 
Distribution, U.S. Department of Energy, LBNL-54365.  

Reliability Worth Assessment in Electric Power Delivery Systems. June 6–8, 2004. (with Ali 
Chowdhury, A., Tom Meilnik., Leora Lawton,  and Aaron Katz.). Presented at the IEEE Power 
Engineering Society Conference. Denver, CO.  

The Numbers Game: Statistics in Construction Defect Litigation. Fall 2003. (with Jill Lifter). 
Prepared for Association of Defense Counsel of Northern California and Nevada. Defense 
Comment, Vol. 18, No. 3.

The Use of Statistics in Construction Defect Defense. Spring 2003. Prepared for The Critical Path, 
Defense Research Institute Construction Law Committee Newsletter.  

Power Interruption Costs to Industrial and Commercial Consumers of Electricity. December 1997. 
(with Terry Vardell and Mark Johnson). Prepared for IEEE Transactions on Industry Applications, 
Vol. 33.

Modeling Residential Customers’ Heating System Choices. July 1996. (with Dennis Keane). 
Prepared for Electric Power Research Institute. Final Report of Project 3902-02. EPRI Technical 
Report 106530.



Michael Sullivan | Ph.D. 

www.nexant.com 14 

Power Interruption Costs to Industrial and Commercial Consumers of Electricity. May 1996. (with 
Terry Vardell and Mark Johnson). Prepared for Conference Record, IEEE and Commercial Power 
Systems Technical Conference.  
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11.

Outage Cost Estimation Guidebook. December 1995. (with Dennis Keane.). Prepared for Electric 
Power Research Institute Final Report of Project 2878-04. EPRI Technical Report 106082.  
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Evidence. May 1994. (with Keane, D. and Cruz, R.). In Proceedings Load Management: Dynamic 
DSM Options For the Future. Prepared for Electric Power Research Institute.  

Reliability Service Options at PG&E. 1993. (with Dennis Keane.) In Service Opportunities For 
Electric Utilities: Creating Differentiated Products. Schmuel Oren and Stephen Smith, Eds. 
Prepared for Kluwer Academic Publishers.  

Controlling Non-Response and Item Non-Response Bias Using Computer Assisted Telephone 
Interviewing Techniques. June 1991. Prepared for Sawtooth Software Conference Proceedings. 
Reprinted in Quirk’s Market Research Quarterly. April 1992. 

Good Organizational Reasons for Bad Evaluation Research. September 1989. (with Michael 
Hennessey). Prepared for Evaluation Practice. Vol. 10, No. 4, pp. 41-50.  

Implementing Dispatchable Load Management Projects. April 1988. (with Michael Hennessey). 
Prepared for Public Utilities Fortnightly.  
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Can You Create Structural Differentiation in Social Power Structures in the Laboratory? December 
1978. (with Louis Gray). In Social Psychology.

Social Matching Over Multiple Reinforcement Domains: An Explanation of Local Exchange 
Imbalance. March 1982. (with Louis Gray., Max von Broembsen, and Wanda Griffith). In Social 
Forces. Vol. 61, pp. 156-182.  

Group Differentiation: Temporal Effects of Reinforcement. March 1982. (with Gray, L.N. and von 
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I. Introduction 

The California ISO (ISO) tariff provides for the establishment of planning guidelines and 
standards above those established by NERC and WECC to ensure the secure and 
reliable operation of the ISO controlled grid. The primary guiding principle of these 
Planning Standards is to develop consistent reliability standards for the ISO grid that will 
maintain or improve transmission system reliability to a level appropriate for the 
California system.

These ISO Planning Standards are not intended to duplicate the NERC and WECC 
reliability standards, but to complement them where it is in the best interests of the 
security and reliability of the ISO controlled grid. The ISO planning standards will be 
revised from time to time to ensure they are consistent with the current state of the 
electrical industry and in conformance with NERC Reliability Standards and WECC 
Regional Criteria. In particular, the ISO planning standards: 

o Address specifics not covered in the NERC Reliability Standards and WECC 
Regional Criteria; 

o Provide interpretations of the NERC Reliability Standards and WECC Regional 
Criteria specific to the ISO Grid; 

o Identify whether specific criteria should be adopted that are more stringent than 
the NERC Reliability Standards and WECC Regional Criteria where it is in the 
best interest of ensuring the ISO controlled grid remains secure and reliable. 

NERC Reliability Standards and WECC Regional Criteria:  

The following links provide the minimum standards that ISO needs to follow in its 
planning process unless NERC or WECC formally grants an exemption or deference to 
the ISO. They are the NERC Transmission Planning (TPL) standards, other applicable 
NERC standards (i.e., NUC-001 Nuclear Plant Interface Requirements (NPIRs) for 
Diablo Canyon Power Plant), and the WECC Regional Criteria: 

http://www.nerc.com/page.php?cid=2|20

http://www.wecc.biz/library/Documentation%20Categorization%20Files/Forms/AllItems.
aspx?RootFolder=%2flibrary%2fDocumentation%20Categorization%20Files%2fRegion
al%20Criteria&FolderCTID=&View=%7bAD6002B2%2d0E39%2d48DD%2dB4B5%2d9
AFC9F8A8DB3%7d

Section II of this document provides additional details about the ISO Planning 
Standards. Guidelines are provided in subsequent sections to address certain ISO 
planning standards, such as the use of new Special Protection Systems, which are not 
specifically addressed at the regional level of NERC and WECC. Where appropriate, 
background information behind the development of these standards and references 
(web links) to subjects associated with reliable transmission planning and operation are 
provided. 
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II.  ISO Planning Standards 

The ISO Planning Standards are: 

1. Applicability of NERC Reliability Standards to Low Voltage Facilities under 
ISO Operational Control 

The ISO will apply NERC Transmission Planning (TPL) standards, the NUC-001 
Nuclear Plant Interface Requirements (NPIRs) for Diablo Canyon Power Plant, and 
the approved WECC Regional Criteria to facilities with voltages levels less than 
100 kV or otherwise not covered under the NERC Bulk Electric System definition 
that have been turned over to the ISO operational control.     

2. Voltage Standard  

Standardization of low and high voltage levels as well as voltage deviations across 
the TPL-001-4 standard is required across all transmission elements in the ISO 
controlled grid. The low voltage and voltage deviation guideline applies only to load 
and generating buses within the ISO controlled grid (including generator auxiliary 
load) since they are impacted by the magnitude of low voltage and voltage 
deviations. The high voltage standard applies to all buses since unacceptable high 
voltages can damage station and transmission equipment. These voltage 
standards are shown in Table 1. 

All buses within the ISO controlled grid that cannot meet the requirements 
specified in Table 1 will require further investigation. Exceptions to this voltage 
standard may be granted by the ISO based on documented evidence vetted 
through an open stakeholder process. The ISO will make public all exceptions 
through its website. 

Table 1 
(Voltages are relative to the nominal voltage of the system studied) 

Voltage level 
Normal Conditions (P0) Contingency Conditions 

(P1-P7) Voltage Deviation 

Vmin (pu) Vmax (pu) Vmin (pu) Vmax (pu) P1-P3 P4-P7 
 200 kV 0.95 1.05 0.90 1.1 5% 10%
200 kV 0.95 1.05 0.90 1.1 5% 10%
 500 kV 1.0 1.05 0.90 1.1 5% 10%

The maximum total voltage deviation for standard TPL-001-4 category P3 is 5%
measured from the voltage that exists after the initial condition (loss of generator 
unit followed by system adjustments) and therefore takes in consideration only 
voltage deviation due to the second event. 
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Voltage and system performance must also meet WECC Regional Criteria TPL-
001-WECC-CRT-2.1: 
http://www.wecc.biz/library/Documentation%20Categorization%20Files/Regional%
20Criteria/TPL-001-WECC-CRT-2.1.pdf    

The bus voltage at the San Onofre Switchyard must be maintained within 
established limits as determined by transmission entities (Southern California 
Edison and San Diego Gas & Electric) through grid operations procedures. 

3. SSpecifiicc Nuclear Unit Standards  

The criteria pertaining to the Diablo Canyon Power Plant (DCPP), as specified in 
the NUC-001 Nuclear Plant Interface Requirements (NPIRs) for DCPP, and 
Appendix E of the Transmission Control Agreement located on the ISO web site at:  
http://www.caiso.com/Pages/documentsbygroup.aspx?GroupID=3972DF1A-2A18-
4104-825C-E24350BA838F   

4. Loss of Combined Cycle Power Plant Module as a Single Generator Outage 
Standard  

A single module of a combined cycle power plant is considered a single 
contingency (G-1) and shall meet the performance requirements of the NERC TPL-
001-4 standard for single contingencies (P1).  Supporting information is located in 
Section IV of this document. Furthermore any reference to the loss of a “generator 
unit” in the NERC multiple contingency standards (P3-P5) shall be similar to the 
loss of a “single module of a combined cycle power plant”.

A re-categorization of any combined cycle facility that falls under this standard to a 
less stringent requirement is allowed if the operating performance of the combined 
cycle facility demonstrates a re-categorization is warranted. The ISO will assess 
re-categorization on a case by case based on the following:  

a) Due to high historical outage rates in the first few years of operation no 
exceptions will be given for the first two years of operation of a new combined 
cycle module.  

b) After two years, an exception can be given upon request if historical data 
proves that no outage of the combined cycle module was encountered since 
start-up. 

c) After three years, an exception can be given upon request if historical data 
proves that outage frequency is less than once in three years. 

The ISO may withdraw the re-categorization if the operating performance of the 
combined cycle facility demonstrates that the combined cycle module exceeds a 
failure rate of once in three year. The ISO will make public all exceptions through 
its website. 
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5. Planning for New Transmission versus Involuntary Load Interruption 
Standard 

This standard sets out when it is necessary to upgrade the transmission system 
from a radial to a looped configuration or to eliminate load dropping otherwise 
permitted by WECC and NERC planning standards through transmission 
infrastructure improvements. It does not address all circumstances under which 
load dropping is permitted under NERC and WECC planning standards.  

1. No single contingency (TPL-001-4 P1) should result in loss of more than 250 
MW of load.  

2. All single substations of 100 MW or more should be served through a looped 
system with at least two transmission lines “closed in” during normal operation. 

3. Existing radial loads with available back-tie(s) (drop and automatic or manual 
pick-up schemes) should have their back-up tie(s) sized at a minimum of 50% 
of the yearly peak load or to accommodate the load 80% of the hours in a year 
(based on actual load shape for the area), whichever is more constraining. 

4. Upgrades to the system that are not required by the standards in 1, 2 and 3 
above may be justified by eliminating or reducing load outage exposure, 
through a benefit to cost ratio (BCR) above 1.0 and/or where there are other 
extenuating circumstances.  

6. Planning for High Density Urban Load Area Standard 

6.1 Local Area Planning 

A local area is characterized by relatively small geographical size, with limited 
transmission import capability and most often with scarce resources that 
usually can be procured at somewhat higher prices than system resources.1

The local areas are planned to meet the minimum performance established in 
mandatory standards or other historically established requirements, but tend to 
have little additional flexibility beyond the planned-for requirements taking into 
account both local generation and transmission capacity. Increased reliance on 
load shedding to meet these needs would run counter to historical and current 
practices, resulting in general deterioration of service levels.  

For local area long-term planning, the ISO does not allow non-consequential 
load dropping in high density urban load areas in lieu of expanding 
transmission or local resource capability to mitigate NERC TPL-001-4 standard 
P1-P7 contingencies and impacts on the 115 kV or higher voltage systems.   

1 A “local area” for purposes of this Planning Standard is not necessarily the same as a Local Capacity Area as 
defined in the CAISO Tariff. 
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 In the near-term planning, where allowed by NERC standards, load 
dropping, including high density urban load, may be used to bridge the 
gap between real-time operations and the time when system 
reinforcements are built. 

 In considering if load shedding, where allowed by NERC standards, is a 
viable mitigation in either the near-term, or the long-term for local areas 
that would not call upon high density urban load, case-by-case 
assessments need to be considered.  Assessments should take in 
consideration, but not limited to, risk assessment of the outage(s) that 
would activate the SPS including common right of way, common 
structures, history of fires, history of lightning, common substations, 
restoration time, coordination among parties required to operate pertinent 
part of the transmission system, number of resources in the area, number 
of customers impacted by the outage, outage history for resources in the 
area, retirement impacts, and outage data for the local area due to 
unrelated events.  

6.2 System Wide Planning 

System planning is characterized by much broader geographical size, with greater 
transmission import capability and most often with plentiful resources that usually 
can be procured at somewhat lower prices than local area resources.  Due to this 
fact more resources are available and are easier to find, procure and dispatch.  
Provided it is allowed under NERC reliability standards, the ISO will allow non-
consequential load dropping system-wide SPS schemes that include some non-
consequential load dropping to mitigate NERC TPL-001-4 standard P1-P7 
contingencies and impacts on the 115 kV or higher voltage systems. 

7. Extreme Event Reliability Standard 

The requirements of NERC TPL-001-4 require Extreme Event contingencies to be 
assessed; however the standard does not require mitigation plans to be developed 
for these Extreme Events.  The ISO has identified in Section 7.1 below that the 
San Francisco Peninsula area has unique characteristics requiring consideration of 
corrective action plans to mitigate the risk of extreme events.  Other areas of the 
system may also be considered on a case-by-case basis as a part of the 
transmission planning assessments. 

7.1 San Francisco-Peninsula -Extreme Event Reliability Standard 

The ISO has determined through its Extreme Event assessments, conducted 
as a part of the annual transmission planning process, that there are unique 
characteristics of the San Francisco Peninsula area requiring consideration for 
mitigation as follows. 
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 high density urban load area,  
 geographic and system configuration,  
 potential risks of outages including seismic, third party action and 

collocating facilities; and 
 challenging restoration times. 

The unique characteristics of the San Francisco Peninsula form a credible 
basis for considering for approval corrective action plans to mitigate the risk of 
outages that are beyond the application of mitigation of extreme events in the 
reliability standards to the rest of the ISO controlled grid.  The ISO will consider 
the overall impact of the mitigation on the identified risk and the associated 
benefits that the mitigation provides to the San Francisco Peninsula area. 

III. ISO Planning Guidelines 

The ISO Planning Guidelines include the following: 

1. Special Protection Systems 

As stated in the NERC glossary, a Special Protection System (SPS) is “an automatic 
protection system designed to detect abnormal or predetermined system conditions, 
and take corrective actions other than and/or in addition of faulted components to 
maintain system reliability.” In the context of new projects, the possible action of an SPS 
would be to detect a transmission outage (either a single contingency or credible 
multiple contingencies) or an overloaded transmission facility and then curtail 
generation output and/or load in order to avoid potentially overloading facilities or 
prevent the situation of not meeting other system performance criteria. A SPS can also 
have different functions such as executing plant generation reduction requested by 
other SPS; detecting unit outages and transmitting commands to other locations for 
specific action to be taken; forced excitation pulsing; capacitor and reactor switching; 
out-of-step tripping; and load dropping among other things.  

The primary reasons why SPS might be selected over building new transmission 
facilities are that SPS can normally be implemented much more quickly and at a much 
lower cost than constructing new infrastructure. In addition, SPS can increase the 
utilization of the existing transmission facilities, make better use of scarce transmission 
resources and maintain system reliability. Due to these advantages, SPS is a commonly 
considered alternative to building new infrastructure in an effort to keep costs down 
when integrating new generation into the grid and/or addressing reliability concerns 
under multiple contingency conditions. While SPSs have substantial advantages, they 
have disadvantages as well. With the increased transmission system utilization that 
comes with application of SPS, there can be increased exposure to not meeting system 
performance criteria if the SPS fails or inadvertently operates. Transmission outages 
can become more difficult to schedule due to increased flows across a larger portion of 



M&ID/ID 9     September 4, 2014 

the year; and/or the system can become more difficult to operate because of the 
independent nature of the SPS. If there are a large number of SPSs, it may become 
difficult to assess the interdependency of these various schemes on system reliability. 
These reliability concerns necessarily dictate that guidelines be established to ensure 
that performance of all SPSs are consistent across the ISO controlled grid. It is the 
intent of these guidelines to allow the use of SPSs to maximize the capability of existing 
transmission facilities while maintaining system reliability and optimizing operability of 
the ISO controlled grid. Needless to say, with the large number of generator 
interconnections that are occurring on the ISO controlled grid, the need for these 
guidelines has become more critical. 

It needs to be emphasized that these are guidelines rather than standards and should 
be used in the development of any new SPS. In general, these guidelines are intended 
to be applied with more flexibility for low exposure outages (e.g., double line outages, 
bus outages, etc.) than for high exposure outages (e.g., single contingencies). This is to 
emphasize that best engineering practice and judgment will need to be exercised by 
system planners and operators in determining when the application of SPS will be 
acceptable. It is recognized that it is not possible or desirable to have strict standards 
for the acceptability of the use of SPS in all potential applications. 

ISO SPS1
The overall reliability of the system should not be degraded after the combined addition 
of the SPS.

ISO SPS2 
The SPS needs to be highly reliable. Normally, SPS failure will need to be determined 
to be non-credible. In situations where the design of the SPS requires WECC approval, 
the WECC Remedial Action Scheme Design Guide will be followed. 

ISO SPS3 
The total net amount of generation tripped by a SPS for a single contingency cannot 
exceed the ISO’s largest single generation contingency (currently one Diablo Canyon 
unit at 1150 MW). The total net amount of generation tripped by a SPS for a double 
contingency cannot exceed 1400 MW. This amount is related to the minimum amount of 
spinning reserves that the ISO has historically been required to carry. The quantities of 
generation specified in this standard represent the current upper limits for generation 
tripping. These quantities will be reviewed periodically and revised as needed. In 
addition, the actual amount of generation that can be tripped is project specific and may 
depend on specific system performance issues to be addressed. Therefore, the amount 
of generation that can be tripped for a specific project may be lower than the amounts 
provided in this guide. The net amount of generation is the gross plant output less the 
plant’s and other auxiliary load tripped by the same SPS. 

ISO SPS4 
For SPSs, the following consequences are unacceptable should the SPS fail to operate 
correctly: 
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A) Cascading outages beyond the outage of the facility that the SPS is intended to 
protect: For example, if a SPS were to fail to operate as designed for a single 
contingency and the transmission line that the SPS was intended to protect were 
to trip on overload protection, then the subsequent loss of additional facilities due 
to overloads or system stability would not be an acceptable consequence. 

B) Voltage instability, transient instability, or small signal instability: While these are 
rare concerns associated with the addition of new generation, the consequences 
can be so severe that they are deemed to be unacceptable results following SPS 
failure.

ISO SPS5 
Close coordination of SPS is required to eliminate cascading events. All SPS in a local 
area (such as SDG&E, Fresno, etc.) and grid-wide need to be evaluated as a whole and 
studied as such. 

ISO SPS6 
The SPS must be simple and manageable. As a general guideline: 

A) There should be no more than 6 local contingencies (single or credible double 
contingencies) that would trigger the operation of a SPS.  

B) The SPS should not be monitoring more than 4 system elements or variables. A 
variable can be a combination of related elements, such as a path flow, if it is 
used as a single variable in the logic equation.  Exceptions include: 

i. The number of elements or variables being monitored may be increased if 
it results in the elimination of unnecessary actions, for example: 
generation tripping, line sectionalizing or load shedding. 

ii. If the new SPS is part of an existing SPS that is triggered by more than 4 
local contingencies or that monitors more than 4 system elements or 
variables, then the new generation cannot materially increase the 
complexity of the existing SPS scheme. However, additions to an existing 
SPS using a modular design should be considered as preferable to the 
addition of a new SPS that deals with the same contingencies covered by 
an existing SPS.  

C) Generally, the SPS should only monitor facilities that are connected to the plant 
or to the first point of interconnection with the grid. Monitoring remote facilities 
may add substantial complexity to system operation and should be avoided. 

D) An SPS should not require real-time operator actions to arm or disarm the SPS 
or change its set points.  

ISO SPS7 
If the SPS is designed for new generation interconnection, the SPS may not include the 
involuntary interruption of load. Voluntary interruption of load paid for by the generator is 
acceptable. The exception is that the new generator can be added to an existing SPS 
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that includes involuntary load tripping. However, the amount of involuntary load tripped 
by the combined SPS may not be increased as a result of the addition of the generator. 

ISO SPS8 
Action of the SPS shall limit the post-disturbance loadings and voltages on the system 
to be within all applicable ratings and shall ultimately bring the system to within the long-
term (4 hour or longer) emergency ratings of the transmission equipment. For example, 
the operation of SPS may result in a transmission line initially being loaded at its one-
hour rating. The SPS could then automatically trip or run-back additional generation (or 
trip load if not already addressed under ISO SPS7 above) to bring the line loading within 
the line’s four-hour or longer rating. This is intended to minimize real-time operator 
intervention. 

ISO SPS9 
The SPS needs to be agreed upon by the ISO and may need to be approved by the 
WECC Remedial Action Scheme Reliability Task Force. 

ISO SPS10 
The ISO, in coordination with affected parties, may relax SPS requirements as a 
temporary “bridge” to system reinforcements. Normally this “bridging” period would be 
limited to the time it takes to implement a specified alternative solution. An example of a 
relaxation of SPS requirement would be to allow 8 initiating events rather than limiting 
the SPS to 6 initiating events until the identified system reinforcements are placed into 
service. 

ISO SPS11 
The ISO will consider the expected frequency of operation in its review of SPS 
proposals. 

ISO SPS12 
The actual performance of existing and new SPS schemes will be documented by the 
transmission owners and periodically reviewed by the ISO and other interested parties 
so that poorly performing schemes may be identified and revised. 

ISO SPS13 
All SPS schemes will be documented by the owner of the transmission system where 
the SPS exists. The generation owner, the transmission owner, and the ISO shall retain 
copies of this documentation. 

ISO SPS14 
To ensure that the ISO’s transmission planning process consistently reflects the 
utilization of SPS in its annual plan, the ISO will maintain documentation of all SPS 
utilized to meet its reliability obligations under the NERC reliability standards, WECC 
regional criteria, and ISO planning standards. 
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ISO SPS15 
The transmission owner in whose territory the SPS is installed will, in coordination with 
affected parties, be responsible for designing, installing, testing, documenting, and 
maintaining the SPS. 

ISO SPS16 Generally, the SPS should trip load and/or resources that have the highest 
effectiveness factors to the constraints that need mitigation such that the magnitude of 
load and/or resources to be tripped is minimized.  As a matter of principle, voluntary 
load tripping and other pre-determined mitigations should be implemented before 
involuntary load tripping is utilized. 

ISO SPS17 
Telemetry from the SPS (e.g., SPS status, overload status, etc.) to both the 
Transmission Owner and the ISO is required unless otherwise deemed unnecessary by 
the ISO. Specific telemetry requirements will be determined by the Transmission Owner 
and the ISO on a project specific basis. 

IV. Loss of Combined Cycle Power Plant Module as a Single 
Generator Outage Standard Supporting Information 

Loss of Combined Cycle Power Plant Module as a Single Generator Outage 
Standard - A single module of a combined cycle power plant is considered a single (G-
1) contingency and shall meet the performance requirements of the NERC TPL-001-4 
standard for single contingencies (P1).   

The purpose of this standard is to require that an outage of any turbine element of a 
combustion turbine be considered as a single outage of the entire plant and therefore 
must meet the same performance level as the NERC TPL-001-4 standard P1.  

The ISO has determined that, a combined cycle module should be treated as a single 
contingency.  In making this determination, the ISO reviewed the actual operating 
experience to date with similar (but not identical) combined cycle units currently in 
operation in California.  The ISO's determination is based in large part on the 
performance history of new combined cycle units and experience to date with these 
units.  The number of combined cycle facility forced outages that have taken place does 
not support a double contingency categorization for combined cycle module units in 
general.  It should be noted that all of the combined cycle units that are online today are 
treated as single contingencies.   

Immediately after the first few combined cycle modules became operational, the ISO 
undertook a review of their performance. In defining the appropriate categorization for 
combined cycle modules, the ISO reviewed the forced outage history for the following 
three combined cycle facilities in California:  Los Medanos Energy Center (Los 
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Medanos), Delta Energy Center (Delta), and Sutter Energy Center (Sutter)2.  Los 
Medanos and Sutter have been in service since the summer of 2001, Delta has only 
been operational since early summer 2002.  

Table 2 below sets forth the facility forced outages for each of these facilities after they 
went into operation (i.e. forced outages 3that resulted in an output of zero MWs.)  The 
table demonstrates that facility forced outages have significantly exceeded once every 3 
to 30 years.  Moreover, the ISO considers that the level of facility forced outages is 
significantly above the once every 3 to 30 years even accounting for the fact that new 
combined cycle facilities tend to be less reliable during start-up periods and during the 
initial weeks of operation.  For example, four of the forced outages that caused all the 
three units at Los Medanos to go off-line took place more than nine months after the 
facility went into operation. 

Facility Date # units lost 
Sutter4 08/17/01 No visibility 
Sutter 10/08/01 1 CT 
Sutter 12/29/01 All 3 
Sutter 04/15/02 1 CT + ST 
Sutter 05/28/02 1 CT 
Sutter 09/06/02 All 3 
Los Medanos5 10/04/01 All 3 
Los Medanos 06/05/02 All 3 
Los Medanos 06/17/02 All 3 
Los Medanos 06/23/02 1CT+ST 
Los Medanos 07/19/02 All 3 
Los Medanos 07/23/02 1CT+ST 
Los Medanos 09/12/02 All 3 
Delta6 06/23/02 All 4 
Delta 06/29/02 2 CT’s + ST
Delta 08/07/02 2 CT’s + ST

Table 2: Forced outages that have resulted in 0 MW output from Sutter, Los Medanos 
and Delta after they became operational 

2 Los Medanos and Sutter have two combustion turbines (CT’s) and one steam turbine (ST) each in a 2x1 
configuration. Delta has three combustion turbines (CT’s) and one steam turbine (ST) in a 3x1 configuration.  All 
three are owned by the Calpine Corporation. 
3 Only forced outages due to failure at the power plant itself are reported, forced outages due to failure on the 
transmission system/switchyard are excluded.  The fact that a facility experienced a forced outage on a particular 
day is public information.  In fact, information on unavailable generating units has been posted daily on the ISO 
website since January 1, 2001.  However, the ISO treats information regarding the cause of an outage as confidential 
information.
4 Data for Sutter is recorded from 07/03/01 to 08/10/02 
5 Data for Los Medanos is recorded from 08/23/01 to 08/10/02 
6 Data for Delta is recorded from 06/17/02 to 08/10/02 
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The ISO realizes that this data is very limited. Nevertheless, the data adequately 
justifies the current classification of each module of these three power plants as a single 
contingency.   

V. Background behind Planning for New Transmission versus 
Involuntary Load Interruption Standard 

For practical and economic reasons, all electric transmission systems are planned to 
allow for some involuntary loss of firm load under certain contingency conditions. For 
some systems, such a loss of load may require several contingencies to occur while for 
other systems, loss of load may occur in the event of a specific single contingency. 
Historically, a wide variation among the PTOs has existed predominantly due to slightly 
differing planning and design philosophies. This standard is intended to provide a 
consistent framework upon which involuntary load interruption decisions can be made 
by the ISO when planning infrastructure needs for the ISO controlled grid. 

The overarching requirement is that implementation of these standards should not result 
in lower levels of reliability to end-use customers than existed prior to restructuring. As 
such, the following is required: 

1. No single contingency (TPL-001-4 P1) may result in loss of more than 250 MW of 
load.  

This standard is intended to coordinate ISO planning standards with the WECC 
requirement that all transmission outages with at least 300 MW or more be directly 
reported to WECC. It is the ISO’s intent that no single contingency (TPL-001-4 P1) 
should trigger loss of 300 MW or more of load. The 250 MW level is chosen in 
order to allow for differences between the load forecast and actual real time load 
that can be higher in some instances than the forecast and to also allow time for 
transmission projects to become operational since some require 5-6 years of 
planning and permitting with inherent delays. It is also ISO’s intent to put a cap on 
the radial and/or consequential loss of load allowed under NERC standard TPL-
001-4 single contingencies (P1). 

2. All single substations of 100 MW or more should be served through a looped 
system with at least two transmission lines “closed in” during normal operation.

This standard is intended to bring consistency between the PTOs’ substation 
designs. It is not the ISO’s intention to disallow substations with load below 100 
MW from having looped connections; however it is ISO’s intention that all 
substations with peak load above 100 MW must be connected through a looped 
configuration to the grid. 

3. Existing radial loads with available back-tie(s) (drop and automatic or manual pick-
up schemes) should have their back-up tie(s) sized at a minimum of 50% of the 
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yearly peak load or to accommodate the load 80% of the hours in a year (based on 
actual load shape for the area), whichever is more stringent. 

This standard is intended to insure that the system is maintained at the level that 
existed prior to restructuring. It is obvious that as load grows, existing back-ties for 
radial loads (or remaining feed after a single contingency for looped substations) 
may not be able to pick up the entire load; therefore the reliability to customers 
connected to this system may deteriorate over time. It is the ISO’s intention to 
establish a minimum level of back-up tie capability that needs to be maintained. 

4. Upgrades to the system that are not required by the standards in 1, 2 and 3 above 
may be justified by eliminating or reducing load outage exposure through a benefit 
to cost ratio (BCR) above 1.0 and/or where there are other extenuating 
circumstances.  

It is ISO’s intention to allow the build-up of transmission projects that are proven to 
have a positive benefit to ratepayers by reducing load drop exposure.  

Information Required for BCR calculation: For each of the outages that required 
involuntary interruption of load, the following should be estimated: 

o The maximum amount of load that would need to be interrupted. 
o The duration of the interruption. 
o The annual energy that would not be served or delivered. 
o The number of interruptions per year. 
o The time of occurrence of the interruption (e.g., week day summer afternoon). 
o The number of customers that would be interrupted. 
o The composition of the load (i.e., the percent residential, commercial, industrial, 

and agricultural). 
o Value of service or performance-based ratemaking assumptions concerning the 

dollar impact of a load interruption. 

The above information will be documented in the ISO Transmission Plan for areas 
where additional transmission reinforcement is needed or justified through benefit to 
cost ratio determination.   

VI. Background behind Planning for High Density Urban Load Area 
Standard for Local Areas 

A local area is characterized by relatively small geographical size, with limited 
transmission import capability and most often with scarce resources that usually can be 
procured at somewhat higher prices than system resources.  These areas are planned 
to meet the minimum performance established in mandatory standards or other 
historically established requirements, but tend to have little additional flexibility beyond 
the planned-for requirements taking into account both local resource and transmission 
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capacity.  The need for system reinforcement in a number of local areas is expected to 
climb due to projected resource retirements, with single and double contingency 
conditions playing a material role in driving the need for reinforcement.  Relying on load 
shedding on a broad basis to meet these emerging needs would run counter to 
historical and current practices, resulting in general deterioration of service levels.  One 
of the fundamental ISO Tariff requirements is to maintain service reliability at pre-ISO 
levels, and it drives the need to codify the circumstances in which load shedding is not 
an acceptable long-term solution: 

1. For local area long-term planning, the ISO does not allow non-consequential load 
dropping in high density urban load areas in lieu of expanding transmission or local 
resource capability to mitigate NERC TPL-001-4 standard P1-P7 contingencies 
and impacts on the 115 kV or higher voltage systems. 

This standard is intended to continue avoiding the need to drop load in high density 
urban load areas due to, among other reasons, high impacts to the community 
from hospitals and elevators to traffic lights and potential crime.  

The following is a link to the 2010 Census Urban Area Reference Maps:  

http://www.census.gov/geo/maps-data/maps/2010ua.html

This site has diagrams of the following urbanized areas which contain over one 
million persons. 

Los Angeles--Long Beach--Anaheim, CA 
San Francisco--Oakland, CA 
San Diego, CA 
Riverside--San Bernardino, CA 
San Jose, CA 

2. In the near-term planning, where allowed by NERC standards, load dropping, 
including high density urban load, may be used to bridge the gap between real-
time operations and the time when system reinforcements are built. 

This standard is intended to insure that a reliable transition exists between the time 
when problems could arise until long-term transmission upgrades are placed in 
service. 

3. In considering if load shedding, where allowed by NERC standards, is a viable 
mitigation in either the near-term, or the long-term for local areas that would not 
call upon high density urban load, case-by-case assessments need to be 
considered.  Assessments should take in consideration, but not limited to, risk 
assessment of the outage(s) that would activate the SPS including common right 
of way, common structures, history of fires, history of lightning, common 
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substations, restoration time, coordination among parties required to operate 
pertinent part of the transmission system, number of resources in the area, outage 
history for resources in the area, retirement impacts, and outage data for the local 
area due to unrelated events.  

It is ISO’s intention to thoroughly evaluate the risk of outages and their 
consequences any time a load shedding SPS is proposed regardless of population 
density.  

VII. Interpretations of terms from NERC Reliability Standard and 
WECC Regional Criteria 

Listed below are several ISO interpretations of the terms that are used in the NERC 
standards that are not already addressed by NERC. 

Combined Cycle Power Plant Module: A combined cycle is an assembly of heat 
engines that work in tandem off the same source of heat, converting it into mechanical 
energy, which in turn usually drives electrical generators. In a combined cycle power 
plant (CCPP), or combined cycle gas turbine (CCGT) plant, one or more gas turbine 
generator(s) generates electricity and heat in the exhaust is used to make steam, which 
in turn drives a steam turbine to generate additional electricity.

Entity Responsible for the Reliability of the Interconnected System Performance: 
In the operation of the grid, the ISO has primary responsibility for reliability. In the 
planning of the grid, reliability is a joint responsibility between the PTO and the ISO 
subject to appropriate coordination and review with the relevant local, state, regional 
and federal regulatory authorities.  

Entity Required to Develop Load Models: The PTOs, in coordination with the utility 
distribution companies (UDCs) and others, develop load models. 

Entity Required to Develop Load Forecast: The California Energy Commission 
(CEC) has the main responsibility for providing load forecast. If load forecast is not 
provided by the CEC or is not detailed and/or specific enough for a certain study then 
the ISO, at its sole discretion, may use load forecasts developed by the PTOs in 
coordination with the UDCs and others. 

Footnote 12 of TPL-001-4 Interpretation and Applicable Timeline7: The 
shedding of Non-Consequential load following P1, P2-1 and P3 contingencies on the 
Bulk Electric System of the ISO Controlled Grid is not considered appropriate in 
meeting the performance requirements.  In the near-term planning horizon the 
requirements of Footnote 12 may be applied until the long-term mitigation plans are 

7Implementation and applicable timeline will remain the same as the “Effective Date:”(s) described in the NERC 
TPL-001-4 standard. 
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in-service. In the near-term transmission planning horizon, the non-consequential 
load loss will be limited to 75 MW and has to meet the conditions specified in 
Attachment 1 of TPL-001-4. 

High Density Urban Load Area: Is an Urbanized Area, as defined by the US Census 
Bureau8 with a population over one million persons. 

Projected Customer Demands: The load level modeled in the studies can significantly 
impact the facility additions that the studies identify as necessary. For studies that 
address regional transmission facilities such as the design of major interties, a 1 in 5-
year extreme weather load level should be assumed. For studies that are addressing 
local load serving concerns, the studies should assume a 1 in 10-year extreme weather 
load level. The more stringent requirement for local areas is necessary because fewer 
options exist during actual operation to mitigate performance concerns. In addition, due 
to diversity in load, there is more certainty in a regional load forecast than in the local 
area load forecast. Having a more stringent standard for local areas will help minimize 
the potential for interruption of end-use customers. 

Planned or Controlled Interruption: Load interruptions can be either automatic or 
through operator action as long as the specific actions that need to be taken, including 
the magnitude of load interrupted, are identified and corresponding operating 
procedures are in place when required. 

Time Allowed for Manual Readjustment: This is the amount of time required for the 
operator to take all actions necessary to prepare the system for the next contingency. 
This time should be less than 30 minutes.

8 Urbanized Area (UA): A statistical geographic entity consisting of a densely settled core created from census tracts 
or blocks and contiguous qualifying territory that together have a minimum population of at least 50,000 persons. 
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18 CFR Part 40

[Docket No. RM06-16--000; Order No. 693]

Mandatory Reliability Standards for the 
Bulk-Power System

Issued March 16, 2007.
AGENCY: Federal Energy Regulatory 
Commission, DOE.
ACTION: Final rule.

SUMMARY: Pursuant to section 215 of the
Federal Power Act (FPA), the
Commission approves 83 of 107
proposed Reliability Standards, six of
the eight proposed regional differences,
and the Glossary of Terms Used in
Reliability Standards developed by the
North American Electric Reliability
Corporation (NERC), which the
Commission has certified as the Electric
Reliability Organization (ERO)
responsible for developing and
enforcing mandatory Reliability
Standards. Those Reliability  Standards
meet the requirements of section 215 of
the FPA and Part 39 of the

Commission's regulations. However, 
although we believe it is in the public 
interest to make these Reliability
Standards mandatory and enforceable,
we also find that much work remains to
be done. Specifically, we believe that
many of these Reliability Standards 
require significant improvement to
address, among other things, the
recommendations of the Blackout
Report. Therefore, pursuant to section
215(d)(5), we require the ERO to submit
significant improvements to 56 of the 83
Reliability Standards that are being
approved as mandatory and enforceable.
The remaining 24 Reliability Standards
will remain pending at the Commission
until further information is provided.

The Final Rule adds a new part to the
Commission's regulations,  which states
that this part applies to all users, owners
and operators of the Bulk-Power System
within the United States (other than
Alaska or Hawaii) and requires that each
Reliability Standard identify the subset
of users, owners and operators to which
that particular  Reliability  Standard
applies. The new regulations also
require that each Reliability Standard
that is approved by the Commission will 
be maintained on the ERO's Internet
Web site for public inspection.
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adversely affected, our goal is to ensure 
that they are involved in the
determination and review of system
assessments to permit an early
opportunity to provide input and
coordinate plans. We discussed above
the issue of information sharing as it
applies to the TPL group of Reliability
Standards generally and, consistent 
with our conclusions there, we direct
the ERO to modify TPL-001-0 to
require a peer review of planning 
assessments with neighboring entities.

1768. The Commission received no
comments on its proposal that 
Requirement R1.3 be modified to
substitute the reference to the regional
reliability organization with a reference
to the Regional Entity. The Commission
has explained the need for this
modification above, and therefore it
directs the ERO to modify Requirement
R1.3 of TPL-001-0 to substitute the
reference to the regional reliability
organization with a reference to the
Regional Entity.

1769. While some commenters
support the consideration of planned
outages at load levels for conditions
under which they are performed, others
disagree on the grounds that the goal of
TPL-001-0 is to ensure that the Bulk-
Power System can perform reliably
when all elements are in service and
operating as expected. The Commission
notes that Reliability Standards TPL-
002-0 through TPL-004-0 include
consideration of planned outages, as
initial system conditions, at load levels
for conditions under which they are
performed. Because these Reliability
Standards, and not TPL-001-0, will
govern the adequacy of the Bulk-Power
System under planned outage
conditions, the Commission will not
adopt the NOPR proposal to require
consideration of planned outages at load
levels for conditions under which they
are performed for Reliability Standard 
TPL-001-0. However, consistent with 
our discussion above on spare
equipment strategy, the Commission
directs a modification to this Reliability
Standard to require assessments of
outages of critical long lead time
equipment, consistent with the entity's
spare equipment strategy. Thus, for
example, ifan entity's spare equipment
strategy for the permanent loss of a
transformer is to use a "hot spare" or to
relocate a transformer from another 
location in a timely manner, the outage
of the transformer need not be assessed
under peak system conditions.

under peak loading conditions likely to
be experienced. This approach will
ensure that system conditions are
adequately assessed.

1770. While commenters generally
agree with the Commission's proposal to
modify footnote (a) of Table 1, they 
caution that any changes to the
footnotes affect Table 1and should be
reviewed through NERC's Reliability
Standards development process.
International Transmission states that 
the footnotes in Table 1are not 
footnotes but rather requirements for
transmission system performance and
therefore should be made Requirements
in the Reliability Standard. The 
Commission agrees with International 
Transmission because this will promote
clarity in and consistent application of
the Reliability Standard. The
Commission therefore directs the ERO
to modify the Reliability Standard to
address the concerns regarding footnote
(a) of Table 1, including the
applicability of emergency ratings and
consistency of normal ratings and
voltages with values obtained from
other Reliability Standards. As with any
modification to a Reliability Standard, 
modifications to TPL-001-0 should be
developed through the ERO's Reliability
Standards development process.

1771. Accordingly, the Commission
approves Reliability Standard TPL-001-
0 as mandatory and enforceable. In
addition, the Commission directs the
ERO to develop a modification to TPL-
001-0 through the Reliability Standards 
development process that: (1) Requires
that critical system conditions and
study years be determined by
conducting sensitivity studies with due
consideration of the range of factors
outlined above; (2) requires a peer
review of planning assessments with 
neighboring entities; (3) modifies
Requirement R1.3 to substitute the
reference to regional reliability 
organization with Regional Entity; (4)
requires assessments of outages of
critical long lead time equipment, 
consistent with the entity's spare 
equipment strategy; and (5) address the
concerns regarding footnote (a) of Table
1, including the applicability of
emergency ratings and consistency of
normal ratings and voltages with values
obtained from other Reliability
Standards and the concerns raised by
International Transmission in regard to
the footnotes in Table 1.
c. System Performance Following Loss

single element with or without a fault,
i.e., the occurrence of an event such as
a short circuit, a broken wire or an
intermittent connection. The Reliability
Standard seeks to ensure that the future
Bulk-Power System is planned to meet
the system performance requirements,
with the loss of one element, by
requiring that the transmission planner 
and planning authority annually 
evaluate and document the ability of the
transmission system to meet the
performance requirements where an
event results in the loss of a single
element.452 Meeting these requirements
means two things. First, it means that 
the system can be operated following
the event to supply projected firm 
customer demands and projected  firm 
(non-recallable  reserved)  transmission
services at all demand levels over the
range of forecast system demands.
Second, it means that the system
remains stable and within the
applicable ratings for thermal and
voltage limits, no loss of demand or
curtailed firm transfers occurs, and no
cascading outages occur.453 The
Reliability  Standard applies both to
near-term and longer-term planning
horizons.

1773. TPL-002-0 specifies that the
planning authority and transmission
planner must demonstrate through a
valid assessment that the Reliability
·Standard's system performance
requirements can be met. The
assessment must be supported by a
current or past study and/or system
simulation testing that addresses 
various categories of conditions to be
simulated, as set forth in the Reliability
Standard, to verify system performance
under contingency conditions involving
the failure of a single element with or
without a fault. The Reliability Standard 
requires that planned outages of
transmission equipment be considered 
for those demand levels for which
planned outages are performed. When
system simulations indicate that the
system cannot meet the performance
requirements stipulated in the
Reliability Standard, a documented plan 
to achieve system performance
requirements must be prepared. The 
specific study elements selected from
each of the categories for assessments
are subject to approval by the associated
regional reliability organization.

1774. The Commission proposed in
the NOPR to approve Reliability
Standard TPL-002-0 as mandatory and

However, if the spare equipment of a Single Element (TPL-002-0)   
strategy entails acquisition of a
replacement transformer that has a one-
year or longer lead time, then the outage
of the transformer must be assessed

1772. Reliability Standard TPL-002-0 
addresses system planning related to
performance under contingency
conditions involving the failure of a

4s2 The performance requirements are set forth in
Category B of Table 1of tbe Reliability Standard.

453Footnote b to Table 1allows for tbe
interruption of firm load for consequential load
loss.
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enforceable. In addition, pursuant to
section 215(d)(5) of the FPA and
§39.5(f) of our regulations, we proposed
to direct NERC to submit a modification
to TPL-002-0 that: (1) Requires that
critical system conditions be
determined in the same manner as
proposed for TPL-001-0; (2) requires
the inclusion of the reliability impact of
the entity's existing spare equipment 
strategy; (3) explicitly requires all
generators to ride through the same set
of Category B and C contingencies as 
required for wind generators in Order
No. 661; (4) requires documentation of
load models used in system studies and 
supporting rationale for their use; (5)
clarifies the phrase "permit operating
steps necessary to maintain system
control" and (6) clarifies footnote (b) to
Table 1to allow no firm load or firm
transactions to be interrupted except for
consequential load loss.
i.Comments

1775.APPA agrees that TPL-002-0 is 
sufficient for approval as a mandatory
and enforceable reliability standard.

1776. In response to the Commission's
proposal 454 that NERC modify TPL-
002-0, in part, because it does not
address situations in which critical
equipment may be unavailable for a
prolonged period, Northern Indiana 
states that systems depicted in planning
studies cannot possibly contain 
complete planned and forced outage
schedules for the next ten years. For this
reason TPL-003-0 deals with double
contingencies, i.e., contingencies that 
allow operator intervention after the
first outage, and then capture system
response to an additional outage.
Operator intervention includes 
coordination of contingency plans and 
may impact strategies for spare 
equipment , particularly for critical
equipment.

1777. EEI and MidAmerican support
requiring all generators to ride through
the same contingencies as required for
wind generators. Constellation notes
that while it supports the Commission's
proposed modifications to TPL-002-0,
an explicit requirement that all 
generators stay online during the same
set of Category B and C events, as is 
required for wind generators, is too
broad. Constellation requests that the 
Commission modify this requirement to
recognize that NRC has specific
requirements for how nuclear
generation must respond to disturbances
on the Bulk-Power System, and that 
those NRC rules should apply.
Moreover, Constellation generally
recommends that the Reliability

454 NOPR at P 1081.

Standards applied to nuclear generation
should be consistent with NRC
requirements and that NRC rules should 
control in the event of conflict.

1778. NRC notes that there appears to
be significant variation in the
interpretation  of this Reliability
Standard. It states that some of its
licensees  interpret  the TPL-002-0
Reliability Standard to state that if a
licensee is operating in an N-1
condition  another single contingency
does not need to be considered. NRC
states that its interpretation has been
that  the N-1condition  is always
analyzed from the conditions being
experienced . They state that this
Reliability Standard should be clarified
and recommend  specific revisions to 
Requirements Rl.6, R2.1, R2.2 and
Levels of Non-Compliance.

1779. Northern Indiana expresses
concern about the statement in P 1062
of the NOPR that "load models used in
system studies have a significant impact
on system performance *  *  *."
Northern Indiana believes the opposite
is true, i.e., system performance has a
significant impact on load models. The
goal of the models is to attempt to
capture system performance.

1780. MidAmerican supports the
proposed clarifications to operating
steps and to footnote (b). International
Transmission states that more
clarification should be provided for the
thresholds of normal and emergency
ratings. There are potential
inconsistencies with respect to whether
or not an entity can plan to operate
above normal ratings, but below
emergency ratings, and for how long.

1781. Northern Indiana also takes
issue with the NOPR proposal that no
load or transactions be interrupted 
except for consequential load loss.
Attempting to reduce the probability of
load loss to zero would greatly increase
capital spending, and therefore increase
rates to customers, and all in the name
of achieving an unattainable goal. PG&E
disputes that the Reliability Standard
should provide limits on the magnitude
and duration of consequential load loss.
Determining the magnitude and 
consequences of load loss is a factor in
the economic evaluation during the
development of transmission expansion
plans. This economic evaluation is not
an appropriate subject for this
Reliability Standard.Northern Indiana
urges the Commission to acknowledge
that planning studies by nature must
balance infrastructure improvement and 
expansion against site-specific and
regional load projections, using
available resources. It questions whether
the NOPR reflects a proper balance
between the many costs involved and

the benefits, if any, that would be
realized.

1782. Entergy opposes the 
Commission's proposed guidance
concerning footnote (b) to Table 1for
two reasons. First, Entergy believes the 
Commission should give due weight to
the technical expertise of NERC and
permit NERC to address these matters
through Reliability Standards 
development process. Second, the
Commission's guidance suggests that it
views all transmission outages as having
the same level of importance to and
impact on the interconnected
transmission grid. Entergy states that the
Commission should recognize that the
effect of transmission outages can be
local in nature and have no impact on 
the reliability of the Bulk Power System.
Removing the transmission operator's
ability to shed load or enact other
system adjustments as appropriate for a
single contingency would result in
significant facility upgrade costs simply 
to avoid the consequence of a local
outage. Entergy requests that the
Commission clarify that its guidance
does not constrain the transmission
operator's ability to determine the best
course of action to take to address any
reliability constraint that may result 
from these local outages.

1783. PG&E disagrees with the
Commission's proposal to delete from
footnote (b) of this Reliability Standard
the phrase "to prepare for the next
contingency, system adjustments are
permitted,  including curtailments  of
contracted Firm (non-recallable
reserved) electric power transfers."455
PG&E states that this phrase permits
critical system adjustments to reduce
the potential for and impact of future
contingencies. It would allow re-
scheduling power (but not load
shedding) as part of manual system
adjustment after the first Category B
contingency (first N-1) to bring the
system back to a safe operating point
before the next Category B contingency
(second N-1). This phrase is consistent
with the manual system adjustment
allowed in Category C.3.456 PG&E states
that, contrary to the Commission's
interpretation, footnote (c) does not
capture this phrase. The difference
between footnote (b) as part of Category
B and Category C.3 is that footnote (b)
applies before the second N-1, whereas
Category C.3 applies after the second N-
1. Without this phrase in footnote (b),
no manual system adjustment would be

455Id. at P 1084.
456 From TPL Standards Table 1,Category C.3 is

Category B (B1, BZ, B3 or B4) contingency, manual
system adjustments, followed by another Category
B (B1, BZ, B3 or B4) contingency.
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allowed after a Category B contingency,
which would be inconsistent with
Category C.3.

1784. APPA and LPPC recommend
that changes to the footnotes of Table 1
be subject to the NERC Reliability
Standards development process.They
state that the footnotes have been
extensively reviewed by technical

. experts at NERC for several years and 
currently represent a general consensus
among these industry technical experts.
Changes to the footnotes affect Table 1
and have a direct impact on the
determination of the severity of
consequences that were approved along
with the original standard. APPA also
states that consideration of reliability
impacts of spare equipment strategies
and obligations of all generators to have
the same voltage ride through
capabilities are important changes that 
should not be made by Commission fiat.
ii. Commission Determination

1785. The Commission approves
TPL-002-0 as a mandatory and
enforceable Reliability Standard. In
addition, we direct the ERO to develop
modifications  to TPL-002-0 through the
Reliability  Standards development
process, as discussed below.

1786. The Commission notes that, like
Requirement  Rl.3.1 of TPL-001-0,
Rl.3.2 of TPL-002-0 requires an entity
assessing system performance to cover 
"critical system conditions and study
years" as deemed appropriate by the
entity performing the study, but it does
not specify the rationale for determining
critical system conditions and study
years. The Commission directs the ERO
to modify TPL-o02-0 to require that
critical system conditions and study
years be determined in the same manner
as it directed with regard to TPL-001-
0. The Commission's explanation of the
need for that change applies equally
here.

1787. With regard to Northern
Indiana's concerns, we disagree that the 
proposal to address situations in which 
critical equipment may be unavailable
for a prolonged period requires planned 
and forced outage schedules for the next
ten years. Reliability Standard TPL-
002-0 requires consideration of planned 
outages at those demand levels for
which planned outages are performed
but does not address situations in which 
critical long lead time equipment, such
as a transformer or phase angle
regulator, may be unavailable for a
prolonged period that could extend into
periods where planned outages of such
equipment would not normally be
performed. Assessments of these

rather identification of which facilities
are deemed to be critical that have long
lead times for repair or replacement.
Given that planned outage
considerations of such long lead time
equipment are inexorably linked to
spare equipment strategy, consistent
with our discussion of the issue above
in connection with spare equipment
strategy, the Commission directs the 
ERO to modify the Reliability Standard
to require assessments of planned ·
outages of long lead time critical
equipment consistent with the entity's 
spare equipment strategy.

1788. In the NOPR, the Commission
identified an implicit assumption in the 
TPL Reliability Standards that all
generators are required to ride through
the same types of voltage disturbances
and remain in service after the fault is
cleared. This implicit assumption
should be made explicit. Commenters
agree with the proposed requirement for
all generators to ride through the same
set of Category B and C events as
required for wind generators.The
Commission understands that NRC has 
both degraded voltage and loss of
voltage requirements. The degraded
voltage requirement allows the voltage
at the auxiliary power system busses to
go below the minimum value for a time
frame that is usually much longer than
normal fault clearing time.457 Ifa
specific nuclear power plant has an
NRC requirement that would force it to
trip off-line if its auxiliary power system
voltage was depressed below some
minimum voltage, the simulation
should include the tripping of the plant
in addition to the faulted facilities. In
this regard, the Commission agrees that
NRC requirements should be used when
implementing the Reliability Standards.
Using NRC requirements as input will
assure that there is consistency between
the Reliability Standards and the NRC
requirement that the system is 
accurately modeled. Accordingly, the
Commission directs the ERO to modify
the Reliability Standard to explicitly ,
require either that all generators are
capable of riding through the same set
of Category B and C contingencies, as
required by wind generators in Order
No. 661, or that those generators that
cannot ride through be simulated as 
tripping. If a generator trips due to low
voltage from a single contingency, the 
initial trip of the faulted element and 
the resulting trip of the generator would
be governed by Category B
contingencies and performance criteria.

1789. The Commission agrees with
NRC that for operations purposes the N-
1condition is always analyzed from the

conditions being experienced. In other
words, allowing for the 30 minute 
system adjustment period, the system
must be capable of withstanding an N-
1contingency, with load shedding
available to system operators as a
measure of last resort to prevent
cascading failures.However, for
planning purposes, a different analysis
applies. The N-1condition is a Category
B event under TPL-002-0, and,
following the N-1contingency, the 
system must be stable and thermal
loading and voltages be within 
applicable limits. Some adjustment of
generation or other controls is permitted
to return loadings to within continuous 
ratings, provided the loadings before
adjustments are within the emergency
or short-term ratings. Under TPL-002-0
the system is not required to be able to 
withstand another N-1contingency.
That N-1requirement is a Category C
contingency which is addressed by
TPL-o03-0. The Commission has
addressed NRC's comment concerning
N-1contingencies in real-time
operation in TOP-002. In regard to the
specific revisions proposed by NRC, the
Commission directs the ERO to consider
these as part of the Reliability Standards
development  process.

1790. In regard to Northern Indiana's
comment concerning the load modeling
statement made in the NOPR, it should 
be clear that the context of the
discussion is system performance
during simulations. Load models used
in simulations clearly should, to the
extent feasible, represent the actual
performance of the aggregate mix of
industrial, commercial and residential
loads. Ifthe load model representations
used in simulations do not mirror the
actual performance of loads, especially
during dynamic simulations, but also
when carrying out voltage stability
studies, the simulation results will not
be accurate. Because load representation
in simulations has a significant impact
on simulation results and often load
models are not well known, it is 
common practice for planners to
perform sensitivity studies with a range
of load models. Accordingly , as 
proposed in the NOPR, the Commission
directs the ERO to modify the Reliability
Standard to require documentation of
load models used in system studies and
the supporting rationale for their use.

1791. In the NOPR, the Commission
set forth its rationale for proposing that
the ERO clarify the phrase "permit
operating steps necessary to maintain
system control" in footnote (a) to Table
1.458 Specifically, the Commission
stated that the operating steps required

situations do not require outage   
schedules for the next ten years but 45710 CFR 50,Appendix a,GDCl 7. 4s•NOPR at P 1083.
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to relieve emergency loadings and 
return the system to a normal state 
should not include firm load shedding. 
MidArp.erican agrees with the
Commission.  International
Transmission states clarification is 
required on the thresholds for normal
and emergency ratings and, in
particular, on whether an entity can
plan to operate above normal ratings but
below emergency ratings and for how
long. The Commission agrees that this
issue requires clarification and therefore
directs the ERO to modify the standard
to clarify the phrase of footnote (a) that
states "permit operating steps necessary
to maintain system control" to clarify
the use of emergency ratings.

1792. The Commission stated in the
NOPR that footnote (b) raises three
issues that need to be addressed .459 Two
relate to the use of planned or
controlled load interruption under 
certain circumstances, and the third
relates to the use of system adjustments
including curtailment of firm transfers
to prepare for the next contingency.
Northern Indiana and Entergy disagree
with the Commission 's proposal to
modify footnote (b) to state that load
shedding fo;r a single contingency is not
permitted  except in very special
circumstances  where  such interruption
is limited to the firm load associated
with the failure (consequential  load
loss). The commenters argue that the
impact of transmission outages can be
local in nature and have no impact on
the reliability of the Bulk-Power System
and that removing the option to shed
load in a local area for a single
contingency would result in significant
facility upgrade costs and therefore
increased rates to customers simply to
avoid a local outage. Entergy seeks
clarification that the Commission does
not intend to constrain the transmission
operator's ability to determine the best
course of action to addtess local
reliability  constraints.

1793. The NOPR proposed a
modification that would clarify footnote
(b) as disallowing loss of such firm load
or the curtailment of firm transactions
after a first contingency of the bulk
electric system. In its comments to the
Staff Preliminary Assessment, NERC
agreed with this interpretation, 
representing that a practice that permits
the planned interruption of "firm 
transmission service" is a
misapplication of the Reliability
Standard.460 Some commenters now

459 Id. at P 1084.
4so "NERC standards, including footnote (b), are

not intended to endorse or approve planning the 
interconnection using radial configurations as a
preferred method for reliably serving load, nor do

argue otherwise, and in some cases cite 
examples where, based on a balance of
economic and reliability considerations ,
it may be preferable to plan the bulk
electric system in such a manner that 
contemplates the interruption of some
firm load customers in the event of a N-
1contingency. We view these
arguments as based largely on the matter
of economics, not reliability, with the 
underlying premise that it is not
economically feasible to invest in the
bulk electric system to the point that it
can continue service to all firm load
customers under some specific N-1
scenarios. Therefore, they argue, the 
ambiguities of footnote (b) should be
interpreted to allow that an entity plan
for some amount of load loss to avoid
costly infrastructure investments.

1794. The Commission considers this
matter to be a fundamental issue of
transmission service. Indeed, the ERO's
definition of "firm transmission -
service" specifically states that it is the 
"highest quality (priority) service
offered to customers under a filedrate
schedule that anticipates no planned 
interruption."

1795. Based on the record before us,
we believe that the transmission
planning Reliability Standard should 
not allow an entity to plan for the loss
of non-consequential load in the event
of a single contingency.461 The 
Commission directs the ERO to clarify
the Reliability Standard. Regarding the 
comments of Entergy and Northern
Indiana that the Reliability Standard
should allow entities to plan for the loss
of firm service for a single contingency,
the Commission finds that their
comments may be considered through
the Reliability Standards development
process. However, we strongly
discourage an approach that reflects the
lowest common denominator. 462 The
Commission also clarifies that an entity
may seek a regional difference to the 
Reliability Standard from the ERO for
case-specific  circumstances.

1796. PG&E disputes that the
Reliability Standard should provide
limits on the magnitude and duration of
consequential load loss, as this is an 
economic evaluation and is not an
appropriate goal for this Reliability
Standard. The Commission disagrees.
Indeed in its comments to the Staff
Preliminary Assessment , the ERO raised
the issue of what is an acceptable
magnitude and duration of

NERC standards consider load shedding acceptable
for a single contingency." NERC comments to the 
Staff Preliminary Assessment at 57-58.

461 Consequential load is the load that is directly
served by the elements that are removed from
service as a result of the contingency.

462SeeOrder No. 672 at P 329.

consequential load loss.463 The
Commission notes that most utilities
have guidelines for the magnitude and
duration of load loss that is acceptable
on radial facilities before the facilities
are looped to provide a second source
of supply to accommodate load growth.
NERC also stated that it recognizes that
looped configurations are key to the
reliable operation of the Interconnection
and to meet reasonable expectations for
reliable service to loads.464 The
Commission, therefore, suggests that the 
ERO consider developing a ceiling on 
the amount and duration of
consequential load loss that will be
acceptable. If the ERO determines that
such a ceiling is appropriate, it should 
be developed through the ERO's
Reliability Standards development
process. Further, we note that the DOE
thresholds for reporting disturbances on
Form EIA-417 would be one example of
an appropriate starting point for
developing such a ceiling. These
thresholds for load loss are 300 MW for
15 minutes or 50,000 customers for one 
hour, whichever is greater.

1797. The third issue with footnote (b)
relates to the Commission's proposal in
the NOPR to delete the footnote's
second sentence, which states "[t)o
prepare for the next contingency, system
adjustments are permitted, including
curtailments of contracted Firm (non-
recallable reserved) electric power
transfers." 465 PG&E disagrees with the
Commission 's proposal because it
allows re-scheduling power (but not
load shedding) as part of manual
adjustment after the first Category B
contingency to bring the system back to
a safe operating point. The Commission
agrees that footnote (b) should permit
manual  adjustments  including
generation  redispatch  and transmission
reconfiguration, but not load shedding,
to return the system to a normal
operating state within the time period
permitted by the emergency or short
term ratings. The Commission
understands  that this is the normal
practice used by most transmission
planners. However, the system
adjustments permitted  in the statement
above includes curtailments of
contracted  firm, non-recallable reserved
and electric power transfers and this is
not acceptable for Category B single
contingencies. Therefore, the ERO
should modify the sentence to indicate
that manual system adjustments, except

••'NERC Comments to Staff Preliminary
Assessment at 56-57.

•64 "NERC recognizes that looped configurations
are key to the reliable operation of the 
interconnection , and to meet reasonable
expectations for reliable service to loads."Id. at 57.

•65NOPR at P 1083.
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for shedding firm load or curtailment of
firm transfers, are permitted after the
first contingency to bring the system
back to a normal operating state. The
Commission disagrees with PG&E's
statement that the difference between
footnote (b) as part of Category B and
Category C.3 is that footnote (b) applies
before  the  second N-1contingency,
whereas Category C.3 applies after the
second  N-1contingency.  Rather,
manual adjustments referred to in both
cases apply after the first N-1
contingency. The Commission, 
therefore, directs the ERO to modify the
second sentence of footnote (b) to clarify
that manual system adjustments other
than shedding of firm load or
curtailment of firm transfers are
permitted to return the system to a
normal operating state after the first
contingency, provided these adjustment
can be accomplished within the time
period allowed by the short term or
emergency ratings.

1798. Accordingly, the Commission
approves Reliability Standard TPL--002-
0 as mandatory and enforceable. In
addition, the Commission directs the
ERO to develop a modification to TPL-
002-0 through the Reliability Standards
development process that: (1) Requires
that critical system conditions be
determined in the same manner as we
propose to require for TPL-001-0; (2)
requires assessments of planned outages 
of long lead time critical equipment
consistent with the entity's spare
equipment strategy; (3) requires all
generators to ride through the same set
of Category B and C contingencies as
required by wind generators in Order 
No. 661, or to simulate those generators
that cannot ride through as tripping; (4)
requires documentation of load models
used in system studies and supporting
rationale for their use; (5) clarifies the
phrase  "permit operating steps
necessary to maintain system control" 
in footnote (a) and the use of emergency
ratings and (6) clarifies footnote (b) in 
regard to load loss following a single
contingency, specifying the amount and 
duration of consequential load loss and
system adjustments permitted after the
first contingency to return the system to 
a normal operating state, as discussed
above.
d. System Performance Following Loss
of Two or More Elements (TPL--003-0)

1799. Reliability Standard TPL-003-0 
seeks to ensure that the future Bulk-
Power System is planned to meet the
system performance requirements of a
system with the loss of multiple
elements. Itdoes this by requiring that 
the transmission planner and the
planning authority annually evaluate

and document the ability of its 
transmission system to meet the
performance requirements of Category C
contingencies specified in Table 1(i.e., .
events resulting in the loss of two or
more elements) for both the near-term
and the longer-term planning horizons.
TPL-003-0 requires the preparation of a
documented plan to achieve the
necessary performance requirements if
the system is unable to meet the
Category C performance criteria.

1800. TPL--003-0 applies to each
planning  authority and transmission
planner. They must demonstrate
annually through valid assessments that
their portion of the interconnected
transmission system is planned to meet
the performance requirements of
Category C with all transmission
facilities in service over a planning
horizon that takes into account lead
times for corrective plans. The
Reliability  Standard also requires the
applicable entities to consider planned
outages of transmission equipment for 
those demand levels for which they
perform such outages. The Reliability 
Standard defines various categories of
conditions to be simulated. The specific
study elements selected from each of the
categories for assessments, including the
subset of Category C contingencies to be
evaluated, require approval by the
associated regional reliability
organization.

1801. The Commission proposed in
the NOPR to approve Reliability
Standard TPL-003-0 as mandatory  and
enforceable. In addition, pursuant  to
section 215(d)(5) of the FPA and
§ 39.5(0 of our regulations, we proposed
to direct NERC to submit a modification
to TPL-003-0 that: (1) Requires that
critical system conditions be
determined by conducting  sensitivity
studies (as elaborated in our discussion
of TPL-001-0); (2) makes certain
clarifications to footnote (c) to Table 1;
(3) requires the applicable entities to
define and document the proxies
necessary to simulate cascading outages 
and (4) tailors the purpose statement to
reflect the specific goal of the Reliability
Standard.

1802. The Commission also sought
comments on one potential addition to
TPL-003-0. It noted that Category C3 of
this Reliability Standard involves a
situation in which two single
contingencies  occur, with manual
system adjustments permitted  after the
first contingency to prepare for the next
one (generally referred to as N-1-1).
However, the Commission also noted
that should the second contingency
occur before the manual system
adjustments can be completed, the local
area and potentially the system would

be exposed to risk of cascading outages.
For that reason some entities plan and 
operate their systems so that they are
able to withstand the simultaneous
occurrence of the two contingencies
(normally referred to as N-2) for major
load pockets. The Commission sought
comments on the value and 
appropriateness of including such a
requirement in TPL-003-0.
i.Comments

1803.LPPC recommends that changes
to footnotes of Table 1be subject to the 
NERC Reliability Standards
development process. It states that the 
footnotes have been extensively
reviewed by technical experts at NERC
for several years and currently represent
a general consensus among these
industry technical experts which should
be given due weight by the Commission.
Changes to the footnotes impact Table 1
and have a direct impact on the
determination of the severity of
consequences that were approved along
with the original Reliability Standard.

1804. FirstEnergy supports the
proposed requirement to document
proxies of subsequent line trips due to
thermal overload and low voltage
generation trips to evaluate potential
cascading conditions. FirstEnergy states
it currently is required to account for
these items in its planning process.

1805. EEI questions the value of
providing proxies when planners
conduct thousands of studies based on
combinations of contingencies under a
broad range of circumstances and
conditions, especially in longer-term 
planning horizons where the
uncertainty around the value of any one
variable is already very high. SoCal
Edison states that one can determine the
cascading outages in load flow studies.
Intransient  stability  studies, if the
outage is severe, then the thermal
overload relays and undervoltage relays,
if modeled, will trip the load. If the load
tripped was not planned to be tripped
for this outage, then the planning
authority should take the necessary
steps to avoid this situation, as
cascading is not allowed.

1806. LPPC and Northern Indiana
oppose the proposal to require proxies
necessary to simulate cascading outages
be defined and documented . Northern
Indiana states that there is no consensus
on what these proxies should be. LPPC
states that utility planners have
traditionally used their engineering
judgment to simulate a conservative
estimate of the level of thermal overload
or low voltage that will cause the
likelihood of subsequent line or
generator trips and cascading events.
LPPC states that this approach has been
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markets serving 19.2 million customers. 
NYISO manages a nearly 11,000-mile 
network of high-voltage transmission 
lines. 

100. PJM is comprised of more than 
700 members including power 
generators, transmission owners, 
electricity distributers, power marketers, 
and large industrial customers and 
serves 13 states and the District of 
Columbia. 

101. SPP is comprised of 63 members 
serving 6.2 million households in nine 
states and has 48,930 miles of 
transmission lines. 

102. MISO is a nonprofit organization 
with over 145,000 megawatts of 
installed generation. MISO has over 
57,600 miles of transmission lines and 
serves 13 states and one Canadian 
province. 

103. ISO–NE is a regional 
transmission organization serving six 
states in New England. The system is 
comprised of more than 8,000 miles of 
high-voltage transmission lines and over 
300 generators. 

104. The Commission certifies that 
this rule will not have a significant 
economic impact on a substantial 
number of small entities, and therefore 
no regulatory flexibility analysis is 
required. 

VII. Document Availability 

105. In addition to publishing the full 
text of this document in the Federal 
Register, the Commission provides all 
interested persons an opportunity to 
view and/or print the contents of this 
document via the Internet through the 
Commission’s Home Page (http:// 
www.ferc.gov) and in the Commission’s 
Public Reference Room during normal 
business hours (8:30 a.m. to 5:00 p.m. 
Eastern time) at 888 First Street NE., 
Room 2A, Washington, DC 20426. 

106. From the Commission’s Home 
Page on the Internet, this information is 
available on eLibrary. The full text of 
this document is available on eLibrary 
in PDF and Microsoft Word format for 
viewing, printing, and/or downloading. 
To access this document in eLibrary, 
type the docket number excluding the 
last three digits of this document in the 
docket number field. 

107. User assistance is available for 
eLibrary and the the Commission’s Web 
site during normal business hours from 
FERC Online Support at 202–502–6652 
(toll free at 1–866–208–3676) or email at 
ferconlinesupport@ferc.gov, or the 
Public Reference Room at (202) 502– 
8371, TTY (202)502–8659. Email the 
Public Reference Room at 
public.referenceroom@ferc.gov. 

VIII. Effective Date and Congressional 
Notification 

108. These regulations are effective 
July 6, 2012. The Commission has 
determined, with the concurrence of the 
Administrator of the Office of 
Information and Regulatory Affairs of 
OMB, that this rule is not a ‘‘major rule’’ 
as defined in section 351 of the Small 
Business Regulatory Enforcement 
Fairness Act of 1996. 

List of Subjects in 18 CFR Part 35 
Electric power rates, Electric utilities, 

Reporting and recordkeeping 
requirements. 

By the Commission. 
Nathaniel J. Davis, Sr., 
Deputy Secretary. 

In consideration of the foregoing, the 
Commission amends Part 35, Chapter I, 
Title 18, Code of Federal Regulations, as 
follows. 

PART 35—FILING OF RATE 
SCHEDULES AND TARIFFS 

■ 1. The authority citation for Part 35 
continues to read as follows: 

Authority: 16 U.S.C 791a–825r, 2601–2645; 
31 U.S.C. 9701; 42 U.S.C. 7101–7352. 

■ 2. In § 35.28, paragraphs (g)(4) through 
(g)(7) are redesignated as paragraphs 
(g)(5) through (g)(8) and a new 
paragraph (g)(4) is added to read as 
follows: 

§ 35.28. Non-discriminatory open access 
transmission tariff. 
* * * * * 

(g) * * * 
(4) Electronic delivery of data. Each 

Commission-approved regional 
transmission organization and 
independent system operator must 
electronically deliver to the 
Commission, on an ongoing basis and in 
a form and manner consistent with its 
own collection of data and in a form and 
manner acceptable to the Commission, 
data related to the markets that the 
regional transmission organization or 
independent system operator 
administers. 
* * * * * 

Note: The following appendix will not be 
published in the Code of Federal Regulations. 

Appendix A 

Commenters on the NOPR 
American Public Power Association 

(APPA) 
California Department of Water 

Resources State Water Project (SWP) 
Cogeneration Association of California 

and the Energy Producers and Users 
Coalition (CAC/EPUC) 

Edison Electric Institute and the Electric 
Power Supply Association (EEI/EPSA) 

ISO New England Inc. (ISO–NE) 
ISO/RTO Council (IRC) 
New York Public Service Commission 

(NYPSC) 
Pennsylvania Public Utility Commission 

(PA PUC) 
Powerex Corp. (Powerex) 
[FR Doc. 2012–9847 Filed 5–4–12; 8:45 am] 

BILLING CODE 6717–01–P 

DEPARTMENT OF ENERGY 

Federal Energy Regulatory 
Commission 

18 CFR Part 40 

[Docket No. RM11–18–000; Order No. 762] 

Transmission Planning Reliability 
Standards 

AGENCY: Federal Energy Regulatory 
Commission, DOE. 
ACTION: Final rule. 

SUMMARY: Under section 215 of the 
Federal Power Act, the Federal Energy 
Regulatory Commission remands 
proposed Transmission Planning (TPL) 
Reliability Standard TPL–002–0b, 
submitted by the North American 
Electric Reliability Corporation (NERC), 
the Commission-certified Electric 
Reliability Organization. The proposed 
Reliability Standard includes a 
provision that allows for planned load 
shed in a single contingency provided 
that the plan is documented and 
alternatives are considered and vetted in 
an open and transparent process. The 
Commission finds that this provision is 
vague, unenforceable and not 
responsive to the previous Commission 
directives on this matter. Accordingly, 
the Final Rule remands NERC’s 
proposal as unjust, unreasonable, 
unduly discriminatory or preferential, 
and not in the public interest. 
DATES: This rule will become effective 
July 6, 2012. 
ADDRESSES: You may submit comments, 
identified by docket number by any of 
the following methods: 

• Agency Web Site: http:// 
www.ferc.gov. Documents created 
electronically using word processing 
software should be filed in native 
applications or print-to-PDF format and 
not in a scanned format. 

• Mail/Hand Delivery: Commenters 
unable to file comments electronically 
must mail or hand deliver comments to: 
Federal Energy Regulatory Commission, 
Secretary of the Commission, 888 First 
Street NE., Washington, DC 20426. 
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1 16 U.S.C. 824o(d)(4) (2006). 
2 NERC filed a petition seeking approval of Table 

1, footnote ‘b’ of four Reliability Standards: 
Transmission Planning: TPL–001–1—System 
Performance Under Normal (No Contingency) 
Conditions (Category A), TPL–002–1b—System 
Performance Following Loss of a Single Bulk 
Electric System Element (Category B), TPL–003– 
1a—System Performance Following Loss of Two or 
More Bulk Electric System Elements (Category C), 
and TPL–004–1—System Performance Following 
Extreme Events Resulting in the Loss of Two or 
More Bulk Electric System Elements (Category D). 
While footnote ‘b’ appears in all four of the above 
referenced TPL Reliability Standards, its relevance 
and practical applicability is limited to TPL–002– 
0a. 

3 NERC Rules of Procedure, Appendix 3A, 
Standard Processes Manual at 34 (effective January 
31, 2012). 

4 Mandatory Reliability Standards for the Bulk- 
Power System, Order No. 693, FERC Stats. & Regs. 
¶ 31,242, order on reh’g, Order No. 693–A, 120 
FERC ¶ 61,053 (2007). 

5 16 U.S.C. 824o(d)(5)(2006). 
6 Order No. 693, FERC Stats. & Regs. ¶ 31,242 at 

P 1797. 
7 Reliability Standard TPL–002–0a, Requirement 

R1. 

8 See Order No. 693, FERC Stats. & Regs. ¶ 31,242 
at P 1794. 

9 Mandatory Reliability Standards for the Bulk 
Power System, 131 FERC ¶ 61,231, at P 21 (2010) 
(June 2010 Order). 

10 Id. 
11 NERC Petition at 10. 
12 Id. 
13 Id. 

FOR FURTHER INFORMATION CONTACT: 
Eugene Blick (Technical Information), 

Office of Electric Reliability, Federal 
Energy Regulatory Commission, 888 
First Street NE., Washington, DC 
20426, Telephone: (202) 502–8066, 
Eugene.Blick@ferc.gov. 

Robert T. Stroh (Legal Information), 
Office of the General Counsel, Federal 
Energy Regulatory Commission, 888 
First Street NE., Washington, DC 
20426, Telephone: (202) 502–8473, 
Robert.Stroh@ferc.gov. 

SUPPLEMENTARY INFORMATION: 

139 FERC ¶ 61,060 

Before Commissioners: Jon Wellinghoff, 
Chairman; Philip D. Moeller, John R. 
Norris, and Cheryl A. LaFleur. 

Final Rule 

Issued April 19, 2012. 

1. Under section 215(d) of the Federal 
Power Act,1 the Commission remands 
proposed Transmission Planning (TPL) 
Reliability Standard TPL–002–0b, 
submitted by the North American 
Electric Reliability Corporation (NERC), 
the Commission-certified Electric 
Reliability Organization. The proposed 
Reliability Standard includes a 
provision that allows for planned load 
shed in a single contingency provided 
that the plan is documented and 
alternatives are considered and vetted in 
an open and transparent process.2 The 
Commission finds that this provision is 
vague, unenforceable and not 
responsive to the previous Commission 
directives on this matter. Accordingly, 
the Final Rule remands NERC’s 
proposal as unjust, unreasonable, 
unduly discriminatory or preferential, 
and not in the public interest. We 
require NERC to utilize its Expedited 
Reliability Standards Development 
Process to develop timely modifications 
to TPL–002–0b, Table 1 footnote ‘b’ in 
response to our remand.3 

I. Background 
2. Section 215 of the FPA requires a 

Commission-certified Electric 
Reliability Organization (ERO) to 
develop mandatory and enforceable 
Reliability Standards, which are subject 
to Commission review and approval. 
Approved Reliability Standards are 
enforced by the ERO, subject to 
Commission oversight, or by the 
Commission independently. On March 
16, 2007, the Commission issued Order 
No. 693, approving 83 of the 107 
Reliability Standards filed by NERC, 
including Reliability Standard TPL– 
002–0.4 In addition, pursuant to section 
215(d)(5) of the FPA, 5 the Commission 
directed NERC to develop modifications 
to 56 of the 83 approved Reliability 
Standards, including footnote ‘b’ of 
Reliability Standard TPL–002–0.6 

A. Transmission Planning (TPL) 
Reliability Standards 

3. Currently-effective Reliability 
Standard TPL–002–0b addresses Bulk- 
Power System planning and related 
transmission system performance for 
single element contingency conditions. 
Requirement R1 of TPL–002–0b requires 
that each planning authority and 
transmission planner ‘‘demonstrate 
through a valid assessment that its 
portion of the interconnected 
transmission system is planned such 
that the network can be operated to 
supply projected customer demands and 
projected firm transmission services, at 
all demand levels over the range of 
forecast system demands, under the 
contingency conditions as defined in 
Category B of Table I.’’ 7 Table I 
identifies different categories of 
contingencies and allowable system 
impacts in the planning process. With 
regard to system impacts, Table I further 
provides that a Category B (single) 
contingency must not result in 
cascading outages, loss of demand or 
curtailed firm transfers, system 
instability or exceeded voltage or 
thermal limits. With regard to loss of 
demand, current footnote ‘b’ of Table 1 
states: 

Planned or controlled interruption of 
electric supply to radial customers or some 
local Network customers, connected to or 
supplied by the Faulted element or by the 
affected area, may occur in certain areas 
without impacting the overall reliability of 

the interconnected transmission systems. To 
prepare for the next contingency, system 
adjustments are permitted, including 
curtailments of contracted Firm (non- 
recallable reserved) electric power Transfers. 

B. Order No. 693 Directive 
4. In Order No. 693, the Commission 

stated that it believes that the 
transmission planning Reliability 
Standard should not allow an entity to 
plan for the loss of non-consequential 
firm load in the event of a single 
contingency.8 The Commission directed 
the ERO to develop certain 
modifications, including a clarification 
of Table 1, footnote ‘b.’ 

5. In a subsequent clarifying order, the 
Commission stated that it believed that 
a regional difference, or a case-specific 
exception process that can be 
technically justified, to plan for the loss 
of firm service would be acceptable in 
limited circumstances.9 Specifically, the 
Commission stated that ‘‘a regional 
difference, or a case-specific exception 
process that can be technically justified, 
to plan for the loss of firm service at the 
fringes of various systems would be an 
acceptable approach.’’ 10 

C. NERC Petition 
6. On March 31, 2011, NERC filed a 

petition seeking approval of its proposal 
to revise and clarify footnote ‘b’ ‘‘in 
regard to load loss following a single 
contingency.’’ 11 NERC stated that it did 
not eliminate the ability of an entity to 
plan for the loss of non-consequential 
load in the event of a single contingency 
but drafted a footnote that, according to 
NERC, ‘‘meets the Commission’s 
directive while simultaneously meeting 
the needs of industry and respecting 
jurisdictional bounds.’’ 12 NERC stated 
that its proposed footnote ‘b’ establishes 
the requirements for the limited 
circumstances when and how an entity 
can plan to interrupt Firm Demand for 
Category B contingencies. According to 
NERC, the provision allows for planned 
interruption of Firm Demand when 
‘‘subject to review in an open and 
transparent stakeholder process.’’ 13 
NERC’s proposed footnote ‘b’ states: 

An objective of the planning process 
should be to minimize the likelihood and 
magnitude of interruption of firm transfers or 
Firm Demand following Contingency events. 
Curtailment of firm transfers is allowed when 

VerDate Mar<15>2010 17:42 May 04, 2012 Jkt 226001 PO 00000 Frm 00029 Fmt 4700 Sfmt 4700 E:\FR\FM\07MYR1.SGM 07MYR1m
st

oc
ks

til
l o

n 
D

S
K

4V
P

T
V

N
1P

R
O

D
 w

ith
 R

U
LE

S



26688 Federal Register / Vol. 77, No. 88 / Monday, May 7, 2012 / Rules and Regulations 

14 NERC Data Response at 4. 

15 Transmission Planning Reliability Standards, 
Notice of Proposed Rulemaking, 76 FR 66229 (Oct. 
20, 2011), FERC Stats. & Regs. ¶ 32,683 (2011). 

16 NERC, The Edison Electric Institute (EEI), 
American Public Power Association (APPA), 
National Association of Regulatory Utility 
Commissioners (NARUC), ITC Holdings Corp. (ITC), 
Manitoba Hydro, California Department of Water 
Resources State Water Project (California SWP) 
Hydro One Networks, Inc and the Ontario 
Independent Electricity System Operator (Hydro 
One and IESO), Duke Energy Corporation (Duke), 
New York State Public Service Commission 
(NYPSC), Bonneville Power Administration (BPA), 
Kansas City Power & Light Company and KCP&L 
Greater Missouri Operations Company (KCPL), 
Midwest Independent System Operator, Inc. 
(MISO), Public Utility District No. 1 of Snohomish 
County, Washington (Snohomish), Transmission 
Access Policy Study Group (TAPS), Powerex Corp. 
(Powerex), and Florida Reliability Coordinating 
Council (FRCC). 

17 NERC Petition at 10. 
18 NERC Data Response at 7–9. 

achieved through the appropriate redispatch 
of resources obligated to re-dispatch, where 
it can be demonstrated that Facilities, 
internal and external to the Transmission 
Planner’s planning region, remain within 
applicable Facility Ratings and the re- 
dispatch does not result in the shedding of 
any Firm Demand. It is recognized that Firm 
Demand will be interrupted if it is: (1) 
directly served by the Elements removed 
from service as a result of the Contingency, 
or (2) Interruptible Demand or Demand-Side 
Management Load. Furthermore, in limited 
circumstances Firm Demand may need to be 
interrupted to address BES performance 
requirements. When interruption of Firm 
Demand is utilized within the planning 
process to address BES performance 
requirements, such interruption is limited to 
circumstances where the use of Demand 
interruption are documented, including 
alternatives evaluated; and where the 
Demand interruption is subject to review in 
an open and transparent stakeholder process 
that includes addressing stakeholder 
comments. 

7. NERC supplemented the filing on 
June 7, 2011, in response to a 
Commission deficiency letter. NERC 
explained that ‘‘the approach proposed 
in footnote ‘b’ is equally efficient 
because many of the stakeholder 
processes that will be used in footnote 
‘b’ planning decisions are already in 
place, as implemented by FERC in 
Order No. 890 and in state regulatory 
jurisdictions.’’ 14 NERC also pointed to 
state public utility commission 
processes or processes existing in local 
jurisdictions that address transmission 
planning issues that could serve to 
provide a case-specific review of the 
planned interruption of Firm Demand. 
According to NERC, such processes 
would more likely engage the 
appropriate local-level decision-makers 
and policy-makers. 

8. With respect to review and 
oversight by NERC and the Regional 
Entities, NERC submitted that an ERO- 
specific process would place the ERO in 
the position of managing and actively 
participating in a planning process, 
which conflicts with its role as the 
compliance monitor and enforcement 
authority. NERC also stated that neither 
the ERO nor the Regional Entities will 
review decisions regarding planned 
interruptions. Their role will be limited 
to reviewing whether the registered 
entity participated in a stakeholder 
process when planning to interrupt 
Firm Demand. NERC explained that 
Regional Entities will have oversight 
after-the-fact by auditing the entity’s 
implementation of footnote ‘b’ to 
determine if the entity planned on 
interrupting Firm Demand and whether 
the decision by the entity to rely on 

planned interruption of Firm Demand 
was vetted through the stakeholder 
process and qualified as one of the 
situations identified in footnote ‘b.’ 

9. Furthermore, NERC stated that an 
objective of the planning process should 
be to minimize the likelihood and 
magnitude of planned Firm Demand 
interruptions. NERC contended that, 
due to the wide variety of system 
configurations and regulatory compacts, 
it is not feasible for the ERO to develop 
a one-size-fits-all criterion for limiting 
the planned firm load interruptions for 
Category B events. According to NERC, 
the standards drafting team evaluated 
setting a certain magnitude of planned 
interruption of Firm Demand, but there 
was no analytical data to support a 
single value, and it would be viewed as 
arbitrary. 

D. Notice of Proposed Rulemaking 
10. On October 20, 2011, the 

Commission issued a Notice of 
Proposed Rulemaking (NOPR 15) 
proposing to remand NERC’s proposal 
to modify footnote ‘b.’ In the NOPR, the 
Commission stated that it believed that 
NERC’s proposal does not meet the 
directives in Order No. 693 and the June 
2010 Order and does not clarify or 
define the circumstances in which an 
entity can plan to interrupt Firm 
Demand for a single contingency. The 
Commission expressed concern that the 
procedural and substantive parameters 
of NERC’s proposed stakeholder process 
are too undefined to provide assurances 
that the process will be effective in 
determining when it is appropriate to 
plan for interrupting Firm Demand, 
does not contain NERC-defined criteria 
on circumstances to determine when an 
exception for planned interruption of 
Firm Demand is permissible, and could 
result in inconsistent results in 
implementation. The NOPR stated that 
the proposed footnote effectively turns 
the processes into a reliability standards 
development process outside of NERC’s 
existing procedures. Furthermore, the 
NOPR stated that regardless of the 
process used, the result could lead to 
inconsistent reliability requirements 
within and across reliability regions. 
While the Commission recognized that 
some variation among regions or entities 
is reasonable, there are no technical or 
other criteria to determine whether 
varied results are arbitrary or based on 
meaningful distinctions. 

11. The Commission proposed to 
provide further guidance on acceptable 
approaches to footnote ‘b’ and sought 

comment on certain options for revising 
footnote ‘b’, as well as other potential 
options to solve the concerns outlined 
in the NOPR. In response to the NOPR, 
comments were filed by seventeen 
interested parties.16 

II. Discussion 
12. For the reasons discussed below, 

the Commission concludes that NERC’s 
proposed TPL–002–0b does not meet 
the Commission’s Order No. 693 
directives, nor is it an equally effective 
and efficient alternative. Further, the 
Commission finds that the proposal is 
vague, potentially unenforceable and 
may lack safeguards to produce 
consistent results. On this basis, the 
Commission remands the proposal to 
NERC as unjust, unreasonable, unduly 
discriminatory or preferential and not in 
the public interest. Below, the 
Commission also provides guidance on 
acceptable approaches to footnote ‘b.’ 

13. The Commission adopts the 
proposed NOPR finding that the 
footnote ‘b’ process lacks adequate 
parameters. The Reliability Standard 
requires that, when planning to 
interrupt Firm Demand, the Firm 
Demand interruption must be ‘‘subject 
to review in an open and transparent 
stakeholder process that includes 
addressing stakeholder comments.’’ 17 
Without meaningful substantive 
parameters governing the stakeholder 
process, the enforceability of this 
obligation by NERC and the Regional 
Entities would be limited to a review to 
ensure only that a stakeholder process 
occurred. As NERC explained, Regional 
Entities’ involvement is limited to after- 
the-fact oversight by auditing the 
entity’s implementation of footnote ‘b’ 
to determine if the entity planned on 
interrupting Firm Demand and whether 
the decision by the entity to rely on 
planned interruption of Firm Demand 
was vetted through the stakeholder 
process and qualified as one of the 
situations identified in footnote ‘b.’ 18 
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From: Sparks, Robert <RSparks@caiso.com>
Sent: Wednesday, April 25, 2012 5:43 PM
To: Jontry, John; Barave, Sushant
Cc: Lin, Huang; Fernandez, Juan C; WSTEPALPHA@aol.com
Subject: RE: Request for clarification on CAISO planning standard

John,

Here is some information on ISO practices regarding load loss due to NERC Category B contingencies. 

ISO Grid Planning Standards follow the standards specified by NERC and WECC.  NERC TPL 002 states the 
following:

The Planning Authority and Transmission Planner shall each demonstrate through a valid assessment that its 
portion of the interconnected transmission system is planned such that the Network can be operated to supply 
projected customer demands and projected Firm (non-recallable reserved) Transmission Services, at all demand 
levels over the range of forecast system demands, under the contingency conditions as defined in Category B of 
Table I.

Within the current FERC approved version of the NERC Reliability Standard, TPL-002-0a, there is the existing footnote 
b) which states the following. 

b) Planned or controlled interruption of electric supply to radial customers or some local Network customers, connected to or supplied by the
Faulted element or by the affected area, may occur in certain areas without impacting the overall reliability of the interconnected transmission
systems. To prepare for the next contingency, system adjustments are permitted, including curtailments of contracted Firm (non recallable
reserved) electric power Transfers.

However when FERC approved the Reliability Standards in Order 693 it provided guidance with respect to non
consequential load loss which were to be brought forward in future submission for approval. NERC submitted in TPL
002 0b a revised to footnote b), however this has been remanded by FERC.



2

FERC recently remanded the proposed revision to TPL 002 footnote b because it includes a provision that allows for
planned load loss due to a single contingency. FERC found that this provision is vague, unenforceable and not
responsive to previous FERC directives on this matter. Please see , item 4 (FERC 693 directive) would provide further
support to your response. It’s referenced in http://www.ferc.gov/whats new/comm meet/2012/041912/E 8.pdf

Order No. 693 Directive

4. In Order No. 693, the Commission stated that it believes that the transmission planning 
Reliability Standard {TPL-002} should not allow an entity to plan for the loss of non-consequential 
firm load in the event of a single contingency.8 The Commission directed the ERO to develop certain 
modifications, including a clarification of Table 1, footnote ‘b.’ 

With this uncertainty regarding the applicability of footnote b, the ISO does not plan for load loss for category B
contingencies other than on:

radial supplied load within the allowable load levels identified in the ISO Planning Standards; and

interim basis prior to the completion of needed transmission upgrades.

Robert

From: Jontry, John [mailto:JJontry@semprautilities.com]
Sent: Friday, April 20, 2012 5:07 PM 
To: Barave, Sushant; Sparks, Robert 
Cc: Lin, Huang; Fernandez, Juan C; 'WSTEPALPHA@aol.com' 
Subject: Request for clarification on CAISO planning standard 

Sushant & Robert – Per our discussion last week with the gentleman working on the CPUC’s Cycle 6 audit. Attached is a
document outlining his methodology for the Value of Service (VOS) calculations he will be performing on several SDG&E
transmission projects, and a request for a short statement on the CAISO’s expectation for the use of VOS for project
justification. Please review and respond at your convenience.

Have a good weekend!

John M. Jontry, PE
Manager - SDG&E Electric Transmission Grid Planning
858-654-1577 vox
858-472-2751 mobile
858-654-1692 fax
jjontry@semprautilities.com

******************************************************************************************
***
The foregoing electronic message, together with any attachments thereto, is confidential and may be legally 
privileged against disclosure other than to the intended recipient. It is intended solely for the addressee(s) and 
access to the message by anyone else is unauthorized. If you are not the intended recipient of this electronic 
message, you are hereby notified that any dissemination, distribution, or any action taken or omitted to be taken 
in reliance on it is strictly prohibited and may be unlawful. If you have received this electronic message in error, 
please delete and immediately notify the sender of this error. 
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“We're only one small code or 

rule change away from being 
dead in the water, all of us.”
 –– Morten Lund, a partner at 

Stoel Rives LLP
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Rooftop solar finds out utilities can disrupt, too

By Michael Copley

There is a pervasive thought that U.S. utilities face disruptive risks as distributed solar moves into the mainstream. Utilities, the reasoning goes, could find 
themselves trapped in a "death spiral" in which declining demand puts pressure on revenues as costs hold or even increase. But as utilities move to 
shield themselves from that hazard, some say solar companies are the ones in the precarious position.

With the solar industry working to open new markets and speed up development, f ights between the two sides are playing out in statehouses and public 
utility commissions across the country.

Faced with slumping sales and increasing amounts of customer-generated power, utilities are pushing regulations broadly aimed at protecting their 
balance sheets and non-solar ratepayers, changing the rules of the game that have so far benefited solar companies. Some say those efforts could 
hollow out policies that are vital to rooftop solar and shake investor confidence in the sector.

"We're only one small code or rule change away from being dead in the water, all of us," Morten Lund, a partner at Stoel Rives LLP and co-chairman of 
the firm's Solar Energy Initiative, said at an October 2014 solar conference in Las Vegas.

That same month, Barclays Capital Inc. Managing Director Steven Berkenfeld told solar executives in Washington, D.C., that to continue attracting Wall 
Street money, the industry has to ensure favorable policies are not rolled back.

"People who want to be critical of the industry — from an analyst perspective, from an investor perspective — are worried about … additional costs that 
are going to be put onto distributed generation," Berkenfeld said.

Utilities, pursuing what they say are fairer and more transparent policies, have opened new fronts 
in a battle that solar advocates say once was fought almost exclusively over net-energy metering 
— a policy in many states that requires utilities to compensate ratepayers for surplus electricity 
they send from their solar panels back to the grid. Utilities are proposing higher fixed charges, 
solar-specific fees and lower compensation for customer-generated power. In some cases, they 
are trying to get into the residential solar business themselves.

Roadblocks to new markets

Wisconsin is one state to expose such vulnerabilities, with policymakers moving to tamp down the 
advantages of distributed solar before the industry could really take root.

In a stinging set of decisions in 2014, the Public Service Commission of Wisconsin gave the go-
ahead to hike fixed charges 82% for MGE Energy Inc. subsidiary Madison Gas and Electric Co.; 83% for Integrys Energy Group Inc. subsidiary Wisconsin
Public Service Corp.; and roughly 78% for Wisconsin Electric Power Co., a Wisconsin Energy Corp. subsidiary that along with Wisconsin Gas LLC does
business as We Energies.

The shift from variable to fixed charges is "the most evident and frankly the most troubling" approach utilities are taking to redesigning rates, Tom Starrs, 
vice president of market strategy and policy at Total SA subsidiary SunPower Corp., said at a December 2014 solar conference in San Diego. It "radically 
undermines the solar industry's value proposition to its customers," he said.

"If you make a fixed charge high enough, at some point … it tends to neutralize the benefits of net metering," Swami Venkataraman, a vice president and 
senior credit officer at Moody's, said an interview. Moody's has said higher fixed charges are credit positive for utilities because they make revenues 
more predictable.

Before voting in the Wisconsin cases, state Public Service Commissioner Ellen Nowak said she was looking for "innovative rate design ideas that assess 
… the cost to the cost causer." A commission spokesman, in an email, said Nowak for years has pushed for "a more fair and balanced fixed charge."

In at least one of the Wisconsin cases — We Energies' — regulators also approved a fixed demand charge on solar customers and lower utility 
payments for customer-generated power.



“ If you make a fixed charge 

high enough, at some point …
it tends to neutralize the 

benefits of net metering.”
 –– Swami Venkataraman, 

Moody's

“Any given state is potentially 

in play, even if unlikely, and 
they're all important.”

 –– Justin Barnes, a senior 
research analyst at Keyes Fox 

& Wiedman LLP

Before commissioners voted, SolarCity Corp. CEO Lyndon Rive 
warned that a solar market would not take hold in Wisconsin if the 
measures were approved, the Milwaukee Journal Sentinel reported.

After the vote, 
Bryan Miller, 
vice president 
of public policy 
and power 
markets at 
Sunrun Inc.,
echoed Rive. 
"Right now 
[Wisconsin] is not a solar market — there are less than 400 solar customers in the whole state. It 
has great potential to become a solar market. But … it's certainly the case that until this is 
reversed, no companies will enter the state, and the very few that are struggling to sell anything 
will cease to be able to do that," he said in an interview.

GTM Research Senior Vice President Shayle Kann said Wisconsin will not be the only state where "something like this" happens.

The Connecticut Public Utilities Regulatory Authority in December 2014 approved increased monthly fees on residential customers of Northeast Utilities
subsidiary Connecticut Light and Power Co. AES Corp. subsidiary Indianapolis Power & Light Co. is trying to increase rates with a shift toward higher 
fixed fees, a move that is becoming something of a trend in the Midwest, the Indianapolis Business Journal reported. And the utilities of Hawaiian
Electric Industries Inc. proposed increasing fixed charges and imposing a monthly solar charge.

"This is why things like cost reductions matter; this is why financial innovation matters; this is why … regulatory battles that are happening matter; 
because any given thing that doesn't go quite right can push a meaningful portion of the market out of the money," Kann said.

Rooftop solar companies also warn that utilities could hijack the market by forming residential solar operations inside of their regulated monopolies.

In December 2014, the Arizona Corporation Commission approved limited rooftop solar programs proposed by Pinnacle West Capital Corp. subsidiary
Arizona Public Service Co. and Fortis Inc. subsidiary Tucson Electric Power Co. While advocacy groups backed by big-name solar companies fought the 
proposals, saying they would kill competition and stifle innovation, some state regulators responded that the utilities could help create a more robust 
market by contracting with local installers that have felt boxed out by national competitors.

But it has not been all wins for utilities.

Solar advocates scored a victory when electric utilities in South Carolina signed onto a deal setting favorable net-metering terms in the state. The 
agreement shows the "strength and fairness" of such policies and is a sign of the difficulty utilities face in their "attempts to eliminate rooftop solar 
across the country," said Miller, who also is co-chairman of an advocacy group called The Alliance for Solar Choice.

Regulatory battlegrounds

For utilities, the idea is simple: A new technology and market entrant needs new policies. 

"Right now we have situations where our rates were designed based upon the way we built the 
service system 20 or 30 years ago. … They don't reflect the costs of doing business today," 
James Avery, senior vice president of power supply at Sempra Energy subsidiary San Diego Gas 
& Electric Co., said at the December 2014 solar conference in San Diego. "What we would like to 
do is for everything to be transparent and people to see our costs."

There is little reason to think the regulatory fights will end any time soon.

"It is, literally, a national conversation about net metering and cost shifting and rate design, and 
we're kind of past the point where the issue really respects state borders, and we're at the point 
where each individual action on the state level … has something of a precedential quality," Justin 
Barnes, a senior research analyst at Keyes Fox & Wiedman LLP, said at the October solar 
conference in Las Vegas. "Any given state is potentially in play, even if unlikely, and they're all 
important."

Expecting the Midwest to be a hotspot in 2015, Sunrun recently hired the former sustainability and solar program manager for the city of Milwaukee "to 
help lead the defense against monopolist utilities trying to eliminate the growing rooftop solar industry" in the region. Miller said the solar industry has 
already won the fight over net metering. But "I'm not suggesting utilities are going to stop trying to eliminate competition," he added. "This is a battle. It's 
just that they're losing."

David Raskin, a partner at Steptoe & Johnson LLP, said utilities have no choice but to continue looking for ways to recoup their investments. Net-metering
policies that compensate customers at the retail rate for their surplus solar power can keep utilities from recovering some of their infrastructure 
spending, according to EnerKnol Inc., an energy research and data firm.

"What investors have historically provided to this industry, they can refuse to provide; and they will refuse to provide capital to an industry that …
chooses to stop asking regulators for rates that fully recover costs," Raskin wrote in the November 2014 issue of Energy Law Journal. "Policies that 



“We've charged for electricity 

in the same way for a long, 
long time, and I think that many 

utilities and the regulators, 
frankly, think that these are too 

hard to change.”
 –– Owen Smith, principal at 
the Rocky Mountain Institute

restrict access to this capital are and will remain harmful to the public interest."

Agreeing to change, but not the change

Solar advocates and utilities generally agree that utility rates need reforming, but they differ on the specifics.

Higher fixed charges are "too simplistic," James Tong, vice president of strategy at Clean Power Finance, wrote in an email.

"When they assess a blunt fixed fee, utilities lose the levers they could otherwise use to influence consumer behavior to make the entire grid more cost 
effective," Tong wrote, adding that the grid should be treated as a marketplace where utilities make money through transaction or access fees.

Even in California, which IHS Technology expects will have the highest market share of annual 
solar power generation globally by the end of 2015, regulators are putting more thought into solar, 
asking, "Where are the places on the grid where there's extra value and how do we get to price" 
technology such as distributed generation and battery storage, California Public Utilities 
Commissioner Michael Picker said at the December 2014 solar conference in San Diego.

Intrinsic in that question is the idea that little strategy is going into siting and using new distributed 
solar generation.

Miller said time-of-use rates are an "excellent way of sending the right transparent price signals" 
to ratepayers. But Owen Smith, principal at the Rocky Mountain Institute, said utilities are 
approaching the issue with rate filings that they think are practical.

"We've charged for electricity in the same way for a long, long time, and I think that many utilities 
and the regulators, frankly, think that these are too hard to change, and that customers will never 
understand them, and that it will create a backlash if we go from a flat-rate structure to demand 
charges or time-varying rates and things of that sort," Smith said at the December 2014 solar 
conference in San Diego.

Moody's Senior Vice President Mihoko Manabe said utilities and regulators are not looking for ways to "stanch rooftop solar but to accommodate it, 
encourage it, while at the same time making sure that the issue of cost shifting is dealt with" and utilities are able to respond to shifting market dynamics.

Regulators are not likely to get rid of net metering, she said in an interview. But "it's going to be reformed, and it's going to be amended."

Room for accommodation?

In SEC filings, solar companies warn that regulatory and policy changes, including utility rate designs, could cause demand for their product to wane and 
markets to contract. Opinions vary over how much change those companies could withstand.

While Lund warned that the solar industry is "one small" change away from trouble, Venkataraman said companies have "some leeway."

"A lot of residential customers who are installing rooftop solar right now are kind of like the low-hanging fruit. It's quite profitable for [companies]," he 
said. "And in many cases, we know that it's more profitable than what they would consider to be their threshold return requirements, if you will. There is 
some leeway there … to maybe accept a slightly lower level of profitability than in the past. So it's not that it's a question of [having] losses or being 
profitable; there is something in between there as well."

SolarCity, which racked up $71.7 million in net losses attributable to stockholders during the first half of 2014, reported third-quarter 2014 net income of 
$19.2 million and a gross margin of 51%. "Our long-term value creation for shareholders has never been stronger," Rive and CFO Brad Buss wrote in a 
third-quarter 2014 shareholder letter.

In a Jan. 8 report, Deutsche Bank Securities Inc. said the rooftop solar sector will be a "key highlight" for the U.S. industry in 2015, with expanding 
margins going forward. However, the bank noted widespread uncertainty, with some utilities taking steps to compete with the likes of SolarCity and 
others lobbying against the sector. But if Arizona is any indication, policy fights should not slow solar deployment, analysts said. Arizona Public Service 
and the solar industry battled in 2013 over a utility proposal that ultimately led to a monthly 70-cents-per-kW surcharge — roughly $4.90 per month for 
customers with a 7-kW system — for APS ratepayers who install rooftop solar panels after Jan. 1, 2014.

"Arizona is generally considered one of the most contentious regions for debate in the U.S., yet solar leasing companies … have continued to ramp their 
installation rates despite this," Deutsche Bank analysts wrote.

New York State Public Service Commission Chair Audrey Zibelman said markets and regulations are likely to remain in a state of flux. "If anyone … is
sitting here and saying, 'This is going to be it,' it's not going to be it; things will change," she told a gathering of solar companies in Washington, D.C., in 
October 2014. "So everyone needs to be flexible in thinking about it."
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SolarCity sues Salt River Project over 'anti-competitive'
solar customer rates

By Jeff Stanfield

SolarCity Corp. filed suit in federal court late March 2, asking for a judicial order to stop Arizona's second-largest electric utility from imposing what the 
nation's largest solar provider terms an anti-competitive price plan that has made new solar rooftop installations prohibitively expensive for most of the 
utility's customers.

The Salt River Project's board of directors on Feb. 26 approved a new pricing plan designed to punish customers who choose to go solar, SolarCity 
contended. Any customers who install solar panels on their properties now have to pay additional demand and distribution charges that other SRP 
customers do not have to pay, including about 15,000 customers the board "grandfathered" in under old rates for the next 20 years.

"These discriminatory penalties add up to hundreds of dollars per year, and make a competitive rooftop solar business impossible within SRP territory," 
SolarCity said in a blog posted March 3 on its website.

Alleging an unlawful abuse of monopoly power, SolarCity said SRP has sabotaged the ability of its consumers to choose distributed solar since the 
unreasonable rates were first proposed to include all customers who install solar systems from Dec. 8, 2014, forward. Applications for distributed solar 
systems have fallen by 96% in SRP's service territory since that date, said SolarCity, which has more than 7,000 customers in that territory.

In the complaint for antitrust violations, SolarCity accuses SRP of violating federal and state antitrust laws and demands a jury trial, saying SRP is 
unlawfully seeking to preserve its existing monopoly over retail electric service by adopting punishing prices for new solar customers to eliminate 
competition from solar providers. SRP wants to keep its customers from generating any of their own power, according to the suit filed in the U.S. District 
Court for the District of Arizona.

Solar customers still need power from SRP at times when their energy demands exceed what their distributed solar systems produce, so they cannot 
completely disconnect from the grid and escape SRP's punitive rates, the complaint continues.

Payment of damages from SRP sought

"SRP has designed its price plan to make it irrational for any customer to obtain solar power from a competitor because SRP knows that every customer 
depends on it for some part of its power demand," SolarCity said in the complaint filed by attorney Richard Pocker of Boies Schiller & Flexner LLP, a 
national law firm that has won multibillion-dollar settlements in antitrust litigation.

In addition to seeking injunctive relief, SolarCity is seeking monetary damages, including treble damages, and is accusing SRP of damaging SolarCity's 
customer relationships and causing the company considerable economic harm.

SRP imposed charges for a typical solar customer of about $600 per year, thereby increasing the customer's bill about 65% compared to previous rates, 
SolarCity said. Those charges include a new distribution charge of either $12.44 or $37.88 per month, depending on whether the customer has service 
below or above 200 amps.

Also, for the typical solar customer profile provided by SRP, a new demand charge will range from about $30 per month in the winter to around $125 per 
month in the summer peak months. Customers without distributed solar face no demand charge at all, the complaint said.

In addition, SRP has substantially cut the value of its bill credits to customers who send power to the utility to re-sell to other customers under a net-
metering tariff.

For years SRP provided incentives averaging $4,000 per customer to encourage them to buy and lease distributed solar systems, but the new charges 
will amount to $12,000 more for a 20-year solar amortization period, compared to what existing "grandfathered" solar customers pay under the old rates, 
SolarCity said.

SRP has not justified the price increases to recoup reasonable grid-related costs from distributed solar customers, but rather to prevent solar companies 
from competing with the monopoly, the complaint alleged.

Salt River said to favor a powerful few

SRP was set up in 1903 to serve real property owners, especially those with large land holdings. Only real property owners can serve on SRP's board 
and only real property owners can vote for board members, according to the complaint. Their votes are counted in proportion to their land holdings. A 
third of SRP's customers are unable to vote because they do not own real estate.

"This structure encourages SRP to serve the private interests of landowners, particularly large landowners who value cheap water, at the expense of a 
broad base of electric customers," the complaint contended, charging that the utility uses profits from its electricity business to support its water 
operations.

In its 2014 fiscal year, SRP reported net revenues of $212.1 million and said $62.2 million from electric revenues were used to support water operations.



Because of the voting restrictions, SolarCity asserted that the hundreds of solar-supporting residents who turned out for the rate hearings had little 
impact on the board, as illustrated by the comments of numerous SRP customers who protested the new rates.

Solar City contended SRP's conduct substantially affects interstate commerce in that it harms competition from SolarCity and other out-of-state
companies, as well as new entry from out-of-state competitors. SRP, meanwhile, engages in interstate commerce by purchasing, delivering and selling 
electricity across state lines. For example, it owns interests in power plants in Colorado and New Mexico.

Until the latest rate proposal and decision, SRP had seen a steep increase in the number of solar systems installed in its territory. The district said the 
annual installation of residential solar systems increased from 1,344 systems in 2010 to 2,616 systems in 2013 and then jumped to 4,059 systems in 
2014, according to a Jan. 14 email from SRP spokeswoman Patricia Likens.

SolarCity said SRP received about 500 distributed-solar applications per month from May through October 2014, but between the time SRP published its 
proposed rate schedule on Dec. 12, 2014, and Jan. 15, 2015, it received just 20 distributed-solar applications.

A substantial negative impact has been seen on commercial and institutional customers, too. Maricopa Community Colleges officials unanimously agreed 
on Dec. 9 to have SolarCity install more than 12 MW of capacity across multiple solar installations, but SRP's establishment of the Dec. 8, 2014, 
retroactive date for its new solar charges sabotaged that agreement, SolarCity contended.

Commercial customers typically will pay a 2% annual penalty and lose net metering altogether if they install distributed solar. As a consequence, it will 
cost an average commercial customer $24,000 a year in new charges and penalties to install solar. Consequently, SRP has rendered it impossible for 
commercial, municipal and educational customers to obtain any viable return on new solar equipment, the complaint alleged.

SRP disputes SolarCity's claims

SRP spokesman Scott Harelson said by email on March 3 the utility "firmly rejects" SolarCity's meritless claims the utility's rate process and decision-
making were improper and contrary to law.

After an extensive three-month public process in which thousands of individuals and industry organizations provided input, SRP's publicly elected board
of directors approved the new price plan that ensures the utility is fairly recovering the costs necessary to continue to maintain and improve the electric 
grid for all of its customers, including rooftop solar customers, Harelson said.

"In fact, as SRP demonstrated throughout the public price process, the new price structure properly aligns costs and revenues with respect to the 
distributed generation customers," Harelson said. "SolarCity's lawsuit is without merit and [the price plan] will be aggressively defended. SolarCity's 
efforts to mischaracterize what the SRP board approved are unfortunate as is its filing of a meritless lawsuit."

SRP is confident its new price plan will be determined to be appropriate and that it will prevail in all such challenges to it, Harelson said.

Meanwhile, SRP will reach out and work with its distributed solar customers to assist them in managing their costs and will help them use new 
technologies for that purpose, he said.

He quoted SRP General Manager and CEO Mark Bonsall as saying the new price plan ensures fairness in arresting the cost-shift to the utility's 985,000 
non-solar customers.

"As a community-based, not-for-profit public power utility, SRP's obligation is to provide low-cost and reliable power to its more than 1 million customers," 
Bonsall said. "SRP has done so for generations of Arizona citizens and will continue to do so by seeking low-cost alternatives that provide maximum 
financial and reliability benefits for all of our nearly 1 million customers."
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Abstract

This report updates the 2009 meta-analysis  that provides estimates  of the value of service
reliability for electricity customers in the United States (U.S.). The meta-dataset now includes  34 
different  datasets from surveys fielded by 10 different  utility companies between 1989 and 2012. 
Because these studies used nearly identical interruption cost estimation or willingness-to- 
pay/accept methods,  it was possible to integrate  their results into a single  meta-dataset describing 
the value of electric service reliability observed in all of them. Once the datasets from the various 
studies were combined, a two-part regression model was used to estimate customer damage
functions  that can be generally applied to calculate  customer interruption costs per event by 
season, time of day, day of week, and geographical  regions within  the U.S. for industrial, 
commercial,  and residential customers.  This report focuses on the backwards stepwise selection 
process that was used to develop the final revised model for all customer classes. Across  
customer classes, the revised customer interruption cost model has improved  significantly because 
it incorporates more data and does not include  the many extraneous  variables  that were               
in the original  specification from the 2009 meta-analysis.  The backwards stepwise selection 
process led to a more parsimonious  model that only included  key variables,  while still achieving 
comparable out-of-sample predictive  performance.  In turn, users of interruption cost estimation 
tools such as the Interruption Cost Estimate  (ICE) Calculator will have less customer 
characteristics  information to provide and the associated inputs page will be far less
cumbersome.  The upcoming new version of the ICE Calculator  is anticipated  to be released
in 2015.
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Executive Summary

In 2009, Freeman, Sullivan & Co. (now Nexant) conducted a meta-analysis  that provided 
estimates  of the value of service reliability  for electricity  customers in the United States (U.S.). 
These estimates  were obtained by analyzing  the results from 28 customer value of service
reliability  studies conducted by 10 major U.S. electric utilities  over the 16-year period from 1989
to 2005. Because these studies used nearly identical interruption cost estimation or willingness- 
to-pay/accept methods, it was possible to integrate  their results into a single  meta-dataset
describing  the value of electric service reliability  observed in all of them. The meta-analysis  and 
its associated econometric  models were summarized  in a report entitled  “Estimated  Value of 
Service Reliability  for Electric  Utility  Customers in the United  States,”1 which was prepared for 
Lawrence Berkeley National Laboratory (LBNL) and the Office of Electricity Delivery  and 
Energy Reliability  of the U.S. Department  of Energy (DOE). The econometric  models were
subsequently integrated  into the Interruption Cost Estimate  (ICE) Calculator  (available  at
icecalculator.com),  which is an online  tool designed  for electric reliability  planners  at utilities, 
government  organizations  or other entities  that are interested in estimating interruption costs 
and/or the benefits  associated with reliability  improvements  (also funded  by LBNL and DOE).

Since the report was finalized  in June 2009 and the ICE Calculator was released in July 2011, 
Nexant, LBNL, DOE, and ICE Calculator  users have identified  several ways to improve the
interruption cost estimates  and the ICE Calculator  user experience. These improvements  include:

Incorporating more recent utility interruption cost studies;

Enabling the ICE Calculator  to provide estimates  for power interruptions  lasting 
longer than eight hours;

Reducing the amount of detailed customer characteristics  information that ICE
Calculator  users must provide;

Subjecting the econometric  model selection process to rigorous cross-validation 
techniques,  using the most recent model validation methods;2 and

Providing a batch processing feature that allows the user to save results and 
modify  inputs.

These improvements  will be addressed through this updated report and the upcoming new  
version of the ICE Calculator, which  is anticipated  to be released in 2015. This report provides 
updated value of service reliability  estimates  and details the revised  econometric  model, which is 
based on a meta-analysis  that includes  two new interruption  cost studies. The upcoming  new
version of the ICE Calculator will incorporate the revised econometric  model and include  a batch 
processing feature that will allow the user to save results and modify  inputs.

1 Sullivan, M.J., M. Mercurio, and J. Schellenberg (2009).  Estimated Value of Service Reliability for Electric Utility
Customers in the United States. Lawrence  Berkeley  National Laboratory Report No. LBNL-2132E.
2 For a discussion of these methods, see: Varian, Hal R. “Big Data: New Tricks for Econometrics.” Journal of
Economic Perspectives. Volume  28, Number 2. Spring 2014.  Pages 3–28.  Available here:
http://pubs .aeaweb.org/doi/pdfplus /10.1257/jep.28.2.3
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Updated Interruption  Cost Estimates

For each customer class, Table ES-1 provides the three key metrics that are most useful for 
planning purposes. These metrics are:

Cost per event (cost for an individual interruption for a typical customer3);
Cost per average kW (cost per event normalized  by average demand); and
Cost per unserved kWh (cost per event normalized  by the expected amount of unserved 
kWh for each interruption duration).

Cost per unserved kWh is relatively high for a momentary interruption because the expected 
amount of unserved kWh over a 5-minute  period is relatively  low.

In general,  even though the econometric  model has been considerably  simplified,  it produces 
similar  estimates  to those of the 2009 model. As in the 2009 study, medium and large C&I 
customers have the highest  interruption costs, but when normalized  by average kW, interruption 
costs are highest  in the small C&I customer class. On both an absolute and normalized  basis, 
residential  customers experience the lowest costs as a result of a power interruption.

Table ES-1: Estimated  Interruption Cost per Event, Average kW and Unserved kWh 
(U.S.2013$) by Duration  and Customer Class

Interruption Cost
Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours
Medium and Large C&I (Over 50,000 Annual kWh)

Cost per Event $12,952 $15,241 $17,804 $39,458 $84,083 $165,482

Cost per Average kW $15.9 $18.7 $21.8 $48.4 $103.2 $203.0

Cost per Unserved kWh $190.7 $37.4 $21.8 $12.1 $12.9 $12.7

Small C&I (Under 50,000 Annual kWh)

Cost per Event $412 $520 $647 $1,880 $4,690 $9,055

Cost per Average kW $187.9 $237.0 $295.0 $857.1 $2,138.1 $4,128.3

Cost per Unserved kWh $2,254.6 $474.1 $295.0 $214.3 $267.3 $258.0

Residential

Cost per Event $3.9 $4.5 $5.1 $9.5 $17.2 $32.4

Cost per Average kW $2.6 $2.9 $3.3 $6.2 $11.3 $21.2

Cost per Unserved kWh $30.9 $5.9 $3.3 $1.6 $1.4 $1.3

Table ES-2 shows how customer interruption costs vary by season and time of day, based on the
key drivers of interruption costs that were identified in the model selection process. For medium
and large C&I customers, interruption costs only meaningfully vary by season (summer vs. non- 
summer).  For medium and large C&I customers, the cost of a summer power interruption is

3 The interruption costs in Table ES- 1 are for the average-sized customer in the meta-database. The average annual
kWh usages for the respondents in the meta-database are 7,140,501  kWh for medium and large C&I customers,
19,214  kWh for small C&I customers and 13,351  kWh for residential customers.
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around 21% to 43% higher than a non-summer  one, depending  on duration (the percent
difference  lowers as duration increases). For small C&I customers, the seasonal pattern is 
the opposite, with the cost of summer  power interruptions  lower by around 9% to 30%,
depending on duration, season, and time of day. Small C&I interruption costs also vary by time
of day, with the highest  costs in the afternoon and morning.  In the evening  and nighttime,  small
C&I interruption costs are substantially lower, which makes sense given that small businesses 
typically operate during daytime hours. For residential customers, interruption costs are generally  
higher during  the summer and in the morning  and night  (10 PM to 12 noon). The table  also 
includes  a weighted-average  interruption cost estimate  (equal to the cost per event estimates in 
Table ES-1), which is weighted  by the proportion of hours of the year that each interruption 
scenario represents, depending on season and time of day. This weighted-average  interruption 
cost estimate is most appropriate to use for planning purposes, unless the distribution of 
interruptions  by season and time of day is known and accounted for in the analysis.

Table ES-2: Estimated  Customer Interruption Costs (U.S.2013$) by Duration,  Timing of
Interruption and Customer Class

% of
Timing of Interruption Hours

per Year

Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Medium and Large C&I

Summer 33% $16,172 $18,861 $21,850 $46,546 $96,252 $186,983

Non-summer 67% $11,342 $13,431 $15,781 $35,915 $77,998 $154,731

Weighted Average $12,952 $15,241 $17,804 $39,458 $84,083 $165,482

Small C&I

Summer Morning 8% $461 $569 $692 $1,798 $4,073 $7,409

Summer Afternoon 7% $527 $645 $780 $1,954 $4,313 $7,737

Summer Evening/Night 18% $272 $349 $440 $1,357 $3,518 $6,916

Non-summer Morning 17% $549 $687 $848 $2,350 $5,592 $10,452

Non-summer Afternoon 14% $640 $794 $972 $2,590 $5,980 $10,992

Non-summer Evening/Night 36% $298 $388 $497 $1,656 $4,577 $9,367

Weighted Average $412 $520 $647 $1,880 $4,690 $9,055

Residential

Summer Morning/Night 19% $6.8 $7.5 $8.4 $14.3 $24.0 $42.4

Summer Afternoon 7% $4.3 $4.9 $5.5 $9.8 $17.1 $31.1

Summer Evening 7% $3.5 $4.0 $4.6 $9.2 $17.5 $34.1

Non-summer Morning/Night 39% $3.9 $4.5 $5.1 $9.8 $17.8 $33.5

Non-summer Afternoon 14% $2.3 $2.7 $3.1 $6.2 $12.1 $23.7

Non-summer Evening 14% $1.5 $1.8 $2.2 $5.0 $10.8 $23.6

Weighted Average $3.9 $4.5 $5.1 $9.5 $17.2 $32.4

xiii
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Study Limitations

As in the 2009 study, there are limitations to how the data from this meta-analysis should be
used. It is important to fully understand these limitations, so they are further described in this 
section and in more detail in Section 6. These limitations  are:

Certain very important  variables  in the data are confounded among the studies we
examined.  In particular,  region of the country and year of the study are correlated in  
such a way that it is impossible  to separate the effects of these two variables  on customer
interruption costs;
There is further  correlation  between regions and scenario  characteristics.  The sponsors of 
the interruption cost studies were generally interested in measuring interruption costs for 
conditions  that were important  for planning their specific  systems.  As a result,  
interruption conditions  described in the surveys for a given region tended to focus
on periods of time when interruptions  were more problematic  for that region;
A further limitation of our research is that the surveys that formed the basis of the studies 
we examined  were limited  to certain parts of the country.  No data were available  from
the northeast/mid-Atlantic  region, and limited  data were available  for cities along the
Great Lakes;
Another caveat is that around half of the data from the meta-database is from surveys 
that are 15 or more years old. Although  the intertemporal analysis  in the 2009 study 
showed that interruption costs have not changed significantly over time, the outdated 
vintage  of the data presents concerns that, in addition to the limitations  above,
underscore the need for a coordinated, nationwide  effort that collects interruption cost
estimates  for many regions and utilities  simultaneously,  using a consistent  survey design 
and data collection method; and
Finally,  although the revised model is able to estimate costs for interruptions  lasting 
longer than eight hours, it is important  to note that the estimates  in this report are not
appropriate for resiliency  planning.  This meta-study focuses on the direct costs that
customers experience as a result of relatively short power interruptions  of up to 24 hours 
at most. For resiliency considerations  that involve  planning for long duration
power interruptions  of 24 hours or more, the nature of costs change and the indirect, 
spillover  effects to the greater economy must be considered.4 These factors are not
captured in this meta-analysis.

4 For a detailed study and literature review on estimating the costs associated with long duration power interruptions
lasting 24 hours to 7 weeks, see: Sullivan, Michael and Schellenberg, Josh. Downtown San Francisco Long
Duration Outage Cost Study. March 27, 2013.  Prepared for Pacific Gas  & Electric  Company.
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1. Introduction

In 2009, Freeman, Sullivan & Co. (now Nexant) conducted a meta-analysis  that provided 
estimates  of the value of service reliability  for electricity  customers in the United States (U.S.). 
These estimates  were obtained by analyzing  the results from 28 customer value of service
reliability  studies conducted by 10 major U.S. electric utilities  over the 16-year period from 1989
to 2005. Because these studies used nearly identical interruption cost estimation or willingness- 
to-pay/accept methods, it was possible to integrate  their results into a single  meta-dataset
describing the value of electric service reliability  observed in all of them. Once the datasets from
the various studies were combined,  a two-part regression  model was used to estimate  customer
damage functions  that can be generally applied to calculate  customer interruption costs per event
by season, time of day, day of week, and geographical  regions within  the U.S. for industrial, 
commercial,  and residential customers. The meta-analysis  and its associated econometric  models
were summarized  in a report entitled  “Estimated  Value of Service Reliability  for Electric  Utility 
Customers in the United  States,”5 which was prepared for Lawrence Berkeley National
Laboratory (LBNL) and the Office of Electricity  Delivery  and Energy Reliability  of the U.S.
Department  of Energy (DOE). The econometric  models were subsequently  integrated  into the
Interruption Cost Estimate  (ICE) Calculator  (available  at icecalculator.com),  which is an online
tool designed for electric  reliability planners at utilities,  government  organizations  or other 
entities  that are interested in estimating interruption costs and/or the benefits  associated with 
reliability improvements  (also funded by LBNL and DOE).

Since the report was finalized  in June 2009 and the ICE Calculator was released in July 2011, 
Nexant, LBNL, DOE, and ICE Calculator  users have identified  several ways to improve the
interruption cost estimates  and the ICE Calculator  user experience. These improvements  include:

Incorporating more recent utility interruption cost studies;

Enabling the ICE Calculator  to provide estimates  for power interruptions  lasting 
longer than eight hours;

Reducing the amount of detailed customer characteristics  information that ICE
Calculator  users must provide;

Subjecting the econometric  model selection process to rigorous cross-validation 
techniques,  using the most recent model validation methods;6 and

Providing a batch processing feature that allows the user to save results and 
modify  inputs.

These improvements  will be addressed through this updated report and the upcoming new  
version of the ICE Calculator, which  is anticipated  to be released in 2015. This report provides 
updated value of service reliability  estimates  and details the revised  econometric  model, which is 
based on a meta-analysis  that includes  two new interruption  cost studies. The upcoming  new

5 Sullivan, M.J., M. Mercurio, and J. Schellenberg (2009).  Estimated Value of Service Reliability for Electric Utility
Customers in the United States. Lawrence  Berkeley  National Laboratory Report No. LBNL-2132E.
6 For a discussion of these methods, see: Varian, Hal R. “Big Data: New Tricks for Econometrics.” Journal of
Economic Perspectives. Volume  28, Number 2. Spring 2014.  Pages 3–28.  Available here:
http://pubs .aeaweb.org/doi/pdfplus /10.1257/jep.28.2.3
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version of the ICE Calculator will incorporate the revised econometric  model and include  a batch 
processing feature that will allow the user to save results and modify  inputs.

1.1 Recent Interruption Cost Studies

Since conducting the meta-analysis  in 2009, there have been two large interruption cost surveys 
in the U.S., one in the southeast and another in the west. The 2011 study in the southeast
involved  a systemwide  interruption cost survey of over 3,300 residential and small/medium
business customers and nearly 100 in-person interviews  of large business customers.  The 2012 
study in the west involved  a systemwide  interruption cost survey of nearly 2,700 residential  and 
small/medium  business customers and 210 in-person interviews  of large business  customers.
Although the basic survey methodology is similar  to previous work, the 2012 interruption cost
study in the west featured several noteworthy  methodological improvements.  In particular,  a
dynamic  survey instrument  design for that study produced interruption cost estimates  from 5 
minutes  to 24 hours, for weekdays and weekends and across many different  times of the day 
(morning,  afternoon,  evening  and night).  As such, incorporating  the 2012 data and re-estimating 
the underlying  econometric  models will enable the ICE Calculator  to estimate  costs for 
interruptions  lasting longer than 8 hours, which will address one of the improvements  above.

Table 1-1 provides an updated inventory of interruption cost studies that are included  in the
meta-dataset. The number of observations  for each study is provided along with the minimum
and maximum duration of power interruption scenarios in each study. Altogether,  the meta- 
dataset now includes  34 different  datasets from surveys fielded  by 10 different  utility companies 
between 1989 and 2012, totaling  over 105,000 observations.7   Some of the utilities  surveyed  all
three customer types – medium and large commercial  and industrial (C&I), small C&I, and 
residential  – while others did not. In some cases there was only one dataset for C&I customers, 
in which case they were sorted into medium and large C&I or small C&I according to electricity
usage. The split between small C&I and medium/large  C&I is at 50,000 annual kWh. In total, the
meta-dataset includes  44,328 observations  for medium and large C&I customers,  27,751 
observations  for small C&I customers and 34,212 observations  for residential customers.  Each 
observation corresponds to a response for a single  power interruption scenario. The surveys 
usually included  four to six power interruption scenarios.

Table 1-1: Updated Inventory of Interruption Cost Studies in the Meta-dataset

Utility
Company

Survey
Year

Number of Observations
Min.

Duration
(Hours)

Max.
Duration
(hours)

Medium
and Large

C&I
Small C&I Residential

Southeast-1 1997 90 0 1

Southeast-2
1993 3,926 1,559 3,107 0 4

1997 3,055 2,787 3,608 0 12

Southeast-3 1990 2,095 765 0.5 4

7 To the knowledge of the authors, this dataset includes nearly all large power interruption cost studies that have
been conducted in the US. Some studies may not have been included for data confidentiality reasons.



17

Utility
Company

Survey
Year

Number of Observations
Min.

Duration
(Hours)

Max.
Duration
(hours)

Medium
and Large

C&I
Small C&I Residential

2011 7,941 2,480 3,969 1 8

Midwest-1 2002 3,171 0 8

Midwest-2 1996 1,956 206 0 4

West-1 2000 2,379 3,236 3,137 1 8

West-2

1989 2,025 5 0 4

1993 1,790 825 2,005 0 4

2005 3,052 3,223 4,257 0 8

2012 5,342 4,632 4,106 0 24

Southwest 2000 3,991 2,247 3,598 0 4

Northwest-1 1989 2,210 2,126 0.25 8

Northwest-2 1999 7,091 4,299 0 12

= Recently incorporated data

Prior to adding the 2012 West-2 survey, the meta-dataset included  power interruption scenarios 
with durations  of up to 12 hours. However, the 2009 model for each customer class estimated 
interruption costs that reached a maximum at 8 hours, and then the estimated interruption costs 
would decrease, which indicated  that the prior model clearly did not provide reliable  predictions 
beyond 8 hours (i.e., it is unreasonable  that a 9-hour power interruption would cost less than an 
8-hour one). As discussed in Sections 3 through  5, for interruptions  from 8 to 16 hours, the new 
model produces estimates that are more reasonable and show gradually increasing costs up to 16 
hours. This improvement  in model performance  is attributed  to the addition of the 24-hour 
interruption scenarios (2012 West-2) and to the much simpler  model specification that resulted 
from the rigorous selection process.

Although the revised model is able to estimate costs for interruptions  lasting longer than 8 hours, 
it is important  to note that the estimates  in this report are not appropriate for resiliency  planning.
This meta-study  focuses on the direct costs that customers experience as a result of relatively 
short power interruptions  of up to 24 hours at most. In fact, the final models and results that are
presented in Sections 3 through  5 truncate the estimates  at 16 hours, due to the relatively  few 
number of observations  beyond 12 hours (scenarios of more than 12 hours account for around 
2% to 3% of observations  for all customer classes). For resiliency considerations  that involve
planning for long duration power interruptions  of 24 hours or more, the nature of costs change
and the indirect,  spillover  effects to the greater economy must be considered.8    These factors are
not captured in this meta-analysis.

8 For a detailed study and literature review on estimating the costs associated with long duration power interruptions
lasting 24 hours to 7 weeks, see: Sullivan, Michael and Schellenberg, Josh. Downtown San Francisco Long
Duration Outage Cost Study. March 27, 2013.  Prepared for Pacific Gas  & Electric  Company.
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As discussed in Section 6, another caveat is that this meta-analysis  may not accurately  reflect
current interruption costs, given that around half of the data in the meta-database is from surveys 
that are 15 or more years old. To address this issue, the 2009 study included  an intertemporal
analysis,  which suggested that interruption costs did not change significantly throughout  the
1990s and early 2000s. However, during  the past decade in particular,  technology trends may 
have led to an increase in interruption costs. For example, home and business life  has become
increasingly reliant  on data centers and “cloud” computing,  which  may have led to an increase
in interruption costs for both producers and consumers  of these services. Therefore, the outdated
vintage  of the data presents concerns that underscore the need for a coordinated, nationwide
effort that collects interruption cost estimates for many regions and utilities  simultaneously,
using a consistent  survey design and data collection method.

1.2 Re-estimating Econometric Models

Using the new meta-dataset, Nexant re-estimated the econometric  models that relate interruption 
costs to duration,  customer characteristics  such as annual kWh, and other factors. Nexant then 
compared the results of the original model specification to those of several alternatives  that
included  a reduced number of variables.  This model selection process addressed another ICE
Calculator  improvement  – reducing the amount of detailed customer characteristics  information 
that ICE Calculator users must provide, which  has been a significant  barrier to the tool’s use.
When the econometric  models were originally estimated  in 2009, statistical  significance  was the
focus of the analysis  and, due to the large number of observations  in the meta-dataset, many of 
the customer characteristics  variables  were statistically significant  in the model, even if the
marginal  effect of the variable  was negligible  and/or collinear  with other variables.  Basically, 
many of the variables  in the original specification were statistically significant,  but not
practically significant.  In re-estimating the models, Nexant focused on the practical significance
of each variable by conducting  sensitivity  tests to determine  which variables  have a substantive
impact on the interruption cost estimates.  Nexant also employed more recent model selection 
methods that have been developed since 2009, which  significantly  improved  the rigor with which 
variables  were selected for the model. This process led to a more parsimonious  model that only 
included  key variables.  In turn, ICE Calculator  users will have less customer characteristics 
information to provide and the associated inputs  page will be far less cumbersome.

1.3 Overview of Model Selection Process

Figure 1-1 provides an overview  of the model selection process. The entire dataset of  
interruption cost estimates  for each customer class is first randomly divided into a test dataset
(10% of the entire dataset) and a training dataset (the remaining 90%). The training dataset is 
used to train the model, which refers to the process of selecting  variables for the final
specification.  The test dataset is excluded from the model training process so that it can be used
as a test of the final model performance  on unseen data, which refers to data that is completely 
separate from the model training process. Next, the training dataset is randomly divided into 10 
equally sized parts. Then, each candidate model specification is estimated on nine of 10 parts of 
the training dataset. The estimated coefficients  for each candidate model specification are
subsequently used to predict interruption costs on the tenth part of the training dataset. This 
process, which is referred to as 10-fold cross-validation,  is repeated nine times while withholding 
one of the remaining nine parts of the training dataset each time. Relevant accuracy metrics for
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each model specification are computed for each of the 10 parts of the training dataset. Those
accuracy metrics are ranked to determine  the final model specification through a backwards 
stepwise selection process. Next, the final model specification is run on the entire training dataset
and the estimated coefficients  are used to predict interruption costs for the test dataset. Relevant
accuracy metrics for the test dataset are also computed. If model performance  on the test dataset
is similar,  the final specification is then estimated on the entire dataset and those estimated 
coefficients  make up the final model. This process is conducted for each of the three customer
classes separately.

Figure 1-1: Overview of Model Selection Process

1.4 Variable Definitions and Units

There are many variables that are common among customer classes, so all variable definitions 
and units are provided in this section. Table 1-2 provides the units and definitions of variables 
that are used in the models for all customer classes.
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Table 1-2: Units and Definitions  of Variables  for All Customer Classes
Variable

Name Variable  Definition Units

annual MWh Annual MWh of customer MWh

duration Duration of power interruption scenario Minutes

time of day Time of day of power interruption scenario
Categorical – Morning (6 AM to 12 PM);

Afternoon (12 to 5 PM; Evening (5 to 10 PM);
Night (10 PM to 6 AM)

weekday Time of week of power interruption scenario Binary – Weekday = 1; Weekend = 0

summer Time of year of power interruption scenario Binary – Summer = 1; Non-summer = 0

warning Whether power interruption scenario had advance warning Binary – Warning = 1; No warning = 0

Table 1-3 provides the units  and definitions  of variables that are used in the models for both  
the small and medium/large  C&I customer classes. For both C&I customer classes, the model
selection process begins with separate variables for all eight of the industry  groups in the table, 
with Agriculture,  Forestry  & Fishing  as the reference category by default.  However, given that
each industry group is tested separately for inclusion in the model, only one or two industry 
variables  may remain  in the final model, in which case the dropped industry variables  are
relegated to the reference category. Within the reference category, there may be multiple
industries  with presumably varying interruption costs, but if the model selection process has 
shown that there are not any meaningful  differences  within  the industries  in the reference
category, those industry  variables  will be grouped together. The same logic applies for other 
categorical variables.

Table 1-3: Units and Definitions  of Variables  for C&I Customers
Variable

Name Variable  Definition Units

industry Customer business type, based on NAICS or SIC code

Categorical – Agriculture, Forestry & Fishing; 
Mining; Construction; Manufacturing;

Transportation, Communication & Utilities;
Wholesale & Retail Trade; Finance, Insurance

& Real Estate; Services; Public 
Administration; Unknown

backup
equipment

Presence of backup equipment at facility
Categorical – None; Backup Gen or Power 

Conditioning; Backup Gen and Power 
Conditioning

Finally,  Table 1-4 provides the units and definitions  of variables  that are only used in the
residential  customer models.
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Table 1-4: Units and Definitions  of Variables  for Residential Customers
Variable

Name Variable  Definition Units

household
income Household income $

medical equip. Presence of medical equipment in home Binary – Medical equipment = 1; No medical 
equipment = 0

backup
generation

Presence of backup generation in home Binary – Backup = 1; No backup = 0

outage in last 
12 months

Interruption of longer than 5 minutes within past year Binary – Yes = 1; No = 0

# residents X-Y Number of residents in home within X-Y age range Number of people

housing Type of housing
Categorical – Detached; Attached; 

Apartment/Condo; Mobile; Manufactured; 
Unknown

1.5 Report Organization

The remainder  of this report proceeds as follows.  Section 2 summarizes  the regression  modeling 
methodology and selection process that applies to all three customer classes – medium and large
C&I, small C&I and residential.  This is followed by three sections that describe the final model
selection and provide the final regression coefficients  for each customer class. Finally,  Section 6 
describes some of the study’s limitations.
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2. Methodology

This section summarizes  the study methodology,  including the regression model structure and 
selection process.

2.1 Model Structure

A two-part regression model was used to estimate  the customer interruption cost functions  (also 
referred to as customer damage functions).  This is the same class of model used in the previous 
meta-study. The two-part model assumes that the zero values in the distribution of interruption 
costs are correctly observed zero values, rather than censored values. In the first step, a probit
model is used to predict the probability that a particular  customer will report any positive  value
versus a value of zero for a particular  interruption scenario. This model is based on a set of 
independent  variables  that describe the nature of the interruption as well as customer 
characteristics.  The predicted probabilities  from this first stage are retained. In the second step, 
using a generalized  linear model (GLM), interruption costs for only those customers who report
positive  costs are related to the same set of independent  variables  used in the first stage.
Predictions  are made from this model for all observations,  including those with a reported 
interruption cost of zero. Finally,  the predicted probabilities  from the first part are multiplied  by 
the estimated interruption costs from the second part to generate the final interruption cost
predictions.

The functional  form for the second part of the two-part model must take into account that the
interruption cost distribution is bounded at zero and extremely right skewed (i.e. it has a long 
tail in the upper end of the distribution).  Ordinary least squares (OLS) is not an appropriate
functional  form given these conditions.  A simple way to define the customer damage function 
given the above constraints  is to estimate the mean interruption cost, which is linked to the
predictor variables  through a logarithmic  link function using a GLM.

The parameter values in the two-part model cannot be directly  interpreted in terms of their 
influence  on interruption costs because the relationships  are among the variables  in their 
logarithms.  However, the estimated model produces a predicted interruption cost, given the
values of variables  in the models. To analyze  the magnitude  of the impact of variables  in the
model on interruption cost, it is necessary to compare the predictions  made by the function under 
varying assumptions.  For example,  it is possible to observe the effect of duration on interruption 
cost by holding the other variables  constant at their sample means. In this way one can predict
average customer interruption costs of varying durations  holding other factors constant
statistically.

For a more detailed discussion of the two-part model, its functional form and the reasons why it
is most appropriate for this type of data, refer to the methodology section of the 2009 report.

2.2 Summary  of Model Selection Process

Nexant aimed to estimate a more parsimonious  model that only included  key predictor variables. 
This facilitates  interruption cost estimation by simplifying the ICE Calculator  interface  and
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reducing the burden that ICE Calculator users face in providing  numerous,  accurate customer
characteristics  information.  This section first outlines  the steps involved  in the model selection 
process that Nexant undertook, followed  by a more detailed  exposition of the problem at hand, 
and a justification for the method.

To select a more parsimonious  model, Nexant conducted the following steps for each of the three
customer classes:

1. Randomly sample 10% of the data and hold it out as the test dataset (assign other 90% as 
the training  dataset);

2. Split training dataset into 10 randomly  assigned, equally sized parts;
3. Start with the original specification (the global model) and identify model variables  that

are candidates for removal (all variables except ineligible  lower power terms);

4. Remove one of the eligible  model variables  to yield a new model;
5. Estimate  model on nine of 10 parts of the training dataset and retain estimates;

6. Use retained estimates  from step 5 to predict on the tenth part of the training  dataset,
computing relevant  accuracy metrics;

7. Repeat steps 5 and 6, cycling over each of the remaining 9 parts of the training dataset;

8. Take the average and standard deviation  of the accuracy metrics from the predictions  for 
each of 10 parts of the training dataset;

9. Repeat steps 4 through 8, for each possible candidate variable  for removal;
10. Use saved accuracy metrics to rank models;
11. Exclude from the global model the variable, which when dropped, produced estimates 

that outperformed  the rest;
12. Repeat steps 2 through 11 until only a constant remains;

13. Inspect results and select model that is parsimonious,  yet sufficiently accurate according 
to the out-of-sample  accuracy metrics described above; and

14. Test final model against the original  global model using the test dataset to estimate
model’s performance on unseen data (ensures that the model predicts well for data that
was not included  in the model training  process).

As discussed in Section 1, this model selection  process draws from the recent model selection 
methods that have been developed since 2009,9 which significantly  improves  the rigor with 
which variables  are selected for the model. The remainder  of this section describes this process
in more detail.

9 For a discussion of these methods, see: Varian,  Hal R. “Big  Data: New Tricks for Econometrics.” Journal of
Economic Perspectives. Volume  28, Number 2. Spring 2014.  Pages 3–28.  Available here:
http://pubs .aeaweb.org/doi/pdfplus /10.1257/jep.28.2.3
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2.3 Details of Model Selection Process

A model selection problem involves  choosing a statistical model from a set of candidate models, 
given some data. In this case, the data were the pre-existing set of interruption cost surveys for 
each customer class. Nexant selected a candidate set of models that included  the original model
specification from the 2009 study, henceforth referred to as the global model, as well as all
models that were nested in the global model, that is to say all models that occur when removing 
one of more predictor variables  from the global model. This candidate set is appropriate for 
several reasons. First of all, nearly all of the variables  that were available  in the meta-dataset
were already included  in the global model. Secondly,  all the variables in the global model are
plausibly related to interruption costs, and are not simply spuriously correlated. For example, it is 
reasonable to conclude that a resident with medical equipment  that requires a power supply 
would be willing to pay more to avoid a power interruption than a resident without  such medical
equipment.  Similar  conclusions  can be made for the other predictor variables  in the global
model, across sectors, making all of them viable to include  in candidate models. Furthermore,
to introduce  candidate models that feature predictors not already included  in the global model, 
such as new characteristics  or higher  power terms, would make the task of selecting  a more
parsimonious  model significantly more challenging.  Adding new predictors to candidate models 
not only increases the complexity  of those candidate models, but the number of candidate models
increases exponentially,  making selecting among them computationally challenging.10   It
therefore makes practical sense to limit  the predictors used in candidate models to those used in 
the global model. Also in the interest of simplifying  the selection  process, Nexant restricted the
specifications  of the probit and GLM models to be identical.  This was the same form that the
original  regression model took.

Nexant developed an iterative  process to choose among the candidate set of models. This is a
backwards stepwise selection method that parses down the global model one variable at a time. 
At each step of the process, a variable  is removed from the prior model (the global model in the
first step) and the resulting  model is evaluated  in out-of-sample  tests using a variety  of metrics. 
This is performed  for all possible variables  that can be excluded, and the model that performs 
best on average across the various metrics is retained, or rather its exclusion is retained, and 
becomes the prior model in the next step of the process. (Alternatively,  one can consider the
excluded  variable as that which diminished  the performance of the global model the least, 
relative  to the other possible exclusions,  although it was often the case that the performance
improved.)   The outcome at each step is carefully examined  to determine  whether an acceptably 
parsimonious  model has been selected, and whether excluding a particular  variable will severely
diminish the model’s predictive  power, in which case that variable  is retained in the final model.

The selection  process uses rigorous  out-of-sample  testing to evaluate the performance of various 
models and ensure that the final model is not over-fitted.11    Nexant divided  the sample into a
training dataset, used to fit models; a validation dataset, used to compare models; and a test

10 It can be shown that a global model with n predictors has 2n – 1 possible nested models. Furthermore,  when m
new predictors are added to the global model, the number of possible nested models increases by (2m – 1)2n.
11 Over-fitting  occurs when a model describes random variation in the data. The problem manifests itself through
good predictive performance on the fitted data, but poor predictive performance  on unseen data that the model was
not fitted to.



25

dataset, used as a final independent  test to show how well the selected model will generalize  to 
unseen data. The test dataset comprised 10% of the sample, and was “held out” throughout  the
model fitting and selection process. At each step of the selection process, the models were
compared using 10-fold cross-validation.  Ten-fold cross-validation divides  the remaining sample
data into ten equal size subsamples. Nine of those subsamples  are used as the training dataset to 
fit the model, and the tenth is used to validate  the performance  of that fitted  model and choose
among models. This process is repeated ten times with each of the subsamples  used once to 
validate  the fitted model. This method  reduces the likelihood  of over-fitting  the model by using 
unseen data in the validation step; models that generalize  well to new data will be selected over 
those that do not. Furthermore,  by “folding” the data and iterating over subsamples,  each
observation is used exactly once in the validation step, so all of the available  data (other than
the 10% in the test dataset) are used to select models.

Rather than rely on a single  metric to select a model, Nexant computed several metrics,  ranked 
models by each of these metrics, then averaged the ranks to give an overall rank across metrics. 
Root-mean-square error (RMSE), mean absolute error (MAE), and the coefficient  of 
determination (R-squared) are computed in out-of-sample  tests. RMSE measures the average
prediction error of a model. The differences  between observed and predicted values are
computed, squared, and then averaged before the square root is taken to correct the units.
Because errors are squared before the average, RMSE penalizes  larger errors more than smaller 
errors. MAE also measures the average prediction error of a model. The differences  between
observed and predicted values are computed, their absolute value is taken, and then the absolute
errors are averaged. Errors of every magnitude  are penalized  equally.  In the case of both RMSE
and MAE, values range from zero to infinity,  and smaller  values are preferred. R-squared 
measures the fraction of variation of the dependent variable that is explained  by a model. Its 
values range from 0 to 1, and a larger value is preferred. At each step, an information theoretic
approach is also used to produce a fourth ranking of models that is incorporated  into the average.
This ranking uses Akaike’s Information Criterion (AIC), which is an estimate of the expected, 
relative  distance between the fitted  model and the unknown true mechanism that generated the
observed data. It is a measure of the information that is lost when a model is used to approximate
the true mechanism.  A thorough  exposition  of the relative  advantages and disadvantages  of these
different  metrics is beyond the scope of this report. That said, by averaging the ranks obtained 
from each metric and choosing an overall winner, Nexant does not prioritize  minimizing  one
kind of error over another, but rather adopts a holistic  approach.
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3. Medium and Large C&I Results

This section summarizes  the results of the model selection process and provides the model
coefficients  for medium and large C&I customers, which are C&I customers with annual usage
of 50,000 kWh or above.

3.1 Final Model Selection

The global model for medium and large C&I customers is shown below:

Interruption cost is expressed as a function of various explanatory variables.  Note that the
dependent variables  differ between the probit and GLM models; hence the above equation 
expresses the two-part model in its most general form. Industry, time of day and backup 
equipment  are all categorical variables,  and their respective categories are shown in Table 3-1 
below. As is typical in indicatory  coding, the first category within  each categorical variable  is not
included  explicitly  as a binary variable,  but rather serves as a reference category.

Table 3-1: Breakdown of Categorical Variables Featured in Global Model –
Medium and Large C&I

Variable Categories

industry
Agriculture, Forestry & Fishing; Mining; Construction; Manufacturing; Transportation, 
Communication & Utilities; Wholesale & Retail Trade; Finance, Insurance & Real Estate;
Services; Public Administration; Unknown

time of day Night (10 PM to 6 AM); Morning (6 AM to 12 PM); Afternoon (12 to 5 PM); Evening (5 to 10 PM)

backup equipment None; Backup Gen or Power Conditioning; Backup Gen and Power Conditioning

The global model was successfully parsed down to only key variables.  In selecting  among 
variables,  categorical variables  were not treated as a set (either all or none removed),  but rather
each binary variable  was removed one at a time. This allowed  for a particularly important
category to remain,  while  others that might  have had a smaller  effect were no longer represented. 
Table 3-2 shows the results of each step in the process. Each iteration represents the exclusion of 
a variable  from the global model, and the variable  listed is the one that, when excluded,  produces 
the model with the best performance  across various metrics  in out-of-sample  tests. The model’s 
value and rank (relative  to the other possible exclusions)  in the metrics is listed, along with its 
overall rank, which is an average of the individual ranks. Note that iteration zero represents the
global model alone, so some metrics that are only meaningful  when compared with other models, 
such as ranks and AICs, are not listed. The highlighted  row shows the final exclusion that was 
made; the rows that follow  show the variables  that remain in the final model. Ultimately, 
interruption costs for medium and large C&I customers can be estimated relatively accurately  
with a few variables and interactions  representing customer usage and interruption duration,  
along with binary variables  for manufacturing customers and for power interruptions  that occur
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during the summer. A few of the 15 excluded  variables show a minor improvement in predictive
accuracy, but considering how difficult it can be for ICE Calculator users to find information for 
some of those inputs, this minor improvement in predictive accuracy was not sufficient to justify 
keeping those variables  in the final model.

Table 3-2: Excluded  Variables and Relevant  Metrics from Backwards Stepwise Selection
Process – Medium and Large C&I

Iteration Excluded Variable

RMSE MAE R2 AIC

Overall 
Rank

Value
(Thousa 

nds)
Rank

Value
(Thousa

nds)
Rank Value Rank

Probit 
Value

(Thousa 
nds)

GLM
Value

(Thousa 
nds)

Rank

0 - 116 - 29.6 - 0.143 - - - - -

1 evening 116 1 29.5 1 0.148 1 44.1 589 4.5 1.9

2 weekday 116 1 29.5 2 0.150 1 44.1 589 7.0 2.8

3 morning 116 1 29.5 2 0.151 1 44.3 589 9.5 3.4

4 afternoon 116 1 29.4 1 0.153 1 44.5 589 10.0 3.3

5 wholesale & retail trade 116 2 29.4 2 0.153 2 44.5 589 4.0 2.5

6 backupgen and power conditioning 116 1 29.4 3 0.155 1 44.6 589 8.5 3.4

7 services 116 1 29.4 1 0.155 1 44.7 589 8.5 2.9

8 public administration 116 3 29.5 2 0.155 3 44.7 589 2.5 2.6

9 unknown 116 1 29.5 3 0.155 1 44.7 590 3.0 2.0

10 finance, insurance & real estate 116 1 29.5 1 0.154 1 44.7 590 4.0 1.8

11 transportation, communication & utilities 116 1 29.5 2 0.154 1 44.7 591 4.5 2.1

12 construction 116 1 29.5 1 0.154 1 44.8 591 4.5 1.9

13 mining 116 1 29.5 1 0.153 1 44.8 591 2.5 1.4

14 backupgen or power conditioning 116 1 29.5 1 0.152 1 44.8 591 1.0 1.0

15 warning 116 1 29.6 1 0.148 1 44.9 592 2.5 1.4

16 manufacturing 117 1 29.9 2 0.137 1 45.0 595 2.5 1.6

17 summer 117 1 30.0 1 0.128 1 45.4 595 1.5 1.1

18 duration 2 x ln(annual MWh) 119 1 30.5 1 0.106 1 45.5 595 1.0 1.0

19 duration x ln(annual MWh) 120 1 30.7 1 0.096 1 45.5 595 1.0 1.0

20 duration 2 129 2 32.8 1 -0.054 2 46.2 598 1.0 1.5

21 duration 118 1 31.3 1 0.118 1 47.8 604 1.5 1.1

22 ln(MWh annual) 126 1 37.4 1 0.000 1 48.7 640 1.0 1.0

The final model for medium/large  C&I customers is shown below:

Manufacturing is the only remaining  industry category in the model. Note that as categories are
removed, they are relegated to the reference category, so for example  the manufacturing binary 
variable  should now be interpreted as the average impact on interruption cost associated with 
being in the manufacturing  industry,  relative  to all other industries.

To confirm that the selection process did not produce an over-fitted  model, and to estimate the
predictive  performance  of the final model when evaluated on unseen data, Nexant evaluated  the
final model against  the global model using the test dataset, which is the 10% of data that was 
held out from the backwards stepwise selection process. Both models were fitted to the
remaining data, and then the test dataset was used to evaluate their predictive  performance.
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The results are shown in Table 3-3. The final model outperforms  the global model in each 
accuracy metric.

Table 3-3: Test Dataset Predictive  Performance Metrics for Final and Initial Models – Medium
and Large C&I

Model RMSE
(Thousands)

MAE R-squared
(Thousands)

Final 111 29.6 0.118

Global 111 29.8 0.115

3.2 Model Coefficients

Nexant then estimated the final two-part regression model specification on the full dataset for 
medium and large C&I customers.  Table 3-4 describes the final probit regression model that
specifies  the relationship  between the presence of zero interruption costs and a set of independent
variables  that includes  interruption characteristics,  customer usage, and industry designation.
Although  the purpose of this preliminary  limited  dependent variable  model is only to normalize
the predictions  from the interruption costs regression in the second part of the two-part model, 
there are a few interesting results to note (these remain consistent  with the original  specification):

All of the coefficients  are statistically  significant  at a less than 1% level;

The longer the interruption,  the more likely that the costs associated with it are positive
(the presence of a negative  coefficient  on the square of duration indicates  that this effect
diminishes  for longer durations);

Summer interruptions  are more likely to incur costs than non-summer  interruptions;  and

Manufacturing industry customers are more likely to incur costs than non-manufacturing 
industry  customers.

Table 3-4: Regression Output for Probit Estimation – Medium and Large C&I

Variable Coefficient Standard
Error P-Value

Interruption Characteristics

duration 0.005 0.000 0.000

duration2 -2.820E-06 0.000 0.000

summer 0.410 0.023 0.000

Customer Characteristics

ln(annual MWh) 0.118 0.006 0.000

Interactions

duration x ln(annual MWh) -3.416E-04 0.000 0.000

duration2 x ln(annual MWh) 1.640E-07 0.000 0.000

Industry

manufacturing 0.200 0.025 0.000

Constant -0.958 0.047 0.000
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Table 3-5 describes the final GLM regression model, which relates the level of interruption costs 
to customer usage and interruption characteristics  as well as industry designation.  A few results 
of note:

The longer the interruption,  the higher  the interruption cost;

Larger customers (in terms of annual MWh usage) incur larger costs for similar 
interruptions (however, interruption costs increase at a decreasing rate as usage
increases);

Manufacturing industry customers incur larger costs for similar  interruptions  than
equivalent  non-manufacturing  customers;

The difference  between summer  and non-summer  interruption costs is statistically 
insignificant  (all other coefficients  are statistically  significant).

Table 3-5: Customer Regression Output for GLM Estimation – Medium and Large C&I
Variable Coefficient Standard

Error P-Value

Interruption Characteristics

duration 0.006 0.001 0.000

duration2 -3.260E-06 0.000 0.000

summer 0.113 0.060 0.058

Customer Characteristics

ln(annual MWh) 0.495 0.016 0.000
Interactions

duration x ln(annual MWh) -1.882E-04 0.000 0.047

duration2 x ln(annual MWh) 1.480E-07 0.000 0.028
Industry

manufacturing 0.823 0.069 0.000

Constant 5.292 0.127 0.000

Finally,  Table 3-6 shows the average values of the regression  inputs for medium and large C&I 
customers, which are useful for modeling  purposes and for assessing marginal effects.  Other 
descriptive  statistics  are also provided.

Table 3-6: Descriptive  Statistics  for Regression Inputs – Medium and Large C&I

Variable N Average Minimum 25th
Percentile Median 75th

Percentile Maximum

Interruption Characteristics

duration 44,328 162 0 60 60 240 1,440

duration2 44,328 82,724 0 3,600 3,600 57,600 2,073,600

summer 44,328 86.5% 0% 100% 100% 100% 100%

Customer Characteristics

ln(annual MWh) 44,328 6.6 3.9 4.9 6.2 7.9 13.9
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Variable N Average Minimum 25th
Percentile Median 75th

Percentile Maximum

Interactions

duration x ln(annual MWh) 44,328 1,060 0 255 437 1,327 17,064

duration2 x ln(annual MWh) 44,328 530,872 0 14,881 26,250 317,870 24,600,000

Industry

manufacturing 44,328 23.3% 0% 0% 0% 0% 100%

3.3 Comparison of 2009 and 2014 Model Estimates

Figure 3-1 provides a comparison  of the 2009 model estimates  and the 2014 model estimates  by 
interruption duration, in 2013 dollars. The 2014 model estimates have been extended to 16 hours 
because the addition of data on 24-hour power interruption scenarios has allowed to model to 
more reliably predict costs up to 16 hours. The magnitude  of the interruption cost estimates  is
similar  between the two models, but there is a noticeable  change in the functional  form, which
is attributable  to the addition of the longer duration scenarios and to the significant  change in the
model specification.  The functional  form is more linear  and no longer levels off at 8 hours,  
which seems more plausible.

Figure 3-1: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Model
(Summer  Weekday Afternoon)  – Medium and Large C&I
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3.4 Interruption Cost Estimates and Key Drivers

Table 3-7 shows how medium and large C&I customer interruption costs vary by season. 
Considering that time of day and day of week were not important  factors in the model for  
medium and large C&I customers, the only temporal variable to consider is season (summer  or 
non-summer).  The cost of a summer  power interruption is around 21% to 43% higher  than a non- 
summer  one, depending on duration (the percent difference  lowers as duration increases).
Considering that the non-summer  time period (October through May) accounts for two-thirds of 
the year, the weighted-average  interruption cost estimate is closer to the non-summer  estimate. 
This weighted-average  interruption cost estimate is most appropriate to use for planning 
purposes, unless the distribution of interruptions  by season is known.

Table 3-7: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Timing of
Interruption – Medium and Large C&I

Timing of
Interruption

% of Hours
per Year

Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Summer 33% $16,172 $18,861 $21,850 $46,546 $96,252 $186,983

Non-summer 67% $11,342 $13,431 $15,781 $35,915 $77,998 $154,731

Weighted Average $12,952 $15,241 $17,804 $39,458 $84,083 $165,482

Based on the weighted-average  interruption cost estimate, Table 3-8 provides cost per event
(equal to the weighted-average  interruption cost), cost per average kW and cost per unserved 
kWh for medium and large C&I customers. Cost per unserved kWh is relatively high for a
momentary interruption because the expected amount of unserved kWh over a 5-minute  period 
is relatively  low.

Table 3-8: Cost per Event, Average kW and Unserved kWh – Medium and Large C&I

Interruption Cost
Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Cost per Event $12,952 $15,241 $17,804 $39,458 $84,083 $165,482

Cost per Average kW $15.9 $18.7 $21.8 $48.4 $103.2 $203.0

Cost per Unserved kWh $190.7 $37.4 $21.8 $12.1 $12.9 $12.7

Figure 3-2 shows the medium and large C&I interruption  costs in the summer  for non- 
manufacturing and manufacturing customers. As in the 2009 model, interruption costs in the
manufacturing sector are relatively high. At all durations,  the estimated  interruption cost for 
manufacturing customers is more than double the cost for non-manufacturing customers. This
is a key driver to consider for planning  purposes – whether the planning  area of interest includes 
medium and large C&I customers with manufacturing  facilities  that may be particularly sensitive
to power interruptions.
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Figure 3-2: Estimated  Summer Customer Interruption Costs (U.S.2013$) by Duration and
Industry – Medium and Large C&I

Finally,  Figure 3-3 shows the medium and large C&I interruption  costs in the summer for 
various levels of average demand. As discussed above, medium and large C&I interruption 
costs increase at a decreasing  rate as usage increases.  This pattern is notable in the figure.  Each
increment  in average demand represents a 5-fold increase in usage, but interruption costs only 
increase by a factor of 2.0 to 2.5 from one level of average demand to the next.

Figure 3-3: Estimated  Summer Customer Interruption Costs (U.S.2013$) by Duration and 
Average Demand (kW/hr) – Medium and Large C&I
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4. Small C&I Results

This section summarizes  the results of the model selection process and provides the model
coefficients  for small C&I customers, which are C&I customers with annual usage of less 
than 50,000 kWh.

4.1 Final Model Selection

The global model for small C&I customers was identical to that for the medium and large
C&I customers. Refer to Section 3.1 above for a discussion of the global model specification.
The global model was successfully parsed down to only key variables.  In selecting  among 
variables,  categorical variables  were not treated as a set (either all or none removed),  but rather
each binary variable  was removed one at a time. This allowed  for a particularly important
category to remain,  while  others that might  have had a smaller  effect were no longer represented. 
Table 4-1 shows the results of each step in the process. Each iteration represents the exclusion of 
a variable  from the global model, and the variable  listed is the one that, when excluded,  produces
the model with the best performance  across various metrics  in out-of-sample  tests. The model’s 
value and rank (relative  to the other possible exclusions)  in the metrics is listed, along with its 
overall rank, which is an average of the individual ranks. Note that iteration zero represents the
global model alone, so some metrics that are only meaningful  when compared with other models, 
such as ranks and AICs, are not listed. The highlighted  row shows the final exclusion that was 
made; the rows that follow  show the variables  that remain in the final model. Ultimately, 
interruption costs for small C&I customers can be estimated relatively accurately with variables 
representing customer usage and interruption duration, along with some binary variables  for 
customer characteristics  and interruption timing.  Considering how difficult  it can be for ICE
Calculator  users to find information for some of the 12 excluded variables (especially for small
C&I customers),  this final model will be much easier to use.
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Table 4-1: Excluded  Variables and Relevant  Metrics from Backwards Stepwise Selection 
Process – Small C&I

Iteration Excluded Variable

RMSE MAE R2 AIC

Overall
Rank

Value
(Thou
sands)

Rank
Value
(Thou
sands)

Rank Value Rank

Probit
Value

(Thousa
nds)

GLM
Value

(Thousan
ds)

Rank

0 - 6.17 - 1.95 - 0.044 - - - - -

1 transportation, comunication & utilities 6.16 1 1.94 2 0.048 1 30.6 245 8.0 3.0

2 mining 6.16 1 1.94 1 0.049 1 30.6 245 7.0 2.5

3 warning 6.16 1 1.94 3 0.049 1 30.6 245 4.5 2.4

4 evening 6.16 1 1.94 2 0.049 2 30.6 245 4.0 2.3

5 duration 2 x ln(annual MWh) 6.16 1 1.94 3 0.049 2 30.6 245 3.0 2.3

6 finance, insurance & real estate 6.16 2 1.94 4 0.049 2 30.7 245 5.5 3.4

7 unknown industry 6.16 5 1.94 2 0.049 2 30.7 245 5.5 3.6

8 duration x ln(annual MWh) 6.16 3 1.94 2 0.049 2 30.7 245 1.5 2.1

9 public  administration 6.16 2 1.94 3 0.049 4 30.7 245 2.0 2.8

10 weekday 6.16 2 1.94 3 0.048 3 30.7 245 3.5 2.9

11 wholesale & retail trade 6.16 1 1.94 1 0.049 1 30.9 245 7.5 2.6

12 services 6.16 2 1.94 1 0.049 3 30.9 245 2.0 2.0

13 morning 6.16 2 1.95 2 0.048 2 31.4 245 4.5 2.6

14 afternoon 6.16 1 1.95 2 0.048 1 31.5 245 3.0 1.8

15 summer 6.17 1 1.95 1 0.047 1 31.8 245 4.5 1.9

16 ln(annual MWh) 6.17 1 1.96 3 0.045 1 32.0 245 3.0 2.0

17 backupgen and power conditioning 6.19 2 1.97 1 0.041 1 32.1 246 2.5 1.6

18 backupgen or power conditioning 6.20 1 1.98 1 0.036 1 32.1 246 2.0 1.3

19 manufacturing 6.22 1 2.00 2 0.029 1 32.1 246 1.5 1.4

20 construction 6.24 1 2.01 1 0.023 1 32.2 247 1.0 1.0

21 duration 2 6.52 1 2.16 1 -0.089 1 32.8 248 1.0 1.0

22 duration 6.32 1 2.13 1 -0.001 1 34.2 251 1.0 1.0

The final model for small C&I customers is shown below:

Industry, backup equipment  and time of day are the only categorical variables  remaining,  and 
many of the categories were removed. Note that as categories are removed, they are relegated to 
the reference category, so for example the construction binary variable should now be interpreted 
as the average impact on interruption cost associated with being in the construction industry, 
relative  to all industries  other than manufacturing,  which is the only other industry  that was 
retained as a binary variable.  The categories that remain  in the final model are shown in Table
4-2 below.

Table 4-2: Breakdown of Categorical Variables Featured in Final Model – Small C&I
Variable Categories

industry Other; Construction; Manufacturing

backup equipment None; Backup Gen or Power Conditioning; Backup Gen and Power Conditioning

time of day Other (5 PM to 6 AM); Morning (6 AM to 12 PM); Afternoon (12 to 5 PM)
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To confirm that the selection process did not produce an overfitted  model, and to estimate  the
predictive  performance  of the final model when evaluated  on unseen data, Nexant evaluated  the
final model against  the global model using the test dataset, which is the 10% of data that was 
held out from the backwards stepwise selection process. Both models were fitted to the
remaining data, and then the test dataset was used to evaluate their predictive  performance.  The
results are shown in Table 4-3. Note that while the global model outperforms  the final model in 
each metric, the differences  between the values are very small. The final model offers a much
simpler  solution with comparable performance  to the global model.

Table 4-3: Test Dataset Predictive  Performance Metrics for Final and Initial Models – Small C&I

Model RMSE MAE
(Thousands) (Thousands) R-squared

Final 5.50 1.82 0.045

Global 5.49 1.82 0.048

4.2 Model Coefficients

Nexant then estimated the final two-part regression model specification on the full dataset for 
residential  customers. Table 4-4 describes the final probit regression model that specifies  the
relationship  between the presence of zero interruption costs and a set of independent  variables 
that includes  interruption characteristics,  customer characteristics,  and industry designation.
Although  the purpose of this preliminary  limited  dependent variable  model is only to normalize
the predictions  from the interruption costs regression in the second part of the two-part model, 
there are a few interesting results to note (these remain consistent  with the original  specification):

All of the coefficients  are statistically  significant  at a less than 1% level;

The longer the interruption,  the more likely that the costs associated with it are positive
(the presence of a negative  coefficient  on the square of duration indicates  that this effect
diminishes  for longer durations);

Summer interruptions  are more likely to incur costs than non-summer  interruptions;

Afternoon interruptions  are more likely to incur costs than any other time of day; and

Manufacturing and construction customers are more likely to incur costs than customers 
in other industries.

Table 4-4: Customer Regression Output for Probit Estimation – Small C&I

Variable Coefficient Standard P-ValueError
Interruption Characteristics

duration 0.003 0.000 0.000

duration2 -1.780E-06 0.000 0.000

summer 0.215 0.030 0.000

morning 0.537 0.022 0.000

afternoon 0.664 0.029 0.000
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Variable Coefficient Standard P-ValueError
Customer Characteristics

ln(annual MWh) 0.124 0.013 0.000

backupgen or power conditioning 0.082 0.025 0.001

backupgen and power conditioning 0.272 0.059 0.000

Industry

construction 0.261 0.054 0.000

manufacturing 0.176 0.042 0.000

Constant -1.332 0.048 0.000

Table 4-5 describes the final GLM regression model, which relates the level of interruption 
costs to customer and interruption characteristics  as well as industry designation.  A few results 
of note:

The longer the interruption,  the higher  the interruption cost;

Larger customers (in terms of annual MWh usage) incur larger costs for 
similar  interruptions  (however, interruption costs increase at a decreasing rate
as usage increases);

Manufacturing and construction industry customers incur larger costs for similar 
interruptions  than equivalent  customers in other industries;  and

Summer interruptions  incur lower interruption costs than other times of the year. 

Table 4-5: Customer Regression Output for GLM Estimation – Small C&I

Variable Coefficient Standard P-ValueError
Interruption Characteristics

duration 0.004 0.000 0.000

duration2 -2.160E-06 0.000 0.000

summer -0.384 0.073 0.000

morning -0.057 0.070 0.413

afternoon -0.032 0.083 0.701

Customer Characteristics

ln(annual MWh) 0.069 0.035 0.046

backupgen or power conditioning 0.308 0.058 0.000

backupgen and power conditioning 0.538 0.129 0.000

Industry

construction 0.786 0.153 0.000

manufacturing 0.587 0.104 0.000

Constant 7.000 0.135 0.000
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Finally,  Table 4-6 shows the average values of the regression  inputs for small C&I customers, 
which are useful for modeling  purposes and for assessing marginal effects. Other descriptive
statistics  are also provided.

Table 4-6: Descriptive  Statistics  for Regression Inputs – Small C&I

Variable N Average Minimum 25th
Percentile

Median 75th Maximum
Percentile

Interruption Characteristics

duration 27,751 191 0 60 60 240 1,440

duration2 27,751 107,425 0 3,600 3,600 57,600 2,073,600

summer 27,751 89.3% 0% 100% 100% 100% 100%

morning 27,751 45.5% 0% 0% 0% 100% 100%

afternoon 27,751 37.6% 0% 0% 0% 100% 100%

Customer Characteristics

ln(annual MWh) 27,751 2.6 -2.0 2.2 2.8 3.3 3.9

backupgen or power conditioning 27,751 27.1% 0% 0% 0% 100% 100%

backupgen and power conditioning 27,751 3.5% 0% 0% 0% 0% 100%

Industry

construction 27,751 4.6% 0% 0% 0% 0% 100%

manufacturing 27,751 7.8% 0% 0% 0% 0% 100%

4.3 Comparison of 2009 and 2014 Model Estimates

Figure 4-1 provides a comparison  of the 2009 model estimates  and the 2014 model estimates  by 
interruption duration, in 2013 dollars. The 2014 model estimates have been extended to 16 hours 
because the addition of data on 24-hour power interruption scenarios has allowed to model to 
more reliably  predict costs up to 16 hours. As with medium and large C&I customers, the
magnitude  of the interruption cost estimates is similar  between the two small C&I models, but
there is a noticeable  change in the functional  form. This change is attributable  to the addition of 
the longer duration scenarios and to the significant  change in the model specification.  The
functional  form is more linear and no longer levels off at 8 hours, which seems more plausible.
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Figure 4-1: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Model
(Summer  Weekday Afternoon)  – Small C&I

4.4 Interruption Cost Estimates and Key Drivers

Table 4-7 shows how small C&I customer interruption costs vary by season and time of day. 
The cost of a summer  power interruption is around 9% to 30% lower than a non-summer  one, 
depending  on duration,  season, and time of day. Interestingly,  this is opposite the pattern of 
medium and large C&I customers, which experience higher  interruption costs during the
summer.  As for how interruption costs vary by time of day, costs are highest  in the afternoon and 
are similarly high in the morning.  In the evening and nighttime,  small C&I interruption costs are
substantially lower, which makes sense given  that small businesses  typically  operate during 
daytime  hours. Considering  that the evening/night  time period (5 PM to 6 AM) accounts for a
majority of the hours of the day, the weighted-average  interruption cost estimate  is closer to the
evening/night  estimates.  This weighted-average  interruption cost estimate  is most appropriate
to use for planning purposes, unless the distribution of interruptions  by season and time of day 
is known.
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Table 4-7: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Timing of
Interruption – Small C&I

Timing of Interruption
% of

Hours
per Year

Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Summer Morning 8% $461 $569 $692 $1,798 $4,073 $7,409

Summer Afternoon 7% $527 $645 $780 $1,954 $4,313 $7,737

Summer Evening/Night 18% $272 $349 $440 $1,357 $3,518 $6,916

Non-summer Morning 17% $549 $687 $848 $2,350 $5,592 $10,452

Non-summer Afternoon 14% $640 $794 $972 $2,590 $5,980 $10,992

Non-summer Evening/Night 36% $298 $388 $497 $1,656 $4,577 $9,367

Weighted Average $412 $520 $647 $1,880 $4,690 $9,055

Based on the weighted-average  interruption cost estimate, Table 4-8 provides cost per event
(equal to the weighted-average  interruption cost), cost per average kW, and cost per unserved 
kWh for small C&I customers. Cost per unserved kWh is relatively high for a momentary 
interruption because the expected amount of unserved kWh over a 5-minute  period is 
relatively  low.

Table 4-8: Cost per Event, Average kW and Unserved kWh – Small C&I

Interruption Cost
Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Cost per Event $412 $520 $647 $1,880 $4,690 $9,055

Cost per Average kW $187.9 $237.0 $295.0 $857.1 $2,138.1 $4,128.3

Cost per Unserved kWh $2,254.6 $474.1 $295.0 $214.3 $267.3 $258.0

Figure 4-2 shows the small C&I interruption costs in the summer  afternoon by industry.  As in 
the 2009 model, interruption costs in the manufacturing and construction sectors are relatively 
high. At all durations,  the estimated interruption cost for manufacturing and construction 
customers is around double or more the cost for customers in other industries.  As in the medium
and large C&I customer class, this is a key driver to consider for planning  purposes – whether
the planning area of interest includes  small C&I customers with manufacturing or construction 
facilities  that may be particularly sensitive  to power interruptions.
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Figure 4-2: Estimated  Summer Afternoon Customer Interruption Costs (U.S.2013$) by Duration
and Industry – Small C&I

Finally,  Figure 4-3 shows the small C&I interruption costs in the summer afternoon for various 
levels of average demand. Small C&I interruption costs are not highly sensitive  to the average
demand of a customer. In the figure,  each increment  in average demand represents a 2-fold 
increase in usage, but interruption costs only increase by around 10% from one level of average
demand to the next.

Figure 4-3: Estimated  Summer Afternoon Customer Interruption Costs (U.S.2013$) by Duration
and Average Demand (kW/hr) – Small C&I
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5. Residential Results

This section summarizes  the results of the model selection process and provides the model
coefficients  for residential customers.

5.1 Final Model Selection

The global model for residential customers is shown below:

Interruption cost is expressed as a function of various explanatory variables.  Note that the
dependent variables  differ between the probit and GLM models; hence the above equation 
expresses the two-part model in its most general form. Time of day and housing are categorical
variables,  and their respective categories are shown in Table 5-1 below. As is typical in 
indicatory  coding, the first category within each categorical variable  is not included  explicitly
as a binary variable,  but rather serves as a reference category.

Table 5-1: Breakdown of Categorical Variables Featured in Global Model – Residential
Variable Categories

time of day Morning (6 AM to 12 PM); Afternoon (12 to 5 PM); Evening (5 to 10 PM); Late Evening/Early Morning

housing Detached; Attached; Apartment/Condo; Mobile; Manufactured; Unknown

The global model was successfully parsed down to only key variables.  In selecting  among 
variables,  categorical variables  were not treated as a set (either all or none removed),  but rather
each binary variable  was removed one at a time. This allowed  for a particularly important
category to remain,  while  others that might  have had a smaller  effect were no longer represented. 
Table 5-2 shows the results of each step in the process. Each iteration represents the exclusion of 
a variable  from the global model, and the variable  listed is the one that, when excluded,  produces 
the model with the best performance  across various metrics  in out-of-sample  tests. The model’s 
value and rank (relative  to the other possible exclusions)  in the metrics is listed, along with its 
overall rank, which is an average of the individual ranks. Note that iteration zero represents the
global model alone, so some metrics that are only meaningful  when compared with other models, 
such as ranks and AICs, are not listed. The highlighted  row shows the final exclusion that was 
made; the rows that follow  show the variables  that remain in the final model. Ultimately, 
interruption costs for residential  customers can be estimated  relatively accurately with variables 
representing customer usage, household  income, and interruption duration, along with some
binary variables  for interruption timing.  A few of the 16 excluded variables  show a minor 
improvement  in predictive  accuracy, but considering  how difficult  it can be for ICE Calculator 
users to find information for some of those inputs, this minor improvement  in predictive
accuracy was not sufficient  to justify keeping those variables in the final model.
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Table 5-2: Excluded  Variables and Relevant  Metrics from Backwards Stepwise Selection
Process – Residential

Iteration Excluded Variable

RMSE MAE R2 AIC

Overall
RankValue Rank Value Rank Value Rank

Probit
Value
(Thous
ands)

GLM
Value

(Thousa
nds)

Rank

0 - 16.6 - 8.50 - 0.145 - - - - -

1 late evening/early morning 16.5 1 8.49 1 0.147 1 37.3 126 9.5 3.1

2 mobile housing 16.5 3 8.48 2 0.148 3 37.3 126 3.5 2.9

3 outage in last 12 months 16.5 1 8.48 1 0.149 1 37.3 126 9.5 3.1

4 # residents 7-18 years old 16.5 1 8.48 5 0.149 1 37.3 126 6.0 3.3

5 # residents 25-49 years old 16.5 2 8.48 3 0.149 2 37.3 126 6.5 3.4

6 # residents 50-64 years old 16.5 2 8.48 2 0.149 2 37.3 126 1.0 1.8

7 manufactured  housing 16.5 2 8.48 2 0.149 2 37.3 126 4.0 2.5

8 weekday 16.5 1 8.48 2 0.149 1 37.3 126 5.5 2.4

9 attached housing 16.5 1 8.48 1 0.149 1 37.4 126 5.5 2.1

10 apartment/condo 16.5 3 8.48 2 0.149 3 37.4 126 1.0 2.3

11 # residents 19-24 years old 16.5 1 8.48 2 0.149 1 37.4 126 3.5 1.9

12 backup generation 16.5 1 8.48 1 0.149 1 37.4 126 4.0 1.8

13 # residents 0-6 years old 16.5 2 8.48 2 0.149 2 37.4 126 1.5 1.9

14 unknown housing 16.5 2 8.49 1 0.148 2 37.4 126 1.5 1.6

15 medical equipment 16.5 1 8.49 2 0.148 1 37.5 126 2.5 1.6

16 # residents 65 and over 16.6 1 8.49 1 0.146 1 37.5 126 2.5 1.4

17 household income 16.6 1 8.53 1 0.140 1 37.5 127 2.5 1.4

18 evening, 5 pm to 8 pm 16.7 1 8.61 2 0.133 1 38.7 127 3.0 1.8

19 afternoon, 12 noon to 4 pm 16.7 1 8.63 1 0.127 1 38.9 127 2.0 1.3

20 summer 16.8 1 8.71 1 0.119 1 39.7 127 2.0 1.3

21 ln(annual MWh) 17.0 1 8.82 1 0.098 1 39.7 128 1.5 1.1

22 duration 2 17.3 1 8.95 1 0.072 1 39.9 128 1.0 1.0

23 duration 17.9 1 9.44 1 0.000 1 41.6 130 1.0 1.0

The final model for residential  customers is shown below:

To confirm that the selection process did not produce an over-fitted  model, and to estimate the
predictive  performance  of the final model when evaluated  on unseen data, Nexant evaluated  the
final model against  the global model using the test dataset, which is the 10% of data that was 
held out from the backwards stepwise selection process. Both models were fitted to the
remaining data, and then the test dataset was used to evaluate their predictive  performance.  The
results are shown in Table 5-3. Note that while the global model outperforms  the final model in 
each metric, the differences  between the values are very small. The final model offers a much
simpler  solution with comparable performance  to the global model.
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Table 5-3: Test Dataset Predictive  Performance Metrics for Final and Initial Models –
Residential

Model RMSE MAE R-squared

Final 17.5 8.34 0.148

Global 17.3 8.28 0.165

5.2 Model Coefficients

Nexant then estimated the final two-part regression model specification on the full dataset for 
residential  customers. Table 5-4 describes the final probit regression model that specifies  the
relationship  between the presence of zero interruption costs and a set of independent  variables 
that includes  interruption characteristics  and customer characteristics.  Although the purpose of 
this preliminary  limited  dependent variable model is only to normalize  the predictions  from the
interruption costs regression in the second part of the two-part model, there are a few interesting 
results to note (these remain consistent  with the original specification):

All of the coefficients  are statistically  significant  at a less than 5% level;

The longer the interruption,  the more likely that the costs are positive  (the presence of a
negative  coefficient  on the square of duration  indicates  that this effect diminishes  for 
longer durations);

Customers are less likely to have a positive  cost for an afternoon or an evening 
interruption versus any other time of day.

Table 5-4: Regression Output for Probit Estimation – Residential

Variable Coefficient Standard P-ValueError
Interruption Characteristics

duration 0.003 0.000 0.000

duration2 -1.130E-06 0.000 0.000

summer 0.541 0.019 0.000

afternoon -0.266 0.026 0.000

evening -0.755 0.024 0.000

Customer Characteristics

ln(annual MWh) 0.038 0.018 0.035

household income 9.660E-07 0.000 0.004

Constant -0.266 0.051 0.000

Table 5-5 describes the final GLM regression model which relates the level of interruption costs 
to customer and interruption characteristics.  A few results of note:

All of the coefficients  are statistically  significant  at a less than 5% level;

The longer the interruption,  the higher  the interruption cost;
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Customers have lower interruption costs for afternoon and evening interruptions  than for 
those that occur at other times of day;

Customers experience  higher  costs for summer  interruptions  than for non-summer
interruptions;  and

Larger customers (in terms of annual MWh usage) have a higher  cost for similar 
interruptions  than otherwise  equivalent,  smaller  customers.

Table 5-5: Regression Output for GLM Estimation – Residential

Variable Coefficient Standard P-ValueError
Interruption Characteristics

duration 0.002 0.000 0.000

duration2 -9.450E-07 0.000 0.000

summer 0.161 0.029 0.000

afternoon -0.282 0.041 0.000

evening -0.095 0.047 0.044

Customer Characteristics

ln(annual MWh) 0.249 0.028 0.000

household income 1.850E-06 0.000 0.000

Constant 1.379 0.080 0.000

Finally,  Table 5-6 shows the average values of the regression  inputs for residential  customers, 
which are useful for modeling  purposes and for assessing marginal effects.  Other descriptive
statistics  are also provided.

Table 5-6: Descriptive  Statistics  for Regression Inputs – Residential

Variable N Average Minimum 25th
Percentile Median 75th Maximum

Percentile

Interruption Characteristics

duration 34,212 168 0 60 60 240 1,440

duration2 34,212 82,198 0 3,600 3,600 57,600 2,073,600

summer 34,212 73.4% 0% 0% 100% 100% 100%

afternoon 34,212 48.8% 0% 0% 0% 100% 100%

evening 34,212 29.1% 0% 0% 0% 100% 100%

Customer Characteristics

ln(annual MWh) 34,212 2.4 0.3 1.9 2.4 2.9 4.4

household income 34,212 69,243 5,076 36,846 63,445 97,618 173,611
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5.3 Comparison of 2009 and 2014 Model Estimates

Figure 5-1 provides a comparison  of the 2009 model estimates  and the 2014 model estimates  by 
interruption duration, in 2013 dollars. The 2014 model estimates have been extended to 16 hours 
because the addition of data on 24-hour power interruption scenarios has allowed to model to 
more reliably  predict costs up to 16 hours. As with C&I customers,  the magnitude  of the
interruption cost estimates  is similar  between the two small C&I models, but there is a noticeable
change in the functional form. This change is attributable  to the addition of the longer duration 
scenarios and to the significant  change in the model specification.  The functional form is more
linear and no longer levels  off at 8 hours, which seems more plausible.

Figure 5-1: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Model
(Summer  Weekday Afternoon)  – Residential

5.4 Interruption Cost Estimates and Key Drivers

Table 5-7 shows how residential customer interruption  costs vary by season and time of day.
The cost of a summer  power interruption is substantially higher  than a non-summer  one, for all
durations,  seasons, and times of day. As for how interruption costs vary by time of day, costs are
highest  in the morning  and night  (10 PM to 12 noon). The weighted-average  interruption cost
estimate is most appropriate to use for planning purposes, unless the distribution of interruptions 
by season and time of day is known.
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Table 5-7: Estimated  Customer Interruption Costs (U.S.2013$) by Duration and Timing of
Interruption – Residential

% of
Timing of Interruption Hours

per Year

Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Summer Morning/Night 19% $6.8 $7.5 $8.4 $14.3 $24.0 $42.4

Summer Afternoon 7% $4.3 $4.9 $5.5 $9.8 $17.1 $31.1

Summer Evening 7% $3.5 $4.0 $4.6 $9.2 $17.5 $34.1

Non-summer Morning/Night 39% $3.9 $4.5 $5.1 $9.8 $17.8 $33.5

Non-summer Afternoon 14% $2.3 $2.7 $3.1 $6.2 $12.1 $23.7

Non-summer Evening 14% $1.5 $1.8 $2.2 $5.0 $10.8 $23.6

Weighted Average $3.9 $4.5 $5.1 $9.5 $17.2 $32.4

Based on the weighted-average  interruption cost estimate, Table 5-8 provides cost per event
(equal to the weighted-average  interruption cost), cost per average kW, and cost per unserved 
kWh for residential customers. Cost per unserved  kWh is relatively high for a momentary 
interruption because the expected amount of unserved kWh over a 5-minute  period is 
relatively  low.

Table 5-8: Cost per Event, Average kW and Unserved kWh – Residential

Interruption Cost
Interruption  Duration

Momentary 30 Minutes 1 Hour 4 Hours 8 Hours 16 Hours

Cost per Event $3.9 $4.5 $5.1 $9.5 $17.2 $32.4

Cost per Average kW $2.6 $2.9 $3.3 $6.2 $11.3 $21.2

Cost per Unserved kWh $30.9 $5.9 $3.3 $1.6 $1.4 $1.3

Figure 5-2 shows the residential interruption costs in the summer  afternoon by levels of 
household  income. Household income has a relatively modest impact on interruption costs. 
Between a household  income of $50,000 and $100,000, the difference  in interruption costs is 
only around 10% for all durations.
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Figure 5-2: Estimated  Summer Afternoon Customer Interruption Costs (U.S.2013$) by Duration
and Household  Income – Residential

Finally,  Figure 5-3 shows the residential  interruption costs in the summer  afternoon for various 
levels of average demand. Residential interruption  costs are not highly sensitive  to the average
demand of a customer. In the figure,  each increment  in average demand represents a 2-fold 
increase in usage, but interruption costs only increase by around 20% from one level of average
demand to the next.

Figure 5-3: Estimated  Summer Afternoon Customer Interruption Costs (U.S.2013$) by Duration
and Average Demand (kW/hr) – Residential
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6. Study Limitations

As in the 2009 study, there are limitations  to how the data from this meta-analysis  should be
used. It is important  to fully understand these limitations,  so they are further described in this 
section. First, certain very important  variables  in the data are confounded  among the studies we
examined.  In particular,  region of the country and year of the study are correlated in such a way 
that it is impossible  to separate the effects of these two variables  on customer interruption costs. 
Thus, for example, it is unclear  whether the higher  interruption cost values for the southwest are
purely the result of the hot summer  climate  in that region or whether those costs are higher  in
part because of the particular  economic and market conditions  that prevailed  during  the year
when the study for that region was done. The same logic applies to the 2012 west study, which 
was the only survey to include  power interruption scenarios of more than 12 hours, which makes 
it difficult  to separate the effect of region and year from the effect of the relatively long 
interruption duration.

There is further  correlation  between regions and scenario  characteristics.  The sponsors of the
interruption cost studies were generally interested  in measuring interruption costs for conditions 
that were important  for planning for their specific  systems. As a result, interruption conditions 
described in the surveys for a given region tended to focus on periods of time when interruptions 
were more problematic  for that region.  Unfortunately,  the time periods when the chance of 
interruptions  is greatest are not identical for all sponsors of the studies we relied upon, so 
interruption scenario characteristics  tended to be different  in different  regions. Fortunately,  most
of the studies we examined  included  a summer  afternoon interruption,  so we could compare that
condition  among studies.

A further limitation of our research is that the surveys that formed the basis of the studies we
examined  were limited  to certain parts of the country. No data were available  from the
northeast/mid-Atlantic  region, and limited  data were available  for cities along the Great Lakes. 
The absence of interruption cost information for the northeast/mid-Atlantic  region is particularly 
troublesome  because of the unique population density and economic intensity of that region. It is 
unknown whether, when weather and customer compositions  are controlled,  the average
interruption costs from this region are different  than those in other parts of the country.

Another caveat is that around half of the data from the meta-database is from surveys that
are 15 or more years old. Although the intertemporal analysis  in the 2009 study showed that
interruption costs have not changed significantly over time, the outdated vintage  of the data
presents concerns that, in addition to the limitations  above, underscore the need for a
coordinated, nationwide  effort that collects interruption cost estimates for many regions
and utilities  simultaneously,  using a consistent  survey design and data collection method.

Finally,  as described in Section 1, although  the revised model is able to estimate costs for 
interruptions  lasting longer than 8 hours, it is important  to note that the estimates  in this report
are not appropriate for resiliency  planning.  This meta-study focuses on the direct costs that
customers experience as a result of relatively short power interruptions  of up to 24 hours at
most. In fact, the final models and results that are presented in Sections 3 through  5 truncate
the estimates at 16 hours, due to the relatively  few number of observations  beyond 12 hours
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(scenarios of more than 12 hours account for around 2% to 3% of observations  for all
customer classes). For resiliency considerations  that involve  planning for long duration 
power interruptions  of 24 hours or more, the nature of costs change and the indirect,  spillover
effects to the greater economy must be considered.12    These factors are not captured in this
meta-analysis.

12 For a detailed study and literature review on estimating the costs associated with long duration power
interruptions lasting 24 hours to 7 weeks, see: Sullivan, Michael and Schellenberg, Josh. Downtown San Francisco
Long Duration Outage Cost Study. March 27, 2013.  Prepared for Pacific Gas & Electric  Company.
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1 Executive Summary
Pacific Gas & Electric Company (PG&E) retained Freeman, Sullivan & Co. (FSC) to estimate the
costs associated with power outages lasting from 24 hours to 7 weeks in downtown San Francisco,
specifically for customers (and tenants of customers) served by PG&E’s Embarcadero substation (also
referred to as the target population). Nearly 3,000 direct business customers and over 24,000
residential accounts (and each person residing at that residence) are served by this substation. In
addition, FSC estimates that there are roughly 2,500 businesses that are tenants of master metered 
buildings in the target population.1 This report summarizes the study methodology and results for
estimating the costs that these customers would experience as a result of such long duration power
outages.

The study estimated outage costs for four outage scenarios – 24 hours, 4 days, 3 weeks and 7 weeks.
The estimated outage costs are divided into two components:

• Direct outage costs experienced by businesses in the target population; and

• Indirect outage costs experienced by businesses in California as a whole (also known as
spillover costs).

To develop the direct outage cost estimates for businesses, FSC carried out a survey of a stratified
random sample of businesses in the target population. Indirect outage costs were estimated using  
a range of cost multipliers that were obtained through a careful review of the hazard loss estimation
literature. Residential direct costs have been omitted from the quantitative total cost estimate.
Nonetheless, the inconvenience and economic impact on each affected resident should not be
understated. FSC also considered, and discusses below, other impacts of a long duration outage,
including social disruption and associated costs, loss of employment and displacement of residents.

1.1 Outage Cost Estimates
Table 1-1 summarizes the total outage cost estimates obtained in the study by cost category and
outage duration. Indirect outage costs are reported as a range because a relatively wide range of
indirect cost ratios were reported in the hazard loss literature. In total, a 24-hour outage among
customers in the target population would result in an outage cost ranging from about $190 million to
nearly $380 million. As outage duration increases, the impact on the California economy becomes
more severe. At 3 weeks, the total outage cost ranges from $2.1 billion to over $4.2 billion. If
PG&E’s Embarcadero substation lost power for 7 weeks, the total outage cost would range from
$4.4 billion to nearly $8.8 billion. Although FSC did not study cost impacts of longer outages, it is
reasonable to expect that outages extending beyond 7 weeks would have higher costs than those
reported in this report.

1 Due to the removal of inactive PG&E accounts from the analysis population and aggregation procedures that were   
required for unbiased sampling and surveying of representative businesses in the target population, the customer counts in 
this report do not directly correspond to the number of PG&E service agreements or customer accounts. Section 3    
provides more details on these aggregation procedures and why they were required.
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Table 1-1: Total Outage Cost Estimates by Cost Category and Outage Duration ($ Millions)

Outage
Duration

Direct Cost 
($ Millions)

Indirect Cost 
($ Millions)

Total Outage Cost 
($ Millions)

24 hours $125.7 $62.9 to $251.4 $188.6 to $377.1

4 days $407.4 $203.7 to $814.8 $611.1 to $1,222.2

3 weeks $1,417.0 $708.5 to $2,833.9 $2,125.5 to $4,250.9

7 weeks $2,922.6 $1,461.3 to $5,845.2 $4,383.9 to $8,767.8

1.2 Potential Social Disruption
The costs of government response and assistance, damage from looting and rioting have been quite
significant in the aftermath of some major outages and disasters, particularly in urban areas. Due to
the costs of property damage and additional emergency services as a result of looting and rioting 
during a 25-hour blackout in New York City in 1977, researchers found that the indirect cost estimate
was more than five times the direct cost estimate, which is well outside the range of multipliers used 
in this study (0.5x to 2x). In present day downtown San Francisco, it is reasonable to expect that the
costs from looting and rioting would be relatively less than in New York City in 1977, but given that it 
is impossible to predict the potential level of damages from looting and rioting and the costs of
government response, the indirect cost estimate is likely to be toward the higher end of the range of
estimates that is provided in this study.

Another source of social disruption reported during the 1977 New York City blackout is the interruption
in transportation flows. The Bay Area Rapid Transit (BART) and the San Francisco Municipal Railway 
(MUNI) could experience substantial impacts from a long duration outage of power to the Embarcadero 
Substation. This station is roughly at the center of the four major BART lines running through          
the Bay Area. Although traction power for both BART and MUNI comes from different sources, 
Embarcadero Station power is from Embarcadero Substation. Loss of Embarcadero Station          
during the outage would disrupt BART and MUNI commuting; if BART and/or MUNI are unable or
unwilling to send trains through the Embarcadero Station during a long duration outage, the resulting 
costs to BART/MUNI and impacts on Bay Area commuters and businesses would be considerable.

1.3 Lost Businesses and Employment
Another important impact of a long duration outage that the survey measured was the likely 
magnitude of lost business and employment as a result of a long duration outage. Among small and
medium businesses, the average reported likelihood of complete business failure (i.e., going out of
business) as a result of an extended outage ranged from around 20% to slightly over 28% for the
3-week and 7-week outage scenarios. More than one out of 10 small and medium businesses report
that they have a 70% or greater likelihood of going out of business as a result of an outage lasting 3
to 7 weeks. In contrast, the average reported likelihood among large businesses is 1.5% for a 3-week
outage and 4.1% for a 7-week outage. Only one large business respondent indicated that they had a
greater than 10% likelihood of going out of business. Perhaps, not surprisingly, smaller businesses
would be disproportionately impacted by a long duration outage.
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Survey respondents were also asked to report the percentage of employees by labor category
that they would forego paying during the 4-day, 3-week and 7-week power outages. As expected,
contract/temporary employees would be most impacted by a long duration outage. For an outage
lasting 3 to 7 weeks, businesses in each segment would stop paying around 35% or more of their
contract/temporary employees on average. Part-time employees working for small and medium
businesses would be similarly impacted by a long duration outage, with those businesses reporting 
that over 40% of part-time employees would not be paid throughout a 7-week outage. Among full- 
time employees, lost pay is relatively low, but it would still be substantial. For a 7-week outage,
businesses would stop paying an average of 16.4% to 27% of their full-time employees (depending
on segment), which would be a substantial loss of income to the region.

1.4 Displaced Residents
Most of the residential customers in the target population live in residential hotels, low rise and high
rise buildings that would need to be evacuated as a result of a long duration outage. In the survey,
some property managers of residential buildings reported that their residents would have to be
evacuated in the event of an outage because elevator, heating, cooling and ventilation systems would 
not be able to operate, which would lead to health and safety hazards for residents. In addition to the
inconvenience of being displaced, these residential customers (or their property managers) would  
likely be required to bear the cost of living elsewhere for the duration of the outage. However,
because residential relocation costs are so small relative to business interruption costs, even in the
worst case scenario, direct costs for residential customers would only lead to a slight increase in the
quantifiable total cost. Therefore, residential direct costs have been omitted from the total cost
estimate. Nonetheless, the inconvenience and economic impact on each affected resident should not
be understated. Although the aggregate direct financial impact would not be substantial in   
comparison to that of business customers, the economic impact to the affected resident might be
significant. In addition, imagine how difficult it would be to find temporary housing for even 2,000
families, not to mention 25,000.
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2 Introduction
FSC has conducted many outage cost studies (also known as value of service studies) over the past
25 years for various utilities around the U.S., including PG&E. However, these previous studies
focused primarily on short duration outages (i.e., outages of 24 hours or less). The procedures used
to collect information about such outages are well established. However, because customers
inevitably must alter their operations in response to long duration outages in important ways, the
impacts of long duration outages are very different from those of short duration outages. Therefore,
FSC modified its survey instruments in order to account for issues specific to estimating the costs
associated with a 24-hour to 7-week outage. To begin this project, FSC reviewed the literature
associated with estimating costs from long duration power outages. While there is a substantial body
of literature on shorter duration power outages, the literature on long duration, widespread power
outages is fairly thin and more journalistic than scientific – if only because such outages are highly 
uncommon. When long duration outages do occur, it is often in the aftermath of a natural disaster.
FSC therefore turned to the literature on hazard loss estimation to review methods applicable to a long
duration outage scenario in downtown San Francisco. This literature focuses on two types of costs
that result from business interruptions – direct costs and indirect costs. FSC’s summary of the
literature on hazard loss estimation is attached as Appendix B.

2.1 Estimating Direct Costs
Direct costs of outages include the net revenue losses, equipment damage and response costs for
customers that lose power. These costs are primarily attributed to commercial and industrial 
customers. There are three methods for direct cost estimation, including:

• Scaling of macroeconomic indicators;

• Extrapolation from prior case studies; and

• Primary data collection through surveys.

Although uncommon in the hazard loss estimation literature due to their relatively high data collection
cost, survey methods provide the most reliable evidence of direct costs. Simpler and less expensive
methods that rely on scaling output losses from macroeconomic variables (such as annual gross
output), while easy to undertake, rely on fundamentally unrealistic assumptions (i.e., scalar
adjustments for resiliency). Similarly, methods that use estimates from prior case studies rely on
conditions and assumptions that may have little bearing on the situation under study (i.e., a long
duration outage in San Francisco). Approaches based on primary data collection, on the other hand,
take into account assumptions and heterogeneity of customers. Surveys derive estimates directly
from representatives of the firms that will experience the outage – the agents in the best position to
understand their firms and assess the likely costs of disruption. Surveys rely on scientific sampling 
techniques to ensure that answers obtained from surveys are representative of the customer
population of interest, thereby enabling survey results to be scaled to the affected population.
Although surveys ask respondents about hypothetical scenarios, and thus obtain estimates of likely
costs, alternatives are much less accurate.

In the hazard loss estimation field, most experts use scaled macroeconomic variables as the basis for
direct cost estimates, including Dr. Adam Rose who is one of the premier hazard loss estimation
experts and wrote a seminal methodological comparison of the different cost estimation techniques in
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2004.2 While most hazard loss estimation experts, including Dr. Rose, agree that surveys are the
preferred approach for estimating direct costs, this method is relatively uncommon because of cost
concerns. Because this study focuses on a few thousand businesses served by PG&E’s Embarcadero
substation, survey methods are feasible because the cost to complete a statistically valid survey of
these business is not very high for such a small, relatively homogeneous population. More
importantly, there is good reason to believe that macroeconomic indicators, such as Gross Domestic
Product (GDP), are simply unavailable for such a small geographical area, so a macroeconomic
estimate would rely on tenuous assumptions to estimate revenue specifically for the target population.

We know this is the case because we developed an estimate of the direct outage cost that would occur
as a result of an interruption of electric service using GDP. To do this, FSC identified the smallest 
geographical area containing downtown San Francisco for which GDP is published. The U.S.
Department of Commerce Bureau of Economic Analysis provides GDP information down to the level of
metropolitan statistical area (MSA). The entire target population is located within the San Francisco- 
Oakland-Fremont MSA. Within this MSA, FSC estimated that the target population accounts for roughly 
2% of PG&E non-residential accounts and 12.6% of non-residential electrical usage.
Considering that the target population comprises a relatively small portion of the MSA as a whole (that
is known to have a very high concentration of high value added businesses), it is problematic to
accurately interpolate a localized GDP estimate. With an MSA annual GDP of $335,563 million and
12.6% allocated towards the target population, FSC estimated an annual GDP of $42,355 million
within the target population, but this estimate was developed by a highly oversimplified scalar. To 
develop a GDP-based estimate of outage costs, we assumed that annual GDP is evenly distributed
among the hours of the year. Therefore, we divide $42,355 million by 8,760 hours in the year to
develop an hourly GDP-based outage cost estimate of $4.8 million per hour. On a daily basis, the
GDP-based outage cost estimate is $116 million; $464 million for a 4-day outage; $2.4 billion over
3 weeks; and $5.7 billion for a 7-week business interruption.

Although the GDP-based estimate serves as an interesting comparison to the survey-based results in
this study, there are many drawbacks for this GDP-based outage cost estimate, including:

• GDP is a proxy for outage costs as opposed to a direct measurement provided by a survey;

• GDP-generating activities are not evenly distributed throughout the year or the day; and

• Given that GDP is not available at a local level, we rely on the assumption that GDP is evenly 
distributed (by annual GWh usage) throughout businesses in the MSA. However, it is
unknown if the target population produces more or less GDP per GWh relative to the
remaining population in the MSA.

These drawbacks highlight many of the reasons why survey-based estimates have become the more
commonly accepted practice in the direct outage cost estimation literature, as well as the hazard loss
estimation literature (particularly if accurate, localized GDP information for the population of interest is 
unavailable). Indeed, the California Public Utilities Commission (CPUC) has also found survey-based
outage cost estimates to be most appropriate on multiple occasions. Prior to PG&E’s 2005 outage cost
study, the CPUC, PG&E and other stakeholders compared various methodologies and the CPUC

2 Rose, Adam. “Economic Principles, Issues, and Research Priorities in Natural Hazard Loss Estimation,” in Y. Okuyama
and S. Chang (eds.) Modeling the Spatial Economic Impacts of Natural Hazards, Heidelberg: Springer, 2004, pp.13-36.
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ultimately directed PG&E to use a survey-based approach in conducting its 2005 outage cost study.3

The CPUC again directed PG&E to use survey-based methods in its 2012 outage cost study.4 Both the
2005 and 2012 outage cost studies were carried out successfully by FSC, and we have applied the
same high standard for estimating direct costs in this study.

2.2 Estimating Indirect Costs
Indirect costs to commercial and industrial customers result from the chain reaction of economic
losses stemming from direct costs: interactions between businesses (e.g., changes in quantities of
inputs bought or outputs sold, changes in relative prices) and interactions between consumers and
businesses (e.g., lost wages and reduced spending). Indirect costs are thus incurred not only by
people and firms subject to an outage, but also to people and firms outside of the affected area.
Additionally, outage costs associated with public expenditures (e.g., assistance programs, emergency
services, loss of taxes), public goods (e.g., water treatment) and injury or loss of life can be
considered a part of indirect costs.

Measuring indirect costs is challenging for several reasons. Indirect losses cannot be readily verified
through a survey like direct losses. Moreover, indirect effects are spatially dispersed; if a firm in San
Francisco suspends operations, it may affect businesses elsewhere in the Bay Area, the United States,
or the world. Finally, indirect losses vary substantially with the resiliency – the adaptive behaviors – of 
affected firms, which in turn varies substantially with specific market conditions that cannot be
anticipated or modeled a priori. For example, in the fall of 2012, an Exxon refinery in Torrance
experienced a momentary power outage that caused the refinery to shut down for approximately 5
days. This caused wholesale gasoline supplies to tighten significantly in the California market, which 
in turn caused the retail price of gasoline to spike dramatically over a period of about 10 days. Under
normal conditions, removal of the productive output of that refinery would not have materially
changed the wholesale price of gasoline because other suppliers would take up the slack.
Unfortunately, these were not normal conditions because producers were drawing down their summer
gasoline formulation stocks and the Chevron Richmond refinery was off line because of a fire in the
preceding month.  While we are not aware of any efforts to calculate the indirect cost to gasoline
consumers of this outage, there is no doubt that this cost was dramatically higher than it would have
been if it occurred either one month earlier or one month later in the annual production cycle

This outage also illustrates another very perplexing issue with estimating indirect costs. As with direct
costs, indirect costs represent a net value, since some California businesses stand to benefit in the
case of an outage – whether by substituting for adversely-affected competitors or responding to new
demand.

Given the above problems, any calculation of indirect costs must necessarily be understood as simply
an order-of-magnitude approximation. Indirect costs cannot be captured directly by surveys. It is our
view that indirect costs should be estimated from a simple multiplier based on the literature or a
regional economic model, and estimates can vary substantially based on the approach used to model
them and the scope of costs under consideration. One thing, however, is clear: accounting for indirect

3 CPUC Resolution E-3922

4 D.10-06-048
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costs always leads to an increase in the total cost estimate. A wide range of indirect costs have been
calculated for real and hypothetical electricity outages in the hazard loss literature. These cost
estimates and the methods and procedures that were used to calculate them are discussed in detail in
Appendix B.  Based on our review of this literature, we believe it is reasonable to expect indirect costs
to be between one-half and two times direct costs for this study. In this report, we employ these
multipliers to develop a range of indirect cost estimates in Section 6.

2.3 Potential Social Disruption
Another important consideration specifically for downtown San Francisco is the potential social 
disruption, and resulting costs, that could occur as a result of a long duration power outage.

In July 1977, New York City experienced a 25-hour blackout that affected 9 million people and
resulted in widespread criminal activity. Corwin and Miles’ 1978 study of the New York blackout
continues to be widely cited in the literature on the costs of major power outages.5 They constructed
a summary of economic impacts by bringing together separate and independent reports of costs from
businesses and business associations, governments, public service agencies, non-profit service
organizations, insurers and health institutions. While Corwin and Miles disclaimed that their list was
not comprehensive, the summation of reports resulted in an estimated indirect outage cost of $290
million in nominal dollars, which is about $1 billion in 2012 dollars and more than 5 times their direct
cost estimate, which is well outside the range of multipliers used in this study (0.5x to 2x).
Additionally, Corwin and Miles discussed non-quantified costs associated with social impacts, such as
the cancellation of planned activities, the alteration of transportation flows and the inconvenience of
everyday life functions.

While it seems unlikely that a long duration outage in San Francisco would result in similar levels  
of chaos and security response as that 1977 New York City outage, Corwin and Miles’ study
demonstrates that damage from looting and rioting, and the costs of government response and
assistance, can be quite significant in the aftermath of a major outage or disaster, particularly in
urban areas. Because business and residential buildings would not be occupied during the outage,
there would be costs to secure such buildings, either through a police presence, private security or
both. The loss of traffic signals would result in traffic control costs. For a unique area like downtown 
San Francisco, it is impossible to predict the potential level of damages from looting and rioting and
the costs of government response.

Loss of Embarcadero Substation also would disrupt transportation flows in the directly impacted area
and beyond. The Bay Area Rapid Transit (BART) and the San Francisco Municipal Railway (MUNI)
could experience substantial impacts from a long duration outage of the Embarcadero Substation. The
outage would impact the BART/Muni Embarcadero Station (station power), the Temporary TransBay
Terminal (currently in operation), and the future TransBay Terminal. Although BART trains run on
power that would not be affected by an Embarcadero Substation outage, the BART/Muni Embarcadero
Station is roughly at the center of the four major BART lines running through the Bay Area. Similarly,
the MUNI system also other sources of track power, but many important MUNI bus and light rail lines
run through the Embarcadero Station, so the impact on those key transportation lines could also be

5 Corwin, J. & Miles, W., 1978. Impact Assessment of the 1977 New York City Blackout, Palo Alto, CA: Systems Control, Inc.



8

considerable. San Francisco’s Cruise Terminal also would lose power. The costs to these
transportation systems, and additional costs to consumers who might need them, are bound to be
substantial. However, these public transportation providers may not be willing to provide detailed 
impact estimates for security reasons.

As a result of these costs, the indirect cost estimate is likely to be toward the higher end of the range
of estimates that is provided in this study.

2.4 Report Organization
The remainder of this report proceeds as follows. Section 3 summarizes the survey methodology that
FSC implemented among a stratified random sample of businesses in the target population. Section 4
describes survey response and assesses any potential sources of non-response bias in the survey
results. In Section 5, the survey results are presented. Section 6 summarizes the estimated indirect
costs that would result from a long duration outage. The full survey instrument is included in  
Appendix A. Appendix B provides the review of literature focused on direct and indirect cost 
estimation.
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3 Survey Methodology
FSC conducted the survey among a stratified random sample of PG&E business customers in
the target population. These business customers were split into three main customer segments:

• Listed small and medium business (SMB) customers;

• Listed large business customers (LB); and

• Master metered tenants.

Listed customers are those that are represented in PG&E’s customer database. Throughout the data
collection process, FSC had to develop the information for a separate segment of master metered 
tenants because there are a number of high rise, master metered office buildings in the Embarcadero
area. Tenants in these master metered buildings are not represented in PG&E’s customer database
and if costs for this segment were not including the study, the cost estimates would be drastically
underestimated. The process for identifying a master metered building and surveying its tenants is
described at the end of this section.

3.1 Survey Implementation Approach
Table 3-1 provides an overview of the survey implementation approach by segment. All customer
segments were recruited by telephone. After a respondent verbally committed to participating in the
survey, listed SMB customers and master metered tenants were emailed a link to the online survey
and a unique access code. For LB customers, FSC scheduled in-person interviews because their
business operations are generally more complex and require a trained survey interviewer to properly 
guide respondents through the survey. The incentive for completing the survey or in-person interview 
varied by segment and, for listed SMB customers and master metered tenants, the incentive varied
over time as the data collection efforts proceeded. FSC initially tested a $75 incentive for completion 
of the survey by listed SMB customers and master metered tenants, but we quickly determined that a
larger incentive was required to achieve reasonable response rates among busy downtown San
Francisco businesses. Therefore, FSC first increased the incentive for completing the online survey
to $100, which was sufficient to achieve the target of 150 completed surveys among listed SMB
customers. For master metered tenants, FSC ultimately had to increase the incentive to $200 in order
to achieve an acceptable response rate in that segment. The incentive for listed LB customers was
held at $200 throughout the data collection process.

Table 3-1: Survey Implementation Approach by Segment

Segment
Sample
Design
Target

Recruitment
Method

Data Collection 
Approach

Incentive 
Provided

Listed SMB Customers 150 Telephone Online Survey $75 to $100

Listed LB Customers 20 Telephone In-person Interview $200

Master Metered Tenants 50 Telephone Online Survey $75 to $200
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3.2 Survey Instrument Design
The survey instrument included 6 main sections:

• Description of business, including employment and revenue;

• Case 1: Costs of a 24-hour outage;

• General issues associated with responding to long duration outages;

• Case 2: Costs of a 4-day outage;

• Case 3: Costs of a 3-week outage; and

• Case 4: Costs of a 7-week outage.

Considering that most customers have never experienced an outage that lasts multiple days or weeks,
the survey instrument included a section between Case 1 and Case 2 that addresses general issues
associated with responding to long duration outages, such as the use of backup generation,
telecommuting capabilities and temporary/permanent relocation possibilities. After respondents
think about these issues, they are able to more accurately answer more specific questions associated
with how their business would respond to a long duration outage and how much it would cost
their business. FSC identified these issues by pre-testing the survey instrument among 40 businesses
in the New Orleans area that experienced a long duration business interruption after Hurricane Katrina.  
This pre-testing, as well as pre-testing among customers in the target population, greatly       
improved the validity of the survey instrument and ensured that the survey covered key issues and
cost categories to consider when a long duration business interruption occurs.

For each case, the total outage cost is calculated by the following equation:

Total Outage Cost = Net Revenue Loss + Total Out- of- Pocket Cost

In the above equation, Net Revenue Loss is the revenue loss during the outage minus the revenue
loss recovered after the outage, which are measured through two questions in the survey and only
apply to the affected business in the target population. Total Out-of-Pocket Cost is the sum of all 
costs associated with responding to the outage, including:

• Temporary/permanent relocation cost;

• Salaries/wages to staff unable to work;

• Extra shifts/overtime pay;

• Damage to equipment;

• Damage to materials;

• Restart costs;

• Backup generation cost;

• Telecommuting costs; and

• Other out-of-pocket costs.

The temporary/permanent relocation cost was a key factor that FSC identified while pre-testing the
survey among business affected by Hurricane Katrina. Therefore, questions regarding relocation are
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included at various points in the survey instrument. For more details on the survey instrument, refer
to Appendix A, which includes the full survey instrument.

3.3 Sample Design
Before detailing the sample design methodology and how these sample points were distributed among
usage categories, it is important to note that a customer refers to each individual business at each
address, not an individual account at each address. When business customers complete an outage
cost survey, they provide answers associated with all of their accounts at a certain address. Many of
these businesses only have one account at that address, in which case the customer-level estimates
and account-level estimates are identical. However, there are some businesses that have multiple
accounts at the same address, especially in downtown San Francisco, in which case the respondent is
rarely able to provide the cost estimates for an individual account within a building. Therefore, usage
and customer contact information were aggregated across all of the accounts associated with each
business at each address before sampling customers.

Listed SMB customers were split into four usage categories and listed LB customers were split into
three usage categories. The optimal stratum boundaries were determined using the Delanius-Hodges 
technique, with the natural logarithm of customer usage as the indicator variable. The same variable
was used in a Neyman allocation to determine the optimal number of targeted sample points within
each stratum. The natural logarithm of customer usage was used as the indicator variable because it 
is the observable variable that is most highly correlated with customer outage costs, as shown in
many prior outage cost studies, including the PG&E’s 2012 systemwide value of service study. This
sampling approach is necessary because the distribution of usage per customer is highly skewed. As
shown in Figure 3-1, a vast majority of customers is clustered towards the lower end of the usage
distribution for each segment and there is a long tail of high usage customers towards the upper end 
of the distribution. Considering that usage is a proxy for outage costs, a key objective of the sample
design methodology was to ensure that the sample included a sufficient amount of high usage
customers. A simple random sample would not accomplish this objective because high usage
customers would have a very low probability of being selected for the sample considering that they
account for a small percentage of each segment.

Figure 3-1: Distribution of Average Hourly Usage by Segment 
(Top 5th Percentile for Each Customer Class Omitted)

Listed SMB Customers Listed LB Customers
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Table 3-2 summarizes the sample design for listed SMB and LB customers. Aggregate average hourly
usage is 56.2 MW among all listed SMB customers in PG&E’s database and 63.4 MW among all listed
LB customers. The target population is defined as the customers served by the Embarcadero
substation in San Francisco. Customers with less than 0.5 kW average hourly electricity usage are
excluded from the survey because many of these facilities are unmanned (i.e., signals, signs and
communications transponders) and collectively they account for a tiny fraction of electricity
consumption in the target market. It is simply not cost-effective to expend survey resources on
facilities that make up a very small percentage of the aggregate electricity consumption (and
presumably outage cost) and are extremely difficult to recruit because they are unmanned. As shown
in Table 3-2, these small customers comprise 0.2% of aggregate usage among listed SMB customers,
so their impact on the final results is negligible even though they comprise 23.6% of customers in the
SMB target population. The 150 sample points for listed SMB customers are divided roughly evenly
between the 4 usage categories above 0.5 average kW. Half of the sample points for listed LB
customers are allocated toward the largest usage category even though it only accounts for 24.4% of
customers in the LB target population. This sample design ensured that the study included a sufficient
amount of high usage customers that were likely to have higher and more variable outage costs,
which improves the precision of the results but does not introduce bias because population weights   
are employed to ensure that estimates are representative of the target population.

Table 3-2: Sample Design Summary by Segment

Segment
Usage

Category 
(Average kW) Total MW

Target Population

% of Total Number of 
MW Obs.

% of 
Population

Sample

Target  % of 
Sample

Listed SMB
Customers

0 to 0.5 0.1 0.2% 692 23.6% 0 0.0%

0.5 to 1.8 0.7 1.2% 656 22.4% 36 24.0%

1.8 to 6.4 2.5 4.5% 691 23.6% 37 24.7%

6.4 to 30.5 7.9 14.0% 587 20.0% 37 24.7%

30.5 to 600 45.0 80.1% 306 10.4% 40 26.7%

SMB Overall 56.2 100% 2,932 100% 150 100%

Listed LB 
Customers

600 to 855 15.4 24.3% 21 46.7% 5 25.0%

855 to 1,353 14.5 22.9% 13 28.9% 5 25.0%

1,353 to 8,900 33.5 52.8% 11 24.4% 10 50.0%

LB Overall 63.4 100% 45 100% 20 100%

A stratified random sample for master metered tenants could not be developed a priori because the
identity and number of these customers was not known at the time of the sample design. In fact, FSC
did not have information on exactly which buildings had master metered tenants until after a directly
served customer completed the survey. During the phone recruitment process, FSC filtered out
customers that were clearly not property managers with master metered tenants. However, if
respondents were unsure or may have been a property manager with master metered tenants, FSC
waited until they finished the survey and then called back to verify that the customer was a property
manager with master metered tenants. If so, FSC also asked how many tenants were at the address
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and attempted to obtain their identities. Using this verified information for listed SMB and LB
customers that completed the survey, FSC focused its efforts on recruiting a representative sample of
tenants in those master metered buildings.

FSC employed several options to develop a sampling frame within each of these master metered 
buildings. The options, in order of priority, included:

• Working with the property manager to identify all master metered tenants in the building;

• Visiting the building and gathering tenant information from the building directory;

• Standing outside the building and asking people leaving and entering which business they are
visiting; and

• Searching online for businesses that are located at the building address.

If a building had 25 or fewer master metered tenants, FSC released6 all of the records and attempted 
to recruit all tenants for the survey. If a building had more than 25 master metered tenants, FSC
released a random sample of 25 tenants for survey recruitment. In total, FSC released 269 records
that were associated with identified business tenants in master metered buildings.

6 A released record represents a customer that FSC tried to recruit for the survey.
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4 Survey Response and Non-response Bias Assessment
Table 4-1 summarizes survey response by segment and usage category. With 224 total completed
surveys, customer response was above the overall sample design target of 220. Overall, the survey
had a 18.8% response rate among listed SMB customers and this SMB response rate was roughly
consistent across usage categories. At 20.4%, master metered tenants had a similar response rate. In 
the listed LB segment, the response rate increased as usage increased, which is expected     
considering that larger customers generally have a close relationship with their account managers who 
helped with recruitment efforts. Nonetheless, non-response bias among high usage LB customers is
not a significant concern for the outage cost estimates because usage category is factored into the
population weights in the analysis.

Table 4-1: Customer Survey Response Summary by Segment and Usage Category

Usage
Segment  Category 

(Average kW)
Population

Sample
Design
Target

Records  Survey 
Released Responses

Response
Rate

Listed SMB
Customers

0.5 to 1.8 656 36 192 34 17.7%

1.8 to 6.4 691 37 200 39 19.5%

6.4 to 30.5 587 37 200 38 19.0%

30.5 to 600 306 40 208 39 18.8%

SMB Overall 2,240 150 800 150 18.8%

Listed LB 
Customers

600 to 855 21 5 21 6 28.6%

855 to 1,353 13 5 13 6 46.2%

1,353 to 8,900 11 10 11 7 63.6%

LB Overall 45 20 45 19 42.2%

Master Metered Tenants 2,444 50 269 55 20.4%

Overall 4,729 220 1,114 224 20.1%

The remainder of this section analyzes survey response for listed customers. This analysis was not
conducted for master metered tenants because we only have information for tenants that ultimately
completed the survey. Without information for tenants who did not complete the survey, it is not
possible to analyze response by usage and industry category and assess the potential sources of non-
response. Nonetheless, master metered tenants have a comparable response rate and a similar
magnitude of outage costs relative to listed SMB customers (see Section 5), which ensures that the
tenant estimates are reasonable.

4.1 Survey Response by Industry Category
Table 4-2 provides the response rates by segment and industry category. Sample design targets are
not included in this table because the survey implementation did not have specific quotas of survey
responses by industry category. Stratifying the sample by usage category and industry category
would have added substantial costs to the survey implementation and the benefit of doing so is not
certain. Nonetheless, it is important to analyze survey response by industry category to ensure that
key industry categories are represented in the survey data and that response rates are roughly
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consistent across business types. Other than customers in the information sector, response rates for
listed SMB customers are relatively consistent across industry categories. Response rates for listed LB
customers are more variable, but given the relatively small number of customers in each industry
category, more variation is expected. This section concludes with a more rigorous non-response bias
assessment to determine if these differences are statistically significant.

Table 4-2: Customer Survey Response Summary by Segment and Industry Category

Segment Industry Category Population Records
Released

Survey 
Responses

Response
Rate

Listed 
SMB

Customers

44-45. Retail Trade 192 74 11 14.9%

51. Information 80 28 2 7.1%

52. Finance and Insurance 41 15 3 20.0%

5311. Lessors of Real Estate 352 170 36 21.2%

7211. Traveler Accommodation 27 12 3 25.0%

722. Food Services and Drinking Places 347 114 24 21.1%

99. Other/Unknown 1,201 387 71 18.3%

SMB Overall 2,240 800 150 18.8%

Listed LB 
Customers

51. Information 5 5 2 40.0%

52. Finance and Insurance 3 3 1 33.3%

5311. Lessors of Real Estate 28 28 12 42.9%

7211. Traveler Accommodation 5 5 3 60.0%

99. Other/Unknown 4 4 1 25.0%

LB Overall 45 45 19 42.2%

Figure 4-1 compares the distribution of the population and survey respondents by segment and
industry category. Even though response rates do not vary substantially by industry category, there
can still be differences between the population mix and respondent mix if the sampled records were
not representative of the population. As shown in the figure, the percentage of the population and
respondents that fall into each industry category are highly correlated. In each segment, the
other/unknown industry category is underrepresented in the sample, but this trend is expected  
because those customers generally have lower usage and the sample design targets a relatively low 
percentage of these smaller customers. Conversely, as a result of targeting relatively large customers
more intensively, lessors of real estate in the SMB segment comprise a relatively high percentage of
survey respondents. After weighting the results to the population by usage category, these
differences are reduced.
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Figure 4-1: Distribution of Population and Survey Respondents by Segment and Industry Category

4.2 Detailed Non-response Bias Assessment
Although a 20% overall response rate is reasonable considering that the target population is
comprised of busy downtown San Francisco establishments, it is important to conduct a detailed
assessment of the potential sources of non-response bias. If the 80% of customers in the released
sample who did not respond to the survey are significantly different from the 20% who completed the
survey, the outage cost estimates will be biased and adjustments to the population weights may be
necessary. To assess potential sources of non-response bias, FSC conducted an analysis of the
response trends in the survey. For listed SMB and LB customers, a Probit econometric regression
model was run at the individual customer level among all of the released records throughout the data
collection process.

Each Probit regression model was run using all of the released records for each segment, with records
that completed the survey assigned with a one in the analysis dataset and records that did not
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complete the survey assigned with a zero in the dataset. Therefore, the Probit regression models
summarized in this section show the factors that contributed to the likelihood that a customer
completed the survey. A positive regression coefficient is interpreted as an increase in the likelihood
of survey response and a negative regression coefficient is interpreted as a decrease in the likelihood 
of survey response. Any factors that significantly affect the likelihood that a customer completed the
survey that were not accounted for in the population weights may lead to non-response bias in the
results. As in any survey, there may be unobservable factors that contribute to non-response bias as
well, but data is not available for those variables, so those factors are not considered in this analysis.

The variables in the models are usage and industry category (based on the North American Industry
Classification System codes). Within each segment, four Probit models with different specifications of
the usage variable were run:

• Model 1: Usage specified as a linear relationship (average kW variable included in the model)

• Model 2: Usage specified as a second order polynomial relationship (average kW and average
kW squared variables included in the model)

• Model 3: Usage specified as a logarithmic relationship (log of average kW variable included in 
the model)

• Model 4: Usage specified as a categorical relationship (each usage category included in the
model as binary variables)

Results for all four models are provided for each segment so that the analysis tests whether or not a
finding is robust to the model specification. If a coefficient is statistically significant across all four
models, we can conclude that its underlying variable has an effect on response likelihood.

Table 4-3 provides the Probit regression results for the SMB segment. The information sector variable
produces the only statistically significant coefficient in all four models, suggesting that customers in
the information sector were less likely to respond to the survey. Considering that the information
sector in downtown San Francisco consists of many lightly staffed data centers, relatively lower
response rates in this industry category would not be surprising. However, even though this coefficient 
is statistically significant in all four models, there is no evidence for non-response bias              
because the models as a whole are jointly insignificant, as indicated by the high Chi-square statistics
and very low R-squared values. Therefore, we conclude that there may be relatively lower response
among customers in the information sector, but given that the models are jointly insignificant, it is not 
a concern for the final results and adjustments to the population weights are not necessary. Even if
adjustments were made, customers in the information sector comprise only 4% of the listed SMB
population, so the impact of such adjustments on the overall results would be negligible.
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Table 4-3: Probit Regression for Assessment of Non-Response Bias – Listed SMB Customers 
(Legend: * 10% Significance Level, ** 5% Significance Level, *** 1% Significance Level)

Variable
Category Variable Model

1
Model

2
Model

3
Model

4

Usage

Average kW -0.0007 0.0016 — —

Average kW Squared — 0.0000 — —

Log of Average kW — — -0.0205 —

Usage Category 1 (0.5 to 1.8 kW) — — — (Base)

Usage Category 2 (1.8 to 6.4 kW) — — — 0.0347

Usage Category 3 (6.4 to 30.5 kW) — — — 0.0017

Usage Category 4 (30.5 to 600 kW) — — — -0.0439

Industry

44-45. Retail Trade -0.2953 -0.2502 -0.2836 -0.2689

51. Information -0.7033* -0.6751* -0.6933* -0.6785*

52. Finance and Insurance -0.0725 -0.0126 -0.0657 -0.0664

5311. Lessors of Real Estate (Base Industry Category)

7211. Traveler Accommodation 0.1430 0.1386 0.1349 0.1303

722. Food Services and Drinking Places -0.0636 -0.0302 -0.0315 -0.0289

99. Other/Unknown -0.1533 -0.1221 -0.1381 -0.1258

Number of Observations 800 800 800 800

Chi Squared Statistic 0.52 0.28 0.63 0.84

R-Squared 0.0084 0.0106 0.0073 0.0071

Table 4-3 provides the Probit regression results for the LB segment. The only statistically significant
variables in all four models are the log of average kW in model 3 and the largest usage category in
model 4. As discussed above, this result is expected considering that larger customers generally have
a close relationship with their account managers who helped with recruitment efforts. Considering  
that usage category is factored into the population weights in the analysis, non-response bias among
high usage LB customers is not a significant concern for the outage cost estimates. In addition, as in
the SMB segment, even though there are statistically significant coefficients, there is no evidence for
non-response bias because the models as a whole are jointly insignificant, as indicated by the high Chi-
square statistics and low R-squared values.
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Table 4-4: Probit Regression for Assessment of Non-Response Bias – Listed LB Customers 
(Legend: * 10% Significance Level, ** 5% Significance Level, *** 1% Significance Level)

Variable
Category Variable Model

1
Model

2
Model

3
Model

4

Usage

Average kW 0.0003 0.0004 — —

Average kW Squared — 0.0000 — —

Log of Average kW — — 0.7479* —

Usage Category 1 (600 to 855 kW) — — — (Base)

Usage Category 2 (855 to 1,353 kW) — — — 0.5408

Usage Category 3 (1,353 to 8,900 kW) — — — 0.9931**

Industry 
Category

51. Information -0.5009 -0.4488 -0.4733 -0.2106

52. Finance and Insurance -0.1865 -0.1797 -0.2142 -0.2266

5311. Lessors of Real Estate (Base Industry Category)

7211. Traveler Accommodation 0.5086 0.5257 0.5605 0.5686

99. Other/Unknown -0.5349 -0.5605 -0.6188 -0.5679

Number of Observations 45 45 45 45

Chi Squared Statistic 0.57 0.65 0.41 0.42

R-Squared 0.0671 0.0700 0.0937 0.0910
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5 Survey Results
This section provides two sets of survey results. The direct outage cost estimates summarize the
direct costs that businesses in the target population would experience as a result of a long duration
outage. The second set of survey results focuses on the likelihood of lost businesses and employment
in the target population.

5.1 Direct Outage Cost Estimates
Table 5-1 provides the average cost per outage event estimates by customer segment and outage
duration. For a 24-hour outage, listed SMB customers experience an average cost of $20,536 per
customer. As outage duration increases, the average cost increases to nearly $300,000 per customer
at 3 weeks and over $600,000 per customer at 7 weeks. The incremental cost per day decreases
slightly as outage duration increases for listed SMB customers. Between 24 hours and 4 days, the
incremental cost per additional outage day is around $15,000. For the 45 additional outage days
between 4 days and 7 weeks, the incremental cost per day is slightly lower at roughly $12,000.
Although listed SMB customers are able to mitigate some daily costs as outage duration increases,
there are still substantial costs for each additional outage day, even after 3 weeks to 7 weeks
without power.

Master metered tenants have a similar magnitude of outage costs relative to listed SMB customers.
For a 24-hour outage, master metered tenants experience an average cost of $29,086 per customer,
which is 42% higher than that of listed SMB customers. As outage duration increases, the average
cost for master metered tenants increases to around $250,000 per customer at 3 weeks and over
$526,000 per customer at 7 weeks, estimates that are roughly 15% lower relative to those of listed
SMB customers. As such, the incremental cost per day decreases relatively more quickly as outage
duration increases for master metered tenants, perhaps because they stop paying rent or because they 
are relatively more capable of adapting by relocating or telecommuting. Between 24 hours and 4
days, the incremental cost per additional outage day is around $22,000. For the 45 additional outage
days between 4 days and 7 weeks, the incremental cost per day is slightly lower at roughly $9,500,
which is still a significant cost for each additional outage day. Even though average cost per outage
event among master metered tenants is estimated from relatively few observations (55), the similar 
magnitude relative to the estimates for listed SMB customers (which are based on 150 observations)
ensures that the tenant estimates are reasonable.

Table 5-1: Average Cost per Outage Event Estimates by Segment and Outage Duration

Segment Outage
Duration

Number
of Obs.

Average Cost per 
Outage Event

95% Confidence Interval

Lower Bound Upper Bound

Listed SMB
Customers

24 hours 150 $20,536 $9,226 $31,845

4 days 150 $65,848 $35,408 $96,287

3 weeks 150 $298,359 $177,931 $418,787

7 weeks 150 $607,265 $339,206 $875,323

Listed LB 
Customers

24 hours 19 $82,104 $8,427 $155,781

4 days 19 $218,041 $11,890 $424,192
3 weeks 19 $1,452,069 $3,445 $2,900,693
7 weeks 19 $2,911,383 $583,527 $5,239,240
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Segment Outage
Duration

Number
of Obs.

Average Cost per 
Outage Event

95% Confidence Interval

Lower Bound Upper Bound

Master
Metered 
Tenants

24 hours 55 $29,086 $12,225 $45,948

4 days 55 $95,836 $40,803 $150,868

3 weeks 55 $250,477 $123,341 $377,614

7 weeks 55 $526,370 $263,740 $789,000

Across outage durations, listed LB customers experience average costs per outage event that are
roughly 3.3 to 5 times greater than those of listed SMB customers. However, considering that   
average demand is 1,451 kW among listed LB respondents and 22.6 kW among listed SMB respondents 
(98.4% less than LB average demand), the percentage difference in outage cost between segments
is substantially lower than the percentage difference in average demand. As a result, outage         
costs for listed SMB customers are significantly higher when normalized by average kW. As         
shown in Figure 5-1, the outage cost per average kW estimates among listed SMB customers are more
than an order of magnitude higher than those of listed LB customers at each outage duration.
Considering that most listed LB customers are property managers that have master metered tenants
in their buildings, this finding is expected given that those incremental tenant costs are separate from
the cost per average kW estimates. Therefore, the outage cost estimates for listed LB customers are
relatively low when normalized by average kW, even though the per event estimates are as high as
around $2.9 million per customer for 7-week outage. Between 4 days and 7 weeks, the incremental
cost per day is nearly $60,000 for listed LB customers, which is substantial cost for each additional
outage day.

Figure 5-1: Cost per Average kW Estimates by Segment and Outage Duration7

With these cost per average kW estimates, it is relatively straightforward to develop the aggregate
cost estimate for all listed customers in the target population. As discussed in Section 3, aggregate

7 Cost per average kW estimates for mastered metered tenants are not included in this figure because usage information
specifically for these customers is not available. Therefore, the cost per outage event estimates for master metered
tenants cannot be normalized by average kW.
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hourly usage is 56.2 MW among listed SMB customers and 63.4 MW among listed LB customers.
These values are multiplied by the cost per average kW estimates in Figure 5-1 to develop the
aggregate cost estimate for each outage duration.

For master metered tenants, calculating the aggregate cost is not as straightforward because we   
must estimate the total amount of these unlisted businesses in the target population. Table 5-2
summarizes this calculation. The estimated number of master metered tenants is 0.62 tenants per
listed customer in the SMB segment and 23.2 tenants per listed customer in the LB segment. These
averages are calculated and weighted to the population in the same manner that the average cost per
outage event estimates are calculated in Table 5-1. The estimated number of mastered metered
tenants is simply another result from the data collection efforts, except these responses were collected
during the recruitment phase and then verified over the phone after a listed customer completed the
survey. The total number of listed customers by segment is multiplied by the average number of
master metered tenants per listed customer to develop the estimated total number by segment.
Overall, we estimate that there are 2,444 total master metered tenants in the target population.
This value is multiplied by the average cost per outage event estimates in Table 5-1 to develop the
aggregate cost estimate among master metered tenants for each outage duration.

Table 5-2: Summary Calculation of the Estimated Total Number of 
Master Metered Tenants in the Target Population

Variable / Estimate SMB LB Overall

Estimated Number of Master Metered Tenants per Listed Customer 0.62 23.2 1.07

Total Number of Listed Customers 2,240 45 2,285

Estimated Total Number of Master Metered Tenants 1,399 1,045 2,444

Table 5-3 provides the aggregate outage cost estimates by segment and outage duration. If the
entire target population lost electric power for 7 weeks, businesses would experience a total direct
outage cost of over $2.9 billion. A 3-week outage would lead to an aggregate outage cost of around
$1.4 billion among businesses in the target population. For outages lasting 24 hours to 4 days,
master metered tenants comprise around 57% of the aggregate outage cost, listed SMB customers
account for roughly 40% of the total and the remaining 2% to 3% is in the listed LB segment. For a
3-week to 7-week outage, listed SMB customers account for the majority of the aggregate cost
(around 52%), master metered tenants comprise over 43% of the total and the remaining 4% to
4.5% is in the listed LB segment.

Table 5-3: Aggregate Outage Cost Estimates by Segment and Outage Duration ($ Millions)

Outage
Duration

Listed Customers

SMB LB
Master Metered 

Tenants Total

24 hours $51.0 $3.6 $71.1 $125.7

4 days $163.6 $9.5 $234.3 $407.4

3 weeks $741.3 $63.4 $612.3 $1,417.0

7 weeks $1,508.8 $127.1 $1,286.7 $2,922.6
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5.2 Lost Businesses and Employment
Another important impact of a long duration outage that the survey measured was the likely 
magnitude of lost business and employment as a result of a long duration outage. At the end of the
3-week and 7-week outage scenarios, the survey instrument included an additional question, “How 
likely is it that this outage would cause you to go out of business?” Table 5-3 provides the results to
this question by outage duration and segment. Among listed SMB customers and master metered
tenants, the average reported likelihood of going out of business as a result of the outage ranged from
around 20% to slightly over 28%. More than one out of 10 customers in these two segments report
that they have a 70% or greater likelihood of going out of business as a result of an outage lasting 3 to 
7 weeks. In contrast, the average reported likelihood among listed LB customers is 1.5% for a
3-week outage and 4.1% for a 7-week outage. Only one listed LB respondent indicated that they
had a greater than 10% likelihood of going out of business. As such, smaller businesses (listed
SMB customers and master metered tenant) would be disproportionately impacted by a long
duration outage.

Table 5-3: Reported Likelihood of Going Out of Business as a 
Result of 3-week and 7-week Outages

Segment Outage
Duration

Number
of Obs.

Average 
Reported
Likelihood 0%

Distribution of Responses

10% to 40% to 70% to
30% 60% 90% 100%

Listed SMB
Customers

3 weeks 150 23.1% 44% 31% 14% 7% 4%

7 weeks 150 28.2% 39% 28% 18% 8% 8%

Listed LB 
Customers

3 weeks 19 1.5% 89% 11% 0% 0% 0%

7 weeks 19 4.1% 80% 16% 0% 3% 0%

Master
Metered 
Tenants

3 weeks 55 19.6% 49% 33% 5% 7% 5%

7 weeks 55 20.7% 51% 27% 9% 7% 5%

Survey respondents were also asked to report the percentage of employees by labor category that
they would forego paying during the 4-day, 3-week and 7-week power outages. As shown in Table 5-
4, contract/temporary employees would be most impacted by a long duration outage. For an outage
lasting 3 to 7 weeks, businesses in each segment would forgo paying around 35% or more of their
contract/temporary employees on average. Part-time employees working for listed SMB businesses
would be similarly impacted by a long duration outage, with those businesses reporting that over   
40% of part-time employees would not receive pay throughout a 7-week outage. Among full-time
employees, lost pay is relatively low, but it would still be substantial. For a 7-week outage, listed SMB
customers would forgo paying an average of 27% of their full-time employees, which would be a
substantial loss of income to the region. This lost income would not only result less commercial 
activity by the affected employees, but reduce income tax revenues for government and increase
unemployment insurance payouts.
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Table 5-4: Average Reported Percentage of Unpaid Employees by Segment and Labor Category

Segment Outage
Duration Full-time Part-time Contract/

Temporary

Listed SMB
Customers

4 days 19.1% 35.9% 35.4%

3 weeks 22.0% 38.4% 35.7%

7 weeks 27.0% 40.4% 40.4%

Listed LB 
Customers

4 days 9.9% 10.5% 17.2%

3 weeks 18.4% 10.5% 38.9%

7 weeks 19.5% 10.5% 38.9%

Master
Metered 
Tenants

4 days 9.2% 15.5% 34.5%

3 weeks 14.8% 21.8% 35.9%

7 weeks 16.4% 22.2% 36.8%

5.3 Direct Outage Costs for Residential Customers
Although the Embarcadero area is primarily a business district, it is important to remember that many
people live there as well. In fact, there are over 24,000 PG&E residential accounts that are served by
the Embarcadero substation. Most of these residential customers live in high and low rise buildings
that would need to be evacuated as a result of a long duration outage. In the survey, some property
managers of residential buildings reported that their residents would have to be evacuated in the   
event of an outage because elevator, heating, cooling and ventilation systems would not be able to
operate, which would lead to health and safety hazards for residents. In addition to the inconvenience
of being displaced, these residential customers (or their property managers) would likely be required   
to bear the cost of living in a hotel, motel or short-term apartment (at considerable distance from the
city) for the duration of the outage. Residential customers that do not live in high rise buildings may
not be required to evacuate, but they would still experience substantial inconvenience costs as a result 
of a long duration outage.

Considering that we did not survey residential customers, it is difficult to determine what percentage
would be required to evacuate and the extent of the inconvenience costs they would experience. As
discussed in Section 2.1, direct costs of outages are primarily attributed to commercial and industrial 
customers. If we assume a worst case scenario in which living and accommodation costs $200 per day 
and 90% of the 24,000 residential accounts must evacuate, the cost as a result of displaced    
residents would be $17.3 million for a 4-day outage, $90.7 million for a 3-week outage and $212
million for a 7-week outage. Considering that these direct costs for residential customers would result 
in a proportionately small increase in the quantifiable total cost even in the worst case scenario, these
costs have been omitted from the total cost estimate. Nonetheless, the inconvenience and economic
impact that these residential customers would experience should not be ignored. The resulting costs
could be quite significant for individuals or families, and all would suffer significant inconvenience.
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6 Indirect Outage Cost Estimates
As a result of lost revenue and increased costs to businesses in the target population, there would be
significant indirect spillover effects in the greater California economy as a result of a long duration
outage. These indirect costs to commercial and industrial customers represent the chain reaction of
economic losses stemming from direct costs: interactions between businesses (e.g., changes in
quantities of inputs bought or outputs sold, changes in relative prices) and interactions between
consumers and businesses (e.g., lost wages and reduced spending). Indirect costs are thus incurred
not only by people and firms subject to an outage, but also to people and firms outside of the affected
area. For example, when a business forgoes paying an employee in downtown San Francisco, that
employee will reduce household consumption and investment, which will adversely affect businesses in 
the greater Bay Area and California as a whole. The same logic applies to affected businesses, which
will also reduce consumption and investments that benefit other businesses, including neighboring 
businesses in the target population. Additionally, outage costs associated with public expenditures
(e.g., assistance programs, emergency services, loss of taxes), public goods (e.g., water treatment),
and injury or loss of life can be considered a part of indirect costs. Considering the complexity of
indirect cost estimation, these costs were not measured through the survey. We instead use a range
of multipliers that is informed by the hazard loss estimation literature.

As discussed in Section 2, a reasonable multiplier that can be used in this study to estimate indirect 
costs for California businesses is between one half and two. Using these multipliers, Table 5-3
provides the aggregate indirect outage cost estimates by outage duration. The estimated indirect
outage costs range from $62.9 million to $251.4 million for a 24-hour outage to between nearly $1.5
billion and over $5.8 billion for a 7-week outage.

Table 5-3: Aggregate Indirect Outage Cost Estimates by Outage Duration ($ Millions)

Outage
Duration

Total Direct 
Outage Cost

Range of Total Indirect Outage Costs

Low High
(Direct Cost x 0.5) (Direct Cost x 2.0)

24 hours $125.7 $62.9 $251.4

4 days $407.4 $203.7 $814.8

3 weeks $1,417.0 $708.5 $2,833.9

7 weeks $2,922.6 $1,461.3 $5,845.2

6.1 Potential Social Disruption
As discussed in Section 2, a long duration outage in downtown San Francisco would cause social 
disruption and resulting costs from, among other things, government response to security and traffic
control needs, private security, potential looting or vandalism, and disruption of transportation (BART,
Muni, TransBay Terminal and Cruise Terminal). Additionally, as noted in Corwin and Miles (1978),
there are many other non-quantified costs associated with social impacts, such as the cancellation of
planned activities, changes in normal work and leisure routines, and the inconvenience of everyday life
functions. As a result, the indirect cost estimate is likely to be toward the higher end of the range of
estimates that is provided in this study.
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Appendix B Literature Review
Calculating the losses from a long-term power outage involves estimating costs that are the
immediate consequence of the outage, called direct costs, and costs provoked by the consequences of 
the outage, called indirect costs. In this appendix, we summarize basic conceptual and
methodological aspects of estimating costs from long-duration outages. Section B.1 and Section B.2
compare the various methodologies for estimating direct and indirect costs, much of which draws from
Adam Rose’s 2004 article entitled, “Economic Principles, Issues, and Research Priorities in Hazard Loss
Estimation,” and Hallegatte and Przyluski’s 2010 article entitled, “The Economics of Natural Disasters:
Concepts and Methods.” Then, Section B.3 reviews studies that estimate the cost of long duration
power outages and Section B.4 reviews relevant studies on the estimated cost of natural disasters.
Finally, this appendix concludes with Section B.5, which provides a list of referenced literature.

B.1 Estimating Direct Costs
Direct costs of outages are primarily attributed to commercial and industrial customers and consist 
of several components: lost output (business interruption costs), losses from damage to equipment
and materials, payments to labor associated with making up lost output and costs associated with
back-up generation. Additionally, direct costs are a net measure; savings to firms (for example, for
unpaid wages) are subtracted from costs to arrive at a final value.

Survey methods are optimal for direct cost estimation. Methods that rely on scaling output losses
from macreconomic variables (such as annual gross output), while simple to undertake, rely on
fundamentally unrealistic assumptions. Similarly, methods that use estimates from prior case studies
rely on conditions and assumptions that may have little bearing on the scenario and population under
study. Approaches based on primary data collection, on the other hand, take into account
assumptions and heterogeneity of customers. Surveys derive estimates directly from the firms—the
agents in the best position to understand their firms and assess the likely costs of disruption.
Surveys rely on scientific sampling techniques to ensure that answers obtained from surveys are
representative of the customer population of interest, thereby enabling survey results to be scaled
to the affected population. Although surveys ask respondents about hypothetical scenarios, and thus
may be approximations at best, alternatives are much less accurate. Surveys of direct costs primarily
focus on businesses and do not include the costs associated with government response or
transportation disruption. In addition, residential direct costs may not be considered in a survey
because these costs are so low relative to business direct costs that it is not cost-effective to conduct
a formal survey of impacted households.

B.2 Estimating Indirect Costs
Indirect costs to commercial and industrial customers represent the chain reaction of economic losses
stemming from direct costs: interactions between businesses (e.g., changes in quantities of inputs
bought or outputs sold, changes in relative prices) and interactions between consumers and
businesses (e.g., lost wages and reduced spending). Indirect costs are thus incurred not only by
people and firms subject to an outage, but also to people and firms outside of the affected area.
Additionally, outage costs associated with public expenditures (e.g., assistance programs, emergency
services, loss of taxes), public goods (e.g., water treatment), injury or loss of life, and inconvenience
to residents can be considered a part of indirect costs.
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Measuring indirect costs is challenging for several reasons. Indirect losses cannot be readily
ascertained through surveys like direct losses. Moreover, indirect effects are spatially dispersed; if a
firm in San Francisco suspends operations, it may affect businesses elsewhere in the Bay Area, the
United States, or the world. Also, indirect losses will vary substantially with the resiliency—the
adaptive behaviors—of affected firms. As with direct costs, indirect costs should represent a net
value, since some businesses stand to benefit in the case of an outage—whether by substituting 
adversely-affected competitors or responding to new demand. Any calculation of indirect costs,
therefore, represents simply an order-of-magnitude approximation.

Because surveys may not be feasible with indirect costs, estimation of indirect costs has typically
used one of several methods: input-output models, computational general equilibrium models, or
macroeconometric models. In each approach, direct losses from business interruption are the
negative shock input into the model. These direct losses can be estimated from surveys, but are more
often derived from scaled macroeconomic indicators. Direct losses from physical damage are not
included in the input to these models, since the models rely on flow measures of economic activity
(e.g., output, income) rather than stock measures of asset values (e.g., replacement costs of   
capital).8

B.2.1 Input-output Models
Input-output (I/O) models are static, linear models of all purchases and sales between sectors of an
economy, based on historical correlations between quantities of inputs and outputs from each sector
used by every other sector. If outputs of particular sectors in particular areas experience a negative
shock, such as from a power outage, the level of purchases and sales between sectors adjusts
accordingly, rippling through all sectors in the economy. An I/O model therefore uses direct costs as
an input, such as a net loss of revenue to firms, and calculates indirect losses relative to direct losses;
the result is a multiplier that can be applied to direct loss estimates. The sum of direct costs and
indirect costs is the total cost estimate. The advantage to I/O models is that they are fairly
transparent and can be used relatively easily, given the simplifying assumptions involved. However,
they remain allocative in the sense that they cannot represent strategic behavior—sectors simply
reallocate quantities of inputs and outputs to adjust. The main disadvantages of I/O models include
their inability to incorporate behavioral responses of firms, interdependencies between quantities and
prices, and resource constraints.9 As such, I/O models are better suited for short-duration
disruptions.

B.2.2 Computational General Equilibrium Models

8 In regional economic modeling, indirect costs are always caused by business interruption, not asset damage. For
example, it is not the damage to a factory that matters to other businesses that supply its inputs or purchase its outputs,
but rather the interruption of that factory’s production. Therefore, damage to capital should generally not be used as an
input to regional economic models. However, businesses must still make outlays to repair or replace damaged assets
following an outage, representing a forced investment and thus a loss of welfare. The value of an asset is the discounted
flow of net future returns from its operation; since the replacement cost of an asset is not likely to equal the lost output
from that asset being out of service for a short duration, replacement costs may overstate the amount of output sacrificed
through this forced investment. Nevertheless, it stands to reason that some amount of physical damages (perhaps
amortized) could be included in the direct cost input to regional economic models. This possibility is beyond the scope
of our review.

9 Extensions and adaptation of I/O models exist to account for more realistic economy-wide interactions. However, a
review of the various adjustments to and extensions of I/O models is beyond the scope of this review.
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Computational general equilibrium (CGE) models are multi-market simulations that optimize behavior
between consumers and firms in response to price signals, subject to economic account balances and
resource constraints. If outputs of particular firms in particular areas experience a negative shock,
such as from a power outage, prices adjust and stimulate behavioral responses in an iterative fashion
until equilibrium is restored; indirect losses are calculated by the difference in overall output after the
shock. By incorporating production and consumption functions and price and import elasticities, CGE 
models are fundamentally adaptive; they incorporate behavioral responses of firms, input substitution,
increasing or decreasing-returns-to-scale, non-infinite supply elasticities and other assumptions. The
main disadvantages of CGE models include their assumption that economies return to equilibrium,   
that all agents optimize under full information and that substitution occurs instantaneously. In
addition, without incorporating the costs associated with these adaptive behaviors (i.e., the fuel cost of 
using a backup generator), the net cost reduction is not properly estimated. As such, CGE models are 
likely to represent an underestimate or lower-bound of indirect losses from a long-duration        
outage.

Note that CGE models do not yield an indirect cost multiplier like I/O models since they model non-
linear relationships. Whereas indirect effects are a constant multiple of direct effects in an I/O model,
indirect effects vary non-linearly with direct effects in a CGE model. Therefore, the effective indirect 
cost multiplier in a CGE model will depend on the actual value of direct costs.

B.2.3 Macroeconometric Models
Macroeconometric models are a set of statistically estimated simultaneous equations that represent
the aggregate workings of an economy, with parameters based on (long) time series data. Indirect
costs are predicted by running the simultaneous equations with and without an adjustment for direct
costs in a future time period. The main advantage of macroeconometric models is that they can
effectively separate out changes in an economy due to a negative shock from other secular changes in
an economy. However, their main disadvantages are that the historical experience upon which these
models are based is unlikely to be representative of future activity, particularly following a major
disruption, and that data are often not available at sub-regional levels.

B.2.4 Further Considerations
Exogenous policy responses, such as government assistance and security programs, cannot be
captured by these models. A long-duration outage, insofar as it resembles a major disruption of urban 
activity, is likely to include some amount of public expenditure as determined on an ad hoc, emergency 
basis. Also, non-market costs, such as inconvenience, injury or death, and pollution, often remain 
unaccounted for since they cannot easily be measured.

Finally, a difficulty in power outage cost assessment lies in the definition of the baseline scenario. This
baseline may not be easy to define. Moreover, in cases where recovery does not lead to a return to the 
baseline scenario, there are permanent effects that are difficult to compare with a baseline       
scenario. For instance, a long-duration outage can lead to a permanent extinction of vulnerable
economic activities in a region, whether because these activities are already threatened and cannot
recover or because they can relocate. In that case, the disaster is not a temporary event, but a
permanent negative shock for a region and it is more difficult to define the disaster cost. Also,



93

recovery may increase productivity in the event that capital stock is replaced; this can lead to a final 
situation considered more desirable than the baseline scenario.

B.3 Studies of Long Duration Power Outages
FSC reviewed the literature on costs associated with major power outages.10 We primarily focused
on studies that estimated overall economic losses from outages in urban areas lasting a half day or
longer. Furthermore, only studies of outages in the United States were examined. Most of the studies
deal with actual outages; however, this literature review includes studies of hypothetical outages
lasting longer than two weeks. In addition to information on the outage that each study examines and
the method employed in each study, FSC has included an inflation-adjusted estimate of the economic
losses overall and per capita in each study.

Estimates of outage costs vary substantially. Variation is due, in part, to the timing and duration of a
given outage and the economic output of the affected area. Also, some studies attempt to estimate
the costs from outages that occur in the course of natural disasters, whereas others focus on system
disturbances alone. Ultimately, though, different methods of cost estimation reach significantly
different results. The studies included in Table B-1 employ a variety of methods, ranging from
back-of-the-envelope style estimates to surveys to regional economic modeling, often in combination.
Moreover, the studies vary in the extent to which they capture direct, indirect or induced losses.

The ratio between direct and indirect costs (commonly known as the multiplier) ranges substantially.
Early studies suggested indirect costs from power outages were substantial, perhaps more than five
times direct costs. More recent studies have suggested indirect costs to be much lower, with some
suggesting indirect costs as small as one quarter of direct costs, but these studies rely on theoretical
models that have not been validated through primary data collection (i.e., a survey). For the purposes 
of understanding a long-duration outage in downtown San Francisco, it is reasonable to              
expect an indirect cost estimate between one-half and two times direct costs. However, for an
important economic hub and urban area like downtown San Francisco, which has not been considered
in prior studies, the indirect costs could be more than two times direct costs.

10 There are two major bodies of literature on outage costs that we chose to exclude from the present review. First, there is 
a substantial literature on the cost of unserved kWh (alternately called the value of lost load); these studies measure
customers’ valuation of power disruptions for the purposes of reliability planning for short-duration outages. Second, there
is a literature on the annual cost of all power system disturbances; these studies estimate macroeconomic costs for the
purposes of reliability planning and high-level policymaking.
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B.3.1 1977 New York City Outage
In July 1977, New York City experienced a 25-hour blackout that affected 9 million people and
resulted in widespread criminal activity. Corwin and Miles’ 1978 study of the blackout continues to
be widely cited in the literature on the costs of major power outages. They constructed a summary
of economic impacts by bringing together separate and independent reports of costs from businesses
and business associations, governments, public service agencies, non-profit service organizations,
insurers, and health institutions. Table B-2 presents the tabulation of these reports in nominal dollars.
While Corwin and Miles disclaimed that their list was not comprehensive, the summation of reports
resulted in an estimated outage cost of $345 million in nominal dollars. Additionally, Corwin and Miles
discussed non-quantified costs associated with social impacts, such as the cancellation of planned
activities, the alteration of traffic flows and the inconvenience of everyday life functions.

Table B-2: Corwin and Miles (1978) Tabulation of Costs for the 1977 NYC Blackout

Impacted Entities Direct Costs (1977 $M) Indirect Costs (1977 $M)

Business

Food Spoilage $1.0 Small Businesses $155.4
Wages Lost $5.0 Emergency Aid (private) $5.0

Securities Industry $15.0
Banking Industry $13.0

Government
Federal Assistance Programs $11.5
NY State Assistance Program $1.0

Electric Utility
Restoration Costs $10.0 New Capital Equipment $65.0

Overtime Payments $2.0

Insurance
Federal Crime Insurance $3.5

Fire Insurance $19.5
Private Property Insurance $10.5

Public Health Hospitals–overtime &
emergency room $1.5

Public Services

Transportation Authority 
Revenue Losses $2.6 Vandalism $0.2

Overtime and Unearned 
Wages $6.5 New Capital Equipment $11.0

Red Cross $0.0
Fire Department overtime $0.5

Police Department overtime $4.4
State Courts overtime $0.1

Prosecution and Correction $1.1

Westchester County
Food Spoilage $0.3

Public services overtime and 
damage $0.2

Total All Direct $55.5 All Indirect $290.2

Corwin and Miles’ primary methodological contribution was to study both impacts directly caused by
an outage (e.g., business losses, lost wages) and costs incurred indirectly as a response to an outage
(e.g., emergency services, assistance programs). Applying this method to downtown San Francisco
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would require, for example, interviewing government agencies and public service providers (e.g.,
SFMTA, SFPD) on the costs they would expect to incur from a long-duration outage. These entities
may already have cost estimates associated with disaster planning.

B.3.2 1994 Northridge Earthquake Outage
On January 17, 1994, a magnitude 6.7 earthquake struck 20 miles northwest of downtown Los
Angeles, causing a power outage in the LA Department of Water and Power service territory that was
gradually restored over the course of 36 hours. Gordon et al. (1998) surveyed large businesses in the
impact zone of the earthquake to solicit estimates of business interruption costs and understand what
proportion experienced business interruption losses due to power outage. The estimates derived from
the survey were then used as inputs into the Southern California Planning Model, an input-output
regional economic model that adjusts the inputs and outputs of all sectors in response to a shock. In
the paper, Gordon et al. elucidate the cost due to transportation problems by scaling the results of the
I/O model according to the proportion of businesses reporting losses due to transportation problems.
While the authors do not explicitly do this calculation in their own paper, we scaled the I/O model 
results similarly by the proportion of businesses reporting losses due to disruption of utility services
(63%). The results are presented in Table B-3. In this approach, only 51% of losses are attributed
to businesses within the impact zone; moreover, 29% of losses are attributed to businesses outside
of LA County.

Table B-3: Gordon et al. (1998) Estimate of 1994 Losses Due to Outage

Area
Direct

Losses
(1994 $B)

Indirect and 
Induced
Losses

(1994 $B)

Total
Losses

(1994 $B)

Impact zone total $1.97 $0.13 $2.10

Rest of Los Angeles City $0.15 $0.15

Rest of Los Angeles County $0.67 $0.67

Rest of region $0.55 $0.55

Rest of world $0.65 $0.65

Total $2.62 $1.51 $4.12

Rose and Lim (2002) take a related approach to the outage following the Northridge earthquake. Like
Gordon et al., Rose and Lim also use an I/O model, the Input–Output (I-O) Transactions Table for Los
Angeles County, CA, to compute business losses in all sectors resulting from the outage. To compute
the shock, Rose and Lim scaled annual gross output for each sector down to a single day and 
computed losses by the fraction of a day that a given sector’s businesses had no power; this results   
in estimated losses of $88 million nominal dollars, which is substantially lower than the survey-based
measurement of direct costs in Gordon et al. Rose and Lim then applied three adjustments
cumulatively according to models of sector resiliency: adjustment according to the importance of
electricity to operations, adjustment by production rescheduling and adjustment according to typical 
time of electricity use by each sector. The results of the initial I/O model results and adjustments are
presented in Table B-4.
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Table B-4: Rose and Lim (2002) Estimate of 1994 Losses Due to Outage

Base 
case

Electricity importance 
adjustment

Production
shifting

adjustment
Time of use 
adjustment

Sector
Output

reduction
(1994 $M)

Importance 
(%)

Output
reduction
(1994 $M)

Rate 
(%)

Output
reduction
(1994 $M)

Night/Day
/Evening

(%)

Output
reduction
(1994 $M)

Agriculture 0.4 50 0.2 75 0.1 20/60/20 0.0

Mining 0.7 90 0.6 99 n 30/40/30 0.0

Construction 5.6 40 2.2 95 0.1 10/80/10 0.0

Food processing 2.0 90 1.8 95 0.1 30/40/30 0.0

Nondurable manufacturing 5.6 98 5.5 95 0.3 30/40/30 0.1

Durable manufacturing 12.0 100 12.0 99 0.1 25/50/25 0.0

Petroleum refining 1.2 100 1.2 99 0.0 30/40/30 0.0

Transportation 2.4 30 0.7 30 0.5 25/50/25 0.2

Communication 1.9 90 1.7 40 1.0 25/50/25 0.3

Private Electric Utilities 0.0 80 0.0 75 0.0 30/40/30 0.0

Gas Utilities 1.7 80 1.4 75 0.4 30/40/30 0.1

Water Utilities 0.7 80 0.5 90 0.0 30/40/30 0.0

Wholesale Trade 4.0 90 3.6 99 0.0 30/80/30 0.0

Retail Trade 6.2 90 5.6 80 1.1 30/80/30 0.4

F.I.R.E. 15.5 90 14.0 90 1.4 5/90/5 0.5

Personal services 1.1 86 1.0 60 0.4 10/80/10 0.1

Business services 13.0 90 11.0 70 3.5 10/80/10 1.2

Entertainment 4.1 80 3.3 30 2.3 10/50/40 0.6

Health & social services 4.2 80 3.3 50 1.7 25/50/25 0.6

Education 0.9 80 0.7 99 0.0 5/80/15 0.0

Government 3.3 60 2.0 80 0.4 10/80/10 0.1

State/Local Electric utilities 1.4 80 1.2 75 0.3 30/40/30 0.1

Total 88.0 74.3 13.7 4.5

The adjustments that Rose and Lim identify deserve further attention. Electricity importance was
defined as the percentage reduction in output caused by a 1% reduction in the availability of a utility
lifeline service—effectively a measure of the relative importance of electricity to a sector’s operation;
using this adjustment reduces total losses by 16%. Production rescheduling rate refers to the ability of 
a sector to make up its production or sales at a later date; using this adjustment reduces total     
losses by an additional 69%. Time of use adjustment refers to the varying needs for electricity by a
sector over a 24-hour period; using this adjustment reduces total losses further by an additional 10%.
Thus, resiliency adjustments cumulatively reduce economic losses by 95%.
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The contribution of both of these papers is to use input-output models to account for the linkages
between sectors and pass the effects of a negative shock through a regional economy. Input-output
models contain a static, linear model of all sales and purchases between all sectors in a regional
economy in which parameters are often based on historical data. Other researchers have used the
output of I/O models to devise shorthand multipliers for indirect effects from direct losses. For the
purposes of a long-duration outage in San Francisco, indirect effects could be estimated using an I/O 
model encapsulating the Bay Area, California, the United States or even the world as a system.

Additionally, Rose and Lim’s ex post resiliency adjustments to the results of I/O models provide a
starting point for considering the ways in which businesses may adapt to the circumstances of a long-
duration outage. I/O models do not allow for behavioral changes; yet, it is quite likely that a long-
duration outage will induce businesses to take adaptive actions rather than simply suffer
ongoing losses. The available adaptive actions will depend upon the nature of the business, the cost
of adaptation, and the duration of the outage. For example, the time of use adjustment and
production shifting adjustment used by Rose may not be applicable to a long duration (multiple
weeks) outage. Some businesses may not be able to afford adaptive behaviors, such as relocation,
and simply go out of business.

B.3.3 2003 Northeastern United States Outage
In August 2003, 45 million people in the northeastern United States and parts of Canada experienced
a full outage for 16 hours, gradually recovering to full restoration of power over 72 hours in total. In
the days following, several private consultancies released short studies estimating the economic costs
of the blackout.

ICF Consulting (2003) released an estimate based on the ratio of cost per unserved kWh to price
per kWh observed in Corwin and Miles. ICF calculated that outage costs per kWh in Corwin and Miles
were 100 times the price of electricity per kWh. ICF then looked at the rate of recovery over the 72
hours of the blackout and calculated blackout costs at each period, based on calculated unserved kWh
and price per kWh; to create an uncertainty range, ICF used 80 times the price of energy and 120
times the price of energy as lower and upper bounds to the estimate. Details of this calculation are
presented in Table B-5.

Table B-5: ICF (2003) Calculation of 2003 Outage Costs

Period Lost
MW

Duration
(Hrs)

Lost
MWh $/MWh

Cost of Blackout (2003 $)

Start End Lower Bound Upper Bound

8/14 - 4 PM 8/14 - 8 PM 61,800 4 247,200 $93 $1.8  Billion $2.8  Billion

8/14 - 8PM 8/15 - 6 AM 30,900 10 309,000 $93 $2.3  Billion $3.5  Billion

8/15 - 6 AM 8/15 - 10
AM 15,450 4 61,800 $93 $459.8 Million $689.7 Million

8/15 - 10 AM 8/16 - 12
AM 13,200 14 184,800 $93 $1.4  Billion $2.1  Billion

8/16 - 12 AM 8/16 - 10
AM 6,600 10 66,000 $93 $491 Million $736.6  Million

8/16 - 10 AM 8/17 - 6 AM 2,000 20 40,000 $93 $297.6  Million $446.4 Million
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Period Lost
MW

Duration
(Hrs)

Lost
MWh $/MWh

Cost of Blackout (2003 $)

Start End Lower Bound Upper Bound

8/17 - 6 AM 8/17 - 4 PM 1,000 10 10,000 $93 $74.4  Million $111.6  Million

TOTAL 72 918,800 $6.8 Billion $10.3 Billion

The Brattle Group (2003) released a paper with similar methods. Brattle made a simplifying 
assumption that half the interrupted load (30,900 MW) was offline for 4 hours and the other half
offline for 8 hours; moreover, they used industry-wide averages for the affected customer mix.
Brattle then calculated outage costs using cost per unserved kWh figures from previous surveys
of residential and commercial customers. They arrive at an estimated $6 billion in nominal dollars.

Anderson Consulting (2003) took a different approach to Brattle and ICF, using macroeconomic
measures to infer losses. Specifically, Anderson took the projected annual gross state product for
each of the affected U.S. states in 2003, scaled it to a single day, and calculated the total earnings
accruing to workers and investors based on the national average earnings share of output. These
single-day earnings were then multiplied by fraction of output affected by the outage over the course
of 72 hours to arrive at earnings losses during the full duration outage. Anderson then multiplied this
value by 1.2 to account for indirect effects, with no source of this multiplier identified. To this,
Anderson then added an estimate of losses due to food spoilage, power industry costs and costs to 
government to arrive at a total impact of $6.4 billion in nominal dollars. Table B-6 presents the
tabulation of these costs. Anderson then constructs an uncertainty range by multiplying lost earnings
figures by plus and minus 33% to produce lower and upper bounds.

Table B-6: Anderson Consulting (2003) Calculation of 2003 Outage Costs

States
Direct Effect, 

Lost Earnings
(2003 $B)

Indirect
Effect, Lost

Earnings
(2003 $B)

Spoiled
Commodities

(2003 $B)

Net Cost to
Government 

(2003 $B)

Cost to
Power 
Industry
(2003 $B)

Total
Economic

Impact
(2003 $B)

New York $1.980 $0.198 $0.375 $0.033 $0.429 $3.015
Michigan $0.653 $0.065 $0.124 $0.011 $0.141 $0.994

Ohio $0.358 $0.036 $0.068 $0.006 $0.078 $0.545
New Jersey $0.263 $0.026 $0.050 $0.004 $0.057 $0.400

Pennsylvania $0.147 $0.015 $0.028 $0.002 $0.032 $0.223
Connecticut $0.060 $0.006 $0.011 $0.001 $0.013 $0.091

Massachusetts $0.003 $0.000 $0.001 $0.000 $0.001 $0.005
Vermont $0.002 $0.000 $0.000 $0.000 $0.000 $0.003
All others - $0.347 - - $0.750 $1.097

Total $3.465 $0.693 $0.657 $0.058 $1.500 $6.373

Interestingly, the Ohio Manufacturer’s Association surveyed only firms in the manufacturing sector
of Ohio to estimate costs to business from the 2003 blackout (ELCON, 2004). Based on survey
responses of business interruption costs incurred by affected firms, OMA estimated that the cost
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to Ohio was $1.08 billion in nominal dollars. This figure is more than double the direct and indirect
losses for Ohio estimated by Anderson Consulting.

Anderson et al. (2007) checked these prior estimates against an I/O model approach. Anderson et al.
used the Regional Input-Output Multiplier System II, an I/O model, along with other macroeconomic
indicators to approximate the impact of the blackout on the northeastern U.S. economy. Using the
outage durations supplied by ICF, Anderson et al. calculated a direct loss of $2.12 billion in nominal
dollars, based on the proportion of energy demand unmet over the course of the 3 days of the
blackout and recovery. They then input this negative shock into their I/O model and calculate indirect
costs of $4.41 billion, suggesting an indirect cost multiplier equal to 2 times direct costs. Anderson et
al. concluded that the economic losses from the blackout totaled $6.53 billion in nominal dollars—a
finding roughly in line with prior estimates.

Perhaps the greatest contribution these studies make is to demonstrate the use of back-of-the-
envelope estimates to ascertain the magnitude of costs due to an outage. By scaling impacts from
macroeconomic measures and previous surveys of costs per unserved kWh, as well as using  
multipliers for indirect effects, the magnitude of costs of a long-duration San Francisco outage may be
quickly estimated—and may reasonably match results from a laborious modeling process. However,
these methods contain many simplifying assumptions, and they may produce results very different
than empirical work would show, such as demonstrated by the OMA survey.

B.3.4 2001 California Rolling Blackouts
Following efforts to deregulate its energy markets, California implemented rolling blackouts over six 
days in 2001 to avoid system-wide failure from supply shortages. On January 17–18, rolling blackouts
were implemented only in PG&E’s territory; on March 19–20 and May 7–8, rolling blackouts were
implemented across all three investor-owned utilities in California. Rolling blackouts were
implemented such that only a fraction of customers experienced an outage at any given time, with
outages rotating across different groups of customers. While rolling blackouts occurred during several
business hours on each of the 6 days, interruptions to any single customer typically lasted between 60
and 90 minutes.

AUS Consultants issued their study in May of 2001, during the ongoing supply shortages in California.
The AUS study was fundamentally hypothetical in nature, as they sought to estimate costs associated
with rolling blackouts over the summer to come. For this purpose, AUS assumed that rolling blackouts
would culminate in 20 hours of outage over the course of the summer. AUS then surveyed
commercial and industrial sector businesses across California about business interruption costs and
behavior during prior rolling blackouts; results from the survey informed the estimated impacts of
outages on business sectors overall, scaled to impact per hour of outage. AUS then calculated direct
losses by multiplying losses per hour of outage by gross state product for each sector. AUS used
multipliers for indirect losses derived from the Regional Input-Output Modeling System II, an I/O  
model built on regional data for 1997. They estimated that anticipated rolling blackouts would result
in losses of $21.8 billion in nominal dollars. The tabulation of losses is shown in Table B-7.
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Table B-7: AUS Consultants (2001) Estimate of 2001 Rolling Blackout Costs

Sector
RIMS II Multipliers

Output Earnings Jobs

Losses (1996 $M)

Direct Indirect Total

Agriculture, forest., fisheries 2.253 0.687 31.4 $181 $407 $588

Manufacturing $1,216 $2,590 $3,805

Food & kindred products 2.16 0.45 15.5 $227 $490 $717

Paper products 1.842 0.427 12.4 $19 $35 $53

Chemicals/Petroleum 1.979 0.34 9 $245 $485 $729

Rubber & plastics 1.913 0.474 15.6 $13 $25 $38

Lumber & wood 2.085 0.545 19.2 $21 $45 $66

Stone, clay, glass 2.116 0.57 17.3 $54 $114 $168

Primary metals 1.962 0.466 13.3 $8 $16 $24

Fabricated metals 2.061 0.555 16.8 $30 $63 $93

Industrial machinery 2.243 0.597 15.2 $110 $248 $358

Electronic equipment 2.205 0.603 15.8 $335 $738 $1,073

Instruments and related 2.152 0.66 16.4 $103 $222 $325

Motor vehicles 2.016 0.444 12.9 $6 $12 $18

Other transport equip. 2.257 0.658 16.1 $31 $70 $101

Misc. manufacturing 2.196 0.591 21.4 $13 $29 $42

Electric, gas, & sanitary 2.135 0.382 9.5 $33 $70 $103

Wholesale trade 2.051 0.654 19.1 $525 $1,076 $1,600

Retail trade 2.102 0.688 30 $976 $2,051 $3,027

F.I.R.E. 2.142 0.587 17.5 $2,242 $4,804 $7,047

Services $1,661 $3,934 $5,595

Personal services 2.333 0.79 40.3 $90 $209 $299

Business services 2.289 0.856 26.7 $888 $2,033 $2,921

Hotels/Amusement 2.604 0.85 31.5 $373 $972 $1,345

All other services 2.322 0.709 28.5 $310 $720 $1,030

Total Gross State Product $6,833 $14,932 $21,765

Rose et al. (2005), on the other hand, examine the impact of the rolling blackouts on Los Angeles
County after they occurred, representing an actual rather than hypothetical scenario. Rose et al.
identified the geographic areas affected by each hour of each outage in SCE’s service territory to
estimate the direct business interruption costs to various sectors.11  These results formed the input for
an initial partial equilibrium model, which initially estimated direct losses within SCE’s territory at $9.9

11 Because of the advance warning associated with rolling blackouts, Rose et al. suggest that this number signifies only lost
sales and does not include material/labor costs or equipment damage.
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million in nominal dollars. Rose et al. then reran the model with production functions and elasticities
adjusted for resiliency behaviors associated with productivity and input substitution, which reduced
losses by 88% to $1.2 million. An additional adjustment to account for production rescheduling of
firms further diminished losses to $266,000—a 97% reduction from initial estimates of direct losses.
Rose et al. then expanded the scope of the analysis to all of LA County and ran a computational
general equilibrium model, which incorporated further resiliency options and calculated the indirect
costs of the SCE outage scenario. Rose et al. found that indirect losses were equal to 74% of
direct losses.

Unfortunately, the article as written appears to have logical inconsistencies and ambiguities that make
tabulation of cost estimates difficult. Nevertheless, we present our understanding of the article in
Table B-8.

Table B-8: Rose et al. (2005) Estimate of 2001 Rolling Blackout Costs

PE Direct Losses (2001 $M) GE Indirect Losses (2001 $M) Total Losses (2001 $M)

Area
Base
case

Resiliency 
options 
included

Production 
resched.
included

Base
case

Resiliency 
options 
included

Production 
resched.
included

Base
case

Resiliency 
options 
included

Production 
resched.
included

SCE
Territory $9.9 $1.2 $0.3 $7.4 $0.9 $0.2 $17.3 $2.1 $0.5

LA
County $18.4 $1.9 Not given $13.7 $1.4 * $32.1 $3.4 *

* Rose et al. do not give this number, stating that the multiplier varies, "because sectoral net GE effects are
distributed differently than sectoral PE effects and because the CGE model is non-linear." Without the multiplier given, 
the numbers cannot be determined; however, it stands to reason that the indirect effects multiplier is in the same
general range of this CGE model and other I/O models.

These studies both demonstrate how the effect of outages can be modeled through regional
economies. AUS demonstrate that the parameters of sophisticated models and indirect effects
multipliers they suggest can be combined with survey data to model overall costs to an economy.
Rose et al. demonstrate that sophisticated models that allow for adaptive behaviors—likely in the
case of the advance notice associated with 2001 60 to 90 minute rolling blackouts—can drastically
reduce estimates of outage costs. As noted above, available adaptive behaviors will vary.

B.3.5 2011 San Diego Outage
In September 2011, San Diego Gas & Electric experienced a full system outage that recovered over
the course of 13 hours. In the direct aftermath, National University System’s Institute for Policy 
Research (2011) released a policy brief estimating the cost of the outage to lie between $97 million
and $118 million. This figure represents the sum of three estimates: perishable food losses,
government overtime and production losses. In all three cases, NUS extrapolated numbers from prior
events (2003 Northeastern U.S. Blackout, local government response to firestorms, 1996 Western
U.S. Power Outage) to arrive at estimates. The back-of-the-envelope nature and limited scope of
costs taken into account make this study at best a rough, lower bound estimate.

B.3.6 Hypothetical Long-duration Los Angeles Outage
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FSC examined two studies of hypothetical long-duration outages in the Los Angeles metropolitan area.
Moore II et al. (2005) constructed a scenario of a one-month outage in Los Angeles and Orange
Counties and used the Southern California Planning Model Version 2, an I/O model with spatial data, to 
predict the economic losses from such an outage. Moore II et al. scale annual gross output to a single 
month to represent the direct losses in the model; total costs are estimated to reach $12.1 billion      
in nominal dollars. The results of the I/O model are presented in Table B-9.

Table B-9: Moore II et al. (2005) Estimate of Losses from a Hypothetical One-month Outage

Loss Type Losses (2005 $M)

Direct Losses $7,412
Indirect Losses $2,744
Induced Losses $1,969

Travel Costs $15
Total $12,140

Moore II et al. used the spatial nature of their I/O model both to model impacts from altered
transportation patterns and predicted the distribution of impacts geographically. Figure B-1
demonstrates the spatial results of the model, where economic losses are portrayed as a percent
of baseline economic output in a given area.

Figure B-1: Geographic Distribution of Economic Losses from a Hypothetical One-month Outage

Rose et al. (2007) took a somewhat different approach to modeling the economic losses from a
two-week outage in Los Angeles County. Rather than employ an I/O model, Rose et al. used a
computational general equilibrium model to capture the indirect effects of their outage scenario,
specifying production function for firms, consumption functions for households, expenditure functions
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for government, and income and price elasticities for households and government. The model
incorporates inputs from the Impact Planning and Analysis database, which allows downscaling of
macroeconomic indicators to the county level. Furthermore, several aspects of resiliency are applied 
to the model, including: interfuel substitution, adaptive electricity substitution (e.g., using physical 
labor in place of machinery), factor substitution, inventory drawdown, production rescheduling,
alternative generation, and electricity importance. Results of the CGE model are presented in Table
B-10. Rose et al. estimate that a two-week outage without resiliency leads to losses of $13.1 billion in
nominal dollars; when production rescheduling, the most effective of resiliency options, is
incorporated, losses reduce by 79% to $2.8 billion overall. However, it is important to note that these
resiliency assumptions are based on a theoretical model and have not been verified through a survey.
Indirect losses are roughly one quarter of direct losses.

Table B-10: Rose et al. (2007) Estimate of Economic Losses from Hypothetical Two-week Outage

Sector
Output

baseline
(2007
$M)

Direct
losses

(%)

Indirect
losses

(%)

Total
losses

(%)

Total
losses

(2007 $M)

Total losses 
adjusted for 
production

rescheduling
(2007 $M)

1. Agriculture $1,398 -2.4 -7.3 -9.7 -$5 -$1
2. Mining $2,589 -73.2 -1.6 -74.8 -$74 -$1

3. Construction $28,770 -18.7 -29.9 -48.6 -$538 -$27
4. Food processing $14,744 -56.5 -8.6 -65.1 -$369 -$18

5. Petroleum refining $11,404 -29.7 -25.1 -54.8 -$240 -$2
6. Other nondurable mfg $33,435 -71.2 -2.8 -73.9 -$951 -$48

7. Primary metals $3,192 -30.1 -17.8 -48 -$59 -$1
8. Semiconductors $1,133 -38.3 -7.8 -46 -$20 $0

9. Other durable mfg $63,364 -73.1 -4.6 -77.7 -$1,894 -$19
10. Local private transportation $1,039 0 -11.4 -11.4 -$5 -$4

11. Other transportation $21,407 -5.2 -32.1 -37.2 -$306 -$214
12. Communications $15,674 -23.3 -7.2 -30.6 -$184 -$111

13. Private electric utilities $2,349 -99 0 -99 -$89 -$22
14. Gas utilities $4,738 -22.9 -35.3 -58.2 -$106 -$27

15. Water utilities $381 -55.5 -2.5 -57.9 -$8 -$1
16. Sanitary services $1,149 -62.6 -1.6 -64.1 -$28 -$3
17. Wholesale trade $35,676 -73 -0.2 -73.2 -$1,004 -$10

18. Retail trade $27,761 -66.1 -8.5 -74.6 -$797 -$159
19. Real estate $31,230 -73 -3.9 -76.8 -$923 -$92

20. Banking & credit $19,759 -21.7 -11.2 -32.9 -$250 -$25
21. Security brokers $8,153 -14.6 -15.4 -30 -$94 -$9

22. Insurance $11,733 -66.6 -5.4 -72 -$325 -$33
23. Hotels & restaurants $14,383 -43.3 -21.9 -65.2 -$361 -$144

24. Personal services $4,301 -69.1 -2.2 -71.3 -$118 -$47
25. Business services $59,026 -70 -3.1 -73.1 -$1,660 -$498
26. Computer services $6,035 -11.7 -39.9 -51.6 -$120 -$72
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Sector
Output

baseline
(2007
$M)

Direct
losses

(%)

Indirect
losses

(%)

Total
losses

(%)

Total
losses

(2007 $M)

Total losses 
adjusted for 
production

rescheduling
(2007 $M)

27. Entertainment $39,098 -57 -10.2 -67.1 -$1,010 -$707
28. Education $5,015 -54.2 -31.2 -85.4 -$165 -$2

29. Health & social services $30,138 -42.7 -32.2 -74.9 -$869 -$434
30. State & local electric utilities $2,425 -99 0 -99 -$92 -$23
31. Local public transportation $1,254 -9.1 -54.5 -63.5 -$31 -$21

32. Other government $36,916 -5 -17.1 -22.1 -$314 -$63
Total $539,668 -47.9 -11.4 -59.3 -$13,010 -$2,839

The main contribution of these studies is that they look at outages of long duration; their estimated
costs thus serve as a guide to estimating the costs of a similarly long or longer duration outage
in downtown San Francisco. In addition, Moore II et al., by using an I/O model with spatial data,
illustrate graphically how areas that do not experience an outage can still be adversely affected.   
Rose et al. demonstrate how a CGE model, which allows for behavior change of firms and consumers
using microeconomic principles, can allow for adaptive behavior when forecasting the impact of a
negative shock. However, because this theoretical model has not been validated through primary
data collection (i.e., a survey), it is unclear how realistic its assumptions are. A well-designed survey
more accurately incorporates resiliency because it measures revenue losses after the respondent
considers adaptive behaviors. However, those adaptive behaviors can be costly (i.e., the fuel cost of a
backup generator), so it is important to measure these costs and factor them into a net estimate,
which will be the most accurate measure of direct costs.

B.3.7 Issues Caused by Long-duration Outages
Long-duration outages create a set of challenges that shorter system disturbances rarely feature.
Specifically, other systems that rely on electricity become compromised or inoperable, creating further
difficulties. Brown et al. (2006) chart a number of infrastructure failure interdependencies during the
2003 U.S. Northeast blackout in Figure B-2; while not all of these failures are likely for the downtown 
San Francisco scenario, it is nevertheless illustrative of the impacts of a major outage.
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Figure B-2: Infrastructure Failure Interdependencies from Power Outage (Brown et al., 2006)

At the outset of any major power outage, the set of costs is roughly the same: business interruption
costs are incurred, labor costs associated with security and emergency services increase,
transportation systems become congested, communications systems are interrupted and so on.
Facilities may initiate alternative generation, and businesses may reschedule production. However,   
as an outage continues over the course of a single day, other costs are borne. Food spoilage and
disposal not only imposes costs to businesses but can also cause a brief rise in related disease (for
example, see Marx et al., 2006). Water service may become unavailable due to treatment equipment
being out of service or offline pumps causing decreases in system pressure. Effluent from inactive
sewage treatment equipment also poses threats to health and the local environment; during the
Northeastern U.S. 2003 outage, at least 90 million gallons of untreated sewage spilled into local
waterways (DePalma, 2006). Inoperable HVAC systems may cause inconvenience or, when coinciding
with extreme temperatures, threats to health due to lack of heating or cooling. Elderly people may be
particularly vulnerable due to reduced mobility and more fragile health. The combination of increasing
emergency visits and power loss can degrade hospital operations (Klein et al., 2005). Overtime costs
for public services increases substantially. The urban transportation system experiences severe
congestion from ongoing lack of functioning traffic lights and other infrastructure; for example, during
the Northeastern U.S. 2003 outage, congestion was severe, due to a combination of traffic light failure, 
electric train system shut down, and gasoline pump inoperability (Shaw, 2005). Similarly,
communications systems can become overloaded, due to an increase in activity and/or
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communications equipment being out of service. Individuals cancel planned activities and may
shift behavior to deal with lack of electricity. As residents use candles for lighting, incidences of
fire increase substantially (for example, see SEMP 2006).

At a certain point, a long-duration outage comes to resemble a natural disaster. If an outage
stretches to several days or longer, new costs are incurred: government assistance monies are spent,
tourism declines, cancelled transactions result in lost taxes and so on. Alternative generation may not
be possible for many facilities beyond several days; keeping hospitals and water treatment facilities
operational becomes significantly more costly. Lack of working water, sanitation and HVAC makes
residences difficult or impossible to live in. Continued transportation system challenges shift traffic
patterns and slow delivery of goods. While costs associated with emergency services may decrease,
security and public safety labor costs are likely to remain elevated. Businesses relocate on an
emergency basis, or else shut down; individuals may relocate as well on a temporary basis. A
torrent of litigation and insurance claims ensue. In the long run, insurance premia may rise.

Ultimately, an outage of duration longer than several weeks in a major downtown area would instigate
an emergency response. In Auckland, New Zealand, a two-month outage in 1998 was partially
mitigated by running cables from generators on industrial shipping boats into the local distribution
system (see Newlove et al., 2003). While a full recovery is unlikely through such emergency
measures, a long-duration outage in downtown San Francisco would almost surely invite similar
measures to partially mitigate the outage. However, Embarcadero Substation serves over 27,000
customers in the downtown area, with a peak demand of more than 270 MW on a hot day and a
normal peak demand of over 200 MW, and it is not evident how emergency measures would meet this
demand.

B.4 Applicable Studies on Natural Disasters
Natural disasters often cause disruption to multiple, interlinked infrastructure systems. While there    
is a substantial literature on the costs associated with natural disasters, very few studies attempt to
quantify the costs attributable specifically to the loss of electric power. In part, this is because the
damage associated with the disaster may be difficult to disentangle from the costs caused by a power
outage if a business’ facility has experienced physical damage; in that case , the lack of electric
service to the building may not be the binding constraint to resumption of business activity by the
business or tenants. Further, the linkages between infrastructure systems often result in multiple 
failures; costs resulting from lack of power may be difficult to disentangle from lack of water and
sewerage service (which may be caused by a lack of power or by physical damage).

B.4.1 Business Interruption Costs
The costs of natural disasters are generally enumerated as aggregate figures, derived from back-of-
the-envelope estimates using macroeconomic figures. For example, in the aftermath of the 2011
Japanese earthquake and tsunami, several estimates from government and private sources estimated
costs between $100 to $500 billion, primarily using macroeconomic indicators (Vervaeck and Daniell, 
2011). Even when business interruption costs are estimated separately from physical damages,
figures are rarely attributed to a particular cause. For example, Burton and Hicks (2005) used a
spatial model with economic and hydrological factors to estimate aggregate costs of flooding from
Hurricane Katrina. Although they reported business interruption losses (commercial revenue
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damages) separate from property damages and infrastructure damages (estimating that
business interruption accounts for 3% of overall losses), they did not specify the cause of
the business interruption.

Several studies have surveyed businesses on the causes of business interruption following a disaster.
For example, Tierney (1996) surveyed businesses affected by the 1994 Northridge Earthquake on
reasons for business closure, finding that 58.7% of respondents indicated “loss of electricity.”
Similarly, Gordon et al. (1998) surveyed businesses affected by the 1994 Northridge Earthquake to
estimate the proportion of business interruption attributable to specific causes; “interruption to utility
services” was mentioned by 63% of respondents, coming in just behind “employees attending to
personal matters” (73%) and “damage to place of business” (72%). Although Gordon et al. use their
survey results to estimate economic losses attributable to specific causes, there are distinct 
shortcomings with this method, and it does not disentangle business interruption due to power outage
from other disaster-related causes.

Wein and Rose (2008) attribute overall costs of a natural disaster to specific sources of business
interruption. As part of a multi-disciplinary effort to model the physical and economic impacts of a
hypothetical magnitude 7.8 earthquake in southern California, Wein and Rose separately modeled   
each shock from the earthquake, such as physical damage to buildings, disruption of power, disruption
of transportation systems and so on. These negative shocks were then input into a regional I/O model
to calculate indirect losses. Wein and Rose conclude that total losses attributable to power outages
following the hypothetical earthquake amount to $7.4 billion, representing roughly 8% of total losses
associated with the earthquake (see Table B-11). Direct losses make up $4.4 billion of total losses,
suggesting a multiplier of 0.65 for indirect losses from lack of power. These results must be
understood within the context of the assumed power outage scenario. In this study, the hypothetical
earthquake is assumed to cause widespread power outages, but utilities are expected to restore
electric service to a majority of interrupted customers within 24 hours and around 75% of customers
within a couple of days. Therefore, the costs for a 3-week to 7-week power outage in San Francisco
would comprise a substantially larger portion of the total losses associated with an earthquake and the
multiplier would also be larger.

Table B-11: Wein and Rose (2008) Estimates of Hypothetical Earthquake Costs by Source

Sector

Damages (2008 $M) Interruptions (2008 $M) Total
(2008
$M)Buildings High-

Rises
Secondary 

(Fires) Power Water Gas Transpo
rtation Ports

Agriculture 7 2 23 20 443 1 3 16 515

Construction 712 18 710 72 1,783 8 5 49 3,357

Food, Drugs &
Chemicals

425 158 2,111 350 5,851 25 33 119 9,072

Mining & Metals/ 
Minerals

Processing & Mft.
56 24 407 58 1,349 18 5 36 1,954

High Technology 23 8 174 20 463 1 2 22 712

Other Heavy 
Industry

232 48 1,249 127 3,639 9 12 126 5,442

Other Light 234 69 1,386 157 3,205 9 14 103 5,177



110

Sector

Damages (2008 $M) Interruptions (2008 $M) Total
(2008
$M)Buildings High-

Rises
Secondary 

(Fires) Power Water Gas Transpo
rtation Ports

Industry          
Air Transportation 15 16 189 35 226 1 4 3 488

Rail 
Transportation

6 6 41 12 109 0 1 2 178

Water
Transportation

3 3 29 5 38 0 1 11 90

Highway & Light
Rail 

Transportation
76 83 716 158 1,248 4 35 18 2,340

Electric Utilities 42 35 108 101 708 5 5 14 1,016

Gas Utilities 34 39 99 73 1,021 89 5 21 1,382

Water Utilities 1 1 3 1 41 0 0 0 47

Wholesale Trade 380 83 825 288 2,470 12 24 49 4,131

Retail Trade 431 127 914 364 2,401 21 47 40 4,344

Banks & Financial 
Institutions

89 37 279 101 652 6 7 11 1,182

Professional &
Technical 
Services

1,085 720 5,647 1,050 6,268 73 82 120 15,045

Education 
Services

149 25 442 182 980 4 13 10 1,806

Health Services 1,349 429 905 509 3,215 17 30 43 6,498

Entertainment &
Recreation

739 131 1,788 750 5,684 26 66 46 9,232

Hotels 249 368 63 50 456 2 4 3 1,196

Other Services 367 80 613 466 1,819 15 42 41 3,442

Gov't & Non- 
NAICS

193 430 1,177 232 1,506 11 15 33 3,597

Real Estate 618 95 808 1,254 2,885 202 43 24 5,928

Owner-occupied 
dwellings

533 121 1,733 913 4,567 253 17 37 8,173

Total 8,049 3,156 22,438 7,348 53,029 812 514 998 96,343

(as % of Overall
Costs)

8.4% 3.3% 23.3% 7.6% 55.0% 0.8% 0.5% 1.0%

In most ways, regional economic modeling of power outages is virtually indistinguishable from regional 
economic modeling of natural disasters. What varies is not the method underlying each approach,   
but rather the direct losses that serve as inputs to each model. Hence, any I/O model or               
CGE model meant to model indirect costs from a natural disaster can be adapted to modeling indirect
costs from the power outage underlying a natural disaster—presuming one can identify the separate
direct losses of a power outage from a natural disaster and ensure parameters associated with energy
supply are accurately specified. Although Wein and Rose are not explicit about their method for
estimating direct costs from power outages in an earthquake, they suggest a particular scenario of
power service recovery and appear to follow methods demonstrated in prior work (see Rose et al.,
2007).
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B.4.2 Loss of Electric Power
While the loss of electric power is a direct result of many natural disasters, it can also be a driver in 
the costs of recovery from a disaster and, over time, may become the binding constraint to recovery.
Put another way, there are negative externalities in an extended power outage beyond the direct
market value of the unserved power. Descriptive accounts of recovery efforts without reliable power
have been published, but FSC is not aware of studies that quantify the costs of delayed power
restoration to recovery. Kajitani and Tatano (2009) used surveys of business resilience to utility
service interruptions in Japan to show that, in the event of simultaneous power, water, and gas
outages, the restoration of electricity before other lifelines will best aid recovery. This remains
the closest to an effort aimed at quantifying the impact of electricity outages on recovery duration.

B.4.3 Business Resiliency
Surveys of business resilience are rare, despite the increasing interest in the literature on hazard loss
estimation. The Applied Technology Council (1991) ATC-25 modeled sector-wide average levels of
importance for each lifeline service, basing their research on a mix of expert opinion and engineering 
models. Surveys by Webb et al. (1999) focused on disaster preparedness generally, capturing specific
measures of back-up generation availability. Kajitani and Tatano (2009) demonstrated a method for
surveying businesses in Aichi and Shizuoka, Japan, on several factors associated with resilience,
primarily focusing production levels due to lifeline disruption (i.e., electricity, water, gas) and tolerable
production stoppage durations. Table B-12 presents findings of Kajitani and Tatano on tolerable
stoppage durations, defined as the length of time that can elapse without economic losses. However,
short duration outage cost studies in the United States show that a majority of customers experience
outage costs, even for a 5-minute power outage, so it is likely that these results are specific to Japan
and are not applicable to San Francisco.

Table B-12: Kajitani & Tatano (2009) Survey of Tolerable Stoppages in Aichi and Shizuoka, Japan

Manufacturing Non-Manufacturing

Sector Days Sector Days

Food 3.03 Construction 4.31

Apparel & Textile 6.43 Wholesale & Retail 3.42

Wood & Wooden Products 10.15 Financial & Insurance 2.68

Glass Stone Clay 11.59 Real Estate 9.09

Paper Pulp 6.09 Transportation 1.84

Chemicals 7 Communication 2.55

Refiner & Coal 4.6 Medical Services 2.85

Metal Products 5.82 Other Public Services 7.25

Steel 5.82 Business Services 6.24

Nonferrous 3.75 Personal Services 3.28

Genreal Machinery 8.02 Agriculture 3.71

Precision Machinery 8.15 Mining 3.5

Elec. & Electron 5.86
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Manufacturing Non-Manufacturing

Sector Days Sector Days

Transport Eq 3.22

Misc. Manufacturing 6.3

Average 6.39 Average 4.23

B.4.4 Other Considerations
Webb et al. (1999) surveyed businesses pre-disaster in Memphis and post-disaster in Los Angeles and
found that few businesses have made preparations or plans in the event of a disaster. About 15% of
businesses owned a backup generator, and less than 10% of businesses had arrangements to relocate
in the event of a disaster. Larger firms tended to have more preparation than smaller firms. This work 
provides an initial sense of the level of disaster preparedness we expect to find in our survey.

Webb et al. also found that most businesses recovered after the five major disasters under study, with
a majority of businesses affected by disasters reported recovering to pre-disaster business conditions.
However, this does not mean that the business did not experience substantially costs during the
recovery. They found that business' financial condition prior to a disaster, firm size, and larger
economic trends were a greater predictor of recovery outcomes than disaster planning, all else being 
equal. These findings suggest that direct costs are meaningful only insofar as they are portrayed
relative to a business’ current financial condition and in the context of that business’ market. For
example, businesses in wholesale and retail sectors have far worse outcomes following major
disruptions than other businesses, due to competitiveness and high rates of failure and turnover
that characterize those sectors (Tierney, 2007).
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1 Executive Summary
Freeman, Sullivan & Co. (FSC) was retained by Pacific Gas & Electric Company (PG&E) to conduct its
2012 Value of Service (VOS) study – research to estimate the costs customers incur during power
outages. This study was conducted as a result of a directive by the California Public Utilities
Commission (CPUC) for PG&E to carry out a VOS study. This comprehensive research project was
designed to collect detailed outage cost information from all 4 of PG&E’s customer classes –
residential, small & medium business (SMB), large business and agricultural. In this report, the
methodology and results of the study are summarized. The primary objectives of the 2012 VOS study
were to:

• Estimate 2012 outage costs by customer class and region;

• Determine how costs vary by outage timing for each customer class;

• Compare 2012 outage cost estimates by customer class to those of previous studies; and

• Understand the level of reliability that is considered acceptable within each customer class.

The VOS analyses are based on survey data collected in 4 separate surveys (one for each customer
class) conducted during late 2011 and early 2012. The responses were used to estimate the value of
service reliability for each customer segment, using procedures that have been developed and
validated over the past 25 years by the Electric Power Research Institute (EPRI) and other parties.1

Although the basic methodology is similar to previous work, the 2012 PG&E VOS study featured
several noteworthy methodological improvements. These methodological improvements include:

• Dynamic survey instrument design: In the 2012 survey instrument, each respondent was
randomly assigned to 1 of 24 different outage onset times (for 24 hours of the day) and
reported costs for a weekend scenario with a randomly assigned outage duration. This design
produced the data necessary for understanding how outage costs vary across different times of 
the day and week, for outages from 5 minutes to 24 hours. This dynamic survey data was
also able to produce an estimate of the average outage cost across all time periods, as
opposed to focusing on an individual time period. In the 2005 PG&E VOS study and many
other prior studies, outage scenarios were primarily limited to summer weekday afternoons,
which was useful for generation planning, but not directly applicable to transmission and
distribution planning.

• Oversampling in Bay Area: During the sample design process, FSC analyzed how aggregate
economic output per unit of electricity use varied across PG&E's service territory. This analysis 
found that outage costs are likely to be significantly higher in the Bay Area than in            
other parts of PG&E’s service territory. Therefore, the sample design had specific quotas for
the number of Bay Area and non-Bay Area customers and included an oversampling of non-
residential customers in the Bay Area. With this approach, the results were able to account for 
differences between Bay Area and non-Bay Area customers.

• Optimized sample design: The sample design took advantage of information from the 2005
PG&E VOS study to optimally define the number of usage strata and boundaries for the usage
strata. Taking advantage of previous results allowed FSC to determine the sample 
stratification method that minimized the variance in the estimated outage cost, which
maximized the precision of the 2012 estimates.

• Improved customer damage functions: Customer damage functions are statistical models 
that predict how outage costs vary across customers, outage duration and other outage
characteristics. In the 2005 study, a Tobit regression model was used to estimate the

1 Sullivan, M.J., and D. Keane (1995). Outage Cost Estimation Guidebook. Report no. TR-106082. Palo Alto, CA: EPRI.
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customer damage functions. However, a 2009 meta-analysis by Lawrence Berkeley National
Laboratory showed that a two-part econometric model is more appropriate for modeling 
outage cost data.2 In this study, FSC applied the two-part econometric model to this dynamic
survey data to develop estimates for how outage costs vary by time of day and week for each
customer class.

• Customized cost per unserved kWh estimates: To develop the cost per unserved kWh
estimates, it is necessary to produce a load ratio that estimates the relative amount of
unserved electricity for each outage scenario and respondent. Previous studies would simply
apply the load factor (ratio of average kW to peak kW) for each customer class because the
outage scenarios were primarily focused on peaking periods. In this study, the cost per
unserved kWh estimates were customized to each scenario (based on outage timing) and each
respondent (based on rate profile).

With the methodological improvements in this study, the 2012 results can be directly applied to many
different types of utility investments at the generation, transmission and distribution level.3

1.1 Response to Survey
Table 1-1 describes the total number of completed surveys by region and customer class. The total 
number of completed surveys varied by customer class and was roughly proportional to the size of the
underlying populations. With over 1,000 completed surveys each, the relatively populous residential 
and SMB customer classes had the largest number of participants in the study. The smaller agricultural 
and large business segments had 538 and 210 respondents, respectively. With the oversampling       
of non-residential customers in the Bay Area, a majority of SMB and large business respondents     
were from that region. Considering that the non-Bay Area region has many more agricultural 
customers, the oversampling generated many more Bay Area respondents that there              
otherwise would have been, but still far fewer than in the non-Bay Area region.

Table 1-1:
Total Number of Completed Surveys by Region and Customer Class

Region Residential SMB Large Business Agricultural

Bay Area 491 637 119 125

Non-Bay Area 576 447 91 413

Overall 1,067 1,084 210 538

1.2 2012 Outage Cost Estimates
Table 1-2 provides the cost per outage event estimates by customer class. Cost per outage event is
the average cost per customer resulting from each outage duration. Given the dynamic survey
instrument design, these values represent the average outage cost across all time periods. For a
1-hour outage, large business customers experience the highest cost ($449,655) and residential 
customers experience the lowest cost ($11.89). Even though SMB and agricultural respondents had

2 Sullivan, M.J., M. Mercurio and J. Schellenberg (2009). Estimated Value of Service Reliability for Electric Utility Customers
in the United States. Lawrence Berkeley National Laboratory Report No. LBNL-2132E.

3 Sullivan, M.J. and J. Schellenberg (2011). Evaluating Smart Grid Reliability Benefits for Illinois. National Association of
Regulatory Utility Commissioners.
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roughly the same average usage, the SMB cost of $1,848.8 for a 1-hour outage is 4.1 times higher
than the agricultural cost ($453.5). Between regions, the differences in cost per outage event are
stark. Bay Area cost per event is higher than in the non-Bay Area region for every outage duration
among residential, SMB and large business customers. For agricultural customers, Bay Area cost per
event is higher than in the non-Bay Area region for all outage durations over 1 hour. This result 
underscores the importance of having segmented the sample among these two regions.

For large business customers in particular, a small subset of Bay Area customers with extremely high
outage costs drives much of the difference between regions. These high outage costs must be
understood within the context of their level of reliability. Many of these Bay Area large business
customers are accustomed to a very high level of reliability and rarely experience sustained power
interruptions, so even a 5-minute outage would impose extremely high costs. Considering that these
customers are significantly less likely to experience transmission or distribution related power
interruptions, it can be argued that their costs should be excluded from many transmission and
distribution planning applications. Therefore, Appendix D provides the 2012 large business outage
cost estimates by level of service reliability. For transmission and distribution planning applications,
FSC recommends applying the results segmented by level of reliability as opposed to region.

Table 1-2:
2012 Cost per Outage Event Estimates by Region and Customer Class

Region Outage
Duration

Residential
($/Event)

SMB
($/Event)

Large Business 
($/Event)

Agricultural
($/Event)

Bay Area

5 minutes $8.18 $585.2 $761,784 $124.1

1 hour $13.22 $2,679.4 $861,359 $299.3

4 hours $19.59 $6,607.7 $1,073,743 $2,512.2

8 hours $26.63 $16,463.6 $1,080,310 $4,866.9

24 hours $37.83 $33,780.9 $2,252,293 $8,392.1

Non-Bay 
Area

5 minutes $6.96 $159.0 $24,308 $147.5

1 hour $10.71 $973.9 $54,970 $461.6

4 hours $14.89 $2,761.1 $113,746 $1,201.5

8 hours $19.79 $4,435.0 $147,383 $2,496.6

24 hours $26.03 $8,514.5 $615,402 $5,763.9

All

5 minutes $7.41 $379.8 $454,675 $146.1

1 hour $11.89 $1,848.8 $449,655 $453.5

4 hours $16.82 $4,774.3 $596,675 $1,230.7

8 hours $22.89 $10,568.7 $617,196 $2,549.4

24 hours $31.67 $21,339.4 $1,472,497 $5,842.4

Figure 1-1 shows cost per average kW by customer class. Cost per average kW is the cost per outage
event normalized by average customer demand among respondents. This metric is useful for
comparing outage costs across segments because it is normalized by customer demand. For a 1-hour
outage, residential customers have the lowest cost per average kW ($14.86), followed by agricultural
customers ($52.1) and SMB customers ($205.2). The relative order of cost per average kW for these
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3 customer classes is consistent across all outage durations. Large business customers have the
highest cost per average kW for outages of 5 minutes and 1 hour. For outages of 4 hours or more,
large business cost per average kW is lower than that of the SMB segment. In fact, SMB customers
experience the largest increase in costs as outage duration increases. From 5 minutes to 24 hours,
SMB cost per average kW increases nearly $100 per hour, compared to around $30 per hour among
large business and agricultural customers and a little over $1 per hour for residential customers. This
result suggests that SMB customers have relatively few options for mitigating costs as outage duration 
increases.

Figure 1-1:
2012 Cost per Average kW Estimates by Customer Class
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Table 1-3 summarizes cost per average kW by customer class, disaggregated by region. Between
regions, the outage cost differences are equally stark when normalizing by respondent demand
because average kW is similar in the two regions for each customer class. As in the cost per outage
event estimates, Bay Area cost per average kW is higher than in the non-Bay Area region for every
outage duration among residential, SMB and large business customers. For agricultural customers,
Bay Area cost per average kW is higher than in the non-Bay Area region for all outage durations over
1 hour.
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Table 1-3:
2012 Cost per Average kW Estimates by Region and Customer Class

Region Outage
Duration

Residential
($/kW)

SMB
($/kW)

Large Business 
($/kW)

Agricultural
($/kW)

Bay Area

5 minutes $11.86 $62.1 $547.5 $12.8

1 hour $18.62 $272.0 $624.7 $44.4

4 hours $27.59 $706.0 $774.6 $356.8

8 hours $37.51 $1,560.5 $771.0 $682.6

24 hours $54.04 $3,482.6 $1,663.5 $1,143.3

Non-Bay 
Area

5 minutes $8.39 $19.8 $17.0 $18.2

1 hour $12.17 $121.9 $40.7 $52.5

4 hours $16.54 $339.2 $85.6 $138.1

8 hours $21.99 $557.9 $110.1 $281.8

24 hours $29.58 $1,073.7 $443.4 $686.2

All

5 minutes $9.75 $43.3 $319.3 $18.1

1 hour $14.86 $205.2 $327.4 $52.1

4 hours $21.03 $540.1 $436.9 $143.9

8 hours $28.61 $1,136.4 $449.7 $288.7

24 hours $40.09 $2,403.1 $1,047.5 $700.5

Table 1-4 provides the cost per unserved kWh estimates by customer class. Cost per unserved kWh is
the cost per outage event normalized by the expected amount of unserved kWh for each outage
scenario. This metric is useful because it can be readily used in planning applications, for which the
amount of unserved kWh as a result of a given outage is commonly available. At 5-minutes, cost per
unserved kWh is at its maximum for each region and customer class because the expected amount of
unserved kWh (the denominator of the equation) is very low for a short-duration outage. As duration
increases, cost per unserved kWh decreases precipitously because unserved kWh increases linearly
with the number of hours while cost per outage event increases at a decreasing rate. Between
regions, the differences in cost per unserved kWh show the same trend as in the cost per outage   
event and cost per average kW estimates where the Bay Area cost is higher for all but the 5-minute
and 1-hour agricultural estimates.

Cost per unserved kWh is also interesting because it directly provides an “apples-to-apples” comparison 
of how customers value electric service versus what they pay for electric service. For all 4      
customer classes and all outage durations, customers place a substantially higher value on an unserved 
kWh than what they would have paid if that electricity had been delivered. Even a 24-hour SMB 
outage for which hundreds of kWh are unserved on average, SMB customers value lost electric   
service at $99.7 per unserved kWh. Residential customers experience an outage cost of $5.08 per
unserved kWh for a 4-hour outage and $1.67 per kWh for a 24-hour outage, which are clearly lower
than the other customer classes, but still substantially higher than what they pay per kWh.
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Table 1-4:
2012 Cost per Unserved kWh Estimates by Region and Customer Class

Region Outage
Duration

Residential
($/kWh)

SMB
($/kWh)

Large Business 
($/kWh)

Agricultural
($/kWh)

Bay Area

5 minutes $136.33 $713.7 $6,486.6 $144.3

1 hour $18.89 $261.4 $609.7 $42.5

4 hours $6.73 $168.3 $189.9 $89.5

8 hours $4.56 $192.4 $94.8 $84.6

24 hours $2.24 $144.5 $69.1 $48.1

Non-Bay 
Area

5 minutes $99.43 $227.2 $201.5 $207.8

1 hour $11.77 $114.7 $39.4 $50.7

4 hours $4.00 $79.3 $21.2 $34.2

8 hours $2.65 $66.5 $13.7 $35.0

24 hours $1.23 $44.5 $18.5 $28.2

All

5 minutes $123.50 $493.3 $3,769.8 $205.7

1 hour $14.86 $195.6 $318.5 $50.3

4 hours $5.08 $127.5 $107.5 $35.6

8 hours $3.44 $138.4 $55.6 $35.9

24 hours $1.67 $99.7 $43.7 $28.8

1.3 Impact of Outage Timing
As a result of the dynamic survey design, the 2012 study provided useful information on how outage
costs vary across different times of the day and week. For the residential and SMB analyses on the
impact of outage timing, onset times were aggregated into 4 key time periods with distinct cost per
outage event. These time periods were:

• Morning (7 AM to 11 AM);

• Afternoon (12 PM to 5 PM);

• Evening (6 PM to 9 PM); and

• Night (10 PM to 6 AM).

With fewer observations in the large business and agricultural segments, onset times were aggregated 
into 2 key time periods because the analysis could not identify clear trends within the more granular
time periods used for residential and SMB customers. The 2 key time periods for large business and
agricultural customers were:

• Morning and Afternoon (7 AM to 5 PM); and

• Evening and Night (6 PM to 6 AM).

These groups of onset times were further divided among weekdays and weekends for the residential, 
SMB and agricultural customer classes. In the large business analysis of the impact of outage timing,
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the onset times were not further divided by day of week because this variable did not have a
significant effect for large business customers.

Figure 1-2 provides the weekday relative cost per outage event estimates and Figure 1-3 provides the
weekend estimates, which were derived from the customer damage functions described in Appendix B.
If a planning application requires an adjustment of outage costs that accounts for onset time, these
relative values can be applied to each outage cost estimate in Section 1.2 (referred to as the “base
value”). As shown in the figure, outage costs for SMB customers are the most sensitive to onset time,
varying from 82.5% lower than the base value on a weekend evening to 85.5% higher on a weekday
morning. SMB outages on weekday mornings have the highest percentage increase because these
outages likely start and end during normal business hours, potentially disrupting an entire day of   
work. The only weekday SMB outages that have lower costs than the base value are those with an
evening onset time because these outages begin after normal business hours and likely end before
business resumes the next day. Although some SMB customers such as retail stores likely have   
higher costs on a weekend day, SMB is the only customer class that has lower relative outage costs for 
all weekend onset times. Considering that SMB outage costs vary substantially depending on the   
onset time, it is important that planning applications apply these relative values.

Figure 1-2:
Relative Cost per Outage Event Estimates by Onset Time and Customer Class – Weekdays
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Figure 1-3:
Relative Cost per Outage Event Estimates by Onset Time and Customer Class – Weekends
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Interestingly, residential and large business customers exhibit a similar trend, where outage costs
vary moderately with lower costs during the morning and afternoon and higher costs during the
evening and night throughout the week. Outage costs are higher during the evening and night for
residential customers because they are more likely to be home at these times. For large business
customers, considering that many operate 24 hours per day, 7 days per week, outages with different
onset times likely have a similar impact on production, but the overall outage cost may be greater
during the evening and night because outage response may require overtime or emergency staff.

Outage costs for agricultural customers vary more than those of residential and large business
customers, but less than SMB outage costs. Agricultural outage costs during the morning and
afternoon are higher than the base value on weekdays and weekends, which is not surprising 
considering that much agricultural work is conducted during daylight hours throughout the week.

1.4 Comparison to Previous Studies
PG&E previously carried out an outage cost study for all 4 customer classes in 2005. In addition,
there was a large business study in 1989, an agricultural study in 1991 and residential and SMB in
1993. Table 1-5 compares the cost of a 4-hour, summer afternoon outage for each study year and
customer class. The 1989-1993 and 2005 cost per outage event estimates were converted to 2012
dollars using the gross domestic product deflator, which was obtained from the U.S. Department of
Commerce’s Bureau of Economic Analysis. SMB and agricultural outage costs vary between study
years, but these differences are not statistically significant. For residential customers, the difference
between 2005 and 2012 is statistically significant and shows a 64.3% increase in reported outage cost
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since 2005. Although there seems to be a large increase in outage costs for residential customers,
some of this difference is due to a change in the residential survey design that improved the accuracy
of the estimates. After adjusting for this methodological difference, there is a smaller increase of
18.4% in reported outage cost for residential customers since 2005, which may be due to increased 
household sizes as a result of economic conditions. Even with these increases in outage costs in the
2012 study, all of the residential cost per event, average kW and unserved kWh estimates are lower
than in the other customer classes, as shown above.

Between 1989 and 2005, there was a 53.3% increase in reported outage cost for large business
customers, but this difference was not statistically significant. The difference between 2005 and 2012
is statistically significant and shows a 4-fold increase in reported outage cost for large business
customers since 2005.4 While it is possible that outage costs for large business customers have
increased significantly since 2005, the results reported here must be used with caution. With the
relatively small sample sizes for the large business segment and specific subset of customers with
extremely high outage costs, the results for each large business study are subject to large statistical 
error because they are highly sensitive to the sample that is randomly selected. In the 2012 study, it 
seems that the random sample included a larger amount of these customers with extremely high
outage costs. In addition, the 2012 study had lower large business response rates than those of the
1989 and 2005 studies, which may have led to non-response bias. Although the assessment 
presented in Appendix D did not find any observable factors (such as industry type) that led to non-
response bias, there could have been unobservable factors that biased the results upward in light of
the relatively low response rates in the 2012 study. Another possibility may be that these high-cost
customers are more prevalent in PG&E’s large business population than they were in the past, which
may require further research.

Table 1-5:
Cost of a 4-Hour, Summer Afternoon Outage by Study Year and Customer Class

Study Year Residential
(2012$)

SMB
(2012$)

Large Business 
(2012$)

Agricultural
(2012$)

1989-1993 $8.37 $4,738.3 $73,948 $1,104.8

2005 $9.31 $3,884.4 $113,336 $1,945.1

2012 $15.30 $6,138.9 $460,263 $1,367.1

1.5 Acceptable Level of Service Reliability
In the survey, respondents were asked to rate hypothetical levels of service reliability as acceptable or
unacceptable. Each level of service reliability referred to a specific outage duration and frequency.
Figure 1-4 shows the percent of customers rating each combination of outage frequency and duration
as acceptable. As expected, a customer’s level of service reliability becomes less acceptable as outage
duration increases and the number of outages per year increases. Even though cost per unserved   
kWh for outages longer than 1 hour is lower for large business customers than it is for SMB   
customers, large business customers expect a substantially higher level of reliability. One outage of 1

4 Note that statistical significance in this case implies that there was an increase in reported cost, but does not necessarily
confirm that the magnitude of the increase was exactly 4-fold.
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to 4 hours per year is acceptable to 23.6% of large business customers, compared to 49% of SMB
customers. Agricultural customers expect the lowest level of reliability. One outage of 1 to 4 hours
per year is acceptable to 73% of agricultural customers, compared to 68.8% of residential customers.
Between regions, there are only slight differences in what level of reliability is considered acceptable 
for residential, SMB and agricultural customers, which is somewhat unexpected given the regional
differences in outage costs. Large business was the only segment for which there is a substantial 
difference in the acceptable level of service reliability by region. Bay Area large business customers
expect a very high level of service reliability.

Figure 1-4:
Percent of Customers Rating Each Combination of

Outage Frequency and Duration as Acceptable by Customer Class

To determine what percent of customers receives service that they consider acceptable, the
acceptable level of service reliability questions were compared with the number of outages customers
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reported experiencing over the past 12 months. Table 1-6 provides the results of this analysis by
outage duration and customer class for the survey in 2005 and 2012. In the 2012 study, up to 87% of 
residential and 81% of SMB customers reported that they receive service that they say is     
acceptable. Across all outage durations, these results are very similar to 2005 for residential and SMB
customers. Large business and agricultural customers were less likely to receive service they say is
acceptable, and as in the 2005 study, momentary outages for large business customers are the type of 
outage that most likely leads to unacceptable service.

Table 1-6:
Percent of Customers Receiving Service Rated as 

Acceptable by Study Year and Customer Class

Outage Duration
Residential SMB Large Business Agricultural

2005 2012 2005 2012 2005 2012 2005 2012

Momentary 89% 91% 88% 87% 70% 68% 88% 86%

5-30 Minutes 95% 94% - - 86% 84% 91% 90%

Up to 1 Hour - - 83% 85% - - - -

1 Hour 94% 95% - - 92% 81% 92% 87%

1-4 Hours 85% 87% 82% 81% 78% 73% 83% 76%
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2 Introduction
Freeman, Sullivan & Co. (FSC) was retained by Pacific Gas & Electric Company (PG&E) to conduct its
2012 Value of Service (VOS) study – research to estimate the costs customers incur during power
outages. This study was conducted as a result of a directive by the California Public Utilities
Commission (CPUC) for PG&E to carry out a VOS study. This comprehensive research project was
designed to collect detailed outage cost information from all 4 of PG&E’s customer classes –
residential, small & medium business (SMB), large business and agricultural. In this report, the
methodology and results of the study are summarized. The primary objectives of the 2012 VOS study
were to:

• Estimate 2012 outage costs by customer class and region;

• Determine how costs vary by outage timing for each customer class;

• Compare 2012 outage cost estimates by customer class to those of previous studies; and

• Understand the level of reliability that is considered acceptable within each customer class.

Since VOS cannot be measured directly, it is estimated from outage cost surveys of utility customers.
These cost estimates can be used to assess the cost-effectiveness of investments in generation,
transmission and distribution systems and to strategically compare alternative investments in order to
determine which provides the most combined benefits to the utility and its customers. This 
comprehensive approach to valuing reliability, commonly known as “value-based reliability planning,”
has been a well-established theoretical concept in the utility industry for the past 30 years.5 With the
methodological improvements in this study, the 2012 results can be directly applied to many different
types of utility investments at the generation, transmission and distribution level.

2.1 Study Methodology
The objectives above were addressed in this study by conducting 4 separate outage cost surveys (one
for each customer class) during late 2011 and early 2012. This survey methodology has been
implemented by many electric utilities throughout the United States over the past 25 years. This
study and the prior studies employed a common survey methodology, including sample designs,
measurement protocols, survey instruments and operating procedures. This methodology is described
in detail in EPRI’s Outage Cost Estimation Guidebook.6 The results of 28 prior studies are part of a
meta-analysis of nationwide outage costs that is summarized in a 2009 report by Lawrence Berkeley
National Laboratory (LBNL).7

Although the basic methodology is similar to previous work, the 2012 PG&E VOS study featured
several noteworthy methodological improvements. These methodological improvements include:

• Dynamic survey instrument design: In the 2012 survey instrument, each respondent was
randomly assigned to one of 24 different outage onset times (for 24 hours of the day) and
reported costs for a weekend scenario with a randomly assigned outage duration. This design

5 For an early paper on value-based reliability planning, see: Munasinghe, M. (1981). "Optimal Electricity Supply, Reliability, 
Pricing and System Planning." Energy Economics, 3: 140-152.

6 Sullivan, M.J., and D. Keane (1995). Outage Cost Estimation Guidebook. Report no. TR-106082. Palo Alto, CA: EPRI.

7 Sullivan, M.J., M. Mercurio, and J. Schellenberg (2009). Estimated Value of Service Reliability for Electric Utility 
Customers in the United States. Lawrence Berkeley National Laboratory Report No. LBNL-2132E.
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produced the data necessary for understanding how outage costs vary across different times
of the day and week, for outages from 5 minutes to 24 hours. This dynamic survey data was
also able to produce an estimate of the average outage cost across all time periods, as
opposed to focusing on an individual time period. In the 2005 PG&E VOS study and many
other prior studies, outage scenarios were primarily limited to summer weekday afternoons,
which was useful for generation planning, but not directly applicable to transmission and
distribution planning.

• Oversampling in Bay Area: During the sample design process, FSC analyzed how aggregate
economic output per unit of electricity use varied across PG&E's service territory. This analysis 
found that outage costs are likely to be significantly higher in the Bay Area than in           
other parts of PG&E’s service territory. Therefore, the sample design had specific quotas for
the number of Bay Area and non-Bay Area customers and included an oversampling of non-
residential customers in the Bay Area. With this approach, the results were able to account for 
differences between Bay Area and non-Bay Area customers.

• Optimized sample design: The sample design took advantage of information from the 2005
PG&E VOS study to optimally define the number of usage strata and boundaries for the usage
strata. Taking advantage of previous results allowed FSC to determine the sample 
stratification method that minimized the variance in the estimated outage cost, which
maximized the precision of the 2012 estimates.

• Improved customer damage functions: Customer damage functions are statistical models 
that predict how outage costs vary across customers, outage duration and other outage
characteristics. In the 2005 study, a Tobit regression model was used to estimate the
customer damage functions. However, the 2009 meta-analysis for LBNL showed that a two- 
part econometric model is more appropriate for modeling outage cost data. In this study, FSC
applied the two-part econometric model to this dynamic survey data to develop estimates for
how outage costs vary by time of day and week for each customer class.

• Customized cost per unserved kWh estimates: To develop the cost per unserved kWh
estimates, it is necessary to produce a load ratio that estimates the relative amount of
unserved electricity for each outage scenario and respondent. Previous studies would simply
apply the load factor (ratio of average kW to peak kW) for each customer class because the
outage scenarios were primarily focused on peaking periods. In this study, the cost per
unserved kWh estimates were customized to each scenario (based on outage timing) and each
respondent (based on rate profile).

2.2 Economic Value of Service Reliability
The purpose of VOS research is to measure the economic value of service reliability, using information 
regarding outage costs as a proxy. Under the general theory of welfare economics, the economic value 
of service reliability is equal to the economic losses that customers experience as a result of       
service interruptions. The history of efforts to measure customer outage costs goes back several
decades. In that time, several approaches have been used. These include:

• Scaled macro-economic indicators (i.e., gross domestic product, wages, etc.);

• Market-based indicators (e.g., incremental value of reliability derived from studies of price–
elasticity of demand for service offered under non-firm rates); and

• Survey-based indicators (i.e., cost estimates obtained from surveys of representative samples
of utility customers).

The most widely used approach to estimating customer outage costs is through analysis of data
collected via customer surveys. In a customer outage cost survey, a representative sample of
customers is asked to estimate the costs they would experience given a number of hypothetical outage 
scenarios. In these hypothetical outage scenarios, key characteristics of the outages described
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in these scenarios are varied systematically in order to measure differential effects of service outage
events with various different characteristics. A variety of statistical techniques are then used to
identify and describe the relationships between customer economic losses and outage attributes.

Survey-based methods are generally preferred over the other measurement protocols because they
can be used to obtain outage costs for a wide variety of reliability conditions not observable using the
other techniques. As in 2005, these methods were selected for use in the 2012 PG&E VOS study.

2.3 Valuation Methods
Two basic valuation methods are used to measure outage costs in the surveys – direct cost
measurement and willingness-to-pay (WTP). Direct cost measurement techniques involve asking
customers to estimate the direct costs they will experience during a service outage. WTP  
measurement techniques involve measuring the amount customers would be willing to pay to avoid 
experiencing the outage. In both approaches, the surveys ask respondents to provide these estimates
for a number of outage scenarios, which vary in terms of the characteristics of the event.

2.3.1 Direct Cost Measurement
For non-residential customers (SMB, large business and agricultural), direct cost measurement was
used in this study because their outage costs are more tangible and much less difficult to estimate
directly. At its most general level, the direct cost of an outage is defined as follows:

Direct Cost = Value of Lost Production + Outage Related Costs
-Outage Related Savings

The Value of Lost Production is the amount of revenue the surveyed business would have generated in
the absence of the outage minus the amount of revenue it was able to generate given that the outage
occurred. It is their net loss in the economic value of production after their ability to make up for lost 
production has been taken into account. It includes the entire cost of making or selling the product as
well as any profit that could have been made on the production.

Outage Related Costs are additional production costs directly incurred because of the outage. These
costs include:

• Labor costs to make up any lost production (which can be made up);

• Labor costs to restart the production process;

• Material costs to restart the production process;

• Costs resulting from damage to input feed stocks;

• Costs of re-processing materials (if any); and

• Cost to operate backup generation equipment.

Outage Related Savings are production cost savings resulting from the outage. When production or
sales cannot take place, there are economic savings resulting from the fact that inputs to the
production or sales process cannot be used. For example, during the time electric power is
interrupted, the enterprise cannot consume electricity and thus will experience a savings on their
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electric bill. In many cases, savings resulting from outages are small and do not significantly affect
outage cost calculations. However, for manufacturing enterprises where energy and feedstock costs
account for a significant fraction of production cost, these savings may be quite significant and must
be measured and subtracted from the other cost components to ensure outage costs are not double
counted. These savings include:

• Savings from unpaid wages during the outage (if any);

• Savings from the cost of raw materials not used because of the outage;

• Savings from the cost of fuel not used; and

• Scrap value of any damaged materials.

In measuring outage costs, only the incremental losses resulting from unreliability are included in the
calculations. Incremental losses include only those costs described above and beyond the normal
costs of production. If the customer is able to make up some percentage of their production loss at a
later date (e.g., by running the production facility during times when it would normally be idle), the
outage cost does not include the full value of the production loss. Rather, it is calculated as the value
of production not made up plus the cost of additional labor and materials required to make up the
share of production eventually recovered.

2.3.2 Willingness-to-Pay Approach
Cost estimates for the residential segment are based on a WTP question because residential customers
do not experience many directly measureable costs during an outage. Considering that most of the
outage cost for residential customers is a result of inconvenience or hassle, WTP is a better
representation of their underlying costs. The WTP approach to outage cost estimation is quite   
different than the direct cost measurement approach. Rather than asking what an outage would cost
the customer, the WTP approach asks how much the customer would pay to avoid its occurrence. This
technique employs the concept of compensating valuation – customers are asked to estimate the
economic value that would leave their welfare unchanged compared to a situation in which no outage
occurred. This approach is especially useful when intangible costs are present, which by their nature,
are difficult to estimate using the direct cost measurement approach.

2.4 Report Organization
The remainder of this report proceeds as follows:

• Section 3 – Survey Methodology: This section covers the survey methodology, including 
details on the survey implementation approach by customer class, survey instrument design,
sample design and data collection procedures for each customer class.

• Section 4 – Outage Cost Estimation Methodology: The results of this study focus on the
following 3 key metrics – cost per outage event, cost per average kW and cost per unserved 
kWh. This section on the outage cost estimation methodology explains what each of these 3
key metrics represents, how they are calculated from the survey data and how they are
related to each other.

• Sections 5 through 8 – Results: These 4 sections provide the results for each customer
class, beginning with the 3 key metrics defined in Section 4 for the service territory as a whole
and disaggregated by region. Comparisons of outage costs in the two regions are discussed
and confidence intervals for the estimates are provided. Then, each section provides results on 
how outage costs vary by the time of day and week for each customer class. This



19

discussion is followed by a comparison of the 2012 outage cost estimates to those of previous
studies. Finally, each section concludes with results related to the level of reliability that each
customer class considers acceptable.

• Appendix A – Sampling Strategy Determination: This appendix provides more details on
the sample design, specifically focusing on how the final sampling strategy was determined for
each customer class.

• Appendix B – Customer Damage Functions: This appendix details the customer damage
functions, which are econometric models that predict how outage costs vary across customers,
outage duration and other outage characteristics. For example, these models were used to
develop the results in Sections 5 through 8 related to how outage costs vary by the time of day 
and week for each customer class.

• Appendix C – Assessment of Non-response Bias: In this appendix, a systematic
assessment of non-response bias in the survey is provided.

• Appendix D – 2012 Large Business Outage Cost Estimates by Level of Service 
Reliability: Many large business customers are accustomed to a very high level of reliability 
and rarely experience sustained power interruptions. Therefore, this appendix provides the
large business outage cost estimates by level of service reliability. For distribution planning
applications, FSC recommends using the outage cost estimates associated with large business
customers that have experienced one or more sustained outages in the past year.

• Appendices E through H – Survey Instruments: These 4 appendices include the survey
instruments for each customer class.
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3 Survey Methodology
Table 3-1 provides an overview of the 2012 VOS survey implementation approach by customer class.
Residential customers were recruited with a letter that encouraged them to go online to complete the
survey (the letter included a link to the online survey along with a unique access code specific to each
customer). If a residential customer did not complete the survey online, a paper copy was sent. SMB
and agricultural customers were recruited by telephone and were asked if they preferred to fill out the
paper survey or go online to complete the survey. If a customer preferred to fill out the paper survey,
it was sent to them by mail. If a customer preferred to go online to complete the survey, a link to the
online survey and a unique access code specific to each customer were provided in an email. Large
business customers were recruited by telephone and received an in-person interview.

Although all survey instruments included variations of willingness-to-pay (WTP) and direct cost
questions, the results in Sections 5 through 8 are based on the valuation method listed in Table 3-1.
Cost estimates for the residential segment are based on a WTP question because residential customers
do not experience many directly measureable costs during an outage. Considering that most of the
outage cost for residential customers is a result of inconvenience or hassle, WTP is a better
representation of their underlying costs. For SMB, large business customers and agricultural 
customers, direct cost measurement is the preferred valuation method because their outage costs are
more tangible and much less difficult to estimate directly.

Table 3-1:
2012 VOS Survey Implementation Approach by Customer Class

Customer Class Sample 
Design Target

Recruitment
Method

Data Collection
Approach

Valuation
Method

Incentive 
Provided

Residential 1,000 Letter Mail/Internet Survey WTP Two $2 bills

SMB 1,000 Telephone Mail/Internet Survey Direct Cost $50

Large Business 190 Telephone In-person Interview Direct Cost $50

Agricultural 500 Telephone Mail/Internet Survey Direct Cost $150

3.1 Survey Instrument Design
This discussion of the survey instrument design focuses on the outage scenarios, which were designed
the same for all segments. The survey instruments are included as appendices in case more detail is
required on other aspects of the survey.

Considering that most customers rarely experience sustained power interruptions, an outage cost
survey presents the respondent with hypothetical outage scenarios that are specific to a certain time
period. As stated in Section 2, one of the objectives of the study was to compare the 2012 outage
cost estimates with those of previous studies. As such, the first outage scenario for each customer
class was the same as in the 2005 study. This outage scenario was the 4-hour, summer weekday
scenario with a 3 PM onset time and no advance warning. Each results section contains a comparison
to previous studies that was based on the responses to this outage scenario.
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Another key objective of this study was to estimate the average outage cost across all time periods. In 
the 2005 study, outage scenarios were primarily limited to summer weekday afternoons. Outage    
cost estimates for this time period are useful for generation planning, but not transmission and
distribution planning for which the power interruptions of interest occur at all times. In fact, outages
are distributed throughout the day for all customer classes. As shown in Figure 3-1, there is no single
hour for any customer class that accounts for more than 6.5% of outages or less than 2% of outages.
Instead of having a study that produces results specifically for one time period, the outage scenarios   
in the 2012 VOS study were designed to capture information across all time periods. This objective
was accomplished by randomizing the outage scenarios in proportion to the distribution of onset times
in Figure 3-1. As a result, the outage cost estimates provided in Sections 4 through 8 are
representative of the average outage cost across all time periods as opposed to just one time period.

Figure 3-1:
Distribution of Outages by Onset Time and Customer Class (2008-2010)

Residential C&I Agricultural
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Table 3-2 provides an example set of outage scenarios. As discussed above, scenario A was the same
for all respondents so that this study could be compared with the 2005 study. In accordance with
Figure 3-1, this onset time of 11 AM for scenarios B through F was assigned to approximately 5.5% of
respondents. Each respondent was assigned the same onset time for scenarios B through F in order to 
minimize respondent burden. An alternative was to randomize the onset time for every scenario and 
respondent, but that would likely lead to confusion and the survey would be more difficult to
complete. To be consistent with scenario A, scenarios B through F were described to occur during the
summer and did not include advance warning. Outage costs for the average customer do not vary
substantially throughout the year, especially in California,8 so the season was kept consistent with
scenario A even though these estimates can be applied throughout the year. Advance warning was

8 This conclusion was reached by using estimates from the Department of Energy’s Interruption Cost Estimate Calculator,
which can be found at ICECalculator.com. Note that this calculator does not report agricultural outage costs separately, so
costs may vary throughout the year specifically for agricultural customers. For the average customer overall, the seasonal
variation was not substantial.
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not included for any of the scenarios because it is rarely provided for distribution or transmission
related power interruptions. Scenario F was always the single weekend scenario, which provided very
useful information on how outage costs are affected by timing during the week. Finally, each set of
scenarios always included durations of 5 minutes, 1 hour, 4 hours, 8 hours and 24 hours. In this
example set of outage scenarios, the 1-hour duration was randomly assigned to the weekend outage
scenario F, which was not always the case. In fact, there were 120 different, randomly assigned
versions of the survey (5 possible durations for the weekend scenario X 24 possible hours for the
onset times).

Table 3-2:
Example Set of Outage Scenarios

Scenario Season Time of Week Onset Time Warning Duration

A Summer Weekday 3:00 PM No 4 hours

B Summer Weekday 11:00 AM No 4 hours

C Summer Weekday 11:00 AM No 5 minutes

D Summer Weekday 11:00 AM No 8 hours

E Summer Weekday 11:00 AM No 24 hours

F Summer Weekend 11:00 AM No 1 hour

3.2 Sample Design
The study aimed for the following amount of completed surveys for each customer class:

• 1,000 residential customers;

• 1,000 SMB customers;

• 190 large business customers; and

• 500 agricultural customers.

Before detailing the sample design methodology and how these sample points were distributed among
usage categories and region, it is important to note that a “customer” refers to a premise in the three
non-residential segments, not an individual account. When SMB, large business and agricultural 
customers complete an outage cost survey, they provide answers for the premise associated with all   
of their accounts at a certain address. Many of these premises only have one account at that address,
in which case the premise-level estimates and account-level estimates are identical. However, there
are some non-residential premises that have multiple accounts for the same business, in which case
the respondent is rarely able to provide the cost estimates for an individual account within that
premise. Therefore, usage and customer contact information were aggregated across all of the
accounts associated with each business at each premise, and then the customers were sampled. For
the residential segment, a “customer” refers to an individual account because it is rare that a
residential customer has multiple accounts at a single address.

The sample design methodology was determined using the approach described in Appendix A. This
approach to determining the sample design was a substantial improvement on previous studies
because it took advantage of information from the 2005 PG&E VOS study to optimally define the
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number of usage strata and boundaries for the usage strata. This sampling approach is necessary
because the distribution of usage per customer is highly skewed. As shown in Figure 3-2, the vast
majority of customers is clustered towards the lower end of the usage distribution for each customer
class and there is a “long tail” of high usage customers towards the upper end of the distribution.
Considering that usage is a proxy for outage costs, an objective of the sample design methodology
was to ensure that a sufficient amount of high usage customers was included in the sample. A simple
random sample would not accomplish this objective because high usage customers would have a very
low probability of being selected for the sample considering that they account for a small percentage
of each segment.

Figure 3-2:
Distribution of Average Hourly Usage by Customer Class 

(Top 5th Percentile for Each Customer Class Omitted)

3.2.1 Regional Considerations
In addition to estimating outage costs at the system level, there is value in determining outage costs
for non-residential customers within certain areas of PG&E's service territory with high outage costs.   
In order to identify areas with high outage costs, FSC analyzed gross domestic product (GDP) per non-
residential kWh for each metropolitan statistical area (MSA)9 in PG&E's service territory. Although

9 MSAs are the smallest geographic unit for which the U.S. Department of Commerce provides GDP information. In PG&E's
service territory, each MSA is made up of a contiguous grouping of one to five counties. Some of PG&E's service territory is 
not assigned to an MSA because areas with relatively low population density are not assigned to an MSA.
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GDP per kWh tends to substantially underestimate outage costs, it serves as a good proxy for the
geographic variation of non-residential outage costs normalized by usage. Residential customers were
not included in this analysis because a good proxy for geographic variation has not been identified and
their outage costs are substantially lower and less variable.

Figure 3-3 provides a map of GDP per non-residential kWh for each MSA in PG&E's service territory.
GDP per non-residential kWh varies greatly from $2.4 in the Bakersfield-Delano MSA to $15.3 in the
San Francisco-Oakland-Fremont MSA. In general, there are extreme differences between the Bay Area 
and the remaining MSAs in PG&E's service territory. Among the MSAs comprising the 9 Bay Area
counties,10 GDP per non-residential kWh is $13.9 and no lower than $11.1. Outside the Bay Area,
GDP per non-residential kWh does not exceed $10.9 and is $4.7 overall, one-third that of the Bay Area.  
Therefore, the sample design had specific quotas for the number of Bay Area and non-Bay Area
customers in each usage category and included an oversampling of 200 SMB, 40 large business and
100 agricultural customers in the Bay Area.11 With this approach, the results were able to account for
differences between Bay Area and non-Bay Area customers.

Figure 3-3:
GDP per Non-Residential kWh for Each 

Metropolitan Statistical Area in PG&E's Service Territory

10 San Francisco, San Mateo, Santa Clara, Alameda, Contra Costa, Marin, Santa Cruz, Sonoma and Napa

11 For the purposes of this study, the Bay Area region included the following 8 PG&E divisions: San Francisco, Peninsula, De
Anza, San Jose, Mission, East Bay, Diablo and North Bay. The non-Bay Area region included all other divisions.
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3.2.2 Residential Customers
Table 3-3 summarizes the sample design for residential customers, which had 4 usage categories.   
The population of residential customers is divided roughly evenly by region. The non-Bay Area region
accounted for a larger portion of the sample because this region has a relatively higher percentage of
customers in the larger usage categories for which the Neyman allocation required a relatively large
sample size. In addition, the sample design for the residential segment did not include oversampling 
for customers in the Bay Area. The smallest usage category (0 to 1.7 average kW) had the highest
sample design target, and the rest of the sample was distributed roughly evenly between the
remaining 3 usage categories. As expected by the sample design methodology, the largest customers
accounted for a high proportion of the sample design target relative to their percentage of the
population. Across regions, the largest usage category (4.8 to 10 average kW) comprised 0.2% of the
population, but 9.3% of the sample. This sample design ensured that the study included a sufficient
amount of high usage customers that were likely to have higher and more variable outage costs.

Table 3-3:
Sample Design Summary – Residential

Region Usage Category 
(Average kW) Population % of 

Population

Sample 
Design
Target

% of 
Sample

Bay Area

0 to 1.7 2,054,448 49.0% 374 37.4%

1.7 to 2.7 52,636 1.3% 28 2.8%

2.7 to 4.8 10,732 0.3% 27 2.7%

4.8 to 10 2,263 0.1% 25 2.5%

Bay Area Overall 2,120,079 50.5% 454 45.4%

Non-Bay 
Area

0 to 1.7 1,907,383 45.5% 343 34.3%

1.7 to 2.7 135,229 3.2% 73 7.3%

2.7 to 4.8 27,460 0.7% 62 6.2%

4.8 to 10 5,948 0.1% 68 6.8%

Non-Bay Area Overall 2,076,020 49.5% 546 54.6%

Overall 4,196,099 100% 1,000 100%

3.2.3 Small & Medium Business Customers
Table 3-4 summarizes the sample design for SMB customers, which had 5 usage categories. Although
the non-Bay Area region accounted for a larger percentage of the population, 58.8% of the sample
was allocated to the Bay Area because the sample design included an oversampling of 200 SMB
customers in the Bay Area. As expected by the sample design methodology, the largest customers
accounted for a high proportion of the sample design target relative to their percentage of the
population. Across regions, the largest usage category (222 to 884 average kW) comprised 2.4% of
the population, but 18.5% of the sample. This sample design ensured that the study included a
sufficient amount of high usage customers that were likely to have higher and more variable
outage costs.
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Table 3-4:
Sample Design Summary – SMB

Region Usage Category 
(Average kW) Population % of 

Population

Sample 
Design
Target

% of 
Sample

Bay Area

0 to 4 72,700 20.1% 140 14.0%

4 to 13 44,431 12.3% 93 9.3%

13 to 46 30,790 8.5% 113 11.3%

46 to 222 14,034 3.9% 120 12.0%

222 to 884 4,904 1.4% 122 12.2%

Bay Area Overall 166,859 46.2% 588 58.8%

Non-Bay 
Area

0 to 4 95,231 26.4% 122 12.2%

4 to 13 49,670 13.8% 68 6.8%

13 to 46 31,331 8.7% 78 7.8%

46 to 222 14,010 3.9% 81 8.1%

222 to 884 3,749 1.0% 63 6.3%

Non-Bay Area Overall 193,991 53.8% 412 41.2%

Overall 360,850 100% 1,000 100%

3.2.4 Large Business Customers
Table 3-5 summarizes the sample design for large business customers, which had 4 usage categories.
Although the population of large business customers is divided roughly evenly by region, 61.6% of the
sample was allocated to the Bay Area because the sample design included an oversampling of 40 large
business customers in the Bay Area. As expected by the sample design methodology, the largest
customers accounted for a high proportion of the sample design target relative to their percentage of
the population. Across regions, the largest usage category (2,981 to 65,791 average kW) comprised
9% of the population, but 36.9% of the sample. This sample design ensured that the study included a
sufficient amount of high usage customers that were likely to have higher and more variable
outage costs.

Table 3-5:
Sample Design Summary – Large Business

Region Usage Category 
(Average kW) Population % of 

Population

Sample 
Design
Target

% of 
Sample

Bay Area

0 to 600 145 11.8% 25 13.2%

600 to 1,268 295 24.1% 26 13.7%

1,268 to 2,981 134 10.9% 21 11.1%

2,981 to 65,791 56 4.6% 45 23.7%

Bay Area Overall 630 51.4% 117 61.6%
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Region Usage Category 
(Average kW) Population % of 

Population

Sample 
Design
Target

% of 
Sample

Non-Bay 
Area

0 to 600 241 19.7% 28 14.7%

600 to 1,268 157 12.8% 6 3.2%

1,268 to 2,981 143 11.7% 14 7.4%

2,981 to 65,791 54 4.4% 25 13.2%

Non-Bay Area Overall 595 48.6% 73 38.4%

Overall 1,225 100% 190 100%

3.2.5 Agricultural Customers
Table 3-6 summarizes the sample design for agricultural customers, which had 3 usage categories.
The non-Bay Area region accounted for the vast majority of agricultural customers in the population.
Nonetheless, 23% of the sample was allocated to the Bay Area because the sample design included an
oversampling of 100 agricultural customers in the Bay Area. Without this oversampling, it would not
have been possible to reliably estimate agricultural outage costs separately for the Bay Area. In
addition, considering that outage costs were higher and more variable in the Bay Area, this
oversampling improved the precision of the estimates for the agricultural segment as a whole.

Table 3-6:
Sample Design Summary – Agricultural

Region Usage Category 
(Average kW) Population % of 

Population

Sample 
Design
Target

% of 
Sample

Bay Area

0 to 0.5 1,469 1.9% 39 7.8%

0.5 to 6.2 1,714 2.2% 43 8.6%

6.2 to 5,511 280 0.4% 33 6.6%

Bay Area Overall 3,463 4.5% 115 23.0%

Non-Bay 
Area

0 to 0.5 22,939 29.9% 123 24.6%

0.5 to 6.2 34,427 44.9% 143 28.6%

6.2 to 5,511 15,916 20.7% 119 23.8%

Non-Bay Area Overall 73,282 95.5% 385 77.0%

Overall 76,745 100% 500 100%

3.3 Data Collection Procedures
This section summarizes the data collection procedures for each customer class.

3.3.1 Residential Customers
The residential survey was carried out by mail (with the ability to respond online if a respondent
desired to do so). It was distributed to the target respondents in two waves. In the first wave,
respondents received a cover letter on PG&E stationery explaining the purpose of the study and



28

requesting their participation. An incentive of two $2 bills was mailed with the initial letter to all   
target respondents. This letter also contained a URL and respondent ID number so that respondents
could complete the survey online. Two weeks after the first wave was mailed, respondents who did  
not complete the online survey received a reminder letter with a paper copy of the survey. The letters
and survey packet included an 800 number that respondents could call to verify the legitimacy of the
survey and ask any questions they had.

3.3.2 Small & Medium Business Customers
SMB customers were first recruited by telephone to ensure that FSC identified the appropriate
individuals for answering questions related to energy and outage issues for that company; and to
secure a verbal agreement from them to complete the survey. Telephone interviewers explained the
purpose of the survey and indicated that an incentive was to be provided to thank the respondent for
their time. The individuals were then sent an email containing an individualized survey link or had the
survey package mailed or faxed to them containing:

• Additional explanation of the purpose of the research;

• Clear and easy-to-understand instructions for completing the survey questions;

• A telephone number they could call if they had questions about the research or wished to
verify its authenticity;

• The survey booklet (or a link in the email to compete the survey online); and

• Return envelope with pre-paid postage (for the paper survey option).

One week after the survey link was emailed or the survey was faxed, respondents were given a
reminder call. Customers who requested regular mail received their reminder calls in about 2 weeks.
About 10 days after the reminder calls were made to the email recipients, the email was re-sent to
anyone who hadn’t completed it. If the survey was still not completed within 10 days, it was assumed
that the customer would not complete the survey and they were not contacted again. An incentive of
$50 was mailed to respondents who completed the survey form.

3.3.3 Large Business Customers
For large business customers, an experienced telephone recruiter first located and recruited an
appropriate representative at each of the sampled premises. The target respondent was usually a
plant manager or plant engineering manager – someone who was highly familiar with the cost
structure of the enterprise. The recruiter first identified the target respondent by calling the phone
number of the company representative in PG&E’s customer database. Once the target respondent
was identified and agreed to participate, a scheduler called back within the following two days to set
up an appointment with the field interviewer. Once the appointment was scheduled, FSC emailed  
them a confirmation along with a written description of the study and an explanation of the
information they were being asked to provide. The interview was scheduled at the convenience of the
customer. A financial incentive of $150 was offered for completion of the information. On the agreed
upon date, FSC’s field interviewer visited the sampled site and conducted the in-person interview.

3.3.4 Agricultural Customers
The data collection procedures for agricultural customers were the same as in the SMB segment.



29

4 Outage Cost Estimation Methodology
The results sections for each customer class (Sections 5 through 8) primarily focus on the following 
three outage cost metrics:

• Cost per Outage Event;

• Cost per Average kW; and

• Cost per Unserved kWh.

Before presenting the results, it is important to understand how each of these metrics was derived.
This section begins with a description of the cost per outage event estimate because it came directly
from the survey responses and the other cost metrics were derived from this one.

Cost per outage event is the average cost per customer resulting from each outage duration. It was
derived by simply calculating a weighted average of the values that the respondent provided on the
survey. Each scenario on the survey focused on a specific outage event and then asked the
respondent to provide the cost estimate. The respondent was basically providing the cost per outage
event estimate. Before calculating the weighted average of these estimates, the top 0.5% of values
normalized by usage was dropped from the analysis. These outliers were dropped because
respondents may erroneously provide unrealistically high estimates when taking an outage cost
survey, as a result of human error or misunderstanding of the question. After dropping outliers, cost
per outage event was derived as an average of the customer responses, weighted by region and
usage category for each segment.

Cost per average kW is the average cost per outage event normalized by average customer demand.
This metric is useful for comparing outage costs across segments because it is normalized by
customer demand. Cost per average kW was derived by dividing average cost per outage event by
the weighted average customer demand among respondents for each outage duration by customer
class. It is a ratio of the average values as opposed to the average of the ratios for each customer.
Therefore, for each outage duration and customer class, average cost per event was first calculated
using the steps above and then divided by the average demand among respondents. The average
demand for each respondent was calculated as the annual kWh usage divided by 8,760 hours in the
year, as shown in the following equation:

Annual kWh usage
Average Demand = (  )

8,760

As in the cost per outage event average calculation, the average customer demand (the denominator
of the ratio) was weighted by region and usage category for each segment.

Cost per unserved kWh is the cost per outage event normalized by the expected amount of unserved
kWh for each outage scenario. This metric is useful because it can be readily used in planning 
applications, for which the amount of unserved kWh as a result of a given outage is commonly
available. As in the cost per average kW calculation, cost per unserved kWh is a ratio of the average
values as opposed to the average of the ratios for each customer. Therefore, for each duration and
customer class, average cost per event was first calculated using the steps above and then divided by
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the expected unserved kWh. The expected unserved kWh is the estimated quantity of electricity that
would have been consumed if an outage had not occurred. Because the outage scenarios in this study
occur during various times of the day and week, the average customer demand from the denominator
of the cost per average kW calculation could not simply be multiplied by the number of unserved   
hours in order to develop the expected unserved kWh estimate. Average customer demand had to be
adjusted by a load ratio specific to the time of day and week for each outage scenario and then
multiplied by the number of unserved hours, as shown in the following equation:

Expected Unserved kWh = Average Demand x Load Ratio x Unserved Hours

The load ratios in this study are the ratio of expected kW (during a specific time interval for a given
customer) to average kW. These ratios were assigned to each respondent based on their rate profile
and the outage scenario. FSC used 3 years of aggregate hourly load profile data for each PG&E rate
profile to develop the average load ratio of each weekday hour and weekend hour for a given
customer. These hourly load ratios for each customer were used to calculate the load ratio
appropriate to the timing and duration of each outage scenario. For example, a 4-hour outage starting 
at 3 PM on a weekday would use the average load ratio of weekday hours from 3 PM to 7 PM.            
A respondent’s average demand was then multiplied by the load ratio to estimate the expected
demand throughout the course of each outage scenario. This expected demand was then multiplied 
by the number of unserved hours associated with each outage scenario to estimate the expected
amount of unserved kWh for each outage scenario. Finally, cost per outage event was divided by the
expected unserved kWh to develop the cost per unserved kWh estimate.

Figure 4-1 shows the average hourly load ratios by customer class for weekday outage scenarios and
Figure 4-2 for weekend outage scenarios. These figures provide an understanding of how the average
kW values were adjusted to develop the expected unserved kWh specific to each outage scenario.
Residential customers generally have below average demand on weekdays until 3 PM and then peak at
around 1.4 times average kW from 7 PM to 9 PM. On weekends, residential load is well above average
demand starting at around 9 AM and the peak timing and magnitude is similar to weekdays. SMB
customer load peaks at over 1.4 times average kW between 10 AM to 4 PM on weekdays. On
weekends, SMB customers are below average demand throughout the day. Large business and
agricultural customers have much flatter load profiles, staying between 0.8 and 1.2 times average kW
throughout the day and week. Although there are multiple rate profiles within each customer class
that are not shown in the figures, these average hourly load ratios by customer class provide a   
general idea of how average kW was adjusted for the expected unserved kWh estimates.
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Figure 4-1:
Average Hourly Load Ratios (Hourly kW/Average kW) 

by Customer Class for Weekday Outage Scenarios
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Figure 4-2:
Average Hourly Load Ratios (Hourly kW/Average kW) 

by Customer Class for Weekend Outage Scenarios
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5 Residential Results
This section summarizes the results for residential customers.

5.1 Response to Survey
Table 5-1 summarizes the survey response for residential customers. With 1,067 total completed
surveys, customer response was above the overall sample design target of 1,000. Overall, the survey
had a 28.7% response rate that was nearly equal across regions. Among the first 3 usage categories,
the response rate was relatively constant by region, varying moderately from 24.0% to 32.7%. High
usage residential customers in the 4.8 to 10 average kW category were less likely to respond to the
survey and had a response rate below 20% within each region. However, non-response bias among
high usage residential customers is not a significant concern for the outage cost estimates because
usage category is factored into the stratification weights in the analysis. Appendix C provides a more
detailed assessment of the potential sources of non-response bias among residential customers.

Table 5-1:
Customer Survey Response Summary – Residential

Region Usage Category 
(Average kW) Population

Sample 
Design
Target

Records 
Sampled Responses Response 

Rate

Bay Area

0 to 1.7 2,054,448 374 1,275 392 30.7%

1.7 to 2.7 52,636 28 104 28 26.9%

2.7 to 4.8 10,732 27 130 34 26.2%

4.8 to 10 2,263 25 188 37 19.7%

Bay Area Overall 2,120,079 454 1,697 491 28.9%

Non-Bay 
Area

0 to 1.7 1,907,383 343 1,142 362 31.7%

1.7 to 2.7 135,229 73 248 81 32.7%

2.7 to 4.8 27,460 62 267 64 24.0%

4.8 to 10 5,948 68 362 69 19.1%

Non-Bay Area Overall 2,076,020 546 2,019 576 28.5%

Overall 4,196,099 1,000 3,716 1,067 28.7%

Before presenting the outage cost estimates, it is important to summarize the prevalence of invalid 
responses. This summary is only provided for the residential segment because its cost estimates are
derived from a WTP question. Some respondents are confused by WTP questions or end up answering 
a question that is quite different from the one that is being asked. For example, customers sometimes
react to questions about WTP by redefining the question so that it relates to their ability to pay, their
satisfaction with service or whether they think they are being fairly charged for the service they are
receiving. Such responses do not accurately reflect the cost of an outage for a customer, so they were 
removed from the analysis.

To identify these responses, the survey included a follow-up question for respondents that indicated a
WTP value of $0. If the respondent verified that WTP was $0 because the outage scenario would not
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in fact result in any noticeable costs, the $0 response was confirmed as valid and included in the cost
estimate calculations. However, if the respondent indicated that there was some other reason that
WTP was $0, the response was deemed invalid and not included in the cost estimate calculations.
Table 5-2 summarizes the prevalence of invalid responses by outage duration in the residential 
survey. The percentage of responses deemed invalid varied from 15.7% for an 8-hour outage to
26.0% for a 5-minute outage. This explains why the results below are based on a number of
observations that is less than what would be expected from a study with 1,067 responses.

Table 5-2:
Summary of Invalid Responses – Residential

Outage
Duration

Total
Responses

Invalid Responses

N %
Valid

Responses

5 minutes 1,057 275 26.0% 782

1 hour 1,053 223 21.2% 830

4 hours 1,051 187 17.8% 864

8 hours 1,051 165 15.7% 886

24 hours 1,045 166 15.9% 879

5.2 2012 Outage Cost Estimates
Figure 5-1 and Table 5-3 provide the residential cost per outage event estimates. For a 1-hour
outage, residential customers experience a cost of $11.89. Residential cost per outage event 
increases to $22.89 at 8 hours and $31.67 for a 24-hour outage. Bay Area residential customers
report higher costs than non-Bay Area customers for all outage durations. At 5 minutes, Bay Area
residential cost per outage event is 17.5% higher. The percentage difference between regions
increases with duration and at 24 hours, Bay Area residential cost per outage event is 45.3% higher.
This result suggests that outages have a relatively higher incremental impact in the Bay Area as
duration increases.
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Figure 5-1:
2012 Cost per Outage Event Estimates by Region – Residential
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Table 5-3:
2012 Cost per Outage Event Estimates by Region – Residential

Region Outage
Duration N Cost per 

Outage Event
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 362 $8.18 $5.19 $11.16

1 hour 379 $13.22 $9.18 $17.26

4 hours 403 $19.59 $15.27 $23.90

8 hours 407 $26.63 $21.43 $31.83

24 hours 406 $37.83 $31.73 $43.94

Non-Bay 
Area

5 minutes 417 $6.96 $4.88 $9.04

1 hour 447 $10.71 $7.78 $13.64

4 hours 457 $14.89 $11.59 $18.19

8 hours 475 $19.79 $16.04 $23.55

24 hours 469 $26.03 $21.93 $30.12

All

5 minutes 779 $7.41 $5.65 $9.18

1 hour 826 $11.89 $9.44 $14.33

4 hours 860 $16.82 $14.19 $19.46

8 hours 882 $22.89 $19.69 $26.10

24 hours 875 $31.67 $27.92 $35.42

C
os

t p
er

 O
ut

ag
e 

Ev
en

t



35

Table 5-4 summarizes residential cost per average kW. For a 1-hour outage, residential customers
experience a cost of $14.86 per average kW. The cost per average kW estimates are roughly 25%
higher than the cost per outage event estimates because average demand for residential respondents
was around 0.8 kW. Considering that Bay Area residential respondents had relatively low average
demand, the difference with non-Bay Area customers is even greater when normalized by average
kW. At 5 minutes, Bay Area residential cost per average kW is 41.4% higher. The percentage
difference between regions increases with duration and at 24 hours, Bay Area residential cost per
outage event is 82.7% higher.

Table 5-4:
2012 Cost per Average kW Estimates by Region – Residential

Region Outage
Duration N Cost per 

Average kW
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 362 $11.86 $7.52 $16.17

1 hour 379 $18.62 $12.93 $24.31

4 hours 403 $27.59 $21.51 $33.66

8 hours 407 $37.51 $30.18 $44.83

24 hours 406 $54.04 $45.33 $62.77

Non-Bay 
Area

5 minutes 417 $8.39 $5.88 $10.89

1 hour 447 $12.17 $8.84 $15.50

4 hours 457 $16.54 $12.88 $20.21

8 hours 475 $21.99 $17.82 $26.17

24 hours 469 $29.58 $24.92 $34.23

All

5 minutes 779 $9.75 $7.43 $12.08

1 hour 826 $14.86 $11.80 $17.91

4 hours 860 $21.03 $17.74 $24.33

8 hours 882 $28.61 $24.61 $32.63

24 hours 875 $40.09 $35.34 $44.84

Table 5-5 provides the residential cost per unserved kWh estimates. For a 1-hour outage, residential 
customers experience a cost of $14.86 per unserved kWh, which is equivalent to the cost per average
kW estimate because the expected amount of unserved kWh is also around 0.8 at 1 hour. At 5-
minutes, the systemwide estimate is over $123 because the expected amount of unserved kWh (the
denominator of the equation) is very low for a short-duration outage. As duration increases, cost per
unserved kWh decreases precipitously because unserved kWh increases linearly with the number of
hours while cost per outage event increases at a decreasing rate.
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Table 5-5:
2012 Cost per Unserved kWh Estimates by Region – Residential

Region Outage
Duration N

Cost per 
Unserved

kWh

95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 362 $136.33 $86.50 $186.00

1 hour 379 $18.89 $13.11 $24.66

4 hours 403 $6.73 $5.25 $8.21

8 hours 407 $4.56 $3.67 $5.45

24 hours 406 $2.24 $1.88 $2.60

Non-Bay 
Area

5 minutes 417 $99.43 $69.71 $129.14

1 hour 447 $11.77 $8.55 $14.99

4 hours 457 $4.00 $3.12 $4.89

8 hours 475 $2.65 $2.15 $3.15

24 hours 469 $1.23 $1.04 $1.43

All

5 minutes 779 $123.50 $94.17 $153.00

1 hour 826 $14.86 $11.80 $17.91

4 hours 860 $5.08 $4.29 $5.88

8 hours 882 $3.44 $2.96 $3.92

24 hours 875 $1.67 $1.47 $1.86

5.3 Impact of Outage Timing
For the residential analysis on the impact of outage timing, onset times were aggregated into 4 key
time periods with distinct cost per outage event. These time periods were:

• Morning (7 AM to 11 AM);

• Afternoon (12 PM to 5 PM);

• Evening (6 PM to 9 PM); and

• Night (10 PM to 6 AM).

Figure 5-2 provides the relative cost per outage event estimates, which were derived from the
residential customer damage functions described in Appendix B. If a planning application requires an
adjustment of outage costs that accounts for onset time, these relative values can be applied to each
residential outage cost estimate in Section 5.2 (referred to as the “base value”). As shown in the
figure, outage costs for residential customers are somewhat sensitive to onset time, varying from 14%
lower than the base value on a weekend afternoon to 29.1% higher on a weekend night. Residential 
customers also experience relatively high outage costs during weekday nights. Outage costs with
onset times in the daytime (morning and afternoon) are lower than the base value. This result is not
surprising for daytime on weekdays because fewer people are at home during that time period. It is 
not as clear why outage costs would be relatively low during daytime on weekends though. Perhaps
residential customers are less concerned about a daytime outage because it does not leave them in
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the dark, which may lead to perceived safety issues or the inconvenience of lighting candles or
retrieving flashlights.

Figure 5-2:
Relative Cost per Outage Event Estimates by Day of Week and Onset Time – Residential
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5.4 Comparison to Previous Studies
PG&E previously carried out a residential outage cost study in 1993 and 2005. Table 5-6 compares the 
cost of a 4-hour, summer afternoon outage for each study year. The 1993 and 2005 cost per outage 
event estimates were converted to 2012 dollars using the gross domestic product deflator,            
which was obtained from the U.S. Department of Commerce’s Bureau of Economic Analysis. Between
1993 and 2005, there was a small increase in reported outage cost for residential customers, but this
difference was not statistically significant. The difference between 2005 and 2012 is statistically 
significant and shows a 64.3% increase in reported outage cost for residential customers since 2005.
Although there seems to be an upward trend in outage costs, much of this difference is due to a
change in the survey design. In 2005, the highest possible cost estimate for residential customers was 
$50 because the survey only included outage scenarios up to 8 hours. In the 2012 study, the     
highest possible cost estimate for residential customers was increased to $200 because the survey
included outage scenarios up to 24 hours. This change in the survey design allowed respondents to
provide cost estimates in excess of $50 for the 4-hour, summer afternoon outage as well. When given
this option, many residential respondents reported outage costs between $50 and $200. Therefore, the 
2012 study is a better measure of outage costs for residential customers because the cost       
estimates are no longer truncated at $50 – a threshold that now seems too low in light of some of the
high reported outage costs in the 2012 study. Even with this increase in outage costs in the 2012
study, all of the residential cost per event, average kW and unserved kWh estimates are lower than in
the other customer classes.
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To adjust for methodological differences, the adjusted 2012 value is provided in Table 5-6 so that an
“apples-to-apples” comparison can be made with previous studies. To estimate this value, FSC
truncated the 2012 survey data at $50 (adjusted for inflation) before summarizing the results. This
adjusted 2012 value is simply provided for comparison to the previous studies and is not
recommended for use in planning applications. Using this value in the comparison, there is a smaller
increase of 18.4% in reported outage cost for residential customers since 2005. This difference is
statistically significant, which suggests that residential outage costs have increased since 2005. This
increase may be due to increased household sizes as a result of economic conditions.

Table 5-6:
Cost of a 4-Hour, Summer Afternoon Outage by Study Year – Residential

Cost per 95% Confidence Interval
Study Year N Outage Event

(2012$) Lower Bound Upper Bound

1993 560 $8.37 $7.35 $9.41

2005 909 $9.31 $8.49 $10.13

2012 858 $15.30 $13.27 $17.33

2012 Adjusted * 858 $11.02 $9.94 $12.09

* This value truncates the 2012 survey data to adjust for methodological differences 
between the 2005 and 2012 studies. It is simply provided for comparison to the previous 
studies and is not recommended for use in planning applications.

5.5 Acceptable Level of Service Reliability
In the survey, respondents were asked to rate hypothetical levels of service reliability as acceptable or
unacceptable. Each level of service reliability referred to a specific outage duration and frequency.
Figure 5-3 shows the percent of residential customers rating each combination of outage frequency
and duration as acceptable. As expected, a residential customer’s level of service reliability becomes
less acceptable as outage duration increases and the number of outages per year increases.
Residential customers are willing to accept a relatively high frequency of short-duration outages. Over
60% of residential customers report that 4 momentary outages per year or 2 outages of 5 to 30
minutes per year are acceptable. One outage of 1 to 4 hours per year is acceptable to 68.8% of
residential customers.
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Figure 5-3:
Percent of Customers Rating Each Combination of 

Outage Frequency and Duration as Acceptable – Residential
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Table 5-7 shows the percent of residential customers rating each combination of outage frequency and 
duration as acceptable, disaggregated by region. In general, Bay Area residential customers expect a
slightly higher level of reliability.

Table 5-7:
Percent of Customers Rating Each Combination of

Outage Frequency and Duration as Acceptable by Region – Residential

Region Frequency of
Outages per Year

Outage Duration

Momentary 5-30
Minutes 1 Hour 1-4 Hours

Bay Area

Once every 5 years 94.8% 93.0% 88.4% 81.1%

1 91.4% 87.3% 79.5% 65.1%

2 80.0% 64.4% 50.6% 29.3%

4 60.3% 38.6% 25.1% 14.7%

12 36.2% 16.7% 9.7% 4.6%

52 17.7% 6.6% 5.2% 2.4%

Non-Bay 
Area

Once every 5 years 93.0% 90.7% 89.9% 84.0%

1 92.7% 88.3% 84.4% 72.8%

2 82.8% 70.6% 57.9% 37.2%

4 63.5% 43.3% 28.3% 12.2%

12 37.8% 21.3% 11.7% 5.6%

52 20.6% 9.7% 6.1% 3.4%
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Region Frequency of
Outages per Year

Outage Duration

Momentary 5-30
Minutes 1 Hour 1-4 Hours

All

Once every 5 years 93.9% 91.9% 89.1% 82.5%

1 92.1% 87.8% 82.0% 68.8%

2 81.5% 67.5% 54.3% 33.4%

4 62.0% 40.8% 26.6% 13.6%

12 37.0% 19.0% 10.7% 5.1%

52 19.1% 8.1% 5.6% 2.8%

To determine what percent of residential customers receives service that they consider acceptable, the
acceptable level of service reliability questions were compared with the number of outages customers
reported experiencing over the past 12 months. Table 5-8 provides the results of this analysis by
outage duration for the residential survey in 2005 and 2012. In the 2012 study, up to 87% of
residential customers reported that they receive service that they say is acceptable. Across all outage
durations, these results are very similar to 2005.

Table 5-8:
Percent of Customers Receiving Service Rated as Acceptable by Study Year – Residential

Outage Duration 2005 2012

Momentary 89% 91%

5-30 Minutes 95% 94%

1 Hour 94% 95%

1-4 Hours 85% 87%

Table 5-9 shows how 2 additional measures of satisfaction with service reliability have changed by
study year for residential customers. On a 5-point scale, with 1 as “Very Low” and 5 as “Very High,”
residential customers report a 1.86 average rating for the number of power outages they experience.
On a 5-point scale, with 1 as “Very Dissatisfied” and 5 as “Very Satisfied,” residential customers report
a 3.97 average rating of their satisfaction with the level of service reliability they receive from PG&E.
Both of these measures are very similar to the results of the 2005 study.

Table 5-9:
Satisfaction with Service Reliability by Study Year – Residential

Question
1993

Study Year

2005 2012

Do you feel the number of power outages your residence 
experiences is …
(5-point scale, 1 for “Very Low” to 5 for “Very High”)

2.44 1.88 1.86

How satisfied are you with the reliability of the electrical 
service you receive from PG&E?
(5-point scale, 1 for “Very Dissatisfied" to 5 for “Very Satisfied”)

3.94 3.98 3.97
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6 Small & Medium Business Results
This section summarizes the results for SMB customers.

6.1 Response to Survey
Table 6-1 summarizes the survey response for SMB customers. With 1,084 total completed surveys,
customer response was above the overall sample design target of 1,000. Overall, the survey had a
20.7% response rate that was slightly lower in the Bay Area than non-Bay Area region. The response
rate was relatively constant across region and usage category, varying moderately from 17.4% to
24.7%. Low usage SMB customers with average demand below 4 kW were more likely to respond to
the survey and had a response rate above 23% within each region. However, non-response bias
among higher usage residential customers is not a significant concern for the results because usage
category is factored into the stratification weights in the analysis. Appendix C provides a more
detailed assessment of the potential sources of non-response bias among SMB customers.

Table 6-1:
Customer Survey Response Summary – SMB

Region Usage Category 
(Average kW) Population

Sample 
Design
Target

Records 
Sampled Responses Response 

Rate

Bay Area

0 to 4 72,700 140 685 158 23.1%

4 to 13 44,431 93 494 96 19.4%

13 to 46 30,790 113 574 117 20.4%

46 to 222 14,034 120 736 128 17.4%

222 to 884 4,904 122 696 138 19.8%

Bay Area Overall 166,859 588 3,185 637 20.0%

Non-Bay 
Area

0 to 4 95,231 122 533 131 24.6%

4 to 13 49,670 68 359 71 19.8%

13 to 46 31,331 78 340 84 24.7%

46 to 222 14,010 81 452 90 19.9%

222 to 884 3,749 63 375 71 18.9%

Non-Bay Area Overall 193,991 412 2,059 447 21.7%

Overall 360,850 1,000 5,244 1,084 20.7%

6.2 2012 Outage Cost Estimates
Figure 6-1 and Table 6-2 provide the SMB cost per outage event estimates. For a 1-hour outage, SMB
customers experience a cost of $1,848.8. SMB cost per outage event increases to $10,568.7 at 8
hours and $21,339.4 for a 24-hour outage. The percentage difference between Bay Area and non-Bay
Area SMB cost per outage event is substantially greater than in the residential segment. Across all 
outage durations, Bay Area SMB customers report 2.4 to 4 times higher costs than non-Bay
Area customers.
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Figure 6-1:
2012 Cost per Outage Event Estimates by Region – SMB
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Table 6-2:
2012 Cost per Outage Event Estimates by Region – SMB

Region Outage
Duration N Cost per 

Outage Event
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 631 $585.2 $277.3 $893.2

1 hour 629 $2,679.4 $1,431.3 $3,927.5

4 hours 630 $6,607.7 $4,275.2 $8,940.2

8 hours 630 $16,463.6 $7,286.9 $25,640.2

24 hours 629 $33,780.9 $13,473.5 $54,088.2

Non-Bay 
Area

5 minutes 445 $159.0 $103.7 $214.3

1 hour 442 $973.9 $476.7 $1,471.1

4 hours 442 $2,761.1 $1,559.0 $3,963.2

8 hours 445 $4,435.0 $2,611.2 $6,258.7

24 hours 444 $8,514.5 $4,551.8 $12,477.1

All

5 minutes 1076 $379.8 $223.9 $535.8

1 hour 1071 $1,848.8 $1,186.3 $2,511.3

4 hours 1072 $4,774.3 $3,445.6 $6,103.0

8 hours 1075 $10,568.7 $5,921.4 $15,216.0

24 hours 1073 $21,339.4 $10,976.6 $31,702.2
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Table 6-3 summarizes SMB cost per average kW. For a 1-hour outage, SMB customers experience a
cost of $205.2 per average kW. The cost per average kW estimates are substantially lower than the
cost per outage event estimates because average demand for SMB respondents was around 9 kW.
Considering that Bay Area SMB respondents had slightly higher average demand, the difference with
non-Bay Area customers is lower when normalized by average kW. Nonetheless, Bay Area SMB
customers report 2.1 to 3.2 times higher cost per average kW than non-Bay Area customers.

Table 6-3:
2012 Cost per Average kW Estimates by Region – SMB

Region Outage
Duration N Cost per 

Average kW
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 631 $62.1 $29.4 $94.7

1 hour 629 $272.0 $145.3 $398.7

4 hours 630 $706.0 $456.8 $955.1

8 hours 630 $1,560.5 $690.7 $2,430.3

24 hours 629 $3,482.6 $1,389.0 $5,576.1

Non-Bay 
Area

5 minutes 445 $19.8 $12.9 $26.7

1 hour 442 $121.9 $59.7 $184.1

4 hours 442 $339.2 $191.5 $486.9

8 hours 445 $557.9 $328.5 $787.3

24 hours 444 $1,073.7 $574.0 $1,573.4

All

5 minutes 1076 $43.3 $25.5 $61.0

1 hour 1071 $205.2 $131.7 $278.7

4 hours 1072 $540.1 $389.8 $690.4

8 hours 1075 $1,136.4 $636.7 $1,636.1

24 hours 1073 $2,403.1 $1,236.1 $3,570.1

Table 6-4 provides the SMB cost per unserved kWh estimates. For a 1-hour outage, SMB customers
experience a cost of $195.6 per unserved kWh, which is similar to the cost per average kW estimate
because the expected amount of unserved kWh is also around 9 at 1 hour. At 5-minutes, the
systemwide estimate is over $490 because the expected amount of unserved kWh (the denominator
of the equation) is very low for a short-duration outage. As duration increases, cost per unserved
kWh decreases precipitously because unserved kWh increases linearly with the number of hours while
cost per outage event increases at a decreasing rate.
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Table 6-4:
2012 Cost per Unserved kWh Estimates by Region – SMB

Region Outage
Duration N Cost per 

Unserved kWh
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 631 $713.7 $338.2 $1,089.2

1 hour 629 $261.4 $139.6 $383.2

4 hours 630 $168.3 $108.9 $227.7

8 hours 630 $192.4 $85.2 $299.7

24 hours 629 $144.5 $57.6 $231.3

Non-Bay 
Area

5 minutes 445 $227.2 $148.2 $306.2

1 hour 442 $114.7 $56.1 $173.3

4 hours 442 $79.3 $44.7 $113.8

8 hours 445 $66.5 $39.1 $93.8

24 hours 444 $44.5 $23.8 $65.3

All

5 minutes 1076 $493.3 $290.7 $695.8

1 hour 1071 $195.6 $125.5 $265.7

4 hours 1072 $127.5 $92.0 $163.0

8 hours 1075 $138.4 $77.5 $199.2

24 hours 1073 $99.7 $51.3 $148.1

6.3 Impact of Outage Timing
For the SMB analysis on the impact of outage timing, onset times were aggregated into 4 key time
periods with distinct cost per outage event. These time periods were:

• Morning (7 AM to 11 AM);

• Afternoon (12 PM to 5 PM);

• Evening (6 PM to 9 PM); and

• Night (10 PM to 6 AM).

Figure 6-2 provides the relative cost per outage event estimates, which were derived from the SMB
customer damage functions described in Appendix B. If a planning application requires an adjustment
of outage costs that accounts for onset time, these relative values can be applied to each SMB outage
cost estimate in Section 6.2 (referred to as the “base value”). As shown in the figure, outage costs for
SMB customers are highly sensitive to onset time, varying from 82.5% lower than the base value on a
weekend evening to 85.5% higher on a weekday morning. The only weekday outages that have lower
costs than the base value are those with an evening onset time because these outages begin after
normal business hours and likely end before business resumes the next day. Outages with a weekday
morning onset time have the highest cost because these outages likely start and end during normal
business hours, potentially disrupting an entire day of work. Although some SMB customers such as
retail stores likely have higher costs on a weekend day, the overall trend shows that outage costs are
lower than the base value for all weekend onset times. Considering that SMB outage costs vary
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substantially depending on the onset time, it is important that planning applications apply these
relative values.

Figure 6-2:
Relative Cost per Outage Event Estimates by Day of Week and Onset Time – SMB
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6.4 Comparison to Previous Studies
PG&E previously carried out an SMB outage cost study in 1993 and 2005. Table 6-5 compares the cost 
of a 4-hour, summer afternoon outage for each study year. The 1993 and 2005 cost per outage    
event estimates were converted to 2012 dollars using the gross domestic product deflator, which was
obtained from the U.S. Department of Commerce’s Bureau of Economic Analysis. Between 1993 and
2005, there was a decrease in reported outage cost for SMB customers, but this difference was not
statistically significant. The difference between 2005 and 2012 is also not statistically significant, even
though there is a 58% increase in average cost per outage event. Given the underlying high  
variability of reported outage costs from customer to customer, large differences in average values are
required to detect a statistically significant difference. In this case, the results are inconclusive.

Table 6-5:
Cost of a 4-Hour, Summer Afternoon Outage by Study Year – SMB

Study N Outage Event
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Cost per 95% Confidence Interval
Year (2012$) Lower Bound Upper Bound

1993 684 $4,738.3 $2,651.6 $6,825.0

2005 784 $3,884.4 $3,045.0 $4,722.7

2012 1074 $6,138.9 $3,541.9 $8,735.8
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6.5 Acceptable Level of Service Reliability
In the survey, respondents were asked to rate hypothetical levels of service reliability as acceptable or
unacceptable. Each level of service reliability referred to a specific outage duration and frequency.
Figure 6-3 shows the percent of SMB customers rating each combination of outage frequency and
duration as acceptable. As expected, an SMB customer’s level of service reliability becomes less
acceptable as outage duration increases and the number of outages per year increases. SMB
customers are willing to accept a relatively high frequency of short-duration outages. A majority of
SMB customers reports that 4 momentary outages per year is acceptable. One outage of 1 to 4 hours
per year is acceptable to 49% of SMB customers.

100%

Figure 6-3:
Percent of Customers Rating Each Combination of 

Outage Frequency and Duration as Acceptable – SMB
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Table 6-6 shows the percent of SMB customers rating each combination of outage frequency and
duration as acceptable, disaggregated by region. In general, Bay Area SMB customers expect a
slightly higher level of reliability.

Table 6-6:
Percent of Customers Rating Each Combination of 

Outage Frequency and Duration as Acceptable by Region – SMB

Region Frequency of
Outages per Year

Outage Duration

Momentary Up to 1 Hour 1-4 Hours

Bay Area

Once every 5 years 92.6% 84.7% 68.5%

1 88.6% 73.2% 43.2%

2 67.4% 40.0% 16.7%

4 46.4% 22.0% 8.1%

12 24.9% 10.5% 3.8%

52 14.9% 5.6% 1.8%
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Region Frequency of
Outages per Year

Outage Duration

Momentary Up to 1 Hour 1-4 Hours

Non-Bay 
Area

Once every 5 years 93.5% 86.9% 71.8%

1 90.2% 78.3% 53.8%

2 76.5% 49.9% 26.9%

4 55.6% 26.6% 10.2%

12 31.4% 10.4% 4.1%

52 17.4% 5.1% 2.9%

All

Once every 5 years 93.1% 85.9% 70.4%

1 89.6% 76.1% 49.0%

2 72.4% 45.5% 22.2%

4 51.6% 24.6% 9.3%

12 28.6% 10.4% 3.9%

52 16.3% 5.3% 2.5%

To determine what percent of SMB customers receives service that they consider acceptable, the
acceptable level of service reliability questions were compared with the number of outages customers
reported experiencing over the past 12 months. Table 6-7 provides the results of this analysis by
outage duration for the SMB survey in 2005 and 2012. In the 2012 study, up to 81% of SMB
customers reported that they receive service that they say is acceptable. Across all outage durations,
these results are very similar to 2005.

Table 6-7:
Percent of Customers Receiving Service Rated as Acceptable by Study Year – SMB

Outage Duration 2005 2012

Momentary 88% 87%

Up to 1 Hour 83% 85%

1-4 Hours 82% 81%
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7 Large Business Results
This section summarizes the results for large business customers.

7.1 Response to Survey
Table 7-1 summarizes the survey response for large business customers. With 210 total completed
surveys, customer response was above the overall sample design target of 190. Overall, the survey
had a 32.1% response rate that was relatively higher in the Bay Area. In both regions, the response
rate increased as usage increased. Bay Area customers in the largest usage category provided a
61.2% response rate, which was substantially higher than any other category. Considering that usage
category and region are factored into the stratifications weights in the analysis, non-response bias
among these categories is not a significant concern. Appendix C provides a more detailed assessment
of the potential sources of non-response bias among large business customers.

Table 7-1:
Customer Survey Response Summary – Large Business

Region Usage Category 
(Average kW) Population

Sample 
Design
Target

Records 
Sampled Responses Response 

Rate

Bay Area

0 to 600 145 25 101 27 26.7%

600 to 1,268 295 26 96 30 31.3%

1,268 to 2,981 134 21 91 32 35.2%

2,981 to 65,791 56 45 49 30 61.2%

Bay Area Overall 630 117 337 119 35.3%

Non-Bay 
Area

0 to 600 241 28 122 29 23.8%

600 to 1,268 157 6 28 7 25.0%

1,268 to 2,981 143 14 115 37 32.2%

2,981 to 65,791 54 25 53 18 34.0%

Non-Bay Area Overall 595 73 318 91 28.6%

Overall 1,225 190 655 210 32.1%

7.2 2012 Outage Cost Estimates
Figure 7-1 and Table 7-2 provide the large business cost per outage event estimates. For a 1-hour
outage, large business customers experience a cost of $449,655. Large business cost per outage
event increases to $617,196 at 8 hours and $1,472,497 for a 24-hour outage. The confidence
intervals for these estimates are quite wide because the large business segment had a smaller sample
size and much more variable outage cost estimates from customer to customer. The variability of
outage costs was particularly high in the Bay Area, which had a subset of large business customers
with extremely high costs, even for a 5-minute outage. This subset of Bay Area customers drives
much of the difference between regions, but because of the wide confidence intervals as a result of
the relatively small sample size and high variability in outage costs, the regional differences are not
statistically significant.
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The extremely high outage costs for some of the large business customers in the Bay Area must be
understood within the context of their level of reliability. Many of these Bay Area large business
customers are accustomed to a very high level of reliability and rarely experience sustained power
interruptions, so even a 5-minute outage would impose extremely high costs. Considering that these
customers are significantly less likely to experience transmission or distribution related power
interruptions, it can be argued that their costs should be excluded from many transmission and
distribution planning applications. Therefore, Appendix D provides the 2012 large business outage
cost estimates by level of service reliability. For transmission and distribution planning applications,
FSC recommends applying the results segmented by level of reliability as opposed to region.12 This 
segmentation of the analysis should be carried out as follows:

• If a planning analysis focuses on a circuit or transmission line that has performed badly in the
past, which is often the focus of these types of planning analyses, FSC recommends applying 
the outage cost estimates associated with large business customers that have experienced a
sustained outage in the past year.

• If a planning analysis focuses on a circuit or transmission line that has performed well in the
past, FSC recommends applying the outage cost estimates associated with large business
customers that have not experienced a sustained outage in the past year.

For generation planning, FSC recommends applying the outage cost estimates for all large business
customers because supply shortages usually have a similar impact on all customers systemwide.

Figure 7-1:
2012 Cost per Outage Event Estimates by Region – Large Business
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12 Another option is to apply to results segmented by level of reliability and region, but with the relatively small sample sizes 
in the large business segment, it is not recommended to divide the results into such granular categories.
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Table 7-2:
2012 Cost per Outage Event Estimates by Region – Large Business

Region Outage
Duration N Cost per 

Outage Event
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 119 $761,784 -$90,608 $1,614,177

1 hour 119 $861,359 $25,312 $1,697,407

4 hours 120 $1,073,743 $223,315 $1,924,171

8 hours 120 $1,080,310 $283,933 $1,876,688

24 hours 120 $2,252,293 $802,979 $3,701,606

Non-Bay 
Area

5 minutes 90 $24,308 $10,812 $37,804

1 hour 90 $54,970 $28,648 $81,292

4 hours 90 $113,746 $52,625 $174,868

8 hours 90 $147,383 $82,122 $212,644

24 hours 90 $615,402 $184,438 $1,046,366

All

5 minutes 209 $454,675 -$54,092 $963,442

1 hour 209 $449,655 $51,936 $847,375

4 hours 210 $596,675 $178,277 $1,015,072

8 hours 210 $617,196 $231,787 $1,002,605

24 hours 210 $1,472,497 $682,564 $2,262,429

Table 7-3 summarizes large business cost per average kW. For a 1-hour outage, large business
customers experience a cost of $327.4 per average kW. The percentage difference between Bay Area
and non-Bay Area large business cost per average kW is substantially greater than in any other
segment. For a 5-minute outage, Bay Area cost per average kW is 32 times higher than in the non-
Bay Area. The percentage difference decreases as duration increases and at 24 hours, Bay Area cost
per average kW is 3.8 times higher than in the non-Bay Area.

Table 7-3:
2012 Cost per Average kW Estimates by Region – Large Business

Region Outage
Duration N Cost per 

Average kW
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 119 $547.5 -$65.1 $1,160.2

1 hour 119 $624.7 $18.4 $1,231.0

4 hours 120 $774.6 $161.1 $1,388.2

8 hours 120 $771.0 $202.6 $1,339.4

24 hours 120 $1,663.5 $593.1 $2,734.0

Non-Bay 
Area

5 minutes 90 $17.0 $7.6 $26.5

1 hour 90 $40.7 $21.2 $60.2

4 hours 90 $85.6 $39.6 $131.6

8 hours 90 $110.1 $61.4 $158.9

24 hours 90 $443.4 $132.9 $753.9
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Region Outage
Duration N Cost per 

Average kW
95% Confidence Interval

Lower Bound Upper Bound

All

5 minutes 209 $319.3 -$38.0 $676.5

1 hour 209 $327.4 $37.8 $617.0

4 hours 210 $436.9 $130.5 $743.2

8 hours 210 $449.7 $168.9 $730.6

24 hours 210 $1,047.5 $485.6 $1,609.5

Table 7-4 provides the large business cost per unserved kWh estimates. For a 1-hour outage, large
business customers experience a cost of $318.5 per unserved kWh. At 5-minutes, the systemwide
estimate is nearly $3,770 because the expected amount of unserved kWh (the denominator of the
equation) is very low for a short-duration outage. In addition, many of the Bay Area large business
customers have extremely high costs, even for a 5-minute outage, because they are accustomed to a
very high level of reliability and rarely experience sustained power interruptions, as discussed above.
As duration increases, cost per unserved kWh decreases precipitously because unserved kWh
increases linearly with the number of hours while cost per outage event increases at a decreasing
rate. In fact, many of the high-cost large business customers have the same or very similar costs for
a 5-minute outage and a 24-hour outage.

Table 7-4:
2012 Cost per Unserved kWh Estimates by Region – Large Business

Region Outage
Duration N Cost per 

Unserved kWh
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 119 $6,486.6 -$771.5 $13,744.7

1 hour 119 $609.7 $17.9 $1,201.4

4 hours 120 $189.9 $39.5 $340.4

8 hours 120 $94.8 $24.9 $164.7

24 hours 120 $69.1 $24.6 $113.5

Non-Bay 
Area

5 minutes 90 $201.5 $89.6 $313.3

1 hour 90 $39.4 $20.5 $58.3

4 hours 90 $21.2 $9.8 $32.6

8 hours 90 $13.7 $7.6 $19.8

24 hours 90 $18.5 $5.6 $31.5

All

5 minutes 209 $3,769.8 -$448.5 $7,988.1

1 hour 209 $318.5 $36.8 $600.2

4 hours 210 $107.5 $32.1 $182.8

8 hours 210 $55.6 $20.9 $90.4

24 hours 210 $43.7 $20.3 $67.2
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7.3 Impact of Outage Timing
For the large business analysis on the impact of outage timing, onset times were aggregated into 2
key time periods with distinct cost per outage event. These time periods were:

• Daylight Hours (7 AM to 5 PM); and

• Evening and Night (6 PM to 6 AM).

Figure 7-2 provides the relative cost per outage event estimates, which were derived from the large
business customer damage functions described in Appendix B. Unlike the other 3 customer segments,
the onset times were not further divided by day of week because this variable did not have a
significant effect for large business customers. If a planning application requires an adjustment of
outage costs that accounts for onset time, these relative values can be applied to each large business
outage cost estimate in Section 7.2 (referred to as the “base value”). As shown in the figure, outage
costs for large business customers are somewhat sensitive to onset time, varying moderately from
12.8% lower than the base value during daylight hours to 21.8% higher during the evening and night.
Considering that many large business customers operate 24 hours per day, 7 days per week, outages
with different onset times likely have a similar impact on production. Even though the impact on
production is similar, the overall outage cost may be greater during the evening and night because
outage response may require overtime or emergency staff.

Figure 7-2:
Relative Cost per Outage Event Estimates by Onset Time – Large Business
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7.4 Comparison to Previous Studies
PG&E previously carried out a large business outage cost study in 1989 and 2005. Table 7-5
compares the cost of a 4-hour, summer afternoon outage for each study year. The 1989 and 2005
cost per outage event estimates were converted to 2012 dollars using the gross domestic product
deflator, which was obtained from the U.S. Department of Commerce’s Bureau of Economic Analysis.
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Between 1989 and 2005, there was a 53.3% increase in reported outage cost for large business
customers, but this difference was not statistically significant. The difference between 2005 and 2012
is statistically significant and shows a 4-fold increase in reported outage cost for large business
customers since 2005.13

While it is possible that outage costs for large business customers have increased significantly since
2005, the results reported here must be used with caution. With the relatively small sample sizes for
the large business segment and specific subset of customers with extremely high outage costs, the
results for each large business study are subject to large statistical error because they are highly 
sensitive to the sample that is randomly selected. In the 2012 study, it seems that the random
sample included a larger amount of these customers with extremely high outage costs. In addition,
the 2012 study had lower large business response rates than those of the 1989 and 2005 studies,
which may have led to non-response bias. Although the assessment presented in Appendix D did not
find any observable factors (such as industry type) that led to non-response bias, there could have
been unobservable factors that biased the results upward in light of the relatively low response rates
in the 2012 study. Another possibility may be that these high-cost customers are more prevalent in
PG&E’s large business population than they were in the past, which may require further research.

Table 7-5:
Cost of a 4-Hour, Summer Afternoon Outage by Study Year – Large Business

Study N Outage Event

7.5 Acceptable Level of Service Reliability
In the survey, respondents were asked to rate hypothetical levels of service reliability as acceptable or
unacceptable. Each level of service reliability referred to a specific outage duration and frequency.
Figure 7-3 shows the percent of large business customers rating each combination of outage
frequency and duration as acceptable. As expected, a large business customer’s level of service
reliability becomes less acceptable as outage duration increases and the number of outages per year
increases. Even though cost per unserved kWh for outages longer than 1 hour is lower for large
business customers than it is for SMB customers, large business customers expect a substantially
higher level of reliability. One outage of 1 to 4 hours per year is acceptable to 23.6% of large
business customers, compared to 49% of SMB customers. A single sustained outage more than 5
minutes per year is considered unacceptable for a majority of large business customers. Two 
momentary outages is considered unacceptable by the majority.

13 Note that statistical significance in this case implies that there was an increase in reported cost, but does not necessarily
confirm that the magnitude of the increase was exactly 4-fold.

Cost per 95% Confidence Interval
Year (2012$) Lower Bound Upper Bound

1989 372 $73,948 $53,045 $94,852

2005 143 $113,336 $69,959 $156,714

2012 210 $460,263 $131,708 $788,819
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Figure 7-3:
Percent of Customers Rating Each Combination of 

Outage Frequency and Duration as Acceptable – Large Business
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Table 7-6 shows the percent of large business customers rating each combination of outage frequency
and duration as acceptable, disaggregated by region. This is the only segment for which there is a
substantial difference in the acceptable level of service reliability by region. Bay Area large business
customers expect a very high level of service reliability. Over 40% of Bay Area large business
customers report that a single momentary outage every 5 years is unacceptable, compared to 23.6%
in the non-Bay Area region. For outages between 5 minutes and 30 minutes, only 35.3% of Bay Area
large business customers find it acceptable once per year, compared to 53.7% in the non-Bay Area
region. As outage frequency and duration increase, the regional differences are not as large.

Table 7-6:
Percent of Customers Rating Each Combination of

Outage Frequency and Duration as Acceptable by Region – Large Business

Region Frequency of
Outages per Year

Outage Duration

Momentary 5-30
Minutes 1 Hour 1-4 Hours

Bay Area

Once every 5 years 59.4% 50.3% 45.1% 33.0%

1 41.2% 35.3% 31.4% 20.4%

2 29.5% 18.8% 15.9% 12.4%

4 15.9% 8.6% 5.3% 4.1%

12 7.6% 3.4% 3.4% 1.1%

52 4.6% 3.4% 1.1% 1.8%
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Region Frequency of
Outages per Year

Outage Duration

Momentary 5-30
Minutes 1 Hour 1-4 Hours

Non-Bay 
Area

Once every 5 years 76.4% 62.4% 55.8% 47.0%

1 60.5% 53.7% 41.6% 25.3%

2 54.0% 28.1% 15.9% 7.4%

4 32.2% 10.8% 6.2% 4.0%

12 13.7% 5.1% 2.3% 1.7%

52 2.2% 0.0% 0.0% 0.0%

All

Once every 5 years 69.4% 59.6% 53.6% 41.4%

1 53.5% 46.5% 37.5% 23.6%

2 43.6% 25.3% 16.8% 10.2%

4 26.9% 10.3% 5.9% 4.3%

12 11.6% 4.5% 2.9% 1.4%

52 3.4% 1.6% 0.4% 0.8%

To determine what percent of large business customers receives service that they consider acceptable,
the acceptable level of service reliability questions were compared with the number of outages
customers reported experiencing over the past 12 months. Table 7-7 provides the results of this
analysis by outage duration for the large business survey in 2005 and 2012. In the 2012 study, up to
68% of large business customers reported that they receive service that they say is acceptable. As in
the 2005 study, momentary outages for large business customers are the outage duration that most
likely leads to unacceptable service.

Table 7-7:
Percent of Customers Receiving Service Rated as Acceptable by Study Year – Large Business

Outage Duration 2005 2012

Momentary 70% 68%

5-30 Minutes 86% 84%

1 Hour 92% 81%

1-4 Hours 78% 73%
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8 Agricultural Results
This section summarizes the results for agricultural customers.

8.1 Response to Survey
Table 8-1 summarizes the survey response for agricultural customers. With 538 total completed
surveys, customer response was above the overall sample design target of 500. Overall, the survey
had a 15.4% response rate that was slightly higher in the Bay Area than non-Bay Area. The response
rate was relatively constant across region and usage category, varying moderately from 13.6% to
20%. Considering that the 2 key observable factors of interest in this study – usage and region – did 
not substantially affect the likelihood that a customer responded to the survey, non-response bias is not 
a significant concern for the agricultural customer results. Nonetheless, Appendix C provides a more 
detailed assessment of the potential sources of non-response bias among agricultural customers.

Table 8-1:
Customer Survey Response Summary – Agricultural

Region Usage Category 
(Average kW) Population

Sample 
Design
Target

Records 
Sampled Responses Response 

Rate

Bay Area

0 to 0.5 1,469 39 276 46 16.7%

0.5 to 6.2 1,714 43 332 45 13.6%

6.2 to 5,511 280 33 170 34 20.0%

Bay Area Overall 3,463 115 778 125 16.1%

Non-Bay 
Area

0 to 0.5 22,939 123 804 127 15.8%

0.5 to 6.2 34,427 143 1,047 159 15.2%

6.2 to 5,511 15,916 119 859 127 14.8%

Non-Bay Area Overall 73,282 385 2,710 413 15.2%

Overall 76,745 500 3,488 538 15.4%

8.2 2012 Outage Cost Estimates
Figure 8-1 and Table 8-2 provide the agricultural cost per outage event estimates. For a 1-hour
outage, agricultural customers experience a cost of $453.5. Agricultural cost per outage event
increases to $2,549 at 8 hours and $5,842 for a 24-hour outage. Since over 95% of agricultural
customers are outside of the Bay Area, the outage cost estimates for all customers closely match
those of non-Bay Area agricultural customers. Bay Area agricultural customers report higher costs
than non-Bay Area customers for outages of 4 hours or longer and lower costs than non-Bay Area
customers for outages of 5 minutes and 1 hour.
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Figure 8-1:
2012 Cost per Outage Event Estimates by Region – Agricultural
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Table 8-2:
2012 Cost per Outage Event Estimates by Region – Agricultural

Region Outage
Duration N Cost per 

Outage Event
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 106 $124.1 $0.2 $248.1

1 hour 104 $299.3 $156.6 $442.1

4 hours 101 $2,512.2 -$72.9 $5,097.3

8 hours 100 $4,866.9 $1,343.6 $8,390.2

24 hours 97 $8,392.1 $3,467.0 $13,317.1

Non-Bay 
Area

5 minutes 345 $147.5 $82.8 $212.2

1 hour 337 $461.6 $207.2 $715.9

4 hours 324 $1,201.5 $756.0 $1,646.9

8 hours 324 $2,496.6 $1,644.8 $3,348.4

24 hours 322 $5,763.9 $3,180.1 $8,347.7

All

5 minutes 451 $146.1 $84.5 $207.7

1 hour 441 $453.5 $212.6 $694.5

4 hours 425 $1,230.7 $802.9 $1,658.4

8 hours 424 $2,549.4 $1,721.7 $3,377.2

24 hours 419 $5,842.4 $3,289.2 $8,395.6
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Table 8-3 summarizes agricultural cost per average kW. For a 1-hour outage, agricultural customers
experience a cost of $52.1 per average kW. The cost per average kW estimates are substantially 
lower than the cost per outage event estimates because average demand for agricultural respondents
was around 8.5 kW. As in the cost per outage event estimates, Bay Area agricultural customers
report higher costs than non-Bay Area customers for outages of 4 hours or longer and lower costs
than non-Bay Area customers for outages of 5 minutes and 1 hour.

Table 8-3:
2012 Cost per Average kW Estimates by Region – Agricultural

Region Outage
Duration N Cost per 

Average kW
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 106 $12.8 $0.0 $25.5

1 hour 104 $44.4 $23.2 $65.6

4 hours 101 $356.8 -$10.3 $724.0

8 hours 100 $682.6 $188.4 $1,176.7

24 hours 97 $1,143.3 $472.3 $1,814.3

Non-Bay 
Area

5 minutes 345 $18.2 $10.2 $26.2

1 hour 337 $52.5 $23.6 $81.4

4 hours 324 $138.1 $86.9 $189.3

8 hours 324 $281.8 $185.6 $377.9

24 hours 322 $686.2 $378.6 $993.8

All

5 minutes 451 $18.1 $10.5 $25.7

1 hour 441 $52.1 $24.4 $79.8

4 hours 425 $143.9 $93.9 $194.0

8 hours 424 $288.7 $195.0 $382.5

24 hours 419 $700.5 $394.4 $1,006.7

Table 8-4 provides the agricultural cost per unserved kWh estimates. For a 1-hour outage,
agricultural customers experience a cost of $50.3 per unserved kWh, which is similar to the cost per
average kW estimate because the expected amount of unserved kWh is also around 8.5 at 1 hour.
Agricultural cost per unserved kWh is substantially lower than in the SMB segment. Even though
agricultural and SMB respondents had roughly equivalent average usage, agricultural cost per
unserved kWh is 58.3% lower at 5 minutes and 71% to 74% lower for outages lasting an hour or
more. Agricultural customers clearly place a lower value on lost load than SMB customers of a
similar size.
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Table 8-4:
2012 Cost per Unserved kWh Estimates by Region – Agricultural

Region Outage
Duration N Cost per 

Unserved kWh
95% Confidence Interval

Lower Bound Upper Bound

Bay Area

5 minutes 106 $144.3 $0.2 $288.4

1 hour 104 $42.5 $22.2 $62.8

4 hours 101 $89.5 -$2.6 $181.7

8 hours 100 $84.6 $23.4 $145.8

24 hours 97 $48.1 $19.9 $76.3

Non-Bay 
Area

5 minutes 345 $207.8 $116.6 $298.9

1 hour 337 $50.7 $22.8 $78.7

4 hours 324 $34.2 $21.5 $46.9

8 hours 324 $35.0 $23.1 $47.0

24 hours 322 $28.2 $15.5 $40.8

All

5 minutes 451 $205.7 $118.9 $292.5

1 hour 441 $50.3 $23.6 $77.0

4 hours 425 $35.6 $23.2 $48.0

8 hours 424 $35.9 $24.3 $47.6

24 hours 419 $28.8 $16.2 $41.4

8.3 Impact of Outage Timing
For the agricultural analysis on the impact of outage timing, onset times were aggregated into 2 key
time periods with distinct cost per outage event. These time periods were:

• Daylight Hours (7 AM to 5 PM); and

• Evening and Night (6 PM to 6 AM).

Figure 8-2 provides the relative cost per outage event estimates, which were derived from the
agricultural customer damage functions described in Appendix B. If a planning application requires an
adjustment of outage costs that accounts for onset time, these relative values can be applied to each
agricultural outage cost estimate in Section 8.2 (referred to as the “base value”). As shown in the
figure, outage costs for agricultural customers are sensitive to onset time, varying from 45.4% lower 
than the base value on a weekend evening/night to 52.5% higher on a weekend during daylight hours.  
Outages during daylight hours on weekdays are also higher than the base value, which is not
surprising considering that much agricultural work is conducted during daylight hours. Considering 
that agricultural outage costs vary depending on the onset time, it is important that planning
applications apply these relative values.
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Figure 8-2:
Relative Cost per Outage Event Estimates by Day of Week and Onset Time – Agricultural
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8.4 Comparison to Previous Studies
PG&E previously carried out an agricultural outage cost study in 1991 and 2005. Table 8-5 compares
the cost of a 4-hour, summer afternoon outage for each study year. The 1991 and 2005 cost per
outage event estimates were converted to 2012 dollars using the gross domestic product deflator,
which was obtained from the U.S. Department of Commerce’s Bureau of Economic Analysis. Between
1991 and 2005, there was an increase in reported outage cost for agricultural customers, but this
difference was not statistically significant. The difference between 2005 and 2012 is also not
statistically significant, even though there is a 29.7% decrease in average cost per outage event.
Given the relatively small sample sizes for agricultural customers, large differences in average values
are required to detect a statistically significant difference. In this case, the results are inconclusive
and the changes in outage cost likely represent random sampling variation between studies.

Table 8-5:
Cost of a 4-Hour, Summer Afternoon Outage by Study Year – Agricultural

Study N Outage Event
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Cost per 95% Confidence Interval
Year (2012$) Lower Bound Upper Bound

1991 803 $1,104.8 $809.3 $1,400.4

2005 380 $1,945.1 $1,023.5 $2,866.7

2012 434 $1,367.1 $907.7 $1,826.5
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8.5 Acceptable Level of Service Reliability
In the survey, respondents were asked to rate hypothetical levels of service reliability as acceptable or
unacceptable. Each level of service reliability referred to a specific outage duration and frequency.
Figure 8-3 shows the percent of agricultural customers rating each combination of outage frequency
and duration as acceptable. As expected, an agricultural customer’s level of service reliability
becomes less acceptable as outage duration increases and the number of outages per year increases.
Compared to the other customer classes, agricultural customers expect the lowest level of reliability.
Approximately half of agricultural customers report that 4 outages of 5 minutes to 30 minutes per
year is acceptable. One outage of 1 to 4 hours per year is acceptable to 73% of agricultural 
customers, compared to 49% of SMB customers and 68.8% of residential customers.

Figure 8-3:
Percent of Customers Rating Each Combination of 

Outage Frequency and Duration as Acceptable – Agricultural
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Table 8-6 shows the percent of agricultural customers rating each combination of outage frequency and 
duration as acceptable, disaggregated by region. In general, non-Bay Area agricultural customers
expect a slightly higher level of reliability.

Pe
rc

en
t R

es
po

nd
in

g 
"A

cc
ep

ta
bl

e"



62

Table 8-6:
Percent of Customers Rating Each Combination of

Outage Frequency and Duration as Acceptable by Region – Agricultural

Region Frequency of
Outages per Year

Outage Duration

Momentary 5-30
Minutes 1 Hour 1-4 Hours

Bay Area

Once every 5 years 94.8% 92.0% 87.2% 82.8%

1 92.7% 88.0% 82.9% 70.5%

2 87.0% 73.2% 58.1% 36.9%

4 66.7% 49.0% 36.5% 21.7%

12 37.8% 24.4% 17.1% 7.0%

52 17.7% 7.9% 7.1% 3.8%

Non-Bay 
Area

Once every 5 years 95.9% 93.3% 91.7% 86.6%

1 93.2% 88.8% 85.2% 73.1%

2 85.3% 74.1% 62.3% 43.1%

4 64.9% 49.1% 33.5% 21.8%

12 38.9% 21.9% 17.3% 10.0%

52 17.6% 13.2% 9.7% 6.0%

All

Once every 5 years 95.9% 93.2% 91.5% 86.5%

1 93.2% 88.8% 85.0% 73.0%

2 85.4% 74.0% 62.2% 42.8%

4 64.9% 49.0% 33.7% 21.8%

12 38.8% 21.9% 17.2% 9.9%

52 17.5% 12.9% 9.6% 5.9%

To determine what percent of agricultural customers receives service that they consider acceptable,
the acceptable level of service reliability questions were compared with the number of outages
customers reported experiencing over the past 12 months. Table 8-7 provides the results of this
analysis by outage duration for the agricultural survey in 2005 and 2012. In the 2012 study, up to
76% of agricultural customers reported that they receive service that they say is acceptable. As in 
the 2005 study, outages of 1 to 4 hours for agricultural customers are the outage duration that most
likely leads to unacceptable service.

Table 8-7:
Percent of Customers Receiving Service Rated as Acceptable by Study Year – Agricultural

Outage Duration 2005 2012

Momentary 88% 86%

5-30 Minutes 91% 90%

1 Hour 92% 87%

1-4 Hours 83% 76%
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Figure 1. The fraction of total customers restored over time (black line) and the load profile of the SDG&E service
area by economic sector. The load profile data starts at 8pm 9/8/2011 (Hour 20 on the x-axis of the graph) and
ends at 6am 9/9/2011 (Hour 48). The load profile data for this period is normalized by the load profile data
covering the same two days the week prior, such that a value of 1 indicates the load is back to the “normal” load
represented by the week prior.



Figure 2. Map of estimated restoration times (a) and total population in 2010 (b) for select communities in San
Diego County. (1) Bay Park; (2) Borrego Springs; (3) Carlsbad; (4) Chula Vista; (5) Claremont; (6) Dana Point; (7)
El Cajon; (8) Encinitas; (9) Escondido; (10) Fallbrook; (11) Fletcher Hills; (12) Hillcrest; (13) La Jolla; (14) Laguna
Niguel; (15) Lake Hodges; (16) Lakeside; (17) Lemon Grove; (18) Mira Mesa; (19) Miramar; (20) Mission Bay;
(21) Mission Hills; (22) Mission Valley ; (24) Mission Viejo; (25) National City; (26) North Park; (27) Oceanside;
(28) Otay Mesa; (29) Point Loma Heights; (30) Poway; (31) Ramona; (32) Rancho Bernando; (34) Rancho San
Diego; (35) San Clemente; (36) Santee; (37) Spring Valley; (38) Torrey Pines; (39) Mt. Helix; (40) Westfield; (42)
Centre City; (43) Mission Gorge. Data from SanGIS, San Diego County OES, and United States Census Bureau.
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CHAPTER 1.  INTRODUCTION AND OVERVIEW  (Witness John Jontry) 1 

The City of San Juan Capistrano (“City” or “SJC”), Office of Ratepayer Advocates 2 

(“ORA”), and Forest Residents Opposing New Transmission Lines (“Frontlines”) served 3 

testimony in response to SDG&E’s January 15, 2015 Prepared Testimony (as corrected, 4 

“SDG&E Opening Testimony”) and SDG&E’s April 7, 2015 Supplemental Prepared Testimony 5 

(as corrected, “SDG&E Supplemental Testimony”).   6 

SJC agrees that SDG&E is required to mitigate violations of NERC Reliability Standards 7 

in its South Orange County system, agrees that SDG&E’s South Orange County transmission 8 

system should have a second 230 kV source of power to ensure redundancy, and agrees that 9 

Capistrano Substation should be rebuilt to ensure reliable service to SDG&E’s customers served 10 

by it.  SJC contends, however, that the second 230 kV source should be at SDG&E’s existing 11 

Rancho Mission Viejo (“RMV”) Substation (roughly as proposed by DEIR Alternative F) rather 12 

than Capistrano Substation, as proposed in SDG&E’s Proposed Project. 13 

As explained in Chapter 5, implementation of SJC’s modified DEIR Alternative F does 14 

not mitigate all NERC Category C violations, their resulting load drop, or other Category C load 15 

shedding.  In addition, SJC’s modified DEIR Alternative F will not provide redundancy 16 

equivalent to the Proposed Project—considerably more work would be required to achieve such 17 

redundancy.  Further, a 230/138/12 kV substation cannot be constructed on the existing RMV 18 

Substation site and expansion, if possible at all, would be very difficult as the site is bounded by 19 

Santa Margarita Water District water and sewer mains, hillside slopes, and biological open 20 

space.  Assuming these obstacles could be overcome, site expansion would incur significant cost.  21 

If feasible at all, DEIR Alternative F either would not achieve the same reliability benefits as 22 

SDG&E’s Proposed Project or, if modified to do so, would be more expensive. 23 

ORA’s position appears to be: (a) NERC reliability standards do not apply to SDG&E’s 24 

South Orange County system; (b) nothing should be done to address NERC Category C 25 

violations in SDG&E’s South Orange County system, or to mitigate the risk of SDG&E’s over 26 

300,000 South Orange County customers losing service as a result of load shedding in Category 27 

C contingencies, forced outages during maintenance events, or a loss of service from Talega 28 

Substation; and (c) SDG&E should remove two small Talega transformers to allow 29 

reconfiguration of Talega Substation to a more reliable breaker and a half arrangement.  30 
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SDG&E addresses the ORA’s mistaken interpretation of SDG&E’s legal obligations in 1 

Chapter 2.  In brief, NERC Reliability Standards are applicable to SDG&E’s South Orange 2 

County transmission system, both pursuant to Federal Power Act § 215 and through CAISO’s 3 

Planning Standards.  Further, neither Footnote b of NERC TPL-003-0b nor the CAISO Planning 4 

Standards permit non-consequential load loss after a single Category B contingency.  Moreover, 5 

SDG&E not only must comply with NERC Reliability Standards, but considers the Category C 6 

load shedding and risk of customer service interruptions caused by a forced outage during 7 

maintenance events to be inconsistent with its obligation to provide reliable electric service to the 8 

over 300,000 people in South Orange County. 9 

ORA’s recommendation that the Proposed Project be rejected and the two Talega 10 

transformers simply be removed fails to understand mandatory NERC reliability requirements or 11 

adequately protect SDG&E’s customers.  As explained in Chapter 3, the two small Talega 12 

transformers cannot be removed and not replaced without a second source of power to South 13 

Orange County because that would violate NERC TPL-002-0b as a transformer outage would 14 

leave SDG&E unable to serve peak load in South Orange County.  And without being able to 15 

remove the two small Talega transformers, Talega Substation’s 230 kV bus for Bank 63 cannot 16 

be re-arranged.  Moreover, reconfiguring Talega Substation does not mitigate all of the other 17 

reliability risks for South Orange County. 18 

Frontlines offers a slight variation on DEIR Alternative B-1, contending that 19 

reconductoring one 138 kV line in South Orange County, rebuilding Capistrano Substation, and 20 

replacing the two aging Talega transformers in the same non-standard configuration is sufficient.  21 

Like ORA, Frontlines contends that SDG&E’s South Orange County customers are not protected 22 

by NERC Reliability Standards; like ORA, Frontlines is mistaken.  Like DEIR Alternative B-1, 23 

Frontlines’ proposal fails to mitigate NERC Category C violations or the risk of Category C load 24 

shedding, forced outages during maintenance events, or the loss of all service to South Orange 25 

County in the event service from Talega Substation is interrupted.  In Chapters 6 and 7, SDG&E 26 

discusses the flaws in Frontlines’ proposal and cost estimate, and responds to Frontlines’ 27 

criticisms. 28 

Finally, both ORA and Frontlines propose new alternatives to providing a second source 29 

of power to South Orange County at a rebuilt 230/138/12 kV Capistrano Substation.  Neither 30 

actually recommends providing redundancy to SDG&E’s South Orange County customers.  Both 31 
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recommend interconnecting SDG&E’s 138 kV system to SCE’s 230 kV system.  While ORA 1 

recommends rebuilding one of SDG&E’s existing Pico or Trabuco Substations to 230/138/12 2 

kV, Frontlines proposes constructing a 230/138 kV GIS substation near either Pico or Trabuco, 3 

and then connecting the new GIS substation to one of the existing substations.  Neither 4 

conducted any power flow analyses of their concepts, nor has any design for the rebuilt 5 

substations, the new GIS substation, or transmission to connect them.  Neither proposal was 6 

evaluated for environmental impacts in the Commission’s Draft Environmental Impact Report; 7 

only a variation of ORA’s Trabuco proposal is evaluated in the Commission’s Recirculated Draft 8 

Environmental Impact Report.  9 

In Chapters 8 and 9, SDG&E explains that these conceptual proposals are infeasible, 10 

ineffective, and would cost more than the Proposed Project.  As an initial matter, an SCE 11 

interconnection would delay fixing South Orange County’s reliability issues for years, have 12 

negative impacts on both SDG&E’s and SCE’s systems, and require Reliability Upgrades that 13 

will add time and costs to mitigating the risks addressed by SDG&E’s Proposed Project. 14 

Moreover, each proposal requires additional work to provide the same redundancy benefit as the 15 

Proposed Project.  Further, neither Pico nor Trabuco substations could accommodate a 230 kV 16 

substation without acquiring more property (displacing existing businesses), a cost not required 17 

to rebuild Capistrano Substation on existing SDG&E-owned property.  18 

SDG&E’s Proposed Project resolves the South Orange County reliability needs for at 19 

least the 10-year transmission planning period, and at a lower cost than other alternatives that 20 

provide the same reliability benefit.    21 
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CHAPTER 2.  SDG&E’s SOUTH ORANGE COUNTY SYSTEM IS SUBJECT TO 1 
THE NERC RELIABILITY STANDARDS (Witness John Jontry) 2 

Section 1. Introduction 3 

ORA and Frontlines, neither of which is subject to Federal Power Act § 215, FERC 4 

jurisdiction, or the NERC Reliability Standards, assert that SDG&E is not legally required to 5 

comply with the NERC Reliability Standards with respect to SDG&E’s South Orange County 6 

138 kV system.  From there, ORA, which has no obligation to serve electrical customers in 7 

South Orange County and “recommends that the Commission rejects SDG&E’s Proposed 8 

Project,”1 appears to recommend that SDG&E should not mitigate the reliability risks to its 9 

South Orange County customers described in SDG&E’s prepared testimony because ORA 10 

believes that SDG&E is not legally required to do so. 11 

As set forth below, ORA and Frontlines are mistaken in asserting that SDG&E’s South 12 

Orange County 138 kV transmission system is not part of the NERC-defined “Bulk Electric 13 

System” and that the NERC Reliability Standards therefore do not apply.  SDG&E’s South 14 

Orange County 138 kV transmission system is part of the NERC-defined “Bulk Electric 15 

System.”  Moreover, even if it were not, which it is, the CAISO Planning Standards and 16 

CAISO’s Transmission Control Agreement with SDG&E explicitly apply the NERC Reliability 17 

Standards to transmission facilities under its operational control, which includes SDG&E’s South 18 

Orange County 138 kV transmission system.   19 

ORA and Frontlines also are mistaken in believing that “footnote b” to Table 1 of NERC 20 

TPL-002-0b and TPL-003-0b, or CAISO Planning Standards, somehow exempt SDG&E from 21 

complying with the NERC Reliability Standards with respect to its South Orange County 138 kV 22 

transmission system.  SDG&E discusses the legal and contractual framework below. 23 

In all events, while ORA recommends minimal reliability of electric service for South 24 

Orange County, SDG&E takes its obligation to serve its electric customers seriously.  Even if 25 

SDG&E were not bound to comply with NERC Reliability Standards, which it is, SDG&E 26 

would seek to address the reliability issues addressed by the Proposed Project.  Indeed, while 27 

SDG&E has identified expected Category C violations that it must mitigate, SDG&E has also 28 

identified Category C load shedding and Category D catastrophic risks that it seeks Commission 29 

                                                            
1  Mee Testimony at 11. 
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authorization to mitigate even though the NERC Reliability Standards do not require SDG&E to 1 

mitigate such risks.  SDG&E seeks to provide reliable electric service to its South Orange 2 

County customers and the Proposed Project will allow it to do so. 3 

Regardless of any standard, rule, requirement or regulation, power flowing through any 4 

transmission element located in South Orange County, including SDG&E’s 138kV transmission 5 

network, is governed by physical laws and will respond to system failures accordingly.  ORA 6 

and Frontlines have not disputed the facts presented by SDG&E that, without the Proposed 7 

Project, South Orange County customers will be removed from service to (i) prevent an 8 

overload, (ii) in response to an overload or (iii) as a result of the outage of Talega Substation.   9 

Section 2. ORA and Frontlines’ Assertion That SDG&E Does Not Need to 10 
Comply with NERC Standards in South Orange County Is Mistaken 11 

ORA asserts: “Since the SOC area is a local network area, the NERC reliability standards 12 

are not applicable.”2  Frontlines similarly asserts: “It could even be argued that many of NERC’s 13 

transmission planning standards (including TPL-002-13 0b, TPL-003-0b, and TPL-004-0a) are 14 

not applicable to the local network that comprises SDGE’s 138 kV SOC system.”3     15 

For its assertion that “[t]he SOC area is a local network area, and NERC reliability 16 

standards do not apply to local network areas,” Mr. Mee cites to “footnote b” to Table I found in 17 

NERC TPL-003-0b.4  ORA appears confused.  Footnote b is an explanatory note to the directive 18 

in Table 1 that a Category B contingency must not result in a loss of demand or curtailed firm 19 

transfers.5  Footnote b only is applicable in assessing compliance of SDG&E’s transmission 20 

system with NERC Reliability Standard TPL-002-0b, not whether NERC Reliability Standards 21 

are applicable to SDG&E’s South Orange County 138 kV system.  SDG&E explains why 22 

Footnote b is inapplicable below.  23 

Frontlines cites to the NERC definition of Bulk Electric System (“BES”) to argue that 24 

SDG&E’s South Orange County 138 kV system is simply excluded from compliance with the 25 

NERC Reliability Standards.  Ms. Ayer is wrong for two reasons. 26 

                                                            
2  Mee Testimony at 1, 6. 
3  Ayer Testimony at 3. 
4  Mee Testimony at 6 footnote 3. 
5  SDG&E Attachment 2 (TPL-003-0b, Table 1). 
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A. SDG&E’s South Orange County 138 kV System is Part of the NERC-1 
Defined Bulk Electric System 2 

NERC Reliability Standard TPL-002-0b, Requirement R1, provides: “The Planning 3 

Authority and Transmission Planner shall each demonstrate through a valid assessment that its 4 

portion of the interconnected transmission system is planned such that the Network can be 5 

operated to supply projected customer demands and projected Firm (nonrecallable reserved) 6 

Transmission Services, at all demand levels over the range of forecast system demands, under 7 

the contingency conditions as defined in Category B of Table I.”6  TPL-003-0b includes a similar 8 

requirement, but “under the contingency conditions as defined in Category C of Table I.”7 9 

TPL-002-0b applies to “System Performance Following Loss of a Single Bulk Electric 10 

System Element (Category B).”8  TPL-003-0b applies to “System Performance Following Loss 11 

of Two or More Bulk Electric System Elements (Category C).”9 12 

The definition of Bulk Electric System (BES) is provided in the NERC Glossary of 13 

Terms, most recently updated on May 19, 2015.10  NERC provides a definition of BES, which 14 

then is refined by specific inclusions and exclusions.  The definition of BES was designed to 15 

allow elements to be included or excluded as needed to ensure reliable operation of the bulk 16 

electric system.  SDG&E’s South Orange County 138kV transmission system falls within 17 

Inclusion 5 of the BES definition. 18 

NERC provides the following definition of BES in relevant part: 19 

Unless modified by the lists shown below, all Transmission Elements operated at 100 kV 20 
or higher and Real Power and Reactive Power resources connected at 100 kV or higher. 21 
This does not include facilities used in the local distribution of electric energy. 22 

Inclusions: … 23 

 I5 –Static or dynamic devices (excluding generators) dedicated to supplying or 24 

absorbing Reactive Power that are connected at 100 kV or higher, or through a 25 

dedicated transformer with a high-side voltage of 100 kV or higher, or through a 26 

                                                            
6  SDG&E Attachment 1 (TPL-002-0b). 
7  SDG&E Attachment 2 (TPL-003-0b, R1). 
8  SDG&E Attachment 1 (TPL-002-0b). 
9  SDG&E Attachment 2 (TPL-003-0b). 
10  http://www.nerc.com/pa/Stand/Glossary%20of%20Terms/Glossary_of_Terms.pdf. 



PUBLIC VERSION 

7 
 

transformer that is designated in Inclusion I1 unless excluded by application of 1 

Exclusion E4. 2 

Exclusions: … 3 

 E4 – Reactive Power devices installed for the sole benefit of a retail 4 

customer(s).11 5 

The capacitor bank located at SDG&E’s Capistrano Substation and the STATCOM 6 

located at Talega Substation are connected at 138 kV.  The capacitor bank supplies reactive 7 

power and the STATCOM can either supply or absorb reactive power.  Both devices are 8 

connected to the South Orange County 138 kV network.  The 138 kV network is connected to 9 

the 230 kV network at Talega Substation.  Both devices support voltage on the 138 kV and the 10 

230 kV networks.  The 138 kV network is the conduit used to allow these devices to support 11 

voltages on the 230 kV network.  As such, the devices contribute to power flowing over both the 12 

138 kV and 230 kV networks.  Neither device, nor the 138 kV network that connects them, is for 13 

“the sole benefit of a retail customer(s).”  In other words, SDG&E’s South Orange County 138 14 

kV system falls within Inclusion I5 of the BES definition, and is not excluded by Exclusion E4.12 15 

Therefore, SDG&E’s South Orange County 138 kV system is part of the NERC-defined 16 

Bulk Electric System and subject to the NERC Reliability Standards.13 17 

B. CAISO Planning Standards Apply the NERC Reliability Standards to 18 
SDG&E’s South Orange County 138 kV System  19 

As noted above, SDG&E’s South Orange County 138 kV system is part of the NERC-20 

defined Bulk Electric System.  Even if it were not, however, it would still be subject to the 21 

                                                            
11  SDG&E Attachment 26 (NERC Glossary of Terms, BES Definition).  SDG&E also provides the 
NERC definitions of Transmission and Element in Attachment 26. 
12  FERC and NERC made plain that Exclusions E1 and E3 do not override Inclusion I5.  FERC Order 
Approving Revised Definition, Paragraph 24, Docket No. RD14-2-000, 146 FERC ¶ 61,199 (March 20, 
2014) (“NERC modified inclusion I5 by adding the phrase “unless excluded by application of Exclusion 
E4” at the end to clarify that exclusion E4 “would exclude elements identified for inclusion in inclusion 
I5.”31 NERC states that this is consistent with Order No. 773, where the Commission stated that 
exclusions E1 and E3 would not override inclusion I5 because exclusions E1 and E3 exclude transmission 
elements only and not resources.”). 
13 Note that power can flow back out of the 138 kV network to the 69 kV network and back onto the 230 
kV system at San Luis Rey (and vice versa), thus the 138 kV system in South Orange County has two 
connections to the bulk electric system.  However, this connection is extremely limited in capacity and is 
not capable of serving any significant amount of load in South Orange County. 
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NERC Reliability Standards pursuant to the CAISO Planning Standards and SDG&E’s 1 

Transmission Control Agreement with CAISO. 2 

California Public Utilities Code § 345 provides: “The Independent System Operator shall 3 

ensure efficient use and reliable operation of the transmission grid consistent with achievement 4 

of planning and operating reserve criteria no less stringent than those established by the Western 5 

Electricity Coordinating Council and the North American Electric Reliability Council.”  6 

(Emphasis added).   7 

The current (and former) CAISO Planning Standards provide: “1. Applicability of NERC 8 

Reliability Standards to Low Voltage Facilities under ISO Operational Control:  The ISO will 9 

apply NERC Transmission Planning (TPL) standards, the NUC-001 Nuclear Plant Interface 10 

Requirements (NPIRs) for Diablo Canyon Power Plant, and the approved WECC Regional 11 

Criteria to facilities with voltages levels less than 100 kV or otherwise not covered under the 12 

NERC Bulk Electric System definition that have been turned over to the ISO operational 13 

control.”14   14 

SDG&E’s South Orange County 138 kV system was turned over to CAISO operational 15 

control in 1999, and has been under CAISO operational control since then.  Therefore, it is 16 

subject to the NERC Reliability Standards pursuant to the CAISO Planning Standards. 17 

CAISO’s Transmission Control Agreement with SDG&E also mandates that SDG&E 18 

transmission facilities under CAISO’s operational control are subject to the NERC Reliability 19 

Standards.   As SDG&E testified: “Under the CAISO’s Transmission Control Agreement, 20 

Section 6.1.3: ‘In operating and maintaining its transmission facilities, each Participating TO … 21 

shall act in accordance with Good Utility Practice, applicable law, the CAISO Tariff, CAISO 22 

Protocols, the Operating Procedures, and the Applicable Reliability Criteria.”15 The Applicable 23 

Reliability Criteria are defined as “The Reliability Standards and reliability criteria established 24 

by NERC and WECC and Local Reliability Criteria, as amended from time to time, including 25 

any requirements of the NRC.’”16 26 

SDG&E’s South Orange County 138 kV system was turned over to CAISO operational 27 

control in 1999, and has been under CAISO operational control since then.  Therefore, it is 28 

                                                            
14  SDG&E Attachment 13 (CAISO Planning Standards, effective April 1, 2015) (emphasis added). 
15  SDG&E Opening Testimony at 23 (quoting the Transmission Control Agreement). 
16  SDG&E Opening Testimony at 23 (quoting the Transmission Control Agreement). 



PUBLIC VERSION 

9 
 

subject to the NERC Reliability Standards pursuant to the CAISO Transmission Control 1 

Agreement. 2 

Section 3. ORA’s and Frontlines’ Contention that TPL-003-0b Footnote b 3 
Authorizes Shedding South Orange County Load is Mistaken 4 

ORA contends: “The SOC area is a local network area, and NERC reliability standards 5 

do not apply to local network areas.3.”17  ORA’s footnote 3 cites “Footnote (b) of the NERC 6 

Reliability Standard TPL-003-0.”18  Footnote b reads: 7 

b) Planned or controlled interruption of electric supply to radial customers or some local 8 
Network customers, connected to or supplied by the Faulted element or by the affected 9 
area, may occur in certain areas without impacting the overall reliability of the 10 
interconnected transmission systems.  To prepare for the next contingency, system 11 
adjustments are permitted, including curtailments of contracted Firm (non-recallable 12 
reserved) electric power Transfers.19 13 

As noted above, Footnote b is an explanatory note to the TPL-002-0b directive in Table 1 14 

that a Category B contingency must not result in a loss of demand or curtailed firm transfers.20  15 

Footnote b does not exclude transmission facilities from application of the NERC Reliability 16 

Standards, but instead addresses whether a transmission system subject to the Reliability 17 

Standards has violated NERC TPL-002-0b.  Nowhere does Footnote b state “NERC reliability 18 

standards do not apply to local network areas,” as contended by ORA.21 19 

However, assuming that ORA meant to say that SDG&E’s South Orange County 138 kV 20 

system will not violate TPL-002-0b or TPL-003-0b because Footnote b authorizes dropping or 21 

shedding load during a Category C contingency, ORA remains mistaken.  22 

As SDG&E previously testified22: 23 

In adopting the relevant NERC TPL reliability standards, FERC stated: “Based on the 24 
record before us, we believe that the transmission planning Reliability Standard should 25 
not allow an entity to plan for the loss of non-consequential load in the event of a single 26 
contingency.”23  Referring to “footnote b” of Table I, FERC stated it “allows for the 27 

                                                            
17  Mee Testimony at 6. 
18  Mee Testimony at 6 n. 3. 
19  SDG&E Attachment 2 (TPL-003-0b, Table I, footnote b; emphasis added).  Note that footnote b is the 
same in TPL-002-0b as Table I is the same in TPL-001, TPL-002, TPL-003 and TPL-004. 
20  SDG&E Attachment 2 (TPL-003-0b, Table 1). 
21  Mee Testimony at 6. 
22  SDG&E Supplemental Testimony at 47-48 (emphasis added; footnotes in original quote). 
23  Attachment 14 (FERC Order 693, Paragraph 1795, 72 Federal Register 16416, 16583 (April 4, 2007)).  
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interruption of firm load for consequential load loss,”24 which FERC defined as “the load 1 
that is directly served by the elements that are removed from service as a result of the 2 
contingency.”25  FERC further stated: “The Commission agrees that footnote (b) should 3 
permit manual adjustments including generation redispatch and transmission 4 
reconfiguration, but not load shedding, to return the system to a normal operating state 5 
within the time period permitted by the emergency or short term ratings.”26  FERC 6 
repeated this admonition in later Order 762: “In Order No. 693, the Commission stated 7 
that it believes that the transmission planning Reliability Standard should not allow an 8 
entity to plan for the loss of non-consequential firm load in the event of a single 9 
contingency.”27 10 

SDG&E identified 18 Category C1, C2 and C3 events that will result in SDG&E’s 11 

transmission facilities in South Orange County exceeding their Applicable Ratings without use 12 

of a Special Protection System (“SPS”).  Because SPSs are not available to address this many 13 

contingencies, SDG&E would have to shed load pre-contingency to avoid violating Applicable 14 

Ratings in the event of the Category C contingency.  Although Footnote b addresses Category B 15 

contingencies, it is relevant because a Category C3 contingency is a Category B contingency 16 

followed by manual adjustments followed by another Category B contingency.28  Regardless, 17 

FERC has stated that Footnote b does not authorize load shedding.   18 

ORA’s contention that TPL-003-0b’s Footnote b authorizes SDG&E to plan to interrupt 19 

electric service to South Orange County customers to keep its facilities within Applicable 20 

Ratings during a Category C3 event is a misapplication of the standard and contrary to FERC’s 21 

interpretation of Footnote b, and thus mistaken. 22 

                                                            
24  Attachment 14 (FERC Order 693, Paragraph 1772 fn. 453, 72 Federal Register at 16580). 
25  Attachment 14 (FERC Order 693, Paragraph 1795 fn. 461, 72 Federal Register at 16583). 
26  Attachment 14 (FERC Order 693, Paragraph 1797, 72 Federal Register at 16583) (emphasis added). 
27  Attachment 15 (FERC Order 762, Paragraph 4, 77 Federal Register 26686, 26687 (May 7, 2012)). 
28  Attachment 14 (FERC Order 693, Paragraph 1797, 72 Federal Register at 16583) (“The Commission 
disagrees with PG&E’s statement that the difference between footnote (b) as part of Category B and 
Category C.3 is that footnote (b) applies before the second N–1 contingency, whereas Category C.3 
applies after the second N–1 contingency.  Rather, manual adjustments referred to in both cases apply 
after the first N–1 contingency.  The Commission, therefore, directs the ERO to modify the second 
sentence of footnote (b) to clarify that manual system adjustments other than shedding of firm load or 
curtailment of firm transfers are permitted to return the system to a normal operating state after the first 
contingency, provided these adjustment can be accomplished within the time period allowed by the short 
term or emergency ratings.”) (emphasis added). 
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Frontlines makes the same mistaken contention, implying that Footnote b both authorizes 1 

non-consequential load loss and permits shedding load as a system adjustments to prepare for the 2 

next contingency.29  FERC rejected both such interpretations of Footnote b, as set forth above.  3 

TPL-003-0b, Table 1, Category C.3 allows load shedding only after the second transmission line 4 
or transformer is removed from service, not before.   5 

Section 4. ORA’s and Frontlines’ Assertion that CAISO Planning Standards 6 
Allow SDG&E to Drop Up to 250 MW of South Orange County Load 7 
Is Mistaken  8 

Frontlines asserts: “The CAISO Planning Standard that was in effect at the time SDGE 9 

filed its Initial Testimony contradicts SDGE’s contention that it is a violation of NERC standard 10 

TPL-002-0b to shed load in the SOC following the first contingency event to prepare for the next 11 

contingency.  Specifically, Section 6 of the CAISO standard set forth the principals for 12 

determining when transmission infrastructure improvements are appropriate to eliminate load 13 

drop that is otherwise permitted by WECC and NERC planning standards, and it specifically 14 

recognizes that, under certain circumstances, load may be dropped after the first Category B 15 

contingency event to prepare for the next worst contingency.”30  Although it cites no authority, 16 

ORA asserts: “According to the CAISO planning standard, under category B (N-1) 17 

contingencies, interruption of transmission service to the SOC area is allowed but should not be 18 

more than 250 megawatt (MW).”31   19 

Frontlines and ORA misunderstand the application of the CAISO Planning Standard 20 

upon which they rely.  Ms. Ayers cites to Planning Standard 6 of the CAISO Planning Standards 21 

that was effective from September 18, 2014 to March 30, 2015.  The current CAISO Planning 22 

Standards became effective on April 1, 2015, and the standard upon which Frontlines relies is 23 

now Planning Standard 5.32   24 

Frontlines and ORA fail to recognize that CAISO Planning Standard 5 applies only when 25 

assessing whether to upgrade a transmission system to correct load dropping “otherwise 26 

                                                            
29  Ayer Testimony at 3. 
30  Ayer Testimony at 2. 
31  Mee Testimony at 1. 
32  Compare SDG&E Attachment 4 to SDG&E Attachment 13.  Ms. Ayer states that she refers to the now 
superceded CAISO Planning Standard “for the sake of consistency,” Ayer Testimony at 2 fn.3, but it is no 
longer effective. 
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permitted” by the NERC Transmission Planning Standards.  CAISO Planning Standard 5 1 

provides, in relevant part: 2 

This standard sets out when it is necessary to upgrade the transmission system from a 3 
radial to a looped configuration or to eliminate load dropping otherwise permitted by 4 
WECC and NERC planning standards through transmission infrastructure improvements. 5 
It does not address all circumstances under which load dropping is permitted under 6 
NERC and WECC planning standards. 7 

1. No single contingency (TPL-001-4 P1) should result in loss of more than 250 MW of 8 
load. 33 9 

CAISO explained the purpose of Planning Standard 5, Paragraph 1, as follows: 10 

This standard is intended to coordinate ISO planning standards with the WECC 11 
requirement that all transmission outages with at least 300 MW or more be directly 12 
reported to WECC. It is the ISO’s intent that no single contingency (TPL-001-4 P1) 13 
should trigger loss of 300 MW or more of load.  The 250 MW level is chosen in order to 14 
allow for differences between the load forecast and actual real time load that can be 15 
higher in some instances than the forecast and to also allow time for transmission projects 16 
to become operational since some require 5-6 years of planning and permitting with 17 
inherent delays.  It is also ISO’s intent to put a cap on the radial and/or consequential loss 18 
of load allowed under NERC standard TPL-001-4 single contingencies (P1).34 19 

The Category C overloads identified in SDG&E’s Opening Testimony, Chapter 4, 20 

Section 6 are not permitted by NERC planning standards, and therefore this Planning Standard is 21 

not applicable.  Moreover, those overloads resulted in non-consequential load loss, as discussed 22 

therein.  Planning Standard 5 is not applicable to those Category C NERC violations. 23 

Frontlines quotes a sentence from the superceded CAISO Planning Standards to argue 24 

that shedding load after one Category B outage is acceptable to prepare for the next Category B 25 

outage: “Standard 6 states (with emphasis added): “No single contingency (TPL002 and ISO 26 

standard [G-1] [L-1]) should result in loss of more than 250 MW of load.  This includes 27 

consequential loss of load as well as load that may need to be dropped after the first contingency 28 

(during the system adjustment period) in order to position the electric system for reliable 29 

operation in anticipation of the next worst contingency.”35  30 

                                                            
33  SDG&E Attachment 13 (CAISO April 1, 2015 Planning Standards at p. 6, Standard 5; emphasis 
added). 
34  SDG&E Attachment 13 (CAISO April 1, 2015 Planning Standards at 14). 
35  Ayer Testimony at 2. 
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Frontlines is mistaken.  As an initial matter, the currently effective CAISO Planning 1 

Standards do not include this sentence, and thus it is not applicable to SDG&E’s South Orange 2 

County system.  More importantly, as discussed above, then-CAISO Planning Standard 6 3 

remained applicable only “when it is necessary to upgrade the transmission system from a radial 4 

to a looped configuration or to eliminate load dropping otherwise permitted by WECC and 5 

NERC planning standards through transmission infrastructure improvements.”36  FERC has 6 

made plain that Footnote b does not allow load shedding after a single contingency.  CAISO has 7 

recognized and accepted the FERC’s position.37  Therefore, then-Standard 6, Paragraph 1, did 8 

not apply to shedding load after a single Category B contingency. 9 

Section 5. NERC Transmission Planning Standards are Changing, But Still Do 10 
Not Authorize Shedding Load after a Single Contingency as a Long 11 
Term Planning Solution 12 

Frontlines also asserts: “Moreover, it appears that TPL-001-0.1 itself will be replaced by 13 

TPL-001-4 at the beginning of next year.  TPL–001-4 addresses “Transmission System Planning 14 

Performance Requirements” for the development of a reliable BES, and it appears to include 15 

several noteworthy provisions that address consequential load losses and controlled interruption 16 

of electric supply to local network customers connected to the faulted element following a 17 

specific single contingency events (P1).”38 18 

The change in NERC transmission planning standards does not authorize shedding load 19 

after a single contingency as a long term planning solution.  Thus, even if the standards had 20 

already changed, the outcome of SDG&E’s analysis would not. 21 

NERC transmission planning standards TPL-001-0.1, TPL-002-0b, TPL-003-0b, and 22 

TPL-004-0a (Old TPLs) have been combined into NERC TPL-001-4.  The Old TPLs will 23 

become inactive on 12/31/2015 and the new TPL-001-4 will become the active transmission 24 

planning standard.  The change from the Old TPLs to the new TPL-001-4 does not change the 25 

need for the Project. Instead, TPL-001-4 changes the terms used and adds some clarifying 26 

statements concerning load loss.  27 

                                                            
36  SDG&E Attachment 4 (CAISO Planning Standards, effective 9/18/14-3/30/15, Standard 6). 
37  See SDG&E Attachment 16 (R. Sparks 4/25/2012 email to SDG&E and W. Stephenson). 
38  Ayer Testimony at 6 (footnotes omitted). 
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Category A, B and C contingencies have been replaced with Category P0-P7 1 

contingencies. Category D (extreme events) contingencies have been replaced by specific steady-2 

state and stability contingencies. 3 

Contingency in Old TPLs Equivalent TPL-001-4 Contingency 
Category A – No Contingency P0 – No Contingency 
Category B – Single Contingency P1 – Single Contingency 
Category C1 – Bus Section P2.2 – Bus Section 
Category C2 – Breaker (failure or internal fault) P2.3 & P2.4 – Internal Breaker Fault 
Category C3 – Category B + System Adj + 
Category B 

P6 – Two overlapping P1 contingencies. 

 4 

NERC TPL-002-0b footnote b, applicable to Category B contingencies, has been 5 

replaced with TPL-001-4 footnote 12, applicable to Category P1 contingencies.  6 

Footnote b states: 7 

“Planned or controlled interruption of electric supply to radial customers or some local 8 
Network customers, connected to or supplied by the Faulted element or by the affected 9 
area, may occur in certain areas without impacting the overall reliability of the 10 
interconnected transmission systems. To prepare for the next contingency, system 11 
adjustments are permitted, including curtailments of contracted Firm (non-recallable 12 
reserved) electric power Transfers.”39 13 

This will be replaced by footnote 12 which states;       14 

“An objective of the planning process is to minimize the likelihood and magnitude of 15 
Non-Consequential Load Loss following planning events.  In limited circumstances, 16 
Non-Consequential Load Loss may be needed throughout the planning horizon to ensure 17 
that BES performance requirements are met.  However, when Non-Consequential Load 18 
Loss is utilized under footnote 12 within the Near-Term Transmission Planning Horizon 19 
to address BES performance requirements, such interruption is limited to circumstances 20 
where the Non-Consequential Load Loss meets the conditions shown in Attachment 1.  In 21 
no case can the planned Non-Consequential Load Loss under footnote 12 exceed 75 MW 22 
for US registered entities.  The amount of planned Non-Consequential Load Loss for a 23 
non-US Registered Entity should be implemented in a manner that is consistent with, or 24 
under the direction of, the applicable governmental authority or its agency in the non-US 25 
jurisdiction.”40 26 

Footnote 12 allows SDG&E to use Non-Consequential Load Loss in the Near-Term 27 

Transmission Planning Horizon as part of a Corrective Action Plan to remove overloads caused 28 

                                                            
39  SDG&E Attachment 1 (NERC TPL-002-0b, Table I, footnote b). 
40  SDG&E Attachment 27 (NERC TPL-001-4, Table 1, footnote 12). 
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by a P1 (Category B) Contingency.  It does not extend to the Long Term Transmission Planning 1 

Horizon. 2 

Under the NERC Glossary of Terms, “Near-Term Transmission Planning Horizon” is 3 

defined as “The transmission planning period that covers Year One through five.”41  Both the 4 

CPUC and CAISO use a 10-year planning horizon for new transmission projects.42 5 

Attachment 1 to NERC TPL-001-4 provides the process that a “Transmission Planner” 6 

(here, SDG&E) must follow if it wishes to use non-consequential load loss to address the BES 7 

performance requirements in its Near-Term Transmission Planning Horizon.  In brief, under 8 

Attachment 1: “During each Planning Assessment before the use of Non-Consequential Load 9 

Loss under footnote 12 is allowed as an element of a Corrective Action Plan in the Near-Term 10 

Transmission Planning Horizon of the Planning Assessment, the Transmission Planner or 11 

Planning Coordinator shall ensure that the utilization of footnote 12 is reviewed through an open 12 

and transparent stakeholder process.”43   13 

Further: “Before a Non-Consequential Load Loss under footnote 12 is allowed as an 14 

element of a Corrective Action Plan in Year One of the Planning Assessment, the Transmission 15 

Planner or Planning Coordinator must ensure that the applicable regulatory authorities or 16 

governing bodies responsible for retail electric service issues do not object to the use of Non-17 

Consequential Load Loss under footnote 12 if either: … The planned Non-Consequential Load 18 

Loss under footnote 12 is greater than or equal to 25 MW.”44 19 

CAISO has provided the following interpretation and guidance on the application of 20 

Footnote 12 in its current Planning Standards: 21 

Footnote 12 of TPL-001-4 Interpretation and Applicable Timeline7: The shedding of 22 
Non-Consequential load following P1, P2-1 and P3 contingencies on the Bulk Electric 23 
System of the ISO Controlled Grid is not considered appropriate in meeting the 24 
performance requirements.  In the near-term planning horizon, the requirements of 25 
Footnote 12 may be applied until the long-term mitigation plans are in-service.  In the 26 
near-term transmission planning horizon, the non-consequential load loss will be limited 27 
to 75 MW and has to meet the conditions specified in Attachment 1 of TPL-001-4.45 28 

                                                            
41  SDG&E Attachment 26 (NERC Glossary of Terms). 
42  See, e.g., Scoping Memo at 8 (“Is the Project necessary to accommodate the projected load growth in 
the Project area over the next ten years”). 
43  SDG&E Attachment 27 (NERC TPL-001-4, Attachment 1, Paragraph I). 
44  SDG&E Attachment 27 (NERC TPL-001-4, Attachment 1, Paragraph III). 
45  SDG&E Attachment 13 (CAISO April 1, 2015 Planning Standards at p. 17-18). 
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Under the new TPL-001-4, Category P6 describes acceptable performance following two 1 

overlapping single contingencies.  The overlapping contingencies starting on page 51 of 2 

SDG&E’s January 2015 Prepared Testimony  each will be a NERC Category P6 contingency; a 3 

transmission line or transformer outage (a P1 contingency), followed by a system adjustment, 4 

followed by a second transmission line or transformer outage.   5 

Use of Non-Consequential Load Loss is not allowed following a P1 contingency with the 6 

limited exception found in Footnote 12;   7 

An objective of the planning process is to minimize the likelihood and magnitude of Non-8 
Consequential Load Loss following planning events.  In limited circumstances, Non-9 
Consequential Load Loss may be needed throughout the planning horizon to ensure that 10 
BES performance requirements are met.  However, when Non-Consequential Load Loss 11 
is utilized under footnote 12 within the Near-Term Transmission Planning Horizon to 12 
address BES performance requirements, such interruption is limited to circumstances 13 
where the Non-Consequential Load Loss meets the conditions shown in Attachment 1.  In 14 
no case can the planned Non-Consequential Load Loss under footnote 12 exceed 75 MW 15 
for US registered entities.  The amount of planned Non-Consequential Load Loss for a 16 
non-US Registered Entity should be implemented in a manner that is consistent with, or 17 
under the direction of, the applicable governmental authority or its agency in the non-US 18 
jurisdiction.” 19 

Non-Consequential load loss is may be used for “Near-Term Transmission Planning 20 

Horizon”, but Non-Consequential Load Loss is not allowed for the Long Term Planning 21 

Horizon.  In any case, even as a near-term solution, SDG&E and CAISO would have to get 22 

approval to use Non-Consequential Load Loss as described in Attachment 1 of the standard. 23 

SDG&E identified and proposed to CAISO a South Orange County Project that became 24 

the Proposed Project starting in 2007.  In 2011, CAISO approved the Proposed Project.  In 2012, 25 

SDG&E filed this Application for a Certificate of Public Convenience and Necessity to construct 26 

the Proposed Project.  NERC TPL-001-4 was not approved by FERC until October 2013, and its 27 

performance requirements do not become effective until January 2016.  In the meantime, NERC 28 

TPL-002-0b and TPL-003-0b remain active until December 31, 2015.46  SDG&E proposed the 29 

                                                            
46  http://www.nerc.com/_layouts/PrintStandard.aspx?standardnumber=TPL-003-
0b&title=System%20Performance%20Following%20Loss%20of%20Two%20or%20More%20Bulk%20
Electric%20System%20Elements%20(Category%20C)&jurisdiction=United%20States.  SDG&E notes 
that the version of TPL-003-0b attached as SDG&E Attachment 2 shows an inactive date of 12/31/2014.  
The link is to an updated version of TPL-003-0b that updated the “inactive date” to 12/31/2015. 
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Proposed Project, among other reasons, to comply with the then and currently-effective NERC 1 

Reliability Standards.   2 

SDG&E has not sought, or obtained, permission to plan for non-consequential load loss 3 

under Footnote 12 of the new TPL-001-4.  As an initial matter, SDG&E is now eight years into 4 

its effort to address South Orange County reliability issues.  SDG&E is seeking CPUC approval 5 

to address those issues to provide reliable electric service to its customers—it is not seeking 6 

CPUC permission to continue to leave its customers exposed to a loss of electric service.   7 

Moreover, CAISO already has indicated that Footnote 12 is not a solution to the South 8 

Orange County reliability issues.  As set forth in CAISO’s Planning Standards: “The shedding of 9 

Non-Consequential load following P1, P2-1 and P3 contingencies on the Bulk Electric System of 10 

the ISO Controlled Grid is not considered appropriate in meeting the performance requirements.  11 

In the near-term planning horizon, the requirements of Footnote 12 may be applied until the 12 

long-term mitigation plans are in-service.”47  In other words, Footnote 12 may only excuse non-13 

consequential load shedding until long term mitigation plans are in service.  The Proposed 14 

Project is SDG&E’s long term mitigation plan, and Footnote 12 does not excuse a failure to 15 

implement a long term mitigation plan.  16 

Section 6. ORA Ignores the Risk of Category D Events 17 

Noting SDG&E’s concerns about low probability, but severe consequence, events at 18 

Talega Substation, ORA notes: “These extreme events can be considered as Category D events 19 

under NERC standards. While these events are required to be studied, no mitigation action is 20 

required.”48  While ORA is correct that SDG&E is not required by the NERC Reliability 21 

Standards to mitigate Category D events, ORA misses the point.  22 

SDG&E explained the risks to 230 kV and/or 138 kV service from Talega Substation, the 23 

potential duration of such outages, and the severe consequences of such outages on South 24 

Orange County.  Dr. Sullivan estimated the total economic cost of a three week outage at $2.38 25 

to $4.77 billion in direct and indirect costs. 26 

NERC requires utilities to study Category D events to identify those with severe 27 

consequences and consider mitigation.  SDG&E studied this risk and presented the risk to the 28 

CAISO, which agreed that the consequences are severe enough that it should be addressed, 29 
                                                            
47  SDG&E Attachment 13 (CAISO April 1, 2015 Planning Standards at p. 17-18). 
48  Mee Testimony at 6.   
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particularly as the Proposed Project solves many other reliability risks to SDG&E’s South 1 

Orange County customers.  2 

The need for a second source in South Orange County is recognized in the DEIR.  3 

Alternatives C, D, E, F, G and H all include a second source of supply.  4 

Section 7.  TPL-001-0.1 Is Currently Effective 5 

Frontlines correctly points out that NERC TPL-001-1, quoted by SDG&E in its original 6 

Opening Testimony at 16-18, was rejected by FERC Order 762.  As stated in FERC Order 762: 7 

“In Order No. 693, the Commission stated that it believes that the transmission planning 8 

Reliability Standard should not allow an entity to plan for the loss of non-consequential firm load 9 

in the event of a single contingency.”49  SDG&E has corrected that quotation in its current 10 

corrected Opening Testimony. 11 

The currently effective NERC reliability standard for Category A requirements is NERC 12 

TPL-001-0.1, which contains the “footnote b” that FERC previously directed NERC to revise to 13 

prevent entities from planning for the loss of non-consequential firm load in the event of a single 14 

contingency.  The language that FERC directed NERC to revise states: “b) Planned or controlled 15 

interruption of electric supply to radial customers or some local Network customers, connected 16 

to or supplied by the Faulted element or by the affected area, may occur in certain areas without 17 

impacting the overall reliability of the interconnected transmission systems. To prepare for the 18 

next contingency, system adjustments are permitted, including curtailments of contracted Firm 19 

(non-recallable reserved) electric power Transfers.”  NERC TPL-001-0.1, Table 1, footnote b. 20 

As discussed in detail in SDG&E’s Supplemental Testimony at 47-49, FERC stated:  21 

“The Commission agrees that footnote (b) should permit manual adjustments including 22 

generation redispatch and transmission reconfiguration, but not load shedding, to return the 23 

system to a normal operating state within the time period permitted by the emergency or short 24 

term ratings.”50    25 

                                                            
49  SDG&E Attachment 15 (FERC Order 762, Paragraph 4, 77 Federal Register 26686, 26687 (May 7, 
2012)). 
50  Attachment 14 (FERC Order 693, Paragraph 1797, 72 Federal Register at 16583) (emphasis added). 
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CHAPTER 3.  ORA’S TESTIMONY ABOUT TALEGA SUBSTATION IS MISTAKEN 1 

Section 1. Introduction (Witness Cory Smith) 2 

In its opening testimony, SDG&E testified that there are reliability issues at Talega 3 

Substation, including but not limited to a non-standard configuration of the 230 kV bus that 4 

cannot be remedied within the existing substation property.  SDG&E noted that, because Talega 5 

Substation is the sole source of power to SDG&E’s South Orange County system, and because of 6 

the non-standard configuration, “a single forced outage (such as Category B events) that occurs 7 

during a planned maintenance outage at Talega will drop service to all or some SDG&E 8 

customers in South Orange County.”51  With respect to rebuilding Talega Substation to create 9 

space to remedy the non-standard configuration, SDG&E testified: “Because Talega Substation 10 

currently is the source of all power to South Orange County, Category D events at Talega 11 

Substation (loss of the 230 kV service or the loss of 138 kV service) would drop service to all 12 

SDG&E customers in South Orange County—roughly around 300,000 people.  Therefore, 13 

SDG&E does not consider rebuilding Talega Substation to be a prudent or cost-effective solution 14 

to the South Orange County reliability issues.”52   15 

SDG&E testified that the Proposed Project, by installing two 230/138 kV transformers at 16 

the rebuilt Capistrano Substation, would allow SDG&E to address the non-standard 17 

configuration at Talega Substation without placing South Orange County load at risk: 18 

Second, by removing these two transformers from Talega Substation, there would be 19 
room within the existing Talega Substation to reconfigure Bank 63 to be fed from a more 20 
reliable breaker and a half configuration (where the transformer may stay in-service 21 
during a bus outage and vice versa).  Because there would be a second source at San Juan 22 
Capistrano Substation, the work to perform this reconfiguration would not place 23 
SDG&E’s South Orange County customers at risk from a single forced outage during the 24 
construction work.  Once performed, maintenance work at Talega Substation could be 25 
performed without placing SDG&E’s customers at risk from a single forced outage 26 
during a planned maintenance outage.53  27 

ORA appears to believe that the Proposed Project is meant solely to allow SDG&E to 28 

remedy the non-standard configuration at Talega Substation.  It is not.  From this erroneous 29 

assumption, ORA contends that the non-standard configuration can be remedied simply by 30 

removing the two small and aging transformers at Talega (Banks 60 and 62), and moving Bank 31 
                                                            
51  SDG&E Opening Testimony at 90. 
52  SDG&E Opening Testimony at 94. 
53  SDG&E Opening Testimony at 91. 
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63 to a breaker and a half arrangement.  This also is wrong, as it would violate NERC TPL-002-1 

0b and expose SDG&E’s South Orange County customers to service interruption in the event of 2 

a single transformer outage.  SDG&E addresses each issue below. 3 

Section 2. Reconfiguring the Talega 230 kV Bus Does Not Resolve All Reliability 4 
Issues in South Orange County (Witness Cory Smith) 5 

Focusing only on SDG&E’s concerns about Talega Substation’s bus configuration, ORA 6 

asserts: “Because the proposed project does not address the actual engineering problems at the 7 

Talega Substation, it would result in overbuilding unneeded transmission.”54   8 

ORA’s analysis and conclusion are mistaken.  First, as discussed in Chapter 2, SDG&E 9 

must comply with NERC Reliability Standards.  Fixing Talega Substation’s configuration 10 

problem would only address certain maintenance outage issues, and would not mitigate the 11 

expected Category C violations in SDG&E’s South Orange County system.  Second, SDG&E 12 

considers the nature and number of Category C, Category D and maintenance contingencies that 13 

would leave some or all of its South Orange County customers without electricity to be 14 

unacceptable.  Fixing Talega Substation’s configuration problem would only address certain 15 

maintenance outages issues, and leave SDG&E’s customers exposed to the remaining reliability 16 

risks.  To address remaining risks, SDG&E needs to inject 230 kV power in the South Orange 17 

County load center or upgrade numerous 138 kV transmission lines.  18 

ORA seems not to understand the purpose of the Proposed Project.  ORA seems to 19 

believe that the Proposed Project is being constructed simply to allow SDG&E to reconfigure the 20 

Talega Substation 230 kV bus.  This is simply wrong and ignores SDG&E’s testimony about 21 

how the Proposed Project will mitigate Category C violations, Category C load shedding, forced 22 

outages during maintenance events at other South Orange County substations, and the potential 23 

Category D loss of 230 kV or 138 kV service from Talega Substation.  Reconfiguring the Talega 24 

Substation bus will not mitigate these reliability risks.   25 

Section 3. Without a Second 230 kV Source in South Orange County, the Two 26 
Small Transformers at Talega Substation Cannot Be Removed 27 
(Witness Cory Smith)  28 

ORA notes that SDG&E’s proposed solution to the non-standard bus configuration at 29 

Talega Substation is to remove the two small transformers, which then creates the space 30 

                                                            
54  Mee Testimony at 9. 
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necessary to reconfigure the transformer 230 kV position into a more reliable breaker and a half 1 

configuration (the “Reconfiguration Work”).55  ORA, however, ignores the fact that SDG&E 2 

proposes this solution only once the Proposed Project is implemented.56 3 

Instead, ORA asserts that, even without a second source in South Orange County, the two 4 

small transformers simply can be removed and not replaced, thus creating space to reconfigure 5 

the Talega 230 kV bus.  ORA testifies:  6 

Today, the coincident peak load in the SOC area is not more than 443.3 MW, but the total 7 
power supply capacity of the four transformer banks at Talega Substation is around 1,100 8 
MVA, which could provide as much as 1,100 MW of real power.  Talega Substation has 9 
more than double the power supply capacity to serve the SOC area.  Even if two of the 10 
old banks (Bank #60 with 162 MVA and Bank #62 with 150 MVA) at the Talega 11 
Substation are removed, the substation would still have a power supply capacity of 784 12 
MVA (Bank #61 with 392 MVA and Bank #63 with 392 MVA) to serve the SOC area 13 
load.57 14 

ORA apparently does not understand the NERC transmission planning requirements, 15 

enforceable by FERC under the Federal Power Act § 215.  ORA asserts the power supply 16 

capacity of Talega Substation to be 784 MVA based on the size of the two large transformer 17 

banks, Bank #61 and Bank #63, assuming the two small banks, Bank #60 and Bank #62, are 18 

retired and removed from the substation.  This is incorrect.  Banks #61 and #63 each have a 19 

continuous rating of 392 MVA and it is correct that the sum of the two banks is 784 MVA, but 20 

power supply capacity must take into account the loss of one of the banks to comply with NERC 21 

TPL-002-0b.  Therefore, only 392 MVA may be considered to be continuously supplied by 22 

Talega Substation, and 392 MVA is less than required to serve South Orange County’s peak 23 

load.  Relying on only two transformers to supply South Orange County, as suggested by ORA, 24 

is an unacceptable reliability risk that would exacerbate the South Orange County supply 25 

problem (a single source of supply at Talega Substation) and violate TPL-002-0b. 26 

By contrast, the Proposed Project adds two 230/138 kV transformers at Capistrano 27 

Substation.  This addition constitutes a second source of supply at Capistrano, with the other 28 

source of supply at Talega Substation.  With the Project in place, the two 230/138 kV 29 

transformers at Capistrano and the two 230/138 kV transformers at Talega will supply South 30 

                                                            
55  Mee Testimony at 6-7.   
56  SDG&E Opening Testimony at 91. 
57  Mee Testimony at 8-9 (footnote omitted).   



PUBLIC VERSION 

22 
 

Orange County when the two smaller transformer banks at Talega are removed.  This will leave 1 

four 230/138kV transformers serving South Orange County.  To change the interconnection 2 

arrangement of one of the remaining Talega 230/138 kV transformers, the transformer will be 3 

de-energized during construction.  This will leave three transformers to supply South Orange 4 

County (two 230/138 transformers at Capistrano and one at Talega), and thus ensure that South 5 

Orange County would not lose electric service in the event of a forced outage of a transformer 6 

during such construction. 7 

Thus, with the Proposed Project, removing the two small transformers at Talega 8 

Substation will not violate TPL-002-0b nor will de-energizing Bank 63 at Talega Substation to 9 

allow its reconfiguration to a breaker and a half arrangement.  10 

Disregarding the risk of removing the two small 230/138 kV transformers at Talega 11 

Substation without another 230 kV source in South Orange County (which would violate NERC 12 

TPL-002-0b and expose some of SDG&E’s South Orange County customers to the risk of losing 13 

service if either transformer failed), ORA proposes further increasing the risk to SDG&E’s South 14 

Orange County customers by leaving South Orange County dependent on a single transformer 15 

during construction work (which would expose all of SDG&E’s South Orange County customers 16 

to the risk of losing service if the only connected transformer failed).  ORA testifies: 17 

ORA observes that without SDG&E’s Proposed Project, it is possible for SDG&E to fix 18 
the asserted engineering problems at Talega Substation.  SDG&E can remove transformer 19 
banks #60 and #62, and then reconfigure transformer bank #63 so that it can be fed from 20 
a more reliable breaker-and-a-half configuration.  ORA understands that during this 21 
reconfiguration exercise, there will be only one 230/138 kV transformer bank, with a 22 
capacity of 394 megavolt-ampere (MVA), supplying power to the SOC area, which is 23 
less than the peak demand of 443.3 MW.  However, SDG&E could perform this 24 
reconfiguration exercise during off-peak hours.  ORA is aware that during maintenance, 25 
the power supply of the energized transformer could also be interrupted; however, with 26 
careful safety procedure in place the risk of interrupting power supply can be minimized.  27 
After the reconfiguration is completed, power supply to the SOC area would be 28 
improved.58 29 

ORA’s proposal violates NERC TPL-002-0b and imprudently places all of SDG&E’s 30 

approximately 300,000 customers at risk of a single transformer outage during months of 31 

construction work.  Without a second source of power to SDG&E’s South Orange County 32 

system, the two small and aging transformers at Talega Substation cannot be removed.  33 
                                                            
58  Mee Testimony at 7 (emphasis added).   
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Section 4. Without a Second Source in South Orange County, Talega Substation 1 
Cannot be Reconfigured On Its Existing Site (Witness Karl Iliev)  2 

As set forth above, the two small and aging Talega transformers cannot be removed and 3 

not replaced without a second source of power to SDG&E’s South Orange County system.  As 4 

SDG&E testified, the reliability issues at Talega Substation cannot be addressed within its 5 

existing property unless SDG&E is able to remove those two transformers to open up more space 6 

within the existing substation.   7 

SDG&E reiterates that space limitations at the current Talega Substation site prevent its 8 

reconfiguration unless and until the two transformers can be removed safely and in compliance 9 

with TPL-002-0b.  At Talega Substation, there is currently only one vacant position in the 230 10 

kV switchyard, and two vacant positions in the 138 kV switchyard.  To improve the site 11 

reliability, Banks 60 and 63 would need to be moved from their current single breaker single bus 12 

configuration to a proper breaker and a half bay position.  Since there are insufficient unused 13 

breaker and a half positions in the 230 kV switchyard to accommodate this relocation, another 14 

breaker and a half bay would need to be added.  This cannot be done as the two Synchronous 15 

Condensers on the site prevent expanding the 230kV switchyard south to add this bay.   16 

Furthermore, Bank 50, Bank 60, and Bank 63 would also need to be moved from their 17 

138 kV single breaker single bus configuration to 138 kV breaker and a half positions.  There are 18 

insufficient 138 kV breaker and a half unused positions available to accommodate this relocation 19 

either.  Another 138 kV breaker and a half bay would need to be added to the 138 kV switchyard 20 

in order to accommodate this reconfiguration.  Additional bays cannot be added to the 138 kV 21 

switchyard as both the existing Bank 50 infrastructure and the STATCOM block this expansion 22 

to the north.   23 

To properly reconfigure Talega Substation, SDG&E would need to acquire property in 24 

environmentally sensitive areas to the north and south of the substation, fill the sloped hillside, 25 

demolish and rebuild the existing STATCOM, Synchronous Condensers, and Bank 50 26 

infrastructure, and expand both 138 kV and 230 kV switchyards.   27 

Even if the above noted infrastructure changes were feasible, more infrastructure changes 28 

would be necessary.  Transformer connections to the switchyard should not be located in the 29 

same bay positions because this causes a single element failure risk (which is the risk of the bus 30 

tie breaker failing).  An outage to the Bus Tie breaker would cause an outage to both 31 
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transformers in that bay.  To fix this problem, SDG&E would need to relocate the transformer 1 

connections in the switchyards.  Underground cables would have to be used extensively to 2 

relocate connection points for both transformers and transmission lines to create a more reliable 3 

switchyard configuration.   4 

Even after all of the above work, Talega Substation would remain the sole source of 5 

power to SDG&E’s South Orange County system, and thus Category D events at Talega would 6 

leave approximately 300,000 people in South Orange County without electricity, potentially for 7 

weeks.59  Reconfiguring Talega Substation also would not mitigate the Category C violations, 8 

Category C load shedding, and forced outages during maintenance events at other South Orange 9 

County substations.60  Nor would reconfiguring Talega Substation address the reliability 10 

concerns at the aging Capistrano Substation. 11 

After updating estimated costs to current projected values, the costs for implementing a 12 

Talega rebuild alternative that would provide similar reliability benefits range from $669 million 13 

to $818 million.61  This estimate not only includes the estimated cost to rebuild the 230 kV and 14 

138 kV busses at an expanded Talega Substation, but also include the necessary rebuilding of the 15 

existing Capistrano substation as a 138/12 kV substation, adding a future voltage control device 16 

at Capistrano or Talega when the existing Talega STATCOM reaches the end of its useful life, 17 

and bringing a second source into the area from a 138kV feed to Southern Orange Country from 18 

the San Luis Rey Substation.  Since the rebuilding of Talega Substation only addresses reliability 19 

problems at Talega Substation and does not provide redundancy for South Orange County, the 20 

cost to create a second source should be included into the Talega Rebuild option.  Otherwise, the 21 

Talega rebuild alternative does not provide the same reliability benefits and cannot be compared 22 

to the Proposed Project.  The estimated cost, however, does not include any necessary upgrades 23 

of SDG&E’s South Orange County 138 kV system or costs to acquire property (if possible) 24 

adjacent to Talega Substation. 25 

                                                            
59  SDG&E Supplemental Testimony, Chapter 2. 
60  SDG&E Opening Testimony at 44-72. 
61  SDG&E previously testified: “SDG&E estimated that it would cost $782 million and require 
incremental construction of system improvements and ultimately result in SDG&E having to include the 
costs associated with the No Project Alternative (regarding the rebuilding of Capistrano Substation and 
upgrading the 138 kV system) in with this rebuild, significantly increasing the cost of this alternative in 
excess of the Proposed Project cost.”  SDG&E Opening Testimony at 94. 
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The Proposed Project addresses the reliability concerns at Talega Substation in a far 1 

superior way.  It essentially proposes relocating elements (transformers and lines) from the 2 

existing 230 kV and 138 kV switchyards at Talega, and moves them to Capistrano Substation.  3 

With the reduced number of elements, Talega Substation can be reconfigured to provide proper 4 

spacing and electrical connections, optimizing its reliability and operating flexibility, while 5 

creating at Capistrano Substation the 230 kV redundancies necessary to reliably feed SDG&E’s 6 

South Orange County system.  7 

Section 5. ORA Assertion that the Proposed Project Will Not Address the 8 
Configuration Concern at Talega Substation Is Misplaced (Witness 9 
Cory Smith) 10 

ORA asserts that “SDG&E’s Proposed Project will not address the engineering problems 11 

at Talega Substation.”62  ORA states: “SDG&E’s Proposed Project is a workaround approach 12 

that does not fix the root problems at Talega Substation.  SDG&E asserts that after the 13 

construction of the Proposed Project, SDG&E will be able to fix the problems at Talega 14 

Substation.  In other words, SDG&E’s Proposed Project does not ultimately solve the problems 15 

at Talega Substation, but is only one of the steps toward fixing the Talega Substation 16 

problems.”63   17 

ORA’s criticism is misplaced.   18 

 First, SDG&E’s approach to reconfiguring Talega Substation depends upon the 19 
Commission’s decision regarding the Proposed Project.  If the Proposed Project is 20 
constructed, the Talega Substation solution is relatively straightforward—21 
implementation of the Reconfiguration Work, which then can be performed 22 
within the existing footprint without exposing South Orange County customers to 23 
the risk of a single outage causing service interruption.   24 

 Second, as discussed above, the Talega Substation configuration is not the only 25 
reliability issue in South Orange County.  The Proposed Project was never meant 26 
solely to allow SDG&E to perform the Reconfiguration Work.  27 

Section 6. ORA’s Criticism of the Proposed Project Cost is Misplaced (Witness 28 
Cory Smith) 29 

ORA testifies:  “SDG&E estimates that its Proposed Project will cost approximately $420 30 

million, in addition to ongoing annual operation and maintenance costs at ratepayers’ expense.  31 

                                                            
62  Mee Testimony at 8.   
63  Mee Testimony at 8. 
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This is an unnecessary expense and unnecessary workaround toward fixing the actual problems 1 

at Talega Substation.”64  ORA then turns to its claim that Talega Substation’s configuration 2 

problems can be solved by the Reconfiguration Work without the Proposed Project.  In doing so, 3 

ORA implies that the Reconfiguration Work is all that is needed to address reliability concerns in 4 

South Orange County. 5 

As discussed above, SDG&E’s Proposed Project is not solely directed at Talega 6 

Substation’s configuration issue.  Moreover, performing the Reconfiguration Work alone, 7 

without a second source of power to SDG&E’s South Orange County system, would violate 8 

NERC TPL-002-0b—and would not solve any of the other reliability concerns addressed by the 9 

Proposed Project.  Because all of the Proposed Project work is necessary to address those 10 

reliability concerns, ORA has not shown that the work or its costs are “unnecessary” for SDG&E 11 

to provide reliable electric service to the approximately 300,000 people in South Orange County 12 

who depend on it.  13 

                                                            
64  Mee Testimony at 8 (footnotes omitted). SDG&E notes that ORA asserts that the Proposed Project will 
cost approximately $420 million based on SDG&E’s testimony that it will cost “$380.9 Million +/- 10%.”  
Mee Testimony at 8 fn.9.  .  SDG&E since has corrected that testimony to “$383.6 million +/- 10%.”  
SDG&E Supplemental Testimony at 126. 
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CHAPTER 4.  ORA’S AND FRONTLINES’ CRITICISM OF THE PROPOSED 1 
PROJECT’S SECOND 230 KV SOURCE FOR SOUTH ORANGE COUNTY IS 2 
MISPLACED  3 

Section 1. The Proposed Project Creates Redundancy (Witness Cory Smith) 4 

ORA and Frontlines claim that adding a second 230 kV source at Capistrano Substation, 5 

as SDG&E’s Proposed Project would do, does not provide redundancy for SDG&E’s South 6 

Orange County transmission system.65  This is incorrect.   7 

Currently, three 230kV transmission lines terminate at the Talega Substation 230 kV bus, 8 

where power is transformed to 138 kV, and serves SDG&E’s South Orange County customers 9 

through a network of 138 kV transmission lines.  Two 230 kV transmission lines connect Talega 10 

Substation to San Onofre Substation and one 230 kV transmission line connects Talega 11 

Substation to Escondido Substation.  The common point of failure is the termination of all three 12 

transmission lines at Talega Substation, not the proximity of the 230 kV transmission lines near 13 

Talega Substation.   14 

SDG&E’s Proposed Project would add a second 230 kV source at Capistrano Substation 15 

approximately 7.5 miles from Talega Substation.  Two 230 kV transmission lines will connect 16 

the Capistrano 230 kV substation to the 230 kV network.  One “2-terminal” 230 kV transmission 17 

line will connect Capistrano to San Onofre, and the other “3-terminal” 230 kV transmission line 18 

will connect Capistrano to both Talega and Escondido.  As for Talega Substation, one 2-terminal 19 

230 kV transmission line will connect Talega Substation to San Onofre and, as described for 20 

Capistrano Substation, one 3-terminal 230 kV transmission line will connect Talega to both 21 

Capistrano and Escondido.66  In Figure 4-1 below, the thick green lines with arrows represent the 22 

230kV transmission lines and show how South Orange County will be supplied once the Project 23 

has been completed. 24 

Most transmission lines have 2-terminals or said another way, connect two substations.  25 

When a 2-terminal transmission line experiences a fault, it will be removed from service by the 26 

protection system and no longer connect the two substations.  This is the case for the two 2-27 

terminal 230 kV transmission lines shown in Figure 4-1: San Onofre to Capistrano Substation 28 

and San Onofre to Talega Substation.  A three terminal transmission line connects three 29 
                                                            
65  Mee Testimony at 9-10; Ayer Testimony at 20. 
66  SDG&E notes that ORA’s depictions of SDG&E’s transmission system in South Orange County are 
inaccurate, as shown in Attachment 40. 
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substations.  When a three terminal transmission line experiences a fault, it will be removed from 1 

service by the protection system and no longer connect the three substations.  This is the case for 2 

the 3-terminal line shown in Figure 4-1: Escondido to Capistrano Substation and Talega 3 

Substation. 4 

Figure 4-1 5 

 6 

As shown in Figure 4-1, the Proposed Project creates redundancy for SDG&E’s South 7 

Orange County 138 kV network.  The possible outages to consider in determining if redundancy 8 

is present are:  9 

1. Loss of Talega Substation. This will leave Capistrano Substation supplied with 10 
230 kV power from San Onofre Substation.  Capistrano Substation will supply 11 
South Orange County.  Redundancy is present.  Within hours, the 3-terminal 12 
transmission line connecting Escondido to Talega and Capistrano substations will 13 
be disconnected from Talega Substation.  The transmission line will connect 14 
Escondido directly to Capistrano Substation.  Capistrano Substation will then be 15 
supplied with 230 kV power from both San Onofre and Escondido substations.  16 
Redundancy is present and improved. 17 

2. Loss of Capistrano Substation. This will leave Talega Substation supplied with 18 
230 kV power from San Onofre Substation.  Talega Substation will supply South 19 
Orange County.  Redundancy is present.  Within hours, the 3-terminal 20 

Capistrano Substation

Talega Substation

San Mateo Substation

Rancho Mission Viejo 
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Laguna Niguel 
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transmission line connecting Escondido to Talega and Capistrano substations will 1 
be disconnected from Capistrano Substation.  The transmission line will connect 2 
Escondido directly to Talega Substation. Talega Substation will then be supplied 3 
with 230 kV power from both San Onofre and Escondido substations.  4 
Redundancy is present and improved. 5 

3. Loss of both of the transmission lines from San Onofre. This will leave both 6 
Capistrano and Talega substations supplied from Escondido Substation.  Talega 7 
and Capistrano substations will supply South Orange County.  Redundancy is 8 
present. 9 

4. Loss of the transmission line from San Onofre to Capistrano and the 10 
transmission line from Escondido.  This will leave Talega Substation supplied 11 
from San Onofre.  Talega Substation will supply South Orange County.  12 
Redundancy is present. 13 

5. Loss of the transmission line from Escondido.  This will leave Capistrano and 14 
Talega substations supplied from San Onofre. Capistrano and Talega substations 15 
will supply South Orange County.  Redundancy is present. 16 

In sum, the Proposed Project creates redundancy for the benefit of SDG&E’s South 17 

Orange County customers. 18 

Section 2. ORA’s and Frontlines’ Concerns are Misplaced (Witness Willie 19 
Thomas) 20 

ORA and Frontlines ignore this increased redundancy to focus on the potential loss of all 21 

three 230 kV transmission lines at the same time.  ORA asserts that, due to the close proximity of 22 

the 230 kV transmission lines around Talega Substation, a fire, earthquake, explosion or 23 

vandalism near Talega Substation could remove all three transmission lines from service.67  24 

Frontlines focuses on the risk to all three lines from seismic or wildfire events.68 25 

While it is true that loss of all three 230 kV transmission lines at the same time will 26 

interrupt service to South Orange County, ORA and Frontlines are missing key points: (a) 27 

wildfire is not a significant risk to overhead 230 kV lines on steel structures; (b) seismic events 28 

are not a significant risk to overhead 230 kV lines on steel structures; and (c) transmission lines 29 
                                                            
67  Mee Testimony at 10 (“Thus, if disaster such as fire, explosion, earthquake, vandalism, or terrorism 
occurs at the existing transmission lines, near the Talega Substation, the existing transmission lines as 
well as the new transmission lines connected to the upgraded Capistrano Substation could lose power at 
the same time.  This would result in both the Talega Substation and the Capistrano Substation losing 
power at the same time and the whole SOC area load being disrupted.”) 
68  Ayer Testimony at 20 (“Thus it seems that the 230 kV lines proposed to supply the new Capistrano 
substation in the SOCRE Project are just as susceptible to wildfire and earthquake failures as the 230 kV 
lines that currently supply Talega.”). 
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can be repaired and returned to service in a reasonable amount of time (usually hours), while 1 

substation damages may take days or weeks.  Therefore, a second 230kV substation is needed as 2 

proposed by the Project. 3 

A. Wildfire Normally Does Not Damage 230 kV Lines on Steel 4 
Structures.   5 

ORA and Frontlines suggest that a wildfire near Talega Substation could remove all three 6 

transmission lines serving both Talega Substation and Capistrano Substation from service.  The 7 

transmission lines enter Talega Substation on opposite sides of the substation and the 8 

transmission corridors extend in opposite directions.  In order for a wildfire to reach all three 9 

transmission lines, as suggested by ORA and Frontlines, the fire would have to overwhelm 10 

Talega Substation.  If this were to happen, the substation, not the transmission lines around it, 11 

would be subject to a long term outage.   12 

SDG&E has never experienced the loss of a transmission steel pole or lattice tower due to 13 

any kind of fire. The 230 kV lines from San Onofre to Talega Substation share steel lattice tower 14 

structures while the 230 kV line from Escondido to Talega Substation is on steel poles and lattice 15 

towers.  The Proposed Project’s 230 kV lines would be on self-supporting steel poles.  The risk 16 

of physical damage to the steel structures, wires or insulators requiring replacement is very low.  17 

SDG&E has not needed to replace equipment as a result of any recent fires.  For example, in the 18 

May 2014 fires, SDG&E had flames/fire in and around 230kV lines (TL23051/11), and it 19 

withstood the fires without damage. 20 

As SDG&E testified, heavy smoke can cause arcing, which will take transmission lines 21 

out of service temporarily.69  During the May 2014 fires, SDG&E did have a flash-over, which 22 

caused a line to trip out of service, but it was placed back into service in less than a day after it 23 

was deemed safe to access by Fire Coordinators and found to be good working condition by 24 

SDG&E maintenance crews.  In some cases, insulators may require washing to remove 25 

contamination, but this can be accomplished within a few hours once it is deemed safe to access 26 

by Fire Coordinators. Similarly, SDG&E may be requested by fire-fighting crews to de-energize 27 

a line for safety reasons when they respond to an actual fire near the lines,70 but the line can be 28 

quickly re-energized when the need has passed. 29 

                                                            
69  SDG&E Supplemental Testimony at 11. 
70  SDG&E Supplemental Testimony at 11-12. 
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By contrast, if a substation is consumed or damaged by fire, it will take days or weeks to 1 

repair.  Under ORA’s and Frontlines’ scenario, of a wildfire so large that it forced out of service 2 

the 230 kV transmission lines on both sides of Talega Substation, then Talega Substation itself 3 

likely would suffer significant damage.  After a severe fire that has forced a line out of service 4 

and a maintenance team has performed an inspection, typically within hours, crews would 5 

restore and re-energize the 230 kV transmission lines and, if the Proposed Project has been 6 

constructed, South Orange County would be supplied from Capistrano Substation.  Within days 7 

or weeks, repairs would be concluded at Talega Substation and Talega would be restored to 8 

service.  Without the Proposed Project, however, South Orange County would be without electric 9 

service until Talega Substation was restored to service. 10 

B. Earthquakes Normally Do Not Damage Transmission Structures.   11 

Transmission structures are designed to withstand forces greater than earthquake shaking, 12 

i.e., seismic events are not the controlling load case for structure design.  The wires and 13 

insulators dampen motion of the transmission structure during earthquake shaking.  Although 14 

insulators may fail on occasion, crews can replace insulators in a few hours.  SDG&E avoids 15 

installing transmission structures on seismic faults, and the structures supporting 230 kV 16 

transmission lines from San Onofre and Escondido substations to Talega Substation are not 17 

installed on known seismic faults.   18 

With respect to the Proposed Project, as SDG&E testified: “Seismic loading for 19 

transmission lines will be considered and is above and beyond what is required by GO 95, or by 20 

the National Electric Safety Code (NESC), or by the American Society of Civil Engineers 21 

(ASCE).  SDG&E will avoid locations on seismic faults and will design for seismic induced soil 22 

liquefaction if foundations are located in soils prone to liquefaction.  Currently GO 95 and NESC 23 

focuses on loading requirements based on effects of wind, ice, gravity, and temperature induced 24 

loading. The American Society of Civil Engineers (ASCE) No. 74 Manual “Guidelines for 25 

Electrical Transmission Line Loading” similarly has no provisions for seismic loading, but do 26 

comment in Appendix F that transmission structures are not typically designed for seismic 27 

loading, and wind/ice combinations and broken wire generally exceed design earthquake 28 

loads.”71 29 

                                                            
71  SDG&E Supplemental Testimony at 137. 
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Neither ORA nor Frontlines responded to SDG&E’s testimony above, or provided any 1

data to support their claim that seismic events would force all of the relevant 230 kV lines out of 2

service, even for a short duration.  Moreover, the transmission lines enter Talega Substation on 3

opposite sides of the substation and the transmission corridors extend in opposite directions.  In 4

order for an earthquake to damage all three transmission lines, as suggested by ORA and  5

Frontlines, it would most likely damage Talega Substation as well.  If this were to 6

happen, the substation, not the transmission lines around it, would be the long term outage.  7

Within hours, crews would restore and re-energize the transmission lines and, if the Proposed 8

Project has been constructed, South Orange County would be supplied from Capistrano 9

Substation.  Within days or weeks, repairs would be concluded at Talega Substation and Talega 10

would be restored to service.  Without the Proposed Project, however, South Orange County 11

would be without electric service until Talega Substation were restored to service. 12
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CHAPTER 5.  THE CITY OF SAN JUAN CAPISTRANO’S MODIFIED DEIR 1 
ALTERNATIVE F IS NEITHER FEASIBLE NOR COST-EFFECTIVE 2 

Section 1. Introduction (Witness John Jontry) 3 

The City of San Juan Capistrano (“City” or “SJC”), through its witness Dr. 4 

Shirmohammadi, testifies that DEIR Alternative F would be more suitable than the Proposed 5 

Project.75  The City describes Alternative F as follows: 6 

Under this alternative, the SDG&E 138 kV Rancho Mission Viejo Substation would be 7 
upgraded to a 230 kV substation and a new double-circuit 230 kV line from Talega 8 
Substation to Rancho Mission Viejo Substation would be constructed along the Eastern 9 
Talega Transmission Line Route replacing the existing 138 kV line between the two 10 
substations. One circuit of this double circuit line would operate at 138 kV and the other at 11 
230 kV. The 138 kV line termination at Talega Substation could be allowed to bypass 12 
Talega Substation and feed the 138 kV loop in case that substation is completely 13 
incapacitated as hypothesized by SDG&E.76 14 

The City agrees that “SDG&E can and should address these Capistrano Substation 15 

problems by rebuilding that substation independent of dealing with NERC reliability criteria 16 

violations in the SDG&E’s Southern Orange County transmission loop.”77   17 

The DEIR describes Alternative F as follows: 18 

Under this alternative, the applicant’s 138/12-kV Rancho Mission Viejo Substation 19 
(Figure 3-4) would be expanded to a 230/138/12-kV substation with specifications 20 
comparable to those of the proposed project’s new San Juan Capistrano Substation.  21 
Capistrano Substation would not be expanded, but equipment at Capistrano Substation 22 
found to be inadequate would be replaced.  23 

To bring a new 230-kV source into the South Orange County service area, a new, double-24 
circuit 230-kV Talega–Rancho Mission Viejo line would be constructed along the Eastern 25 
Talega 230-kV Transmission Line Route described in the PEA.  This route follows the 26 
existing Talega–Rancho Mission Viejo 138-kV Line (TL13831).  Although two new 230-27 
kV circuits would be installed, one of the circuits would be energized at 138 kV and 28 
operated as TL13831. The existing TL13831 structures and conductor would be removed, 29 
and the existing ROW (100-feet wide) would be increased by approximately 20 feet. 30 

DEIR at 3-17.  The DEIR further explained: 31 

Under Alternative F, a new double-circuit 230-kV line that follows the route of TL13831 32 
would be constructed that is approximately 1 mile shorter than the 230-kV route for the 33 
proposed route.  New ROW would be required, however, to widen the existing 138-kV 34 

                                                            
75  Shirmohammadi Testimony at 10.   
76  Shirmohammadi Testimony at 10.   
77  Shirmohammadi Testimony at 7.   
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ROW between Talega and Rancho Mission Viejo substations (approximately 6.5-miles 1 
long and 20-feet wide), which would result in more land disturbance than the propose 2 
route within existing ROW.  It is assumed that additional land disturbance would be 3 
required for the installation of new 138-kV facilities and 138-kV reconductoring to make 4 
use of the additional power that would be available from an upgraded 230/138/12-kV 5 
Rancho Mission Viejo Substation.  In addition, the expansion of Rancho Mission Viejo 6 
Substation would require a similar amount of land disturbance compared to the 7 
construction of San Juan Capistrano Substation. 8 

DEIR at 5-16.  The DEIR found that Alternative F would have greater environmental 9 

impacts in many resource areas than the Proposed Project.78 10 

As noted above, the City agrees that Capistrano Substation should be rebuilt to “address 11 

the problems identified by SDG&E … i.e., the non-standard breaker configuration of the 12 

Capistrano Substation and the old and non-earthquake resistant equipment in that substation.”79  13 

The City agrees that the 138/12 kV substation should be rebuilt separate from the operating 14 

existing substation as “it will allow the 138 /12 kV rebuild to go forward more smoothly and 15 

expeditiously and without major disruptions to the operation of the existing substation.”80   16 

Section 2. Alternative F Does Not Add a 230 kV Source at the Load Center for 17 
South Orange County (Witness John Jontry) 18 

As noted by the California ISO in testimony of Robert Sparks, a second 230/138 kV 19 

source at Rancho Mission Viejo Substation (DEIR Alternative F) would be connected within one 20 

bus of the existing source at Talega Substation.  This would leave the second source at Rancho 21 

Mission Viejo (“RMV”) Substation vulnerable to cascading outages during contingencies at 22 

Talega Substation, and defeat the purpose of adding a second 230 kV bulk power connection.81  23 

In addition to being electrically in close proximity to Talega Substation, a second 24 

connection to the bulk power system at RMV Substation would be on the wrong side of the 25 

South Orange County load center.  As can be seen from Fig. 5-1 below, the electrical load center 26 

for South Orange County is west of RMV Substation, within a mile of Capistrano Substation.  As 27 

                                                            
78  DEIR at 5-3, Table 1.  Dr. Shirmohammadi notes that SDG&E did not object to DEIR Alternative F in 
its April 7, 2015 Supplemental Prepared Testimony.  SJC Testimony at 10.  SDG&E’s Supplemental 
Prepared Testimony, Chapters 3-5, addresses the infeasibility of the DEIR alternatives identified as 
“environmentally superior.”  The DEIR does not identify Alternative F as “environmentally superior” to 
the Proposed Project. 
79  Shirmohammadi Testimony at 7.   
80  Shirmohammadi Testimony at 13.   
81  Testimony of Robert Sparks at 18-19. 
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a result, a second 230/138 kV source at RMV would be in the wrong place electrically – the 1 

energy to serve South Orange County would still flow west through the 138 kV network from 2 

RMV and Talega substations towards the load center near Capistrano.  A second 230 kV source 3 

at RMV Substation would require upgrading of the 138 kV lines west of RMV Substation to 4 

serve the flow of energy toward the load center.  Because Capistrano is closer to the load center, 5 

placing the second 230 kV source there negates the need to upgrade SDG&E’s 138 kV lines in 6 

South Orange County within the current ten-year planning window, and for some time thereafter.  7 

See Fig. 5-1 below, which represents the load center analysis for South Orange County and 8 

indicates the relative proximity of all of the substations: 9 

  10 
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Figure 5.1 – South Orange County Load Center Analysis 1 

 2 
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Section 3. Alternative F Will Not Address South Orange County Category C 1 
Reliability Needs Without Additional Work to SDG&E’s 2 
Transmission System (Witness Cory Smith).  3 

SJC agrees that SDG&E’s South Orange County transmission system faces “various 4 

NERC reliability criteria violations” that obligate SDG&E and CAISO “to develop solutions that 5 

would address the reported violations.”82  Dr. Shirmohammadi states that Alternative F is a more 6 

suitable alternative that “meets all the original objectives of the SOCREP Project.”83  This is 7 

incorrect.  SDG&E’s project objectives include transmission system reliability, specifically 8 

reducing the risk of load shedding, removing the risk of dropping load and compliance with 9 

mandatory NERC, WECC and CAISO Planning Standards.84  Yet nowhere in SJC’s testimony 10 

does SJC contend that DEIR Alternative F will mitigate these expected NERC violations, 11 

remove the risk of load dropping or reduce the risk of load shedding.  Further, SJC’s witness 12 

never conducted the load flow analyses necessary to determine whether DEIR Alternative F 13 

would mitigate these expected NERC violations.85  14 

SDG&E was not able to do a comprehensive study, but using the description provided in 15 

SJC testimony, SDG&E made the following changes to its power flow model: 16 

 Added a four element ring bus. 17 
 Added a single 230/138 kV transformer. 18 
 Opened TL13831 and connected to the ring bus. 19 
 Extended TL23007 to RMV and connected to the new ring bus through the new 20 

transformer. 21 

SDG&E’s power flow analysis found that connecting a 230 kV line to a rebuilt RMV 22 

Substation does not meet the project objectives and is at the wrong location for a 2nd 230 kV 23 

connection to South Orange County. 24 

In fact, a single 230/138 kV transmission line between RMV Substation and Talega 25 

Substation, as proposed by DEIR Alternative F, would not remove violations of all NERC 26 

Category C contingencies.  By 2025, South Orange County peak load is expected to exceed 500 27 

MW.  The overlapping outage of TL13833 and TL13838 (Category C.3) will result in TL13834 28 
                                                            
82  Shirmohammadi Testimony at 5.   
83  Shirmohammadi Testimony at 10.    
84  SDG&E Opening Testimony at 4. 
85  SDG&E Attachment 28 (SJC Response to SDG&E Second Set of Data Requests, Question 3) (“Dr. 
Shirmohammadi did not perform any power flow analyses of DEIR Alternative F in support of his 
testimony”). 
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and TL13816 exceeding emergency ratings.  Following the outage of TL13833 (or TL13838), 1 

non-consequential load will have to be shed (deliberately disconnected) to prepare for the outage 2 

of TL13838 (or TL13833).  Neither NERC TPL-001-4, nor its predecessors TPL-003-0b and 3 

TPL-002-0b, allow non-consequential load to be shed following a single transmission line 4 

outage.  This situation will get worse.  When South Orange County load grows to over 535 MW, 5 

assumed to be the year 2030, along with the violation identified in year 2025, TL13838 will be at 6 

its emergency limit for the overlapping outage of TL13836 and TL13846. 7 

SJC’s DEIR Alternative F also would require SDG&E to shed load (interrupt customer 8 

service) under Category C contingencies listed on Table 5-1.   9 

Table 5-1: SJC’s DEIR Alternative F Overloads Requiring Load Shedding 10 

 Near Term 
Transmission Planning 

Horizon 

Long Term Transmission Planning 
Horizon 

 
Year =  2020 2025 2030 
Contingency Overloaded Element Overloaded Element Overloaded Element
C1: PI E 13838 13838 13838 
C2: PI 13836 13838 13838 13838 
C2: PI 13846 13838 13838 13838 
C3: CP BK41 + 13838 13833 13833 13833 
C3: CP BK40 + 13838 - - 13833 
C3: 13816 + 13838 13833 13833 13833 
C3: 13816 + 13835 - - 13834 
C3: 13833 + 13838 13834 & 13816 13834 & 13816 13834 & 13816 
C3: 13834 + 13838 - 13833 13833 
C3: 13835 + 13836 - 13846C 13846C 
C3: 13835 + 13838 13816 13816 13816 
C3: 13836 + 13838 13846A & 13846C 13846A & 13846C 13846A & 13846C 
C3: 13836 + 13846 13830 & 13838 13830 & 13838 13830 & 13838 
C3: 13838 + 13846 13836 13836 13836 
C3: 23052 + 23030 RMV 230/138 xfmr RMV 230/138 xfmr RMV 230/138 xfmr 

Although the NERC Reliability Standards allow SDG&E to shed load following the 11 

second outage of a Category C contingency, shedding customer load has been used very 12 

sparingly in the past because of its potential customer impact, and any South Orange County 13 

solution should mitigate such load shedding to the extent feasible.  The Proposed Project not 14 

only mitigates the NERC Category C violations, but also the Category C load shedding events. 15 
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Section 4. Alternative F Will Not Address The Risk of Load Shedding for 1 
Maintenance Outages Without Additional Work to SDG&E’s 2 
Transmission System (Witness Cory Smith).  3 

DEIR Alternative F also would require additional work to mitigate the reliability concern 4 

about a forced outage during maintenance events at South Orange County substations.86 RMV 5 

Substation is not the correct location for a second source of 230 kV power.  Most of the 6 

maintenance outages listed on Tables 4-4, 4-5 and 4-6 of SDG&E’s January 2015 Prepared 7 

Testimony will still exist if DEIR Alternative F is constructed.  These outages lead to a loss of 8 

over 50% of SDG&E’s South Orange County customers.   9 

Section 5. Alternative F Will Not Provide a Useful Second Source Without 10 
Additional Work to SDG&E’s Transmission System (Witness Cory 11 
Smith).  12 

SJC proposes a variation on DEIR Alternative F which would connect the new RMV 13 

230kV bus directly to San Onofre, thereby removing the common point of failure at Talega 14 

Substation.87  SJC proposes removing TL23007 from Talega and extending it to RMV.88  This 15 

does not constitute a fully redundant source, for the following reasons: 16 

1) South Orange County’s peak load was over 415 MVA in 2014 and, by 2020 peak 17 
load is expected to reach 475 MVA.89   18 

2) An outage of both 230 kV buses at Talega would leave all South Orange County 19 
load connected to a rebuilt 230/138/12 kV RMV Substation, which would be 20 
served by a single 230 kV line (TL23007) rated at only 456 MVA and which is 21 
proposed to have a single 230/138 kV transformer rated at 392 MVA (assuming 22 
installation of SDG&E’s standard 230/138 kV transformer).  Both will overload 23 
under heavy summer loading conditions. 24 

3) If the single 230 kV line serving a rebuilt RMV Substation is out of service for 25 
any reason and either the 230 kV or 138 kV service at Talega is interrupted for 26 
any reason, the rebuilt RMV Substation will not be able to provide the second 230 27 
kV source to South Orange County.  The Proposed Project allows for a 28 
maintenance outage of one 230 kV line to Capistrano Substation while keeping 29 
the other 230 kV line to Capistrano in service. 30 

4) If the 230/138 kV bank at the rebuilt RMV Substation is increased to 450 MVA, 31 
as suggested by SJC, it would still be too small and would overload during peak 32 

                                                            
86  See SDG&E Opening Testimony at 42-44 (Talega Substation) and 70-72 (other SOC substations). 
87  Shirmohammadi Testimony at 12. 
88  See Figure 3 of Shirmohammadi Testimony at 12. 
89  SDG&E Supplemental Testimony at 55 (Table 2-1). 
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load conditions.  It would also require purchase of a second non-standard 450 1 
MVA bank as a spare. 2 

5) An outage of both 138 kV buses at Talega would leave all South Orange County 3 
load connected to the rebuilt RMV through two single 138 kV lines (TL13830 4 
and TL13838) rated at 195 MVA and 273 MVA, respectively. 5 

If Talega Substation is unavailable and RMV Substation is the only connection to the 230 6 

kV system as described under SJC’s proposed alternative, SDG&E’s South Orange County 7 

customers will be exposed to rolling blackouts.  In order to carry South Orange County load 8 

during an outage of either Talega 230 kV service or 138 kV service, at a minimum: 9 

1) Both TL13838 and TL13830 would need to be upgraded, preferably by adding a 10 
second circuit from RMV substation to Margarita Substation to Trabuco 11 
Substation. 12 

2) A second 230/138 kV 392 MVA90 bank would need to be installed at the rebuilt 13 
RMV Substation. 14 

3) TL23007 would be upgraded or a second 230 kV line would need to be extended 15 
from Talega to the rebuilt RMV Substation to provide a second connection to the 16 
230 kV bulk power system. 17 

4) The Talega STATCOM, which was to be decommissioned and removed at the 18 
end of its useful life, would instead need to be replaced.   19 

Finally, to remove the risk of dropping South Orange County load changes to the existing 20 

South Orange County system would need to be done;  21 

1) Both TL13835A and TL13837 will need to be upgraded. 22 

2) The Capistrano 138 kV capacitor bank will need to be replaced with a larger 23 
capacitor bank (approximately three times the size). 24 

3) A second 230/138 kV transformer would need to be installed at RMV.   25 

Note that this would still not provide the level of reliability as the Proposed Project, for 26 

the reasons discussed in Sections 2-4 above.  Additional work may be required, depending on the 27 

final plan of service, to address any remaining Category C overloads and risk of load shedding 28 

due to maintenance outages. 29 

                                                            
90 SDG&E’s standard transformer size is 392 MVA, not 450 MVA, and a 450 MVA transformer is not an 
“off-the-shelf” item.  Since SDG&E does not use 450 MVA transformers, a spare would need to be 
purchased, stored and maintained.  Given that, it would not be cost-effective to use 450 MVA 
transformers. 
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Section 6. Alternative F Will Not Avoid Necessary Work at Talega Substation 1 
(Witness Cory Smith).  2 

DEIR Alternative F does not allow SDG&E to avoid certain work at Talega Substation 3 

that SDG&E believes would be avoided by the Proposed Project.  Under DEIR Alternative F, 4 

unless there are two 392 MVA 230/138 kV transformers at a rebuilt RMV Substation, SDG&E 5 

would need to replace the two aging transformers at Talega Substation at an estimated cost of 6 

between $15-20 million.  In addition, SDG&E would need to replace the Talega STATCOM, 7 

when it reaches the end of its useful life, to maintain voltage support at an estimated cost of $81-8 

99 million.  This cost estimate does not include the potential purchase of additional property (if 9 

feasible) to accommodate the replacement equipment.  Neither of these replacements at Talega 10 

Substation is needed if the Proposed Project is constructed. 11 

Section 7. RMV Substation Does Not Have Space to Add a 230 kV Switchyard, 12 
and Expansion Would be Difficult and Costly (Witness Karl Iliev).  13 

SDG&E’s existing RMV Substation does not have space to add a 230 kV switchyard.  To 14 

expand the substation would be very difficult, may have significant environmental impacts, and 15 

would be very costly.  Below, SDG&E describes the current substation, the work that would be 16 

necessary to construct a 230/138/12 kV substation meeting SDG&E’s reliability needs, why it 17 

does not fit in the existing space, the difficulties associated with expanding the substation, and 18 

why SJC’s proposed substation design does not work. 19 

A. RMV Substation Does Not Have Space to Add a 230 kV Switchyard.  20 

The 138/12 kV RMV Substation is built on an irregular shaped parcel of approximately 21 

2.5 acres.  See Attachment 29 (aerial photo view of RMV Substation).  The existing distribution 22 

substation currently includes: 23 

 Two 138kV transmission lines with associated overhead feeds into the substation 24 
 Two 138/12kV distribution transformers 25 
 Two 138kV busses sectionalized with a 138kV bus-tie circuit breaker 26 
 Two 12kV 4-circuit switchgear units 27 
 Two 12kV capacitor banks. 28 
 Standard distribution substation sized control shelter 29 

A 230/138/12 kV substation is considerably larger than a distribution substation.  30 

Compare Attachment 30 (standard BAAH transmission substation diagram) to Attachment 31 31 

(standard single bus distribution substation diagram).  A 230/138/12 kV substation will not fit on 32 

the existing RMV Substation property.   33 
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SDGE’s requirement for a 230/138 kV transmission bus serving bulk power transformers 1 

is a breaker and half arrangement.  This is required for a cost effective, reliable bus configuration 2 

that allows for breaker and/or bus maintenance without line/bank interruption and minimal 3 

disruption in a breaker failure situation.  It is also SDG&E’s standard to build at least one spare 4 

position when constructing a new substation to allow for future growth and/or maintenance 5 

activities.  Doing so is prudent and cost-effective, while failing to do so could result in 6 

significant additional costs if rebuilding the substation is later necessary to address such issues.   7 

If RMV Substation were rebuilt as a 230/138/12 kV substation, the minimum 8 

requirements for the substation would be: 9 

 A 230 kV 6 element 3000A breaker and half arrangement, with two (one initial, 10 
two ultimate) 230 kV TL positions, two 230/138 kV transformer positions and a 11 
spare bay (TL or bank spare position), and a voltage regulating device.   12 

 A new control shelter would be needed to house the additional control & 13 
protection necessary for the added transmission elements.  14 

 A 138 kV 12 element 3000 amp breaker and half bus arrangement, four 15 
distribution transformers (two current, two spare), two connections for the 16 
230/138kV transformers, four 138 kV TLs (two current, two spares),  and spare 17 
positions.  18 

To allow for property line setback requirements and required landscaping required by 19 

local or state jurisdictions and/or noise requirements, fire safety requirements, and standard drive 20 

aisle access, a minimum size yard for a 230/138/12 kV substation yard would be approximately 21 

6-7 acres using GIS technology or approximately 12 acres using AIS technology – depending on 22 

the topography and arrangement of the land.  This acreage accounts for the space requirements 23 

for water quality and hydromodification management criteria, as required by the Regional Water 24 

Quality Control Board, which is usually met through the combined use of underground 25 

infiltration tanks, and above ground detention basins.  This space also accounts for required drive 26 

aisles between equipment for maintenance access, placement of equipment for optimum EMF 27 

and noise requirements, installation of required underground termination connections, cable 28 

pulling space requirements and any required pole placements. 29 

There is insufficient space at the existing RMV Substation to construct a 230/138/12 kV 30 

substation meeting SDG&E’s standards.   31 

DEIR Alternative F proposes only a single 230 kV line to feed RMV Substation.  For the 32 

reasons stated in Section 3 above, this would not be adequate to provide redundancy for 33 
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SDG&E’s South Orange County system.  However, even if the Commission were to determine 1 

that providing redundancy for South Orange County is not appropriate, interconnection of this 2 

single 230 kV line would require the addition of the equipment stated above.  There is not 3 

sufficient space inside the existing RMV Substation site to fit this equipment in an ultimate site 4 

configuration or to meet the space requirements needed to keep any construction within the 5 

current fenceline away from infrastructure that feeds existing customer load.   6 

B. Expansion Would be Difficult and Costly.  7 

RMV Substation is built on an irregular shaped parcel of approximately 2.5 acres, 8 

making expansion of the substation very difficult.  The site was designed to conform with utility 9 

and easement constraints and to avoid environmental impacts to the nearby biological open 10 

space.  The sloped terrain on the east and north-east sides of the substation contain a Santa 11 

Margarita  Water District large diameter 66” water transmission main, a 16” non-domestic water 12 

line, and a sewer force main.  To the south is biological open space.  See Attachments 29, 37, 38.  13 

Any work affecting the water and/or sewer lines and hillside will require major earth work 14 

and/or retaining walls.  If Alternative F uses GIS technology, an expanded 230/138/12 kV RMV 15 

Substation would require an additional 4-5 acres (approximately), depending upon topology and 16 

type of transmission connections).  If the existing substation would have to be rebuilt, then a total 17 

of 6-7 acres would be required.   18 

Assuming that SDG&E is able to acquire additional land around the existing RMV 19 

Substation, then a key driver for this additional land would be the construction sequence.  The 20 

sequence would be as follows: 21 

 New build of a new 138 kV breaker and a half configuration GIS on new property 22 
that would be acquired.  This prevents interruption of service by customers being 23 
fed from the existing 138 kV infrastructure. 24 

 Relocation of the current 12 kV infrastructure to the new 138 kV GIS, allowing 25 
de-energizing of old 138 kV infrastructure.   26 

 Demolition and expansion of the existing 138 kV portion of the switchyard to 27 
accommodate the 230 kV GIS. 28 

 Building of the GIS infrastructure and final energizing in the new configuration. 29 

 If the layout (depending on land acquisition) cannot accommodate keeping the 12 30 
kV infrastructure in-place, more construction sequencing would be required to 31 
completely rebuild and relocate the existing 12 kV infrastructure (to optimize the 32 
facilities location on the property).  This would have significant negative impacts 33 
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in the cost, scope, environmental impact, and project duration described above.  1 
To accommodate a 230/138/12 kV substation, SDG&E would have to acquire 2 
additional property (by negotiation or condemnation) and mitigate the site 3 
constraints outlined above.  4 

The layout and visual aesthetics of a 230/138/12 kV RMV Substation, constructed with 5 

GIS technology, would be greater than the Proposed Project’s rebuild of Capistrano Substation 6 

due its proximity to new residential construction planned in the area.  SDG&E would expect to 7 

construct a wall and install landscaping to screen the substation, but it would include two 40-50 8 

foot GIS buildings. 9 

The impact to the area would involve site work noise and dust suppression, and 10 

construction in the streets of the surrounding area for almost the entire construction duration.  11 

Construction would be lengthy due to the relocation of the existing distribution circuits and 12 

possible undergrounding of the138kV transmission lines. Traffic going to the site could also be 13 

impaired by the haul trucks required for the site development work. 14 

SDG&E cannot provide even a high level cost estimate for constructing a 230/138/12 kV 15 

RMV Substation because the uncertainty is too great.  Even assuming that Santa Margarita 16 

Water District would be willing to move its water and sewer lines, SDG&E cannot estimate the 17 

cost for it to do so.  Similar, the earthwork and retaining walls necessary to convert sloped 18 

hillside into a useable substation site would be significant and SDG&E cannot estimate that cost 19 

without considerable engineering work and likely outside cost estimating.  Environmental 20 

mitigation also is unknown.   21 

It is reasonable to expect that constructing and equipping a 230/138/12 kV substation at a 22 

rebuilt RMV Substation would be similar to the cost of constructing and equipping a 230/138/12 23 

kV substation at a rebuilt Capistrano Substation.  However, SDG&E already owns the 24 

Capistrano property and would have to pay to acquire property near RMV Substation and to 25 

move existing water and sewer utilities (if feasible at all).  Moreover, the earthwork and retaining 26 

walls at RMV Substation would be more extensive than at Capistrano Substation, and thus more 27 

costly.  In addition, as SJC agrees, SDG&E would still have to rebuild Capistrano Substation at 28 

an estimated stand-alone cost of $135 million to $165 million (including permitting, mitigation 29 

and AFUDC). 30 
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C. SJC’S Proposed Layout Is Not Feasible.  1 

In response to an SDG&E data request, SJC provided a proposed layout for a 230/138/12 2 

kV RMV Substation, prepared by a non-witness Mr. Arun Arora.   Mr. Arora attempts to fit all 3 

of the necessary equipment on the existing RMV Substation site, but his layout does not meet 4 

SDG&E’s minimum reliability requirements.  The flaws include: 5 

 The proposed 138 kV GIS building is located in close proximity to the existing 6 
138kV bus.  This would require an outage to the existing 138 kV infrastructure 7 
during construction of the building, forcing an outage to most customers fed from 8 
RMV Substation for several months.   9 

 The proposed 138 kV GIS building is laid out for a 4-element initial and ultimate 10 
configuration.  This leaves no expansion capability for future 138 kV 11 
infrastructure.  SJC itself admits that this facility represents the largest growth 12 
within the Southern Orange County region, but proposes infrastructure that only 13 
meets the minimum requirements for the current capacity of the substation, and 14 
leaves no potential expansion for the expected load growth. 15 

 The proposed layout does not meet minimum reliability requirements for the 16 
distribution infrastructure currently existing in the substation.  Tying the 17 
distribution transformers to the same feed off of the 138 kV ring bus leaves no 18 
sectionalizing capability for a single failure.  Typically 138/12 kV transformers 19 
are separated with their own circuit breakers from the 138 kV bus, so that a single 20 
failure of that position would not force out both transformers.  If a single failure 21 
on a 138/12 kV transformer were to occur with the proposed layout, all customers 22 
fed from the substation would lose service.  A proper reliable configuration would 23 
expand the GIS building much larger than what Mr. Arora proposes.  This, 24 
coupled with the construction requirements necessary to avoid impact to 25 
customers fed from the existing substation, would force expansion of the existing 26 
fence-line. 27 

 The layout presumes that the 138 kV dead-ends can be re-used to feed into the 28 
138 kV GIS with overhead wire.  This is not feasible based on the angles 29 
presented in SJC’s proposal.  Additionally, the 138kV dead-end structures are not 30 
feasible in a 230kV application as it does not meet the clearance requirements 31 
(phase to phase) for 230 kV.  These structures would have to be replaced for a 32 
230kV application, either forcing underground 230 kV entry into the substation or 33 
expanding the switchyard to accommodate new structures. With the location of 34 
the existing water pipeline adjacent to the substation, any undergrounding of a 35 
transmission line would be extremely difficult and may require a relocation of this 36 
water main. 37 

 The location of the proposed 230/138 kV transformer sits too close to the property 38 
line, creating noise violations that would have to be studied to see if they can be 39 
mitigated. 40 
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 Mr. Arora proposes the use of a single 450 MVA 230/138 kV transformer instead 1 
of SDG&E’s standard 392 MVA transformer.  As noted in Section 3 above, 2 
SDG&E’s current load forecast for South Orange County predicts load will 3 
exceed 450 MW in 2017.91  As a result, RMV Substation would not be able to 4 
provide redundancy for South Orange County in the event of a Talega Substation 5 
outage even before construction of the proposed RMV Substation would be 6 
complete.  Even if load growth is a bit slower, or the Commission does not 7 
believe providing redundancy is appropriate, designing the system only to a near-8 
term planning horizon is short sighted.  The expected service life of a transformer 9 
is over 60 years.  If RMV Substation has only a single 450 MVA transformer, 10 
then additional infrastructure will likely be required if there is unexpected load 11 
growth within the transformer’s service life.  This event would require installation 12 
of another transformer and the infrastructure required to connect it to the grid, 13 
which would require further expansion of the substation, and result in greater 14 
future costs. 15 

 Moreover, SDG&E must look at the practice of custom equipment from a global 16 
system perspective.  Increasing the rating of a transformer also increases the 17 
rating of the equipment around it.  The bus, circuit breakers, etc. must be analyzed 18 
to ensure they meet the larger MVA rating of the larger capacity transformer.  19 
Moreover, to ensure reliability in the event the 450 MVA transformer were to fail, 20 
SDG&E would need to acquire a spare 450 MVA transformer as this is a non-21 
standard size for which SDG&E has no spare.  It may also cause reliability issues 22 
for shortage of spares on any larger sized equipment that is also customized due to 23 
the higher MVA rating of the transformer.  To mitigate this issue, any spare 24 
equipment deemed “unique” must also be ordered and incorporated into 25 
SDG&E’s spare policy.  Warehousing and ongoing upkeep of these devices add 26 
“hidden” costs that need to be accounted for in analyzing the financial impact of 27 
this decision.  Additionally, impedance values must be analyzed and size/spacing 28 
must be custom designed to meet any increases in equipment size caused by 29 
additional cooling design changes in the equipment, which are necessary to meet 30 
the higher rating.   31 

 Because a single 230 kV transmission line and a single transformer would be 32 
inadequate to meet SDG&E’s reliability standards, SDG&E would initially seek 33 
to build the 230kV switchyard with an ultimate design of a minimum of 6-34 
elements.  This could accommodate two 230/138 kV transformers and a spare 35 
future position, a minimum of two 230 kV transmission line positions (the 36 
proposed alternative line and a future line), and an extra position as typical 37 
breaker and a half schemes require elements added in pairs.  The likely footprint 38 
of this switchyard would exceed that proposed by Mr. Arora. 39 

                                                            
91  SDG&E Supplemental Testimony at 55 (Table 2-1). 
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Section 8. Rebuilding Capistrano Substation Is Necessary, and Would Have 1 
Similar Impacts as the Proposed Project (Witness Karl Iliev) 2 

SDG&E appreciates the City’s agreement that Capistrano Substation must be rebuilt.  3 

Based upon careful analysis, SDG&E concluded that only replacing equipment in the existing 4 

Capistrano Substation will not provide adequate reliability for SDG&E’s customers in the City 5 

and South Orange County.  Adequate reliability can only be gained by a complete rebuild and 6 

expansion of the existing substation.  Replacing aging infrastructure in kind and rebuilding a 7 

limited size substation in the existing yard will not achieve the improvements provided by the 8 

Proposed Project, and will not achieve SDG&E’s goal to provide reliable electric service to its 9 

South Orange County customers.  10 

SDG&E agrees that if the second 230 kV source for South Orange County were to be 11 

moved to another site, then Capistrano Substation should be rebuilt as a 138/12 kV substation.  If 12 

rebuilt as a stand-alone project, a Capistrano 138/12 kV substation is estimated to cost between 13 

$135 million to $165 million (including permitting, mitigation and AFUDC costs). 14 

The City asserts, however, that “the rebuilt 138 /12 kV facilities at the Capistrano 15 

Substation under the DEIR Alternative F can be housed within the current open space in 16 

Capistrano Substation east of the historic building in the western end of substation.”92  As set 17 

forth below, while SDG&E agrees that Capistrano Substation must be rebuilt, the City is 18 

mistaken in asserting a 138/12 kV substation could be safely and easily constructed and operated 19 

in the existing open space east of the existing building at the western end of the substation, which 20 

is not used for utility operations and SJC refers to as “historic.” 21 

The Capistrano site is constrained by the site elevations, RWQCB water mitigation 22 

requirements, and access roads for proper safe access to large apparatus on-site.  The current 23 

Proposed Project design balances the need for all three, while minimizing the environmental 24 

impacts created during construction.  Keeping the old building would require unusable footprint 25 

within the existing project layout, which would cause significant impacts to the project design 26 

and add negative environmental impacts.  SDG&E affirms that the Proposed Project cannot keep 27 

the existing building footprint, while maintaining the existing Project scope.  28 

                                                            
92  Shirmohammadi Testimony at 13.   
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Section 9. SJC’s Alternative F Would Cost More Than the Proposed Project (Witness Willie Thomas) 1 

SJC asserts that Alternative F will cost at least $58.8 million less than SDG&E’s Proposed Project.  Rather than prepare an 2 

independent cost estimate, SJC developed the “approximate cost of Alternative F … by utilizing the cost projections for the SDG&E 3 

SOCREP alternative, as provided by SDG&E in its April 7, 2015 Supplemental Testimony and by eliminating the costs of items 4 

which will not be necessary under the DEIR Alternative F.”93  SJC provides its comparison, and assumptions, in Table 3 of Dr. 5 

Shirmohammadi’s testimony. 6 

Contrary to SJC’s claim, SJC’s Alternative F will cost more than the Proposed Project.  The fundamental flaws include SJC’s 7 

purported “very conservative” and “conservative” assumptions, which are mistaken, and work elements that need to be added to make 8 

this closer to an “apples to apples” comparison.   9 

 SJC states that it “[v]ery conservatively assumed that the 230 kV upgrade of the Ranch Mission Viejo Substation plus 10 
138/12 kV rebuild of Capistrano Substation will cost as much as the 230 kV upgrade and complete rebuilding of the 11 
Capistrano Substation.”  That is not a reasonable assumption.  As discussed in Section 7.B above, it is reasonable to 12 
expect that constructing and equipping a 230/138/12 kV substation at RMV Substation location would cost as much as 13 
constructing and equipping a 230/138/12 kV substation at Capistrano Substation,94 and that property acquisition, water 14 
and sewer main relocation, earthwork and retaining walls at the RMV Substation location would cost much more than 15 
at Capistrano Substation, which is already owned by SDG&E, does not have water and sewer mains to be relocated, 16 
and would require much more site grading to accomplish this plan based on surrounding slopes.  Further, SJC’s 17 
Alternative F includes rebuilding SDG&E’s Capistrano Substation as a 138/12 kV Substation, which SDG&E estimates 18 
will cost $135 million to $165 million.  Even ignoring many of the anticipated RMV Substation costs, which cannot 19 
reasonably be estimated at this time, the cost of rebuilding two substations (RMV and Capistrano), rather than just 20 
Capistrano, means that the substation work under SJC’s Alternative F will cost at least $135 million to $165 million 21 
more than the Proposed Project. 22 

                                                            
93  Shirmohammadi Testimony (Errata) at 14. 
94  As discussed in Section 5 above, a 230/138/12 kV rebuilt RMV Substation will require two 392 MVA 230/138 kV transformers, as does the 
Proposed Project.  
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 Alternative F would require the need to rebuild (reconductor) TL 13835 to avoid potential outage issues prior to 1 
construction of the new 230kV line from Talega to RMV.  The reconductor of TL13835 and the associated outage 2 
requirements puts the Laguna Niguel Substation at risk because it would be fed by only one 138kV line during that 3 
time period.   4 

 As discussed in Section 5 above, to allow a rebuilt 230/138/12 kV RMV Substation to serve all South Orange County 5 
load in the event Talega Substation were not in service, which SDG&E’s Proposed Project would do, the following 6 
additional work would need to be done: (a) both TL13831 and TL13838 would need to be upgraded, preferably by 7 
adding a second circuit from RMV to Margarita Substation to Trabuco Substation; and (b) a second 230 kV line would 8 
need to be extended from Talega to the rebuilt RMV Substation to provide a second connection to the 230 kV bulk 9 
power system.   10 

 As set forth in Section 6 above, the Proposed Project allows SDG&E to remove and not replace two transformers at 11 
Talega Substation, and not to replace the Talega STATCOM when it reaches the end of its useful life.  With SJC’s 12 
Alternative F, SDG&E will need to replace the two transformers soon at an estimated cost of $15 million to $20 million 13 
(unless two transformers are included at a rebuilt RMV Substation), and to replace the STATCOM at the end of its 14 
useful life at an estimated cost of $81 million to $99 million  (with AFUDC, $89 million to $109 million).   15 

SJC’s Table 3 with SDG&E Responses95 16 

SOCREP Cost 
Component 

SDG&E 
Alternative 
(Millions) 

DEIR 
Alt. F (Millions) SJC Notes SDG&E Rebuttal Notes SDG&E Rebuttal 

Cost (Millions) 
Capistrano 
Substation Cost $160.8 $160.8

Very conservatively 
assumed that the 230 
kV upgrade of the 
Ranch Mission Viejo 
Substation plus 138/12 

SJC’s assumption is not 
reasonable.  A 230/138/12 
kV RMV Substation will 
cost at least as much as a 
230/138/12 kV Capistrano 

$160.8 for RMV plus 
$135-165 for 
Capistrano (includes 
AFUDC). 
 

                                                            
95  SJC’s Table reflects the estimated costs for SDG&E’s Proposed Project contained in SDG&E’s original April 7, 2015 Supplemental Testimony, and SJC’s 
claimed savings.  SDG&E’s corrected Supplemental Testimony makes minor changes to its estimate for SDG&E’s Proposed Project.  Such changes are 
immaterial for the purposes of the comparison in SJC’s Table and SDG&E’s responses thereto. 



PUBLIC VERSION 

52 
 
 

kV rebuild of 
Capistrano Substation 
will cost as much as 
the 230 kV upgrade 
and complete 
rebuilding of the 
Capistrano Substation 

Substation.  A rebuilt 
138/12 kV Capistrano 
Substation is estimated to 
cost another $135 to $165 
million. 

Total: $$295.8 to 
$325.8 

Talega 
Substation 

$0.3 $0.3 Conservatively 
assumed the same cost 

Accept for purposes of 
this comparison  (but not 
including replacement of 
two transformers plus 
STATCOM) 

$0.3 

Talega Area 
138kV 
Transmission 

$9.9 $9.9 Conservatively 
assumed the same cost 

Accept for purposes of 
this comparison 

$9.9 

Capistrano 138 
kV 
Underground 
Gateway 

$15.6 $-
No undergrounding at 
Capistrano Substation 
needed 

If SJC prefers to have 138 
kV lines into a rebuilt 
Capistrano overhead 
rather than underground, 
SDG&E would study such 
an option and how best to 
address lines in railroad 
ROW.  Without sufficient 
details on the substation 
layout for the rebuild, and 
time to conduct outage 
sequencing to ensure 
outage frequency and 
duration are kept to a 
minimum, overhead lines 

 
For purposes of this 
comparison only, 
SDG&E estimates this 
cost as “more than 
zero.” 



PUBLIC VERSION 

53 
 
 

may not be a feasible 
option and/or the cost 
savings may not be as 
stated.  SJC should clarify 
if it wishes 138 kV lines 
into Capistrano to be 
overhead. 

230 kV 
Overhead 
(includes 
removal of the 
138 kV) 

$63.6 $48.847.7
Very conservatively 
assumed that per-mile 
cost of the 230 kV 
build into the Ranch 
Mission Viejo 
Substation will be the 
same as the 230 kV 
upgrade into the 
Capistrano Substation 
(Alternative F requires 
2 miles less of 230 kV 
overhead than SDG&E 
alternative and does 
not require many 
transmission and 
distribution line 
relocations) 

The RMV-TA line will be 
only 1 mile less than the 
proposed OH 230 kV line 
from TA to CAP (7.5 mi 
vs. 6.44 mi), not 2 miles 
shorter as SJC assumes.  
 
Because there is only one 
line in the corridor and 
limited access roads, the 
grading for access pads 
and spur roads are likely 
greater than in the 
Proposed Project. Without 
further engineering and 
design, estimating the 
additional costs would be 
speculative.  Therefore, 
SDG&E only corrects the 
per mile cost. 

$50.3 

230kV 
Underground 

$27.3 $- No Need to 
underground any 
230kV line for 
Alternative F 

It should be assumed some 
undergrounding of at least 
230kV transmission line 
will be necessary at RMV 

$9.3 
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to accommodate the 
construction and 
arrangement. Without 
being able to conduct 
detailed engineering and 
knowing the final sub 
arrangement, assume 
1,000ft UG of 230kV + 
cable pole by scaling the 
Proposed project by 
$33.3M x 
1,000ft/1,800ft/2 (one 
circuit vs two) 

Permitting, 
Environmental 
and Mitigation 

$31.6 $31.6 Conservatively 
assumed same cost 

This is not a reasonable 
assumption as both the 
Proposed Project and 
SJC’s Alternative F will 
have construction to 
rebuild Capistrano 
Substation, and SJC’s 
Alternative F adds 
construction at RMV 
Substation, which is 
adjacent to biological 
open space and would 
include considerable 
earthwork, retaining walls, 
and relocation of 
underground water and 
sewer lines. 

SDG&E cannot 
estimate the additional 
cost without further 
design, engineering 
and environmental 
review.  Therefore, for 
purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
$31.6” 
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ROW 
Acquisition 1.0 $1.0 Assumed same cost SJC’s Alternative F will 

have greater property 
acquisition cost because 
SDG&E owns the 
Capistrano Substation site 
to be used in the Proposed 
Project, but would have to 
attempt to acquire 
property around RMV 
Substation to construct a 
230/138/12 kV substation.  
In addition, as recognized 
in the DEIR at 5-16, SJC’s 
Alternative F would 
require app. 6.5 miles of 
20 ft additional ROW 
width from TA to RMV.  
Some of this ROW is 
located on Camp 
Pendleton, and the 
Department of the Navy 
may not agree to provide 
it.  

Therefore, for 
purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
$1.0” 

AFUDC 
$63.7 $63.7 Conservatively 

assumed same cost 
This is not a reasonable 
assumption because the 
Alternative F project costs 
will be greater than the 
Proposed Project, and 
therefore the AFUDC cost 
will be greater.  A portion 

For purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
$63.7” 
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of the additional AFUDC 
cost is reflected in the 
estimated $135 - $165M 
cost of a 138/12 kV rebuilt 
Capistrano Substation, as 
that estimate includes 
AFUDC.   

Distribution 
Circuits $7.1 $7.1 Conservatively 

assumed same cost 
Accept for purposes of 
this comparison 

$7.1 

Reconductor 
138kV between 
RMV-MAR 
(TL13838), 
MAR-TB 
(TL13830) 

Not part of 
Proposed 

Project 
because not 

needed when 
230 kV 

source is at 
Capistrano 
Substation  

Missing Missing  
As discussed in Section 5, 
Both TL13838 and 
TL13830 would need to 
be upgraded, preferably by 
adding a second circuit 
from RMV to Margarita 
Substation and Margarita 
to Trabuco Substation. 
 

1) RMV to Margarita 
Substation 
(TL13838) would 
include at a 
minimum the 
installation of 
approximately 1.3 
miles of new 
overhead 
conductor, 
temporary 
stringing sites, and 
traffic control 

SDG&E cannot 
estimate the additional 
cost without further 
design, engineering 
and environmental 
review.  Therefore, for 
purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
zero” 
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measures along 
Cow Camp Road. 

 
2) Margarita to 

Trabuco 
Substation 
(TL13830) would 
include at a 
minimum the 
installation of 0.7 
mi new overhead 
conductor, 
temporary 
stringing sites, 1.3 
miles of new 
underground cable, 
13 new splices 
vaults, and traffic 
control measures 
along portions of 
Antonio Parkway, 
Corporate Rd, 
Terrace Rd, 
Windmill Avenue, 
Sienna Parkway, 
Flintridge Ave, 
Roanoke Dr, 
Oneill St, Crown 
Valley Parkway, 
and Puerta Real. 

Add second 
230 kV line Not part of Missing Missing As discussed in Section 5, SDG&E cannot 
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from Talega to 
rebuilt RMV 
Substation to 
provide second 
connection to 
the 230 kV 
bulk power 
system 

Proposed 
Project 

because not 
needed when 

230 kV 
source is at 
Capistrano 
Substation 

need to add a second 230 
kV line from Talega to 
rebuilt RMV Substation to 
provide a second 
connection to the 230 kV 
bulk power system, so that 
a 230/138/12 kV RMV 
Substation can serve SOC 
load during loss of Talega 
Substation 

estimate the additional 
cost without further 
design, engineering 
and environmental 
review.  Therefore, for 
purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
zero” 

Upgrade 
TL13835A and 
TL13837  

Not part of 
Proposed 

Project 
because not 

needed when 
230 kV 

source is at 
Capistrano 
Substation 

Missing Missing As discussed in Section 5, 
these lines would need to 
be upgraded to avoid 
dropping load. 

For purposes of this 
comparison only, 
SDG&E estimates the 
cost as “more than 
zero” 

The Capistrano 
138 kV 
capacitor bank 
will need to be 
replaced with a 
larger capacitor 
bank 
(approximately 
three times the 
size). 

Not part of 
Proposed 

Project 
because not 

needed when 
230 kV 

source is at 
Capistrano 
Substation 

Missing Missing See Section 5 above. 

. 

TBD 

Replace 2 
Talega Not Missing Missing  See Sections 5 and 6 $81 million - $99 
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transformers 
and Talega 
STATCOM 

necessary 
with 

SDG&E’s 
Proposed 

Project 

above.  With SJC’s 
Alternative F, but not with 
SDG&E’s Proposed 
Project, will need to 
replace 2 Talega 
transformers ($15-20M) 
and Talega STATCOM at 
the end of its useful life 
($80-100M).  However, if 
a rebuilt 230/138/12 kV 
RMV Substation had two 
transformers, then 
SDG&E would not need 
to replace the two Talega 
transformers.  As SDG&E 
assumes two RMV 
transformers in the rebuilt 
RMV costs above, 
SDG&E does not include 
the Talega transformer 
replacement cost here. 

million (with AFUDC, 
$89 million to $109 
million) 

Total 
$380.9 $322.1 Total project cost 

reduced by at least 
$66M via DEIR 
Alternative F 

Estimated costs are higher 
than assumed by SJC 

More than $$558 to 
$608.1 

Even without adding the work necessary to make a 230/138/12 kV rebuilt RMV Substation able to provide the redundancy for 1 

SDG&E’s South Orange County customers that is provided by SDG&E’s Proposed Project, SJC’s Alternative F is estimated to be 2 

significantly more expensive than the Proposed Project.  This is because Alternative F requires rebuilding an expanded RMV 3 

Substation to 230/138/12 kV and rebuilding a 138/12 kV Capistrano Substation whereas the Proposed Project only rebuilds Capistrano 4 
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Substation to 230/138/12 kV on SDG&E-owned land.  Once the additional work necessary to make Alternative F provide such 1 

redundancy is included, the costs of SJC’s Alternative F are even greater.2 



PUBLIC VERSION 

61 
 
 

CHAPTER 6.  FRONTLINES’ PIECEMEAL APPROACH DOES NOT ADDRESS 1 
SOUTH ORANGE COUNTY’S RELIABILITY NEEDS  2 

Section 1. Introduction (Witness John Jontry) 3 

Frontlines offers a piecemeal approach to some of the South Orange County reliability 4 

issues identified by SDG&E, with recommendations to address 18 identified Category C 5 

violations, 14 Category C contingencies that would force load shedding, and the risks of outage 6 

during maintenance events.  Frontlines appears ambivalent about the need to provide redundancy 7 

to SDG&E’s 300,000 South Orange County customers, stating: “if a second 230 kV power 8 

source in SOC is deemed appropriate, then there are alternatives to establishing Capistrano as a 9 

new 230 kV substation.”96   10 

In this Chapter, SDG&E addresses Frontlines’ proposals for addressing South Orange 11 

County’s reliability needs other than redundancy.  SDG&E addresses Frontlines’ proposed 12 

alternatives to provide redundancy in Chapters 8 and 9.  However, SDG&E notes that the 13 

Proposed Project solves all of the reliability issues by injecting 230 kV power at South Orange 14 

County’s load center, whereas Frontlines’ piecemeal approach requires upgrading more of 15 

SDG&E’s 138 kV network because it does not. 16 

In SDG&E’s original Corrected Prepared Testimony, SDG&E identified 18 Category C 17 

contingencies requiring instantaneous load shedding.97  Frontlines recommends that these 18 

contingencies be addressed through implementation of the following actions:  19 

1. Overhaul or rebuild the Capistrano 138 kV substation.  20 

2. Replace the existing ACSR conductor on TL13835 [Talega-Laguna Niguel] with 21 
ACSS/AW conductor that has the same diameter and weight per unit length as the 22 
existing ACSR conductor. This differs slightly from what was proposed in the 23 
Draft EIR as part of Alternative B1 in that it relies on an aluminum 24 
conductor/aluminum clad steel supported configuration rather than just an 25 
aluminum conductor/steel supported configuration.  26 

3. Replace two aged transformers at Talega.98 27 

  28 

                                                            
96  Ayer Testimony at 17. 
97  SDG&E’s current corrected Opening Testimony at 50-59 identifies 22 such Category C contingencies.  
98  Ayer Testimony at 7.   
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To address the 14 Category C contingencies identified by SDG&E as forcing load 1 

shedding,99 Frontlines testifies that, as to the Scenario 1, “Upgrading the underground portion of 2 

TL13833 to 260 MW should address this concern through 2024.”100  Ms. Ayers further testifies: 3 

“Regarding Scenarios 2-14, the projected load shed events could be prevented by increasing the 4 

transmission capacity of TL13835 [Talega-Laguna Niguel] from 138 MVA to 228 MVA,” as 5 

proposed above.101   6 

With respect to the risks posed by outages during maintenance events at Talega and other 7 

South Orange County substations, Frontlines testifies that four scenarios can be avoided “when 8 

SDGE removes transformer banks 60 and 62,” and replaces Bank 60 with a “higher capacity 9 

transformer.”102  As for the rest, Frontlines testifies that reconductoring TL13835 will reduce the 10 

amount of load that must be dropped and that SDG&E can try to schedule work for times when 11 

expected load will be below the increased system capability.103   12 

SDG&E addresses Frontlines’ proposed approach below.  In sum, Frontlines’ approach: 13 

(a)  fails to mitigate Category C violations and load shedding in South Orange County; (b) fails 14 

to address reliability issues at Talega Substation arising from a non-standard configuration that 15 

places all South Orange County customers at risk during maintenance events; (c) fails to mitigate 16 

the risk of a forced outage during maintenance events at other South Orange County substations; 17 

and (d), by not providing a redundant second source of power in South Orange County, leaves 18 

SDG&E’s over 300,000 South Orange County customers at risk of a loss of service at Talega 19 

Substation.  SDG&E’s Proposed Project solves each of these reliability concerns. 20 

Section 2. SDG&E Agrees that Capistrano Substation Must be Rebuilt (Witness 21 
Karl Iliev) 22 

SDG&E appreciates Frontlines’ agreement that Capistrano Substation must be rebuilt or 23 

overhauled.  Based upon careful analysis, SDG&E concluded that only replacing equipment in 24 

the existing Capistrano Substation will not provide adequate reliability for SDG&E’s customers 25 

in the City of San Juan Capistrano and South Orange County.  Adequate reliability can only be 26 
                                                            
99  SDG&E original corrected Opening Testimony at 55-65 (SDG&E’s current corrected Opening 
Testimony at 59-70 identifies 19 such Category C contingencies). 
100  Ayer Testimony at 15.   
101  Ayer Testimony at 15.   
102  Ayer Testimony at 16.   
103  Ayer Testimony at 16-17.   
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gained by a complete rebuild and expansion of the existing substation.  Replacing aging 1 

infrastructure in kind and rebuilding a limited size substation in the existing yard will not achieve 2 

the improvements provided by the Proposed Project, and will not achieve SDG&E’s goal to 3 

provide reliable electric service to its South Orange County customers.  4 

SDG&E agrees that if the second 230 kV source for South Orange County were to be 5 

moved to another site, then Capistrano Substation should be rebuilt as a 138/12 kV substation.  If 6 

rebuilt as a stand-alone project, a Capistrano 138/12 kV substation is estimated to cost between 7 

$135 million to $165 million (including permitting, mitigation and AFUDC costs).   8 

Section 3. Reconductoring TL13835 Will Not Mitigate all Category C Overloads  9 
(Witness Cory Smith). 10 

As noted above, Frontlines contends that reconductoring TL13835 to 228 MVA would 11 

resolve essentially all of the NERC Category C violations identified in SDG&E’s Opening 12 

Testimony.104  To test Frontlines’ contention, SDG&E conducted power flow analyses assuming 13 

implementation of Frontlines’ recommendations to reconductor TL13835 (to an even higher 273 14 

MVA capacity), rebuild a 138/12 kV Capistrano Substation (thereby replacing the limiting 15 

equipment on TL13834 and achieving a new rating of 273 MVA), and replacing two 16 

transformers at Talega.  The power flow analyses, which model how the system would perform, 17 

demonstrate that Frontlines’ recommendations do not mitigate all Category C violations, prevent 18 

load shedding under a variety Category C contingencies, or prevent dropping South Orange 19 

County load during maintenance.  20 

Frontlines’ approach, which is a piecemeal approach that does nothing to address the 21 

long-term need for an additional connection to the 230 kV bulk power system for South Orange 22 

County, is fundamentally incomplete.  SDG&E performed a more thorough analysis of 23 

Frontline’s proposal by preparing a 2020 load flow case with the rating for TL13835 and 24 

TL13834 adjusted to 273 MVA and removal of the existing SPS.  The following Table 6-1 25 

                                                            
104  Ayer Testimony at 9-11.  Frontlines contends that it is not necessary to reconductor TL13835 to 273 
MVA, as SDG&E stated in assessing the feasibility of placing new conductors on existing structures as 
assumed by the DEIR Alternative B1.  See SDG&E Supplemental Testimony at 88; Ayer Testimony at 
11.  SDG&E disagrees, but even reconductoring TL13835 to the higher 273 MVA capacity does not 
resolve the Category C issues noted in Table 6-1. 
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describes the numerous Category C violations and Category C load shedding that would still 1 

occur:  2 

Table 6-1: Category C Overloads in 2020 with Reconductored TL 13835 3 

Monitored Element 
Contingency 

Requires N‐1 Load Shed in 
Violation of NERC TPL‐003‐0b 

13816  C3: 13831+13833  123% of Emergency Rating 

13816  C3: 13831+13835  112% of Emergency Rating 

13816  C3: 13833+13835  103% of Emergency Rating 

13816  C3: 13833+13838  112% of Emergency Rating 

13816  C3: 13835+13838  104% of Emergency Rating 

13833  C3: CP BK40+13831   N/A 

13833  C3: CP BK40+13838   N/A 

13833  C3: 13816+13831   N/A 

13833  C3: 13831+13834   N/A 

13833  C3: 13834+13838   N/A 

13836  C3: 13831+13846  115% of Emergency Rating 

13836  C3: 13835+13846  102% of Emergency Rating 

13836  C3: 13838+13846  106% of Emergency Rating 

13846A  C3: 13831+13836  102% of Emergency Rating 

13846A  C3: 13835+13836   N/A 

13846A  C3: 13836+13838   N/A 

13846A  C2:TA 8T  102% of Emergency Rating 

13846C  C3: 13831+13836  102% of Emergency Rating 

13846C  C3: 13835+13836   N/A 

13846C  C3: 13836+13838   N/A 

13846C  C2:TA 8T  102% of Emergency Rating 

Note that even after TL13835 is reconductored, twenty-one combinations of 4 

contingencies and monitored elements result in overloaded facilities, affecting five different 5 

lines, line segments, or transformer banks.  Assuming that replacing the underground segment of 6 

TL13833 would increase the normal and emergency ratings of that line from 205 MVA to 274 7 

MVA, that would reduce the number of combinations from twenty-one to sixteen.  This is still 8 

well beyond what can be effectively addressed by a special protection scheme, even if such a 9 

scheme were permitted by the CAISO criteria limiting the number of contingencies and 10 

monitored elements permitted for any given SPS, which it is not.  As discussed in SDG&E’s 11 

Opening Testimony at 46-49, SDG&E’s Supplemental Testimony at 51-52, and CAISO’s 12 
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Testimony of Robert Sparks at 9-10, the use of Special Protection Systems (“SPS”) is limited by 1 

CAISO Planning Standards and good utility practice to six local contingencies and four 2 

monitored elements.   3 

Of the twenty-one contingency and monitored element combinations listed in Table 6-1, 4 

twelve would require load shedding pre-contingency, after the first outage, in order to prevent 5 

exceeding a transmission line’s emergency rating after the second outage.  As a result, these are 6 

violations of NERC TPL-003-0b that must be corrected, as shedding non-consequential load 7 

after a single Category B outage is not permitted.  Note that none of the contingencies requiring 8 

pre-contingency load shedding are addressed by increasing the rating of TL13833. 9 

By contrast, reconductoring of TL13835 or TL13833 will not be necessary if SDG&E’s 10 

Proposed Project is implemented.   11 

Section 4. Replacing the Two Small Transformers At Talega Substation Is Not a 12 
Viable Solution Without the Proposed Project (Witness Karl Iliev) 13 

Frontlines recommends replacing the “two aged transformers at Talega.”105  SDG&E 14 

agrees that, if no project is approved to provide a second source of power to SDG&E’s South 15 

Orange County transmission system, SDG&E will need to replace the two aging transformers 16 

(Banks 60 and 62).  As discussed in Chapter 3 above, those two transformers cannot be removed 17 

and not replaced without a second source, and Talega Substation cannot be reconfigured into a 18 

more reliable arrangement within its current footprint without removing those two transformers. 19 

Frontlines’ proposal to simply replace the two aged transformers at Talega Substation, 20 

however, does nothing to solve the Talega Substation reliability issues identified in SDG&E’s 21 

Opening Testimony and SDG&E’s Supplemental Testimony.  22 

Simply replacing the two aged transformers at Talega Substation will not provide the 23 

reliability benefits of a second source of power to South Orange County and will not address the 24 

reliability issues arising from having all four 230/138kV transformers at one substation.  As 25 

discussed in SDG&E’s Supplemental Testimony, Chapter 2, having Talega Substation as the sole 26 

source of power to SDG&E’s South Orange County system is not prudent. 27 

Further, as discussed in SDG&E’s Opening Testimony, “Talega Substation has an 28 

unusual non-standard configuration in that two of the four 230/138 kV transformers are 29 
                                                            
105  Ayer Testimony at 7. 
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connected directly to the 230 kV bus instead of a connection to a circuit breaker then to the bus.  1 

This means that for loss of either of these two transformers, it is necessary to take the entire bus 2 

out of service to disconnect the failed equipment.  … [T]he existing Talega Substation 3 

configuration restricts the conditions under which maintenance can be done and creates twenty-4 

nine different outage scenarios during planned maintenance outages that would cause 5 

uncontrolled loss of the entire customer load in South Orange County.”106  Simply replacing the 6 

two aged transformers does not mitigate the non-standard configuration that creates these risks. 7 

Further, simply replacing the two aged transformers does not mitigate reliability issues at 8 

Talega Substation that arise because of a lack of space.  As discussed in SDG&E’s Opening 9 

Testimony:  10 

Because of space constraints within the substation footprint, the transformers are in close 11 
proximity to each other, which increases the equipment damage and outage impact if an 12 
adjacent transformer or other equipment catches fire or fails.  Currently Banks 61 and 62 13 
are immediately adjacent to the control shelter without enough separation to install a fire 14 
wall.  If one of these transformers catches fire, it will create difficulty in entering the 15 
control shelter to perform operations necessary to de-energize the equipment to allow 16 
workers to safely extinguish the fire. 17 

Also because of space constraints, transformer Banks 60 and 63 are currently fed directly 18 
off the 230kV bus without bank breakers.  This is a non-ideal configuration because any 19 
bus outage will force a transformer outage and vice-versa.  There is not sufficient space 20 
in the current substation footprint to reconfigure Bank 63 to be fed from a more reliable 21 
breaker and half configuration. Banks 61 and 62 are currently fed from breaker and half 22 
configuration but are in the same bay, which does not meet current SDG&E’s reliability 23 
criteria as they are exposed to a single point of failure from their shared bus tie 24 
breaker.107 25 

Even if Banks 60 and 62 were replaced with larger transformers, it would not address 26 

these reliability concerns.  By constructing a second source of 230 kV power to SDG&E’s South 27 

Orange County system at Capistrano Substation, the Proposed Project will allow SDG&E to 28 

remove the two aged transformers at Talega Substation and reconfigure the substation to a more 29 

reliable arrangement within its existing footprint. 30 

                                                            
106  SDG&E Opening Testimony at 11. 
107  SDG&E Opening Testimony at 89. 
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Section 5. Using SPS is Not a Viable Solution (Witness John Jontry) 1 

Based on its belief that its other recommendations mitigate all of SDG&E’s identified 2 

NERC violations other than Scenarios 7 and 11 in SDG&E’s original corrected Opening 3 

Testimony  (Scenarios 11 and 15 in SDG&E’s current corrected Opening Testimony at 53-55), 4 

Frontlines asserts that, “if these scenarios do result in line ratings being potentially exceeded, 5 

they can be handled via SPS without violating CAISO’s SPS guidelines and standards.”108 6 

As discussed in Section 3 above, even after implementing Frontlines’ recommendations, 7 

the remaining number of Category C contingencies that result in overloaded elements, plus the 8 

number of elements affected, exceed that permitted by the CAISO planning standards. 9 

Section 6. Reducing the Number of Customers Who Would Lose Power From a 10 
Forced Outage During a Maintenance Event Is Not Sufficient 11 
(Witness John Jontry) 12 

Frontlines recognizes that SDG&E customers would lose power if a forced outage occurs 13 

during a planned maintenance event at Talega and other South Orange County substations.109  14 

Frontlines suggests that its recommendations can assist in addressing this risk. 15 

First, referring to its Table 3, Frontlines asserts: “Scenarios 1 – 4 stem from the non-16 

standard bus configuration at the Talega substation. However, it seems that these scenarios can 17 

be addressed to some extent when SDGE removes transformer banks 60 and 62.”110  This is 18 

simply incorrect.  As discussed in Chapter 3 and in Section 4 above, without a second source in 19 

South Orange County, transformer banks 60 and 62 would need to be replaced, not removed, and 20 

without removing them, it is not feasible to reconfigure the bus configuration at Talega 21 

Substation to a more reliable arrangement.  22 

Referring to Scenarios 5-10 of its Table 3 and a host of Category C contingencies, 23 

Frontlines asserts: “By increasing the capacity of TL13835 to 228 MVA or more (through 24 

reconductoring with ACSS/AW), it seems that the potential load losses occurring under 25 

Scenarios 5-10 can be significantly reduced (by 30%).  These losses could perhaps even be 26 

                                                            
108  Ayer Testimony at 11. 
109  Ayer Testimony at 16 (“these events can result in loss of service in SOC”). 
110  Ayer Testimony at 16. 
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avoided altogether if the maintenance activities from which they stem are scheduled only when 1 

the SOC load is less than the revised TL13835 rating.”111   2 

As an initial matter, simply reducing the number of customers who lose electric service is 3 

not the same as providing reliable electric service.  The Proposed Project would mitigate the risk 4 

entirely.  Further, Frontline’s proposal would do nothing to mitigate the risk of loss of the entire 5 

South Orange County customer load during maintenance of the 138 kV or 230 kV buses at 6 

Talega.  7 

Section 7. SDG&E Would Mitigate a Loss of Capistrano Substation (Witness 8 
Cory Smith). 9 

Frontlines asserts: “If the SOCRE Project is constructed as proposed by SDGE, an event 10 

which removes the Capistrano substation from service will drop all load served by the Laguna 11 

Niguel Substation (nearly 25% of the current SOC load).”112   12 

Following the Proposed Project, Laguna Nigel Substation would be served by two 138 13 

kV lines from the rebuilt Capistrano Substation.  If both 138kV busses at the rebuilt Capistrano 14 

Substation were lost, then Laguna Niguel Substation would temporarily lose service.  However, 15 

SDG&E has made provisions for such an event in the final design.  Overhead jumpers will be 16 

stored at Capistrano. In the event that the rebuilt Capistrano Substation can no longer serve 17 

Laguna Niguel, the jumpers will be installed on poles west of Capistrano Substation. Laguna 18 

Niguel will be fed by bypassing Capistrano Substation.  SDG&E estimates that the overhead 19 

jumpers could be installed within 6 to 8 hours.   20 

Section 8. Frontlines Wrongly Asserts that TL	13835 Could be Reconductored 21 
Without Replacing the Transmission Structures (Witness Willie 22 
Thomas). 23 

Frontlines contends:  24 

In Supplemental Testimony, SDGE disputes the viability of reconductoring TL 13835. 25 
SDGE argues that replacing the TL13835 line with ACSS conductor that is similar in size 26 
to the existing conductor will not achieve a 273 MVA rating, and that a 273 MVA rating 27 
can only be achieved by using a thicker conductor, which would increase line sag. 28 
Therefore (according to SDGE) all the structures on TL13835 would have to be replaced 29 
to accommodate the thicker conductor and ensure compliance with GO 95.  This in turn 30 
would require alterations to a number of distribution circuits.  31 

                                                            
111  Ayer Testimony at 16, 17. 
112  Ayer Testimony at 20.   
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This argument against reconductoring is premised on the erroneous assumption that a 273 1 
MVA rating on TL13835 is required to address SDGE’s concerns regarding load shed 2 
issues, perceived NERC violations, emergency line rating exceedences, etc.  However a 3 
273 MVA line rating on TL13835 seems unnecessary to address these issues. In fact, it 4 
seems that a TL13835 line rating of 228 MVA would be sufficient to address these 5 
concerns through 2024 …113 6 
Based upon its belief that a 228 MVA rating would be sufficient, Frontlines asserts that 7 

“a 228 MVA line rating can be achieved on TL13835 by replacing the existing ACSR conductor 8 

with an Aluminum Conductor/ Aluminum Clad-Steel Reinforced (“ACSS/AW”) conductor that 9 

has a diameter and weight that is identical to the existing conductor that is already in place.”114 10 

As an initial matter, as set forth in Section 3 above, even reconductoring TL 13835 to a 11 

273 MVA rating does not mitigate the NERC Category C violations and load shedding events 12 

listed in Table 6-1.  Thus, reconductoring TL 13835 to a 228 MVA rating will not mitigate such 13 

contingencies. 14 

However, Frontlines also is mistaken in assuming that installing ACSS/AW conductor of 15 

the same diameter and weight could meet a 228 MVA rating and that structure replacement 16 

would not be necessary.  Based on SDG&E ratings methodology, this wire cannot be operated at 17 

a high enough temperature to achieve a 228 MVA rating.  Additionally, the elevated temperature 18 

of the wire would cause the wire to sag more than what exists today such that minimum ground 19 

clearances cannot be maintained.  In order to meet a rating of even 228 MVA, a larger size 20 

ACSS/AW wire would be required, which would increase conductor sag and create ground 21 

clearance violations, and would increase mechanical loading on the structure due to additional 22 

wind forces caused by larger diameter conductor.   23 

For the reasons stated above, it is best to assume a larger conductor would be required to 24 

meet even the 228 MVA rating noted by Frontlines, and that structures would need replacement 25 

to accommodate the larger conductor due to increases in sag and structural loading.  26 

  27 

                                                            
113  Ayer Testimony at 11. 
114  Ayer Testimony at 12. 
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CHAPTER 7.  FRONTLINES’ COST ESTIMATE FOR ITS RECOMMENDED 1 
APPROACH DOES NOT ACCURATELY REFLECT THE WORK REQUIRED NOR 2 
DOES IT PROVIDE THE SAME RELIABILITY BENEFITS 3 

Section 1. Introduction (Witness John Jontry) 4 

As noted above, Frontlines’ recommended approach to the reliability issues in SDG&E’s 5 

South Orange County transmission system is: “1. Overhaul or rebuild the Capistrano 138 kV 6 

substation.  2. Replace the existing ACSR conductor on TL13835 [Talega-Laguna Niguel] with 7 

ACSS/AW conductor that has the same diameter and weight per unit length as the existing 8 

ACSR conductor.  … 3. Replace two aged transformers at Talega.”115   9 

Frontlines then provides an estimated cost for “FRONTLINES recommended alternative 10 

approach: “Reconductor TL13835 w/out structures replaced [($75-$91 million)*0.3547] = $26 – 11 

$32 mill; Do not upgrade/replace TL 13816, 13836, and 13846C = $0; Rebuild Capistrano = 12 

$135 - $165 mill; Replace transformers at Talega = $15 - $20 mill; TOTAL = $176 - $217 13 

mill.”116 14 

Frontlines’ approach and cost estimate are fundamentally flawed.  First, as discussed in 15 

Chapter 6, Frontlines’ approach fails to mitigate the reliability concerns in South Orange County 16 

and thus is missing large scopes of work required to provide reliability benefits similar to the 17 

Proposed Project.  Second, while SDG&E accepts its own costs for certain elements of 18 

Frontlines’ approach, Frontlines’ estimated costs for the other elements is not accurate because it 19 

does not adequately represent the work required. 20 

Section 2. Frontlines’ Proposed Plan of Service Is Missing Key Elements 21 
(Witness Cory Smith) 22 

As set forth in Chapter 6, Frontlines’ approach fails to mitigate South Orange County’s 23 

reliability needs: 24 

 Reconductoring TL13835, whether to a 273 MVA rating (as SDG&E assumed in 25 
evaluating the DEIR Reconductoring Alternative) or to a 228 MVA rating (as 26 
urged by Frontlines), does not mitigate the NERC Category C violations or the 27 
Category C load shedding identified in Table 6-1 of Chapter 6, Section 3 above. 28 

 Adding reconductoring of an underground portion of TL13833 (which Frontlines 29 
mentions in testimony but does not include in its “recommended approach” or its 30 

                                                            
115  Ayers Testimony at 7. 
116  Ayers Testimony at 20. 
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cost estimate) still leaves 16 Category C overloads, including 12 NERC Category 1 
C violations. 2 

 Rather than provide a second source of power to South Orange County, 3 
Frontlines’ approach would simply replace two aging transformers at Talega and 4 
ignore the risk of a forced outage during a maintenance event at Talega 5 
Substation.  Such an outage could interrupt electric service to all of South Orange 6 
County. 7 

 As Frontlines concedes, its recommended approach would not mitigate the risk of 8 
a forced outage during maintenance events at Pico, Margarita or Rancho Mission 9 
Viejo substations.  Instead, Frontlines simply states that fewer customers would 10 
be left without electricity. 11 

 Frontlines’ recommended approach also does not provide redundancy for the over 12 
300,000 people dependent upon SDG&E’s South Orange County system.  13 
Instead, those customers remain at risk of a loss of 230 kV or 138 kV service at 14 
Talega Substation.  Outages caused by substation damage could last from hours to 15 
weeks or months.117  A three week outage of South Orange County could result in 16 
direct and indirect economic losses of $2.3 to $4.7 billion, as well as adverse 17 
social impacts.118 18 

 Frontlines recommended approach does not allow SDG&E to avoid the cost of 19 
replacing the Talega STATCOM when it reaches the end of its useful life.  20 

By contrast, SDG&E’s Proposed Project addresses all of the reliability issues noted above.   21 

Frontlines’ recommended approach is most similar to the DEIR Alternative B-1-22 

Reconductor Laguna Niguel-Talega 138 kV Line,” which also proposed reconductoring 23 

TL13835.  Frontlines includes rebuilding Capistrano Substation and replacing the two aging 24 

transformers at Talega, but otherwise Frontlines’ recommended approach has all of the same 25 

defects as DEIR Alternative B-1.  As discussed in SDG&E Supplemental Testimony, Chapter 4, 26 

the estimated cost of DEIR Alternative B-1, when the work necessary to address South Orange 27 

County’s reliability defects is included, is $572 million to $699 million.  SDG&E estimates that 28 

Frontlines’ recommended approach, when the work necessary to address South Orange County’s 29 

reliability defects is included, would be the same. 30 

                                                            
117  SDG&E Supplemental Testimony at 39-42. 
118  SDG&E Supplemental Testimony, Chapter 9. 
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Section 3. Frontlines’ Cost Estimate for Its Approach Is Incorrect (Witness 1 
Willie Thomas)  2 

Even for Frontlines’ recommended approach, certain elements of its cost estimate are 3 

incorrect.  SDG&E accepts the $135 million to $165 million estimated cost to rebuild a 138/12 4 

kV Capistrano Substation and the $15 million to $20 million (with AFUDC, $17 million to $21 5 

million) simply to replace the two aging transformers at Talega Substation.  However, the other 6 

elements of Frontlines’ cost estimate are mistaken. 7 

A. Reconductoring TL 13835 Will Require Replacment of Overhead 8 
Structures And Replacement of Underground Cable. 9 

Frontlines’ estimate asserts: “Reconductor TL13835 w/out structures replaced [($75-$91 10 

million)*0.3547] = $26 – $32 mill.”119  Frontlines assertion that TL 13835 can be reconductored 11 

without replacing its supporting structures rests on two contentions.  First, Frontlines disagrees 12 

with SDG&E that any reconductor of TL 13835 should achieve a 273 MVA rating, contending 13 

that “it seems that a TL13835 line rating of 228 MVA would be sufficient to address these 14 

concerns through 2024.”120  Second, Frontlines claims that “a 228 MVA line rating can be 15 

achieved on TL13835 by replacing the existing ACSR conductor with an Aluminum Conductor/ 16 

Aluminum Clad-Steel Reinforced (‘ACSS/AW’) conductor that has a diameter and weight that is 17 

identical to the existing conductor that is already in place.  Using this ACSS/AW conductor 18 

would obviate the need for TL13835 structure replacement, distribution line modifications, 19 

etc.”121   20 

Frontlines’ contentions are mistaken.  First, as discussed in Chapter 6, Section 3, even a 21 

273 MVA rating does not mitigate the Category C overloads, so a 228 MVA rating will not 22 

mitigate such overloads.  Second, an ACSS/AW conductor of the same diameter and weight 23 

could not meet a 228 MVA rating.  Based on SDG&E ratings methodology, this wire cannot be 24 

operated at a high enough temperature to achieve a 228 MVA rating.  Additionally, the elevated 25 

temperature of the wire would cause the wire to sag more than what exists today such that 26 

minimum ground clearances cannot be maintained.  In order to meet a rating of even 228 MVA, 27 

a larger size ACSS/AW wire would be required, which would increase conductor sag and create 28 
                                                            
119  Ayer Testimony at 20. 
120  Ayer Testimony at 11. 
121  Ayer Testimony at 12. 
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ground clearance violations, and would increase mechanical loading on the structure due to 1 

additional wind forces caused by larger diameter and weight per foot conductor.  For these 2 

reasons, it is best to assume a larger conductor would be required to meet even the 228 MVA 3 

rating noted by Frontlines, and that structures would need replacement to accommodate the 4 

larger conductor due to increases in sag and structural loading. 5 

Frontlines also failed to include the additional reconductoring of the underground 6 

sections of TL13835, which includes approximately 10,000 feet of underground between Laguna 7 

Niguel Substation to Capistrano Substation and approximately 1,800ft in Vista Montana near 8 

San Juan Hills High School (Supplemental Testimony, page 77). Both underground sections are 9 

not rated to support 228MVA rating. Replacement of cables in these two sections would also 10 

require traffic control measure to allow for the cable pulling and splicing. 11 

To achieve the line rating proposed by Frontlines most, if not all, of the TL 13835 12 

structures and underground cable would need to be replaced. Frontline’s estimate fails to include 13 

these costs. Based on conceptual engineering and previous estimates provided in Supplemental 14 

Testimony, the estimated cost for reconductoring TL13835 would be approximately $66 million 15 

– $80 million (includes EMF Mitigation and AFUDC). 16 

B. Frontlines Fails to Include Reconductoring The Underground 17 
Segment It Seems to Recommend be Reconductored 18 

Frontlines testifies: “Upgrading the underground portion of TL13833 to 260 MW should 19 

address [certain overloads] through 2024.”122  Yet Frontlines’ cost estimate does not include the 20 

cost of this reconductoring.  This scope of work would require the replacement of underground 21 

cable in Vista Montana for both TL13816 and TL13833.  To do so, portions of the TL13816 22 

trench and conduit need to be relocated, and a new vault installed to facilitate the replacement of 23 

cable on TL13833 to achieve the 260 MW rating recommended by Frontlines.  Based on 24 

conceptual engineering and cost estimating, the cost is estimated to be $1.5 million - $1.8 25 

million.   26 

                                                            
122  Ayer Testimony at 15. 
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C. Upgrading TL 13816, 13836, and 13846C is Necessary 1 

Frontlines’ estimate asserts: “Do not upgrade/replace TL 13816, 13836, and 13846C = 2 

$0.”123  This appears to be Frontlines’ response to SDG&E’s testimony that DEIR Alternative B-3 

1 would need to reconductor these transmission lines as well as TL13835 to “remain compliant 4 

with mandatory NERC transmission planning standards.”124  Presumably, Frontlines’ exclusion 5 

of such work is based upon its belief that reconductoring only TL13835 is sufficient to mitigate 6 

all NERC violations.  As set forth in Chapter 6, Section 3, it is not. 7 

Frontlines approach does nothing to prevent dropping large blocks of South Orange 8 

County load during substation maintenance.  SDG&E considers this an unacceptable risk.  To 9 

prevent load dropping, SDG&E would make changes to the South Orange County 138 kV 10 

network if the Proposed Project is not approved.  Upgrading TL 13833 and 13846A are required 11 

even if SDG&E were required to accept the reduced rating of TL13835 as proposed by 12 

Frontlines.  These project components, TL 13833 and 13846A rearrangement at Pico ($4 - 5 13 

million), and the reconductors near Talega of TL 13816, 13836, and 13846C ($22.9-$28 14 

million), are estimated to be a total of about $27 to $33million.   15 

These costs are included in SDG&E’s estimated costs for DEIR Alternative B-1, 16 

including the work necessary to deliver the same reliability benefits as the Proposed Project. 17 

Section 4. Frontlines’ Criticism of SDG&E’s Cost Estimates Is Misplaced 18 
(Witness Karl Iliev) 19 

A. The Talega STATCOM  20 

Frontlines asserts: “This cost estimate does not include the Talega STATCOM 21 

replacement cost, nor should it.  According to SDGE, the Talega STATCOM provides 100 22 

MVAR of reactive support to the SOC 138 kV system, and the service life for substation class 23 

equipment like the STATCOM is between 20-60 years.  According to a technical paper written 24 

jointly by Mitsubishi Corporation staff and SDGE staff, the STATCOM was installed on or 25 

around 2002.  Thus it does not seem likely that the STATCOM will require replacement within 26 

the 10 year planning horizon considered for the SOCRE Project (i.e. before 2024, which is at the 27 

                                                            
123  Ayer Testimony at 20. 
124  SDG&E Supplemental Testimony at 85. 
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extreme low end of the 20-60 year life cycle range indicated by SDGE).”125  Frontlines also 1 

asserts that “the $80-$100 million estimate for a new STATCOM device is quite large compared 2 

to the cost of other, recently approved, dynamic voltage support projects.”126   3 

As an initial matter, the transmission planning period does not alter the fact the future 4 

costs will be incurred without the Proposed Project.  Based upon current predictions for its 5 

system, SDG&E believes that the Proposed Project will make it unnecessary to replace the 6 

STATCOM when it reaches the end of its useful life.  Frontlines’ recommended alternative does 7 

not.   8 

Moreover, SDG&E took a conservative and general estimate of a voltage control device 9 

by escalating the past costs SDG&E has incurred in installing these devices to the year 2020, 10 

which is a similar dollar escalation to the other elements in the proposed project.  Although the 11 

year 2020 represents the earliest that this device would be replaced, SDG&E cannot foresee the 12 

exact service life of the STATCOM and would seek to optimize the remaining life of the device 13 

and replace it only when it either becomes either cost prohibitive to operate or until such time as 14 

the aging device poses a reliability risk to the SDG&E system.  15 

Frontlines compares SDG&E’s estimated cost to an SVC technology.127  SDG&E agrees 16 

that SVC costs in general are lower, but SVC would not be a proper technology choice for the 17 

applications proposed in SDG&E testimony, as the SVC takes up a much larger footprint due to 18 

the array of capacitors and reactors necessary to reach this rating.  Therefore, an SVC would not 19 

be a likely replacement for the STATCOM replacement at Talega or any of proposed alternatives 20 

that may contain a voltage control device. 21 

B. SDG&E Estimated Cost of Substations  22 

Frontlines criticizes SDG&E’s estimate of the Prima Desecha Landfill substation: 23 

For example, SDGE estimates that a new 12- 18 acre AIS 230/138 kV substation at Prima 24 
Desecha landfill (consisting of 2 230 kV transformers, 19 relays and circuit breakers) will 25 
cost 53% more to construct than a 230/138 kV GIS substation that has significantly more 26 
infrastructure (including extensive 138 kV and 12 kV elements).  This doesn’t make 27 
sense even if the cost of land at the Prima Desecha landfill exceeds $6 million per acre 28 
(which seems unlikely given that it is a working landfill).  In the event that land values at 29 

                                                            
125  Ayer Testimony at 22 (footnote omitted). 
126  Ayer Testimony at 22 (footnote omitted). 
127  Ayer Testimony at 22, footnote 59. 
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Prima Desecha are that high, then a GIS substation at Prima Desecha should be 1 
considered instead.128 2 

SDG&E escalated its estimated costs for an AIS or GIS alternative at Prima Desecha 3 

Landfill because the substation would be built on a landfill site.  This poses both seen and 4 

unforseen challenges, including  improper soil compaction and ground settling over time that 5 

could damage structures and pose risk to SDG&E facilities.  SDG&E likely will have to account 6 

for these risks in its geotechnical analysis and create mitigation measure in the design of the site.  7 

Because of these known risks, and other potential unforeseen risks, SDG&E utilized a 8 

“reasonable worst case” scenario in estimating the cost of constructing a substation at this 9 

location.  10 

  11 

                                                            
128  Ayer Testimony at 22. 
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CHAPTER 8.  ORA’S AND FRONTLINES’ “PICO SUBSTATION ALTERNATIVE” IS 1 
NEITHER FEASIBLE NOR COST-EFFECTIVE 2 

Section 1. Introduction (Witness John Jontry ) 3 

ORA and Frontlines, through the testimony of Mr. Mee and Ms. Ayer, propose two 4 

alternatives to SDG&E’s Proposed Project that are not found in the Draft Environmental Impact 5 

Report (“Draft EIR”) prepared by the Commission’s Energy Division.  Although ORA’s and 6 

Frontlines’ new alternatives appear to differ in some respects, they are the same in suggesting an 7 

interconnection with a Southern California Edison (“SCE”) 230 kV transmission line at or near 8 

SDG&E’s existing Pico or Trabuco Substations.129  This Chapter addresses the proposed 9 

interconnection at Pico Substation (the “Pico Substation Alternative”) while Chapter 9 addresses 10 

the proposed interconnection at Trabuco Substation (the “Trabuco Substation Alternative”).  11 

ORA and Frontlines appear to suggest the Pico Substation Alternative solely because it is 12 

located near certain SCE transmission lines.   13 

 Neither Mr. Mee nor Ms. Ayer present any power flow analysis of the impact on 14 
the interconnected electrical system of the proposed SCE interconnection at or 15 
near Pico Substation, much less how it performs under the applicable NERC 16 
transmission planning standards and the CAISO Planning Standards.  In response 17 
to data requests, both conceded that they did not conduct any power flow analyses 18 
to determine the system impacts of, and how the system would perform with, their 19 
proposed versions of the Pico Substation Alternative.130 20 

 Having failed to conduct a proper power flow analysis, neither Mr. Mee nor Ms. 21 
Ayer provide adequate information about the additional work required on 22 
SDG&E’s South Orange County 138 kV network to allow a 230 kV 23 
interconnection at or near Pico Substation to serve South Orange County in the 24 
event Talega Substation were unable to serve the 138 kV network.  25 

 Mr. Mee presents no information about design or construction of the expanded 26 
230/138/12 kV Pico Substation, much less its feasibility or cost.  Ms. Ayer 27 
presents no information about design or construction of the 230 kV GIS 28 
substation located somewhere near Pico Substation or any necessary changes to 29 

                                                            
129  Mee Testimony at 12; Ayer Testimony at 17-19. 
130  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 12 (“ORA did 
not generate power flow analysis regarding the Pico Alternative”); Attachment 34 (Frontlines’ Response 
To SDG&E’s Sixth Set Of Data Requests, Question 21 (“FRONTLINES has not conducted a power flow 
analysis of any 230 kV GIS substation near the Pico substation that FRONTLINES identified in 
testimony.”). 
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Pico Substation to interconnect to such substation, much less the feasibility or 1 
cost of the required work at both locations. 2 

 Mr. Mee presents no information about where or how to construct the proposed 3 
SCE interconnection to Pico Substation.  Ms. Ayer presents no information about 4 
where or how to construct the proposed interconnection of an SCE transmission 5 
line to the 230 kV GIS substation located somewhere near Pico Substation, or the 6 
interconnection between such substation and Pico Substation. 7 

 Neither Mr. Mee nor Ms. Ayers present a complete plan of service to address the 8 
reliability issues in South Orange County.  9 

ORA describes its proposed Pico Substation Alternative as follows: 10 

ORA also identifies the Pico Substation alternative (see Figure 4-1). SDG&E’s Pico 11 
Substation is approximately 225 feet away from SCE’s 230 kV transmission lines. In 12 
order to provide a second power supply source to the SOC area from the Pico Substation, 13 
ORA recommends the following: 14 

1) Use the existing ROW or acquire land next to the Pico Substation and construct a 230 15 
kV yard. 16 

2) Install a 230/138 kV transformer with a capacity of 392 MVA, and connect it to one of 17 
SCE’s 230 kV transmission lines. 18 

3) Construct a 138 kV bus position at the 138 kV yard. 19 

4) Connect the 138 kV side of the 230/138 kV transformer to the 138 kV bus position. 20 

5) Separate the SOC load into two parts by setting some of the 138 kV circuit breakers 21 
“Normal Open”. Under normal operating conditions, the existing Talega Substation will 22 
supply one part of the SOC load and the upgraded Pico Substation will supply the other 23 
part of the SOC load. When one of the 230 kV power supplies (for example, Talega 24 
Substation) is not available, the “Normal Open” circuit breakers can be closed so the 25 
other 230 kV power supply (for example, Pico Substation) can supply critical load to the 26 
whole SOC area.131 27 

In response to data requests, ORA stated that it “did not have enough information” to 28 

provide a schematic diagram showing the proposed equipment layout, to identify the major 29 

components, to identify work areas during construction, or provide any documents relating to 30 

design of a rebuilt 230/138/12 kV Pico Substation.132  ORA also stated that it did not have 31 

                                                            
131  Mee Testimony at 18. 
132  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 14).  
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sufficient information to identify a route for the transmission line to connect Pico Substation to 1 

an SCE transmission line (or even which SCE transmission line SDG&E should connect to).133 2 

Frontlines describes its proposed Pico Substation Alternative as follows: 3 

These alternatives involve interconnections to SCE’s 230 kV system on WECC Path 43.  4 
There are two 138 kV substations on SDGE’s SOC system that lay in close proximity to 5 
SCE’s 230 kV lines: Pico (which lies adjacent to SCE’s lines) and Trabuco (which is 6 
approximately 1,000 feet from the SCE Path 43 ROW).  A small 230 kV GIS substation 7 
looped in to an adjacent SCE 230 kV lines could be sufficient as a second source in SOC.  8 
…  All four of the SCE 230 kV lines that comprise WECC path 43 are also located 9 
immediately adjacent to the Pico substation. Given the topology of the area surrounding 10 
the Pico substation, it may be necessary to use pad construction not unlike what SDGE 11 
proposes at Capistrano under the SOCRE Project.134 12 

In responses to data requests, Frontlines explained that it proposes interconnecting an 13 

SCE line to a 230 kV GIS substation located near Pico Substation, which then would be 14 

interconnected to Pico Substation by a 138 kV transmission line.135   15 

In responses to data requests, Frontlines further explained that: (a) it did not specify any 16 

location near Pico Substation for a 230 kV GIS substation; (b) does not have any one-line 17 

diagram or design schematics for such substation; (c) does not have proposed paths for the 18 

transmission lines interconnecting SCE’s 230 kV line to the 230 kV GIS substation or from there 19 

to Pico Substation; and has no one-line diagram or design schematics for Pico Substation 20 

showing an interconnection with such a 230 kV GIS substation.136   21 

                                                            
133  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 16) (“SDG&E is 
invited to identify which line is easiest to connect considering electrical, geographical and economical 
issues.  ORA does not have enough geographic information to determine the best route to interconnect the 
Pico Substation to the SCE 230 kV transmission lines since electrical maps for this aea are unavailable to 
ORA.”). 
134  Ayer Testimony at 17-18, 19. 
135  Frontlines’ Response To SDG&E’s Fourth Set Of Data Requests, Question 14 (“FRONTLINES 
testimony did not recommend the construction of a rebuilt 230/138/12 kV Trabuco [sic] Substation. 
FRONTLINES testimony identified the Pico substation because it was located adjacent to the SCE 230 
kV right of way and because the SCE 230 kV right of way included vacant land that could perhaps 
accommodate a 230 kV GIS substation with a transformer that could feed power to the SOC area via 
Pico.  FRONTLINES cannot provide information regarding a rebuilt 230/138/12 kV Pico substation 
because FRONTLINES’ testimony does not address such a thing.” 
136  Attachment 34 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Questions 22-28). 
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Based on its review and analysis of the Pico Substation Alternative, SDG&E concludes 1 

that the Pico Substation Alternative (whether ORA’s version or Frontlines’ version) is neither 2 

feasible nor cost-effective.  3 

Section 2. The Pico Substation Alternative Does Not Add a 230 kV Source that is 4 
Sufficiently Electrically Independent from Talega Substation (Witness 5 
John Jontry) 6 

As noted by the CAISO in testimony of Robert Sparks, a second 230/138 kV source at 7 

Rancho Mission Viejo Substation (DEIR Alternative F) would be connected within one bus of 8 

the existing source at Talega Substation.  This would leave the second source at Rancho Mission 9 

Viejo Substation vulnerable to cascading outages during contingencies at Talega Substation, and 10 

defeat the purpose of adding a second 230 kV bulk power connection.137     11 

Similarly, SDG&E’s Pico Substation is within one bus of Talega Substation.  Therefore, 12 

a second 230/138 kV source at Pico Substation would be subject to the same limitations, and 13 

would not provide the same electrically independent, fully redundant source as that provided by 14 

a second source at Capistrano Substation.  Note that two of the existing 138 kV transmission 15 

lines connecting at Pico also connect to Talega (TL13836 and TL13846); a severe disturbance at 16 

Talega will likely also directly affect those lines and could reduce the remaining lines out of Pico 17 

from four to two.  Two 138 kV lines are insufficient to reliably serve all of the South Orange 18 

County load. 19 

In addition to being electrically too close to Talega Substation, a second connection to the 20 

bulk power system at Pico would be on the wrong side of the South Orange County load center.  21 

See Fig. 8-1 below, which represents the load center analysis for South Orange County and 22 

indicates the relative proximity of all of the substations: 23 

  24 

                                                            
137  Testimony of Robert Sparks at 18-19. 
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Figure 8.1 – South Orange County Load Center Analysis 1 

 2 
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As can be seen from Fig. 8-1, the electrical load center for South Orange County is west 1 

of Pico Substation, between Pico and Capistrano substations.  As can be clearly seen in Fig. 8-1, 2 

the load center is calculated to be within only a mile of Capistrano Substation.  As a result, a 3 

second 230/138 kV source at Pico would be electrically indistinguishable from the source at 4 

Talega Substation– the energy to serve South Orange County would still flow west from Pico 5 

and Talega substations towards the load center close to Capistano, through the 138 kV network.  6 

A second 230 kV source at Pico Substation is likely to require upgrading of the 138 kV lines 7 

west of Pico Substation to serve the flow of energy toward the load center.  Because Capistrano 8 

is closer to the load center, placing the second 230 kV source there negates the need to upgrade 9 

SDG&E’s 138 kV lines in South Orange County within the current ten-year planning window, 10 

and likely for some time thereafter.  This is simply because energy injected into the 138 kV 11 

system from a new 230 kV source at Capistrano will tend to flow out in all directions, rather than 12 

in one direction as it would if injected at Pico.  This has been confirmed by load flow studies 13 

performed by both SDG&E and the CAISO. 14 

Section 3. An Interconnection with SCE at Pico Substation Would Take Years 15 
to Accomplish (Witness John Jontry) 16 

SDG&E’s Supplemental Testimony, Chapter 5, Section 2 explained the required process 17 

for SDG&E to seek interconnection with SCE’s system.  “SDG&E would need to comply with 18 

SCE’s Transmission Owner Tariff, the Transmission Control Agreement among transmission 19 

owners and the California Independent System Operator (“CAISO”), and the CAISO Tariff.”138  20 

As described in more detail in SDG&E’s Supplemental Testimony: “SDG&E estimates that it 21 

would take a minimum of twelve months and could take as long as twenty-four months to 22 

complete an interconnection application, System Impact Study, and a Facilities Study for an 23 

interconnection with SCE as described in the SCE Alternative.”139  SDG&E also would need to 24 

obtain CAISO approval.140  “SDG&E believes that such an application would go through the 25 

normal annual transmission planning process. Depending when the CPUC provided such 26 

direction, and SCE completed its studies, it could be up to a year before CAISO would decide 27 

                                                            
138  SDG&E Supplemental Testimony at 99. 
139  SDG&E Supplemental Testimony at 101. 
140  SDG&E Supplemental Testimony at 102-04. 
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whether to approve the Commission’s preferred solution (and any “Reliability Upgrades” to 1 

SCE’s or other systems determined to be necessary to permit the interconnection).”141  The same 2 

process would apply if SDG&E were to seek an interconnection to SCE’s system as part of the 3 

Pico Substation Alternative.  4 

Frontlines contends that SDG&E has overstated that amount of time it would take to 5 

obtain approval of an SCE interconnection from CAISO, asserting: “The interconnection studies 6 

and agreements can be developed on a track which parallels the CAISO approval process.”142  7 

While this assertion sounds reasonable, in reality the CAISO and other stakeholders cannot 8 

evaluate an interconnection application that is not yet complete – the CAISO approval process 9 

would likely not move forward until reasonably detailed studies are agreed upon and completed 10 

by SDG&E and SCE.  Also, it is instructive to recall that the SOCRE project has already been 11 

subjected to the CAISO stakeholder process, and included in subsequent annual transmission 12 

planning.  A proposal to change the SOCRE project by seeking an interconnection with SCE’s 13 

WECC Path 43 likely would be carefully scrutinized for impacts on the CAISO-controlled grid 14 

and the flow paths between Southern California and its neighbors; Arizona, Nevada and Mexico. 15 

ORA’s Mr. Mee states: “ORA disagrees with SDG&E’s assertion. SOC load is not new, 16 

but has existed for many years.  SCE and the CAISO are both aware of the existence of the SOC 17 

load.”143  Mr. Mee then provides several arguments about why he thinks the impact on the 18 

CAISO grid would be similar whether South Orange County load is served by SDG&E or SCE.  19 

Neither Mr. Mee’s statement above nor his arguments addresses the time it would take for 20 

SDG&E to cause SCE to complete a System Impact Study and a Facilities Study, and submit it 21 

for review in the CAISO annual transmission planning process or the effect interconnecting to 22 

SCE versus SDG&E may have on power imports into Southern California.  SDG&E addresses 23 

the flaws in Mr. Mee’s arguments in the next section. 24 

Neither Frontlines nor ORA addressed the additional years of delay that would arise if 25 

CAISO refused to approve an SCE interconnection.144  Referring to the Draft EIR alternatives 26 

that included an SCE interconnection, CAISO witness Robert Sparks testified: “While these 27 
                                                            
141  SDG&E Supplemental Testimony at 103. 
142  Ayer Testimony at 18. 
143  Mee Testimony at 21.   
144  SDG&E Supplemental Testimony at 103. 
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alternatives meet some of the immediate reliability concerns in the South Orange County area, 1 

they are unacceptable because of their negative impact on transfer capability on the major 2 

transmission corridor between San Diego and the Los Angeles basin.”145 3 

Neither Frontlines nor ORA addressed the additional years of delay that would arise if, to 4 

enable the SCE interconnection, the CAISO found that Reliability Upgrades were necessary, 5 

conditioned its approval on such upgrades, and such upgrades required CPUC approval for 6 

construction.146  Referring to the Draft EIR alternatives that included an SCE interconnection, 7 

CAISO has determined that additional SDG&E 138 kV upgrades would be needed and that 8 

further studies would be needed to determine whether SCE upgrades are needed.147  The 9 

Application in this proceeding was filed in May 2012.  SDG&E cannot predict how long it 10 

would take for the Commission to approve any Reliability Upgrade projects that require CPUC 11 

permitting. 12 

As SDG&E noted: “Throughout this period of time, SDG&E’s approximately 300,000 13 

South Orange County customers are at risk of losing electric service under a variety of outage 14 

scenarios.”148   15 

Frontlines asserts: “SDGE overstates the load loss risk that SOC will face during the SCE 16 

interconnection study/approval process.  … [T]he simple alternatives described above are readily 17 

available and can address these “outage scenarios” once implemented.”149  As set forth in 18 

Chapter 6, Frontlines’ “simple alternatives” would not mitigate the risk to many SDG&E 19 

customers in South Orange County.  Moreover, leaving aside all the other reasons that the Pico 20 

Substation Alternative is flawed, it would not be prudent to rebuild Capistrano Substation as a 21 

138/12 kV substation before knowing whether an alternative 230 kV source would be approved, 22 

the required scope to make it work, and the associated costs.   23 

                                                            
145  CAISO Sparks Testimony at 16. 
146  SDG&E Supplemental Testimony at 103-04. 
147  CAISO Sparks Testimony at 18. 
148  SDG&E Supplemental Testimony at 104. 
149  Ayer Testimony at 18. 
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Section 4. An SCE Interconnection at or Near Pico Substation Would Have 1 
Impacts to Both the SCE and SDG&E Transmission Systems (Witness 2 
John Jontry). 3 

As discussed in SDG&E’s Supplemental Testimony, Chapter 5, Section 3, an 4 

interconnection with SCE would parallel a robust 230 kV path with a relatively weak 138 kV 5 

network.  This would have the dual negative impacts of restricting the allowable flow on the 230 6 

kV path while subjecting the 138 kV system to network flows for which it was not designed.  7 

Restricting allowable flow on the SCE lines in South Orange County could result in limiting the 8 

transfer capability between the SDG&E and SCE systems, resulting in reduced import capability 9 

for both utilities.  In fact, such an interconnection may have a significant impact on Southern 10 

California’s import capability.  11 

Any interconnection with SCE’s 230 kV transmission lines in South Orange County 12 

would result in the same negative impacts--whether such interconnection is at Pico Substation or 13 

at a 230 kV GIS substation near Pico Substation that is then interconnected to Pico Substation.  14 

The California ISO identified the same concerns with any alternative that would include a 15 

similar connection to SCE’s 230 kV system, as expressed by CAISO witness Robert Sparks150: 16 

The Group 3 DEIR alternatives [alternatives that incorporate elements that parallel the 17 
South Orange County 138 kV system with the SCE 230 kV system] provide a new 18 
independent transmission source to serve the SDG&E’s South Orange County service 19 
area from the SCE system.  […] The SCE 230 kV line is a critical facility associated with 20 
the transmission corridor between the Los Angeles area and the San Diego area. As a 21 
consequence, the Group 3 DEIR alternatives result in the 138 kV network being 22 
paralleled to the existing 230 kV corridor linking the Los Angeles basin and San Diego. 23 
This paralleling of lower capacity networks with higher capacity networks lowers the 24 
overall capability of the 230 kV corridor.  25 

The CAISO conducted additional analysis to test the impact of the Group 3 DEIR 26 
alternatives on the capability of the 230 kV corridor.  Based on this analysis, the CAISO 27 
found numerous overloading concerns under Category B and Category C contingencies 28 
in the South Orange County and SCE systems.  The CAISO identified four thermal 29 
overloads for Category B contingencies and 52 thermal overloads for Category C 30 
contingencies in the 2024 Summer Off-Peak case.  Even for the 2024 Summer Peak case 31 
with only about 200 MW flowing northbound between the two areas, there were 3 32 
thermal overloads identified for Category C contingencies.  This indicates that the 33 
Alternatives have significant adverse impacts on the Transfer Capability between the two 34 

                                                            
150  Sparks Testimony at 17-18. 
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areas and system operation without further improvement in the south Orange County 1 
system. 2 

SCE’s System Impact Study is similarly likely to identify significant impacts to a number 3 

of important import paths and therefore require Reliability Upgrades to SCE’s and SDG&E’s 4 

systems at SDG&E’s expense (which would be passed on to CAISO ratepayers).  To properly 5 

assess the risk to the import limit, a WECC PRG (Path Rating Group) would be formed to 6 

determine any additional projects that would be needed to mitigate the impact to the import limit.  7 

These costs also would be attributed to SDG&E and then to CAISO ratepayers. 8 

Because none of the Reliability Upgrades or WECC projects have been identified at this 9 

time (and would not be for at least several years), their environmental impacts have not been 10 

assessed.   11 

Frontlines does not address these impacts, the projects it would take to mitigate them, or 12 

the cost of such mitigation. 13 

In response to SDG&E’s analysis, based on power flow modeling of an SCE 14 

interconnection, ORA’s witness, who did not conduct any power flow modeling of an SCE 15 

interconnection, opines: “Whether the SOC load is interconnected to the SDG&E system or 16 

interconnected to the SCE system, the impact on the CAISO controlled grid will be similar.”151  17 

Mr. Mee then provides four “reasons”—none of which actually analyze the impact of an SCE 18 

interconnection on either SDG&E’s system or SCE’s system.   Below are Mr. Mee’s “reasons” 19 

and SDG&E’s responses:  20 

1) The SOC load is located at the “border” of the SDG&E and SCE transmission systems. 21 
The distance between Talega Substation and the Trabuco or Pico Substations, is 22 
approximately 10 miles.  To a 230 kV transmission system, the impedance of a 10 mile 23 
transmission line is negligible.152 24 

This assertion is factually wrong – Pico and Talega substation are separated by less than 25 

two miles – as well as conceptually backwards.  Paralleling a strong 230 kV system with a weak 26 

138 kV link that is short and has relatively low impedance will tend to cause inadvertent loop 27 

flow on the 138 kV system, rather than inhibit it.  Moreover, this assertion is contradicted by the 28 

                                                            
151  Mee Testimony at 21. 
152  Mee Testimony at 21. 
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actual study work performed by the CAISO and referenced in Robert Spark’s testimony, which 1 

indicate significant issues with paralleling the 138 kV system with the SCE 230 kV system. 2 

2) Both SDG&E’s and SCE’s transmission systems were turned over to CAISO 3 
operational control almost 20 years ago.  Both SCE’s and SDG&E’s transmission 4 
systems are now integrated as parts of the CAISO controlled grid.  The CAISO controlled 5 
grid is obligated to provide services to all transmission users.  Specifically, the SCE 6 
transmission system is obligated to provide access to any load including the load that is 7 
originally served by the SDG&E transmission system.153 8 

The fact that CAISO has had operational control of both SDG&E’s and SCE’s 9 

transmission systems since 1999 does not provide any information about the impacts to either 10 

system of creating a new interconnection between them.  Similarly, the requirement in SCE’s 11 

Transmission Owner Tariff to allow interconnection, upon certain conditions, does not provide 12 

any information about the impacts of such interconnection.  As discussed in SDG&E’s 13 

Supplemental Testimony, Chapter 5, Section 2, the Transmission Owner Tariff requires a careful 14 

process to determine the impact of such an interconnection (a System Impact Study), determine 15 

the “Direct Assignment Facilities and, if applicable, any Reliability Upgrades required to provide 16 

the requested interconnection,”154 and imposes those costs on the party requesting the 17 

interconnection.  Mr. Mee has performed none of this work and does not refute SDG&E’s and 18 

CAISO’s testimony that reliability upgrades will be required. 19 

3) Furthermore, no matter how or whether SDG&E’s SOC load is interconnected to 20 
SDG&E’s transmission system or to SCE’s transmission system, the SOC load will be 21 
charged the same uniform transmission access charge.155 22 

The transmission access charge provides no information about the impact of an SCE 23 

interconnection on either SDG&E’s or SCE’s transmission systems. 24 

4) After the shutdown of the San Onofre Nuclear Generation Station (SONGS), 25 
approximately 2,150 MW of generation disappeared and the same amount of power flow 26 
disappeared on Path 43 and Path 44.  So the electric pathways of Path 43 and Path 44 27 
must be very relaxed at this time.  The SOC load is now interconnected to Path 44 which 28 
is in the SDG&E service territory.  With the SCE interconnection alternatives, part of the 29 
load will be disconnected from Path 44 and interconnected to Path 43, which is in the 30 
SCE service territory.  Since the amount of load shifting between the SDG&E 31 
transmission system and SCE transmission system is small compared to the 32 

                                                            
153  Mee Testimony at 21-22. 
154  Transmission Owner Tariff, Section 8.1.2. 
155  Mee Testimony at 22. 
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disappearance of the 2,150 MW generations from SONGS, there should be no technical 1 
issues.  Since there are no economic or technical constraints for this interconnection, 2 
there is no reason for the SCE’s transmission systems to take years to integrate part of the 3 
SOC load.156 4 

The “economic” constraints noted by Mr. Mee are irrelevant to system impacts.  Under 5 

the CAISO’s transmission owner tariff, needed Reliability Upgrades are required and those costs 6 

must be paid and assigned to ratepayers.  Moreover, the disappearance of SONGS had little or no 7 

impact on the 138 kV network in South Orange County, but as the CAISO’s analysis 8 

demonstrated, paralleling that system with SCE’s 230 kV Path 43 certainly will. 9 

Furthermore, although it is correct that there is no longer 2,150 MW of generation at San 10 

Onofre, the power needed to make up for the loss of San Onofre will flow over Paths 43 and 44. 11 

Paths 43 and 44 remain important paths connecting the Los Angeles load center with generation 12 

in the southwest.  Paths 43 and 44 carry, on a regular basis, hundreds of megawatts of energy 13 

north to the Los Angeles load center even in the absence of SONGS generation, with historical 14 

flows reaching as high as 1440 MW post-SONGS.  The assertion that these paths are “relaxed” 15 

and carry little or no flow is incorrect. 16 

Loop flow caused by a Pico connection to SCE will constrain the amount of power which 17 

can flow north over Path 43.  Results of analysis with approximately 1000 MWs flowing north 18 

on Path 43 (out of SDG&E into SCE) show violations of NERC Category B and C 19 

contingencies.  In order to prevent these violations, limitations will be placed on the amount of 20 

power flowing on Path 43 unless and until Reliability Upgrades are made.  A connection to SCE 21 

at Pico will adversely affect the transmission system.  22 

Section 5. The Pico Substation Alternative Will Not Address South Orange 23 
County Reliability Needs Without Additional Work to SDG&E’s 138 24 
kV Transmission System (Witness Cory Smith).  25 

Neither ORA nor Frontlines presents a coherent plan of service to address the reliability 26 

issues in SDG&E’s South Orange County system.  ORA describes its Pico Substation 27 

Alternative as an interconnection of Pico Substation and an SCE transmission line, but does not 28 

describe any other work it recommends to address the South Orange County reliability issues 29 

(other than its infeasible and ineffective suggestions regarding Talega Substation, addressed in 30 

                                                            
156  Mee Testimony at 22. 
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Chapter 3).  ORA’s cost estimate for its Pico Substation Alternative expressly excludes “the 1 

costs of rebuilding Capistrano Substation as a 138/12 kV substation, or the cost of reconfiguring 2 

the Talega Substation,” and ORA nowhere identifies any upgrades to SDG&E’s 138 kV system 3 

.157   4 

Slightly differing from ORA, Frontlines proposes an SCE interconnection to a 230 kV 5 

GIS substation located at an unknown location near Pico Substation, which is then connected by 6 

a 138 kV transmission line to Pico Substation.  But Frontlines does not estimate its “Pico 7 

Substation Alternative” costs at all and does not include its Pico Substation Alternative in its 8 

“recommended alternative approach.”158 9 

SDG&E, which has an obligation to provide reliable electric service to its South Orange 10 

County customers, must address the reliability issues in its system with a coherent and 11 

comprehensive plan of service.  Given ORA’s and Frontlines’ failure to provide sufficient 12 

information about their Pico Substation Alternatives, SDG&E used reasonable assumptions 13 

about a potential design to model the alternatives impact on SDG&E’s South Orange County 14 

transmission system through power flow analyses.   The model assumed two 230/138 kV 392 15 

MVA transformers at a rebuilt Pico Substation.159  The transformers were tied together in a 16 

breaker and a half scheme on the 230 kV side of the transformer and tied directly to the Pico East 17 

and West buses on the 138 kV side. 18 

The Pico Substation Alternative did not remove the NERC Category C violations, all of 19 

which would be mitigated by SDG&E’s Proposed Project. 20 

Table 8-1 NERC Violations Under Pico Substation Alternative 21 

Contingency 2020 2025 2030 
C3: 13816 + 13831 - 13833 13833 
C3: 13816 + 13833 - 13831 13831 
C3: 13831 + 13833 13834, 13816 13834, 13816 13834,13816 
C3: 13833 + 13838 13834, 13816 13834, 13816 13834,13816 
C1: PI W - 13831 13831 
C2: PI BT - 13831 13831 
                                                            
157  Mee Testimony at 18, 20. 
158  Ayer Testimony at 20. 
159  For the reasons discussed in Chapter 5 with respect to a second source at RMV Substation, neither a 
single 392 MVA 230/138 kV transformer nor a single 450 MVA 230/138 kV transformer would be 
sufficient to serve South Orange County load in the event Talega Substation were out of service. 
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C2: PI 13833 - 13831 13831 
C2: PI 13816 - 13831 13831 
C3:CP BK41 + 13831  - 13833 
C3:CP BK41 + 13833  - 13831 

The Pico Substation Alternative also does not mitigate the need to shed load under 1 

numerous Category C contingencies, all of which would be mitigated by SDG&E’s Proposed 2 

Project. 3 

Table 8-2 Load Shed Required Under Pico Substation Alternative 4 

Contingency 2020 2025 2030 
C3:13816 + 13831 13833 13833 13833 
C3:13816 + 13833 13831 13831, 13838 13838,13831 
C3:13816 + 13835 13834 13834 13834,13833 
C3:13816 + 13838 13833 13833 13833 
C3:13831 + 13833 13834,13816 13834,13816 13834,13816 
C3:13831 + 13834 13833 13833 13833,13816 
C3:13831 + 13835 13816 13816 13816 
C3:13833 + 13835 13816 13816 13816 
C3:13833 + 13838 13834, 13816 13834,13816 13834,13816 
C3:13834 + 13838 13833 13833 13833 
C3:13835 + 13838 13816 13816 13816 
C1:PI W 13831 13838,13831 13838,13831 
C2:PI BT 13831 13838,13831 13838,13831 
C2:PI13833 13831 13838,13831 13838,13831 
C2:PI13816 13831 13838,13831 13838,13831 
C3:CP BK40 + 13831 13833 13833 13833 
C3:CP BK40 + 13838 13833 13833 13833 
C3:CP BK41 + 13831 13833 13833 13833,13830 
C3:CP BK41 + 13833 13831 13831 13831 
C3:CP BK41 + 13838 13833 13833 13833 

A 230 kV substation at Pico would also require some type of voltage support to provide 5 

MVars to the SCE system.  The summary analysis conducted by SDG&E, although was not 6 

comprehensive, identified low voltages.  In order to specify the size and type (static or dynamic) 7 

of voltage support equipment needed, SDG&E would be required to do a comprehensive 8 

analysis.   Further, to support voltage in South Orange County, SDG&E also would need to 9 

replace the Talega STATCOM when it reaches the end of its useful life or install a new dynamic 10 

voltage control device (SVC, STATCOM or Synchronous Condenser) at the rebuilt Capistrano 11 

Substation at that time. 12 
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As discussed in Section 3 and 4 above, SCE’s System Impact Study, CAISO’s 1 

transmission studies, and a WECC Path Rating Group would determine whether additional 2 

Reliability Upgrades are necessary to address the impacts of the SCE interconnection on 3 

SDG&E’s system, SCE’s system, the CAISO controlled grid, and the rest of the WECC 4 

interconnection.  SDG&E has not addressed any such Reliability Upgrades in its testimony. 5 

Section 6. Pico Substation Does Not Have Space to Add a 230 kV Switchyard, 6 
and Expansion Would be Difficult and Costly (Witness Karl Iliev).  7 

A. Pico Substation Does Not Have Space to Add a 230 kV Switchyard  8 

SDG&E’s existing Pico Substation is built on a pad approximately 250 ft x 220 ft. The 9 

substation was built as a single bus- single breaker 138/12 kV distribution substation, with a 10 

planned ultimate configuration of four 138/12 kV transformers and four 138 kV transmission 11 

lines.  Pico Substation currently has four 138 kV transmission lines and two 138/12 kV 12 

transformers.  Confidential Attachment 36 shows the Pico Substation general arrangement.  13 

Pico Substation takes up the entire lot of the property acquired for the substation and is 14 

smaller than SDGE’s current standard for a distribution 138/12 kV substation, which estimates a 15 

minimum of 265’ x 290’ plus 25% for space requirements for water quality and 16 

hydromodification management criteria, as required by the Regional Water Quality Control 17 

Board, which is usually met through the combined use of underground infiltration tanks, and 18 

above ground detention basins.  SDG&E’s standard for distribution substation also takes into 19 

account a larger control shelter, fire safety requirements, and noise requirements. 20 

ORA’s Pico Substation Alternative proposes to convert Pico Substation into a 230/138/12 21 

kV substation.  Such a substation is considerably larger than a distribution substation and will not 22 

fit on the existing Pico Substation property lot. 23 

SDGE’s requirement for a 230/138 kV transmission bus serving bulk power transformers 24 

is a breaker and half arrangement (see Attachment 30 for a standard breaker and a half diagram)   25 

This is required for a cost effective, reliable bus configuration that allows for breaker and/or bus 26 

maintenance without line/bank interruption and minimal disruption in a breaker failure situation.  27 

It is also SDG&E’s standard to build at least one spare position when constructing a new 28 

substation to allow for future growth and/or maintenance activities.  Doing so is prudent and 29 

cost-effective, while failing to do so could result in significant additional costs if rebuilding the 30 

substation is later necessary to address such issues.   31 
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If Pico Substation were rebuilt as a 230/138/12 kV substation, the minimum requirements 1 

would be: 2 

 A 230 kV, 6-element, 3000A (possibly 4000A due to the SCE connection) 3 
switchyard with a breaker and half bus arrangement, with two 230 kV TL 4 
positions, two 230/138 kV transformer positions and a spare bay (TL and bank 5 
spare position), and a voltage regulating device.   6 

 A new control shelter to house the increased Transmission control & protection 7 
equipment. 8 

 A 138 kV 3000 amp switchyard with a breaker and half bus arrangement, with 9 
four distribution transformers (two now with two future), two connections for the 10 
230/138kV transformers, four 138 kV Transmission Lines).  At least 10 positions 11 
are needed. 12 

To allow for property line setback requirements and required landscaping required by 13 

local or state jurisdictions, and/or noise requirements, fire safety requirements, and standard 14 

drive aisle access, a minimum size 230/138/12 kV substation yard meeting SDG&E’s standards 15 

would be approximately 6-7 acres using GIS technology or approximately 12 acres using AIS 16 

technology – depending on the topography and arrangement of the land.  This acreage accounts 17 

for the space requirements for water quality and hydromodification management criteria, as 18 

required by the Regional Water Quality Control Board, which is usually met through the 19 

combined use of underground infiltration tanks, and above ground detention basins.  This space 20 

also accounts for required drive aisles between equipment for maintenance access, placement of 21 

equipment for optimum EMF and noise requirements, installation of required underground 22 

termination connections, cable pulling space requirements and any required pole placements. 23 

A 230/138/12 kV substation cannot be built on SDG&E’s existing Pico Substation property. 24 

B. Expanding and Rebuilding Pico Substation Would be Difficult and 25 
Costly 26 

Assuming ORA’s proposed Pico Substation Alternative uses GIS technology, an 27 

expanded 230/138/12 kV Pico Substation would require approximately an additional 4-5 acres, 28 

depending upon topology and type of transmission connections.  If the existing substation must 29 

be rebuilt, then a total of 6-7 acres would be required.  30 

To accommodate a 230/138/12 kV substation, SDG&E would have to acquire additional 31 

property (by negotiation or condemnation) of the commercial businesses to the east or west of 32 
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the existing substation property.  North of the substation is a street and south of the substation is 1 

the hillside with SCE transmission corridor that may be affected by an expansion to the south.  2 

See Attachment 35.  SDG&E would incur a cost to acquire such properties that would not be 3 

incurred with the Proposed Project, where SDG&E would be able to construct a 230/138/12 kV 4 

substation on SDG&E-owned Capistrano Substation property.  5 

A key driver for the amount of additional land would be the construction sequence.    The 6 

sequence would be as follows: 7 

 New build of a new 138 kV breaker and a half configuration GIS on new property 8 
that would be acquired.  This prevents interruption of service by customers being 9 
fed from the existing 138 kV infrastructure.   10 

 Relocation of the current 12 kV infrastructure to the new 138 kV GIS, allowing 11 
de-energizing of old 138 kV infrastructure.   12 

 Demolition and expansion of the existing 138 kV portion of the switchyard to 13 
accommodate the 230 kV GIS.   14 

 Building of the 230 kV GIS infrastructure and final energizing in the new 15 
configuration. 16 

 If the layout (depending on land acquisition) cannot accommodate keeping the 17 
12kV infrastructure in-place, more construction sequencing would be required to 18 
completely rebuild and relocate the existing 12 kV infrastructure (to optimize the 19 
facilities location on the property).  This would have significant negative impacts 20 
in the cost, scope, environmental impact, and project duration described above.  21 
Additionally, based on the location and layout (determined by land acquisition), 22 
overhead 230 kV and 138 kV may no longer be feasible, increasing cost to 23 
account for undergrounding transmission lines into the substation. 24 

The layout and visual aesthetics of a 230/138/12 kV Pico Substation, constructed with 25 

GIS technology, would be very similar to the Proposed Project’s rebuild of Capistrano 26 

Substation.  SDG&E would expect to construct a wall and install landscaping to screen the 27 

substation, but it would include two 40-50 foot GIS buildings and a voltage control device. 28 

The impact to the area would involve site work noise and dust suppression, and 29 

construction in the streets of the surrounding businesses for almost the entire construction 30 

duration.  Street construction would be lengthy due to the relocation of the existing distribution 31 

circuits (if affected by the layout) and possible undergrounding of the138kV transmission lines.  32 

Traffic could also be impaired by the haul trucks required for the site development work. 33 
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Without any engineering being done to determine the exact grading and 1 

hydromodification requirements, the size and cost of the 230/138 kV Substation, which may be 2 

able to connect to the existing distribution components in Pico Substation, is estimated to be 3 

comparable to the Proposed Project work at Capistrano Substation, and thus approximately $135 4 

million to $165 million (with AFUDC, $148 million to $181 million).  If the existing Pico 5 

Substation must be relocated, including the distribution equipment and circuits, then the cost 6 

would be approximately $171 million to $209 million (including AFUDC).  Neither of these 7 

estimated costs include relocating the existing 138kV transmission or distribution circuits, 8 

adding new 138kV and 230kV transmission lines, permitting, mitigation, property acquisition 9 

costs, or ROW.  Property acquisition costs, including business relocation, would be significant—10 

and avoided by the Proposed Project.   11 

Additional costs at Pico Substation would include a voltage control device, which may 12 

cost as much as $81-$99 million (with AFUDC, $89 million to $109 million), with the needed 13 

support to be determined after additional study. 14 

C. Frontlines’ Proposal for a 230 kV GIS Substation At an Unknown 15 
Location Near Pico Substation Is Unsupported.  16 

SDG&E cannot evaluate Frontlines’ proposal for a 230 kV GIS substation near Pico 17 

Substation because Frontlines has provided essentially no information about this proposed 18 

alternative.  Frontlines has not identified any particular location, so SDG&E cannot evaluate its 19 

size, topography, what would be displaced if SDG&E were to acquire such property, the 20 

feasibility of connecting transmission lines to a substation at such location, the paths such 21 

transmission lines would use to approach or leave such substation, or the environmental impacts 22 

of such construction.  Without such information, SDG&E cannot begin to assess the required 23 

work or estimate its costs.  A proposed alternative that does not include the location for a 24 

proposed 230 kV substation is not feasible. 25 

SDG&E also cannot evaluate Frontlines’ proposed design for a 230 kV substation 26 

because Frontlines has no design information.  SDG&E sought such information through data 27 

requests to Frontlines and was informed “FRONTLINES does not possess any schematics or 28 
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figures of the 230 kV GIS substation located near the Pico substation that is referred to in 1 

FRONTLINES testimony,” nor does Frontlines have a one-line diagram of such substation 160   2 

SDG&E also cannot evaluate Frontlines’ proposed changes to Pico Substation to 3 

interconnect to the proposed 230 kV GIS substation.  SDG&E sought such information through 4 

data requests to Frontlines and was informed: “Neither FRONTLINES nor Ms. Ayer possess a 5 

one line diagram of the Trabuco substation as configured to accommodate an interconnection 6 

with a 230 kV GIS substation located near Trabuco.”161  Further, SDG&E was informed: 7 

“FRONTLINES does not possess any schematics or one-line diagrams of any SOC substations 8 

(including Pico) other than what SDGE has provided in the record of this proceeding or in 9 

response to discovery requests. Nor has FRONTLINES prepared any such diagrams. In addition, 10 

FRONTLINES does not possess any layout figures for any SOC substations (including Pico) 11 

other than aerial figures which FRONTLINES has already provided to SDGE in prior data 12 

request responses.”162   13 

The 138 kV bus at Pico substation would have to be rebuilt if transmission elements are 14 

added to it into a more reliable breaker and a half configuration.  Even if SDG&E accepted the 15 

existing single-breaker single-bus arrangement, expansion of the 138kV bus inside the existing 16 

site footprint is not possible as there is insufficient space to maintain proper maintenance access 17 

to the existing equipment with the extra bus segment.  Additionally, simply adding another 18 

element to the existing bus is not possible without addressing the bus rating.  The current bus 19 

does not meet the load rating that would be required to feed Southern Orange County in peak 20 

loading conditions and would have to be replaced with infrastructure that had higher ratings. 21 

In short, Frontlines has not provided sufficient information about its proposal for SDG&E 22 

to evaluate its feasibility, much less its costs.  However, Frontlines’ version of a Pico Substation 23 

Alternative would include constructing a 230/138 kV GIS substation at some acquired property 24 

near Pico, expanding and rebuilding at least some of Pico Substation, and rebuilding a 138/12 kV 25 

Capistrano Substation whereas SDG&E’s Proposed Project only rebuilds a 230/138/12 kV 26 

Capistrano Substation on SDG&E-owned property.  SDG&E expects that Frontlines’ Pico 27 

                                                            
160  Attachment 34 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Questions 22 & 23). 
161  Attachment 34 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Question 24).  
162  Attachment 34 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Question 25). 
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Substation Alternative would cost considerably more for substation work than the Proposed 1 

Project. 2 

Although Frontlines provides essentially no design information for its proposal, 3 

Frontlines asserts that SDG&E over-estimates the amount of space required to add a 230 kV 4 

switchyard to an existing SDG&E South Orange County substation: 5 

According to SDGE, an air insulated 230 kV substation (“AIS”) requires a 12 acre 6 
space and a gas insulated substation (“GIS”) 230 kV substation requires a 6-7 acre space.  7 
However, these size requirements appear inflated.  For example, consider the San Juan 8 
Capistrano substation that SDGE proposes to construct as part of the SOCRE Project.  9 
According to the Proponents Environmental Assessment (“PEA”), it will be constructed 10 
on four different pads at various elevations and accommodate the following 230 kV 11 
equipment: 12 

 A 230 kV GIS substation with 3 bays in a breaker and a half configuration to 13 
accommodates 1 three 230 kV lines and 3 transformers which occupies less 14 
than 0.4 acres of pad 3.  15 

 A 230 kV capacitor bank that occupies less than 0.45 acres of pad 4.  16 

 Three 230/138 kV transformers that occupy less than 0.25 acres of pad 2.  17 

Even assuming an 85+ foot separation distance between the transformers and 18 
other substation elements, this equipment occupies a substantially smaller footprint than 19 
the 6-7 acres that SDGE claims is needed for a GIS substation interconnected to SCE’s 20 
system.163 21 

SDG&E’s size approximations include areas which are dependent upon on the 22 

topography and arrangement of the land.  If the proposed substation site is perfectly flat and 23 

rectangular shape then the substation would take less land than if the site has hills, requires 24 

retaining walls, and/or has a lot of unusable space due to boundary configurations.  This acreage 25 

also accounts for the space requirements for hydromodifications, required drive aisles between 26 

equipment for proper maintenance access and equipment transport, placement of equipment for 27 

optimum EMF and noise requirements, installation of required underground termination 28 

connections and cable pulling space requirements and any required pole placements. Required 29 

landscaping and aesthetic modifications must also be accounted for in approximating land size. 30 

                                                            
163  Ayer Testimony at 18-19 (footnotes omitted). 
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Frontlines also refers to an article about the Sinatra 230/138/12 kV GIS substation in Las Vegas 1 

to contend “an SCE interconnection with a GIS 230 kV substation could be accommodated on a 2 

parcel that is a fraction of the 6-7 acre size posited by SDGE.”164   3 

Frontlines’ comparison of a GIS substation near Pico Substation to the Sinatra substation 4 

in Las Vegas is missing critical differences in the two situations.  According to an article 5 

regarding the installation165: 6 

The 230-kV GIS from ABB (Zurich, Switzerland) at the northern end of the site features 7 
three 230-kV line terminals in a four-breaker ring bus. The two initial underground 230-8 
kV lines use two cross-linked polyethylene (XLPE)-insulated 2500-kcmil copper cables 9 
per phase supplied by Prysmian Power Cables and Systems  (Lexington, South Carolina, 10 
U.S.).  South of the 230-kV GIS is a 180/240/300//336-MVA, 230/138-kV 11 
autotransformer manufactured by Siemens (Munich, Germany). 12 

The low side of the autotransformer is attached to an ABB 138-kV GIS, vertically 13 
stacked six-breaker ring bus.  In addition to being connected to the autotransformer, the 14 
138-kV GIS is connected to two underground 138-kV circuits from the Suzanne and 15 
Bellagio substations, plus a future 138-kV position.  The two initial underground 138-kV 16 
lines use Nexans (Paris, France) XLPE-insulated 2000-kcmil copper cable.  The 138-kV 17 
GIS also features two air-insulated terminals for mobile transformer connection. 18 

The use of a ring bus at the Sinatra Substation limits the ultimate capacity of the 19 

substation configuration, thus lowering space requirements to a fraction of that using a breaker 20 

and a half configuration.  A ring bus also provides much lower reliability than a breaker and a 21 

half configuration affords.  SDG&E’s Proposed Project requires much more elements in its 22 

ultimate configuration due to its proposed scope and therefore cannot accommodate a ring bus 23 

configuration.  Because of this, the Proposed Project and its alternatives should not be compared 24 

to a GIS with an ultimate configuration that can fit into a ring bus. 25 

Additionally, standard construction for a utility is determined by that utility’s 26 

maintenance, safety, and regulatory programs.  First, environmental and construction 27 

requirements at the City and State level are vastly different in California as compared to Las 28 

Vegas.  Water runoff, air quality impact, visual mitigation, noise mitigation, traffic mitigation, 29 

etc. are much different, which impact cost and space requirements.  As mentioned previously, 30 

                                                            
164  Ayer Testimony at 19.  
165  http://tdworld.com/substations/more-power-las-vegas. 
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RWQCB requirements to address water quality impacts alone can account for an additional 25% 1 

of substation space in California.   2 

Additionally, the Sinatra substation does not provide for sufficient maintenance access 3 

inside the substation, meaning failed equipment would force cranes to shut down traffic outside 4 

of the substation in order to replace any failed GIS or transformer equipment.  Normal preventive 5 

maintenance access is also eliminated, requiring design of transformers, circuit breakers, and 6 

other devices that are not regularly serviced, further lowering reliability.  Additionally, SDG&E 7 

prefers indoor GIS as it has been proven to keep the temperature of the GIS equipment more 8 

constant, leading to longer life of GIS sealing technology, and thus minimizing long-term air 9 

quality impact from fugitive Sulfur Hexaflouride gas (which according to the EPA has 10 

approximately 22,000 times the impact of CO2 as a greenhouse gas).  Leaving the GIS outdoors 11 

lowers the service life of the equipment, obtaining reduced space by reducing performance. 12 

In sum, substations outside of SDG&E’s service territory cannot be compared to 13 

SDG&E’s substations for various reasons including: 14 

 Permitting requirements of each site specific jurisdiction, including the RWQCB 15 
hydromodification requirements applicable in California 16 

 Equipment requirements – each utility may have different equipment specifications 17 
which will result in different size and spacing requirements 18 

 Work practices and safety rules requiring different equipment layouts. 19 

 Aesthetic mitigation requirements – each local jurisdiction will require its own property 20 
setbacks and landscaping requirements 21 

 Reliability requirements – each utility requires its own layout and equipment 22 
specifications to meet its own reliability concerns 23 

 Transmission and/or distribution system requirements specific to the utility system. 24 

Section 7. Rebuilding a 138/12 kV Capistrano Substation Is Necessary, and 25 
Would Have Similar Impacts as the Proposed Project (Witness Karl 26 
Iliev) 27 

SDG&E appreciates Frontlines’ agreement that Capistrano Substation must be rebuilt or 28 

overhauled.  Based upon careful analysis, SDG&E concluded that only replacing equipment in 29 

the existing Capistrano Substation will not provide adequate reliability for SDG&E’s customers 30 

in the City and South Orange County.  Adequate reliability can only be gained by a complete 31 
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rebuild and expansion of the existing substation.  Replacing aging infrastructure in kind and 1 

rebuilding a limited size substation in the existing yard will not achieve the improvements 2 

provided by the Proposed Project, and will not achieve SDG&E’s goal to provide reliable 3 

electric service to its South Orange County customers.  4 

The rebuild of the Capistrano Substation would expand to the lower yard within SDG&E-5 

owned property and add a minimum of two spare 138kV positions for future needs that may arise 6 

outside of the planning time horizon, but within the expanded lifetime of the newly rebuilt 7 

substation.  The substation cannot be rebuilt in its current location and needs to be built in the 8 

lower yard to maintain construction safety and station reliability during the rebuild project.   9 

Moreover, SDG&E has not had sufficient time to properly analyze this Alternative and 10 

Capistrano Substation may have to accommodate additional 138kV transmission lines.  11 

SDG&E agrees that if the second 230 kV source for South Orange County were to be 12 

moved to another site, then Capistrano Substation should be rebuilt as a 138/12 kV substation.  If 13 

rebuilt as a stand-alone project, a Capistrano 138/12 kV substation is estimated to cost between 14 

$135 million to $165 million (including permitting, mitigation and AFUDC costs).  15 

Section 8. Transmission and Distribution Work that Would be Required by the 16 
Pico Substation Alternative (Witness Willie Thomas) 17 

The Pico Substation Alternatives from both ORA and Frontlines lack sufficient detail to 18 

determine the full scope of work necessary to accommodate the interconnection with the 19 

adjacent SCE line. In particular, without substation layout details it is difficult to determine how 20 

lines will enter and exit the substation, and if they will be overhead or underground.  Given the 21 

lack of details on such an interconnection and due to lack of time to conduct detailed engineering 22 

studies and consultation with SCE, SDG&E has assumed that the substation will be expanded 23 

and rebuilt at the same general location to accommodate the interconnection.  The scope of work 24 

listed below may not incorporate all aspects of the design nor illustrate the construction 25 

sequence, nor does it suggest building a 230/138/12 kV substation is physically possible at this 26 

location due to site constraints.  At a minimum, the following would likely be required to make 27 

the SCE interconnection possible at Pico Substation: 28 

 Three SCE towers adjacent to the newly expanded Pico substation would be 29 
removed and four new terminal dead-end double circuit structures (designed to 30 
handle all wires off on one side) installed to accommodate the looping in of the 31 
SCE line.  The SCE lattice tower directly south of Pico would be replaced with 32 
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two terminal dead-end double circuit structures to allow the looping in of one of 1 
the SCE lines and bypassing of the second SCE line as the existing tower is likely 2 
not designed to handle the imbalanced loading that would be imparted by the new 3 
arrangement.  Additionally, it would provide better reliability and maintenance to 4 
install separate structures.  The remaining tower removals, one tower east and one 5 
tower west of Pico look to be tangent structures, which are typically not designed 6 
to handle changes in span length or tensions, and it would be prudent to assume 7 
they also need to be replaced with terminal dead-end double circuit structures to 8 
accommodate the new arrangement.  Additional grading and site development 9 
would also be required to facilitate this construction, and may include retaining 10 
walls due to the steep terrain to ensure adequate working space around each of the 11 
structures. 12 

 The adjacent TL13835 line would need to be relocated to accommodate the SCE 13 
line being looped into the newly expanded Pico substation.  Without detailed 14 
engineering, it should be assumed that an underground route is necessary to 15 
accommodate the crossing of the SCE line.  The length of this underground is 16 
assumed to be approximately 1,400ft and would require removal of three H-frame 17 
wood structures and installation of two cable poles and one dead-end foundation 18 
pole. 19 

 Tielines TL13816, 33, 36, and 46 would likely enter into the newly expanded 20 
substation in underground positions to accommodate the 230 kV interconnection 21 
and to minimize outages during construction.  It might be possible to construct A-22 
frame structures on the West and East side of the substation; however, not having 23 
a detailed substation arrangement and not having conducted detailed engineering 24 
to ensure clearances can be met, it should be assumed that the lines would 25 
terminate on cable pole structures (four total, one for each 138kV line terminating 26 
in Pico) either adjacent to or inside the newly expanded substation.  Removals 27 
would include the removal of two dead-end foundation poles south of Pico, a 28 
single tangent lattice tower north of Pico, and removal of associated overhead 29 
wire and hardware. 30 

The scope of work described above is similar to that described in the Supplemental 31 

Testimony page 114 for a new substation at Prima Deschecha Landfill, however, the 138kV 32 

underground and 230kV overhead are assumed to be shorter in length.  It is assumed the Pico to 33 

SCE interconnection costs are roughly 75% of the costs to build the SCE interconnection at 34 

Prima Deschecha Landfill, and is estimated to cost between $20 million and $24 million 35 

(including EMF mitigation and AFUDC). 36 
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Section 9. The Pico Substation Alternative Would Cost More Than the Proposed 1 
Project (Witness Willie Thomas) 2 

Because ORA’s Pico Substation Alternative was first presented in ORA’s testimony, and 3 

was not evaluated in the Commission’s Draft EIR, SDG&E has not had time to fully conduct 4 

even a high level evaluation of its costs (assuming it were otherwise feasible).   5 

At this point, subject to further review and engineering, SDG&E notes the following 6 

estimated costs: 7 

 As set forth in Section 6.B above, SDG&E estimates the cost of constructing a 8 
230/138 kV substation at Pico to be comparable to the Proposed Project work at 9 
Capistrano Substation, and thus approximately $135 million to $165 million (with 10 
AFUDC, $148 million to $181 million).  If the existing Pico Substation must be 11 
relocated, including the distribution equipment, then the cost would be 12 
approximately $171million to $209 million (including AFUDC). .  These 13 
estimated costs do not include relocating the existing 138kV transmission, adding 14 
new 138kV and 230kV transmission lines,  property acquisition costs, or ROW.  15 
(Permitting and mitigation costs are assumed to be covered in the Capistrano cost 16 
estimate).  Property acquisition costs, including business relocation, would be 17 
significant.   18 

 As set forth in Section 7 above, rebuilding Capistrano Substation as a 138/12 kV 19 
substation is estimated to cost, as a stand-alone project, between $135 million to 20 
$165 million (including permitting, mitigation and AFUDC costs). 21 

 As set forth in Section 8 above, the cost of interconnecting Pico to an SCE 22 
transmission line is estimated to cost between $20 million and $24 million 23 
(including EMF mitigation and AFUDC). 24 

 As discussed in Section 2, a second 230 kV source at Pico Substation is likely to 25 
require upgrading of the 138 kV lines west of Pico Substation to serve the flow of 26 
energy toward the load center.  As set forth in Section 5, simply interconnecting 27 
an SCE 230 kV line to Pico Substation will not mitigate the NERC Category C 28 
violations set forth in Table 8-1 or the Category C load shedding set forth in 29 
Chapter 8-2.  Therefore, implementation of the Pico Substation Alternative (if 30 
feasible) would require upgrading SDG&E’s 138 kV network in South Orange 31 
County.  At this point, SDG&E has not had time to conduct the studies necessary 32 
to identify the necessary upgrades. 33 

 To provide the reliability benefits of the Proposed Project, a rebuilt 230/138/12 34 
kV Pico Substation would need to be able to serve peak load in South Orange 35 
County during an outage of service from Talega Substation.    At this point, 36 
SDG&E has not had time to conduct the studies necessary to identify the 37 
necessary upgrades to SDG&E’s 138 kV network to allow a rebuilt Pico 38 
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Substation to do so.  Two 392 MVA 230/138 kV transformers at the rebuilt Pico 1 
Substation would be necessary and are included in SDG&E’ cost estimate above. 2 

 As set forth in Section 5 above, a voltage control device will be necessary at a 3 
rebuilt Pico Substation to supply MVars to SCE and, as noted in Section 6.B 4 
above, such device may cost as much as $81-$99 million (with AFUDC, $89 5 
million to $109 million) (appropriate size and type will require further study).  In 6 
addition, voltage support is needed for South Orange County.  SDG&E’s 7 
Proposed Project includes two 230 kV capacitors at rebuilt Capistrano 230 kV 8 
bus.  This proposed Pico Alternative will require an additional voltage control 9 
device at either Capistrano or at Talega when the existing Talega STATCOM 10 
reaches the end of its useful life, at an additional cost of $81-$99 million (with 11 
AFUDC, $89 million to $109 million).  12 

SDG&E’s estimated cost for its Proposed Project is $384 million.  The elements of 13 

ORA’s Pico Substation Alternative, for which SDG&E has had little time to estimate cost, totals 14 

$481 million to $588 million, even assuming that Pico distribution equipment does not need to 15 

be relocated.   This cost does not include property acquisition and business relocation at the 16 

expanded Pico Substation, 138 kV upgrades to address NERC Category C violations and load 17 

shedding, 138 kV upgrades to mitigate the risk of forced outages during maintenance events, and 18 

138 kV upgrades to make a rebuilt Pico Substation fully redundant for South Orange County in 19 

the event of a Talega service outage.   As a result, SDG&E is confident that the Pico Substation 20 

Alternative will cost far more than the Proposed Project.  21 
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CHAPTER 9.  ORA’S AND FRONTLINES’ “TRABUCO SUBSTATION 1 
ALTERNATIVE” IS NEITHER FEASIBLE NOR COST-EFFECTIVE 2 

Section 1. Introduction (Witness John Jontry) 3 

As noted above, ORA and Frontlines also have proposed a “Trabuco Substation 4 

Alternative,” consisting of interconnecting SDG&E’s South Orange County system to an SCE 5 

230 kV transmission line at or near SDG&E’s existing Trabuco Substation.  Like the Pico 6 

Substation Alternative, ORA and Frontlines appear to suggest the Trabuco Substation 7 

Alternative solely because Trabuco Substation is located near certain SCE transmission lines.   8 

 Neither Mr. Mee nor Ms. Ayer present any power flow analysis of the impact on 9 
the interconnected electrical system of the proposed SCE interconnection at or 10 
near Trabuco Substation, much less how it performs under the applicable NERC 11 
transmission planning standards and the CAISO Planning Standards.  In response 12 
to data requests, both ORA and Frontlines conceded that they did not conduct any 13 
power flow analyses to determine the system impacts of, and how the system 14 
would perform with, their proposed versions of the Trabuco Substation 15 
Alternative.166 16 

 Having failed to conduct a proper power flow analysis, neither Mr. Mee nor Ms. 17 
Ayer provide adequate information about the additional work required on 18 
SDG&E’s South Orange County 138 kV network to allow a 230 kV 19 
interconnection at or near Trabuco Substation to serve South Orange County in 20 
the event Talega Substation were unable to serve the 138 kV network.  21 

 Mr. Mee presents no information about design or construction of the expanded 22 
230/138/12 kV Trabuco Substation, much less its feasibility or cost.  Ms. Ayer 23 
presents no information about design or construction of the 230 kV GIS 24 
substation located somewhere near Trabuco Substation or any necessary changes 25 
to Trabuco Substation to interconnect to such substation, much less the feasibility 26 
or cost of the required work at both locations. 27 

 Mr. Mee presents no information about where or how to construct the proposed 28 
SCE interconnection to Trabuco Substation.  Ms. Ayer presents no information 29 
about where or how to construct the proposed interconnection of an SCE 30 
transmission line to the 230 kV GIS substation located somewhere near Trabuco 31 
Substation, or the interconnection between such substation and Trabuco 32 
Substation. 33 

                                                            
166  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 2) (“ORA did 
not generate power flow analysis regarding the Trabuco Alternative”); Attachment 33 (Frontlines’ 
Response To SDG&E’s Sixth Set Of Data Requests, Question 5) (“FRONTLINES has not conducted a 
power flow analysis of the 230 kV GIS substation near the Trabuco substation that FRONTLINES 
described in testimony.”). 
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 Neither Mr. Mee nor Ms. Ayer present a complete plan of service to address the 1 
reliability issues in South Orange County.  2 

ORA describes its proposed Trabuco Substation Alternative as follows: 3 

ORA proposes to interconnect SDG&E’s Trabuco Substation to SCE’s San Onofre – 4 
Santiago transmission line (see Figures 3-1, 3-2, and 3-3). To complete this project, ORA 5 
recommends the following: 6 

(1) Acquire approximately 2 acres of land on the north side of the Trabuco Substation. 7 

(2) construct a 230-kV switchyard on the acquired 2 acres, including one 230kV/138kV 8 
transformer with a capacity of 392 MVA.18 9 

(3) Construct approximately 0.5 miles of double circuit transmission line from the San 10 
Onofre Switchyard-Santiago 230 kV transmission line to the 230 kV yard at the Trabuco 11 
Substation.  The San Onofre Switchyard-Santiago 230-kV transmission line would 12 
become two new transmission lines:  the San Onofre Switchyard-Trabuco 230 kV 13 
transmission line and the Trabuco-Santiago transmission line.  Based on ORA’s 14 
preliminary analysis, the point of interconnection should be at the San Onofre 15 
Switchyard-Santiago transmission lines on the east side of the San Diego Freeway 16 
(Interstate-5).  From there, the interconnection would follow Puerta Real, over Interstate 17 
5.  The termination would be at the 230 kV yard, with the electric system components 18 
described in (2) above. 19 

(4) Separate the SOC load into two parts by setting some of the 138 kV circuit breakers 20 
“Normal Open”.  Under normal operating conditions, the existing Talega Substation will 21 
supply one part of the SOC load and the upgraded Trabuco Substation will supply the 22 
other part of the SOC load.  When one of the 230 kV power supplies (for example, 23 
Talega Substation) is not available, the “Normal Open” circuit breakers can be closed so 24 
the other 230 kV power supply (for example, Trabuco Substation) can supply critical load 25 
to the whole SOC area-167 26 

In response to data requests, ORA stated that it “did not have enough information” to 27 

provide a schematic diagram showing the proposed equipment layout, to identify the major 28 

components, to identify work areas during construction, or provide any documents relating to 29 

design of a rebuilt 230/138/12 kV Trabuco Substation.168  When asked for the route and design 30 

for the transmission line to connect Trabuco Substation to an SCE transmission line, ORA 31 

                                                            
167  Mee Testimony at 12-13 (footnotes omitted). 
168  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 4).  
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responded: “ORA requests that SDG&E conduct a cost analysis and select the least cost option” 1 

as well as determining the “feasibility” of such an interconnection.169 2 

Frontlines describes its proposed Trabuco Substation Alternative as follows: 3 

These alternatives involve interconnections to SCE’s 230 kV system on WECC Path 43.  4 
There are two 138 kV substations on SDGE’s SOC system that lay in close proximity to 5 
SCE’s 230 kV lines: Pico (which lies adjacent to SCE’s lines) and Trabuco (which is 6 
approximately 1,000 feet from the SCE Path 43 ROW).  A small 1 230 kV GIS substation 7 
looped in to an adjacent SCE 230 kV lines could be sufficient as a second source in SOC.   8 

Two of the SCE 230 kV lines that comprise WECC Path 43 are located quite close to the 9 
Trabuco substation, which itself is surrounded by existing developments and the 10 
Interstate 5 freeway.  While there may not be sufficient area to accommodate a 230 kV 11 
substation within the Trabuco substation footprint, there could be sufficient space 12 
provided at several locations nearby on land that is already partly occupied by the SCE 13 
Path 43 lines.  These parcels do not appear to be owned by a utility or municipality; their 14 
locations are shown in Exhibit 3.  The topography of some of the parcels may require pad 15 
construction not unlike what SDGE proposes at Capistrano under the SOCRE Project.  A 16 
138 kV connection at the Trabuco substation could be made by extending the Trabuco 17 
bus.170 18 

In responses to data requests, Frontlines explained that it proposes interconnecting an 19 

SCE line to a 230 kV GIS substation located near Trabuco Substation, which then would be 20 

interconnected to Trabuco Substation by a 138 kV transmission line.171  Frontlines identified 21 

three potential locations for such a 230 kV GIS substation by circling open areas on an aerial 22 

photo.172 23 

In responses to data requests, Frontlines further explained that: (a) does not have any one-24 

line diagram or design schematics for such a 230 kV GIS substation; (b) does not have proposed 25 

paths for the transmission lines interconnecting SCE’s 230 kV line to the 230 kV GIS substation 26 

                                                            
169  Attachment 32 (ORA Response to SDG&E’s Second Set of Data Requests, Question 6). 
170  Ayer Testimony at 17-18, 19. 
171  Frontlines’ Response To SDG&E’s Fourth Set Of Data Requests, Question 14 (“FRONTLINES 
testimony did not recommend the construction of a 230/138/12 kV Trabuco Substation.”); Frontlines 
Response to SDG&E’s Fifth Set of Data Requests, Question 5 (“In the Trabuco area, FRONTLINES 
identified locations along and adjacent to the SCE ROW that are near the Trabuco Substation where a 
small 230 kV GIS substation could be constructed along with the necessary 230/138 kV transformer 
equipment.  The SOC system could be connected to 138 kV power at this location.”) 
172  Ayer Testimony at 19, Exhibit 3. 
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or from there to Trabuco Substation; and (c) has no one-line diagram or design schematics for 1 

Trabuco Substation showing an interconnection with such a 230 kV GIS substation.173   2 

Based on its review and analysis of the Trabuco Substation Alternative, SDG&E 3 

concludes that the Trabuco Substation Alternative is neither feasible nor cost-effective.  4 

Section 2. The Trabuco Substation Alternative Does Not Add a 230 kV Source at 5 
the Load Center for South Orange County (Witness John Jontry) 6 

As discussed above with respect to the Pico Substation Alternative, adding a 230 kV 7 

source at the load center for SOC is more effective and efficient because of the close proximity 8 

to the center of load in South Orange County to Capistrano Substation.  Trabuco Substation is 9 

also not at the load center for South Orange County.  Rather, it is located several miles north of 10 

the load center, with Capistrano Substation located between Trabuco and the calculated load 11 

center.  See Fig. 8-1 above, which represents the load center analysis for South Orange County 12 

and indicates the relative proximity of all of the substations.  Generally speaking, energy injected 13 

from the 230 kV system into the 138 kV system will then flow towards the load center, across 14 

the 138 kV network, before it can then flow out to serve customer load.  Although Trabuco is 15 

located in a relatively better location than Pico to act as a second source to South Orange County 16 

(both closer to the load center and electrically removed from Talega), Capistrano is still the best 17 

of all existing locations as clearly demonstrated in Fig. 8-1. 18 

Also, Trabuco Substation is located adjacent to three 138 kV transmission lines, unlike 19 

the six lines that will terminate at Capistrano Substation upon completion of the SOCRE Project, 20 

and the four lines that currently terminate at Talega Substation.  In order for a second 230/138 21 

kV source located at Trabuco Substation to be fully redundant to the existing source at Talega, 22 

and given that two of the lines are located  in a common transmission corridor south of Trabuco 23 

Substation and could be subject to a common-mode failure, it would be necessary to add at least 24 

one additional 138 kV line from Trabuco Substation to Capistrano Substation.  As discussed 25 

above, energy will tend to flow south from Trabuco towards the load center at Capistrano 26 

Substation.  Following loss of Talega Substation, with Trabuco Substation acting as the sole 27 

source to South Orange County, this would result in several hundred megawatts of energy 28 

                                                            
173  Attachment 33 (Frontlines’ Response To SDG&E’s Sixth Set Of Data Requests, Questions 6-9, 11); 
Attachment 34 (Frontlines’ Response To SDG&E’s Sixth Set Of Data Requests, Question 12).   
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flowing south from Trabuco.  As both lines south of Trabuco (TL13834 and TL13833) share a 1 

common transmission corridor and could be subject to a common-mode failure, it is possible for 2 

a single N-2 contingency to remove both lines from service.  This would effectively cut off 3 

Trabuco from the bulk of the South Orange County load.  As a second source at a rebuilt 4 

230/138/12 kV Capistrano substation would enjoy connectivity from six 138 kV lines, loss of 5 

any two lines will still allow Capistrano to supply the bulk of South Orange County load.  As a 6 

result, substantial work is required on the 138 kV system to allow a 230 kV source at Trabuco 7 

Substation to serve South Orange County in the event of a service outage at Talega Substation. 8 

Section 3. An Interconnection with SCE at Trabuco Substation Would Take 9 
Years to Accomplish (Witness John Jontry) 10 

As discussed in SDG&E’s Supplemental Testimony, Chapter 5, Section 2, any 11 

interconnection with SCE’s system would take years to accomplish.  Among other steps that 12 

would be required for a transmission interconnection to SCE’s system, SDG&E would need to 13 

comply with SCE’s Transmission Owner Tariff, the Transmission Control Agreement among 14 

transmission owners and the California Independent System Operator (“CAISO”), and the 15 

CAISO Tariff.  These steps are time-consuming, not within SDG&E’s control, likely to result in 16 

significant additional costs to SDG&E ratepayers (and other CAISO ratepayers), and may not 17 

result in approval of an SCE interconnection.  SDG&E responded to ORA’s and Frontlines’ 18 

testimony on this issue in Chapter 8, Section 3. 19 

Section 4. An SCE Interconnection at Trabuco Substation Would Have Impacts 20 
to Both the SCE and SDG&E Transmission Systems That Would 21 
Need to be Mitigated (Witness John Jontry).  22 

As discussed extensively in SDG&E’s Supplemental Testimony, Chapter 5, Section 3, 23 

and the preceding Chapter 8, Section 4, such an interconnection with SCE would parallel a 24 

robust 230 kV path with a relatively weak 138 kV network.  This would have the dual negative 25 

impacts of restricting the allowable flow on the 230 kV path while subjecting the 138 kV system 26 

to network flows for which it was not designed.  Restricting allowable flow on the SCE lines in 27 

South Orange County could result in limiting the transfer capability between the SDG&E and 28 

SCE systems, resulting in reduced import capability for both utilities.  In fact, such an 29 

interconnection may have a significant impact on Southern California’s import capability.   30 
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SCE’s System Impact Study is similarly likely to identify significant impacts to a number 1 

of important import paths and therefore require Reliability Upgrades to SCE’s and SDG&E’s 2 

systems at SDG&E’s expense (which would be passed on to CAISO ratepayers).  To properly 3 

assess the risk to the import limit, a WECC PRG (Path Rating Group) would be formed to 4 

determine any additional projects that would be needed to mitigate the impact to the import limit.  5 

These costs also would be attributed to SDG&E and then to CAISO ratepayers. 6 

Because none of the Reliability Upgrades or WECC projects have been identified at this time 7 
(and would not be for at least several years), their environmental impacts have not been assessed. 8 

SDG&E responded to ORA’s contentions about the impact of an SCE interconnection is 9 

Chapter 8, Section 4.   10 

Section 5. The Trabuco Substation Alternative Has Not Been Assessed to 11 
Determine Its Effectiveness and Impacts (Witness Cory Smith). 12 

Neither ORA nor Frontlines presents a coherent plan of service to address the reliability 13 

issues in SDG&E’s South Orange County system.  ORA describes its Trabuco Substation 14 

Alternative as an interconnection of Trabuco Substation and an SCE transmission line, but does 15 

not describe any other work it recommends to address the South Orange County reliability issues 16 

(other than its infeasible and ineffective suggestions regarding Talega Substation, addressed in 17 

Chapter 3). ORA’s cost estimate for its Trabuco Substation Alternative expressly excludes “the 18 

costs of rebuilding Capistrano Substation as a 138/12 kV substation, or the cost of reconfiguring 19 

the Talega Substation,” and ORA nowhere identifies any upgrades to SDG&E’s 138 kV 20 

system.174  ORA does not discuss how the SCE interconnection may affect the flow of power 21 

over the 138 kV and 230 kV transmission systems in South Orange County specifically, and the 22 

bulk power system in Southern California generally.   23 

Slightly differing from ORA, Frontlines proposes an SCE interconnection to a 230 kV 24 

GIS substation located at any one of three locations near Trabuco Substation, which is then 25 

connected by a 138 kV transmission line to Trabuco Substation.  Frontlines does not estimate the 26 

costs of its Trabuco Substation Alternative, and does not include its Trabuco Substation 27 

Alternative in its “recommended alternative approach.”175  Frontlines also fails to address how 28 

                                                            
174  Mee Testimony at 18, 20. 
175  Ayer Testimony at 20. 
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the SCE interconnection may affect the flow of power over the 138 kV and 230 kV transmission 1 

systems. 2 

SDG&E, which has an obligation to provide reliable electric service to its South Orange 3 

County customers, must address the reliability issues in its system with a coherent and 4 

comprehensive plan of service.  Assuming for the moment that all of the required work is 5 

feasible to construct and can be completed in a reasonable period of time, and based upon its 6 

preliminary analyses of the Trabuco Substation alternative, SDG&E sets forth below the 7 

necessary elements of a plan of service that includes an SCE 230 kV interconnection at an 8 

expanded and rebuilt Trabuco Substation.  It does not include upgrades to neighboring systems 9 

which will only be known after a comprehensive analysis.  10 

Lacking a plan from ORA or Frontlines, SDG&E made the following assumptions to 11 

create a high-level power flow assessment to determine the effectiveness of the Trabuco 12 

Substation Alternative.  The following changes were made to the model: 13 

 The existing Trabuco 138 kV straight bus was re-configured into a breaker and a 14 
half bus. 15 

 A new breaker and a half 230 kV bus was created for the new Trabuco Substation 16 
230 kV connection. 17 

 60 MVar capacitor banks were added to the end buses of the new Trabuco 230 kV 18 
breaker and a half bus. 19 

 One of the two SCE 220 kV transmission lines which connect San Onofre to 20 
Santiago was opened and the ends connected to the new 230 kV bus at Trabuco 21 
Substation. 22 

 Two 230/138 kV transformers were added to connect the Trabuco 230 kV bus to 23 
the Trabuco 138 kV bus. 24 

 Talega Banks 60 and 62 were removed. 25 

 WECC Path 43 was increased to 1161 MW. 26 

SDG&E’s power flow assessment found the following: 27 

 Transmission line TL695, which is connected to the Talega 138 kV bus will need 28 
to be replaced, and 69 kV capacitors will need to be added at Oceanside and 29 
Basilone Road substations.  Further analysis is needed to specify equipment size 30 
and location.  31 
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 When either Talega Bank 61 or 63 is out of service, flow on Path 43 will be 1 
constrained. Additional analysis is needed to determine the new path flow limit. 2 

 Table 9-1 lists transmission elements which will load above the Applicable Rating 3 
in violation of NERC standards.  Table 9-2 lists contingencies which will require 4 
load to be shed. Overloads of TL13834 were left off the table.  It is assumed that 5 
the rating of TL13834 will increase to 274 MVA by rebuilding Capistrano 6 
Substation.   7 

Table 9-1: Contingencies Leading to Violation of Applicable Ratings with Trabuco 8 
Substation Alternative 9 

 Near Term 
Transmission Planning 

Horizon 

Long Term Transmission Planning 
Horizon 

 
Year =  2020 2025 2030 

Contingency Overloaded Element Overloaded Element Overloaded Element
C3:TA BK61 + TB to 
SO230 TA BK63 TA BK63 TA BK63 

C3:13846 + TB to 
SO230 - 13836 13836 

C3:TB to SO230 + TB 
to Santiago230 - 13816 13816 

 10 

  11 
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Table 9-2: Contingencies Requiring Load to be Shed with Trabuco Substation Alternative 1 

 Near Term 
Transmission Planning 

Horizon 

Long Term Transmission Planning Horizon 
 

Year =  2020 2025 2030 
Contingency Overloaded Element Overloaded Element Overloaded 

Element 
C3:13831 + TB to 
SO230 - - 13816 

C3:13835 + 13836 - - 13846C 
C3:13835 + TB to 
SO230 - 13816 13816 

C3:13836 + TB to 
SO230 13846A, 13846C 13846A, 13846C 13846A, 13846C 

C3:13846 + TB to 
SO230 13836 13836 13836 

C3:TA BK61 + TB to 
SO230 TA BK63 TA BK63 TA BK63 

C3:TA BK61 + TB to 
Santiago230 TA BK63 TA BK63 TA BK63 

C3:TA BK63 + TB to 
SO230 TA BK61 TA BK61, TA 5E 

CB 
TA BK61, TA 5E 

CB 
C3:TA BK63 + TB to 
Sangiago230 

 
- TA BK61 TA BK61 

C3:TB to SO230 + TB 
to Santiago230 - 13816, TA BK61, 

TA BK63 
13816, TA BK61, 

TA BK63 

   2 

With the Talega 138 kV bus out-of-service, South Orange County load will be limited by 3 

TL13833; the transmission line connecting Trabuco and Pico substations.  The loss of TL13834 4 

will load TL13833 to its maximum.  To prevent damage to TL13833, South Orange County load 5 

will be limited to 388 MW.  Upgrading TL13833 will not improve reliability.  TL13833 and 6 

TL13834 are located in a common right of way and share structural supports.  The overlapping 7 

outage of TL13833 and TL13834 would drop all load served from Capistrano, Laguna Niguel, 8 

Pico and San Mateo.  To increase the load serving capability and continue to serve all South 9 

Orange County load, a fully redundant source at Trabuco is needed.  In order for Trabuco to be 10 

fully redundant, a new 138 kV transmission line will need to be constructed from the vacant 11 

position on the Trabuco 138kV North bus to Capistrano.  This will require a new transmission 12 

line position at Capistrano.  There is no room for a new position and consequently, Capistrano 13 
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will need to be rebuilt with new transmission line terminations added. This will allow Trabuco to 1 

carry 494 MW.  SDG&E has not had sufficient time to estimate the cost of upgrading/adding 2 

these lines.   3 

Controlling reactive power flow through South Orange County is another concern when 4 

connecting to the SCE 230 kV system.  SDG&E will need to construct a new dynamic voltage 5 

control device (SVC, STATCOM or Synchronous Condenser) at the new Trabuco Substation at 6 

an estimated cost of $81 million to $99 million (without AFUDC, permitting or mitigation) to 7 

control the flow of MVars between South Orange County and the SCE system.  Additional 8 

analysis is needed to determine the size and type of equipment.  In addition to this device, 9 

another device will be needed to control voltage in South Orange County.  For this reason, when 10 

the Talega STATCOM reaches the end of its useful life, SDG&E will either replace the 11 

STATCOM or install a new dynamic voltage control device (SVC, STATCOM or Synchronous 12 

Condenser) at the rebuilt Capistrano Substation at that time.  The size, type and location of the 13 

voltage control device would be determined when plans are made to retire the STATCOM.  14 

SOCRE removes the needed for such a device.  15 

For the reasons discussed in Chapter 5, a single 230/138 kV transformer at Trabuco is not 16 

a feasible alternative.  The aggregate South Orange County peak load is forecast to exceed the 17 

capacity of SDG&E’s standard 230/138 kV transformer (392 MVA), or even a non-standard 450 18 

MVA transformer.  Therefore, SDG&E would install at a minimum two 392 MVA 230/138kV 19 

transformers at Trabuco and reserve space for a future third transformer to enable enough 20 

capacity to feed the South Orange County load center at the system peak demand.  The site for 21 

the transformers must be large enough to accommodate them, and will increase grading and 22 

below grade impact. 23 

SDG&E notes that this alternative effectively adds an interconnection between SDG&E’s 24 

138 kV system and SCE’s 230 kV system, where none exist today, and would subject the 138 kV 25 

system in SOC to significant and likely unpredictable loop flows.  This alternative presents some 26 

significant operational challenges that would need to be thoroughly studied.  Moreover, 27 

connecting to a major 230 kV transmission path may reduce the maximum amount of power 28 

which can be transferred into Southern California from Nevada, Arizona or Mexico.  This can 29 

only be determined after a thorough study of the interconnection. 30 
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Section 6. Trabuco Substation Does Not Have Space to Add a 230 kV 1 
Switchyard, and Expansion Would be Difficult and Costly (Witness 2 
Karl Iliev).  3 

A. Trabuco Substation Does Not Have Space to Add a 230 kV 4 
Switchyard  5 

There is no room at the Trabuco Substation property for expansion to a 230/138/12 kV 6 

substation.  Trabuco Substation is bounded by the I5 freeway to the east and Camino Capistrano 7 

to the west.  There are businesses immediately north and south of the substation.  See 8 

Attachment 41 (Google Earth aerial photo of Trabuco Substation). 9 

SDG&E’s existing Trabuco Substation is built on a pad approximately 290 ft x 323 ft.  10 

The substation was built as a single bus- single breaker 138/12 kV distribution substation, with a 11 

planned ultimate configuration of four 138/12 kV transformers and four 138 kV transmission 12 

lines.  Trabuco Substation currently has three 138 kV transmission lines and four 138/12 kV 13 

transformers.  Trabuco Substation was built with an older, less compact design, and thus is 14 

somewhat larger than Pico Substation.  However, due to its layout of the 138 kV on the west side 15 

of the substation, along Camino Capistrano, and the 12 kV distribution coming from the east side 16 

out to Camino Capistrano, there is no room for expansion inside the Trabuco Substation site.  17 

ORA’s and Frontlines’ Trabuco Substation Alternative proposes to convert Trabuco 18 

Substation into a 230/138/12 kV substation.  Such a substation is considerably larger than a 19 

distribution substation. 20 

SDG&E’s requirement for a 230/138 kV transmission bus serving bulk power 21 

transformers is a breaker and half arrangement.  (See Attachment 30).  This is required for a cost 22 

effective, reliable bus configuration that allows for breaker and/or bus maintenance without 23 

line/bank interruption and minimal disruption in a breaker failure situation.  It is also SDG&E’s 24 

standard to build at least one spare position when constructing a new substation to allow for 25 

future growth and/or maintenance activities.  Doing so is prudent and cost-effective, while 26 

failing to do so could result in significant additional costs if rebuilding the substation is later 27 

necessary to address such issues.   28 

If Trabuco Substation were rebuilt as a 230/138/12 kV substation, the minimum 29 

requirement for the substation would be: 30 
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 A 6 element 230kV 3000A (possibly 4000A due to the SCE connection) breaker 1 
and half bus arrangement, with two 230 kV TL positions, two high side 2 
connections to the 230/138 kV transformer positions spare positions (TL and bank 3 
spare position), and a voltage regulating device. 4 

 A new expanded control shelter to accommodate the additional control & 5 
protection necessary for the added transmission elements 6 

 A minimum 12 element 138 kV  3000 amp breaker and half bus arrangement, 7 
with four 138/12kV transformers, two low side connections for the 230/138 kV 8 
transformers, four 138 kV TLs, and spare positions. 9 

To allow for property line setback requirements and required landscaping required by 10 

local or state jurisdiction and/or noise requirements, fire safety requirements, and standard drive 11 

aisle access, a minimum size yard for a 230/138/12 kV substation yard would be approximately 12 

6-7 acres using GIS technology or approximately 12 acres using AIS technology – depending on 13 

the topography and arrangement of the land.  This acreage accounts for the space requirements 14 

for water quality and hydromodification management criteria, as required by the Regional Water 15 

Quality Control Board, which is usually met through the combined use of underground 16 

infiltration tanks, and above ground detention basins.  This acreage also accounts for required 17 

drive aisles between equipment for proper maintenance access and equipment transport, 18 

placement of equipment for optimum EMF and noise requirements, installation of required 19 

underground termination connections, cable pulling space requirements, and any required pole 20 

placements. 21 

Even using GIS technology, an expanded 230/138/12 kV Trabuco Substation will not fit 22 

on the existing substation property.  Using GIS technology, an expanded 230/138/12 kV Trabuco 23 

Substation would require purchasing of the adjoining properties to the north and south of the 24 

existing substation site.  This acreage is necessary to allow for construction of the new and 25 

required 230/138 kV breaker and half bus arrangement, and a complete rebuild in the northern 26 

property of the existing distribution station.  27 

B. Expanding and Rebuilding Trabuco Substation Would be Difficult 28 
and Costly 29 

As noted above, Trabuco Substation is bounded by the I5 freeway to the east and Camino 30 

Capistrano to the west.  There are businesses immediately north and south of the substation, both 31 

of which would need to be acquired in order to build a 230/138/12kV substation.  The parking lot 32 
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to the north is part of an AT&T Operations District facility.  To expand Trabuco Substation 1 

would require negotiating acquisition of one or more business properties, or pursuing 2 

condemnation if possible.  Either would incur considerable additional cost, to be imposed on 3 

ratepayers, that does not exist at Capistrano Substation, where SDG&E already owns sufficient 4 

property to construct a 230/138/12 kV substation—and can do so efficiently while undertaking 5 

the required rebuild of the aging existing substation.  While a cost of the property acquisition 6 

cannot be obtained on such a short time frame, the cost would be substantial due to the cost of 7 

property acquisition, and the cost of relocating the existing businesses that would have to be 8 

acquired.   9 

The Trabuco Substation would have to be completely rebuilt to align the 230/138/12 kV 10 

within the narrow strip of land, while the existing Trabuco Substation remains in operation to 11 

serve customers.  The new 138/12kV substation would be moved to the property north of the 12 

existing substation property in order to accommodate the new 230 kV GIS and bank additions in 13 

both the existing property and the property to the South.  Trabuco Substation has not been 14 

identified at this point as an aging substation required to be rebuilt, and an early rebuild would 15 

impose unnecessary costs on ratepayers.  16 

Although no preliminary engineering has been performed, the non- budgetary estimated 17 

cost to build a 230/138/12kV substation at Trabuco would be higher than the proposed 18 

230/138/12 kV rebuilt Capistrano Substation because Trabuco has more existing equipment than 19 

Capistrano that would need to be replaced in the rebuilt substation.  The estimated cost of 20 

constructing a 230/138/12 kV substation at Trabuco and the relocation of the existing 21 

distribution circuits is approximately $189- $231 million.  This cost does not include relocating 22 

the existing 138kV transmission, adding new 138kV and 230kV transmission lines, permitting, 23 

mitigation, property acquisition costs or the purchase of ROW. 24 

Attached as Attachment 39 is a simple block diagram of what a 230/138/12 kV layout at 25 

a rebuilt Trabuco Substation would look like at a minimum.  This block diagram is based on 26 

equipment sizes from the Proposed Project’s Capistrano layout.  However, without a complete 27 

engineering study and detailed design work, this diagram cannot account for hydro modification,  28 

setback and noise requirements, distribution and transmission lines routes entering/exiting the 29 

substation, or actual number and size of required underground termination stands and/or poles.  30 
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Also, without a complete Planning study done on the SCE interconnection, the final actual 1 

ratings of the equipment cannot be determined--this may affect the final size of the equipment 2 

which may affect the layout.  Additional property may need to be acquired to account for all the 3 

final engineered requirements.   4 

The layout and visual aesthetics of a rebuilt 230/138/12 kV Trabuco Substation would be 5 

very similar to the proposed rebuilt 230/138/12 kV Capistrano Substation, with two 40-50 ft GIS 6 

buildings required for the 138 kV and the 230 kV GIS, and a voltage control device.   7 

A 230/138/12 kV Trabuco Substation would have to be built in two phases.  Phase 1 8 

would include moving the entire existing substation to the north and rebuilding it to include 138 9 

kV GIS and equivalent distribution equipment to the existing site (four 138/12kV transformers, 10 

four sections of 12 kV switchgear, and four 12 kV capacitors). Phase 2 would include removing 11 

existing equipment, grading, and installing the 230 kV equipment, including the two 230/138 kV 12 

transformers, 230 kV GIS and the required voltage control device.  This 230 kV equipment 13 

would be placed on the existing yard and the property acquired immediately to the south of the 14 

existing site.  The length of the construction would also be similar to Capistrano and would 15 

depend upon system outage requirements.  The estimated construction length could be between 16 

2-3 years. 17 

The impact to the area would involve site work noise and dust suppression, and 18 

construction in the street of Camino Capistrano for almost the entire construction length.  Street 19 

construction would be lengthy due to the relocation of the existing 16 distribution circuits and 20 

three 138 kV transmission lines and then the installation of the 230 kV transmission lines and 21 

new 138 kV lines to Capistrano Substation.  Traffic would also be impaired by the haul trucks 22 

required for the site development work.  23 

C. Frontlines’ Proposal for a 230 kV GIS Substation At Certain 24 
Properties Near Trabuco Substation Is Unsupported.  25 

SDG&E cannot evaluate Frontlines’ proposal for a 230 kV GIS substation near Trabuco 26 

Substation because Frontlines has provided essentially no information about this proposed 27 

alternative.  Frontlines identified three parcels on an aerial photo and suggested that SDG&E 28 
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could construct a GIS substation at any of them.176   Frontlines states that these parcels are 1 

“already partly occupied by the SCE Path 43 lines.”177   2 

SDG&E has not had sufficient time to evaluate, for each of these locations, its size, 3 

topography, ownership, issues associated with constructing a substation in what appears to be an 4 

SCE transmission right of way, the paths such transmission lines would use to approach or leave 5 

such substation, or the environmental impacts of such construction.  SDG&E can definitively 6 

state that Parcel 3, which Frontlines states is 1.5 acres in size, cannot accommodate a 230 kV 7 

GIS substation meeting SDG&E’s standards.  8 

SDG&E also cannot evaluate Frontlines’ proposed design for a 230 kV substation 9 

because Frontlines has no design information.  SDG&E sought such information through data 10 

requests to Frontlines and was informed “FRONTLINES does not possess any schematics or 11 

figures of the 230 kV GIS substation located near the Trabuco substation that is referred to in 12 

FRONTLINES testimony,” nor does Frontlines have a one-line diagram of such substation 178   13 

SDG&E also cannot evaluate Frontlines’ proposed changes to Trabuco Substation to 14 

interconnect to the proposed 230 kV GIS substation.  SDG&E sought such information through 15 

data requests to Frontlines and was informed: “Neither FRONTLINES nor Ms. Ayer possess a 16 

one line diagram of the Trabuco substation as configured to accommodate an interconnection 17 

with a 230 kV GIS substation located near Trabuco.”179  Further, SDG&E was informed: 18 

“FRONTLINES does not possess any schematics or one-line diagrams of any SOC substations 19 

(including Trabuco) other than what SDGE has provided in the record of this proceeding or in 20 

response to discovery requests.  Nor has FRONTLINES prepared any such diagrams.  In 21 

addition, FRONTLINES does not possess any layout figures for any SOC substations (including 22 

Trabuco) other than aerial figures which FRONTLINES has already provided to SDGE in prior 23 

data request responses.180   24 

SDG&E has only evaluated a breaker and a half design for the 138kV bus at Trabuco 25 

Substation.  A different design would require additional analysis. 26 

                                                            
176  Ayer Testimony at 19 & Exhibit 3. 
177  Ayer Testimony at 19. 
178  Attachment 33 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Questions 6 & 7). 
179  Attachment 33 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Question 8).  
180  Attachment 33 (Frontlines’ Response to SDG&E’s Sixth Set of Data Requests, Question 9). 
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In short, Frontlines has not provided sufficient information about its proposal for SDG&E 1 

to evaluate its feasibility, much less its costs.  However, Frontlines’ version of a Trabuco 2 

Substation Alternative would include constructing a 230/138 kV GIS substation at acquired 3 

property near Trabuco, expanding and rebuilding at least some of Trabuco Substation, and 4 

rebuilding a 138/12 kV Capistrano Substation whereas SDG&E’s Proposed Project only rebuilds 5 

a 230/138/12 kV Capistrano Substation on SDG&E-owned property.  SDG&E expects that 6 

Frontlines’ Trabuco Substation Alternative would cost considerably more for substation work 7 

than the Proposed Project. 8 

SDG&E responded to Frontlines’ contentions regarding the area necessary to construct a 9 

230 kV GIS substation in Chapter 8, Section 6.C. 10 

Section 7. Rebuilding a 138/12 kV Capistrano Substation Is Necessary, and 11 
Would Have Similar Impacts as the Proposed Project (Witness Karl 12 
Iliev) 13 

Even if Trabuco Substation could be expanded to be 230/138/12 kV substation, SDG&E 14 

would still need to rebuild Capistrano Substation to address the reliability issues discussed in 15 

SDG&E’s Opening Testimony, Chapter 5.  Without rebuilding Capistrano Substation, at least as 16 

a 138/12 kV substation, SDG&E cannot provide reliable electric service to SDG&E’s South 17 

Orange County customers.  Moreover, Capistrano Substation may need to be rebuilt to 18 

interconnect at least one additional 138kV transmission line that may be needed between the 19 

expanded Trabuco Substation and Capistrano Substation.   20 

The rebuild of the Capistrano Substation would expand to the lower yard within SDG&E-21 

owned property and add a minimum of two spare 138kV positions for future needs that may arise 22 

outside of the planning time horizon, but within the expanded lifetime of the newly rebuilt 23 

substation.  The substation cannot be rebuilt in its current location and needs to be built in the 24 

lower yard to maintain construction safety and station reliability during the rebuild project.   25 

The estimated stand-alone cost of rebuilding Capistrano Substation as a 138/12 kV 26 

substation, with the same configuration and location as proposed in the Proposed Project, is 27 

between $135 million and $165 million (including AFUDC, permitting and mitigation).  A 28 

voltage control device would also be needed at Capistrano Substation when the Talega 29 

STATCOM reaches the end of its useful life (in lieu of replacing the Talega STATCOM), which 30 

may cost as much as $81-$99 million (with AFUDC, $89 million to $109 million). 31 
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Section 8. Transmission Work that Would be Required by ORA’s Trabuco 1 
Substation Alternative (Witness Willie Thomas) 2 

SDG&E has not had sufficient time to study an interconnection route to SCE’s Santiago- 3 

SONGS 230-kV line.  It appears (with no engineering study being done) that the most feasible 4 

connection to SCE is north of Trabuco Substation, which would require undergrounding 230 kV 5 

south down Camino Capistrano to the Trabuco Substation site.  It is unknown if there is room in 6 

Camino Capistrano to accommodate the necessary trenching, conduit, and vaults required for 7 

230 kV undergrounding.  It would also require a crossing of the 138 kV underground and the 230 8 

kV underground, which may not be physically possible.  There would be traffic issues on 9 

Camino Capistrano due to the lane closure requirements to construct this underground and 10 

installation of the vaults.  Construction noise may also become an issue. 11 

Another possible route is to string the 230kV transmission lines across Interstate 5 12 

freeway north of the expanded substation and then construct underground east of the freeway to 13 

the location of the SCE 230 kV transmission line and connect via 230 kV cable poles.  This 14 

appears to be the nearest connection to SCE, but it would involve at a minimum two sets of 15 

230kV cable poles at approximately 165 ft tall each on the east side of I-5 and another at the 16 

interconnection with the existing SCE lines likely along Los Altos.  More cable poles may be 17 

necessary north of the expanded Trabuco Substation to accommodate routing around the 18 

substation to the 230kV yard.  New easements may also be required to accommodate the routing. 19 

The stringing of transmission lines across the freeway involves shutting down all lanes of the 20 

freeway multiple times, once for each phase of conductors.  This route would also require 21 

considerable undergrounding in the business/community area east of the freeway and there may 22 

be conflicts with other utilities (water, sewer, gas, telecom, etc.) that would conflict with a 23 

230kV trench, conduit and vault infrastructure. 24 

Section 9. The Trabuco Substation Alternative Would Cost More Than the 25 
Proposed Project (Witness Willie Thomas) 26 

ORA’s Trabuco Substation Alternative, when even some of the work necessary to 27 

address South Orange County’s reliability needs is included, is more costly than SDG&E’s 28 

Proposed Project. 29 

 As stated in Section 6.B above, the estimated cost of constructing a 230/138/12 30 
kV substation at Trabuco and the relocation of the existing distribution circuits is 31 
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approximately $189 - $231million.  This does not include the cost of acquiring the 1 
necessary property, which would include the cost of relocating two businesses and 2 
any AT&T communications infrastructure located at its facility.  This cost also 3 
does not include relocating the existing 138kV transmission, adding new 138kV 4 
and 230kV transmission lines, permitting, mitigation, or acquiring ROW.  Thus, 5 
this cost likely will be considerably more. 6 

 To interconnect a rebuilt Trabuco Substation with an SCE transmission line, the 7 
likely path (without any engineering study) would be 0.5 miles of 230 kV double 8 
circuit underground down Camino Capistrano, at an estimated cost of $16 - $20 9 
million (includes AFUDC and EMF mitigation). 10 

 As set forth in Section 5 above, to supply MVars to SCE’s system,  a voltage 11 
control device at a rebuilt Trabuco Substation may cost as much as $81-$99 12 
million (with AFUDC, $89 million to $109 million) (appropriate size and type 13 
will require further study).  To support South Orange County voltage, SDG&E’s 14 
Proposed Project includes two 230 kV capacitors at a rebuilt Capistrano 230 kV 15 
bus.  The proposed Trabuco alternative will require an additional voltage control 16 
device at either Capistrano or Talega when the existing Talega STATCOM 17 
reaches the end of its useful life at an additional cost of $81-$99 million (with 18 
AFUDC, $89 million to $109 million) 19 

 As stated in Section 7 above, Capistrano Substation still must be rebuilt as a 20 
138/12 kV substation to provide reliable electric service.  The estimated stand-21 
alone cost of rebuilding Capistrano Substation as a 138/12 kV substation, with the 22 
same configuration and location as proposed in the Proposed Project, is between 23 
$135 million and $165 million (including AFUDC, permitting and mitigation).   24 

SDG&E’s estimated cost for its Proposed Project is $384 million.  The elements of 25 

ORA’s Trabuco Substation Alternative for which SDG&E has had time to estimate a cost total 26 

$518 million to $634 million.  This does not include additional costs for property acquisition and 27 

business relocation at the expanded Trabuco Substation, 138 kV upgrades to address NERC 28 

Category C violations and load shedding, 138 kV upgrades to mitigate the risk of forced outages 29 

during maintenance events, and 138 kV upgrades to make a rebuilt Trabuco Substation fully 30 

redundant for South Orange County in the event of a Talega service outage.  For example, as 31 

discussed in Section 2 above, it would be necessary to add a third Trabuco-Capistrano 138 kV 32 

line in order to make a 230/138 kV source at Trabuco fully redundant to Talega.  As a result, 33 

SDG&E is confident that the Trabuco Substation Alternative will cost far more than the 34 

Proposed Project. 35 

  36 
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STATEMENT OF QUALIFICATIONS 1 

JOHN M. JONTRY 2 

My name is John M. Jontry. My business address is 8330 Century Park Court, San Diego, 3 

California, 92123.  I am employed by San Diego Gas & Electric Company (SDG&E) as 4 

Transmission Planning Manager.  I have been employed by SDG&E since 2005. For the past 5 

five years I have managed the Grid Planning group within the Transmission Planning 6 

department, with the primary responsibility of overseeing the annual grid reliability studies and 7 

the planning studies for major special projects such as the South Orange Country Reliability 8 

Enhancement project (SOCRE).  Prior to working for SDG&E, I worked for electric utilities in 9 

Texas and Illinois and for the Midwest Independent System Operator (MISO) in Indiana in 10 

various engineering and operational roles for approximately fifteen years.  I hold a bachelor’s 11 

degree in Electrical Engineering from the University of Illinois and a master’s degree in 12 

Industrial Technology from Eastern Illinois University.  I am a Registered Professional Engineer 13 

in the states of Illinois and Texas. 14 

I have previously testified before this Commission.  15 
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KARL ILIEV, PE 1 

My name is Karl Iliev and my business address is 8316 Century Park Court, San Diego, 2 

California 92123.  I am the System Protection & Control Engineering Manager in the Electric 3 

Transmission & Distribution Engineering Department of San Diego Gas & Electric (SDG&E).  4 

My section’s primary responsibilities are to provide protective relay and control schemes, 5 

settings, and communication systems for a safe and reliable grid, including providing technical 6 

support, scoping advice, and review of substation electrical designs. 7 

I began work at SDG&E in June 1999 as an Engineering Intern and have held positions 8 

around the company on both transmission and distribution sides ranging from planning to 9 

engineering to construction and operations.  Since 2003, I’ve held positions of increasing 10 

responsibility related to substation design and construction including work in System Protection 11 

Engineering & Maintenance, Substation Construction & Maintenance, and Substation 12 

Engineering & Design.  I was the Substation Engineering & Design Manager for over 4 years 13 

from 2009 into 2014 where my responsibilities included cost estimation, design specifications 14 

and scoping, material procurement, apparatus assessment, engineering review, substation 15 

drawing management, construction support, and real-time operational involvement for all of 16 

SDG&E’s substations and substation related capital projects. 17 

Immediately prior to obtaining full time employment with SDG&E in 2001, I graduated 18 

California State University of Sacramento with a Bachelor of Science in Electrical and 19 

Electronic Engineering with a concentration in Power Systems and a minor in Physics.  In 2004, 20 

I earned my license as a Professional Engineer in the State of California. 21 

I have previously testified before this Commission. 22 
   23 
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CORY SMITH 1 

My name is Cory Smith and my business address is 8330 Century Park Court, San Diego, 2 

California 92123.  I am employed as a Principal Engineer in the Transmission Planning 3 

Department of San Diego Gas & Electric where I have worked since 2008.  My duties include 4 

assessing SDG&E’s transmission system for compliance with NERC Transmission Planning 5 

Standards and creating technical models of SDG&E’s high voltage transmission system to assess 6 

transmission system performance.  7 

Prior to joining SDG&E, I was employed by Northeast Utilities in Berlin, Connecticut as 8 

a Senior Engineer.  My duties included the creation of technical models and the application of 9 

specialized software to assess the reliability performance of the high voltage transmission system 10 

owned by Northeast Utilities.  Before my employment with Northeast Utilities I was employed 11 

as an Engineer by the New York Independent System Operator in Schenectady, New York.  My 12 

duties included reliability assessments of the high voltage transmission system serving the State 13 

of New York. 14 

I received my Bachelor of Science degree in Electrical Engineering from Arizona State 15 

University in 1989, my Master of Engineering degree in Electric Power Engineering from 16 

Rensselaer Polytechnic Institute in 1994 and my Master of Business Administration degree from 17 

The College of Saint Rose in 2003.  In addition, I am a Registered Professional Engineer in the 18 

states of California and New York. 19 

I have not previously testified before the Commission in a proceeding.  20 
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WILLIE THOMAS 1 

My name is Willie Thomas and my business address is 8316 Century Park Court, San 2 

Diego, California 92123.  I am currently the manager of Electric Transmission Engineering and 3 

Design at San Diego Gas & Electric (SDG&E).  My duties for the past two years include 4 

managing a diverse group of designers and engineers in the design, engineering, construction and 5 

management of electric transmission facilities in the SDG&E service territory.  In addition, my 6 

duties include the development of specifications, cost estimates, budgeting, managing material 7 

and engineering service contracts, and ensuring the proper application of electrical codes, safety 8 

regulations, and regulatory agency requirements governing the design and installation of electric 9 

transmission facilities.  My previous experience includes the design and engineering for the 10 

Sycamore Penasquitos 230kV project (CPCN), the transmission facility relocations for the 11 

County of Orange La Pata Avenue Gap Closure project (Advice Letter), and the South Bay 12 

Substation relocation project (PTC).  I hold a Bachelor’s of Science in Electrical Engineering 13 

from California Polytechnic University of San Luis Obispo in 2004.  I am a licensed Professional 14 

Engineer (Electrical) in the State of California and an active IEEE member. 15 

I have previously testified before this Commission. 16 



ATTACHMENT 26 

Glossary of Terms Used in NERC Reliability Standards 

Updated May 19, 2015



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
3

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
la

ck
st

ar
t 

R
es

ou
rc

e

[A
rc

hi
ve

]

8/
5/

20
09

3/
17

/2
01

1
 A

 g
en

er
at

in
g 

un
it
(s

) 
an

d 
it
s 

as
so

ci
at

ed
 s

et
 o

f 
eq

ui
pm

en
t 

w
hi

ch
 

ha
s 

th
e 

ab
ili

ty
 t

o 
be

 s
ta

rt
ed

 w
it
ho

ut
 s

up
po

rt
 f

ro
m

 t
he

 S
ys

te
m

 
or

 is
 d

es
ig

ne
d 

to
 r

em
ai

n 
en

er
gi

ze
d 

w
it
ho

ut
 c

on
ne

ct
io

n 
to

 t
he

 
re

m
ai

nd
er

 o
f 

th
e 

S
ys

te
m

, 
w

it
h 

th
e 

ab
ili

ty
 t

o 
en

er
gi

ze
 a

 b
us

, 
m

ee
ti
ng

 t
he

 T
ra

ns
m

is
si

on
 O

pe
ra

to
r’
s 

re
st

or
at

io
n 

pl
an

 n
ee

ds
 f
or

 
re

al
 a

nd
 r

ea
ct

iv
e 

po
w

er
 c

ap
ab

ili
ty

, 
fr

eq
ue

nc
y 

an
d 

vo
lt
ag

e 
co

nt
ro

l, 
an

d 
th

at
 h

as
 b

ee
n 

in
cl

ud
ed

 in
 t

he
 T

ra
ns

m
is

si
on

 
O

pe
ra

to
r’
s 

re
st

or
at

io
n 

pl
an

. 

B
lo

ck
 D

is
pa

tc
h

[A
rc

hi
ve

]

08
/2

2/
20

08
 

11
/2

4/
20

09
 

A
 s

et
 o

f 
di

sp
at

ch
 r

ul
es

 s
uc

h 
th

at
 g

iv
en

 a
 s

pe
ci

fic
 a

m
ou

nt
 o

f 
lo

ad
 t

o 
se

rv
e,

 a
n 

ap
pr

ox
im

at
e 

ge
ne

ra
ti
on

 d
is

pa
tc

h 
ca

n 
be

 
de

te
rm

in
ed

. 
To

 a
cc

om
pl

is
h 

th
is

, 
th

e 
ca

pa
ci

ty
 o

f 
a 

gi
ve

n 
ge

ne
ra

to
r 

is
 s

eg
m

en
te

d 
in

to
 lo

ad
ab

le
 “

bl
oc

ks
,”

 e
ac

h 
of

 w
hi

ch
 is

 
gr

ou
pe

d 
an

d 
or

de
re

d 
re

la
ti
ve

 t
o 

ot
he

r 
bl

oc
ks

 (
ba

se
d 

on
 

ch
ar

ac
te

ri
st

ic
s 

in
cl

ud
in

g,
 b

ut
 n

ot
 li

m
ite

d 
to

, 
ef

fic
ie

nc
y,

 r
un

 o
f 

ri
ve

r 
or

 f
ue

l s
up

pl
y 

co
ns

id
er

at
io

ns
, 

an
d/

or
 “

m
us

t-
ru

n”
 s

ta
tu

s)
. 

  

B
ul

k 
El

ec
tr

ic
 S

ys
te

m

[A
rc

hi
ve

]

B
ES

2/
8/

20
05

3/
16

/2
00

7 
 

(B
ec

om
es

 
in

ac
tiv

e 
on

 
6/

30
/2

01
4)

A
s 

de
fin

ed
 b

y 
th

e 
R

eg
io

na
l R

el
ia

bi
lit

y 
O

rg
an

iz
at

io
n,

 t
he

 
el

ec
tr

ic
al

 g
en

er
at

io
n 

re
so

ur
ce

s,
 t

ra
ns

m
is

si
on

 li
ne

s,
 

in
te

rc
on

ne
ct

io
ns

 w
it
h 

ne
ig

hb
or

in
g 

sy
st

em
s,

 a
nd

 a
ss

oc
ia

te
d 

eq
ui

pm
en

t,
 g

en
er

al
ly

 o
pe

ra
te

d 
at

 v
ol

ta
ge

s 
of

 1
00

 k
V
 o

r 
hi

gh
er

. 
 

R
ad

ia
l t

ra
ns

m
is

si
on

 f
ac

ili
tie

s 
se

rv
in

g 
on

ly
 lo

ad
 w

ith
 o

ne
 

tr
an

sm
is

si
on

 s
ou

rc
e 

ar
e 

ge
ne

ra
lly

 n
ot

 in
cl

ud
ed

 in
 t

hi
s 

de
fin

iti
on

.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
4

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
2

[A
rc

hi
ve

]

B
ES

01
/1

8/
20

12
 

6/
14

/2
01

3
(R

ep
la

ce
d 

by
B
ES

 
de

fin
iti

on
 

FE
R
C
 

ap
pr

ov
ed

 
3/

20
/2

01
4)

U
nl

es
s 

m
od

ifi
ed

 b
y 

th
e 

lis
ts

 s
ho

w
n 

be
lo

w
, 

al
l T

ra
ns

m
is

si
on

 
El

em
en

ts
 o

pe
ra

te
d 

at
 1

00
 k

V
 o

r 
hi

gh
er

 a
nd

 R
ea

l P
ow

er
 a

nd
 

R
ea

ct
iv

e 
Po

w
er

 r
es

ou
rc

es
 c

on
ne

ct
ed

 a
t 

10
0 

kV
 o

r 
hi

gh
er

. 
 T

hi
s 

do
es

 n
ot

 in
cl

ud
e 

fa
ci

lit
ie

s 
us

ed
 in

 t
he

 lo
ca

l d
is

tr
ib

ut
io

n 
of

 
el

ec
tr

ic
 e

ne
rg

y.
 

In
cl

u
si

on
s:

  
I1

 -
 T

ra
ns

fo
rm

er
s 

w
it
h 

th
e 

pr
im

ar
y 

te
rm

in
al

 a
nd

 a
t 

le
as

t 
on

e 
se

co
nd

ar
y 

te
rm

in
al

 o
pe

ra
te

d 
at

 1
00

 k
V
 o

r 
hi

gh
er

 u
nl

es
s 

ex
cl

ud
ed

 u
nd

er
 E

xc
lu

si
on

 E
1 

or
 E

3.
 

I2
 -

 G
en

er
at

in
g 

re
so

ur
ce

(s
) 

w
it
h 

gr
os

s 
in

di
vi

du
al

 
na

m
ep

la
te

 r
at

in
g 

gr
ea

te
r 

th
an

 2
0 

M
V
A
 o

r 
gr

os
s 

pl
an

t/
fa

ci
lit

y 
ag

gr
eg

at
e 

na
m

ep
la

te
 r

at
in

g 
gr

ea
te

r 
th

an
 

75
 M

V
A
 in

cl
ud

in
g 

th
e 

ge
ne

ra
to

r 
te

rm
in

al
s 

th
ro

ug
h 

th
e 

hi
gh

-s
id

e 
of

 t
he

 s
te

p-
up

 t
ra

ns
fo

rm
er

(s
) 

co
nn

ec
te

d 
at

 a
 

vo
lt
ag

e 
of

 1
00

 k
V
 o

r 
ab

ov
e.

 

I3
 -

 B
la

ck
st

ar
t 

R
es

ou
rc

es
 id

en
ti
fie

d 
in

 t
he

 T
ra

ns
m

is
si

on
 

O
pe

ra
to

r’
s 

re
st

or
at

io
n 

pl
an

. 

I4
 -

 D
is

pe
rs

ed
 p

ow
er

 p
ro

du
ci

ng
 r

es
ou

rc
es

 w
it
h 

ag
gr

eg
at

e 
ca

pa
ci

ty
 g

re
at

er
 t

ha
n 

75
 M

V
A
 (

gr
os

s 
ag

gr
eg

at
e 

na
m

ep
la

te
 r

at
in

g)
  

 u
til

iz
in

g 
a 

sy
st

em
 

de
si

gn
ed

 p
ri

m
ar

ily
 f

or
 a

gg
re

ga
ti
ng

 c
ap

ac
it
y,

 c
on

ne
ct

ed
 

at
 a

 c
om

m
on

 p
oi

nt
 a

t 
a 

vo
lt
ag

e 
of

 1
00

 k
V
 o

r 
ab

ov
e.

  

2  F
ER

C
 is

su
ed

 a
n 

or
de

r o
n 

A
pr

il 
18

, 2
01

3 
ap

pr
ov

in
g 

th
e 

re
vi

se
d 

de
fin

iti
on

 w
ith

 a
n 

ef
fe

ct
iv

e 
da

te
 o

f J
ul

y 
1,

 2
01

3.
  O

n 
Ju

ne
 1

4,
 2

01
3,

 F
ER

C
 g

ra
nt

ed
 

N
ER

C
’s

 re
qu

es
t t

o 
ex

te
nd

 th
e 

ef
fe

ct
iv

e 
da

te
 o

f t
he

 re
vi

se
d 

de
fin

iti
on

 o
f t

he
 B

ul
k 

El
ec

tri
c 

Sy
st

em
 to

 Ju
ly

 1
, 2

01
4.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
5

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
(C

on
ti

n
u

ed
)

B
ES

I5
 –

S
ta

ti
c 

or
 d

yn
am

ic
 d

ev
ic

es
 (

ex
cl

ud
in

g 
ge

ne
ra

to
rs

) 
de

di
ca

te
d 

to
 s

up
pl

yi
ng

 o
r 

ab
so

rb
in

g 
R
ea

ct
iv

e 
Po

w
er

 t
ha

t 
ar

e 
co

nn
ec

te
d 

at
 

10
0 

kV
 o

r 
hi

gh
er

, 
or

 t
hr

ou
gh

 a
 d

ed
ic

at
ed

 t
ra

ns
fo

rm
er

 w
it
h 

a 
hi

gh
-s

id
e 

vo
lt
ag

e 
of

 1
00

 k
V
 o

r 
hi

gh
er

, 
or

 t
hr

ou
gh

 a
 t

ra
ns

fo
rm

er
 

th
at

 is
 d

es
ig

na
te

d 
in

 I
nc

lu
si

on
 I

1.

Ex
cl

u
si

o
n

s:
  

E1
 -

 R
ad

ia
l s

ys
te

m
s:

  
A
 g

ro
up

 o
f 

co
nt

ig
uo

us
 

tr
an

sm
is

si
on

 E
le

m
en

ts
 t

ha
t 

em
an

at
es

 f
ro

m
 a

 s
in

gl
e 

po
in

t 
of

 c
on

ne
ct

io
n 

of
 1

00
 k

V
 o

r 
hi

gh
er

 a
nd

: 

a)
O

nl
y 

se
rv

es
 L

oa
d.

 O
r,

 

b)
O

nl
y 

in
cl

ud
es

 g
en

er
at

io
n 

re
so

ur
ce

s,
 n

ot
 id

en
ti
fie

d 
in

 
In

cl
us

io
n 

I3
, 

w
it
h 

an
 a

gg
re

ga
te

 c
ap

ac
it
y 

le
ss

 t
ha

n 
or

 e
qu

al
 t

o 
75

 M
V
A
 (

gr
os

s 
na

m
ep

la
te

 r
at

in
g)

. 
 O

r,

c)
W

he
re

 t
he

 r
ad

ia
l s

ys
te

m
 s

er
ve

s 
Lo

ad
 a

nd
 in

cl
ud

es
 

ge
ne

ra
ti
on

 r
es

ou
rc

es
, 

no
t 

id
en

ti
fie

d 
in

 I
nc

lu
si

on
 I

3,
w

it
h 

an
 a

gg
re

ga
te

 c
ap

ac
it
y 

of
 n

on
-r

et
ai

l g
en

er
at

io
n 

le
ss

 t
ha

n 
or

 e
qu

al
 t

o 
75

 M
V
A
 (

gr
os

s 
na

m
ep

la
te

 
ra

ti
ng

).
  N
ot

e 
– 

A
 n

or
m

al
ly

 o
pe

n 
sw

it
ch

in
g 

de
vi

ce
 

be
tw

ee
n 

ra
di

al
 s

ys
te

m
s,

 a
s 

de
pi

ct
ed

 o
n 

pr
in

ts
 

or
 o

ne
-l

in
e 

di
ag

ra
m

s 
fo

r 
ex

am
pl

e,
 d

oe
s 

no
t 

af
fe

ct
 t

hi
s 

ex
cl

us
io

n.
 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
6

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
(C

on
ti

n
u

ed
)

B
ES

E2
 -

 A
 g

en
er

at
in

g 
un

it
 o

r 
m

ul
tip

le
 g

en
er

at
in

g 
un

it
s 

on
 

th
e 

cu
st

om
er

’s
 s

id
e 

of
 t

he
 r

et
ai

l m
et

er
 t

ha
t 

se
rv

e 
al

l o
r 

pa
rt

 o
f 

th
e 

re
ta

il 
Lo

ad
 w

ith
 e

le
ct

ri
c 

en
er

gy
 if

: 
(i

) 
th

e 
ne

t 
ca

pa
ci

ty
 p

ro
vi

de
d 

to
 t

he
 B

ES
 d

oe
s 

no
t 

ex
ce

ed
 7

5 
M

V
A
, 

an
d 

(i
i)

 s
ta

nd
by

, 
ba

ck
-u

p,
 a

nd
 m

ai
nt

en
an

ce
 p

ow
er

 
se

rv
ic

es
 a

re
 p

ro
vi

de
d 

to
 t

he
 g

en
er

at
in

g 
un

it
 o

r 
m

ul
tip

le
 

ge
ne

ra
ti
ng

 u
ni

ts
 o

r 
to

 t
he

 r
et

ai
l L

oa
d 

by
 a

 B
al

an
ci

ng
 

A
ut

ho
ri

ty
, 

or
 p

ro
vi

de
d 

pu
rs

ua
nt

 t
o 

a 
bi

nd
in

g 
ob

lig
at

io
n 

w
it
h 

a 
G

en
er

at
or

 O
w

ne
r 

 o
r 

G
en

er
at

or
 O

pe
ra

to
r,

 o
r 

un
de

r 
te

rm
s 

ap
pr

ov
ed

 b
y 

th
e 

ap
pl

ic
ab

le
 r

eg
ul

at
or

y 
au

th
or

it
y.

 

E3
 -

 L
oc

al
 n

et
w

or
ks

 (
LN

):
A

gr
ou

p 
of

 c
on

ti
gu

ou
s 

tr
an

sm
is

si
on

 E
le

m
en

ts
 o

pe
ra

te
d 

at
 o

r 
ab

ov
e 

10
0 

kV
 b

ut
 

le
ss

 t
ha

n 
30

0 
kV

 t
ha

t 
di

st
ri

bu
te

 p
ow

er
 t

o 
Lo

ad
 r

at
he

r 
th

an
 t

ra
ns

fe
r 

bu
lk

 p
ow

er
 a

cr
os

s 
th

e 
in

te
rc

on
ne

ct
ed

 
sy

st
em

. 
 L

N
’s

 e
m

an
at

e 
fr

om
 m

ul
tip

le
 p

oi
nt

s 
of

 
co

nn
ec

ti
on

 a
t 

10
0 

kV
 o

r 
hi

gh
er

 t
o 

im
pr

ov
e 

th
e 

le
ve

l o
f 

se
rv

ic
e 

to
 r

et
ai

l c
us

to
m

er
 L

oa
d 

an
d 

no
t 

to
 a

cc
om

m
od

at
e 

bu
lk

 p
ow

er
 t

ra
ns

fe
r 

ac
ro

ss
 t

he
 in

te
rc

on
ne

ct
ed

 s
ys

te
m

. 
Th

e 
LN

 is
 c

ha
ra

ct
er

iz
ed

 b
y 

al
l o

f 
th

e 
fo

llo
w

in
g:

 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
7

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
(C

on
ti

n
u

ed
)

B
ES

a)
Li

m
it
s 

on
 c

on
ne

ct
ed

 g
en

er
at

io
n:

  
Th

e 
LN

 
an

d 
it
s 

un
de

rl
yi

ng
 E

le
m

en
ts

 d
o 

no
t 

in
cl

ud
e 

ge
ne

ra
ti
on

 r
es

ou
rc

es
 id

en
ti
fie

d 
in

 
In

cl
us

io
n 

I3
 a

nd
 d

o 
no

t 
ha

ve
 a

n 
ag

gr
eg

at
e 

ca
pa

ci
ty

 o
f 
no

n-
re

ta
il 

ge
ne

ra
ti
on

 g
re

at
er

 t
ha

n 
75

 M
V
A
 (

gr
os

s 
na

m
ep

la
te

 r
at

in
g)

; 

b)
Po

w
er

 f
lo

w
s 

on
ly

 in
to

 t
he

 L
N

 a
nd

 t
he

 L
N

 
do

es
 n

ot
 t

ra
ns

fe
r 

en
er

gy
 o

ri
gi

na
tin

g 
ou

ts
id

e 
th

e 
LN

 f
or

 d
el

iv
er

y 
th

ro
ug

h 
th

e 
LN

; 
an

d 

c)
N

ot
 p

ar
t 

of
 a

 F
lo

w
ga

te
 o

r 
tr

an
sf

er
 p

at
h:

 
Th

e 
LN

 d
oe

s 
no

t 
co

nt
ai

n 
a 

m
on

it
or

ed
 

Fa
ci

lit
y 

of
 a

 p
er

m
an

en
t 

Fl
ow

ga
te

 in
 t

he
 

Ea
st

er
n 

In
te

rc
on

ne
ct

io
n,

 a
 m

aj
or

 t
ra

ns
fe

r 
pa

th
 w

it
hi

n 
th

e 
W

es
te

rn
 I

nt
er

co
nn

ec
ti
on

, 
or

 a
 c

om
pa

ra
bl

e 
m

on
it
or

ed
 F

ac
ili

ty
 in

 t
he

 
ER

C
O

T 
or

 Q
ue

be
c 

In
te

rc
on

ne
ct

io
ns

, 
an

d 
is

 n
ot

 a
 m

on
it
or

ed
 F

ac
ili

ty
 in

cl
ud

ed
 in

 a
n 

In
te

rc
on

ne
ct

io
n 

R
el

ia
bi

lit
y 

O
pe

ra
ti
ng

 L
im

it
 

(I
R
O

L)
. 

E4
 –

 R
ea

ct
iv

e 
Po

w
er

 d
ev

ic
es

 o
w

ne
d 

an
d 

op
er

at
ed

 b
y 

th
e 

re
ta

il 
cu

st
om

er
 s

ol
el

y 
fo

r 
it
s 

ow
n 

us
e.

 N
ot

e 
- 

El
em

en
ts

 m
ay

 b
e 

in
cl

ud
ed

 o
r 

ex
cl

ud
ed

 o
n 

a 
ca

se
-b

y-
ca

se
 

ba
si

s 
th

ro
ug

h 
th

e 
R
ul

es
 o

f 
Pr

oc
ed

ur
e 

ex
ce

pt
io

n 
pr

oc
es

s.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
8

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m

[A
rc

hi
ve

]

B
ES

11
/2

1/
20

13
 

3/
20

/1
4

(B
ec

om
es

 
ef

fe
ct

iv
e 

7/
1/

20
14

)

(P
le

as
e 

se
e 

th
e 

Im
pl

e -
m

en
ta

ti
on

 
Pl

an
 f

or
 

Ph
as

e 
2 

C
om

pl
ia

nc
e 

ob
lig

at
io

ns
.)

  

U
nl

es
s 

m
od

ifi
ed

 b
y 

th
e 

lis
ts

 s
ho

w
n 

be
lo

w
, 

al
l T

ra
ns

m
is

si
on

 
El

em
en

ts
 o

pe
ra

te
d 

at
 1

00
 k

V
 o

r 
hi

gh
er

 a
nd

 R
ea

l P
ow

er
 a

nd
 

R
ea

ct
iv

e 
Po

w
er

 r
es

ou
rc

es
 c

on
ne

ct
ed

 a
t 

10
0 

kV
 o

r 
hi

gh
er

. 
 T

hi
s 

do
es

 n
ot

 in
cl

ud
e 

fa
ci

lit
ie

s 
us

ed
 in

 t
he

 lo
ca

l d
is

tr
ib

ut
io

n 
of

 
el

ec
tr

ic
 e

ne
rg

y.
In

cl
u

si
on

s:
 

I1
 -

 T
ra

ns
fo

rm
er

s 
w

it
h 

th
e 

pr
im

ar
y 

te
rm

in
al

 a
nd

 a
t 

le
as

t 
on

e 
se

co
nd

ar
y 

te
rm

in
al

 o
pe

ra
te

d 
at

 1
00

 k
V
 o

r 
hi

gh
er

 u
nl

es
s 

ex
cl

ud
ed

 b
y 

ap
pl

ic
at

io
n 

of
 E

xc
lu

si
on

 E
1 

or
 

E3
.

I2
 –

 G
en

er
at

in
g 

re
so

ur
ce

(s
) 

in
cl

ud
in

g 
th

e 
ge

ne
ra

to
r 

te
rm

in
al

s 
th

ro
ug

h 
th

e 
hi

gh
-s

id
e 

of
 t

he
 s

te
p-

up
 

tr
an

sf
or

m
er

(s
) 

co
nn

ec
te

d 
at

 a
 v

ol
ta

ge
 o

f 
10

0 
kV

 o
r 

ab
ov

e 
w

it
h:

 
a)

G
ro

ss
 in

di
vi

du
al

 n
am

ep
la

te
 r

at
in

g 
gr

ea
te

r 
th

an
 

20
 M

V
A
. 

O
r,

  
b)

G
ro

ss
 p

la
nt

/f
ac

ili
ty

 a
gg

re
ga

te
 n

am
ep

la
te

 r
at

in
g 

gr
ea

te
r 

th
an

 7
5 

M
V
A
. 

 
I3

 -
 B

la
ck

st
ar

t 
R

es
ou

rc
es

 id
en

ti
fie

d 
in

 t
he

 T
ra

ns
m

is
si

on
 

O
pe

ra
to

r’
s 

re
st

or
at

io
n 

pl
an

. 
I4

 -
 D

is
pe

rs
ed

 p
ow

er
 p

ro
du

ci
ng

 r
es

ou
rc

es
 t

ha
t 

ag
gr

eg
at

e 
to

 a
 t

ot
al

 c
ap

ac
it
y 

gr
ea

te
r 

th
an

 7
5 

M
V
A
 

(g
ro

ss
 n

am
ep

la
te

 r
at

in
g)

, 
an

d 
th

at
 a

re
 c

on
ne

ct
ed

 
th

ro
ug

h 
a 

sy
st

em
 d

es
ig

ne
d 

pr
im

ar
ily

 f
or

 d
el

iv
er

in
g 

su
ch

 
ca

pa
ci

ty
 t

o 
a 

co
m

m
on

 p
oi

nt
 o

f 
co

nn
ec

ti
on

 a
t 

a 
vo

lt
ag

e 
of

 1
00

 k
V
 o

r 
ab

ov
e.

  
 

  
  

 T
hu

s,
 t

he
 f
ac

ili
tie

s 
de

si
gn

at
ed

 a
s 

B
ES

 a
re

: 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

1
9

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
(C

on
ti

n
u

ed
)

B
ES

a)
Th

e 
in

di
vi

du
al

 r
es

ou
rc

es
, 

an
d 

 
b)

Th
e 

sy
st

em
 d

es
ig

ne
d 

pr
im

ar
ily

 f
or

 d
el

iv
er

in
g 

ca
pa

ci
ty

 f
ro

m
 t

he
 p

oi
nt

 w
he

re
 t

ho
se

 r
es

ou
rc

es
 

ag
gr

eg
at

e 
to

 g
re

at
er

 t
ha

n 
75

 M
V
A
 t

o 
a 

co
m

m
on

 
po

in
t 

of
 c

on
ne

ct
io

n 
at

 a
 v

ol
ta

ge
 o

f 
10

0 
kV

 o
r 

ab
ov

e.
  

I5
 –

S
ta

ti
c 

or
 d

yn
am

ic
 d

ev
ic

es
 (

ex
cl

ud
in

g 
ge

ne
ra

to
rs

) 
de

di
ca

te
d 

to
 s

up
pl

yi
ng

 o
r 

ab
so

rb
in

g 
R
ea

ct
iv

e 
Po

w
er

 t
ha

t 
ar

e 
co

nn
ec

te
d 

at
 1

00
 k

V
 o

r 
hi

gh
er

, 
or

 t
hr

ou
gh

 a
 

de
di

ca
te

d 
tr

an
sf

or
m

er
 w

it
h 

a 
hi

gh
-s

id
e 

vo
lt
ag

e 
of

 1
00

 
kV

 o
r 

hi
gh

er
, 

or
 t

hr
ou

gh
 a

 t
ra

ns
fo

rm
er

 t
ha

t 
is

 
de

si
gn

at
ed

 in
 I

nc
lu

si
on

 I
1 

un
le

ss
 e

xc
lu

de
d 

by
 

ap
pl

ic
at

io
n 

of
 E

xc
lu

si
on

 E
4.

  
Ex

cl
u

si
o

n
s:

 
E1

 -
 R

ad
ia

l s
ys

te
m

s:
  

A
 g

ro
up

 o
f 

co
nt

ig
uo

us
 

tr
an

sm
is

si
on

 E
le

m
en

ts
 t

ha
t 

em
an

at
es

 f
ro

m
 a

 s
in

gl
e 

po
in

t 
of

 c
on

ne
ct

io
n 

of
 1

00
 k

V
 o

r 
hi

gh
er

 a
nd

: 
a)

O
nl

y 
se

rv
es

 L
oa

d.
  

  
O

r,
 

b)
O

nl
y 

in
cl

ud
es

 g
en

er
at

io
n 

re
so

ur
ce

s,
 n

ot
 id

en
ti
fie

d 
in

 
In

cl
us

io
ns

 I
2,

 I
3,

 o
r 

I4
, 

w
it
h 

an
 a

gg
re

ga
te

 c
ap

ac
it
y 

le
ss

 t
ha

n 
or

 e
qu

al
 t

o 
75

 M
V
A
 (

gr
os

s 
na

m
ep

la
te

 
ra

ti
ng

).
  
O

r,
 

c)
W

he
re

 t
he

 r
ad

ia
l s

ys
te

m
 s

er
ve

s 
Lo

ad
 a

nd
 in

cl
ud

es
 

ge
ne

ra
ti
on

 r
es

ou
rc

es
, 

no
t 

id
en

ti
fie

d 
in

 I
nc

lu
si

on
s 

I2
, 

I3
 o

r 
I4

, 
w

it
h 

an
 a

gg
re

ga
te

 c
ap

ac
it
y 

of
 n

on
-

re
ta

il 
ge

ne
ra

ti
on

 le
ss

 t
ha

n 
or

 e
qu

al
 t

o 
75

 M
V
A
 

(g
ro

ss
 n

am
ep

la
te

 r
at

in
g)

. 
 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

2
0

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
 

(C
on

ti
n

u
ed

)
B
ES

N
ot

e 
1 

– 
A
 n

or
m

al
ly

 o
pe

n 
sw

it
ch

in
g 

de
vi

ce
 b

et
w

ee
n 

ra
di

al
 

sy
st

em
s,

 a
s 

de
pi

ct
ed

 o
n 

pr
in

ts
 o

r 
on

e-
lin

e 
di

ag
ra

m
s 

fo
r 

ex
am

pl
e,

 d
oe

s 
no

t 
af

fe
ct

 t
hi

s 
ex

cl
us

io
n.

 
N

ot
e 

2 
– 

Th
e 

pr
es

en
ce

 o
f 
a 

co
nt

ig
uo

us
 lo

op
, 

op
er

at
ed

 a
t 

a 
vo

lt
ag

e 
le

ve
l o

f 
50

 k
V
 o

r 
le

ss
, 

be
tw

ee
n 

co
nf

ig
ur

at
io

ns
 b

ei
ng

 
co

ns
id

er
ed

 a
s 

ra
di

al
 s

ys
te

m
s,

 d
oe

s 
no

t 
af

fe
ct

 t
hi

s 
ex

cl
us

io
n.

E2
 -

 A
 g

en
er

at
in

g 
un

it
 o

r 
m

ul
tip

le
 g

en
er

at
in

g 
un

it
s 

on
 

th
e 

cu
st

om
er

’s
 s

id
e 

of
 t

he
 r

et
ai

l m
et

er
 t

ha
t 

se
rv

e 
al

l o
r 

pa
rt

 o
f 

th
e 

re
ta

il 
Lo

ad
 w

ith
 e

le
ct

ri
c 

en
er

gy
 if

: 
(i

) 
th

e 
ne

t 
ca

pa
ci

ty
 p

ro
vi

de
d 

to
 t

he
 B

ES
 d

oe
s 

no
t 

ex
ce

ed
 7

5 
M

V
A
, 

an
d 

(i
i)

 s
ta

nd
by

, 
ba

ck
-u

p,
 a

nd
 m

ai
nt

en
an

ce
 p

ow
er

 
se

rv
ic

es
 a

re
 p

ro
vi

de
d 

to
 t

he
 g

en
er

at
in

g 
un

it
 o

r 
m

ul
tip

le
 

ge
ne

ra
ti
ng

 u
ni

ts
 o

r 
to

 t
he

 r
et

ai
l L

oa
d 

by
 a

 B
al

an
ci

ng
 

A
ut

ho
ri

ty
, 

or
 p

r o
vi

de
d 

pu
rs

ua
nt

 t
o 

a 
bi

nd
in

g 
ob

lig
at

io
n 

w
it
h 

a 
G

en
er

at
or

 O
w

ne
r 

 o
r 

G
en

er
at

or
 O

pe
ra

to
r,

 o
r 

un
de

r 
te

rm
s 

ap
pr

ov
ed

 b
y 

th
e 

ap
pl

ic
ab

le
 r

eg
ul

at
or

y 
au

th
or

it
y.

 
E3

 -
 L

oc
al

 n
et

w
or

ks
 (

LN
):

A
gr

ou
p 

of
 c

on
ti
gu

ou
s 

tr
an

sm
is

si
on

 E
le

m
en

ts
 o

pe
ra

te
d 

at
 le

ss
 t

ha
n 

30
0 

kV
 

th
at

 d
is

tr
ib

ut
e 

po
w

er
 t

o 
Lo

ad
 r

at
he

r 
th

an
 t

ra
ns

fe
r 

bu
lk

 
po

w
er

 a
cr

os
s 

th
e 

in
te

rc
on

ne
ct

ed
 s

ys
te

m
. 

 L
N

’s
 e

m
an

at
e 

fr
om

 m
ul

tip
le

 p
oi

nt
s 

of
 c

on
ne

ct
io

n 
at

 1
00

 k
V
 o

r 
hi

gh
er

 
to

 im
pr

ov
e 

th
e 

le
ve

l o
f 

se
rv

ic
e 

to
 r

et
ai

l c
us

to
m

er
s 

an
d 

no
t 

to
 a

cc
om

m
od

at
e 

bu
lk

 p
ow

er
 t

ra
ns

fe
r 

ac
ro

ss
 t

he
 

in
te

rc
on

ne
ct

ed
 s

ys
te

m
. 

Th
e 

LN
 is

 c
ha

ra
ct

er
iz

ed
 b

y 
al

l o
f 

th
e 

fo
llo

w
in

g:
 

a)
Li

m
it
s 

on
 c

on
ne

ct
ed

 g
en

er
at

io
n:

  
Th

e 
LN

 a
nd

 it
s 

un
de

rl
yi

ng
 E

le
m

en
ts

 d
o 

no
t 

in
cl

ud
e 

ge
ne

ra
ti
on

 
re

so
ur

ce
s 

id
en

ti
fie

d 
in

 I
nc

lu
si

on
s 

I2
, 

I3
, 

or
 I

4 
an

d 
do

 n
ot

 h
av

e 
an

 a
gg

re
ga

te
 c

ap
ac

it
y 

of
 n

on
-

re
ta

il 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

2
1

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

B
O

T
 

A
p

p
ro

ve
d

 
D

at
e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

B
ul

k 
El

ec
tr

ic
 S

ys
te

m
(C

on
ti

n
u

ed
)

B
ES

ge
ne

ra
ti
on

 g
re

at
er

 t
ha

n 
75

 M
V
A
 (

gr
os

s 
na

m
ep

la
te

 
ra

ti
ng

);
 

b)
R
ea

l P
ow

er
 f

lo
w

s 
on

ly
 in

to
 t

he
 L

N
 a

nd
 t

he
 L

N
 

do
es

 n
ot

 t
ra

ns
fe

r 
en

er
gy

 o
ri

gi
na

tin
g 

ou
ts

id
e 

th
e 

LN
 f

or
 d

el
iv

er
y 

th
ro

ug
h 

th
e 

LN
; 

an
d 

c)
N

ot
 p

ar
t 

of
 a

 F
lo

w
ga

te
 o

r 
tr

an
sf

er
 p

at
h:

 T
he

 L
N

 
do

es
 n

ot
 c

on
ta

in
 a

ny
 p

ar
t 

of
 a

 p
er

m
an

en
t 

Fl
ow

ga
te

 in
 t

he
 E

as
te

rn
 I

nt
er

co
nn

ec
ti
on

, 
a 

m
aj

or
 

tr
an

sf
er

 p
at

h 
w

it
hi

n 
th

e 
W

es
te

rn
 

In
te

rc
on

ne
ct

io
n,

 o
r 

a 
co

m
pa

ra
bl

e 
m

on
it
or

ed
 

Fa
ci

lit
y 

in
 t

he
 E

R
C
O

T 
or

 Q
ue

be
c 

In
te

rc
on

ne
ct

io
ns

, 
an

d 
is

 n
ot

 a
 m

on
it
or

ed
 F

ac
ili

ty
 

in
cl

ud
ed

 in
 a

n 
In

te
rc

on
ne

ct
io

n 
R
el

ia
bi

lit
y 

O
pe

ra
ti
ng

 L
im

it 
(I

R
O

L)
. 

E4
 –

 R
ea

ct
iv

e 
Po

w
er

 d
ev

ic
es

 in
st

al
le

d 
fo

r 
th

e 
so

le
 

be
ne

fit
 o

f 
a 

re
ta

il 
cu

st
om

er
(s

).
  

N
ot

e 
- 

El
em

en
ts

 m
ay

 b
e 

in
cl

ud
ed

 o
r 

ex
cl

ud
ed

 o
n 

a 
ca

se
-b

y-
ca

se
 b

as
is

 t
hr

ou
gh

 t
he

 R
ul

es
 o

f 
Pr

oc
ed

ur
e 

ex
ce

pt
io

n 
pr

oc
es

s.

B
ul

k-
Po

w
er

 S
ys

te
m

  

[A
rc

hi
ve

]

5/
9/

20
13

7/
9/

20
13

A
) 

fa
ci

lit
ie

s 
an

d 
co

nt
ro

l s
ys

te
m

s 
ne

ce
ss

ar
y 

fo
r 

op
er

at
in

g 
an

 
in

te
rc

on
ne

ct
ed

 e
le

ct
ri

c 
en

er
gy

 t
ra

ns
m

is
si

on
 n

et
w

or
k 

(o
r 

an
y 

po
rt

io
n 

th
er

eo
f)

; 
an

d 
(B

) 
el

ec
tr

ic
 e

ne
rg

y 
fr

om
 g

en
er

at
io

n 
fa

ci
lit

ie
s 

ne
ed

ed
 t

o 
m

ai
nt

ai
n 

tr
an

sm
is

si
on

 s
ys

te
m

 r
el

ia
bi

lit
y.

 
Th

e 
te

rm
 d

oe
s 

no
t 

in
cl

ud
e 

fa
ci

lit
ie

s 
us

ed
 in

 t
he

 lo
ca

l 
di

st
ri
bu

tio
n 

of
 e

le
ct

ri
c 

en
er

gy
. 



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

3
6

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

 
B

O
T

 
A

p
p

ro
ve

d
 

D
at

e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

Fa
ci

lit
y 

[A
rc

hi
ve

]
2/

7/
20

06
3/

16
/2

00
7 

A
 s

et
 o

f 
el

ec
tr

ic
al

 e
qu

ip
m

en
t 

th
at

 o
pe

ra
te

s 
as

 a
 s

in
gl

e 
B
ul

k 
El

ec
tr

ic
 S

ys
te

m
 E

le
m

en
t 

(e
.g

.,
 a

 li
ne

, 
a 

ge
ne

ra
to

r,
 a

 s
hu

nt
 

co
m

pe
ns

at
or

, 
tr

an
sf

or
m

er
, 

et
c.

)

Fa
ci

lit
y 

R
at

in
g

[A
rc

hi
ve

]
2/

8/
20

05
3/

16
/2

00
7 

Th
e 

m
ax

im
um

 o
r 

m
in

im
um

 v
ol

ta
ge

, 
cu

rr
en

t,
 f

re
qu

en
cy

, 
or

 
re

al
 o

r 
re

ac
ti
ve

 p
ow

er
 f

lo
w

 t
hr

ou
gh

 a
 f

ac
ili

ty
 t

ha
t 

do
es

 n
ot

 
vi

ol
at

e 
th

e 
ap

pl
ic

ab
le

 e
qu

ip
m

en
t 

ra
tin

g 
of

 a
ny

 e
qu

ip
m

en
t 

co
m

pr
is

in
g 

th
e 

fa
ci

lit
y.

Fa
ul

t
[A

rc
hi

ve
]

2/
8/

20
05

3/
16

/2
00

7 
A
n 

ev
en

t 
oc

cu
rr

in
g 

on
 a

n 
el

ec
tr

ic
 s

ys
te

m
 s

uc
h 

as
 a

 s
ho

rt
 

ci
rc

ui
t,

 a
 b

ro
ke

n 
w

ir
e,

 o
r 

an
 in

te
rm

it
te

nt
 c

on
ne

ct
io

n.
 

Fi
re

 R
is

k
[A

rc
hi

ve
]

2/
7/

20
06

3/
16

/2
00

7 
Th

e 
lik

el
ih

oo
d 

th
at

 a
 f

ir
e 

w
ill

 ig
ni

te
 o

r 
sp

re
ad

 in
 a

 p
ar

ti
cu

la
r 

ge
og

ra
ph

ic
 a

re
a.

 

Fi
rm

 D
em

an
d

[A
rc

hi
ve

]
2/

8/
20

05
3/

16
/2

00
7 

Th
at

 p
or

ti
on

 o
f 

th
e 

D
em

an
d 

th
at

 a
 p

ow
er

 s
up

pl
ie

r 
is

 
ob

lig
at

ed
 t

o 
pr

ov
id

e 
ex

ce
pt

 w
he

n 
sy

st
em

 r
el

ia
bi

lit
y 

is
 

th
re

at
en

ed
 o

r 
du

ri
ng

 e
m

er
ge

nc
y 

co
nd

iti
on

s.
 

Fi
rm

 T
ra

ns
m

is
si

on
 

S
er

vi
ce

[A
rc

hi
ve

]

2/
8/

20
05

3/
16

/2
00

7 
Th

e 
hi

gh
es

t 
qu

al
it
y 

(p
ri
or

it
y)

 s
er

vi
ce

 o
ff

er
ed

 t
o 

cu
st

om
er

s 
un

de
r 

a 
fil

ed
 r

at
e 

sc
he

du
le

 t
ha

t 
an

tic
ip

at
es

 n
o 

pl
an

ne
d 

in
te

rr
up

ti
on

. 

Fl
as

ho
ve

r
[A

rc
hi

ve
]

2/
7/

20
06

3/
16

/2
00

7 
A
n 

el
ec

tr
ic

al
 d

is
ch

ar
ge

 t
hr

ou
gh

 a
ir

 a
ro

un
d 

or
 o

ve
r 

th
e 

su
rf

ac
e 

of
 in

su
la

tio
n,

 b
et

w
ee

n 
ob

je
ct

s 
of

 d
iff

er
en

t 
po

te
nt

ia
l,
 

ca
us

ed
 b

y 
pl

ac
in

g 
a 

vo
lta

ge
 a

cr
os

s 
th

e 
ai

r 
sp

ac
e 

th
at

 r
es

ul
ts

 
in

 t
he

 io
ni

za
tio

n 
of

 t
he

 a
ir

 s
pa

ce
. 

Fl
ow

ga
te

[A
rc

hi
ve

]
2/

8/
20

05
3/

16
/2

00
7 

A
 d

es
ig

na
te

d 
po

in
t 

on
 t

he
 t

ra
ns

m
is

si
on

 s
ys

te
m

 t
hr

ou
gh

 
w

hi
ch

 t
he

 I
nt

er
ch

an
ge

 D
is

tr
ib

ut
io

n 
C
al

cu
la

to
r 

ca
lc

ul
at

es
 t

he
 

po
w

er
 f

lo
w

 f
ro

m
 I

nt
er

ch
an

ge
 T

ra
ns

ac
ti
on

s.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

4
7

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

 
B

O
T

 
A

p
p

ro
ve

d
 

D
at

e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

Li
m

iti
ng

 E
le

m
en

t 
[A

rc
hi

ve
]

2/
8/

20
05

 
3/

16
/2

00
7 

Th
e 

el
em

en
t 

th
at

 is
 1

. 
)E

it
he

r 
op

er
at

in
g 

at
 it

s 
ap

pr
op

ri
at

e 
ra

ti
ng

, 
or

 2
,)

 W
ou

ld
 b

e 
fo

llo
w

in
g 

th
e 

lim
iti

ng
 c

on
tin

ge
nc

y.
  

Th
us

, 
th

e 
Li

m
iti

ng
 E

le
m

en
t 

es
ta

bl
is

he
s 

a 
sy

st
em

 li
m

it
.

Lo
ad

[A
rc

hi
ve

]
2/

8/
20

05
 

3/
16

/2
00

7 
A
n 

en
d-

us
e 

de
vi

ce
 o

r 
cu

st
om

er
 t

ha
t 

re
ce

iv
es

 p
ow

er
 f

ro
m

 t
he

 
el

ec
tr

ic
 s

ys
te

m
.

Lo
ad

 S
hi

ft
 F

ac
to

r
[A

rc
hi

ve
]

LS
F

2/
8/

20
05

3/
16

/2
00

7 
A
 f

ac
to

r 
to

 b
e 

ap
pl

ie
d 

to
 a

 lo
ad

’s
 e

xp
ec

te
d 

ch
an

ge
 in

 d
em

an
d 

to
 d

et
er

m
in

e 
th

e 
am

ou
nt

 o
f 

flo
w

 c
on

tr
ib

ut
io

n 
th

at
 c

ha
ng

e 
in

 
de

m
an

d 
w

ill
 im

po
se

 o
n 

an
 id

en
tif

ie
d 

tr
an

sm
is

si
on

 f
ac

ili
ty

 o
r 

m
on

it
or

ed
 F

lo
w

ga
te

. 

Lo
ad

-S
er

vi
ng

 E
nt

it
y 

[A
rc

hi
ve

]
LS

E
2/

8/
20

05
 

3/
16

/2
00

7 
S
ec

ur
es

 e
ne

rg
y 

an
d 

tr
an

sm
is

si
on

 s
er

vi
ce

 (
an

d 
re

la
te

d 
In

te
rc

on
ne

ct
ed

 O
pe

ra
ti
on

s 
S
er

vi
ce

s)
 t

o 
se

rv
e 

th
e 

el
ec

tr
ic

al
 

de
m

an
d 

an
d 

en
er

gy
 r

eq
ui

re
m

en
ts

 o
f 
it
s 

en
d-

us
e 

cu
st

om
er

s.
 

Lo
ng

-T
er

m
 

Tr
an

sm
is

si
on

 P
la

nn
in

g 
H

or
iz

on
[A

rc
hi

ve
]

8/
4/

20
11

 
10

/1
7/

20
13

(B
ec

om
es

 
ef

fe
ct

iv
e 

1/
1/

20
15

)

Tr
an

sm
is

si
on

 p
la

nn
in

g 
pe

ri
od

 t
ha

t 
co

ve
rs

 y
ea

rs
 s

ix
 t

hr
ou

gh
 

te
n 

or
 b

ey
on

d 
w

he
n 

re
qu

ir
ed

 t
o 

ac
co

m
m

od
at

e 
an

y 
kn

ow
n 

lo
ng

er
 le

ad
 t

im
e 

pr
oj

ec
ts

 t
ha

t 
m

ay
 t

ak
e 

lo
ng

er
 t

ha
n 

te
n 

ye
ar

s 
to

 c
om

pl
et

e.

Lo
w

 I
m

pa
ct

 B
ES

 C
yb

er
 

S
ys

te
m

 E
le

ct
ro

ni
c 

A
cc

es
s 

Po
in

t
[A

rc
hi

ve
]

LE
A
P

2/
12

/2
01

5 
A

 C
yb

er
 A

ss
et

 in
te

rf
ac

e 
th

at
 c

o
n

tr
o

ls
 L

o
w

 Im
p

ac
t 

Ex
te

rn
al

 
R

o
u

ta
b

le
 C

o
n

n
ec

ti
vi

ty
. T

h
e 

C
yb

er
 A

ss
et

 c
o

n
ta

in
in

g 
th

e 
LE

A
P

 
m

ay
 r

es
id

e 
at

 a
 lo

ca
ti

o
n

 e
xt

er
n

al
 t

o
 t

h
e 

as
se

t 
o

r 
as

se
ts

 
co

n
ta

in
in

g 
lo

w
 im

p
ac

t 
B

ES
 C

yb
er

 S
ys

te
m

s.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

5
3

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

 
B

O
T

 
A

p
p

ro
ve

d
 

D
at

e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

N
on

-C
on

se
qu

en
ti
al

 
Lo

ad
 L

os
s

[A
rc

hi
ve

]

8/
4/

20
11

 
10

/1
7/

20
13

(B
ec

om
es

 
ef

fe
ct

iv
e 

1/
1/

15
) 

N
on

-I
nt

er
ru

pt
ib

le
 L

oa
d 

lo
ss

 t
ha

t 
do

es
 n

ot
 in

cl
ud

e:
 (

1)
 

C
on

se
qu

en
ti
al

 L
oa

d 
Lo

ss
, 

(2
) 

th
e 

re
sp

on
se

 o
f 

vo
lt
ag

e 
se

ns
it
iv

e 
Lo

ad
, 

or
 (

3)
 L

oa
d 

th
at

 is
 d

is
co

nn
ec

te
d 

fr
om

 t
he

 
S
ys

te
m

 b
y 

en
d-

us
er

 e
qu

ip
m

en
t.

 

N
on

-F
ir

m
 T

ra
ns

m
is

si
on

 
S
er

vi
ce

[A
rc

hi
ve

]

2/
8/

20
05

 
3/

16
/2

00
7 

Tr
an

sm
is

si
on

 s
er

vi
ce

 t
ha

t 
is

 r
es

er
ve

d 
on

 a
n 

as
-a

va
ila

bl
e 

ba
si

s 
an

d 
is

 s
ub

je
ct

 t
o 

cu
rt

ai
lm

en
t 

or
 in

te
rr

up
ti
on

.

N
on

-S
pi

nn
in

g 
R
es

er
ve

 
[A

rc
hi

ve
]

2/
8/

20
05

 
3/

16
/2

00
7 

1.
Th

at
 g

en
er

at
in

g 
re

se
rv

e 
no

t 
co

nn
ec

te
d 

to
 t

he
 s

ys
te

m
 b

ut
 

ca
pa

bl
e 

of
 s

er
vi

ng
 d

em
an

d 
w

it
hi

n 
a 

sp
ec

ifi
ed

 t
im

e.
 

2.
 I

nt
er

ru
pt

ib
le

 lo
ad

 t
ha

t 
ca

n 
be

 r
em

ov
ed

 f
ro

m
 t

he
 s

ys
te

m
 in

 
a 

sp
ec

ifi
ed

 t
im

e.
 

N
or

m
al

 C
le

ar
in

g
[A

rc
hi

ve
]

11
/1

/2
00

6 
12

/2
7/

20
07

 
A
 p

ro
te

ct
io

n 
sy

st
em

 o
pe

ra
te

s 
as

 d
es

ig
ne

d 
an

d 
th

e 
fa

ul
t 

is
 

cl
ea

re
d 

in
 t

he
 t

im
e 

no
rm

al
ly

 e
xp

ec
te

d 
w

it
h 

pr
op

er
 

fu
nc

ti
on

in
g 

of
 t

he
 in

st
al

le
d 

pr
ot

ec
ti
on

 s
ys

te
m

s.

N
or

m
al

 R
at

in
g

[A
rc

hi
ve

]
2/

8/
20

05
 

3/
16

/2
00

7 
Th

e 
ra

ti
ng

 a
s 

de
fin

ed
 b

y 
th

e 
eq

ui
pm

en
t 

ow
ne

r 
th

at
 s

pe
ci

fie
s 

th
e 

le
ve

l o
f 

el
ec

tr
ic

al
 lo

ad
in

g,
 u

su
al

ly
 e

xp
re

ss
ed

 in
 

m
eg

aw
at

ts
 (

M
W

) 
or

 o
th

er
 a

pp
ro

pr
ia

te
 u

ni
ts

 t
ha

t 
a 

sy
st

em
, 

fa
ci

lit
y,

 o
r 

el
em

en
t 

ca
n 

su
pp

or
t 

or
 w

it
hs

ta
nd

 t
hr

ou
gh

 t
he

 
da

ily
 d

em
an

d 
cy

cl
es

 w
ith

ou
t 

lo
ss

 o
f 

eq
ui

pm
en

t 
lif

e.

N
uc

le
ar

 P
la

nt
 

G
en

er
at

or
 O

pe
ra

to
r

[A
rc

hi
ve

]

5/
2/

20
07

 
10

/1
6/

20
08

 
A
ny

 G
en

er
at

or
 O

pe
ra

to
r 

or
 G

en
er

at
or

 O
w

ne
r 

th
at

 is
 a

 
N

uc
le

ar
 P

la
nt

 L
ic

en
se

e 
re

sp
on

si
bl

e 
fo

r 
op

er
at

io
n 

of
 a

 n
uc

le
ar

 
fa

ci
lit

y 
lic

en
se

d 
to

 p
ro

du
ce

 c
om

m
er

ci
al

 p
ow

er
. 

N
uc

le
ar

 P
la

nt
 O

ff
-s

it
e 

Po
w

er
 S

up
pl

y 
(O

ff
-s

it
e 

Po
w

er
)

[A
rc

hi
ve

]

5/
2/

20
07

 
10

/1
6/

20
08

 
Th

e 
el

ec
tr

ic
 p

ow
er

 s
up

pl
y 

pr
ov

id
ed

 f
ro

m
 t

he
 e

le
ct

ri
c 

sy
st

em
 

to
 t

he
 n

uc
le

ar
 p

ow
er

 p
la

nt
 d

is
tr

ib
ut

io
n 

sy
st

em
 a

s 
re

qu
ir

ed
 

pe
r 

th
e 

nu
cl

ea
r 

po
w

er
 p

la
nt

 li
ce

ns
e.



G
lo

ss
ar

y 
o

f 
Te

rm
s 

U
se

d
 in

 N
ER

C
 R

e
lia

b
ili

ty
 S

ta
n

d
ar

d
s 

8
8

C
o

n
ti

n
en

t-
w

id
e 

Te
rm

 
A

cr
o

n
ym

 
B

O
T

 
A

p
p

ro
ve

d
 

D
at

e 

FE
R

C
A

p
p

ro
ve

d
 

D
at

e 
D

ef
in

it
io

n
 

Tr
an

sf
er

 C
ap

ab
ili

ty
[A

rc
hi

ve
]

2/
8/

20
05

3/
16

/2
00

7 
Th

e 
m

ea
su

re
 o

f 
th

e 
ab

ili
ty

 o
f 

in
te

rc
on

ne
ct

ed
 e

le
ct

ri
c 

sy
st

em
s 

to
 m

ov
e 

or
 t

ra
ns

fe
r 

po
w

er
 in

 a
 r

el
ia

bl
e 

m
an

ne
r 

fr
om

 o
ne

 a
re

a 
to

 a
no

th
er

 o
ve

r 
al

l t
ra

ns
m

is
si

on
 li

ne
s 

(o
r 

pa
th

s)
 b

et
w

ee
n 

th
os

e 
ar

ea
s 

un
de

r 
sp

ec
ifi

ed
 s

ys
te

m
 

co
nd

iti
on

s.
  
Th

e 
un

it
s 

of
 t

ra
ns

fe
r 

ca
pa

bi
lit

y 
ar

e 
in

 t
er

m
s 

of
 

el
ec

tr
ic

 p
ow

er
, 

ge
ne

ra
lly

 e
xp

re
ss

ed
 in

 m
eg

aw
at

ts
 (

M
W

).
  

Th
e 

tr
an

sf
er

 c
ap

ab
ili

ty
 f

ro
m

 “
A
re

a 
A
” 

to
 “

A
re

a 
B
” 

is
 n

ot
 

ge
ne

ra
lly

 e
qu

al
 t

o 
th

e 
tr

an
sf

er
 c

ap
ab

ili
ty

 f
ro

m
 “

A
re

a 
B
” 

to
 

“A
re

a 
A
.”

Tr
an

sf
er

 D
is

tr
ib

ut
io

n 
Fa

ct
or

[A
rc

hi
ve

]

2/
8/

20
05

3/
16

/2
00

7 
S
ee

 D
is

tr
ib

ut
io

n 
Fa

ct
or

.

Tr
an

si
en

t 
C
yb

er
 A

ss
et

 
[A

rc
hi

ve
]

2/
12

/2
01

5
A

 C
yb

er
 A

ss
et

 t
h

at
 (

i)
 is

 c
ap

ab
le

 o
f 

tr
an

sm
it

ti
n

g 
o

r 
tr

an
sf

er
ri

n
g 

ex
ec

u
ta

b
le

 c
o

d
e,

 (
ii)

 is
 n

o
t 

in
cl

u
d

ed
 in

 a
 B

ES
 C

yb
er

 S
ys

te
m

, 
(i

ii)
 is

 n
o

t 
a 

P
ro

te
ct

ed
 C

yb
er

 A
ss

et
 (

P
C

A
),

 a
n

d
 (

iv
) 

is
 d

ir
ec

tl
y 

co
n

n
ec

te
d

 (
e.

g.
, u

si
n

g 
Et

h
er

n
et

, s
er

ia
l, 

U
n

iv
er

sa
l S

er
ia

l B
u

s,
 o

r 
w

ir
el

es
s,

 in
cl

u
d

in
g 

n
ea

r 
fi

el
d

 o
r 

B
lu

et
o

o
th

 c
o

m
m

u
n

ic
at

io
n

) 
fo

r 
3

0
 c

o
n

se
cu

ti
ve

 c
al

en
d

ar
 d

ay
s 

o
r 

le
ss

 t
o

 a
 B

ES
 C

yb
er

 A
ss

et
, a

 
n

et
w

o
rk

 w
it

h
in

 a
n

 E
SP

, o
r 

a 
P

C
A

. E
xa

m
p

le
s 

in
cl

u
d

e,
 b

u
t 

ar
e 

n
o

t 
lim

it
ed

 t
o

, C
yb

er
 A

ss
et

s 
u

se
d

 f
o

r 
d

at
a 

tr
an

sf
er

, 
vu

ln
er

ab
ili

ty
 a

ss
es

sm
en

t,
 m

ai
n

te
n

an
ce

, o
r 

tr
o

u
b

le
sh

o
o

ti
n

g

p
u

rp
o

se
s.

Tr
an

sm
is

si
on

[A
rc

hi
ve

]
2/

8/
20

05
3/

16
/2

00
7 

A
n 

in
te

rc
on

ne
ct

ed
 g

ro
up

 o
f 

lin
es

 a
nd

 a
ss

oc
ia

te
d 

eq
ui

pm
en

t 
fo

r 
th

e 
m

ov
em

en
t 

or
 t

ra
ns

fe
r 

of
 e

le
ct

ri
c 

en
er

gy
 b

et
w

ee
n 

po
in

ts
 o

f 
su

pp
ly

 a
nd

 p
oi

nt
s 

at
 w

hi
ch

 it
 is

 t
ra

ns
fo

rm
ed

 f
or

 
de

liv
er

y 
to

 c
us

to
m

er
s 

or
 is

 d
el

iv
er

ed
 t

o 
ot

he
r 

el
ec

tr
ic

 
sy

st
em

s.



ATTACHMENT 27 

NERC TPL-001-4 



Standard TPL-001-4 — Transmission System Planning Performance Requirements 

  1 

A. Introduction 
1. Title: Transmission System Planning Performance Requirements   

2. Number: TPL-001-4 

3. Purpose: Establish Transmission system planning performance requirements within the 
planning horizon to develop a Bulk Electric System (BES) that will operate reliably over a 
broad spectrum of System conditions and following a wide range of probable Contingencies.   

4. Applicability: 

4.1. Functional Entity  

4.1.1. Planning Coordinator. 

4.1.2. Transmission Planner.

5. Effective Date: Requirements R1 and R7 as well as the definitions shall become effective on 
the first day of the first calendar quarter, 12 months after applicable regulatory approval.  In 
those jurisdictions where regulatory approval is not required, Requirements R1 and R7 become 
effective on the first day of the first calendar quarter, 12 months after Board of Trustees 
adoption or as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities.    

Except as indicated below, Requirements R2 through R6 and Requirement R8 shall become 
effective on the first day of the first calendar quarter, 24 months after applicable regulatory 
approval.  In those jurisdictions where regulatory approval is not required, all requirements, 
except as noted below, go into effect on the first day of the first calendar quarter, 24 months 
after Board of Trustees adoption or as otherwise made effective pursuant to the laws 
applicable to such ERO governmental authorities.

For 84 calendar months beginning the first day of the first calendar quarter following applicable 
regulatory approval, or in those jurisdictions where regulatory approval is not required on the 
first day of the first calendar quarter 84 months after Board of Trustees adoption or as 
otherwise made effective pursuant to the laws applicable to such ERO governmental 
authorities, Corrective Action Plans applying to the following categories of Contingencies and 
events identified in TPL-001-4, Table 1 are allowed to include Non-Consequential Load Loss 
and curtailment of Firm Transmission Service (in accordance with Requirement R2, Part 2.7.3.) 
that would not otherwise be permitted by the requirements of TPL-001-4:   

P1-2  (for controlled interruption of electric supply to local network customers 
connected to or supplied by the Faulted element) 
P1-3 (for controlled interruption of electric supply to local network customers 
connected to or supplied by the Faulted element) 
P2-1  
P2-2 (above 300 kV)  
P2-3 (above 300 kV)  
P3-1 through P3-5  
P4-1 through P4-5 (above 300 kV)  
P5 (above 300 kV) 
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B. Requirements 
R1. Each Transmission Planner and Planning Coordinator shall maintain System models within its 

respective area for performing the studies needed to complete its Planning Assessment.  The 
models shall use data consistent with that provided in accordance with the MOD-010 and 
MOD-012 standards, supplemented by other sources as needed, including items represented in 
the Corrective Action Plan, and shall represent projected System conditions.  This establishes 
Category P0 as the normal System condition in Table 1. [Violation Risk Factor: High]  [Time 
Horizon: Long-term Planning]  

1.1. System models shall represent:  

1.1.1. Existing Facilities 

1.1.2. Known outage(s) of generation or Transmission Facility(ies) with a duration 
of at least six months.   

1.1.3. New planned Facilities and changes to existing Facilities  

1.1.4. Real and reactive Load forecasts 

1.1.5. Known commitments for Firm Transmission Service and Interchange  

1.1.6. Resources (supply or demand side) required for Load            

R2. Each Transmission Planner and Planning Coordinator shall prepare an annual Planning 
Assessment of its portion of the BES. This Planning Assessment shall use current or qualified 
past studies (as indicated in Requirement R2, Part 2.6), document assumptions, and document 
summarized results of the steady state analyses, short circuit analyses, and Stability analyses.  
[Violation Risk Factor: High]  [Time Horizon: Long-term Planning]

2.1. For the Planning Assessment, the Near-Term Transmission Planning Horizon portion 
of the steady state analysis shall be assessed annually and be supported by current 
annual studies or qualified past studies as indicated in Requirement R2, Part 2.6.  
Qualifying studies need to include the following conditions: 

2.1.1. System peak Load for either Year One or year two, and for year five.    

2.1.2. System Off-Peak Load for one of the five years.     

2.1.3. P1 events in Table 1, with known outages modeled as in Requirement R1, 
Part 1.1.2, under those System peak or Off-Peak conditions when known 
outages are scheduled. 

2.1.4. For each of the studies described in Requirement R2, Parts 2.1.1 and 2.1.2, 
sensitivity case(s) shall be utilized to demonstrate the impact of changes to 
the basic assumptions used in the model.  To accomplish this, the sensitivity 
analysis in the Planning Assessment must vary one or more of the following 
conditions by a sufficient amount to stress the System within a range of 
credible conditions that demonstrate a measurable change in System 
response : 

Real and reactive forecasted Load.  
Expected transfers.   
Expected in service dates of new or modified Transmission Facilities.   
Reactive resource capability.   
Generation additions, retirements, or other dispatch scenarios.  
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Controllable Loads and Demand Side Management.  
Duration or timing of known Transmission outages.

2.1.5. When an entity’s spare equipment strategy could result in the unavailability 
of major Transmission equipment that has a lead time of one year or more 
(such as a transformer), the impact of this possible unavailability on System 
performance shall be studied.  The studies shall be performed for the P0, P1, 
and P2 categories identified in Table 1 with the conditions that the System is 
expected to experience during the possible unavailability of the long lead 
time equipment. 

2.2. For the Planning Assessment, the Long-Term Transmission Planning Horizon portion 
of the steady state analysis shall be assessed annually and be supported by the 
following annual current study, supplemented with qualified past studies as indicated 
in Requirement R2, Part 2.6:   

2.2.1. A current study assessing expected System peak Load conditions for one of 
the years in the Long-Term Transmission Planning Horizon and the rationale 
for why that year was selected.   

2.3. The short circuit analysis portion of the Planning Assessment shall be conducted 
annually addressing the Near-Term Transmission Planning Horizon and can be 
supported by current or past studies as qualified in Requirement R2, Part 2.6.  The 
analysis shall be used to determine whether circuit breakers have interrupting 
capability for Faults that they will be expected to interrupt using the System short 
circuit model with any planned generation and Transmission Facilities in service 
which could impact the study area.   

2.4. For the Planning Assessment, the Near-Term Transmission Planning Horizon portion 
of the Stability analysis shall be assessed annually and be supported by current or past 
studies as qualified in Requirement R2, Part2.6.  The following studies are required:   

2.4.1. System peak Load for one of the five years.  System peak Load levels shall 
include a Load model which represents the expected dynamic behavior of 
Loads that could impact the study area, considering the behavior of induction 
motor Loads.  An aggregate System Load model which represents the overall 
dynamic behavior of the Load is acceptable.      

2.4.2. System Off-Peak Load for one of the five years.  

2.4.3. For each of the studies described in Requirement R2, Parts 2.4.1 and 2.4.2, 
sensitivity case(s) shall be utilized to demonstrate the impact of changes to 
the basic assumptions used in the model.  To accomplish this, the sensitivity 
analysis in the Planning Assessment must vary one or more of the following 
conditions by a sufficient amount to stress the System within a range of 
credible conditions that demonstrate a measurable change in performance: 

Load level, Load forecast, or dynamic Load model assumptions.   
Expected transfers.  
Expected in service dates of new or modified Transmission Facilities.  
Reactive resource capability.  
Generation additions, retirements, or other dispatch scenarios.   
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2.5. For the Planning Assessment, the Long-Term Transmission Planning Horizon portion 
of the Stability analysis shall be assessed to address the impact of proposed material 
generation additions or changes in that timeframe and be supported by current or past 
studies as qualified in Requirement R2, Part2.6 and shall include documentation to 
support the technical rationale for determining material changes.  

2.6. Past studies may be used to support the Planning Assessment if they meet the 
following requirements: 

2.6.1. For steady state, short circuit, or Stability analysis: the study shall be five 
calendar years old or less, unless a technical rationale can be provided to 
demonstrate that the results of an older study are still valid. 

2.6.2. For steady state, short circuit, or Stability analysis: no material changes have 
occurred to the System represented in the study.   Documentation to support 
the technical rationale for determining material changes shall be included.     

2.7. For planning events shown in Table 1, when the analysis indicates an inability of the 
System to meet the performance requirements in Table 1, the Planning Assessment 
shall include Corrective Action Plan(s) addressing how the performance requirements 
will be met. Revisions to the Corrective Action Plan(s) are allowed in subsequent 
Planning Assessments but the planned System shall continue to meet the performance 
requirements in Table 1. Corrective Action Plan(s) do not need to be developed solely 
to meet the performance requirements for a single sensitivity case analyzed in 
accordance with Requirements R2, Parts 2.1.4 and 2.4.3.  The Corrective Action 
Plan(s) shall: 

2.7.1. List System deficiencies and the associated actions needed to achieve 
required System performance.  Examples of such actions  include:   

Installation, modification, retirement, or removal of Transmission and 
generation Facilities and any associated equipment.  
Installation, modification, or removal of Protection Systems or Special 
Protection Systems  
Installation or modification of automatic generation tripping as a 
response to a single or multiple Contingency to mitigate Stability 
performance violations.  
Installation or modification of manual and automatic generation 
runback/tripping as a response to a single or multiple Contingency to 
mitigate steady state performance violations.  
Use of Operating Procedures specifying how long they will be needed 
as part of the Corrective Action Plan.  
Use of rate applications, DSM, new technologies, or other initiatives.    

2.7.2. Include actions to resolve performance deficiencies identified in multiple 
sensitivity studies or provide a rationale for why actions were not necessary.  

2.7.3. If situations arise that are beyond the control of the Transmission Planner or 
Planning Coordinator that prevent the implementation of a Corrective Action 
Plan in the required timeframe, then the Transmission Planner or Planning 
Coordinator is permitted to utilize Non-Consequential Load Loss and 
curtailment of Firm Transmission Service to correct the situation that would 
normally not be permitted in Table 1, provided that the Transmission Planner 
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or Planning Coordinator documents that they are taking actions to resolve the 
situation.  The Transmission Planner or Planning Coordinator shall 
document the situation causing the problem, alternatives evaluated, and the 
use of Non-Consequential Load Loss or curtailment of Firm Transmission 
Service.       

2.7.4. Be reviewed in subsequent annual Planning Assessments for continued 
validity and implementation status of identified System Facilities and 
Operating Procedures.  

2.8. For short circuit analysis, if the short circuit current interrupting duty on circuit 
breakers determined in Requirement R2, Part 2.3 exceeds their Equipment Rating, the 
Planning Assessment shall include a Corrective Action Plan to address the Equipment 
Rating violations.  The Corrective Action Plan shall:    

2.8.1. List System deficiencies and the associated actions needed to achieve 
required System performance.   

2.8.2. Be reviewed in subsequent annual Planning Assessments for continued 
validity and implementation status of identified System Facilities and 
Operating Procedures. 

R3. For the steady state portion of the Planning Assessment, each Transmission Planner and 
Planning Coordinator shall perform studies for the Near-Term and Long-Term Transmission 
Planning Horizons in Requirement R2, Parts 2.1, and 2.2.    The studies shall be based on 
computer simulation models using data provided in Requirement R1.  [Violation Risk Factor: 
Medium]  [Time Horizon: Long-term Planning]

3.1. Studies shall be performed for planning events to determine whether the BES meets 
the performance requirements in Table 1 based on the Contingency list created in 
Requirement R3, Part 3.4.  

3.2. Studies shall be performed to assess the impact of the extreme events which are 
identified by the list created in Requirement R3, Part 3.5.  

3.3. Contingency analyses for Requirement R3, Parts 3.1 & 3.2 shall:  

3.3.1. Simulate the removal of all elements that the Protection System and other 
automatic controls are expected to disconnect for each Contingency without 
operator intervention.  The analyses shall include the impact of subsequent: 

3.3.1.1. Tripping of generators where simulations show generator bus 
voltages or high side of the generation step up (GSU) voltages 
are less than known or assumed minimum generator steady state 
or ride through voltage limitations.  Include in the assessment 
any assumptions made.   

3.3.1.2. Tripping of Transmission elements where relay loadability limits 
are exceeded.   

3.3.2. Simulate the expected automatic operation of existing and planned devices 
designed to provide steady state control of electrical system quantities when 
such devices impact the study area.  These devices may include equipment 
such as phase-shifting transformers, load tap changing transformers, and 
switched capacitors and inductors. 

3.4. Those planning events in Table 1, that are expected to produce more severe System 
impacts on its portion of the BES, shall be identified and a list of those Contingencies 
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to be evaluated for System performance in Requirement R3, Part 3.1 created. The 
rationale for those Contingencies selected for evaluation shall be available as 
supporting information.     

3.4.1. The Planning Coordinator and Transmission Planner shall coordinate with 
adjacent Planning Coordinators and Transmission Planners to ensure that 
Contingencies on adjacent Systems which may impact their Systems are 
included in the Contingency list. 

3.5. Those extreme events in Table 1 that are expected to produce more severe System 
impacts shall be identified and a list created of those events to be evaluated in 
Requirement R3, Part 3.2.  The rationale for those Contingencies selected for 
evaluation shall be available as supporting information.  If the analysis concludes 
there is Cascading caused by the occurrence of extreme events, an evaluation of 
possible actions designed to reduce the likelihood or mitigate the consequences and 
adverse impacts of the event(s) shall be conducted.   

R4. For the Stability portion of the Planning Assessment, as described in Requirement R2, Parts 2.4 
and 2.5, each Transmission Planner and Planning Coordinator shall perform the Contingency 
analyses listed in Table 1.  The studies shall be based on computer simulation models using 
data provided in Requirement R1.      [Violation Risk Factor: Medium]  [Time Horizon: Long-
term Planning]

4.1. Studies shall be performed for planning events to determine whether the BES meets 
the performance requirements in Table 1 based on the Contingency list created in 
Requirement R4, Part 4.4.  

4.1.1. For planning event P1: No generating unit shall pull out of synchronism.  A 
generator being disconnected from the System by fault clearing action or by 
a Special Protection System is not considered pulling out of synchronism.  

4.1.2. For planning events P2 through P7:  When a generator  pulls out of 
synchronism  in the simulations,  the resulting apparent impedance swings 
shall not result in the tripping of any Transmission system elements other 
than the generating unit and its directly connected Facilities. 

4.1.3. For planning events P1 through P7: Power oscillations shall exhibit 
acceptable damping as established by the Planning Coordinator and 
Transmission Planner. 

4.2. Studies shall be performed to assess the impact of the extreme events which are 
identified by the list created in Requirement R4, Part 4.5.   

4.3. Contingency analyses for Requirement R4, Parts 4.1 and 4.2 shall :  

4.3.1. Simulate the removal of all elements that the Protection System and other 
automatic controls are expected to disconnect for each Contingency without 
operator intervention.  The analyses shall include the impact of subsequent:  

4.3.1.1. Successful high speed (less than one second) reclosing and 
unsuccessful high speed reclosing into a Fault where high speed 
reclosing is utilized.  

4.3.1.2. Tripping of generators where simulations show generator bus 
voltages or high side of the GSU voltages are less than known or 
assumed generator low voltage ride through capability. Include 
in the assessment any assumptions made.     
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4.3.1.3. Tripping of Transmission lines and transformers where transient 
swings cause Protection System operation based on generic or 
actual relay models.   

4.3.2. Simulate the expected automatic operation of existing and planned devices 
designed to provide dynamic control of electrical system quantities when 
such devices impact the study area.  These devices may include equipment 
such as generation exciter control and power system stabilizers, static var 
compensators, power flow controllers, and DC Transmission controllers. 

4.4. Those planning events in Table 1 that are expected to produce more severe System 
impacts on its portion of the BES, shall be identified, and a list created of those 
Contingencies to be evaluated in Requirement R4, Part 4.1. The rationale for those 
Contingencies selected for evaluation shall be available as supporting information.     

4.4.1. Each Planning Coordinator and Transmission Planner shall coordinate with 
adjacent Planning Coordinators and Transmission Planners to ensure that 
Contingencies on adjacent Systems which may impact their Systems are 
included in the Contingency list.  

4.5. Those extreme events in Table 1 that are expected to produce more severe System 
impacts shall be identified and a list created of those events to be evaluated  in 
Requirement R4, Part 4.2.  The rationale for those Contingencies selected for 
evaluation shall be available as supporting information.  If the analysis concludes 
there is Cascading caused by the occurrence of extreme events, an evaluation of 
possible actions designed to reduce the likelihood or mitigate the consequences of the 
event(s) shall be conducted.   

R5. Each Transmission Planner and Planning Coordinator shall have criteria for acceptable System 
steady state voltage limits, post-Contingency voltage deviations, and the transient voltage 
response for its System. For transient voltage response, the criteria shall at a minimum, specify 
a low voltage level and a maximum length of time that transient voltages may remain below 
that level.  [Violation Risk Factor: Medium] [Time Horizon: Long-term Planning]

R6. Each Transmission Planner and Planning Coordinator shall define and document, within their 
Planning Assessment, the criteria or methodology used in the analysis to identify System 
instability for conditions such as Cascading, voltage instability, or uncontrolled islanding.  
[Violation Risk Factor: Medium]  [Time Horizon: Long-term Planning]

R7. Each Planning Coordinator, in conjunction with each of its Transmission Planners, shall 
determine and identify each entity’s individual and joint responsibilities for performing the 
required studies for the Planning Assessment. [Violation Risk Factor: Low]  [Time Horizon: 
Long-term Planning]

R8. Each Planning Coordinator and Transmission Planner shall distribute its Planning Assessment 
results to adjacent Planning Coordinators and adjacent Transmission Planners within 90 
calendar days of completing its Planning Assessment, and to any functional entity that has a 
reliability related need and submits a written request for the information within 30 days of such 
a request.  [Violation Risk Factor: Medium]  [Time Horizon: Long-term Planning]  

8.1. If a recipient of the Planning Assessment results provides documented comments on 
the results, the respective Planning Coordinator or Transmission Planner shall provide 
a documented response to that recipient within 90 calendar days of receipt of those 
comments. 
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Attachment 1 

I. Stakeholder Process 

During each Planning Assessment before the use of Non-Consequential Load Loss under 
footnote 12 is allowed as an element of a Corrective Action Plan in the Near-Term Transmission 
Planning Horizon of the Planning Assessment, the Transmission Planner or Planning 
Coordinator shall ensure that the utilization of footnote 12 is reviewed through an open and 
transparent stakeholder process.  The responsible entity can utilize an existing process or develop 
a new process. .The process must include the following: 

1. Meetings must be open to affected stakeholders including applicable regulatory 
authorities or governing bodies responsible for retail electric service issues  

2. Notice must be provided in advance of meetings to affected stakeholders including 
applicable regulatory authorities or governing bodies responsible for retail electric service 
issues and include an agenda with:  

a. Date, time, and location for the meeting 
b. Specific location(s) of the planned Non-Consequential Load Loss under footnote 

12
c. Provisions for a stakeholder comment period 

3. Information regarding the intended purpose and scope of the proposed Non-
Consequential Load Loss under footnote 12 (as shown in Section II below) must be made 
available to meeting participants   

4. A procedure for stakeholders to submit written questions or concerns and to receive 
written responses to the submitted questions and concerns   

5. A dispute resolution process for any question or concern raised in #4 above that is not 
resolved to the stakeholder’s satisfaction

An entity does not have to repeat the stakeholder process for a specific application of footnote 12 
utilization with respect to subsequent Planning Assessments unless conditions spelled out in 
Section II below have materially changed for that specific application. 

II. Information for Inclusion in Item #3 of the Stakeholder Process 

The responsible entity shall document the planned use of Non-Consequential Load Loss under 
footnote 12 which must include the following:  

1. Conditions under which Non-Consequential Load Loss under footnote 12 would be 
necessary:  

a. System Load level and estimated annual hours of exposure at or above that Load 
level 

b. Applicable Contingencies and the Facilities outside their applicable rating due to 
that Contingency 

2. Amount of Non-Consequential Load Loss  with:   
a. The estimated number and type of customers affected 
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b. An explanation of the effect of the use of Non-Consequential Load Loss under 
footnote 12 on the health, safety, and welfare of the community 

3. Estimated frequency of Non-Consequential Load Loss under footnote 12 based on 
historical performance 

4. Expected duration of Non-Consequential Load Loss under footnote 12 based on historical 
performance  

5. Future plans to alleviate the need for Non-Consequential Load Loss under footnote 12   
6. Verification that TPL Reliability Standards performance requirements will be met 

following the application of footnote 12  
7. Alternatives to Non-Consequential Load Loss considered and the rationale for not 

selecting those alternatives under footnote 12  
8. Assessment of potential overlapping uses of footnote 12 including overlaps with adjacent 

Transmission Planners and Planning Coordinators  

III. Instances for which Regulatory Review of Non-Consequential Load Loss under Footnote 12 
is Required 

Before a Non-Consequential Load Loss under footnote 12 is allowed as an element of a 
Corrective Action Plan in Year One of the Planning Assessment, the Transmission Planner or 
Planning Coordinator must ensure that the applicable regulatory authorities or governing bodies 
responsible for retail electric service issues do not object to the use of Non-Consequential Load 
Loss under footnote 12 if either: 

1. The voltage level of the Contingency is greater than 300 kV   
a. If the Contingency analyzed involves BES Elements at multiple System voltage 

levels, the lowest System voltage level of the element(s) removed for the 
analyzed Contingency determines the stated performance criteria regarding 
allowances for Non-Consequential Load Loss under footnote 12, or  

b. For a non-generator step up transformer outage Contingency, the 300 kV limit 
applies to the low-side winding (excluding tertiary windings).  For a generator or 
generator step up transformer outage Contingency, the 300 kV limit applies to the 
BES connected voltage (high-side of the Generator Step Up transformer)   

2. The planned Non-Consequential Load Loss under footnote 12 is greater than or equal to 
25 MW    

Once assurance has been received that the applicable regulatory authorities or governing bodies 
responsible for retail electric service issues do not object to the use of Non-Consequential Load 
Loss under footnote 12,  the Planning Coordinator or Transmission Planner must submit the 
information outlined in items II.1 through II.8 above to the ERO for a determination of whether 
there are any Adverse Reliability Impacts caused by the request to utilize footnote 12 for Non-
Consequential Load Loss.  
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C. Measures 
M1. Each Transmission Planner and Planning Coordinator shall provide evidence, in electronic or 

hard copy format, that it is maintaining System models within their respective area, using data 
consistent with MOD-010 and MOD-012, including items represented in the Corrective Action 
Plan, representing projected System conditions, and that the models represent the required 
information in accordance with Requirement R1.  

M2. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 
electronic or hard copies of its annual Planning Assessment, that it has prepared an annual 
Planning Assessment of its portion of the BES in accordance with Requirement R2.  

M3. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 
electronic or hard copies of the studies utilized in preparing the Planning Assessment, in 
accordance with Requirement R3.   

M4. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 
electronic or hard copies of the studies utilized in preparing the Planning Assessment in 
accordance with Requirement R4.  

M5. Each Transmission Planner and Planning Coordinator shall provide dated evidence such as 
electronic or hard copies of the documentation specifying the criteria for acceptable System 
steady state voltage limits, post-Contingency voltage deviations, and the transient voltage 
response for its System in accordance with Requirement R5. 

M6. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 
electronic or hard copies of documentation specifying the criteria or methodology used in the 
analysis to identify System instability for conditions such as Cascading, voltage instability, or 
uncontrolled islanding that was utilized in preparing the Planning Assessment in accordance 
with Requirement R6.  

M7. Each Planning Coordinator, in conjunction with each of its Transmission Planners, shall 
provide dated documentation on roles and responsibilities, such as meeting minutes, 
agreements, and e-mail correspondence that identifies that agreement has been reached on 
individual and joint responsibilities for performing the required studies and  Assessments in 
accordance with Requirement R7.   

M8. Each Planning Coordinator and Transmission Planner shall provide evidence, such as email 
notices, documentation of updated web pages, postal receipts showing recipient and date; or a 
demonstration of a public posting, that it has distributed its Planning Assessment results to 
adjacent Planning Coordinators and adjacent Transmission Planners within 90 days of having 
completed its Planning Assessment, and to any functional entity who has indicated a reliability 
need within 30 days of a written request and that the Planning Coordinator or Transmission 
Planner has provided a documented response to comments received on Planning Assessment 
results within 90 calendar days of receipt of those comments in accordance with Requirement 
R8.

D. Compliance  
1. Compliance Monitoring Process  

 1.1 Compliance Enforcement Authority  
Regional Entity   

1.2 Compliance Monitoring Period and Reset Timeframe  
Not applicable.  
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1.3 Compliance Monitoring and Enforcement Processes:  
Compliance Audits  

Self-Certifications  

Spot Checking  

Compliance Violation Investigations  

Self-Reporting  

Complaints  

1.4 Data Retention  
The Transmission Planner and Planning Coordinator shall each retain data or evidence to 
show compliance as identified unless directed by its Compliance Enforcement Authority 
to retain specific evidence for a longer period of time as part of an investigation:   

The models utilized in the current in-force Planning Assessment and one 
previous Planning Assessment in accordance with Requirement R1 and Measure 
M1.

The Planning Assessments performed since the last compliance audit in 
accordance with Requirement R2 and Measure M2.  

The studies performed in support of its Planning Assessments since the last 
compliance audit in accordance with Requirement R3 and Measure M3.   

The studies performed in support of its Planning Assessments since the last 
compliance audit in accordance with Requirement R4 and Measure M4.   

The documentation specifying the criteria for acceptable System steady state 
voltage limits, post-Contingency voltage deviations, and transient voltage 
response since the last compliance audit in accordance with Requirement R5 and 
Measure M5. 

The documentation specifying the criteria or methodology utilized in the analysis 
to identify System instability for conditions such as Cascading, voltage 
instability, or uncontrolled islanding in support of its Planning Assessments since 
the last compliance audit in accordance with Requirement R6 and Measure M6. 

The current, in force documentation for the agreement(s) on roles and 
responsibilities, as well as documentation for the agreements in force since the 
last compliance audit, in accordance with Requirement R7 and Measure M7. 

The Planning Coordinator shall retain data or evidence to show compliance as identified 
unless directed by its Compliance Enforcement Authority to retain specific evidence for a 
longer period of time as part of an investigation:  

Three calendar years of the notifications employed in accordance with 
Requirement R8 and Measure M8.  

If a Transmission Planner or Planning Coordinator is found non-compliant, it shall keep 
information related to the non-compliance until found compliant or the time periods 
specified above, whichever is longer.  

1.5 Additional Compliance Information  
None  
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E. Regional Variances 
            None.  
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ATTACHMENT 28 

City of San Juan Capistrano Responses 
to SDG&E’s Second Set of Data Requests 



SECOND SET OF DATA REQUESTS OF
SDG&E TO CITY OF SAN JUAN CAPISTRANO

A.12-05-020
______________________________________________________________________

DATA REQUEST NO. 1:

Please admit that the load growth described at 6 starting at line 11 of the Testimony of Dr. 
Dariush Shirmohammadi can be served from the new 230 kV substation at San Juan Capistrano 
as proposed by SDG&E.

RESPONSE NO. 1:

Per SDG&E analyses presented in SDG&E’s January 15, 2015 and April 7, 2015 testimony as 
well as in CAISO 2010-11 planning studies, SDG&E’s SOCREP alternative, which includes 
upgrading the Capistrano Substation to 230 kV, can meet the load growth expected in the 
SDG&E South Orange County transmission loop, as acknowledged in Dr. Shirmohammadi’s 
May 26, 2015 testimony.  

DATA REQUEST NO. 2:

Page 6, line 14 of Dr. Shirmohammadi’s testimony states that “50% of the load growth around 
the SDG&E’s Southern Orange County transmission loop is occurring at a single substation in 
that loop: the Rancho Mission Viejo Substation…”. Please admit that the load supplied from 
Rancho Mission Viejo Substation represents less than 10% of the total South Orange County 
load.

RESPONSE NO. 2:

As represented in the load forecast table (Table 1) in SDG&E’ s January 15, 2015 testimony 
and re-printed in Dr. Shirmohammadi’s testimony (at p.4), the load supplied from Rancho 
Mission Viejo Substation represents less than 10% of the total SDG&E South Orange County 
load.

DATA REQUEST NO. 3:

The Testimony of Dariush Shirmohammadi at 10 states: “DEIR Alternative F is a more suitable 
SOCREP alternative” than SDG&E’s Proposed Project.  Please provide for the DEIR Alternative 
F the following:



1) Starting powerflow cases in PSS/E text format 
2) Final powerflow case(s) in PSS/E text format
3) All change files applied to the final cases
4) Identify the source of the starting case and any conversions.
6) A high-level summary of any modifications made to the original power flow case.
7) All contingency files applied to the final case(s).
8) All contingency run results.

RESPONSE NO. 3:

Dr. Shirmohammadi did not perform any power flow analyses of DEIR Alternative F in support of 
his testimony
3638/001/X172613.v1
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Aerial photo view of Rancho Mission Viejo Substation 
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Standard Breaker And A Half (BAAH) 
Transmission Substation Diagram 
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Standard Single Bus Distribution Substation
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Office of Ratepayer Advocates (ORA) Responses to

SDG&E’s Second Set of Data Requests, Nos. 1-24 









































ATTACHMENT 33 

FRONTLINES Response to
SDG&E’s Sixth Set of Data Requests, No. 1-11 



1

FOURTH

DATA REQUEST NO. 1:



2

FIFTH

DATA REQUEST NO. 1:



3

SIXTH

DATA REQUEST NO. 1:

RESPONSE NO. 1: 

DATA REQUEST NO. 2:

RESPONSE NO. 2: 



4

DATA REQUEST NO. 3:

RESPONSE NO. 3: 

DATA REQUEST NO. 4:

RESPONSE NO. 4: 



5

DATA REQUEST NO. 5:

RESPONSE NO. 5: 



6

DATA REQUEST NO. 6:

RESPONSE NO. 6: 

DATA REQUEST NO. 7:

RESPONSE NO. 7: 



7

DATA REQUEST NO. 8:

RESPONSE NO. 8: 

DATA REQUEST NO. 9:

RESPONSE NO. 9: 



8

DATA REQUEST NO. 10

RESPONSE NO. 10 

DATA REQUEST NO. 11

RESPONSE NO. 11 



ATTACHMENT 34 

FRONTLINES Remaining Response to
SDG&E’s Sixth Set of Data Requests, Nos. 12-28 



1

DATA REQUEST NO. 12:  For each location identified Exhibit 3 to the Ayer Testimony and in response to 
Data Request No. 10 above, describe the route of the new transmission line connecting the proposed 
230 kV GIS Substation located near Trabuco Substation to Trabuco Substation, and whether it would be 
overhead or underground.  Identify the location of each structure that would be constructed with 
respect to this transmission line.  

RESPONSE NO. 12 

DATA REQUEST NO. 13:  Please provide Frontlines’ analysis of the environmental impacts for the 
construction and operation of the proposed 230 kV GIS Substation located near Trabuco Substation, at 
each location in Exhibit 3 to the Ayer Testimony and each location identified in response to Data 
Request 12 above, including the impacts on each resource area identified in Table 5-1 of the Draft 
Environmental Impact Report for the South Orange County Reliability Enhancement Project, found at 
http://www.cpuc.ca.gov/Environment/info/ene/socre/attachment/draftEIR/5.0%20Comparison%20of%
20Alternatives.pdf.  

RESPONSE NO. 13 



2

DATA REQUEST NO. 14:  Please provide Frontlines’ analysis of the environmental impacts for the 
construction and operation of the transmission lines interconnecting the proposed 230 kV GIS 
Substation located near Trabuco Substation to an SCE 230 kV transmission line and to Trabuco 
Substation, at each location in Exhibit 3 to the Ayer Testimony and each location identified in response 
to Data Request 12 above, including the impacts on each resource area identified in Table 5-1 of the 
Draft Environmental Impact Report for the South Orange County Reliability Enhancement Project, found 
at
http://www.cpuc.ca.gov/Environment/info/ene/socre/attachment/draftEIR/5.0%20Comparison%20of%
20Alternatives.pdf.  

RESPONSE NO. 14 

DATA REQUEST NO. 15:  Please provide Frontlines’ analysis of the environmental impacts for the 
construction and operation of any necessary changes to Trabuco Substation to interconnect it to the 
proposed 230 kV GIS Substation located near Trabuco Substation, including the impacts on each 
resource area identified in Table 5-1 of the Draft Environmental Impact Report for the South Orange 
County Reliability Enhancement Project, found at 
http://www.cpuc.ca.gov/Environment/info/ene/socre/attachment/draftEIR/5.0%20Comparison%20of%
20Alternatives.pdf.  
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RESPONSE NO. 15 

DATA REQUEST NO. 16:  Please provide Frontlines’ cost estimate for proposed 230 kV GIS Substation 
located near Trabuco Substation, breaking out the cost of each major element, identifying the source of 
each cost estimate, and producing all documents relating thereto.  

RESPONSE NO. 16 

DATA REQUEST NO. 17:  Please provide Frontlines’ cost estimate for the interconnection of the 
proposed 230 kV GIS Substation located near Trabuco Substation with an SCE 230 kV transmission line, 
breaking out the cost of each major element, identifying the source of each cost estimate, and 
producing all documents relating thereto.  

RESPONSE NO. 17 
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DATA REQUEST NO. 18:  Please provide Frontlines’ cost estimate for the interconnection of the 
proposed 230 kV GIS Substation located near Trabuco Substation with Trabuco Substation, breaking out 
the cost of each major element, identifying the source of each cost estimate, and producing all 
documents relating thereto.  

RESPONSE NO. 18 

DATA REQUEST NO. 19:  Please provide Frontlines’ cost estimate for work at Trabuco Substation 
necessary to interconnect it with the proposed 230 kV GIS Substation located near Trabuco Substation, 
breaking out the cost of each major element, identifying the source of each cost estimate, and 
producing all documents relating thereto.  

RESPONSE NO. 19 

DATA REQUEST NO. 20:  Please admit that neither Frontlines nor Jacqueline Ayer has had any 
communication with Southern California Edison regarding interconnection of an SCE transmission line to 
SDG&E’s South Orange County system.  If you do not so admit, please describe each such 
communication and produce all documents constituting or reflecting such communications. 

RESPONSE NO. 20 
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********************************************************************** 
In response to SDG&E’s Fifth Set of Data Requests, Request No. 5, Frontlines stated: “FRONTLINES did 
not propose a 230/138/12/kV Pico Substation, therefore the information requested cannot be provided.  
…  FRONTLINES’ testimony simply points out that ‘A small 230 kV GIS substation looped in to an adjacent 
SCE 230 kV lines could be sufficient as a second source in SOC.’  FRONTLINES’ testimony also points out 
that SCE maintains four separate and distinct 230 kV lines near the Pico substation where such a 
substation could be constructed along with the necessary 230/138 kV transformer equipment.  The SOC 
system could be connected to 138 kV power at this location.”  In Ms. Ayer’s June 14, 2015 email to 
SDG&E’s counsel, Frontlines further clarified: “FRONTLINES’ testimony plainly and clearly addresses a 
small, new SDGE 230 kV gis substation with 230/138 transformer equipment that is located adjacent to 
or within SCE’s ROW.  The SDGE 138 kV line(s) emanating from this substation could interconnect at 
SDGE’s existing Pico or Trabuco substation.”  For purposes of Data Requests 21 to 37, the “proposed 230 
kV GIS Substation located near Pico Substation” will refer to the 230 kV GIS substation described in the 
foregoing Frontlines’ data request response and Ms. Ayer’s email. 

DATA REQUEST NO. 21:  Please admit that Frontlines has not conducted any power flow analysis of the 
impact on the electric transmission system of interconnecting the proposed 230 kV GIS Substation 
located near Pico Substation to an nearby SCE 230 kV transmission line, and connecting a 138 kV 
transmission line(s) from that 230 kV GIS substation to Pico Substation.  If you do not so admit, please 
provide such power flow analysis, including but not limited to: 

a. Starting powerflow cases in PSLF format 
b. Final powerflow case(s) in PSLF format 
c. All change files (.epc or .p) applied to the final cases 
d. Identify the source of the starting case 
e. A high-level summary of the final powerflow case parameters, including load, net area 

interchange, and dispatch. 
f. A high-level summary of any modifications to the Area 22 generation dispatch, load, and 

net area interchange (a summary in spreadsheet format or narrative is acceptable) 
g. All contingency files applied to the final case(s) 
h. All contingency run results 

RESPONSE NO. 21: 

DATA REQUEST NO. 22:  Please admit that neither Frontlines nor Ms. Ayer have a one line diagram for 
the proposed 230 kV GIS Substation located near Pico Substation.  If you do not so admit, please provide 
a one line diagram for the proposed 230 kV GIS Substation located near Pico Substation. 
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RESPONSE NO. 22:

DATA REQUEST NO. 23:  With respect to the proposed 230 kV GIS Substation located near Pico 
Substation, please:

(a) Provide all documents relating to the design of such substation; 
(b) Please provide schematic diagram(s) showing the equipment layout (including 

identification of major equipment and their dimensions) at such substation;
(c) Identify the major components included in such substation; 
(d) Please state any safety considerations used to determine the equipment layout at such 

substation.
(e) Explain in the greatest detail you are able the location and dimensions of the work areas 

during construction of such substation; 
(f) Provide all documents supporting or concerning your responses to the preceding 

subsections of this Data Request.  

RESPONSE NO. 23: 

DATA REQUEST NO. 24:  Please admit that neither Frontlines nor Ms. Ayer have a one line diagram for 
Pico Substation following interconnection with the proposed 230 kV GIS Substation located near Pico 
Substation.  If you do not so admit, please provide a one line diagram for Pico Substation following 
interconnection with the proposed 230 kV GIS Substation located near Pico Substation. 

RESPONSE NO. 24: 
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DATA REQUEST NO. 25:  With respect to Pico Substation following interconnection with the proposed 
230 kV GIS Substation located near Pico Substation, please:

(a) Provide all documents relating to any change in the design of the existing Pico substation; 
(b) Please provide schematic diagram(s) showing the equipment layout (including 

identification of major equipment and their dimensions) at Pico Substation following 
such interconnection;

(c) Identify any change in the major components included in Pico Substation following such 
interconnection; 

(d) Please state any safety considerations used to determine the equipment layout at Pico 
Substation following such interconnection.

(e) Explain in the greatest detail you are able the location and dimensions of the work areas 
during construction at Pico Substation to perform such interconnection; 

(f) Provide all documents supporting or concerning your responses to the preceding 
subsections of this Data Request.  

RESPONSE NO. 25: 

DATA REQUEST NO. 26:  Please identify any location where Frontlines proposes that SDG&E locate the 
proposed 230 kV GIS Substation located near Pico Substation.   

RESPONSE NO. 26 
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DATA REQUEST NO. 27:  Identify which SCE transmission line would be connected to the proposed 230 
kV GIS Substation located near Pico Substation and, for each location identified in response to Data 
Request No. 26 above, describe the route of the new transmission line connecting such SCE transmission 
line to the proposed 230 kV GIS Substation located near Pico Substation, and whether it would be 
overhead or underground.  Identify the location of each structure that would be constructed with 
respect to this transmission line. 

RESPONSE NO. 27 

DATA REQUEST NO. 28:  For each location identified in response to Data Request No. 26 above, describe 
the route of the new transmission line connecting the proposed 230 kV GIS Substation located near Pico 
Substation to Pico Substation, and whether it would be overhead or underground.  Identify the location 
of each structure that would be constructed with respect to this transmission line.  

RESPONSE NO. 28 



ATTACHMENT 35 

Aerial Photo View of Pico Substation





Privileged and Confidential pursuant to 
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ATTACHMENT 36 

PICO Substation Layout 



ATTACHMENT 37 

Rancho Mission Viejo Substation as Built 4 





ATTACHMENT 38 

Rancho Mission Viejo Substation as Built 5 





ATTACHMENT 39 

Trabuco Block Diagram 





ATTACHMENT 40 

Aerial Photo View of Trabuco Substation 











ATTACHMENT 41 

Aerial Photo View of Trabuco Substation
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CHAPTER 1.  INTRODUCTION AND OVERVIEW  (Witness John Jontry) 1 

Pursuant to the Administrative Law Judge’s July 16, 2015 email ruling, San Diego Gas & 2 

Electric Company (“SDG&E”) submits the following supplemental testimony on the changes 3 

presented in the Recirculated Draft Environmental Impact Report for the South Orange County 4 

Reliability Enhancement Project (“Recirculated DEIR”).  The Recirculated DEIR identified three 5 

new impacts associated with SDG&E’s Proposed Project, and identified a new project 6 

alternative, “Alternative J – SCE 230-kV Loop In to Trabuco Substation” (the “RDEIR Trabuco 7 

Alternative”).  Because the RDEIR Trabuco Alternative is similar to, but not the same as, the 8 

ORA’s Trabuco Alternative, SDG&E will refer back to its Rebuttal Testimony regarding the 9 

ORA’s Trabuco Alternative at times and otherwise provide testimony necessary to address the 10 

RDEIR Trabuco Alternative in context. 11 

  SDG&E’s Second Supplemental Testimony is organized as follows: 12 

 Chapter 2: SDG&E’s Proposed Project can be constructed without significant impact on 13 
the existing utility structure identified in the Recirculated DEIR by reducing Capistrano 14 
Substation’s ultimate distribution capacity to three banks. 15 

 Chapter 3: SDG&E’s Proposed Project can be constructed under SDG&E’s NCCP/HCP 16 
without significant impact to the conservation easements discussed in the Recirculated 17 
DEIR. 18 

 Chapter 4: The Recirculated DEIR’s “Alternative—SCE 230 kV Loop In to Trabuco 19 
Substation” is infeasible.  20 
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CHAPTER 2.  SDG&E’s PROPOSED PROJECT CAN BE CONSTRUCTED TO AVOID 1 
SIGNIFICANT IMPACT TO THE RECIRCULATED DEIR-IDENTIFIED HISTORIC 2 
RESOURCE.  3 

Section 1. The Recirculated DEIR Finds the Proposed Project Will Have a 4 
Significant Impact on a Potential Historic Resource (Witness Scott 5 
Bockiewicz) 6 

The Recirculated DEIR notes that SDG&E’s Capistrano Substation includes a “1918-7 

constructed building that fronts Camino Capistrano,” which the Recirculated DEIR refers to as 8 

the “former utility structure”1 and which SDG&E refers to herein as the existing utility structure.  9 

The Recirculated DEIR notes that three qualified consultants, including one retained by the 10 

Commission, found that the existing utility structure was not eligible for listing on the National 11 

Register of Historic Places (NRHP), and was not an “historical resource” under CEQA.2 12 

As stated in the Recirculated DEIR: 13 

On April 29, 2015, the State Historic Resources Commission (SHRC) held its quarterly 14 
commission meeting in San Diego.  The nomination of the former utility structure was on 15 
the agenda. Office of Historic Preservation staff presented the nomination to the six 16 
SHRC members, followed by a presentation by the nominator, Ilse Burns.  SDG&E and 17 
SCE objected to the proposed nomination, commenting that the building lacks sufficient 18 
integrity, and it was once part of an integral complex that is no longer extant.  SDG&E 19 
pointed out that three qualified consultants (including a third party consultant from the 20 
CPUC) did not find the building eligible. The SHRC voted unanimously in favor of 21 
recommending the building as eligible for the NHRP.  The recommendation was 22 
forwarded to the Keeper of the NRHP on July 17, 2015. 23 

The SHRC recommendation of eligibility to the NRHP occurred after the Commission’s 24 

Draft EIR for this Project was made available for public comment in February 2015.  On August 25 

21, 2015, SDG&E submitted to the Keeper its objection to the proposed determination of 26 

eligibility of the existing utility structure for the NRHP, opposing the SHRC’s recommendation.  27 

As of the date of this testimony, SDG&E has not learned whether the Keeper will determine the 28 

existing utility structure eligible for listing on the NRHP. 29 

Based upon the SHRC recommendation, the Recirculated DEIR finds: “Because the 30 

former utility structure’s eligibility for listing in the NRHP has not yet been determined, it is 31 

assumed for the purposes of this analysis that the structure will be determined to be eligible for 32 

listing in the NRHP.  Therefore, the demolition of the former utility structure would be 33 

                                                            
1  RDEIR at 2-86. 
2  RDEIR at 2-86 to 2-87.  
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considered a significant impact under CEQA because this structure is potentially a historic 1 

resource as defined by CEQA.”3   2 

Section 2. With a Modification, SDG&E’S Proposed Project Can Be Constructed 3 
Without Significant Impact to the Existing Utility Structure (Witness 4 
Karl Iliev) 5 

Following the SHRC determination regarding the existing utility structure, SDG&E 6 

identified and retained a historic preservation consulting firm, Chattel, Inc., to determine what 7 

would be necessary to avoid significant impact to the existing utility structure, assuming the 8 

Keeper finds that the structure is eligible for NRHP listing.  In coordination with Chattel, Inc., 9 

SDG&E has developed a plan to avoid a significant impact to the existing utility structure in 10 

accordance with the Secretary of the Interior’s Standards for the Treatment of Historic Properties 11 

with Guidelines for Preserving, Rehabilitating, Restoring, and Reconstructing Historic Buildings 12 

(“SOI Standards”).  13 

Based upon Chattel Inc’s recommendations, if the Keeper finds the structure eligible for 14 

NRHP listing, SDG&E could, and if authorized by the Commission, would construct its 15 

Proposed Project in a manner that avoids significant impact to the existing utility structure.  The 16 

east wing of the structure (located away from Camino Capistrano, which is less visible from the 17 

street and has less architectural detail) would be removed and the west wing of the structure 18 

rehabilitated in conformance with the SOI Standards.  By reducing the ultimate distribution 19 

capacity of the proposed rebuilt Capistrano Substation from 120 MVA to 90 MVA, the proposed 20 

230/138/12 kV substation could be constructed within SDG&E’s existing property.  This 21 

modification would reduce the number of distribution 138/12kV transformers, 12kV switchgear 22 

sections and 12kV capacitors from four to three each.  SDG&E will refer to its Proposed Project, 23 

as so modified, as the “Modified Proposed Project.”  All other elements of the Modified 24 

Proposed Project (new 230kV transmission lines, 138kV power line relocations and 25 

undergrounding west of the Capistrano Substation site, and 12kV distribution line relocations) 26 

would be the same as the Proposed Project (refined as set forth in Chapter 3). 27 

Under the Modified Proposed Project, in order to incorporate the retained portion of the 28 

existing utility structure into the rebuilt Capistrano Substation design, modifications to the 29 

design, specifications, and layout of the substation were made compared to the Capistrano 30 

                                                            
3  RDEIR at 2-97. 
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Substation design included in SDG&E’s Proposed Project.  The primary modification to the 1 

substation design is a reduction in the size of the rebuilt 138/12 kV substation located on the 2 

“lower pad” portion of the substation site.  Attachment 42 provides the substation site plan for 3 

the Capistrano 230/138/12kV Substation under the Modified Proposed Project.   4 

The east wing of the existing utility structure would be removed and the west wing would 5 

be retained and incorporated into the Capistrano Substation design.   6 

Substation design modifications include: 7 

 The existing earthen mounds, vegetation and trees along the western edge of the 8 
property (between Camino Capistrano and the existing utility structure) would be 9 
removed and replaced with landscaping that returns the existing utility structure’s 10 
setting to an earlier appearance. 11 

 Because the substation grade would be raised approximately 5 feet to accommodate 12 
vehicles carrying equipment, an approximately 5 foot tall retaining wall would be 13 
constructed parallel to the northern and eastern walls of the existing utility structure.  14 
The retaining wall would be set back a minimum of 5 feet from the existing utility 15 
structure walls providing a personnel access way on these sides of the building. 16 

 The western perimeter of the substation (along Camino Capistrano) would have a 17 
masonry wall approximately 10 feet tall on the inside of the substation and when 18 
viewed from the exterior would vary from approximately 12 feet to 15 feet in height.  19 
This is due to the fact that the substation grade behind the wall is raised by 20 
approximately 5 feet.  The lower approximately 5 feet is the retaining wall, which 21 
would be coupled with an upper approximately 10 feet of masonry wall to 22 
collectively serve as the substation security and screen wall.  The northern and 23 
southern perimeter walls would remain at approximately 10 feet in height, identical to 24 
the Proposed Project. 25 

 The security screen wall would abut the existing utility structure on the north and 26 
south sides terminating approximately 4 inches from the structure (refer to 27 
Attachment 42) creating separation between the existing utility structure and the 28 
western perimeter wall.  29 

 The southern and western walls of the retained portion of the existing utility structure 30 
would be located outside of the secured substation facility and would be visible from 31 
Camino Capistrano.  The northern and eastern walls of the existing utility structure 32 
would effectively act as part of the substation security wall. 33 

 New steel replacement doors would be installed in the southern, eastern and northern 34 
walls of the existing utility structure and would replace the existing doors at these 35 
locations.  The northern and eastern doors will serve as part of the security wall. 36 

 A driveway access to the existing utility structure would be constructed from the 37 
main substation access drive to the structure’s southern door. 38 
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 The southern driveway’s vehicle access gate to the rebuilt Capistrano Substation 1 
would be set back approximately 80 feet from Camino Capistrano.   2 

 The northern driveway’s access gate would remain (similar to the Proposed Project) 3 
set back approximately 35 feet from Camino Capistrano. 4 

 The northern and southern vehicular access gates would be approximately 30 feet in 5 
width, each comprised of a pair of black wrought iron sliding gates, each 6 
approximately 15 feet in width. 7 

 Grading and the phased site development, including cut and fill, would be similar to 8 
that of Proposed Project substation design. 9 

With respect to the existing utility structure itself, the west wing would be retained and 10 

rehabilitated per the SOI Standards.  The east wing would be removed to provide adequate room 11 

for redevelopment of the substation.  The northern and eastern walls of the retained portion of 12 

the existing utility structure would serve as part of the security wall of the substation, and would 13 

only be entered from the exterior (which would be inside the substation security wall).  Proposed 14 

modifications to the existing utility structure include: 15 

 East Wing Demolition –12 inches of roof and walls would be retained at the point 16 
where the east wing intersects the west wing of the existing utility structure.  This 17 
work is designed to allow the remaining portion of the roof and wall visually to read 18 
as a “ghost” of the east wing once it is removed. 19 

 West Wing Rehabilitation: 20 

o Western Wall –The exterior wall where earthen mounds are to be removed 21 
would be repaired and waterproofed.  The concrete wall iron jacking would be 22 
repaired at locations where steel rebar is exposed at western interior wall.  23 
Window rehabilitation would include removal of existing glazing, repairing 24 
existing sash and frames, and reglazing with like-kind translucent wire glass.  25 
Security bars on all windows would be installed on the interior. 26 

o Northern Wall – Deteriorated, non-original doors, sidelights, and transom 27 
window would be replaced to match the original.  Doors, sidelights and 28 
transom would be constructed of steel rather than wood for increased security.  29 
Due to lack of visibility from the street, it is not proposed to include glazing, 30 
but rather this door assembly would be constructed exclusively of steel 31 
following the original pattern.  The northern wall and replacement door would 32 
serve as part of the security wall of the substation and would only be accessed 33 
from the exterior (i.e., from within the substation). 34 

o Eastern Wall –The interior door at the location of demolished east wing would 35 
be replaced with a new exterior door to match the original, but designed for 36 
exposure to the elements.  Due to the lack of visibility from the street, it is not 37 
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proposed that glazing be included in either the new exterior door or existing 1 
windows, but rather for these assemblies would be constructed exclusively of 2 
steel following the original pattern.  The eastern wall, windows and 3 
replacement door would serve as part of the security wall of the substation and 4 
would only be accessed from the exterior (i.e., from within the substation). 5 

o Southern Wall – Deteriorated, non-original doors, sidelights, and transom 6 
window would be replaced to match the original.  Doors, sidelights and 7 
transom would be constructed of steel rather than wood for increased security.  8 
Due to the visibility from the street, it is proposed to include translucent wire 9 
glass at the transom only, but otherwise the new door assembly would be 10 
constructed of steel following the original pattern.  Where glazing occurs at 11 
the transom, security bars would be installed on the interior. 12 

o Interior Window Sills - Damage to concrete would be repaired at windows 13 
sills where water infiltration has occurred. 14 

o Interior Crane – The moveable crane would be retained. 15 

o Lighting - Development and implementation of a lighting plan would include 16 
exterior wall sconces on the north and south walls.  Such exterior wall sconces 17 
would operate manually. 18 

As mitigation, SDG&E would retain a qualified professional historic architect meeting 19 

the Secretary of the Interior’s Professional Qualifications Standards to ensure conformance with 20 

the SOI Standards.  SDG&E also would prepare Historic American Building Survey (HABS) 21 

photographic documentation for the existing utility structure before the east wing is removed. 22 

With the foregoing modifications and mitigation measures, Chattel, Inc. has found that 23 

the Modified Proposed Project described above is in conformance with the SOI Standards, and 24 

thus would have a less than significant impact on the existing utility structure under CEQA.4   25 

Section 3. The Modified Proposed Project Achieves SDG&E’s Project Objectives 26 
(Witness Karl Iliev) 27 

SDG&E’s Modified Proposed Project still achieves SDG&E’s project objectives even 28 

though the ultimate distribution capacity of the rebuilt Capistrano Substation will be reduced.  If 29 

the Keeper determines that the existing utility structure is a historic resource, the reduction in 30 

ultimate distribution capacity is an acceptable trade-off for its preservation.  Even as modified, 31 

SDG&E’s Modified Proposed Project remains the best way to address reliability concerns in 32 

                                                            
4  Chattel, Inc. is preparing a report that will be submitted with SDG&E’s comments on the Recirculated 
DEIR on September 24, 2015.  SDG&E will provide the Chattel report to the parties at that time, and of 
copy of it will be included as Attachment 43 to this Second Supplemental Testimony when presented at 
evidentiary hearings. 
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South Orange County.  For the reasons stated in SDG&E’s Supplemental and Rebuttal 1 

Testimony, the other alternatives identified in the Recirculated DEIR are infeasible. 2 

As discussed in SDG&E’s Rebuttal Testimony, Chapter 5, Section 2, SDG&E’s 3 

Capistrano Substation is within a mile of the load center for South Orange County.  As a result of 4 

its location, “placing the second 230 kV source there negates the need to upgrade SDG&E’s 138 5 

kV lines in South Orange County within the current ten-year planning window, and for some 6 

time thereafter.”5  The Modified Proposed Project will provide transmission system reliability. 7 

As discussed in detail in SDG&E’s Opening Testimony, Chapter 5, and Supplemental 8 

Testimony, Chapter 3, Section 3, SDG&E’s existing Capistrano Substation must be rebuilt to 9 

provide reliable electric service to SDG&E’s SOC customers.  Capistrano Substation, built over 10 

60 years ago, needs to be rebuilt to, among other things, upgrade its current bus configuration to 11 

a more reliable configuration, replace deteriorating infrastructure and equipment near the end of 12 

its useful life, meet current seismic, safety and security standards, and allow 12 kV ties with 13 

neighboring substations that increase the reliability of the overall system.  Expanding Capistrano 14 

Substation to include a 230 kV substation on existing substation property during the required 15 

rebuild is cost-effective, as well as placing the second 230 kV source at the appropriate location. 16 

Modifying SDG&E’s Proposed Project to preserve the existing utility structure as set 17 

forth above and thereby reduce Capistrano’s ultimate distribution capacity still achieves 18 

SDG&E’s project objectives to rebuild Capistrano to replace aging equipment and increase 19 

capacity, improve transmission and distribution operating flexibility, and accommodate customer 20 

load growth.   21 

• A new substation can be built on the Capistrano property without compromising the 22 
reliability of the existing substation during construction or placing construction 23 
personnel at risk;  24 

• The new substation will facilitate SDG&E’s long range transmission and 25 
distribution’s forecasted 10 year planning needs to serve its customers; and 26 

• The new substation would comply with SDG&E’s current operating and reliability 27 
criteria and seismic and safety design requirements 28 

Currently, Capistrano Substation 138/12 kV transformer loading is at 85% capacity at 29 

peak.  When customer load exceeds the current capacity, the existing substation cannot 30 

accommodate the required amount of additional transformers.  High transformer loading at 31 
                                                            
5  SDG&E’s Rebuttal Testimony at 36. 
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Capistrano also limits its ability to support neighboring substations via 12 kV circuit ties, thereby 1 

limiting flexibility in distribution line equipment and substation transformer outages.    2 

In the Modified Proposed Project, rebuilding the entire Capistrano substation will allow 3 

for expansion from the existing 60 MVA substation to an ultimate 90 MVA substation.  This 4 

additional capacity will allow for future load increases and for load transfers from neighboring 5 

substations into the new Capistrano Substation when needed during the near future.  Simply 6 

replacing equipment in kind will not allow room for the expansion necessary for a more reliable 7 

configuration or to allow an additional transformer and its 12kV switchgear and capacitor to be 8 

installed without deviating from SDG&E reliability criteria.  Without Capistrano Substation 9 

being fully rebuilt, the capacity of the existing substation cannot be increased.   10 

The preservation of the existing utility structure in the Modified Proposed Project will not 11 

affect the reliability improvements at Capistrano Substation.  Reliability will increase because 12 

the new substation will still be rebuilt to SDG&E’s current operating and reliability standards. 13 

Operational flexibility will also increase by the addition of an additional 12 kV bus tie. When 14 

operating a substation with three distribution transformers, SDGE typically connects two 15 

transformers to one bus and the third transformer to another 12kV bus.  These two busses are 16 

separated by an open12kV bus tie.  There is an additional bus tie between the two transformers 17 

that normally is closed, but also has the flexibility of opening in case of a bus fault or other 18 

failure that requires sectionalizing the transformers from each other.  This results in limited load 19 

loss and the flexibility to isolate the problem.  20 

Even though the Modified Proposed Project reduces the ultimate distribution capacity of 21 

the rebuilt Capistrano Substation to 90 MVA from 120 MVA, with three transformers rather than 22 

four, it does provide the capacity required for the 10 year distribution planning horizon.  The 23 

addition of a third transformer allows for planned load growth as well as creating redundant 24 

capacity to offload circuits in nearby substations Trabuco and Laguna Niguel in the event of 25 

equipment outages at those sites.  It also increases the short-term operating flexibility and 26 

reliability through adding an additional 12kV bus tie, further sectionalizing outage impacts 27 

caused by 12kV bus faults at Capistrano.    28 

The major difference between the Modified Proposed Project and the Proposed Project is 29 

the capability of installing a fourth 138/12kV distribution transformer at Capistrano in the future 30 

to create capacity for future circuit expansion.  This also is known as “ultimate capacity.”  31 
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Although the Proposed Project would not immediately require this capacity and would not install 1 

it, future load growth and/or expansion outside of the 10-year planning horizon could require it.  2 

Both Laguna Niguel and Trabuco (the substations adjacent to Capistrano) are built out to their 3 

ultimate 4-transformer capacity already.  Therefore, at some point beyond the10-year planning 4 

horizon, under the Modified Proposed Project, sufficient continued load growth would require an 5 

expansion of Capistrano Substation beyond its current fence-line or construction of a new 6 

substation at a new location.   7 

  8 
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CHAPTER 3		SDG&E’s PROPOSED PROJECT CAN BE CONSTRUCTED TO AVOID 1 
SIGNIFICANT IMPACT TO THE CONSERVATION EASEMENTS DISCUSSED IN 2 
THE RECIRCULATED DEIR  3 

Section 1. RDEIR Discussion of Conservation Easements and Habitat 4 
Conservation Plans (Witness Rob Fletcher) 5 

The Recirculated DEIR asserts that the Proposed Project would have significant impacts 6 

on Biological Resources and Land Use and Planning based upon a potential purported 7 

inconsistency of the Proposed Project with SDG&E’s Subregional Natural Community 8 

Conservation Plan/Habitat Conservation Plan (“NCCP/HCP”). 9 

The Recirculated DEIR recognizes that SDG&E is governed by its state-level 10 

NCCP/HCP rather than Orange County Southern Subregion HCP, and that certain areas 11 

traversed by the Proposed Project may be considered “preserve areas” under SDG&E’s 12 

NCCP/HCP, stating:  13 

The proposed project would be located within areas of Orange County covered by the 14 
Orange County Southern Subregion Habitat Conservation Plan (HCP).  However, 15 
because the applicant’s activities are regulated at the statewide level rather than at the 16 
local level, the legally applicable equivalent plan is the SDG&E Subregional Natural 17 
Community Conservation Plan (NCCP)/Habitat Conservation Plan (HCP) (SDG&E 18 
1995a).  Under the SDG&E Subregional NCCP/HCP, certain areas containing habitat for 19 
Covered Species are considered preserve areas.  Preserve areas include existing reserve 20 
or conservation areas established by regional planning documents (e.g., Orange County 21 
Southern Subregion HCP) …6 22 

The proposed project would traverse through several areas that may be considered 23 
preserve areas; City of San Juan Capistrano open space; a conservation easement at 24 
Orange County’s Prima Deshecha Landfill; City of San Clemente open space, including a 25 
yet-to-be recorded conservation easement in the Talega Corridor; and San Onofre State 26 
Beach.7   27 

The proposed project traverses a small portion of a conservation easement at Orange 28 
County’s Prima Deshecha Landfill that was preserved as mitigation under the Orange 29 
County Southern Subregion HCP to compensate for impacts on other areas by 30 
landowners participating in the HCP.8   31 

With respect to Biological Resources, Impact BR-6 “Conflict with the provisions of an 32 

adopted Habitat Conservation Plan, Natural Community Conservation Plan, or other approved 33 

                                                            
6  RDEIR at 2-138 
7  RDEIR at 2-46. 
8  RDEIR at 2-46. 
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local, regional, or state habitat plan,” the Recirculated DEIR finds a “significant” conflict.9  The 1 

DEIR had found that SDG&E’s NCCP/HCP, which provides a process for determining 2 

mitigation in preserve areas, plus proposed Mitigation Measure BR-10, which required 3 

coordination with local jurisdictions, mitigated any conflict with HCPs, NCCPs or other plans to 4 

less than significant.   5 

The Recirculated DEIR, however, states: 6 

The proposed project may conflict with two conservation easements established within 7 
the Orange County Southern Subregion HCP and considered preserve areas under the 8 
SDG&E NCCP/HCP.  The two conservation easements in question are the Talega 9 
Conservation Easement (unrecorded) and the Prima Deshecha Landfill Conservation 10 
Easement (recorded).  Potential conflicts with the Talega Conservation Easement cannot 11 
be determined until the easement is recorded and the applicant conducts further 12 
consultation with the USFWS regarding the applicant’s existing ROW, the establishment 13 
of new ROW, and the potential use of ground disturbing construction techniques within 14 
the Talega Conservation Easement.  Much of the proposed project in the Talega Corridor 15 
would lie within the boundaries of the Talega Conservation Easement. 16 

Potential conflicts with the Prima Deshecha Landfill Conservation Easement cannot be 17 
determined until the construction disturbance limits of the proposed project have been 18 
delineated in relation to the conservation easement boundary and the applicant’s existing 19 
ROW.  A small part of the proposed project crosses through this easement.  The CPUC is 20 
in the process of gathering additional information pertaining to the boundaries and 21 
allowable uses in each easement.  Based on recent discussions with the USFWS, 22 
establishing new ROW or impacting areas outside of the applicant’s existing ROW and 23 
within the boundaries of the conservation easement(s) would conflict with both 24 
conservation easements, resulting in a significant impact (Snyder 2015). 25 

The USFWS has indicated that establishing new ROW within the Talega Conservation 26 
Easement or impacting areas of the Prima Deshecha Landfill Conservation Easement that 27 
are outside of the applicant’s existing ROW would directly conflict with the provisions of 28 
the aforementioned conservation easement(s), and thereby the provisions of the Orange 29 
County Southern Subregion HCP.  MM BR-10 would require the applicant to participate 30 
in further coordination with the implementing agencies.  While consultation with the 31 
USFWS may identify mechanisms for reducing potentially significant impact to less than 32 
significant levels, MM BR-10 on its own is does not adequately ensure consistency with 33 
an adopted HCP at this time.  Measures to avoid, minimize, and mitigate potentially 34 
significant impacts to less than significant levels cannot be evaluated until the Talega 35 
Conservation Easement is recorded and additional consultation between the applicant and 36 
the wildlife agencies occurs.  Therefore, impacts under this criterion are being treated as 37 
significant and unavoidable until additional information is gathered.10 38 

                                                            
9  RDEIR at 2-75.   
10  RDEIR at 2-77. 
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The Recirculated DEIR makes a similar change from the DEIR in evaluating Land Use 1 

and Planning, Impact LU-3 “Conflict with any applicable habitat conservation plan or natural 2 

community conservation plan.”11  3 

Section 2. SDG&E’s NCCP/HCP (Witness Rob Fletcher) 4 

A. SDG&E’s NCCP/HCP Provides Mitigation for Any Biological Impacts 5 
of SDG&E’s Transmission Projects 6 

The Recirculated DEIR refers to SDG&E’s NCCP/HCP, a true and correct copy of which 7 

is attached hereto as Attachment 44.  SDG&E’s Subregional Natural Community Conservation 8 

Plan (NCCP) is an NCCP formed under state law (pursuant to the NCCP Act) and a Habitat 9 

Conservation Plan (HCP) under federal law that was developed and approved by the U.S. Fish 10 

and Wildlife Service (USFWS) and the California Department of Fish and Wildlife (CDFW) in 11 

1995.  As part of the NCCP process, SDG&E, USFWS, and CDFW entered into a long-term 12 

Implementing Agreement, which provides the legal obligation to implement and maintain 13 

SDG&E’s HCP. 14 

The purpose of SDG&E’s NCCP is to allow the utility to develop, install, maintain, 15 

operate, and repair its gas and electric facilities within nearly all of its service territory in San 16 

Diego County and portions of Orange and Riverside Counties, in its effort to provide reliable 17 

utility service to its customers while reducing any potential impacts on the environment to the 18 

extent feasible.  SDG&E prepared its HCP following the NCCP approach authorized by the 19 

Federal Endangered Species Act (ESA), the California Endangered Species Act (CESA) and 20 

California’s NCCP Act. The NCCP complies with the ESA and CESA, and is designed to 21 

authorize take, if necessary, of species and habitat, as identified and described in the NCCP 22 

(these species are referred to as “covered species” in the NCCP documentation).   23 

The NCCP was created to protect and preserve San Diego County’s natural resources, 24 

while at the same time reducing and streamlining the regulatory processes typically involved 25 

with the operation, maintenance, and typical expansion of the existing gas and electric systems 26 

within SDG&E’s service territory.  Implementation of the NCCP provides assurance to SDG&E, 27 

the USFWS, and the CDFW that all covered species (identified in the Plan) and their habitat 28 

would be protected as if they were listed under the ESA or CESA.  It also provides assurance 29 

                                                            
11  RDEIR at 2-144. 
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that avoidance and minimization measures that have been previously identified within the NCCP 1 

would not be subject to modifications during the term of the Implementing Agreement.  2 

SDG&E’s NCCP/HCP, Section 6, specifically addresses SDG&E activities in Preserve 3 

Areas. 4 

6.      SDG&E Activities Within Habitat Conservation Plan Preserves 5 

As generally described in Section 2 of this Subregional Plan, SDG&E Activities will 6 
include the maintenance, repair, and replacement of existing Facilities as well as the 7 
installation, maintenance, repair, and replacement of new Facilities.  Existing Facilities 8 
are and new Facilities may be expected to be, in part, located within established Preserve 9 
Areas of Habitat Conservation Plans (HCPs), state, federal, or local preserve areas 10 
including public and private lands or other areas set aside for the protection of plants and 11 
animals.  12 

As a part of its efforts to coordinate the implementation of this Subregional Plan with any 13 
effective HCP which may be affected by SDG&E Activities, the following agreements 14 
will be adhered to for Activities occurring or proposed to occur in preserve areas. 15 

6.1       Maintenance, Repair, and Replacement of Existing Facilities 16 

Without further authorization from USFWS or CDFG, SDG&E may conduct all 17 
necessary maintenance, repair, and replacement Activities with respect to all existing 18 
Facilities which are now or may hereafter be located within a Preserve Area of an HCP, if 19 
conducted in accordance with the provisions of this Subregional Plan. 20 

6.2    Installation, Maintenance, Repair, and Replacement of New Facilities 21 

6.2.1 New Gas and Electric Transmission Facilities 22 

As a result of the extensive, rapid, and continuing development with the Subregional Plan 23 
Area, existing and proposed Preserve Areas are or will be dispersed among and in some 24 
cases surrounded by developed areas.  USFWS and CDFG recognize that as a public 25 
utility SDG&E is obligated to provide safe, reliable, efficient, and cost-effective electric 26 
and gas service throughout the developed area of its service territory in compliance with 27 
the Public Utilities Code and subject to the jurisdiction of the California Public Utilities 28 
Commission.  Unavoidably, therefore, the construction of new electric and gas 29 
transmission Facilities though or within Preserve Areas will be necessary in certain 30 
circumstances to meet the service requirements of developing areas.  Where SDG&E 31 
determines that new electric or gas transmission Facilities are necessary within part of a 32 
Preserve Area, it will coordinate with USFWS and CDFG in accordance with the 33 
procedure set forth below to plan and construct such new Facilities in a manner which 34 
avoids or minimizes any impacts to Covered Species and their habitat, to the extent 35 
possible, while not impairing SDG&E's ability to meet the service demands of its 36 
customers in accordance with its responsibilities as a public utility. 37 
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The SDG&E NCCP/HCPs contains specific avoidance, minimization and mitigation 1 

measures defined as operational protocols (Section 7.1 Operational Protocols), which are 2 

designed to reduce the biological impacts associated with SDG&E’s maintenance and new 3 

construction activities.  Operational protocols represent an environmentally sensitive approach to 4 

traditional utility construction, maintenance, and repair activities, recognizing that small 5 

adjustments in construction techniques can yield major benefits for the environment.  6 

SDG&E, in conjunction with the USFWS and the CDFW developed the 69 protective 7 

and conservation measures known as operational protocols to avoid, minimize, or mitigate any 8 

impacts to covered species during construction.  Protection of the covered species includes 9 

avoidance of impacts, whenever feasible.  In addition, SDG&E and contractor personnel attend 10 

regular environmental trainings (or tailboards) conducted by SDG&E and/or their consultants to 11 

explain the purpose of the NCCP permit and specific environmental requirements that must be 12 

adhered to during construction activities.   13 

Pursuant to the NCCP, SDG&E will conduct pre-construction studies for all activities 14 

occurring off of existing access roads in natural areas.  An independent biological consulting 15 

firm will survey all proposed project impact areas and prepare a Pre-activity Study Report (PSR) 16 

outlining all anticipated impacts related to the Proposed Project.  Pursuant to the NCCP, 17 

completed PSRs are submitted to representatives of both the USFWS and CDFW for review and 18 

comment.  CDFW and USFWS may suggest additional avoidance and minimization measures.   19 

Biological monitors may be present during project activities to assure implementation of 20 

the avoidance and minimization measures.  If the previously-delineated work areas must be 21 

modified during construction, the monitors will survey the additional impact area to determine if 22 

any sensitive resources will be impacted by the proposed activities, to identify avoidance and 23 

minimization measures, and to document any additional impacts.  Any additional impacts are 24 

included in a Post-Construction Report (PCR) for purposes of calculating the appropriate 25 

mitigation, which generally includes site enhancement or credit withdrawal from the SDG&E 26 

mitigation bank.  Impact and mitigation numbers are submitted to the USFWS and the CDFW as 27 

part of the NCCP Annual Report pursuant to requirements of the NCCP and the NCCP 28 

Implementing Agreement. 29 
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B. SDG&E’s Proposed Project Replaces a 138 kV Line with a 230 kV 1 
Line, and Requires No Further Authorization Under NCCP/HCP 2 
Section 6.1   3 

As noted above, Section 6.1 of the NCCP/HCP states that “[w]ithout further authorization 4 

from USFWS or CDFG, SDG&E may conduct all necessary maintenance, repair, and 5 

replacement Activities with respect to all existing Facilities which are now or may hereafter be 6 

located within a Preserve Area of an HCP, if conducted in accordance with the provisions of this 7 

Subregional Plan.”   8 

Although the increase in voltage capacity means that for purposes of the CPUC the 9 

Proposed Project is considered a “new” project, a distinction based on the voltage of the 10 

replacement line is not made in the NCCP/HCP.  Ground disturbance and the concurrent 11 

biological impacts are not affected by the voltage of the line.   12 

No further consultation with or authorization from USFWS and CDFW is required 13 

pursuant to Section 6.1 of the NCCP/HCP, as the only activities in the preserve areas are the 14 

replacement of one of SDG&E’s existing facilities.  As recognized in the Draft EIR, the 15 

Proposed Project involves: “Replacing a single-circuit 138-kV transmission line between the 16 

applicant’s Talega and Capistrano substations with a new double-circuit 230-kV transmission 17 

line (approximately 7.8-miles long).”12   18 

Thus, SDG&E’s replacement activities are completely consistent with its NCCP/HCP.  19 

The conclusion in the Recirculated DEIR that the Proposed Project conflicts with the 20 

requirements of the NCCP/HCP is mistaken.  21 

C. If NCCP/HCP Section 6.2.1 Is Applicable, SDG&E Already Engaged 22 
in the Required Process and No Further Authorization Is Required  23 

Although SDG&E believes that it was and is not required to obtain further authorization 24 

under Section 6.1, it has completed the coordination process under Section 6.2.1.  Section 6.2.1 25 

of the NCCP/HCP states: 26 

Whenever SDG&E determines that it is necessary to install a new electric transmission 27 
line, or electric substation … in any part of a Preserve Area, SDG&E shall provide 28 
USFWS and CDFG with written notice of its intent to install such Facilities which shall 29 
contain a detailed description of such Facilities and of their location, along with a map of 30 
the area.  At a minimum, the information on the pre-activity survey form is required.  31 

                                                            
12  DEIR at 2-1; accord RDEIR, Notice of Availability (“Replacing a single-circuit 138-kV transmission 
line between the applicant’s Talega and Capistrano substations with a new double-circuit 230-kV 
transmission line (approximately 7.8 miles long)).” 
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Within twenty (20) working days of its receipt of SDG&E's notice, USFWS and CDFG 1 
shall provide SDG&E with their written response setting forth any objections to and 2 
alternatives to the location of the Facilities with the Preserve Area.  Within ten (10) 3 
working days of receiving the objections of USFWS of CDFG, or both, SDG&E shall 4 
provide USFWS and CDFG with its written reply to their response.  Within ten (10) 5 
working days of receiving the SDG&E reply, USFWS and CDFG shall approve or deny 6 
SDG&E's proposed location for the Facilities within the Preserve Area.  If no objections 7 
are received by SDG&E from USFWS or CDFG within twenty (20) working days of 8 
SDG&E's notice, USFWS and/or CDFG shall be deemed to have concurred with the 9 
Activity described in SDG&E's original notice.  If USFWS and CDFG deny the location, 10 
SDG&E may, with ten (10) working days of receiving such denial appeal to a review 11 
panel consisting of Regional Director, USFWS, Director, CDFG, and SDG&E, whose 12 
decision shall be final for purposes of this Subregional Plan.  The appeal conference must 13 
be held within twenty (20) working days.13   14 

As discussed in Part B above, under Section 6.1, no further authorization from USFWS 15 

or CDFW is required for SDG&E to proceed with replacement work.  However, even if the 16 

Proposed Project’s replacement of SDG&E’s existing 138 kV line with a 230 kV line in a 17 

“preserve area” were not a “replacement” activity, SDG&E has fully complied with the relevant 18 

requirements there as well.  Under Section 6.2.1, coordination with USFWS and CDFW is 19 

required and may be accomplished through several means, including but not limited to providing 20 

USFWS and CDFW with the information typically contained in a Pre-activity Survey Report 21 

(PSR), a Proponent’s Environmental Assessment (PEA), or the Draft Environmental Impact 22 

Report (Draft EIR).   23 

For the South Orange County Reliability Enhancement Project (Proposed Project), the 24 

PEA and the Draft EIR each contained more than adequate information for USFWS and CDFW 25 

to conduct the necessary review and provide any comments or concerns with the Proposed 26 

Project’s impacts within defined Preserve Areas.  USFWS and CDFW received both the PEA 27 

and the Draft EIR for the Proposed Project, and the agencies provided a joint comment letter to 28 

the CPUC on the Draft EIR.14   29 

In accordance with SDG&E’s NCCP/HCP, USFWS and CDFW requested: “additional 30 

coordination with SDG&E to determine if the project will result in impacts that are in conflict 31 

with existing conservation easements. If such impacts are anticipated, we request additional 32 

coordination among SDG&E, the Wildlife Agencies, the easement holder(s), and CPUC with the 33 

                                                            
13  SDG&E NCCP/HCP at Section 6.0, pp. 99-100. 
14  A copy of the joint comment letter provided by USFWS and CDFW is attached hereto as Attachment 
45. 
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goal of modifying the project to avoid potential impacts to areas anticipated to be permanently 1 

protected.  If such impacts cannot be avoided, additional coordination with the easement holders 2 

will be necessary to discuss a process for addressing the anticipated impacts in a manner that 3 

does not compromise existing conservation plans.”15 4 

As set forth below, SDG&E engaged in such further coordination with USFWS, as 5 

contemplated by SDG&E’s NCCP/HCP on September 11, 2015.  SDG&E agreed to 6 

modifications to its project that would reduce the need for new SDG&E ROW, and would reduce 7 

permanent impacts to areas outside SDG&E’s easements that are proposed to be subject to the 8 

unrecorded “Talega Conservation Easement.  Any remaining impacts would be mitigated to less 9 

than significant by drawing against SDG&E’s mitigation bank under the NCCP/HCP.  USFWS 10 

agreed that there is no conflict between the Proposed Project and the Prima Deshecha Landfill 11 

Conservation Easement. 12 

In short, even if Section 6.2.1 is applicable, SDG&E complied with its NCCP/HCP 13 

requirements for new activities in “preserve area” through its coordination with USFWS, and by 14 

project modifications to reduce the impacts to the extent feasible and providing mitigation credits 15 

for any remaining impacts.  The Recirculated DEIR’s finding that the Proposed Project results in 16 

a “significant conflict” with the provisions of SDG&E’s NCCP/HCP is inaccurate.   17 

Section 3. SDG&E’s Right of Way Easement Pre-Dates the Conservation 18 
Easements Referenced in The RDEIR (Witness Jeff Sykes) 19 

SDG&E has land rights under several Right of Way Easements being utilized by the 20 

Proposed Project.  True and correct copies of those easements (collectively, “SDG&E ROW 21 

Easements”) are attached hereto as Attachment 46.  The two main easements grant similar rights.  22 

Under the easement numbered 15813, recorded November 19, 1964, SDG&E has a right of way 23 

150.00 feet in width “… in, upon, over, under and across the lands hereinafter described to erect, 24 

construct, change the size of, improve, reconstruct, relocate, replace, repair, maintain and use a 25 

line or numerous lines of poles and/or steel towers and wires and/or cables suspended therefrom 26 

and supported thereby … including guys, anchorage, crossarms, braces and all other appliances 27 

and fixtures for use in connection therewith …..”16  In addition, SDG&E has “the right of ingress 28 

and egress therefrom, to and along said right of way by a practical route or routes in, upon, over 29 

                                                            
15  Attachment 45 (Comment Letter, Enclosure page 2, Comment 7).  
16  Attachment 46 (Easement 15813 at 1). 
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and across the hereinafter described lands.”17  Finally, the ROW Easements state that “no other 1 

easement or easements shall be granted on, under or over the above described easement of right 2 

of way without the previous written consent of [SDG&E].”18   3 

SDG&E has obtained and reviewed the recorded conservation easement at Orange 4 

County’s Prima Deshecha Landfill, which consists of two Conservation Easement Deeds from 5 

the County of Orange to The Reserve at Ranch Mission Viejo, an original 2012 deed and a 2014 6 

amendment to the earlier deed to add additional acreage (“Prima Deshecha Conservation 7 

Easement”).  A true and correct copy of the Prima Deshecha Conservation Easement is attached 8 

as Attachment 47.   9 

The Prima Deshecha Conservation Easement, Paragraph 10 makes plain that the 10 

easement rights conveyed by the Conservation Easement are “expressly subject to all matters of 11 

record as of the date this Conservation Easement is executed.”  The Prima Deshecha 12 

Conservation Easement was executed long after the SDG&E ROW Easement was recorded, and 13 

thus the Prima Deshecha Conservation Easement is subject to SDG&E’s rights under the 14 

SDG&E ROW Easements.  Furthermore, the express terms of the SDG&E ROW Easements 15 

make clear that no other easements may impair the rights of the SDG&E ROW Easements 16 

without the previous written consent of SDG&E, which was not sought and was not given.  The 17 

Prima Deshecha Conservation Easement cannot, and does not, prohibit any rights and uses 18 

granted in the SDG&E ROW Easements.   19 

Therefore, the Prima Deshecha Conservation Easement does not conflict with SDG&E’s 20 

Proposed Project activities that are authorized by the SDG&E ROW Easement.  These activities 21 

include but are not limited to ingress and egress to the existing and proposed SDG&E facilities, 22 

construction of the proposed SDG&E facilities, removal of the certain of SDG&E facilities, 23 

grading of access roads, grading of maintenance pads, grading of temporary work pads, 24 

preparation of stringing sites, and staging of materials for use in the easement areas.  Under 25 

legally enforceable “secondary easement” rights, some such activities may occur outside 26 

SDG&E’s easement if reasonably necessary for SDG&E’s enjoyment of its easement rights to 27 

construct, install, maintain and operate its utility facilities, including electric transmission lines.  28 

                                                            
17  Attachment 46 (Easement 15813 at 1). 
18  Attachment 46 (Easement 15813 at 4). 
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Following the issuance of the Recirculated DEIR, SDG&E asked Energy Division for a 1 

copy of the “yet-to-be recorded conservation easement in the Talega Corridor,” as described in 2 

therein.19  Energy Division never responded to SDG&E’s request.  SDG&E has not seen the 3 

“yet-to-be recorded conservation easement in the Talega Corridor,” as described in Recirculated 4 

DEIR.  As set forth below, USFWS has informed SDG&E that its boundaries and permitted uses 5 

are not yet finalized.  However, as a matter of law, a later-recorded easement cannot impair 6 

rights granted under the previously-recorded SDG&E ROW Easement.  Therefore, this 7 

unrecorded easement cannot, and will not, prohibit any rights and uses granted in the SDG&E 8 

ROW Easement.  Additionally, pursuant to the terms of the SDG&E ROW Easement, no 9 

easements shall be granted on, under or over the SDG&E ROW without the previous written 10 

consent of SDG&E, which has not been sought and would not be granted. 11 

Therefore, the unrecorded conservation easement in the Talega Corridor does not conflict 12 

with SDG&E’s Proposed Project activities that are authorized by the SDG&E ROW Easement, 13 

which are set forth above.   14 

Section 4. With Refinements to Keep Structures within SDG&E’s Easements, 15 
USFWS Does Not Object to Proposed Project Activities Outside of 16 
SDG&E’s Easements (Witness Debbie Schafer) 17 

The Recirculated RDEIR states: “The USFWS has indicated that establishing new ROW 18 

within the Talega Conservation Easement or impacting areas of the Prima Deshecha Landfill 19 

Conservation Easement that are outside of the applicant’s existing ROW would directly conflict 20 

with the provisions of the aforementioned conservation easement(s), and thereby the provisions 21 

of the Orange County Southern Subregion HCP.”20  The Recirculated DEIR and USFWS thus 22 

recognize that SDG&E’s exercise of its pre-existing rights under its ROW Easements does not 23 

conflict with the provisions of later-recorded or proposed conservation easements because such 24 

later conservation easements are subject to SDG&E’s ROW Easements.  Instead, USFWS’ 25 

concern is SDG&E activities outside its existing easements and within areas covered by an 26 

existing Prima Deshecha Landfill Conservation Easement or proposed Talega Conservation 27 

Easement. 28 

                                                            
19  R. Giles (SDG&E) August 10, 2015 email to A. Barnsdale (CPUC Project Manager) and SDG&E’s 
07/17/15 Partial Response 1 to Energy Division’s Data Request 11 (both seeking the referenced 
unrecorded easement). 
20  RDEIR at 2-77, 2-145. 
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Following publication of the Recirculated DEIR, SDG&E transmission engineering staff 1 

evaluated the possibility of refining the transmission and power line design (specifically for 2 

Segment 4) to minimize the need for new ROW.  Segment 4 crosses an area that USFWS and 3 

Energy Division have said will be subject to the proposed, unrecorded Talega Conservation 4 

Easement.  SDG&E prepared a preliminary design that would remove several structures and 5 

electrical transmission and power lines from one large area of Segment 4 and place all of them 6 

within existing SDG&E ROW, easements, and fee-owned property.  See Attachment 48, 7 

Proposed Project Segment 4 Design Revision.21  By relocating proposed structures to be within 8 

existing SDG&E ROW, the amount of new ROW potentially required in Segment 4 of the 9 

Proposed Project would be significantly reduced to small areas between two existing SDG&E 10 

easements and immediately adjacent to fee owned property.  11 

SDG&E staff met with USFWS staff on September 11, 2015 to discuss SDG&E’s 12 

existing easements and associated rights as well as USFWS concern whether the Proposed 13 

Project may conflict with existing or proposed conservation easements located in the vicinity of 14 

the Proposed Project.  During the meeting, SDG&E reviewed a map showing SDG&E’s 15 

easements and the path of the Proposed Project, refined as noted above, see Attachment 49 as 16 

well as the more detailed drawings discussed below. 17 

As an initial matter, USFWS agreed that any activities conducted by SDG&E within 18 

existing SDG&E ROW, Easement, or fee-owned property would not cause a conflict with any 19 

subsequently recorded conservation easement or with the provisions of the Orange County 20 

Southern Region HCP.  21 

With respect to the Prima Deschecha Landfill Conservation Easement, only a 210 square 22 

foot portion of an existing road bed is part of a proposed work area (for structure No. 26) which 23 

is located outside of SDG&E’s easement.  USFWS agreed that the scope of work anticipated for 24 

this location would not create a conflict between the Proposed Project and that Conservation 25 

Easement.  The Proposed Project crosses the Prima Deschecha Landfill Conservation Easement 26 

at two locations, and contains one proposed new 230kV structure (No. 26), the removal of 27 

                                                            
21  SDG&E has further engineering (civil and transmission) to perform to achieve a design level similar to 
the Proposed Project. Placing all structures in the existing ROW presents more challenges from an outage 
coordination and construction standpoint.  Costs also are likely to increase due to the need for some 69kV 
undergrounding, additional retaining walls and outage constraints.  These issues, and the final location 
and extent of work pads and stringing sites, will be addressed in final engineering. 
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existing 138kV structures, and the use of existing unpaved access roads.  Attachment 50 shows 1 

the Proposed Project alignment, proposed new structures, and access roads in relation to the 2 

Prima Deshecha Landfill Conservation Easement.   3 

The Proposed Project would require temporary work space for the construction of the 4 

new 230kV structure and permanent work space for the inspection and maintenance of the 5 

230kV structure (No. 26) for the life of the project (refer to Attachments 51 and 52).  All ground 6 

disturbing activities (e.g. grading, grubbing, and vegetation removal) will be contained within the 7 

limits of SDG&E’s existing ROW.  SDG&E would also utilize the existing access road network 8 

during construction and operation (see Attachment 50).  As explained under Section 3 above, 9 

SDG&E’s rights to its 150-foot ROW includes the ongoing use of the existing network of 10 

unpaved access roads that lead to and connect all existing structures, as well as existing 11 

structures owned and operated by SCE within its adjacent ROW.   12 

In addition, as shown in Attachment 51 (Structure 26 Detail Map) and Attachment 52 13 

(Structure 26 Aerial Photograph), the small portion (approximately 210 square feet) of Structure 14 

26 work area that could extend outside of SDG&E’s existing ROW is limited to the existing 15 

roadbed (access road), and no earthwork (grading, grubbing, clearing, etc.) would be required.  16 

This area could be used for the placement of construction equipment (such as a crane) or 17 

maintenance equipment (such as an aerial bucket truck).  As existing road bed, this area is 18 

already disturbed.  Following review of this information, USFWS agreed that the Proposed 19 

Project would not conflict with the Prima Deschecha Landfill Conservation Easement as work 20 

associated with the Proposed Project would be contained within SDG&E existing rights pursuant 21 

to SDG&E ROW Easement.  22 

With respect to the proposed Talega Conservation Easement, as an initial matter, USFWS 23 

confirmed that such easement has not yet been finalized and is not recorded.  Moreover, its 24 

boundaries are not yet set.  For example, many of SDG&E’s proposed permanent work pads 25 

occur within areas that are in between two existing SDG&E easements (see Attachment 48).  26 

When it was noted that some parcels being considered for inclusion in the Talega Conservation 27 

Easement are owned by the Transportation Corridor Agencies (TCA), USFWS commented that 28 

such parcels may not end up in the final boundaries of the Talega Conservation Easement as 29 

TCA may not approve such inclusion.  Some of the parcels over which SDG&E is interested in 30 

acquiring an easement are owned by TCA. 31 
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Assuming that the proposed Talega Conservation Easement will cover some areas in 1 

Segment 4 of the Proposed Project, SDG&E shared with USFWS the minor refinements to the 2 

Proposed Project designed to eliminate potential conflict with such an easement.  SDG&E and 3 

USFWS discussed the preliminary redesign shown in Attachment 48 and Attachment 49 (Sheet 4 

1).  This redesign involves all Proposed Project structures being located within SDG&E’s 5 

existing easements.  However, according to USFWS, there are portions of permanent work pads 6 

and some temporary string sites and other temporary work areas that would occur within 7 

potential areas of the proposed and unrecorded Talega Conservation Easement that are outside of 8 

SDG&E’s existing easements.  USFWS agreed that any activity that would occur within an 9 

existing road or work pad, and which would not require any ground disturbance, such as a 10 

pull/stringing site, would not require mitigation.  USFWS stated that, based on the proposed 11 

redesign, they would be willing to work with SDG&E and the Talega Conservation Easement 12 

stakeholders to ensure that the remaining Proposed Project impacts would be mitigated to a level 13 

acceptable to both SDG&E and the USFWS. 14 

As a result of the coordination meeting and review of the information above, USFWS 15 

proposed the following general procedure for ensuring that the Proposed Project would not 16 

conflict with the proposed and unrecorded   Talega Conservation Easement.  First, USFWS 17 

would work with the Talega Conservation Easement stakeholders (Grantor and Grantees) to 18 

temporarily suspend recording the easement while the Proposed Project re-design of Segment 4 19 

is finalized.  Once the design is finalized, the specifics of any temporary or permanent work 20 

areas located outside of existing SDG&E ROW would be incorporated into the Talega 21 

Conservation Easement as “allowed uses.”  USFWS and SDG&E would then agree on mitigation 22 

for the permanent and temporary impacts that occur outside of existing SDG&E ROW and 23 

within the finalized boundaries of the Talega Conservation Easement.   24 

Even if SDG&E did not already have the right to proceed under Section 6.1 and Section 25 

6.2.1 of its NCCP/HCP, this coordination with USFWS removes any possible conflict between 26 

the Proposed Project and the two known or proposed Conservation Easements discussed above, 27 

as any potential impacts would be mitigated to a level of less than significant.  Furthermore, the 28 

process outlined above is consistent with Recirculated DEIR Mitigation Measure BR-10. 29 

  30 
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CHAPTER 4  THE RECIRCULATED DEIR’S “TRABUCO ALTERNATIVE” IS NOT  1 
FEASIBLE  2 

Section 1. The RDEIR Trabuco Alternative (Witness John Jontry). 3 

The Recirculated DEIR presents a new alternative to SDG&E’s Proposed Project, 4 

identified as “Alternative J – SCE 230-kV Loop In to Trabuco Substation” (the “RDEIR Trabuco 5 

Alternative”).  The Recirculated DEIR explains this alternative as follows: 6 

Under this alternative, the applicant would expand its existing 138/12-kV Trabuco 7 
Substation in Laguna Niguel into a 230/138/12-kV substation.  The applicant would 8 
acquire approximately 2 acres of land, currently owned by AT&T, adjacent to the north 9 
side of the existing Trabuco Substation for the construction and operation of the 230-kV 10 
switchyard.  The applicant would construct a 230- kV switchyard, including two 230-11 
kV/138-kV transformers (one required and spare) with a capacity 392 MVA.  The 230-12 
kV/138-kV transformer would be housed in a 40- to 50-foot-high gas insulated substation 13 
building. 14 

A new underground, double-circuit 230-kV transmission line segment (approximately 0.5 15 
miles long) would be constructed within new ROW that would loop the new substation 16 
into SCE’s Santiago–SONGS 230-kV line.  The new 230-kV transmission loop-in line 17 
would either exit the Trabuco Substation to the north in a new underground conduit along 18 
Camino Capistrano to connect to the Santiago–SONGS 230-kV line or exit the Trabuco 19 
Substation to the east overhead across Interstate 5, then into a new underground conduit 20 
along La Alameda, Los Altos, and Plaza and Bellogente roads to connect to the Santiago–21 
SONGS 230-kV line (see Figure 3-5).  The Santiago–SONGS 230-kV line would then 22 
become two new transmission lines: the Trabuco- SONGS 230-kV transmission line and 23 
the Trabuco-Santiago 230-kV transmission line. 24 

Major modifications to the existing Trabuco Substation would not be required as part of 25 
this alternative because the existing 138/12-kV equipment has not been identified as 26 
aging equipment by the applicant.  It is anticipated that the Trabuco 130/12-kV system 27 
would remain operational while the new 230/138kV equipment is installed.  Any 28 
potential disruptions of service would be limited to the time required to establish a 29 
physical connection between the new 230/138-kV equipment and the existing 138-kV 30 
equipment. 31 

Capistrano Substation would not be expanded as part of this alternative, but equipment at 32 
Capistrano Substation found to be inadequate would be replaced.  The distribution circuit 33 
315 (12-kV) would not be relocated.  This alternative would not require any work at the 34 
existing Capistrano or Talega Substations.  No 12-kV distribution lines or 138-kV 35 
transmission lines would require relocation or reconductoring.22 36 

The Recirculated DEIR, Figure 3-5, provides a “Trabuco Substation Conceptual Site 37 

Plan” that appears to reflect Energy Division’s proposed design of Trabuco Substation under the 38 

                                                            
22  RDEIR at 2-22. 
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RDEIR Trabuco Alternative.  Despite the RDEIR text noted above, the “Conceptual Site Plan” 1 

does not include a “gas insulated substation building.”  Similarly, the RDEIR lists the 230 kV 2 

equipment to be placed on the AT&T parking lot without mentioning a GIS building.23  As a 3 

result, the Recirculated DEIR does not clearly describe Energy Division’s proposed design for a 4 

230/138/12 kV Trabuco Substation. 5 

Although the RDEIR does not provide an electrical one-line diagram of the RDEIR 6 

Trabuco Alternative, the electrical connectivity of this alternative may be inferred from RDEIR 7 

Fig. 3-5, Trabuco Substation Conceptual Site Plan.  The one line diagram shown in Figure 4-1 8 

was created by SDG&E using Figure 3-5 of the Recirculated DEIR.    9 

                                                            
23  RDEIR at 2-171.  
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Figure 4-1 – Trabuco Substation One Line Diagram for ED Alternative J. 1 

 2 

The RDEIR Trabuco Alternative is significantly and materially different from the 3 

Trabuco alternative proposed by ORA (the “ORA Trabuco Alternative”).  As described in 4 

SDG&E’s Rebuttal Testimony, Chapter 9, Section 5, SDG&E assumed the ORA Trabuco 5 

Alternative would include a properly designed substation, and thus modeled the ORA Trabuco 6 

Alternative using the following assumptions: 7 

 The existing Trabuco 138 kV straight bus was re-configured into a breaker and a 8 
half bus. 9 
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 A new breaker and a half 230 kV bus was created for the new Trabuco Substation 1 
230 kV connection. 2 

 60 MVar24 capacitor banks were added to the end buses of the new Trabuco 230 3 
kV breaker and a half bus. 4 

 One of the two SCE 220 kV transmission lines which connect San Onofre to 5 
Santiago was opened and the ends connected to the new 230 kV bus at Trabuco 6 
Substation. 7 

 Two 230/138 kV transformers were added to connect the Trabuco 230 kV bus to 8 
the Trabuco 138 kV bus. 9 

The one-line diagram that SDG&E prepared for the ORA Trabuco Alternative is shown 10 

in Figure 4-2.  Comparing Figure 4-1 to Figure 4-2, it can be seen that the layout used for the 11 

ORA Trabuco Alternative, which is similar to the Project’s layout at Capistrano, contains more 12 

equipment than the RDEIR Trabuco Alternative.  These are important differences.  Circuit 13 

breakers isolate equipment which has failed.  More circuit breakers in a design allow for better 14 

isolation of failed equipment.  Isolating failed equipment from operating equipment leaves more 15 

equipment in-service following an equipment failure.  With more equipment in-service following 16 

a failure, service continuity is preserved and customers continue to receive power.  The RDEIR 17 

Trabuco Alternative does not use a standard BAAH substation layout at Trabuco and as such, 18 

does a poor job isolating failed equipment.  This is a poor design. 19 

  20 

                                                            
24 This is a reference to SDG&E’s 69.3 MVar capacitor banks.  The size of the capacitor banks shown in 
Figure 4-2 is correct.  The model used 69.3 MVar capacitor banks on the 230 kV buses. 
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Figure 4-2 – Trabuco 230kV Substation One Line Diagram for ORA Alternative. 1 

 2 

The salient drawbacks of the RDEIR Trabuco Alternative from a transmission planning 3 

standpoint are immediately evident and include the following: 4 

1) Contrary to the RDEIR’s description,25 the SONGS-Santiago 230 kV line is not, in fact, 5 
“looped in” to the proposed Trabuco 230 kV substation, where it would form two two-6 
terminal lines (SONGS-Trabuco and Trabuco-Santiago).  Instead, it is configured as a 7 
three-terminal line (SONGS-Trabuco-Santiago) with one end terminating in the 8 
normally-closed 230/138 kV Trabuco transformer.  The implication of this arrangement 9 
is that there is a single 230 kV transmission line serving the rebuilt Trabuco Substation 10 
under the RDEIR Trabuco Alternative.  Any fault or maintenance outage on any segment 11 
of this line removes the 230 kV source from Trabuco.   12 

2) The 230 kV bus in the RDEIR Trabuco Alternative is not actually a bus at all.  It is 13 
simply a connection point for a three-terminal line that terminates into a single 14 
transformer.  Taking either the 230 kV line, 230 kV breaker, or 230/138 kV transformer 15 
out of service disconnects the 230 kV source from Trabuco substation.  The minimum 16 
SDG&E design standard for a 230 kV bulk power substation is a breaker-and-a-half 17 
(BAAH) arrangement, which in combination with a properly looped-in 230 kV line 18 
would prevent a single-element outage from disconnecting Trabuco from the 230 kV 19 
system.   20 

                                                            
25  The RDEIR mistakenly asserts: “The Santiago-SONGS 230 kV line would then become two new 
transmission lines: the Trabuco-SONGS 230-kV transmission line and the Trabuco-Santiago 230-kV 
transmission  line.”  RDEIR at 2-22 lines 33-35. 
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3) A similar BAAH arrangement would normally be expected for a 138 kV substation 1 
performing bulk power service; as the RDEIR Trabuco Alternative would be expected to 2 
be fully redundant to Talega Substation, which is nominally a BAAH arrangement on 3 
both the 138 kV and 230 kV voltage levels, a BAAH arrangement would be expected for 4 
Trabuco as well. 5 

4) Neither the “normally closed” or “spare” 230/138 kV transformer can be isolated from 6 
the 138 kV bus, as there is no disconnect switch between the 138 kV transformer 7 
terminations and the 138 kV bus.  In the event of a transformer failure or maintenance 8 
outage, it would be necessary to physically disconnect the faulted transformer from the 9 
138 kV bus by removing jumpers or bus segments.  The “spare” unit could not be 10 
energized until this was done, extending an outage from minutes to hours or possibly 11 
days. 12 

5) The Trabuco 138 kV substation arrangement presented in the RDEIR Alternative is a 13 
single-bus, single-breaker arrangement.  By inspection of Figure 4-1, which was created 14 
from Figure 3-5 of the Recirculated DEIR, it is immediately obvious that numerous faults 15 
or equipment failures will result in a complete loss of the 230 kV source at Trabuco.  This 16 
is explained in detail in Sections 2 and 7 below.  In contrast, a BAAH arrangement, as 17 
proposed for the 230/138/12 kV San Juan Capistrano substation in SDG&E’s Proposed 18 
Project, would allow for loss of any one bus or breaker without loss of the connection to 19 
the 230 kV source. 20 

Nonetheless, the Recirculated DEIR asserts that the RDEIR Trabuco Alternative is 21 

“potentially feasible from a technological, legal, and economic perspective,” and that:  22 

This alternative would meet each of the project objectives as defined in Section 1.3.1.  The 23 
CPUC’s review of the applicant’s power flow data indicates that Alternative J would 24 
ensure that each of the potential Category C (N-1-1) contingencies identified by the 25 
applicant and CAISO (Section 1.2.1) would be avoided through the 10-year planning 26 
horizon (Objective 1) Equipment at Capistrano Substation found to be inadequate would 27 
be replaced (Objective 2), and power flow within the applicant’s South Orange County 28 
138-kV system would be redistributed (Objective 3).26  29 

The Recirculated DEIR is mistaken.  The RDEIR Trabuco Alternative is not feasible as 30 

described, and does not meet the project objectives.  As discussed in more detail below, the 31 

RDEIR Trabuco Alternative: 32 

 Does not comply with mandatory NERC Reliability Standards, and will result in load 33 
shedding that would not occur with SDG&E’s Project.   34 

 Does not add 230 kV power at South Orange County’s load center, thus requiring 35 
upgrades to SDG&E’s South Orange County 138 kV system to redistribute the power to 36 
the distribution substations within South Orange County. 37 

                                                            
26  RDEIR at 2-23. 
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 Would delay ensuring reliable electric service to SDG&E’s South Orange County 1 
customers for years while the impacts of an interconnection to SCE’s transmission 2 
system are studied under SCE’s FERC-approved Transmission Owner’s Tariff, pursuant 3 
to the CAISO Transmission Control Agreement, and in a WECC Path Rating group. 4 

 Causes loop flows on SDG&E’s South Orange County system that will impact not only 5 
SDG&E’s system, but the flows between SDG&E’s system and SCE’s system.  As a 6 
result, the SCE interconnection will not be allowed without construction of necessary 7 
Reliability Upgrades to SDG&E’s South Orange County 138 kV system, on SCE’s 8 
system, potentially elsewhere in the CAISO-controlled grid and potentially elsewhere in 9 
the WECC system.  The scope of these Reliability Upgrades will be determined through 10 
the years-long study process by SCE, CAISO and WECC—only then will the 11 
Commission know the true cost of this alternative and be able to assess all of its 12 
environmental impacts. 13 

 Does not rebuild the aging Capistrano Substation, which must be rebuilt to ensure reliable 14 
electric service.  The Recirculated DEIR’s failure to acknowledge that Capistrano 15 
Substation must be rebuilt, at least as a 138/12 kV substation, does not reflect what is 16 
reasonably expected to happen if the Commission approves the RDEIR Trabuco 17 
Alternative (or any other alternative that does not include rebuilding Capistrano 18 
Substation).  19 

 Does not provide adequate space for construction and operation of an expanded 20 
230/138/12 kV Trabuco Substation.  As set forth in Section 7 below, the Recirculated 21 
DEIR provides a “Trabuco Substation Conceptual Site Plan” that is neither safe nor 22 
reliable, does not contain all necessary equipment, and requires a non-standard design 23 
that is far inferior in terms of reliability SDG&E’s proposed San Juan Capistrano 24 
substation..  25 

 The estimated cost of the known elements of the RDEIR Trabuco Alternative exceed the 26 
estimated costs of the Proposed Project—and such costs do not include the unknown 27 
costs of Reliability Upgrades caused by the SCE interconnection. 28 

SDG&E addresses each of these issues below. 29 

Section2. The Reconductoring Alternative Does Not Comply with Mandatory 30 
NERC Reliability Standards and Will Result In Load Shedding That 31 
Would Not Occur With SDG&E’s Proposed Project (Witness Cory 32 
Smith) 33 

A. Proposed Alternatives Must be Evaluated Pursuant to The FERC-34 
Approved NERC Transmission Planning Standards  35 

SDG&E, which has an obligation to provide reliable electric service to its South Orange 36 

County customers, must address the reliability issues in its system with a coherent and 37 

comprehensive plan of service.  To do so, a potential plan of service must be evaluated in 38 

accordance with the mandatory requirements in the FERC-approved NERC Transmission 39 
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Planning Standards.  The Recirculated DEIR does not state that the RDEIR Trabuco Alternative 1 

was evaluated pursuant to the NERC Transmission Planning Standards, much less that it passed 2 

such an evaluation.  Therefore, SDG&E has performed the necessary power flow analysis as 3 

follows.   4 

The NERC transmission planning standards, TPL-001-0.1, TPL-002-0b, TPL-003-0b, 5 

TPL-004-0a and the recently approved combined standard TPL-001-4, require the Planning 6 

Coordinator and the Transmission Planner to prepare a valid assessment of its portion of the 7 

transmission system.  For the SDG&E service territory, the CAISO is the registered Planning 8 

Coordinator and SDG&E is the registered Transmission Planner.   9 

In order for an assessment to be valid, it must test numerous contingencies under various 10 

critical conditions.27  A single power flow analysis that looks at a single load level and does not 11 

consider the outage of critical equipment or changes in critical parameters is not a valid 12 

assessment.  As part of the CAISO’s FERC approved transmission planning process, CAISO and 13 

SDG&E complete a valid assessment of SDG&E’s portion of the CAISO controlled transmission 14 

system each year.  The South Orange County transmission network is part of the CAISO 15 

controlled transmission network, and is included in both the CAISO’s and SDG&E’s 16 

assessments. CAISO and SDG&E have completed independent assessments of the existing South 17 

Orange County transmission network.  These assessments tested numerous contingencies at 18 

increasing load levels under different critical conditions making them valid NERC assessments. 19 

Likewise, SDG&E completed a valid NERC assessment of the Trabuco 230kV 20 

Alternative J presented in the Recirculated DEIR.  The following steps were taken:  21 

1. A new model was created using the substation layout shown in Recirculated DEIR Fig 3-22 
5.  As shown in Section 1 on Figure 4-1 (within the box), a new 230 kV bus was added to 23 
existing Trabuco Substation model and one of the 220 kV SCE transmission lines which 24 
connects San Onofre to Santiago was connected to the new Trabuco bus.  Two 230/138 25 
kV transformers were added to connect the new 230 kV connection to the existing 138 26 
kV Trabuco Substation.  Circuit breakers and disconnects were added as shown in Figure 27 
3-5 of the Recirculated DEIR. 28 

2. Using the model created in 1) above, three scenarios were developed to simulate critical 29 
transmission system conditions, 30 

a. Moderate flow on Path 43 and Path 44.  This is the non-stressed base condition 31 
from which the stressed power flow cases in b) and c) below are created.  Path 43 32 

                                                            
27 NERC TPL-002-0b and TPL-003-0b, Requirement R1 describes components of a valid assessment and 
NERC TPL-001-4 describes a valid assessment in section B.  
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is loaded to -141 MW (negative sign is the flow into San Onofre) and Path 44 is 1 
loaded to 123 MW.  As discussed in SDG&E’s Supplement Testimony, Chapter 2 
5, Section 3, Path 43 is the group of four 220 kV transmission lines owned by 3 
SCE which emanate from San Onofre Substation and carry power north into 4 
SCE’s service territory.  The RDEIR Trabuco Alternative would tie into one of 5 
these transmission lines.  Path 44 is the group of five 230 kV transmission lines 6 
owned by SDG&E which emanate from San Onofre Substation and carry power 7 
south into SDG&E’s service territory.  Two of these transmission lines are 8 
connected to Talega Substation. 9 

b. High flows on Path 43.  The non-stressed power flow case described in a) was 10 
adjusted to increase the amount of power flowing from SDG&E to SCE over Path 11 
43 to 1550 MW.   12 

c. High flows on Path 44.  The non-stressed power flow case described in a) was 13 
adjusted to increase the amount of power flowing from SCE to SDG&E over Path 14 
44 to 977 MW.   15 

3. The three scenarios developed in 2) were simulated using power flow analysis to 16 
determine South Orange County’s response to NERC Category B or C contingencies.  17 
For each of the three scenarios, power flow analysis was done for years 2016 to 2035.  18 
Load at the seven 138 kV substations in South Orange County was increased each year to 19 
match the load predicted for that year.  Years 2016 to 2024 were adjusted to loads found 20 
in the 2015 load forecast and years 2025 to 2035 where adjusted using a MW/year 21 
growth rate found using the load forecast.  For each year, SDG&E performed 1378 22 
contingencies for total of 27,560 (20 x 1378) contingencies.  This was done for each of 23 
the three scenarios.   24 

Using specialized power flow software tools, in all, SDG&E simulated 82,680 (3 x 25 

27,560) contingencies to assess the RDEIR Trabuco Alternative.  The modeling assumed that all 26 

existing transmission equipment was in-service pre-contingency-- ten 138 kV transmission lines, 27 

four 230/138 kV transformers at Talega and one 230/138 kV transformer at Trabuco.  Results are 28 

set forth in Attachment 53 and discussed below. 29 

B. If Constructed As Set Forth in the RDEIR’s Alternative J, “Trabuco 30 
Substation Conceptual Site Plan,” the RDEIR’s Trabuco Alternative 31 
Fails to Meet NERC Reliability Standards 32 

With power flow on Path 43 increased as described above, power flow analysis found 33 

NERC violations.  Table 4-1 lists Category C contingencies which lead to violation of TPL-003-34 

0b.  When load is above 450 MW, SDG&E’s South Orange County system will be in violation 35 

of NERC standards without a project to mitigate the overloads.  Every year beyond the date 36 

listed in the left column, the same element will overload for the same outage, but the percent 37 
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above the Applicable Rating will increase over time.  South Orange County load has been 1 

forecasted to reach a peak load of 450 MW as early as 2016. 2 

Table 4-1: Violation of Applicable Ratings for RDEIR Alt J with Path 43 Stressed. 3 

Year Element 
Reaches Limit 

Load Level 
(MW) 

Contingency Overloaded Element 

2016 450 C3:13831+13846 13836  
2020 475 C3:13835+13846 13836 
2023 488 C3:13831+13835 13816 
2026 513 C3:13831+13833 13816 
2030 536 C3:13835+13836 13846C 
2031 542 C3:13831+13836 13846C 
2032 548 C3:13831+13836 13846A 
2032 548 C2:TA 8T 13846A 
2032 548 C2:TA 8T 13846C 

C. The RDEIR Trabuco Alternative Will Require Shedding Load Under 4 
Numerous NERC Contingencies. 5 

The RDEIR Trabuco Alternative does not remove the need to shed load under a number 6 

of NERC contingencies.  Power flow analysis with Path 43 stress as described above found that 7 

load would need to be shed for the contingencies listed in Table 4-2 starting in the year the load 8 

reaches the elements Normal Rating. 9 

  10 
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Table 4-2: Contingencies Requiring Load to be Shed with RDEIR Trabuco Alternative 1 

with Path 43 Stressed. 2 

Year Element Reaches Normal 
Rating 

Load 
Level 
(MW) 

Contingency Overloaded 
Element 

2016 450 C2:TA 8T 13846A  
2016 450 C2:TA 8T 13846C 
2016 450 C3:TA BK 61+TA BK 63 TA BK 60 
2016 450 C3:TA BK 61+TA BK 63 TA BK 62 
2016 450 C3:13831+13836 13846A 
2016 450 C3:13831+13836 13846C 
2016 450 C3:13835+13836 13846C 
2016 450 C3:13835+13846 13836 
2016 450 C3:13836+13838 13846C 
2016 450 C3:13838+13846 13836 
2019 469 C3:13835+13836 13846A 
2019 469 C3:13836+13838 13846A 
2021 481 C3:13836+SANTIAGO2 13846C 
2022 488 C3:13831+13835 13816 
2024 500 C3:13846+SANTIAGO2 13836 
2025 506 C3:13831+13833 13816 
2029 531 C3:13816+13831 13833 
2031 542 C3:TB61+13831 13830 
2031 542 C3:13831+ SANTIAGO128 13830 
2032 548 C3:13831+Valley-Serrano 500 13830 
2032 548 C3:13831+Perk-Mead 13830 
2032 548 C3:CP41+13831 13830 

Numerous overloads occur beyond year 2031.  This is a result of high flows on Path 43, 3 

high South Orange County load and a lack of reactive support in the design.  The STATCOM is 4 

in the model, but it is a dynamic device that is not used for continuous operation.   5 

D. The RDEIR Trabuco Alternative Does Not Provide Reliable Second 6 
Source of Power for South Orange County In the Event of a Talega 7 
Substation Outage. 8 

The RDEIR Trabuco Alternative does not provide a redundant source of power.  9 

SDG&E’s project objectives include adding a second source to South Orange County, and the 10 

need for such a second source is discussed extensively in SDG&E’s Opening, Supplemental, and 11 
                                                            
28  The contingency SANTIAGO1 drops SCE’s transmission line between San Onofre and Santigo 
substations which, in turn disconnects the Trabuco 230 kV substation. 
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Rebuttal Testimony.  Power flow analysis has shown that the Trabuco Alternative J presented in 1 

the RDEIR is not a true redundant source.  When the Talega 138 kV substation is out-of-service, 2 

South Orange County load would be supplied by the single 230/138 kV transformer located at 3 

Trabuco.  The maximum amount of South Orange County load which can be supplied will be 4 

limited by the rating of the transformer; 392 MW.  Figure 3-5 of the RDEIR shows a second 5 

transformer, but the transformer is labeled “SPARE”.  This implies that it will not be in-service.  6 

Putting this aside and placing both transformers in service will only add an additional 77 MW of 7 

capability.  The new limit will not be the combined transformer capability.  Instead, the limit will 8 

be defined by a transmission line limitation.  The outage of TL13837 will load TL13846B to its 9 

maximum rating.  Therefore, at most, 469 MW can be served from Trabuco Substation with 10 

Talega Substation 138 kV out of service.  To maintain this limit, load would be shed before the 11 

outage of TL13837 occurred.  This is necessary to prevent damage to TL13834B. 12 

Moreover, the RDEIR Trabuco Alternative substation design is unreliable and thus 13 

cannot serve as a reliable, redundant second source for South Orange County.  A fault on a 14 

transmission line, which leads to the forced outage of the transmission line, is one of the most 15 

common failures in the electric utility industry.  When Talega 138 kV is out-of-service, not only 16 

will the South Orange County load be limited to 469 MW, but it will be supplied by a single 230 17 

kV transmission line, which supplies one (or two) 230/138 kV transformers at the rebuilt 18 

Trabuco Substation.  Note the location of the circuit breakers on Figure 4-1.  The two 19 

transformers share a single circuit breaker on the 138 kV side of the transformer.  Without 20 

individual circuit breakers, the transformers cannot be isolated by from each other.  When one 21 

transformer fails, both will be removed from service to isolate the fault.   22 

The substation layout does not provide redundancy necessary for reliability.  A single 23 

transmission line failure, transformer failure, bus fault or circuit breaker fault will drop all South 24 

Orange County load.  SDG&E has identified 13 Equipment failures which will drop all South 25 

Orange County load when Talega Substation is out of service.  The failures are presented below: 26 

 Fault on the three terminal SCE 220 kV transmission line connecting San Onofre 27 
to Trabuco to Santiago substations; 28 

 Fault on the MAIN Trabuco 230/138 kV transformer; 29 

 Fault on the SPARE Trabuco 230/138 kV transformer.  The 138kV terminal of 30 
the 230/138 kV transformer will be energized and even though the transformer is 31 
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not carrying load, it will be exposed to a fault which would drop all South Orange 1 
County load; 2 

 Fault on, or failure of, the 230 kV circuit breaker for Trabuco MAIN transformer; 3 

 Fault on, or failure of, the 230 kV circuit breaker for Trabuco SPARE; 4 
transformer. Only if the normally open circuit breaker is closed and the circuit 5 
breaker is energized; 6 

 Fault on, or failure of, the 138 kV circuit breaker connecting the Trabuco 7 
transformer bus (labeled TB XFR on Figure 4-1) to the 138 kV Trabuco North 8 
bus (labeled TB N on Figure 4-1); 9 

 Fault on, or failure of, the 138 kV circuit breaker connecting the Trabuco North 10 
bus to Trabuco South bus (labeled TB S on Figure 4-1); 11 

 Fault on, or failure of, the 138 kV circuit breaker connecting the Trabuco North 12 
bus to transmission line TL13833 (labeled TB13833 on Figure 4-1); 13 

 Fault on, or failure of, the 138 kV circuit breaker connecting the Trabuco North 14 
bus to Trabuco Bank 40 transformer (labeled 40 on Figure 4-1); 15 

 Fault on, or failure of, the 138 kV circuit breaker connecting the Trabuco North 16 
bus to Trabuco Bank 41 transformer (labeled 41 on Figure 4-1); 17 

 Fault on the new Trabuco 230 kV bus; 18 

 Fault on the Trabuco 138 kV transformer bus (TB XFR bus); 19 

 Fault on the Trabuco 138 kV North bus (TB N bus); 20 

By contrast, the SOCRE Project will have two 230/138 kV transformers in-service and be 21 

supplied by two 230 kV transmission lines at Capistrano.  The Project will not only support 469 22 

MW of load when Talega 138 kV substation is out-of-service, but , as shown in Figure 4-3,  23 

transmission lines and transformers at the rebuilt Capistrano Substation will be connected by 24 

breaker and a half configuration.  Breaker and a half configurations are commonly used in the 25 

electric utility industry because they provide a high level of reliability for a moderate cost.  26 

Unlike the RDEIR Trabuco Alternative, the SOCRE Project allows the system to respond to a 27 

transmission line, transformer, bus or circuit breaker fault without dropping all South Orange 28 

County load when the Talega 138 kV substation is out of service.  This is an important 29 

difference.   30 

Expensive transmission projects that provide poor reliability are the result of poor 31 

planning practices and lead to an inefficient use of capital.  The RDEIR Trabuco Alternative is 32 
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just that kind of project.  After spending over well over $500 million, SDG&E and its customers 1 

would be left with a South Orange County transmission system which is not fully redundant, will 2 

likely need additional upgrades in the future, require complicated maintenance programs, and 3 

require negotiation of new interconnection contracts.  This is what is known.  Unknowns could 4 

add more costs. 5 

Figure 4-3 – New Rebuilt San Juan Capistrano Substation 6 

 7 
 8 

E. Leaving Aside Necessary Reliability Upgrades Outside of South 9 
Orange County, SDG&E’s 138 kV Transmission System Would 10 
Require Additional Work to Comply with NERC Transmission 11 
Planning Standards 12 

In order to avoid violation of NERC TPL-003-0b and its successor TPL-001-4, SDG&E 13 

would pursue the following projects to prevent the overloads listed in Table 4-1 above.  The list 14 

of transmission lines is repeated here below: 15 

 Upgrade TL13836 to a higher rating: Talega Substation to Pico Substation; 16 

 Upgrade TL13816 to a higher rating: Pico Substation to Capistrano Substation; 17 

 Upgrade TL13846A to a higher rating: Pico Substation to TL13846 tap point; 18 
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 Upgrade TL13846C to a higher rating: Talega Substation to TL13846 tap point. 1 

Further, to prevent MVar flow between South Orange County’s 138 kV transmission 2 

system and SCE’s 220 kV system, SDG&E will need to construct a new dynamic voltage control 3 

device (SVC, STATCOM or Synchronous Condenser) at the new Trabuco Substation at an 4 

estimated cost of $81 million to $99 million (with AFUDC, $89 million to $109 million).  The 5 

new device will supply MVars to the SCE system at Trabuco 230 kV.  Supplying MVars at 6 

Trabuco will stop the flow of MVars through South Orange County’s 138 kV system.   7 

Additional analysis is needed to determine the size of equipment.  To support voltage in South 8 

Orange County, SDG&E will also need to replace the Talega STATCOM when it reaches the 9 

end of its useful life or install a new dynamic voltage control device (SVC, STATCOM or 10 

Synchronous Condenser) at the rebuilt Capistrano Substation at that time.   The estimated cost 11 

for doing so is another $81 million to $99 million (with AFUDC, $89 million to $109 million). 12 

For the foregoing reasons, the RDEIR statement that “No 12-kV distribution lines or 138-13 

kV transmission lines would require relocation or reconductoring”29 is inaccurate.  14 

Section 3. Without Additional Work, the RDEIR Trabuco Alternative Will Not 15 
Provide an Adequate Second Source for South Orange County 16 
(Witness John Jontry) 17 

Without additional work, the RDEIR Trabuco Alternative does not provide an adequate 18 

second source for South Orange County because (a) it is not located at the load center for the 19 

area and thus 138 kV transmission line upgrades are needed to ensure that SDG&E’s South 20 

Orange County distribution substations will receive adequate power in the event Talega 21 

Substation is out of service; and (b) as described in the Recirculated DEIR and shown on the 22 

RDEIR’s “Conceptual Site Plan,” the RDEIR Trabuco Alternative lacks the proper design and 23 

necessary equipment to reliably serve South Orange County in the event Talega Substation is out 24 

of service. 25 

A. The RDEIR Trabuco Substation Alternative Does Not Add a 230 kV 26 
Source at the Load Center for South Orange County 27 

As discussed in SDG&E’s Rebuttal Testimony with respect to both Pico Substation 28 

Alternative and the ORA Trabuco Alternative, adding a 230 kV source at Capistrano Substation 29 

is more effective and efficient because of its close proximity to the center of load in South 30 

                                                            
29  RDEIR at 2-22. 
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Orange County.  Trabuco Substation is also not at the load center for South Orange County.  1 

Rather, it is located several miles north of the load center, with Capistrano Substation located 2 

between Trabuco and the calculated load center.  See Fig. 4-4 below, which represents the load 3 

center analysis for South Orange County and indicates the relative proximity of all of the 4 

substations.  Generally speaking, energy injected from the 230 kV system into the 138 kV 5 

system will then flow towards the load center, across the 138 kV network, before it can then flow 6 

out to serve customer load.  Although Trabuco is located in a relatively better location than Pico 7 

to act as a second source to South Orange County (both closer to the load center and electrically 8 

removed from Talega), Capistrano is still the best of all existing locations as clearly 9 

demonstrated in Fig. 4-4. 10 

  11 



39 
 

Fig. 4-4 – South Orange County Load Center Analysis 1 

 2 
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B. Additional Work Would be Required for a Rebuilt Trabuco 1 
Substation To Serve As a 230 kV Source for South Orange County In 2 
the Event of a Talega Substation Outage 3 

Also, Trabuco Substation is located adjacent to three 138 kV transmission lines, unlike 4 

the six lines that will terminate at Capistrano Substation upon completion of the SOCRE Project, 5 

and the four lines that currently terminate at Talega Substation.  In order for a second 230/138 6 

kV source located at Trabuco Substation to be fully redundant to the existing source at Talega, 7 

and given that two of the lines are located are located in a common transmission corridor south 8 

of Trabuco Substation and could be subject to a common-mode failure, it would be necessary to 9 

add at least one additional 138 kV line from Trabuco Substation to Capistrano Substation.   10 

As discussed above, energy will tend to flow south from Trabuco towards the load center 11 

at Capistrano Substation.  Following loss of Talega Substation, with Trabuco Substation acting 12 

as the sole source to South Orange County, this would result in several hundred megawatts of 13 

energy flowing south from Trabuco.  As both lines south of Trabuco (TL13834 and TL13833) 14 

share a common transmission corridor and could be subject to a common-mode failure, it is 15 

possible for a single N-2 contingency to remove both lines from service.  This would effectively 16 

cut off Trabuco from the bulk of the South Orange County load.  As a result, substantial work is 17 

required on the 138 kV system to allow a 230 kV source at Trabuco Substation to serve South 18 

Orange County in the event of a service outage at Talega Substation. 19 

C. The RDEIR Trabuco Alternative Does Not Provide Proper Design or 20 
Adequate Equipment for the Rebuilt Trabuco Substation to Serve as 21 
a Second Source in the Event of a Talega Substation Outage 22 

As discussed in Section 1 above, the RDEIR Trabuco Alternative is inferior from a 23 

reliability standpoint to the proposed rebuilt Capistrano Substation.  It is not a fully redundant 24 

source to Talega Substation for the following reasons: 25 

1) It is served by a single 230 kV line. 26 

2) It has a single-bus single-breaker topology that makes it vulnerable to single-element 27 
outages. 28 

3) It has a single transformer in service at any one time that is not capable of carrying 29 
the full South Orange County customer load as of today, let alone as forecast ten 30 
years from now.  31 
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4) It does not have a sufficient number of 138 kV outlets (three lines, versus four from 1 
the existing Talega Substation and six from the proposed rebuilt Capistrano 2 
Substation) 3 

As discussed in Section 7, it also is infeasible to construct a safe and reliable substation in 4 

the area prescribed by the RDEIR.  To provide reliable service, SDG&E would need to construct 5 

a proper BAAH 230/138/12 kV substation on an expanded Trabuco site (including the existing 6 

site plus property to the north and south), as described in SDG&E’s Rebuttal Testimony, Chapter 7 

9, Section 6. 8 

For the reasons discussed in Rebuttal Testimony, Chapter 5, a single 230/138 kV 9 

transformer at Trabuco is not a feasible alternative.  The aggregate South Orange County peak 10 

load is forecast to exceed the capacity of SDG&E’s standard 230/138 kV transformer (392 11 

MVA).  For a rebuilt Trabuco Substation to serve as a redundant second source, it would  require 12 

at least two 392 MVA 230/138 kV transformers at Trabuco as well as a proper BAAH bus 13 

configuration, as discussed above.  SDG&E also would reserve space for a future third 14 

transformer to enable enough capacity to feed the South Orange County load center at the system 15 

peak demand.  The site for the transformers must be large enough to accommodate them. 16 

Section 4. An Interconnection with SCE at Trabuco Substation Would Take 17 
Years to Accomplish (Witness John Jontry) 18 

SDG&E’s Supplemental Testimony, Chapter 5, Section 2 explained the required process 19 

for SDG&E to seek interconnection with SCE’s system.  “SDG&E would need to comply with 20 

SCE’s Transmission Owner Tariff, the Transmission Control Agreement among transmission 21 

owners and the California Independent System Operator (“CAISO”), and the CAISO Tariff.”30  22 

As described in more detail in SDG&E’s Supplemental Testimony: “SDG&E estimates that it 23 

would take a minimum of twelve months and could take as long as twenty-four months to 24 

complete an interconnection application, System Impact Study, and a Facilities Study for an 25 

interconnection with SCE as described in the SCE Alternative.”31  SDG&E also would need to 26 

obtain CAISO approval.32  “SDG&E believes that such an application would go through the 27 

normal annual transmission planning process.  Depending when the CPUC provided such 28 

direction, and SCE completed its studies, it could be up to a year before CAISO would decide 29 

                                                            
30  SDG&E Supplemental Testimony at 99. 
31  SDG&E Supplemental Testimony at 101. 
32  SDG&E Supplemental Testimony at 102-04. 
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whether to approve the Commission’s preferred solution (and any “Reliability Upgrades” to 1 

SCE’s or other systems determined to be necessary to permit the interconnection).”33  The same 2 

process would apply if SDG&E were to seek an interconnection to SCE’s system as part of the 3 

RDEIR Trabuco Alternative. 4 

Until SCE performs a System Impact Study and any follow-on Facilities Study, the full 5 

scope of activities that would be required to implement the RDEIR Trabuco Alternative is 6 

unknown.  The RDEIR Trabuco Alternative does not reflect any of the Direct Assignment 7 

Facilities or Reliability Upgrades that may be required by SCE and CAISO for SDG&E to 8 

implement the RDEIR Trabuco Alternative.  And until SCE conducts a Facilities Study to 9 

determine the modifications to SCE’s facilities necessary to permit interconnection, the 10 

construction activities, new structures and new lines that may be needed for such modifications 11 

is not known. 12 

Further, to the extent that any of the Reliability Upgrades require CPUC approval, 13 

SDG&E and/or SCE would need to file applications with the CPUC for such approval, triggering 14 

further environmental review.  SDG&E’s Application for this Project has been pending since 15 

May 2012.  The date when all required Reliability Upgrades are approved and constructed, 16 

before which time the interconnection to SCE will not be allowed under SCE’s FERC-approved 17 

tariff, cannot be predicted accurately.  None of this delay is necessary with SDG&E’s Proposed 18 

Project. 19 

Section 5. An SCE Interconnection at Trabuco Substation Will Have Impacts to 20 
Both the SCE and SDG&E Transmission Systems That Likely Would 21 
Need to be Mitigated with Other Reliability Upgrades Before An 22 
Interconnection Would be Allowed (Witness John Jontry).  23 

As discussed extensively in SDG&E’s Supplemental Testimony, Chapter 5, Section 3, 24 

and Rebuttal Testimony, Chapter 8, Section 4, such an interconnection with SCE would parallel 25 

a robust 230 kV path with a relatively weak 138 kV network.  This would have the dual negative 26 

impacts of restricting the allowable flow on the 230 kV path while subjecting the 138 kV system 27 

to network flows for which it was not designed.  Restricting allowable flow on the SCE lines in 28 

South Orange County could result in limiting the transfer capability between the SDG&E and 29 

SCE systems, resulting in reduced import capability for both utilities.  In fact, such an 30 

interconnection may have a significant impact on Southern California’s import capability.   31 
                                                            
33  SDG&E Supplemental Testimony at 103. 



43 
 

SDG&E performed power flow analyses of several alternatives that include an SCE 1 

interconnection, and provided those results to Energy Division.  See Attachment 54 (SDG&E 2 

Partial Response 1 to Energy Division Data Request 10).  The power flow assessment shows that 3 

any connection to one of SCE’s 220 kV transmission lines which make up Path 43 will result in 4 

SCE power flowing through South Orange County’s 138 kV network. This “loop flow” will be 5 

carried by the South Orange County 138 kV transmission lines.  These transmission lines are 6 

heavy loaded during peak load periods and the additional power flowing through them will result 7 

in post contingency overloads, which would not have existed without the SCE connection.  8 

SDG&E’s Proposed Project does not provide a path for this loop flow. 9 

SCE’s System Impact Study is similarly likely to identify significant impacts to a number 10 

of important import paths and therefore require Reliability Upgrades to SCE’s and SDG&E’s 11 

systems at SDG&E’s expense (which would be passed on to CAISO ratepayers).  To properly 12 

assess the risk to the import limit, a WECC PRG (Path Rating Group) would be formed to 13 

determine any additional projects that would be needed to mitigate the impact to the import limit.  14 

These costs also would be attributed to SDG&E and then to CAISO ratepayers. 15 

Because none of the Reliability Upgrades or WECC projects have been identified at this 16 

time (and would not be for at least several years), their environmental impacts have not been 17 

assessed. 18 

Section 6. Rebuilding a 138/12 kV Capistrano Substation Is Necessary, and 19 
Would Have Similar Impacts as the Proposed Project (Witness Karl 20 
Iliev) 21 

As set forth in SDG&E’s Supplemental Testimony, Chapter 3, Section 3, Capistrano 22 

Substation must be rebuilt or overhauled to provide reliable electric service.  Based upon careful 23 

analysis, SDG&E concluded that only replacing equipment in the existing Capistrano Substation 24 

will not provide adequate reliability for SDG&E’s customers in the City and South Orange 25 

County.  Adequate reliability can only be gained by a complete rebuild and expansion of the 26 

existing substation.  Replacing aging infrastructure in kind and rebuilding a limited size 27 

substation in the existing yard will not achieve the improvements provided by the Proposed 28 

Project, and will not achieve SDG&E’s goal to provide reliable electric service to its South 29 

Orange County customers.  30 

The rebuild of the Capistrano Substation would expand to the lower yard within SDG&E-31 

owned property and add a minimum of two spare 138kV positions for future needs that may arise 32 
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outside of the planning time horizon, but within the expanded lifetime of the newly rebuilt 1 

substation.  The substation cannot be rebuilt in its current location and needs to be built in the 2 

lower yard to maintain construction safety and station reliability during the rebuild project.   3 

Moreover, for the reasons discussed in Section 2.D, SDG&E has concluded that a new 4 

138kV transmission line from Trabuco to Capistrano would be needed to maintain reliability 5 

during a Talega Substation outage.  There is no room at Capistrano for a new transmission 6 

connection.  To connect a new transmission line into Capistrano Substation, a new position will 7 

be needed at Capistrano.  This will require a new rebuilt substation at Capistrano. 8 

If the second 230 kV source for South Orange County were to be moved to another site, 9 

then Capistrano Substation must be rebuilt as a 138/12 kV substation.  If rebuilt as a stand-alone 10 

project, a Capistrano 138/12 kV substation is estimated to cost between $135 million to $165 11 

million (including permitting, mitigation and AFUDC costs).  12 

Section 7. The RDEIR Trabuco Alternative Is Infeasible As it Provides 13 
Insufficient Space to Construct a Safe and Reliable 230/138/12 kV 14 
Trabuco Substation (Witness Karl Iliev) 15 

In SDG&E’s Rebuttal Testimony, Chapter 9, Section 6, SDG&E explained that there was 16 

insufficient space at the existing Trabuco Substation to construct a 230/138/12 kV substation, as 17 

suggested by ORA’s Trabuco Alternative.  In that testimony, SDG&E also explained the 18 

property acquisition, phasing, and equipment that would be needed to construct a safe and 19 

reliable 230/138/12 kV substation on an expanded Trabuco Substation property, which would 20 

require acquiring property to the north and south of the existing substation.   21 

As previously noted, although no preliminary engineering has been performed, the non- 22 

budgetary estimated cost to build a 230/138/12kV substation at Trabuco would be higher than 23 

the proposed 230/138/12 kV rebuilt Capistrano Substation because Trabuco has more existing 24 

equipment than Capistrano that would need to be replaced in the rebuilt substation.  The 25 

estimated cost of constructing a 230/138/12 kV substation at Trabuco and the relocation of the 26 

existing distribution circuits is approximately $189- $231 million (including AFUDC).  This cost 27 

does not include relocating the existing 138kV transmission, adding new 138kV and 230kV 28 

transmission lines, permitting, mitigation, property acquisition costs or the purchase of ROW.  29 

As noted above, the rebuilt Trabuco Substation also would need a voltage control device to 30 

control the flow of MVars between South Orange County and the SCE system, at an estimated 31 
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cost of $81-$99 million (with AFUDC, $89 million to $109 million) (appropriate size and type to 1 

be determined). 2 

The RDEIR Trabuco Alternative differs from the ORA’s Trabuco Alternative by 3 

assuming that SDG&E will “acquire approximately 2 acres of land, currently owned by AT&T, 4 

adjacent to the north side of the existing Trabuco Substation for the construction and operation of 5 

the 230-kV switchyard.”34  The RDEIR then makes various assertions about what equipment 6 

would be placed on the acquired property and provides a “Trabuco Substation Conceptual Site 7 

Plan” that purports to diagram a 230 kV substation on the acquired property and how it would 8 

connect to SDG&E’s existing Trabuco Substation.35  The RDEIR Trabuco Alternative also states 9 

that “[m]odifications to the existing Trabuco Substation would not be required as part of this 10 

alternative” and “[n]o 12-kV distribution lines or 138-kV transmission lines would require 11 

relocation or reconductoring.”36  Based on this claim, the Recirculated DEIR does not attribute 12 

any environmental impacts to the performance of such work.  In short, the RDEIR Trabuco 13 

Alternative does not permit the work that SDG&E identified as necessary to construct a safe and 14 

reliable 230/138/12 kV substation at and adjacent to the existing Trabuco Substation. 15 

The substation proposed by Z-Global in the RDEIR Trabuco Alternative is neither safe 16 

nor reliable.  It would create risks to SDG&E’s electric customers that do not currently exist.  It 17 

does not meet industry guidelines, regulatory requirements, or SDG&E’s standards.  SDG&E 18 

does not recommend construction of the substation proposed by the RDEIR Trabuco Alternative. 19 

If the Commission expressly requires SDG&E to do so, the decision must make clear that that 20 

the responsibility for the substation design lies with Z-Global and the Commission.   21 

Below, SDG&E explains certain aspects of substation design, how SDG&E’s proposed 22 

substation design achieved safety and reliability, and how the RDEIR’s “Trabuco Substation 23 

Conceptual Site Plan” fails to provide adequate reliability, operational flexibility, capacity, and 24 

safe working conditions for required maintenance of equipment. 25 

A. Safe and Reliable Substation Design 26 

A substation is an assembly of electrical apparatus and physical structures for the purpose 27 

of control, regulation, subdivision, and transformation or conversion of electrical energy.  It is 28 

                                                            
34  RDEIR at 2-22. 
35  RDEIR, Figure 3-5. 
36  RDEIR at 2-22. 
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the connecting link between two or more sections of a transmission or distribution system, and 1 

performs the following: 2 

 Directs flow of electrical energy in a power system; 3 

 Voltage transformation; and 4 

 Location for System Protection and Control and isolation devices (relays and circuit 5 
breakers). 6 

Reliability, safety, and operational flexibility of a substation are created by building 7 

redundancy into the physical arrangement and protection designs.  Although this “redundancy 8 

through design” requires more equipment, it provides greater reliability of electric service to 9 

customers, avoids unnecessary outages, and allows routine maintenance and/or trouble repairs to 10 

be worked in a safe and efficient manner.  It also reduces the risk of customer interruptions 11 

during maintenance and repairs, and affords substation personnel appropriate work space and 12 

isolation points from energized equipment.  In general, redundancy requires more physical space 13 

and equipment. 14 

Physical redundancy in a substation is created by the bus arrangements and number of 15 

protective equipment (including circuit breakers) and isolating equipment (disconnects) installed 16 

as part of the bus arrangement. 17 

 The substation bus is the conductor(s) serving as a common connection between 18 
circuits and the power flow in a substation. 19 

 Circuit breakers are designed to break, make, and carry normal load current and to 20 
quickly interrupt high currents caused by failed/faulted elements and short circuits.  21 
Circuit breaker operation is typically automatic (as used in the application of 22 
removing faults from the electric system) or performed remotely to restore or redirect 23 
power flow.   24 

 Disconnect switches are used to isolate a piece of equipment or segment a substation 25 
bus, transmission line, or distribution circuit for the purposes of personnel isolation 26 
intended for de-energized work.  Disconnects are not load dropping devices and can 27 
only safely be opened when the equipment it is isolating is no longer carrying load.  28 
Properly sized disconnects are essential for personnel safety and are not typically 29 
operated automatically or remotely. 30 

The purpose of installing a 230 kV switchyard at Trabuco Substation would be to provide 31 

a reliable second source of power via a 230 kV transmission line (“TL”) into South Orange 32 

County.  This 230 kV power would then be stepped down via 230/138kV transformer(s) and 33 

distributed to the 138 kV transmission grid serving the seven 138/12kV distribution substations 34 
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within SDG&E’s South Orange County (“SOC”) electric grid.  The voltage is then further 1 

stepped down from the 138 kV transmission voltage to the 12 kV distribution voltage circuits 2 

that serve the approximately 120,000 meters (roughly 300,000 people) in South Orange County.  3 

The substation supplying the second source of power to the distribution substations must 4 

have the flexibility, capacity and reliability to serve SOC if the existing Talega Substation is out 5 

of service for any reason.  It should also allow routine maintenance and/or trouble repairs to be 6 

performed in a safe and efficient manner, without high risk of customer outages or placing 7 

substation personnel at risk due to proximity to energized infrastructure. 8 

(1) Safety And Regulatory Considerations in Substation Design 9 

SDG&E designs new substations to meet SDG&E standards and industry guidelines for 10 

safety and reliability, and to meet regulatory concerns, by considering the following basic 11 

physical requirements: 12 

 Electrical clearances (physical separation of energized exposed conductor to other 13 
exposed conductor, grounded surfaces, and or personnel walkable surfaces).  SDG&E 14 
uses the following industry references in determining safe clearances for substation 15 
equipment: 16 

o IEEE Std. 1427 - Guide for Recommended Electrical Clearances and Insulation 17 
Levels in Air-Insulated Substations. 18 

o IEEE Std. C37.30 - Standard Requirements for High-Voltage Switches. 19 

o ANSI C37.32 - American National Standard for High-Voltage Air Disconnect 20 
Switches Interrupter Switches, Fault Initiating Switches, Grounding Switches, 21 
Bus Supports and Accessories Control Voltage Ranges—Schedule of Preferred 22 
Ratings, Construction Guidelines and Specifications. 23 

o IEEE Std. 1313.1 - Standard for Insulation Coordination – Definitions, Principals 24 
and Rules. 25 

o IEEE Std. 1313.2 - Guide for Application of Insulation Coordination. 26 

o NESC- C2 - National Electric Safety Code 27 

 Safe access to equipment  28 

o Drive aisles shall be designed to accommodate regional standards for all safety 29 
vehicles. 30 

o A transmission substation’s drive aisle in front of transformers should be 31 
approximately 40 ft to allow for placement/removal of transformers and required 32 
work on the transformer 33 
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o Drive aisles between an energized rack/bus, high voltage terminations and a 1 
fence/wall will be wide enough to allow safety and/or construction vehicles to 2 
safely turn, drive, and work– this is usually 25-30ft.  3 

 Noise  4 

o The size of the site must allow transformer placements so that the decibel level at 5 
the property line meets the County noise requirements of the substation site or 6 
regulatory specifications.  7 

 Fire safety (based on IEEE Std-979 IEEE Guide for Substation Fire Protection) 8 

o Access roads and gates must be at least 20 feet wide to accommodate emergency 9 
vehicles. Access roads inside the substation shall have adequate turning radius 10 
and access to all oil filled equipment. 11 

o Transmission Substations – transformers or oil containment (if required) should 12 
be a minimum of 50 feet to the wall or fence line.  If this condition is not met, a 13 
fire barrier must be installed between the transformer and wall or fence.   14 

o Separation of a transmission bank should be at least 50 feet from the edge of the 15 
adjoining transformer’s containment pit or a four hour fire barrier should be 16 
installed. The fire barrier should be placed a minimum of 4 feet away from the 17 
transformer radiators to allow for air cooling. 18 

 Water Quality and Hydromodification  19 

o All new substation sites must meet space requirements for water quality and 20 
hydromodification management criteria as required by the Regional Water 21 
Quality Control Board.  This is usually met through the use of underground 22 
infiltration tanks and above ground detention basins.  SDG&E preliminary 23 
designs allow approximately 20-25% of space to meet these requirements until 24 
actual calculations can be done based on final site designs. 25 

 Grounding  26 

o Ground studies must be done to determine the required ground grid that needs to 27 
be installed to safely dissipate fault current and allow for safe touch and step 28 
voltages for personnel and equipment protection.  A smaller substation site may 29 
result in less area available inside the substation for the required ground grid, 30 
which may require additional mitigation and/or affect neighboring properties.  31 

 Flexible operation. 32 

o Substation layout should include spacing to allow for safe construction and 33 
maintenance of all equipment allowing clear isolation points and proper clearance 34 
distances for these activities. 35 

o Substation layout should also include room for future growth due to unforeseen 36 
customer growth and/or potential large customer or generation interconnection. 37 
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(2) Reliable Design of Substation Bus Configuration 1 

Substation designs are also influenced by the reliability requirements and the level of 2 

service continuity desired.  As stated above, reliability, safety, and operational flexibility of a 3 

substation are created by building redundancy into the physical bus and circuit breaker 4 

arrangement.  These arrangements also have implications for proper design of control and 5 

protection systems required to identify system disturbances and isolate them.  Redundancy 6 

through design also allows routine maintenance and/or trouble repairs to be easily scheduled 7 

without major system impacts.  Redundancy requires more equipment and therefore more cost.  8 

SDG&E seeks to balance cost and reliability by applying bus designs that escalate redundancy 9 

based on the magnitude of the impact the site has on potential customer outages.   10 

IEEE, SDG&E, and industry standards commonly recognize five different types of 11 

substation bus designs. These designs (and the relevant considerations) are: 12 

1. Single bus – single breaker (SBSB) 13 

a. Least reliable because each element is supplied through a single breaker and there 14 
is no way to offload the bus or breaker without dropping the load fed from the 15 
piece of equipment being de-energized.   16 

b. Least costly because it only requires one breaker per element 17 

c. Most problematic for maintenance as maintenance can’t be done without 18 
offloading or dropping load on the element being removed from service. 19 

d. This configuration allows little reliability as any faulted piece of equipment fed 20 
from the bus will cause an outage to all elements fed from the bus (the bus itself 21 
or individual circuit breakers). 22 

 23 

2. Main & Transfer Bus (MTB) 24 
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a. More reliable than SBSB design because an element may be offloaded onto the 1 
transfer bus under planned maintenance conditions, but there is still not a way to 2 
offload the main bus without dropping all load fed from that bus. 3 

b. Inexpensive because it only requires one breaker per element but requires the 4 
added costs of a transfer bus and disconnects. 5 

c. Usually used on distribution class bus designs. 6 

d. This configuration allows little reliability as any faulted piece of equipment fed 7 
from the bus will cause an outage to all elements fed from the bus (the bus itself 8 
or individual circuit breakers). 9 

 10 

  11 
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3. Ring Bus (RB) 1 

a. More reliable than SBSB and MTB designs but much less reliable than a BAAH 2 
or DBDB because on a transmission bus, loop flow can be interrupted when more 3 
than one element is out of service. 4 

b. Less expensive because it requires one breaker for every single element. 5 

c. Usually limited in size to four element positions as reliability dramatically 6 
decreases the more elements are added. 7 

d. Will result in fragmented bus with two contingencies 8 

e. This design is not suitable as an ultimate arrangement for major transmission 9 
stations and SDG&E does not use this configuration for an ultimate design. 10 

 11 

4. Breaker and a half (BAAH) 12 

a. Greater operating flexibility than a ring bus due to multiple feeds to each element 13 

b. Higher reliability than a ring bus due to redundancy in both busses and circuit 14 
breakers 15 

c. Redundant bus design allows the ability to isolate either main bus  for 16 
maintenance and/or forced outages 17 

d. Bus fault does not interrupt service to any elements. 18 

e. Any single equipment failure (breaker) can only isolate a maximum of two 19 
elements providing reliability to stations with higher number of elements. 20 

f. Will eliminate fragmenting the station bus, which occurs during multiple outages 21 
in a ring bus design. 22 
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 1 
 2 

5. Double bus – double breaker (DBDB) 3 

a. This consists of two main buses with two breakers and disconnects per element – 4 
therefore it is considered the most reliable design as any single failure of a piece 5 
of equipment will only impact a maximum of one element. 6 

b. Any breaker or bus can be taken out of service without an interruption to service. 7 

c. Very costly and takes the largest amount of land as each bay position only holds 8 
one element (notice only two elements shown as compared to four in the BAAH 9 
diagram). 10 

d. SDG&E typically reserves this design for the most critical system elements such 11 
as generator buses and/or specific bulk power transformers. 12 
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 1 

B. SDG&E’s Factors for Proper Substation Design  2 

SDG&E takes into account IEEE, SDG&E, and industry standard practices when 3 

considering bus designs for a substation.  SDG&E considers the following points when deciding 4 

what bus arrangement to design: 5 

 Substation’s intended purpose: Transmission (bulk power) versus distribution  6 

 Safety  7 

 Reliability requirements 8 

o Potential system impact of line faults 9 

o Potential system impact of bus faults 10 

o Potential system impact of Breaker failures including stuck breakers 11 

 Simplicity of relaying requirements to protect the configuration 12 

 Cost 13 

 Ease of maintenance 14 

 Flexibility of operation 15 
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 Limitations and layout impacts of connecting lines entry and exit from the substation 1 

 Safety and reliability impacts of the bus electrical clearances towards meeting 2 
appropriate codes and guidelines.  3 

 Physical arrangement of the station to allow access to equipment for maintenance 4 
and/or replacement due to failure and/or future upgrades. 5 

 Current unique site limitations, SDG&E standards, general system operating 6 
practices. 7 

 General capacity for future expansions and general redundancy to provide means for 8 
continuity of service during construction and maintenance. 9 

 All bulk power transformer banks must be installed in a Breaker and Half or Double 10 
Breaker configuration 11 

 Transformer bay position must be 1.5 times the rating of the normal transformer 12 
rating to account for short duration overload capabilities of the transformer. 13 

C. The Substation Serving as the Second 230 kV Source for South 14 
Orange County Should Have a Safe and Reliable BAAH Design  15 

SDG&E’s Proposed Project, and any alternative meeting the project objectives, is 16 

intended to provide a reliable second source of power via a 230kV TL into a properly located 17 

substation in South Orange County.  To provide reliable service to SDG&E’s customers, this 18 

substation should have the flexibility, capacity and reliability to serve SOC if the existing Talega 19 

Substation is out of service for any reason.  It should also allow routine maintenance and/or 20 

trouble repairs to be done in a safe and efficient manner, without risk of customer outages or to 21 

substation personnel. 22 

SDG&E’s Proposed Project would construct a 230/138/12 kV substation at the existing 23 

Capistrano Substation site, which, as set forth in Section 3A above, is at the load center for South 24 

Orange County.  The proposed rebuilt Capistrano Substation would meet SDG&E standards and 25 

industry guidelines for the physical layout to meet the safety and regulatory considerations 26 

mentioned above.   27 

To provide the appropriate level of reliability (continuity of service), SDG&E’s proposed 28 

design for the 230/138 kV bulk power transmission substation (shown in the Proposed Project) 29 

requires a breaker and half (BAAH) configuration to meet operating and reliability criteria for a 30 

substation of this nature.  As noted above, this configuration means each transmission bay has 31 

two elements connected to separate busses with a tie breaker between each element, allowing 32 
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each element to be fed by either bus.  This allows continuity of service to each element in the 1 

event of a bus outage.  A BAAH configuration is more reliable and therefore preferred by 2 

SDG&E for large transmission stations since it limits any single point of failure to a maximum of 3 

two elements, minimizing transmission outage impacts.  It is the most cost effective design to 4 

meet the reliability requirements of the proposed 230/138 kV substation. 5 

Industry standards, e.g., IEEE Standard 605-2008, show that the BAAH configuration is 6 

the most suitable design for a major transmission (bulk power) substation.  It has greater 7 

operating flexibility and higher reliability than the RDEIR Trabuco Alternative’s proposed 8 

design.  All switching is performed by circuit breakers, any circuit breaker can be isolated for 9 

maintenance without disrupting service to any element and each element can be fed by either 10 

bus.  If a bus fault occurs, it does not interrupt service to any element during normal operation.  It 11 

also allows proper electrical spacing so that each element can be safely taken out of service and 12 

grounded, as required for personnel safety during routine maintenance.  All of these 13 

characteristics result in significantly less risk of isolating the transmission grid from the load, 14 

thus increasing the overall reliability of the feed.  IEEE Standard 605-2008 recommends this 15 

arrangement for important 230kV substations and it is SDGE’s standard design for bulk power 16 

transmission substations.  A BAAH design reduces the risk of customer outages and the risk to 17 

substation personnel working on substation equipment.  18 

In its Rebuttal Testimony regarding ORA’s Trabuco Alternative, leaving aside power 19 

flow issues and assuming the feasibility of acquiring additional property and an SCE 20 

interconnection, SDG&E provided a preliminary design layout for a rebuilt 230/138/12 kV 21 

Trabuco Substation that would meet the above requirements.  SDG&E’s preliminary design 22 

provided for a physical layout that met necessary electrical clearances, access, fire safety, noise 23 

and RWQCB regulatory requirements, grounding and flexibility.   24 

SDG&E’s preliminary design for a rebuilt Trabuco Substation also provides for a BAAH 25 

bus design based on the following considerations (which also apply to the Proposed Project and 26 

any other alternative): 27 

 Transmission (bulk power) versus distribution substation – The 230/138 kV 28 
substation required to supply the second 230kV source to SOC will be considered a 29 
bulk power transmission substation and should not be operated in a configuration 30 
normally found in a distribution class substation. 31 
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 Safety – The BAAH configuration allows for switching of each element with a 1 
breaker and safe grounding of the out-of-service element. 2 

 Reliability requirements – The BAAH configuration allows continuity of service as 3 
follows: 4 

o Line faults – With a BAAH design, the 230kV lines into Trabuco would be 5 
properly “looped in” with both lines being terminated into their own bay positions 6 
with proper isolation.  If one of the 230kV line were to trip, the transmission 7 
outage would only affect the damaged line, leaving the second 230kV line to feed 8 
the 138kV bus at Trabuco. 9 

o Bus faults – will allow elements to continue to be fed by the other bus. 10 

o Breaker failures – will trip only affected element and in case of a breaker failure, 11 
will still allow one bus to feed other elements.  A breaker failure operation 12 
normally only trips a maximum of two elements, with the second element having 13 
an outage for a short duration to isolate the damaged breaker and restore service. 14 

 Simplicity of relaying – SDG&E can use standard relaying schemes. 15 

 Cost – more expensive than the proposed SBSB configuration proposed by Energy 16 
Division’s RDEIR Trabuco Alternative, but provides proper reliability for the 17 
application. 18 

 Ease of maintenance – allows for any element to be taken out without disrupting the 19 
bus or other elements.  This is necessary to provide the redundancy necessary to 20 
perform routine maintenance work. 21 

 Flexibility of operation – allows elements to be fed by either bus.  22 

 Location of connecting lines – allows proposed 230 kV TLs to be located on the bus 23 
for optimum bus flow.  24 

 For safety and reliability reasons, the bus electrical clearances must meet appropriate 25 
codes and recommendations – SDG&E has a standard BAAH design to meet these 26 
requirements. 27 

 Buses must physically be arranged to allow access to equipment for maintenance 28 
and/or replacement due to failure or upgrades – SDG&E’s standard BAAH design 29 
allows for access and maintainability on the equipment. 30 

 Buses will be designed to meet all SDGE standards and operating practices. 31 

 Bus arrangements should take into account future expansions and provide means for 32 
continuity of service during construction and maintenance – the SDG&E Proposed 33 
Project and the preliminary Trabuco Substation BAAH designs meet this 34 
requirement.  35 
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 All bulk power transformer banks must be installed in a Breaker and Half or Double 1 
Breaker configuration and sizing of the bay elements must allow for short duration 2 
overloads (usually 1.5 times the nominal transformer rating). The SDG&E Proposed 3 
Project and the preliminary Trabuco Substation BAAH designs meet this 4 
requirement.  5 

As a result of attention and consistency to these considerations, SDG&E’s Proposed 6 

Project and preliminary Trabuco Substation design would meet SDG&E’s goals of safety, 7 

reliability, operation, maintenance, and flexibility (ignoring the non-substation issues with the 8 

proposed SCE interconnection at a rebuilt Trabuco Substation).  As discussed below, the RDEIR 9 

Trabuco Alternative’s proposed Trabuco Substation design would meet none of these 10 

requirements. 11 

D. The RDEIR’s “Conceptual Site Design” for Rebuilt Trabuco 12 
Substation Is Infeasible  13 

(1) RDEIR’s “Conceptual Site Design” Is Not a Recognized IEEE 14 
or Industry Standard, and Does Not Meet SDG&E’s Standards 15 
for Reliability or Safety 16 

(a) The RDEIR’s Proposed 230 kV Substation 17 

As noted above, the Recirculated DEIR states in its text that the 230 kV switchyard 18 

would include “two 230 kV/138 kV transformers (one required and spare) with a capacity 392 19 

MVA.  The 230-kV/138-kV transformer would be housed in a 40- to 50-foot-high gas insulated 20 

substation building.”37  The Recirculated DEIR, however, also provides a “Conceptual Site Plan” 21 

that does not include a GIS building and describes the new equipment for the 230 kV switchyard 22 

without a GIS building.38  As the “Conceptual Site Plan” reflects Energy Division’s effort to 23 

design a rebuilt Trabuco Substation that would fit on the AT&T parking lot and not require 24 

reconstruction of the 138 kV and 12 kV substations at Trabuco, SDG&E will focus on the flaws 25 

in the design depicted in the Conceptual Site Plan.  However, constructing a safe and reliable 230 26 

kV switchyard with a GIS building, particularly one containing two 230/138 kV transformers, on 27 

the AT&T parking lot along with other necessary air insulated equipment, is equally infeasible. 28 

The Trabuco 230kV substation design shown in the Recirculated DEIR “Conceptual Site 29 

Plan” is not a recognized industry standard configuration.  SDG&E does not know how the 30 

CPUC is proposing to operate this layout, i.e., what disconnects and/or breakers would normally 31 

                                                            
37  RDEIR at 2-22. 
38  RDEIR Figure 3-5 & 2-171. 
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be open, which is vital to evaluating the feasibility of the design.  After review of every possible 1 

operating configuration, SDG&E assumes that Energy Division will operate the design under the 2 

configuration shown in the one line diagram in Figure 4-1 in testimony prepared by Cory Smith.  3 

SDG&E assumes the 230kV disconnect is normally closed in this diagram and modeled it as 4 

such in its power flow models. This is a reasonable assumption considering the location of the 5 

disconnect in relation to other equipment.  When the 230 kV transmission line disconnect is 6 

opened39 and the spare transformer disconnect open, the SCE transmission line connecting San 7 

Onofre Substation to Santiago Substation will be opened at Trabuco Substation.  This would 8 

create two radial 220 kV transmission lines.  One transmission line would supply power to 9 

Trabuco from San Onofre and the other transmission line would remain opened at Trabuco and 10 

carry no power.  Consequently, the SCE transmission line would no longer carry power to SCE 11 

and SCE would lose one of its four 220 kV transmission line interconnections with SDG&E.  12 

SDG&E does not believe this was the intention of the Recirculated DEIR.  Also, placing the 13 

spare transformer in service by closing the spare transformer disconnect and leaving the 14 

transmission line disconnect open will make matters worse.  Power meant for SCE would flow 15 

through both the main and spare transformers to reach SCE’s Santiago Substation.  This would 16 

put unnecessary stress on the two Trabuco 230/138 kV transformers and be considered extremely 17 

poor design. 18 

For these reasons, SDG&E assumes only one 230/138 kV transformer to be in service at 19 

the rebuilt Trabuco Substation with the transmission line disconnect closed.  SDG&E notes that 20 

when both transformers are in-service, they are both connected together on the 138 kV side of 21 

the transformer with no isolation points (circuit breakers) to divide them.  A single outage 22 

removes both transformers from service.  With this design, SDG&E will be required to replace 23 

one (or both) of the aging 230/138 kV transformers at Talega.  The Reciculated DEIR will lead 24 

to South Orange County be supplied by five 392 MVA 230/138 kV transformers; three in-service 25 

transformers at Talega, one in-service transformer at Trabuco and one spare out-of-service 26 

transformer at Trabuco.  The Project uses four in-service 392 MVA 230/138 kV transformers; 27 

two at Capistrano and two at Talega.  28 

At most, Energy Division’s design is a modified single breaker, single bus design.  29 

However, Energy Division’s design is not as reliable as a SBSB design because (a) the 30 

                                                            
39  Labeled as “N.C. Transmission Line disconnect” on Figure 4-1. 
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transmission lines connect directly to the bus without a breaker (see Figure 4-4, Area A) and (b) 1 

both the transformers are protected off the low side bus by a single breaker (see Figure 4-4, Area 2 

B).  The defects in this design are discussed more fully below. 3 

 4 

Figure 4-4  RDEIR Figure 3-5 Trabuco Substation Layout with SDG&E Comments 5 

SDG&E notes that, even if Energy Division’s design was a full SBSB, it would still be 6 

less reliable than the SDG&E Proposed Project and SDG&E preliminary Trabuco Substation 7 

BAAH designs. 8 

Per IEEE Standard 605-2008 and SDG&E Standard SES-4402, a single breaker, single 9 

bus (SBSB) design has the lowest reliability of all standard bus designs.  A bus or breaker fault 10 

causes loss of an entire bus, and in this case, the 230kV feed into Trabuco substation.  Breaker 11 

maintenance under this configuration also requires the associated Transformer outage as there 12 

are no isolation points between the circuit breakers and transformers.  While it requires the 13 

lowest cost and reduced land area, this comes at a large reliability risk.  14 

Energy Division’s design has less reliability than the already limited reliability of an 15 

SBSB design.  The offered design does not meet any of the SDG&E requirements for bus design: 16 

 This design would not normally be used in either a bulk power station or a 17 
distribution substation because of its poor reliability 18 

 This design makes the substation less safe.  Without having any 230kV breakers 19 
isolating the Transmission lines or serving as a 230kV bus tie breaker, isolation of the 20 
Transmission lines for standard maintenance on the 230kV bus, or to repair any 21 
damage on the line, becomes incredibly difficult as isolation normally requires de-22 
energizing and grounding the required element.  Strict procedures need to be written 23 
as isolation will require coordination between SCE and SDG&E.  Isolation must first 24 
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occur at both SCE sites (San Onofre Substation and Santiago Substation) at the 1 
remote ends of the Transmission Lines feeding into the proposed 230kV switchyard 2 
at Trabuco, and at the Trabuco 230kV Transformer feeds, in order to safely isolate 3 
any work areas.  The bus tie disconnect can only be operated safely after all areas are 4 
de-energized and isolated, requiring a much larger outage area than the area within 5 
which the maintenance or repair work will be performed.  If the bus tie disconnect is 6 
operated outside of this procedure, there is a safety risk of de-energizing the 230kV 7 
transmission line cable, which typically carries capacitive charging current.  8 
Interrupting capacitive charge with a disconnect switch exceeds the current 9 
interruption rating of the switch.  The typical failure mode of a disconnect switch 10 
under this condition causes the contact parts to melt.  Human operators of the switch 11 
are located in close proximity to the switch and may be subject to burns and falling 12 
debris if this occurs.  Additionally, damage to a switch renders it inoperable and an 13 
outage on the path would be required (typically multiple days) in order to replace the 14 
switch.  Normally, additional circuit breakers are installed in the line and bus tie 15 
positions in order to afford on-site switching personnel the ability to locally isolate 16 
devices and equipment, and to alleviate communication and procedural errors that 17 
may lead to this scenario.  Under Energy Division’s design, there is no way to isolate 18 
any equipment without increasing outage requirements and following the mitigating 19 
procedure above. 20 

 Reliability requirements 21 

o SDG&E’s Supplemental Testimony discussed the potential events and durations 22 
that could force long duration outages at the Talega Substation.  To add system 23 
redundancy to mitigate the effects of these outages, any alternative that serves as a 24 
redundant feed to Southern Orange County must have the capability to reliably 25 
feed the system for multiple months.  The Energy Division’s proposed design for 26 
the RDEIR Trabuco Alternative meets the need to add a second 230kV source to 27 
SOC, but fails in its attempt to reliably provide service during Talega Substation 28 
outages.  The scenarios listed below outline the reliability problems if the RDEIR 29 
Trabuco Alternative were required to feed SOC in the event of a long-term Talega 30 
Substation outage. 31 

 Transmission Line faults – any fault on either of the two 230kV feeds 32 
into Energy Division’s proposed Trabuco substation will isolate both lines, 33 
as there are no isolating devices to separate the two 230kV feeds.  By de-34 
energizing the entire 230kV bus, SOC will lose power, de-energizing all 35 
of SOC customer load.  Troubleshooting will be hampered as any potential 36 
fault would have to be evaluated from relay event records at the SCE ends 37 
of both lines, rather than at the Trabuco site (as Energy Division did not 38 
include necessary instrument transformer infrastructure to be able to 39 
capture relay events at Trabuco).  If the fault location is narrowed to either 40 
of the 230kV cables, all of the 230kV feed infrastructure would be de-41 
energized in order to troubleshoot and find the fault location (which would 42 
take hours instead of minutes due to the safety procedures required).  Once 43 
the cable was de-energized and tested, the good feed could be isolated and 44 
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used to restore service to SOC customers.  Any line faults would likely 1 
cause outages to all of the 300,000 residents of SOC for several hours, 2 
depending on fault location and the damage.   3 

 138 kV or 230kV Bus faults – Since there is no redundancy in bus design 4 
(SBSB versus a BAAH design), a bus fault on either the 230kV bus or the 5 
138kV bus would isolate the entire 230kV feed into SOC, causing an 6 
immediate outage to all SOC customers for the duration of repairs to the 7 
bus, or restoration of Talega Substation (whichever is faster).  Repairs 8 
could last from hours to days depending on the extent and location of the 9 
damage and the availability of spare parts.   10 

 Circuit Breaker/Transformer faults – A 230kV Circuit breaker fault, 11 
fault on one or more of the 230/138kV transformers, or a fault on any of 12 
the 138kV breakers on the Trabuco North Bus, will isolate the 230kV feed 13 
into SOC and cause an outage to all customers in SOC.  All of the 138kV 14 
circuit breakers on the Trabuco North Bus have isolating disconnects, and 15 
isolation and restoration of service from a failure on these circuit breakers 16 
would occur within an hour.  Under Energy Division’s Trabuco design, 17 
there are no isolation points between the 230/138kV main and spare 18 
transformer, and the 230kV and 138kV circuit breakers.  Substation crews 19 
would have to de-energize, isolate, and ground this entire infrastructure 20 
and physically cut bus sections apart to isolate the damaged equipment, 21 
allowing at least one of the 392MVA transformers to be re-energized.  22 
This process would take several hours.  If load was above the 392MVA 23 
limit, a portion of the customers in SOC would not be re-energized until 24 
either load in the system decreased, repairs were made to the faulted 25 
device, or service was restored at Talega substation (whichever is faster).  26 
Replacement of a faulted circuit breaker typically takes up to a week and 27 
replacement of a faulted transformer may take three to four weeks as 28 
mentioned in prior testimony.  Lastly, if the single 138kV Circuit Breaker 29 
serving the two 230/138kV transformers failed, all of SOC customers 30 
would experience an outage until the circuit breaker was replaced or 31 
repaired (up to one week as mentioned above), or service at Talega 32 
substation is restored.   33 

 As shown in the examples above, the configuration proposed in Energy Division’s 34 
Trabuco substation design does not provide reliable service to SOC in the event of a 35 
Talega substation outage.  SDG&E reiterates that a breaker and a half configuration is 36 
necessary to provide reliable service to Southern Orange County.  SDG&E’s 37 
Proposed Project includes a BAAH configuration. 38 

 This design violates SDG&E and industry guidelines for protective relaying, which 39 
follows the principle that during a N-1 event, only the faulted element will be 40 
removed from service.  More circuit breakers and relaying would be required to be 41 
able to isolate a single 230kV line and/or bus to make them into discrete elements 42 
(i.e. two separate 230kV transmission lines and a distinct 230kV bus).  Because there 43 
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is no isolation, the configuration is inaccurately described as two separate 230kV 1 
transmission lines feeding into the Trabuco site, as the system operates more like a 2 
single transmission line with a 230kV tapped transformer being fed off of it as John 3 
Jontry mentions in section 1 above 4 

 Cost – assuming this bus design as compared to a breaker and a half design, this 5 
design will be lower cost for initial construction, but would cost more in reliability 6 
and operating expenses. 7 

 Ease of maintenance: 8 

o Any maintenance on either 230kV TL will require both transmission lines to be 9 
de-energized and isolated per the safety procedure mentioned above.  This will 10 
isolate the whole 230kV Trabuco feed for a few hours until the 230kV bus tie 11 
disconnect can be opened to restore service.   12 

o As mentioned above, Energy Division’s design of the Trabuco substation places 13 
all 230/138kV transformers and 138kV and 230kV feeding circuit breakers 14 
together with no isolating devices from each other.  Any maintenance performed 15 
would either take all of the infrastructure out of service for the duration of the 16 
outage or substation crews would have to take outages to physically cut bus 17 
sections apart to isolate them so that partial service can be restored.  Normal 18 
transformer maintenance can last for up to one month, and circuit breaker 19 
maintenance can last as much as one week.  This may get extended if damage is 20 
found inside the piece of equipment during inspection and parts are not readily 21 
available.  Additionally, the 138kV breaker feeding both transformers will cause 22 
an outage on the whole 230kV Trabuco feed into SOC for the duration of any 23 
maintenance performed on it.   24 

 Flexibility of operation – there is little to no flexibility in this design. 25 

 Location of connecting lines – the location of the connecting 230 kV TLs is 26 
physically close, but may not be able to connect due to constraints in existing utilities 27 
in the street or having to cross Interstate 5.  28 

 For safety and reliability reasons, the bus electrical clearances must meet appropriate 29 
codes and recommendations – this design does not appear to meet required 30 
clearances, but dimensions will have to be supplied to SDG&E to verify.  It appears 31 
the 138kV bus spacing is larger than the 230kV bus spacing, meaning there is not 32 
sufficient spacing in the 230kV design to meet minimum requirements to prevent 33 
insulation breakdown of the air between energized phases, leading to a potential 34 
230kV fault under normal operating conditions. 35 

 Buses must physically be arranged to allow access to equipment for maintenance 36 
and/or replacement due to failure or upgrades – Energy Division’s proposed design 37 
does not allow physical space for maintenance on the transformers and does not allow 38 
for electrical clearances required on equipment to perform maintenance. 39 
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 Buses must be designed to meet all SDG&E standards and operating practices – 1 
Energy Division’s design does not meet SDG&E’s operating practices, fire safety 2 
requirements, or allow for maintenance requirements. 3 

 Bus arrangements should take into account future expansions and provide means for 4 
continuity of service during construction and maintenance – Energy Division’s design 5 
does not allow for any additional connections for the required voltage control device, 6 
metering between SCE and SDG&E, and/or Station Light and Power transformers.  It 7 
appears that Energy Division left a potential open position, but adding any element 8 
would require isolating breakers and disconnects on all elements already tied to the 9 
230kV bus, which Energy Division did not leave enough space to accommodate.  10 
This means the 230k position that Energy Division designed could never be used. 11 

 All bulk power transformer banks must be installed in a Breaker and Half or Double 12 
Breaker configuration and the transformer bay position must meet the overload 13 
capacity rating of 1.5 x transformer MVA rating.  Energy Division’s design does not 14 
meet any of these requirements as they seek to keep the existing 138kV bus that does 15 
not meet these ratings.. 16 

(b) The RDEIR’s Proposed 138 kV Bus Design  17 

The 138kV bus design proposed in the RDEIR is again a single beaker – single bus 18 

design since they are proposing connecting directly to the existing SDG&E Trabuco Substation 19 

138kV bus.  SDG&E constructed this bus as a SBSB design because it currently is a distribution 20 

substation and therefore does not require the reliability of a bulk power transmission substation.  21 

For the same reasons mentioned above, the 138 kV bus connected to the 2nd 230 kV 22 

source for SOC should be a breaker and half design.  This will allow the greatest reliability and 23 

results in significantly less risk of isolating the transmission grid from the load.  The 138 kV 24 

system should be considered part of the bulk power transmission substation and be built 25 

accordingly. 26 

Energy Division’s proposed design, however, provides no requirement to reconstruct 27 

Trabuco Substation’s 138 kV bus and expressly states that the “existing 138/12 kV substation 28 

equipment would not be modified, with the exception of connecting the new 138 kV circuit 29 

breaker and interconnecting bus work to the existing 138 kV system.”40  Extrapolating this 30 

decision, Energy Division’s RDEIR Trabuco Alternative dictates that SDG&E may not increase 31 

the rating of its 138kV existing bus at Trabuco, which would limit the capacity of the 230kV as 32 

they are connected together.  The lowered rating would leave Trabuco substation without enough 33 

                                                            
40  RDEIR at 2-171. 
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capacity to carry SOC load, making it insufficient to act as a full and redundant feed into 1 

Southern Orange County. 2 

In all events, even if the RDEIR Trabuco Alternative were amended to allow such work, 3 

none of it can be accomplished without an extended outage of the 138 kV bus in order for it to be 4 

replaced and upgraded to meet the capacity requirements of the 230/138kV transformers.  This 5 

would expose customers to a higher probability of forced interruption of customer service fed 6 

from Trabuco substation.  For that reason, and because of the space necessary to rebuild Trabuco 7 

in a more reliable BAAH design, SDG&E’s preliminary Trabuco Substation design phased 8 

construction by reconstructing a new 138 kV substation on newly acquired property first, so that 9 

electric service could continue while the 230 kV substation was constructed.  Instead,  Energy 10 

Division’s design for the RDEIR Trabuco Alternative dictates that SDG&E utilize an improper 11 

Trabuco Substation 138kV SBSB design that is not suited for major transmission substations.   12 

Energy Division’s Trabuco design jeopardizes SDG&E ability to construct a safe and 13 

reliable substation in accordance with prudent industry and SDG&E standards.   As a result, the 14 

RDEIR Trabuco Alternative understates the necessary project scope, construction requirements 15 

to the existing Trabuco Substation, and the space required to build this alternative. 16 

(c) Physical layout and Missing Equipment 17 

The RDEIR’s “Conceptual Site Plan” ignores what SDG&E considers basic design 18 

considerations of substation site layout requirements and the minimum equipment requirements 19 

required for the second source substation.   20 

Also, as mentioned above, Energy Division’s description of its plan does not match the 21 

drawing provided as Figure 3-5, “Trabuco Substation Conceptual Site Plan.”  Figure 3-5 shows 22 

an air insulated substation (AIS) design and the transformers in the drawing appear to be laid out 23 

in an AIS format. The text, however, states that the transformers will be housed in a 40 to 50 foot 24 

high gas insulated building.    25 

If SDG&E were to assume that Energy Division would seek to house transformers in a 26 

GIS building, this would require GIS type transformers.  If the transformers were to be housed in 27 

a GIS building, the building would need to be at least 50ft tall to meet clearances required to 28 

maintain the transformers.  For fire safety requirements, the transformers should not be housed in 29 

the same building, however if they are, then the building would need independent roofing 30 

structures and a fire wall barrier between the two transformers.  Each transformer would need 31 
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access around each transformer for maintenance and/or construction, which would require the 1 

building to be a minimum of 75ft X 190ft long assuming SDG&E’s standard 230/138kV 2 

transformers. Additional spacing may be required for the GIS terminations on the transformers.  3 

As noted above, SDG&E considers numerous factors in substation layout design—and 4 

Energy Division’s “Conceptual Site Plan” fails to meet many of them.  Moreover, the RDEIR 5 

Trabuco Alternative, and the “Conceptual Site Plan” fail to include necessary equipment.  6 

 Electrical clearances 7 

o It can’t be determined if the RDEIR’s design meets these since SDG&E has not seen 8 
any specific detailed drawings. The RDEIR conceptual plan appears to show the 9 
138kV spacing is larger than the 230kV spacing and the disconnects appears to be 10 
undersized as well (see Figure 4-4).  If 230kV spacing is increased, the proposed 11 
design may not be feasible in the given space constraints that Energy Division 12 
proposes.  See Figure 4-5 below to demonstrate how much more space is required for 13 
phase separation on 230kV as compared to 138kV. 14 

 15 
Fig 4-5 – Demonstration of 138kV vs. 230kV Phase spacing at Talega 16 

 Safe access to equipment  17 

o Drive aisles shall be designed to accommodate regional standards for all safety 18 
vehicles, consult local jurisdiction during design. The RDEIR’s “Conceptual Site Plan 19 
does not allow safe vehicle access to the transformer on the east side and does not 20 
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allow any access to the middle of the bus to make repairs/modifications with lift 1 
equipment and cranes. 2 

o Transmission substation’s drive aisle in front of transformers should be 3 
approximately 40ft to allow for placement/removal of transformers and required work 4 
on the transformer. The RDEIR’s “Conceptual Site Plan does not allow enough drive 5 
access to the east transformer to enable a crane or boom truck to work on the 6 
transformer -SDG&E’s boom trucks require 30ft of clearance to extend their stiff 7 
legs. The narrow space also would make it impossible to remove a transformer 8 
without demolition and replacement of existing infrastructure.  This would extend 9 
outage times and costs unnecessarily because of the poor site planning.    10 

o Drive aisles - The RDEIR’s “Conceptual Site Plan” spacing between the 230kV bus 11 
and north and east wall is questionable for safe access and drive-ability. This drive 12 
aisle should be between 25-30ft to allow safety and/or construction vehicles to safely 13 
turn, drive, and work.  14 

 Noise  15 

o The size of the site and transformer placements should be placed so the decibel level 16 
at the property line meets county noise requirements for the county that the substation 17 
resides in and/or any other regulatory noise specifications. Based on SDG&E 18 
experience the transformer located on the East side of the property is located too close 19 
to the property line.  There is insufficient space to install a noise barrier to mitigate 20 
these sound effects, but this may not be a major impact with the I-5 freeway near 21 
adjacent to the substation.  Additional noise levels to the North, South and West 22 
would need to be studies to determine impacts from this design and if there is an 23 
impact then a noise barrier will have to be installed.. 24 

 Fire safety (based on IEEE Std-979 IEEE Guide for Substation Fire Protection) 25 

o Access roads and gates must be at least 20 feet wide to accommodate emergency 26 
vehicles. Access roads inside the substation shall have adequate turning radius and 27 
access to all oil filled equipment.  The RDEIR’s “Conceptual Site Plan spacing 28 
between the 230kV bus and north and east wall is questionable for safe access and 29 
drive-ability and will need to be further studied. 30 

o Transmission Substations – transformers or oil containment (if required) should be a 31 
minimum of 50 feet to the wall or fence line.  If this condition is not met, a fire 32 
barrier must be installed between the transformer and wall or fence.  The RDEIR’s 33 
“Conceptual Site Plan does not allow space for the required fire wall on the East end 34 
of the property. 35 

o Separation of a transmission transformer bank should be at least 50 feet from the edge 36 
of the adjoining transformer’s containment pit or a four hour fire barrier should be 37 
installed. The fire barrier should be placed a minimum of 4 feet away from the 38 
transformer radiators to allow for air cooling.  No fire barriers are provided in Energy 39 
Division’s design. 40 
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 Water Quality and Hydromodification  1 

o All new substation sites must meet space requirements for water quality and 2 
hydromodification management criteria as required by the Regional Water Quality 3 
Control Board which is usually met through the use of underground infiltration tanks 4 
and above ground detention basins.  The RDEIR’s “Conceptual Site Plan” does not 5 
provide any space for the necessary hydromodifications.   6 

o SDG&E has estimated it will take a minimum 15% of the entire property space (as a 7 
percentage of the total existing site and additional property) to be able to install the 8 
required hydromodification requirements.  The existing Trabuco property will need to 9 
considered in the calculations since work will be done in the existing yard as part of 10 
the new construction, SDG&E’s preliminary calculations indicate approximately 0,6 11 
acres will be needed to meet this requirement. 12 

 Grounding  13 

o Ground studies must be done to determine the required ground grid that needs to 14 
be installed to safely dissipate fault current and allow for safe touch and step 15 
voltages for personnel and equipment protection.  A smaller substation site may 16 
result in less area inside the substation for required ground grid which may affect 17 
neighboring properties.  Depending on grounding studies for the substation, 18 
additional property may be required or ground wells may need to be installed. 19 

 Flexible operation. 20 

o Substation layout should be sized to allow for safe construction and maintenance of 21 
all equipment. 22 

o Substation layout’s should include room for future growth. 23 

 The “Conceptual Site Plan” does not include any allowance for required underground 24 
conduit sweeps – the proposed 230kV underground alignment may not be physically 25 
possible due to the radius required for underground 230kV cable and the space 26 
requirements for bundled 230kV underground cable.  Further studies need to be 27 
performed to verify if the proposed design is feasible. 28 

 The “Conceptual Site Plan” does not include any allowance required to safely maintain 29 
and operate equipment – this design does not allow enough access to the east side of the 30 
bus to easily maintain the transformer and its breaker.  The drive aisles should be at least 31 
25 ft and closer to 40ft next to the transformer.  This allows oil processing equipment to 32 
be placed in close proximity to the transformer for normal prescribed maintenance 33 
activities. 34 

 The “Conceptual Site Plan” does not include any allowance for the required voltage 35 
control device.  SDG&E estimate this space to be up to approximately 00.75 acres for the 36 
equipment and access requirements. 37 



68 
 

 The “Conceptual Site Plan” does not include  a BAAH configuration to provide proper 1 
reliability as a second source to Southern Orange County.  The configurations lacks 2 
disconnect switches and current interrupting circuit breakers for proper isolation of 3 
system disturbances and to provide isolation for maintenance of each element eliminating 4 
operational flexibility and necessary redundancy.  5 

 Allowances required for metering units if required at Trabuco Substation (required on at 6 
least one end of each 230kV interconnection with SCE). 7 

 The RDEIR Trabuco Alternative states that “[n]ew substation componentry would be set 8 
back from the perimeter of the parcel by at least 20 feet.”41   A 20ft setback around the 9 
perimeter of the substation would place the substation boundary nearly adjacent to the 10 
AT&T building and apparently block AT&T’s ingress and egress to AT&T’s building on 11 
its south side..  This would also most of their parking spaces on that side, significantly 12 
impacting the site operations.  13 

 Additional allowances may be required to construct the east walls along the Interstate 5 14 
freeway depending on Cal Trans’ easements. 15 

To construct the required 230kV and 138kV BAAH design, install the required voltage control 16 

equipment, hydromodifcation, and fire walls, and provide proper clearances and space for 17 

needed equipment, SDG&E’s preliminary Trabuco 230/138/12kV substation12kV design set 18 

forth in its Rebuttal Testimony Chapter 9 estimated approximately 3-4 additional acres is 19 

required. 20 

E. The RDEIR’s Claims Regarding Construction of a 230/138/12 kV 21 
Trabuco Substation Are Inaccurate  22 

For all of the reasons stated above, the RDEIR’s “Trabuco Substation Conceptual Site 23 

Design” is infeasible.  Energy Division’s proposed layout appears designed solely to fit within a 24 

prescribed space, without regard for safety, reliability, adequate equipment or compliance with 25 

regulatory standards.  SDG&E cannot construct a safe and reliable substation in the area dictated 26 

by the RDEIR’s Trabuco Alternative.    27 

In addition, the RDEIR mistakenly asserts: 28 

Major modifications to the existing Trabuco Substation would not be required as part of 29 
this alternative because the existing 138/12-kV equipment has not been identified as 30 
aging equipment by the applicant. It is anticipated that the Trabuco 130/12-kV system 31 
would remain operational while the new 230/138kV equipment is installed. Any potential 32 
disruptions of service would be limited to the time required to establish a physical 33 

                                                            
41  RDEIR at 2-171. 
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connection between the new 230/138-kV equipment and the existing 138-kV 1 
equipment.42  2 

Contrary to these statements, even if a safe and reliable 230 kV substation could be 3 

placed on the AT&T parking lot, which it cannot, the RDEIR is incorrect in assuming that no 4 

outages would be necessary on the existing Trabuco 138kV bus as part of the RDEIR Trabuco 5 

Alternative.  Incorporating the emergency loading requirements to meet 150% the rated load of 6 

both 230/138kV transformers, the existing 138 kV bus would have to meet a rating of 1176 7 

MVA, which exceeds its current ratings.   8 

To increase the ratings of the existing Trabuco 138kV bus, all electrically conducting bus 9 

would have to be increased from the existing 2.5” Al Bus to larger than 6” al bus, which requires 10 

a new design that has never been built by SDG&E.  Since SDG&E does not have a standard that 11 

fits this sizing,  it is likely that all disconnect switches and structural supporting steel would have 12 

to be replaced to meet the new requirements.    Appropriate equipment sizing would be based on 13 

studies that include seismic, short circuit, and normal flow analysis.  Work (depending on scope) 14 

would take anywhere from one to several months to perform and emergency portable equipment 15 

would likely be brought in to support distribution station loading for the duration of the outage.  16 

As mentioned in the SDG&E’s Opening Testimony, portable equipment is less reliable than 17 

normal equipment, leading to an increased risk of equipment failure and customer outage for the 18 

duration of this work.  Additionally, the Trabuco 138kV North and South Bus outages would 19 

impact Transmission load flows by offloading the 138kV transmission lines fed from Trabuco.  20 

This impact would have to be studied to determine the outage feasibility based on the effects on 21 

the Southern Orange County transmission system. 22 

This work would not address the lack of reliability arising from the failure to provide for 23 

a BAAH configuration for the 138 kV bus. 24 

F. The Rebuilt Trabuco Substation under the RDEIR Trabuco 25 
Alternative Would Not Meet Industry Standards 26 

IEEE 605-2008 reflects industry standards with respect to substation design.  With 27 

respect to SBSB design, it states: “The single bus single breaker arrangement is generally applied 28 

in substations from distribution voltage through 121 kV to 161 kV and in locations where system 29 

                                                            
42  RDEIR at 2-22. 
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reliability is not critical.”43  By contrast, with respect to BAAH design, it states: ““This 1 

arrangement is used for substations where reliability and service continuity is important. This 2 

arrangement is used extensively for voltage levels above 345 kV and some 230 kV substations 3 

due to the importance of these substations. Line switches can be added if required.”44 4 

The rebuilt Trabuco Substation design in the RDEIR Trabuco Alternative, which at most 5 

is a modified SBSB design, does not meet industry standards for substation design. 6 

G. The RDEIR Does Not Address Issues Regarding Interconnection with 7 
SCE’s Transmission System  8 

The RDEIR Trabuco Alternative does not address issues involved with interconnecting 9 

SCE and SDG&E.  Issues that will have to be resolved and that may affect the layout of the 10 

substation include: 11 

1. Where will the interconnection point be?  Typical interconnections between different 12 
entities include revenue metering at the point of change of ownership.  Energy Division 13 
fails to identify the interconnection point in its design, and does not provide sufficient 14 
space for the equipment required for revenue metering.   15 

2. If the interconnection point is in the substation, can SCE build the 230kV TL 16 
interconnection under SDG&E’s permit?  SCE may need to file an Application for its 17 
own permit to build the Transmission line unless it (a) relinquishes ownership to SDG&E 18 
of the line or portions of the line or (b) allows SDG&E to build SCE’s portions of the 19 
line.  Either option would have to be evaluated. 20 

3. At any interconnection, SDG&E will have to request permission from SCE (and vice-21 
versa) to perform any maintenance on the TLs and/or substation equipment, which may 22 
affect maintenance schedules and/or cost.  As mentioned above, close coordination would 23 
have to occur to address safety, system operability, and reliability issues caused by 24 
Energy Division’s proposed design. 25 

Section 8. Transmission and Distribution Work that Would be Required by the 26 
RDEIR Trabuco Alternative (Witness Willie Thomas) 27 

SDG&E has not had sufficient time to fully study and conduct an engineering study of 28 

the RDEIR Alternative J – SCE 230kV Loop In to Trabuco Substation.  Based on Figure 3-5 in 29 

the RDEIR, the most feasible connection to SCE is the route along Camino Capistrano and West 30 

                                                            
43  IEEE 605-2008 at 5 (emphasis added). 
44  IEEE 605-2008 at 9 (emphasis added). 
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of Interstate 5, which would require undergrounding 2-230 kV circuits southward along Camino 1 

Capistrano to the Trabuco Substation proposed 230kV yard north of the existing substation.   2 

It is unknown if there is sufficient room in Camino Capistrano to accommodate the 3 

necessary trenching, conduit, and manholes required for the 230 kV undergrounding.  Additional 4 

concerns arise from the bridge crossing over Oso Creek along Camino Capistrano. The 5 

feasibility of crossing the creek is unknown at this time, as two main point of concern include the 6 

available space for positioning of the 2-230kV lines and determining if the addition physical 7 

loading of the bridge can accommodate the additional weight.  Structural analysis and 8 

consultation with the bridge owner would need to be done to address the feasibility of crossing 9 

the creek within or attached on the outside of the bridge (side or belly of bridge).  Based on 10 

preliminary analysis there looks to be several attachments for other utilities within and on the 11 

outside of the bridge crossing Oso Creek.  If the bridge cannot accommodate the additional 12 

230kV lines an alternate route would need to be identifying to accommodate the creek crossing. 13 

Undergrounding techniques such as horizontal direction drilling may be needed and would 14 

adversely affect traffic due to spacing needed to perform the operation. This technique would 15 

also present potential environmental concerns such as frac-out during the drilling operation.     16 

There would be other traffic issues on Camino Capistrano due to the lane closure 17 

requirements to construct the trench, conduit, vaults, and cable system installation (pulling, 18 

splicing, terminations). Distribution overhead and underground facilities may also need to be 19 

relocated to accommodate the routing of the underground and installation of the 230kV riser 20 

structures. 21 

The proposed 230kV route in the RDEIR that crosses the Interstate 5 freeway is least 22 

desirable due to difficulty in obtaining Cal Trans permits to cross interstate 5, traffic control 23 

impacts along Interstate 5 during construction and maintenance, and acquisition of new 24 

easements to accommodate the routing east and west of Interstate 5.  The stringing of 25 

transmission lines across the freeway involves shutting down all lanes of the freeway multiple 26 

times, once for each phase of conductors.   27 

Additional concerns include the siting of the 230kV double circuit overhead structures on 28 

either side of Interstate 5. Referring to Figure 3-5, there looks to be limited room to locate a 29 

double circuit 230kV structure either inside the substation or adjacent to the substation and Cal 30 

Trans right of way. If a 230kV pole could be installed outside and adjacent to the north east 31 
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corner of the expanded substation yard, as indicated in Figure 3-5, it is unclear if there would be 1 

enough electrical clearance between the 230kV pole and AT&T building as well as having 2 

enough working space to install and maintain the 230kV pole. This route would also require 3 

considerable undergrounding in the business/community area east of the freeway and there may 4 

be conflicts with other utilities (water, sewer, gas, telecom, etc…) that would conflict with two 5 

230kV trench, conduit and manhole infrastructures.  6 

Section 9. A Reliable RDEIR Trabuco Substation Alternative Would Cost More 7 
Than the Proposed Project (Witness Willie Thomas) 8 

For all the reasons set forth above, the RDEIR Trabuco Alternative is infeasible.  Even if 9 

the RDEIR Trabuco Alternative were altered to allow construction of a safe and reliable 10 

230/138/12 kV substation, utilizing a BAAH configuration and the property north and south of 11 

the existing Trabuco Substation site, and to permit necessary 138 kV and 12 kV work, the 12 

RDEIR Trabuco Alternative would be more costly to ratepayers than SDG&E’s Proposed 13 

Project. 14 

 As discussed in SDG&E’s Rebuttal Testimony, Chapter 9, Section 6.B, the 15 
estimated cost of constructing a 230/138/12 kV substation at Trabuco and the 16 
relocation of the existing distribution circuits is approximately $189 - 17 
$231million.  This does not include the cost of acquiring the necessary property, 18 
which would include the cost of relocating two businesses and any AT&T 19 
communications infrastructure located at its facility.  This cost also does not 20 
include relocating the existing 138kV transmission, adding new 138kV and 21 
230kV transmission lines, permitting, mitigation, or acquiring ROW.  Thus, this 22 
cost likely will be considerably more. 23 

 To interconnect at rebuilt Trabuco Substation with an SCE transmission line, the 24 
likely path (without any engineering study) would be 0.5 miles of 230 kV double 25 
circuit underground down Camino Capistrano, at an estimated cost of $16 - $20 26 
million (includes AFUDC and EMF mitigation). 27 

 As set forth in Section 2 above, to supply MVars to SCE’s system,  a voltage 28 
control device at a rebuilt Trabuco Substation may cost as much as $81-$99 29 
million (with AFUDC, $89 million to $109 million) (appropriate size and type 30 
will require further study).   31 

 To support South Orange County voltage, SDG&E’s Proposed Project includes 32 
two 230 kV capacitors at a rebuilt Capistrano 230 kV bus.  The RDEIR Trabuco 33 
Alternative will require an additional voltage control device at either Capistrano 34 
or Talega when the existing Talega STATCOM reaches the end of its useful life 35 
at an additional cost of $81-$99 million (with AFUDC, $89 million to $109 36 
million) 37 
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 As stated in Section 6 above, Capistrano Substation still must be rebuilt as a 1 
138/12 kV substation to provide reliable electric service.  The estimated stand-2 
alone cost of rebuilding Capistrano Substation as a 138/12 kV substation, with the 3 
same configuration and location as proposed in the Proposed Project, is between 4 
$135 million and $165 million (including AFUDC, permitting and mitigation).   5 

SDG&E’s estimated cost for its Proposed Project is $384 million.  The elements of the 6 

RDEIR Trabuco Alternative, modified as noted above and for which SDG&E has had time to 7 

estimate a cost, total $518 million to $634 million.  This does not include additional costs for 8 

property acquisition and business relocation at the expanded Trabuco Substation, 138 kV 9 

upgrades to address NERC Category C violations and load shedding, 138 kV upgrades to 10 

mitigate the risk of forced outages during maintenance events, and 138 kV upgrades to make a 11 

rebuilt Trabuco Substation fully redundant for South Orange County in the event of a Talega 12 

service outage.  As discussed in Sections 2 and 3 above, to avoid NERC violations and to make a 13 

230/138 kV source at Trabuco fully redundant to Talega, SDG&E would have to:   14 

 Upgrade TL13836 to a higher rating: Talega Substation to Pico Substation; 15 

 Upgrade TL13816 to a higher rating: Pico Substation to Capistrano Substation; 16 

 Upgrade TL13846A to a higher rating: Pico Substation to TL13846 tap point; 17 

 Upgrade TL13846C to a higher rating: Talega Substation to TL13846 tap point; 18 

 Add a third Trabuco-Capistrano 138 kV line; 19 

As a result, SDG&E is confident that the RDEIR Trabuco Alternative will cost far more 20 

than the Proposed Project. 21 

Section 10. The Reasonably Expected Actions If the RDEIR Trabuco Alternative 22 
Is Selected Will Have Greater Environmental Impacts Than the 23 
Proposed Project (Witness Scott Boczkiewicz). 24 

The reasonably expected actions if the Commission selects the RDEIR Trabuco 25 

Alternative will have greater environmental impacts than SDG&E’s Proposed Project.  Although 26 

Energy Division was informed of the necessary work by SDG&E in response to data requests,45 27 

the Recirculated DEIR simply asserts that such work will not happen.  Thus, the Recirculated 28 

DEIR erroneously asserts: 29 

                                                            
45  See Attachment 54 (SOCRE ED 10-SDG&E Partial Response 1 dated July 10, 2015), 55 (SOCRE ED-
08 SDG&E Response dated May 20, 2015), and 56 (SOCRE ED-10 SDG&E Partial Response 2 dated 
July 14, 2015). 
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Existing infrastructure in the AT&T parking lot would be removed, and civil work would 1 
be conducted to establish a new pad for the 230/138-kV equipment.  New equipment 2 
would include support structures for the 230-kV double circuit transmission line, a 230-3 
kV bus, two 230-kV circuit breakers, two 230/138-kV transformers (one required and one 4 
spare), a 138-kV circuit breaker, and a new 80- x 40-foot control building. New 5 
substation componentry would be set back from the perimeter of the parcel by at least 20 6 
feet (Figure 3-5).  A small switchyard would be constructed to loop SCE’s Santiago-7 
SONGS 230-kV line into the Trabuco Substation.  The existing 138/12-kV substation 8 
equipment would not be modified, with the exception of connecting the new 138-kV 9 
circuit breaker and interconnecting bus work to the existing 138-kV system. 10 

The SDG&E South Orange County 138-kV System would not require any 11 
reconductoring under this alternative.  The Capistrano Substation would not be expanded, 12 
but equipment at Capistrano Substation found to be inadequate would be replaced.  The 13 
distribution circuit 315 (12-kV) would not be relocated.46 14 

Based upon these erroneous assertions, the Recirculated DEIR concludes that the the 15 

RDEIR Trabuco Alternative will have fewer and less significant environmental impacts than 16 

SDG&E’s Proposed Project. 17 

As stated above, Capistrano Substation must be rebuilt to provide reliable electric service.  18 

Unless the Commission directs SDG&E that it may not rebuild Capistrano Substation, 19 

Capistrano Substation will be rebuilt.  By contrast, the Recirculated DEIR repeatedly states that 20 

certain impacts will be avoided because Capistrano Substation will not be rebuilt.47  (The 21 

Recirculated DEIR, like the DEIR, makes this inaccurate assumption in assessing the 22 

environmental impacts of nearly all of the alternatives to SDG&E’s Proposed Project.)  This is 23 

incorrect and results in an inaccurate comparison of environmental impacts, as well as 24 

misinforming the Commission and the public. 25 

As stated above, a safe and reliable 230/138/12 kV substation cannot be constructed on 26 

the existing Trabuco Substation plus the AT&T parking lot.  Instead, SDG&E would have to 27 

                                                            
46  RDEIR at 2-171. 
47  RDEIR at 2-171 (“Because Alternative J does not include expanding the existing Capistrano 
Substation, the associated significant air quality impact that would result from exceeding the SCAQMD 
LST at the 6.4-acre construction site would be reduced”); 2-172 (“Alternative J is the Environmentally 
Superior Alternative for biological 1 resources (Table 5-1) compared to the other alternatives because it 
would only require about 6 acres of ground disturbance, mostly in previously disturbed areas.”); 2-172 
(“Alternative J does not include the expansion of the existing Capistrano Substation.”); 2-172 
(“Additionally, Alternative J does not include the expansion of the existing Capistrano Substation; 
therefore, the associated partial or full closures of Calle San Diego and Camino Capistrano (in the city of 
San Juan Capistrano) would not occur.”); 2-173 (“Alternative J does not include the expansion of the 
existing Capistrano Substation; therefore, the associated partial closures of Camino Capistrano in the City 
of San Juan Capistrano would not occur and significant cumulative impacts would be avoided.”) 
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acquire property both to the north and south of its existing Trabuco Substation, and engage in 1 

construction on all such property.  By contrast, the Recirculated DEIR assumes that the work 2 

would occur in a much smaller area and require less new construction.  Based upon Energy 3 

Division’s method of analyzing impacts, these assumptions result in an inaccurate assessment of 4 

the impacts on air quality, biological resources, land use and planning.48  This results in an 5 

inaccurate comparison of environmental impacts, as well as misinforming the Commission and 6 

the public. 7 

As stated above, the RDEIR Trabuco Alternative will require upgrades to SDG&E’s 138 8 

kV system both to meet NERC reliability standards and to allow a rebuilt Trabuco Substation to 9 

serve South Orange County in the event of a Talega Substation outage.  By contrast, the 10 

Recirculated DEIR asserts that no work on SDG&E’s 138 kV transmission lines would be 11 

required.  The Recirculated DEIR’s erroneous assumption results in an inaccurate comparison of 12 

environmental impacts,49 as well as misinforming the Commission and the public. 13 

Further, the Recirculated DEIR fails to acknowledge the environmental impacts of the 14 

necessary Reliability Upgrades that will be required to mitigate the interconnection’s impacts on 15 

SCE’s system and the WECC Paths.  Although it will require several years of study by SCE, 16 

CAISO and WECC to determine the necessary Reliability Upgrades in sufficient detail to 17 

determine their environmental impacts, the Recirculated DEIR does not even note that such 18 

Reliability Upgrades will be necessary and will have environmental impacts of uncertain scope.  19 

As a result, the Recirculated DEIR fails to inform the Commission and the public of the 20 

reasonably anticipated actions that would arise from selection of the RDEIR Trabuco Alternative 21 

(or any of the other alternatives that include an SCE interconnection).  22 

                                                            
48  RDEIR at 2-171 (“Based on the assumed disturbance acreages, the criteria pollutant emissions during 
construction of Alternative J would be approximately 88 percent below the construction emissions for the 
proposed project”); 2-171 ((“Alternative J is the Environmentally Superior Alternative for biological 1 
resources (Table 5-1) compared to the other alternatives because it would only require about 6 acres of 
ground disturbance, mostly in previously disturbed areas.”); 2-172 (land use analysis wrongly assumes 
only a single GIS building). 
49  RDEIR at 2-171 to 2-172 (all comparisons based on “disturbed acreage” and “shorter length of 
transmission line work”). 
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STATEMENT OF QUALIFICATIONS 1 

JOHN M. JONTRY 2 

My name is John M. Jontry. My business address is 8330 Century Park Court, San Diego, 3 

California, 92123.  I am employed by San Diego Gas & Electric Company (SDG&E) as 4 

Transmission Planning Manager.  I have been employed by SDG&E since 2005. For the past 5 

five years I have managed the Grid Planning group within the Transmission Planning 6 

department, with the primary responsibility of overseeing the annual grid reliability studies and 7 

the planning studies for major special projects such as the South Orange Country Reliability 8 

Enhancement project (SOCRE).  Prior to working for SDG&E, I worked for electric utilities in 9 

Texas and Illinois and for the Midwest Independent System Operator (MISO) in Indiana in 10 

various engineering and operational roles for approximately fifteen years.  I hold a bachelor’s 11 

degree in Electrical Engineering from the University of Illinois and a master’s degree in 12 

Industrial Technology from Eastern Illinois University.  I am a Registered Professional Engineer 13 

in the states of Illinois and Texas. 14 

I have previously testified before this Commission.  15 
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KARL ILIEV 1 

My name is Karl Iliev and my business address is 8316 Century Park Court, San Diego, 2 

California 92123.  I am the System Protection & Control Engineering Manager in the Electric 3 

Transmission & Distribution Engineering Department of San Diego Gas & Electric (SDG&E).  4 

My section’s primary responsibities are to provide protective relay and control schemes, settings, 5 

and communication systems for a safe and reliable grid, including providing technical support, 6 

scoping advice, and review of substation electrical designs. 7 

I began work at SDG&E in June 1999 as an Engineering Intern and have held positions 8 

around the company on both transmission and distribution sides ranging from planning to 9 

engineering to construction and operations.  Since 2003, I’ve held positions of increasing 10 

responsibility related to substation design and construction including work in System Protection 11 

Engineering & Maintenance, Substation Construction & Maintenance, and Substation 12 

Engineering & Design.  I was the Substation Engineering & Design Manager for over 4 years 13 

from 2009 into 2014 where my responsibities included cost estimatation, design specifications 14 

and scoping, material procurement, apparatus assessment, engineering review, substation 15 

drawing management, construction support, and real-time operational involvement for all of 16 

SDG&E’s substations and substation related capital projects. 17 

Immediately prior to obtaining full time employment with SDG&E in 2001, I graduated 18 

California State University of Sacramento with a Bachelor of Science in Electrical and 19 

Electronic Engineering with a concentration in Power Systems and a minor in Physics.  In 2004, 20 

I earned my license as a Professional Engineer in the State of California. 21 

I have previously testified before this Commission.  22 
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CORY SMITH 1 

My name is Cory Smith and my business address is 8330 Century Park Court, San Diego, 2 

California 92123.  I am employed as a Principal Engineer in the Transmission Planning 3 

Department of San Diego Gas & Electric where I have worked since 2008.  My duties include 4 

assessing SDG&E’s transmission system for compliance with NERC Transmission Planning 5 

Standards and creating technical models of SDG&E’s high voltage transmission system to assess 6 

transmission system performance.  7 

Prior to joining SDG&E, I was employed by Northeast Utilities in Berlin, Connecticut as 8 

a Senior Engineer.  My duties included the creation of technical models and the application of 9 

specialized software to assess the reliability performance of the high voltage transmission system 10 

owned by Northeast Utilities.  Before my employment with Northeast Utilities I was employed 11 

as an Engineer by the New York Independent System Operator in Schenectady, New York.  My 12 

duties included reliability assessments of the high voltage transmission system serving the State 13 

of New York. 14 

I received my Bachelor of Science degree in Electrical Engineering from Arizona State 15 

University in 1989, my Master of Engineering degree in Electric Power Engineering from 16 

Rensselaer Polytechnic Institute in 1994 and my Master of Business Administration degree from 17 

The College of Saint Rose in 2003.  In addition, I am a Registered Professional Engineer in the 18 

states of California and New York. 19 

I have not previously testified before the Commission in a proceeding.  20 
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WILLIE THOMAS 1 

My name is Willie Thomas and my business address is 8316 Century Park Court, San 2 

Diego, California 92123.  I am currently the manager of Electric Transmission Engineering and 3 

Design at San Diego Gas & Electric (SDG&E).  My duties for the past two years include 4 

managing a diverse group of designers and engineers in the design, engineering, construction and 5 

management of electric transmission facilities in the SDG&E service territory.  In addition, my 6 

duties include the development of specifications, cost estimates, budgeting, managing material 7 

and engineering service contracts, and ensuring the proper application of electrical codes, safety 8 

regulations, and regulatory agency requirements governing the design and installation of electric 9 

transmission facilities.  My previous experience includes the design and engineering for the 10 

Sycamore Penasquitos 230kV project (CPCN), the transmission facility relocations for the 11 

County of Orange La Pata Avenue Gap Closure project (Advice Letter), and the South Bay 12 

Substation relocation project (PTC).  I hold a Bachelor’s of Science in Electrical Engineering 13 

from California Polytechnic University of San Luis Obispo in 2004.  I am a licensed Professional 14 

Engineer (Electrical) in the State of California and an active IEEE member. 15 

I have previously testified before this Commission. 16 

   17 
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SCOTT BOCZKIEWICZ 1 

My name is Scott Boczkiewicz and my business address is 8316 Century Park Court, San 2 

Diego, California 92123.  I am the Air and Water Team Lead in the Environmental Programs 3 

Group, within the Environmental Services Department of San Diego Gas & Electric (SDG&E).  4 

My primary responsibilities include administrative, supervisory and technical oversight of a team 5 

that ensures company compliance with all aspects of the Federal Clean Air and Clean Water 6 

Acts, as well as compliance with state and local regulations and ordinances that protect air and 7 

water quality.  I administer technical review, permitting and environmental compliance programs 8 

for both capital projects and operations and maintenance programs. 9 

I began work at SDG&E in June 2012 as a Senior Waters and Wetlands Specialist, and 10 

have held my current supervisory position with the Air and Water Team since November 2013.  I 11 

have over 20 years of experience completing biotechnical project impact analysis and regulatory 12 

permitting for utility and commercial development projects, and specialize in wetlands science, 13 

compensatory mitigation planning and mitigation program implementation for large-scale 14 

projects.  I worked as a professional consultant for 11 years in Southern California prior to 15 

joining SDG&E, and have comparable work experience from prior positons in Oregon, 16 

Washington, New Mexico, North Dakota and Wisconsin. 17 

I graduated from the University of Wisconsin, Madison with a Bachelor of Science in 18 

Conservation Biology and a concentration in Restoration Ecology and Environmental Law.  19 

I have not previously testified before the Commission in a proceeding.   20 
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JEFFREY SYKES 1 

My name is Jeffery Sykes and my physical business address is 5057 Greencraig Way San 2 

Diego, CA 92123, my mailing address is PO Box 129831, SD1170, San Diego, CA 92112-9985.   3 

I am currently the Land Management Supervisor for the Land Services Department at San Diego 4 

Gas & Electric (SDG&E). I have been employed at SDG&E in the Land Department for over 15 5 

years. Starting as a Land Management Representative my positions have subsequently included 6 

Lead Land Management Representative, Land Services Supervisor and Land Management 7 

Supervisor. My duties as a supervisor in Land Services have included supervising the acquisition 8 

of easements for SDG&E facilities, supervising the interpretation of SDG&E land rights, 9 

advising on SDG&E land rights and the enforcement of SDG&E land rights. SDG&E currently 10 

acquires over 500 distribution and transmission easements per year primarily using our in house 11 

staff. Our Land Management staff protects SDG&E’s land rights so that those rights can be used 12 

for they were acquired for, generally the transmission and distribution of natural gas and 13 

electrical energy. SDG&E has in excess of 170,000 easements.  I hold a Bachelor’s of Science in 14 

Business Management from San Diego State University 1973, Masters of Business 15 

Administration from National University 2004. I am a licensed California Real Estate Broker and 16 

Licensed California General Contractor and an active member of the International Right of Way 17 

Association.  18 

I have previously testified before this Commission.   19 
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ROBERT FLETCHER JR. 1 

My name is Robert Fletcher Jr. and my business address is 8316 Century Park Court, San 2 

Diego, California 92123.  I am the Natural and Cultural Resources Team Lead at San Diego Gas 3 

& Electric (SDG&E). As team lead my duties include managing a team of biologists and cultural 4 

resource specialists that review potential impacts to sensitive resources from existing and 5 

proposed gas and electric transmission and distribution facilities within the SDG&E service 6 

territory. In addition, my duties include managing the natural resources portion of multiple large, 7 

complex projects concurrently by providing technical support including the preparation of 8 

environmental documents for permitting.  I also manage the implementation of project 9 

requirements, permit conditions, and mitigation activities before, during, and after construction. 10 

My previous experience includes working as a Natural Resources Environmental 11 

Specialist with SDG&E, performing many of the same duties listed above. Prior to working for 12 

SDG&E, I worked as an environmental consultant with an independent environmental consulting 13 

firm. My primary responsibilities included managing the biological construction monitoring of 14 

multiple large transmission projects for SDG&E, including multiple Wood to Steel Replacement 15 

projects and the Sunrise Powerlink line. My duties also included the allocation and management 16 

of staff and resources, budget management and invoice preparation, threatened and endangered 17 

species surveys, biological assessments, reconnaissance level surveys, focused plant/animal/bird 18 

surveys, presence/absence surveys, habitat assessments, and report preparation and production. 19 

I have not previously testified before the Commission in a proceeding. 20 

   21 
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DEBORAH SCHAFER. 1 

My name is Deborah Schafer and my business address is 4940 Carlsbad Blvd., Carlsbad, 2 

California 92058.  I am a Senior Environmental Specialist at San Diego Gas & Electric 3 

(SDG&E) and have been employed with SDG&E for 8 years. My duties as a Senior 4 

Environmental Specialist include reviewing documents and providing support within the field of 5 

natural science as it directly relates to existing and proposed gas and electric transmission and 6 

distribution facilities within the SDG&E service territory. Technical support is provided in the 7 

preparation of environmental documents for permitting under NEPA, CEQA, ESA and CESA. 8 

Overall support includes the facilitation of training for SDG&E employees as required by the 9 

SDG&E’s Habitat Conservation Plan, the management of contract biologists and their associated 10 

field work and report writing, as well as the implementation of project requirements, permit 11 

conditions, and mitigation as it specifically relates to project impacts. 12 

Prior to working for SDG&E, I worked as an environmental consultant with an 13 

independent environmental consulting firm for 8 years. My primary responsibilities included 14 

conducting a variety of biological surveys for utilities, researching, preparing and producing 15 

biological documents and training slides, monitoring construction, as well as managing staff 16 

biologists with similar responsibilities. My duties also included budget management and invoice 17 

preparation.  I hold a Bachelor of Science in Natural Resources from Humboldt State University. 18 

I have not previously testified before the Commission in a proceeding. 19 
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Attachment 45 

Joint Comment Letter Provided by USFWS and CDFW 



U.S. Fish and Wildlife Service 
Carlsbad Fish and Wildlife Office 
60 I 0 Hidden Valley Road, Suite 101 
Carlsbad, California 92011 
760-431-9440 
FAX 760-43 l-9618 

In Reply Refer To: 
FWS/CDFW-1380 124-15CPA0217 

Mr. Andrew Barnsdale 
California Publ-ic Utilities Commission 
505 Van Ness Avenue 
San Francisco, California 94102-3298 

California Department of Fish and Wildlife 
South Coast Region 
3883 Ruffin Road 
San Diego, California 92123 
858-467-4201 
FAX 858-467-4239 

APR 2 4 2015 

Subject: Comments on the Draft Environmental Impact Report for the South Orange County 
Reliability Enhancement Project, Orange County, California (SCH#20 13011011) 

Dear Mr. Barnsdale: 

The U.S. Fish and Wildlife Service (Service) and the California Department of Fish and Wildlife 
(Department), hereafter collectively referred to as the Wildlife Agencies, have reviewed the Draft 
Environmental Impact Report (DEIR) for the South Orange County Reliability Enhancement Project 
(SOCRE) dated February 23 , 2015. The comments and recommendations provided herein are based 
on the information provided in the DEIR, our knowledge of sensitive and declining vegetation 
communities in the region, and our participation in San Diego Gas and Electric ' s (SDG&E) 
Subregional Natural Community Conservation Plan/Habitat Conservation Plan (Subregional 
NCCP/HCP). 

The primary concern and mandate ofthe Service is the protection of public fish and wildlife 
resources and their habitats. The Service has legal responsibility for the welfare of migratory birds, 
anadromous fish , and endangered animals and plants occurring in the United States. The Service is 
also responsible for administering the Federal Endangered Species Act (Act) of 1973, as amended 
( 16 U.S.C. 1531 et seq.). The Department is a Trustee Agency and a Responsible Agency pursuant to 
the California Environmental Quality Act (CEQA; §§ 15386 and 15381 , respectively) and is 
responsible for ensuring appropriate conservation of the state ' s biological resources, including rare, 
threatened, and endangered plant and animal species, pursuant to the California Endangered Species 
Act (CESA; Fish and Game Code § 2050 et seq.) and Fish and Game Code section 1600 et seq. The 
Department also administers the Natural Community Conservation Planning (NCCP) program, a 
California regional habitat conservation planning program. SDG&E currently participates in the 
NCCP program by implementing its approved SDG&E Subregional NCCP/HCP. 

The purpose ofthe proposed SOCRE project is to increase the reliability and operational flexibility 
of the SDG&E South Orange County 138-kilovolt (kV) system to reduce the risk of electrical 
outages. The project includes upgrading SDG&E' s San Juan Capistrano and Talega substations; the 
construction of a new double-circuit 230-kV transmission line (approximately 7.8 miles long) from 
the San Juan Capistrano Substation to the Talega Substation, within an existing transmission line 
corridor; the relocation of several transmission line segments (approximately 1.8 miles, total) 
adjacent to Tal ega and San Juan Capistrano substations, to accommodate the proposed expansion of 
the San Juan Capistrano Substation and new 230-kV line; and the relocation of several 12-kV 
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distribution line segments (approximately 6 miles) into underground conduit and overhead on 
existing and new structures located between the San Juan Capistrano Substation and Prima 
Deschecha Landfill. In addition SDG&E will acquire approximately 9.97 acres of new right-of-way 
along 0.3 mile of new transmission line corridor within the Talega Hub/Corridor area west of the 
Talega Substation. SDG&E estimates that construction will take approximately 64 months. 

The proposed project is anticipated to permanently impact 1.59 acres and temporarily impact 2.01 
acres of coastal sage scrub, and permanently impact 2.42 acres and temporarily impact 8.42 acres of 
non-native grassland. Species found within the survey area include the State and federally 
endangered southwestern willow flycatcher (Empidonax traillii extimus) and least Bell ' s vireo (Vireo 
bellii pusillus) and the federally threatened coastal California gnatcatcher (Polioptila californica 
californica; gnatcatcher). The federally endangered arroyo toad (Anaxyrus californicus) was not 
documented during project-specific surveys, but has been documented within the survey area in the 
past (Cadre 2013 ). In addition, the proposed project is anticipated to permanently impact 0.25 acre 
and temporarily impact 1.01 acres of arroyo toad designated critical habitat, and permanently impact 
2.28 acres and temporarily impact 3.94 acres of gnatcatcher designated critical habitat. 

The Wildlife Agencies offer the following comments and recommendations (enclosure) to assist the 
California Public Utilities Commission (CPUC) in avoiding or minimizing potential project impacts 
on biological resources. We appreciate the opportunity to comment on the DEIR. If you have 
questions regarding this letter, please contact Patrick Gower (Service) at (760) 431-9440 extension 
352 or Eric Hollenbeck (Department) at (858) 467-2720. 

-h/..-Karen A. Goebel 
Assistant Field Supervisor 
U.S. Fish and Wildlife Service 

Enclosure 

Sincerely, 

Gail K. Sevrens 
Environmental Program Manager 
California Department of Fish and Wildlife 

Literature Cited 

Cadre. 2013. 2012 Status Report-Five Year Arroyo Toad Radio Telemetry/Pitfall Trapping Upland 
Habitat Characterization Pattern Study Adjacent to Planning Area 8 within Rancho Mission 
Viejo, Orange County, California. Rancho Mission Viejo, January 8, 2013. 



 

Enclosure 
Comments on the Draft Environmental Impact Report for the South Orange County 

Reliability Enhancement Project, Orange County, CA 
 

1. The Final EIR (FEIR) should include a figure that shows the location of the proposed 9.97 
acres of new rights-of-way detailed in Section 2.3.5.1.  

 
2. Table 4.4-1 in the DEIR indicates that surveys for sensitive species have not been completed 

for the 12-kV Distribution line. The FEIR should require completion of these surveys before 
the onset of project impacts to identify sensitive species present; SDG&E should then 
coordinate with the Wildlife Agencies to ensure that potential impacts to sensitive species are 
avoided and minimized to the maximum extent practicable consistent with the SDG&E 
NCCP/HCP. 

 
3. The DEIR outlines the use of helicopters in section 2.4.6, page 2-61. Because helicopters 

produce an effect commonly referred to as “rotor wash,” which emulates extreme wind 
conditions that vary based on the size of the helicopter and the proximity to the receptor, the 
Department recommends the CPUC identify sensitive biological receptors (e.g., avian 
nesting) within the FEIR. The FEIR should include a mitigation measure that establishes a 
three-dimensional biological buffer between helicopter activities and all sensitive biological 
receptors as determined by a qualified biologist. A system should be developed for the 
biological monitors to effectively convey the buffers to the CPUC, the Wildlife Agencies, and 
helicopter pilots. The helicopters should be equipped with global positioning sensors that will 
be used by SDG&E to ensure compliance with established buffers. Any incursions should be 
reported to the CPUC and the Department. The DEIR specifies the use of three classes of 
helicopters, totaling approximately 168 hours of rotor time. The DEIR does not specify how 
many hours of rotor time are anticipated for each class of helicopter. Because each size or 
class of helicopter has a different level of disturbance associated with it that can be used as a 
rough-step scale in determining future biological buffers (e.g. nests), the Department 
recommends that the FEIR provide preliminary estimates of the rotor hours for each type of 
helicopter. Actual hours should be reported to the CPUC. Given the potential biological 
impacts associated with helicopter use, including nest failures due to rotor wash, the Wildlife 
Agencies recommend that helicopter use be limited to operations where a clear net benefit to 
sensitive biological resources is proposed. As an example, in remote areas where current 
access routes are not available, helicopters have been used to deliver materials without 
requiring additional habitat disturbance associated with new access roads. This in turn limits 
future access and disturbance associated with recreation.   

 
4. The DEIR states that special status plant species were considered unlikely to occur based on 

three main criteria which rely heavily on the California Natural Diversity Database 
(CNDDB). While the Department recognizes the CNDDB as a very powerful and useful tool, 
it is a positive occurrence database. Because a positive occurrence database only reports 
current survey information, there may be gaps in cumulative survey effort relevant to the 
current project. The DEIR states that some species were excluded due to a lack of CNDDB 
records, old CNDDB records, or habitat patches being small, degraded, or isolated. Although 
it may potentially be valid to exclude degraded habitat, this document does not define 
degraded habitat, and some special status species such as southwestern willow flycatcher and 
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arroyo toad may still occur in degraded habitat. For these reasons, the Department does not 
recommend reliance on these factors for determining species presence or habitat suitability.  

 
5. Many of the focal surveys identified in the DEIR were completed in 2010. Southwestern 

willow flycatcher has been in decline in southern California in recent years1, so we 
recommend completing updated surveys for this species to inform efforts to avoid and 
minimize potential impacts to breeding territories for this species consistent with the SDG&E 
NCCP/HCP. In addition, the Wildlife Agencies recommend completing updated surveys for 
all State and federally listed species within areas not covered under the NCCP/HCP (i.e., U.S. 
Army Corps of Engineers [Corps] jurisdictional areas). Avoidance and minimization of 
impacts to sensitive habitats, sensitive species, and isolated populations should be given 
careful consideration because the severity of an impact may be exacerbated by the current 
climate.  

 
6. Figure 4.4.3 should include all preserves (e.g., Forester Ranch, Talega, Reserve at Rancho 

Mission Viejo), conserved areas, and open space areas. The DEIR (page 4.4-45) states that 
discrepancies among publicly available data prevent an accurate estimate of the impacts 
within existing conserved areas or visually depicting the impacts to conserved areas. The 
Wildlife Agencies recommend that the FEIR contain an analysis based on any available or 
additional information in order to fully enumerate the referenced impacts. We will work with 
you to ensure that you have the approximate boundaries for the areas in question to include 
figures and estimated impacts to preserves, conserved areas, and open space areas in the 
FEIR; the Service will provide you with Graphic Information System files and other 
supporting documentation. 
 

7. Based on our review of the DEIR, the Wildlife Agencies request additional coordination with 
SDG&E to determine if the project will result in impacts that are in conflict with existing 
conservation easements. If such impacts are anticipated, we request additional coordination 
among SDG&E, the Wildlife Agencies, the easement holder(s), and CPUC with the goal of 
modifying the project to avoid potential impacts to areas anticipated to be permanently 
protected. If such impacts cannot be avoided, additional coordination with the easement 
holders will be necessary to discuss a process for addressing the anticipated impacts in a 
manner that does not compromise existing conservation plans.  
 

8. The DEIR states that Preserve areas, “...include existing reserve or conservation areas 
established by regional planning documents...” (page 4.4-48). The Wildlife Agencies 
recommend the FEIR clearly state that all areas denoted as moderate, high, and very high 
quality habitat will be subject to mitigation as if they are part of an existing reserve or 
conservation area, consistent with the SDG&E Subregional NCCP/HCP (Section 6, SDG&E 
Activities within Habitat Conservation Plan Preserves). 
 

9. Section 4.4.3.3 of the FEIR should include a figure that shows the portions of the project that 
occur within designated arroyo toad and gnatcatcher critical habitat overlain on an aerial 

                                                 
1 U.S. Fish and Wildlife Service. 2014. Southwestern willow flycatcher (Empidonax traillii extimus) 5-year review: 
Summary and evaluation. Arizona Ecological Services. Phoenix, Arizona. August 15, 2014. 
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photograph with vegetation communities, locations of sensitive species, and proposed 
permanent and temporary impacts. 

 
10. Mitigation Measure MM BR-6 of the DEIR indicates that active bird nests will not be 

removed, “unless the project is expressly permitted to do so by the USFWS or CDFW.” 
Migratory nongame native bird species are protected under the Federal Migratory Bird Treaty 
Act (MBTA) of 1918 (Title 50, § 10.13, Code of Federal Regulations) and sections 3503, 
3503.5, and 3513 of the California Fish and Game Code which prohibit take of all migratory 
birds, including raptors and other nongame birds and their nests. There is no authority for the 
Department to permit such an activity, and the Service only authorizes take under MBTA in 
emergency situations involving imminent loss of life or property. The Wildlife Agencies 
recommend buffer reductions for special status species be implemented as appropriate in 
accordance with the approved plan as noted in MM BR-6 in coordination with the Wildlife 
Agencies.  

  
11. Mitigation Measure MM BR-1 of the DEIR restricts vehicular traffic in project locations to 

established construction areas. The Wildlife Agencies recommend that the FEIR specify that 
use of disturbed or low habitat value areas be given priority over undisturbed or higher habitat 
value areas that are otherwise permitted for impacts. MM BR-1 also specifies that if the 
applicant is unable to maintain a 50-foot exclusionary buffer from jurisdictional wetland 
features, the applicant will submit best management practices to the CPUC for review and 
approval. Currently, impacts to Corps jurisdictional wetlands are not covered under the 
SDG&E Subregional NCCP/HCP. As a Responsible Agency under CEQA Guidelines section 
15381, the Department has authority over activities in streams or lakes that will divert or 
obstruct the natural flow, or change the bed, channel, or bank (including vegetation associated 
with the stream or lake) of a river or stream, or use or deposit material from a streambed. The 
Wildlife Agencies recommend SDG&E notify the Corps and the Department regarding 
potential impacts to streams or wetlands.  

 
12. The Wildlife Agencies recommend MM BR-2 be revised in the FEIR to require monthly 

monitoring reports for review to be submitted to the CPUC and the Wildlife Agencies. 
Unauthorized or unexpected impacts to listed species that occur as a result of this project 
should be reported to the Wildlife Agencies and the CPUC within 48 hours. 
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San Francisco, CA 94102 

Rob Peterson 
CPUC - Energy Division 
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San Francisco, CA 94102 

 
 
Re: ED10-SDG&E Partial Response 2– PN14.2  

 
Dear Mr. Barnsdale and Mr. Peterson: 
 
Attached is ED10-SDG&E Partial Response 2.  This submittal provides responses to 
Question PN14.2 as clarified in a teleconference with Energy Division on July 10, 2015 and 
completes the utility’s response to this request. 
 
If you have any questions or require additional information, please feel free to contact me by 
phone at (858) 636-6876 or e-mail: RGiles@semprautilities.com. 

 
Sincerely, 
 
Signed 
 
Rebecca Giles 
Regulatory Case Manager 
 
Enclosures:  
 
cc: Allen Trial – SDG&E    Edward Moldavsky – ORA 

Richard Raushenbush - SDG&E  Andrew Barnsdale – ED 
Mary Turley – SDG&E   William Stephenson – ED Consultant

 Central Files - SDG&E   Nicholas Sher – CPUC 
Elizabeth Cason – SDG&E    Jacki Ayer – Frontlines 
Charles Mee – ORA    Jordan Pinjuv – CAISO 

Rebecca Giles 
Regulatory Case Manager 

San Diego Gas and Electric Company 
8330 Century Park Court 
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Question: PN14.2 

Table 14.2 was not completed as requested in Data Gap PD-14.1. Complete Table 14.2. The 
values inserted into this table should represent a standard GIS substation site and should 
not be specific to the Trabuco Substation or the South Orange County service area. Be sure 
to provide values that are detailed enough to differentiate between the different sized 
substations, as well as, provide values for each substation scenario listed. Schedule a 
conference call with the CPUC the week of July 6 to discuss typical acreage requirements 
for GIS substations. Provide meeting notes from call. 

SDGE Response: PN14.2 

During a July 10, 2015 conference call regarding Energy Division’s Data Gap 14.2, Energy 
Division clarified that the Data Gap and associated Table 14.2 is seeking information specifically 
about potential construction of a 230/138/12 kV Gas Insulated Substation (GIS) at or adjacent to 
SDG&E’s existing Trabuco Substation, which would be interconnected to an existing Southern 
California Edison (SCE) 220 kV transmission line.  Energy Division also clarified that it was not 
asking for SDG&E’s approved standard design, or a design that SDG&E considered prudent.  
Energy Division also stated that meeting notes were not to be provided.  

SDG&E has provided Energy Division with its June 24, 2015 Rebuttal Testimony, which 
responds to the Office of Ratepayer Advocates’ suggestion of such an alternative to the Proposed 
Project.  In Chapters 8 and 9, SDG&E explains that ORA’s Trabuco Substation Alternative is 
infeasible, ineffective, and would cost more than the Proposed Project.  As an initial matter, an 
SCE interconnection would delay fixing South Orange County’s reliability issues for years, have 
negative impacts on both SDG&E’s and SCE’s systems, and require Reliability Upgrades that 
will add time and costs to mitigating the risks addressed by SDG&E’s Proposed Project. 
Moreover, ORA’s proposal requires additional work to provide the same redundancy benefit as 
the Proposed Project.  Further, Trabuco Substations cannot accommodate a 230 kV substation 
without acquiring more property (displacing existing businesses), a cost not required to rebuild 
Capistrano Substation on existing SDG&E-owned property. 
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Among the points made by SDG&E with respect to a Trabuco Substation Alternative: 

 The Trabuco Substation Alternative Does Not Add a 230 kV Source at the Load 
Center for South Orange County  

Adding a 230 kV source at Capistrano Substation is more effective and efficient because of the 
close proximity to the center of load in South Orange County to Capistrano Substation.  Trabuco 
Substation is not at the load center for South Orange County.  Rather, it is located several miles 
north of the load center, with Capistrano Substation located between Trabuco and the calculated 
load center.  Generally speaking, energy injected from the 230 kV system into the 138 kV system 
will then flow towards the load center, across the 138 kV network, before it can then flow out to 
serve customer load.  Capistrano is the best of all existing locations given the load center.  

Also, Trabuco Substation is located adjacent to three 138 kV transmission lines, unlike the six 
lines that will terminate at Capistrano Substation upon completion of the SOCRE Project, and 
the four lines that currently terminate at Talega Substation.  In order for a second 230/138 kV 
source located at Trabuco Substation to be fully redundant to the existing source at Talega, and 
given that two of the lines are located on common structures south of Trabuco Substation, it 
would be necessary to add at least one additional 138 kV line from Trabuco Substation to 
Capistrano Substation.  As discussed above, energy will tend to flow south from Trabuco 
towards the load center at Capistrano Substation.  Following loss of Talega Substation, with 
Trabuco Substation acting as the sole source to South Orange County, this would result in 
several hundred megawatts of energy flowing south from Trabuco.  As both lines south of 
Trabuco (TL13834 and TL13833) share a common tower line, it is possible for a single N-2 
contingency to remove both lines from service.  This would effectively cut off Trabuco from the 
bulk of the South Orange County load.  As a second source at a rebuilt 230/138/12 kV 
Capistrano substation would enjoy connectivity from six 138 kV lines, loss of any two lines will 
still allow Capistrano to supply the bulk of South Orange County load.  As a result, substantial 
work is required on the 138 kV system to allow a 230 kV source at Trabuco Substation to serve 
South Orange County in the event of a service outage at Talega Substation.  

 An Interconnection with SCE at Trabuco Substation Would Take Years to 
Accomplish  

SDG&E’s Supplemental Testimony, Chapter 5, Section 2 explained the required process for 
SDG&E to seek interconnection with SCE’s system.  “SDG&E would need to comply with 
SCE’s Transmission Owner Tariff, the Transmission Control Agreement among transmission 
owners and the California Independent System Operator (“CAISO”), and the CAISO Tariff.”   
As described in more detail in SDG&E’s Supplemental Testimony: “SDG&E estimates that it 
would take a minimum of twelve months and could take as long as twenty-four months to 
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complete an interconnection application, System Impact Study, and a Facilities Study for an 
interconnection with SCE as described in the SCE Alternative.”   SDG&E also would need to 
obtain CAISO approval.  “SDG&E believes that such an application would go through the 
normal annual transmission planning process. Depending when the CPUC provided such 
direction, and SCE completed its studies, it could be up to a year before CAISO would decide 
whether to approve the Commission’s preferred solution (and any “Reliability Upgrades” to 
SCE’s or other systems determined to be necessary to permit the interconnection).”  The same 
process would apply if SDG&E were to seek an interconnection to SCE’s system as part of the 
Trabuco Substation Alternative. 

These steps are time-consuming, not within SDG&E’s control, likely to result in significant 
additional costs to SDG&E ratepayers (and other CAISO ratepayers), and may not result in 
approval of an SCE interconnection.   

 An SCE Interconnection at Trabuco Substation Would Have Impacts to Both the 
SCE and SDG&E Transmission Systems That Would Need to be Mitigated. 

As discussed in SDG&E’s Supplemental Testimony, Chapter 5, Section 3, an interconnection 
with SCE would parallel a robust 230 kV path with a relatively weak 138 kV network.  This 
would have the dual negative impacts of restricting the allowable flow on the 230 kV path while 
subjecting the 138 kV system to network flows for which it was not designed.  Restricting 
allowable flow on the SCE lines in South Orange County could result in limiting the transfer 
capability between the SDG&E and SCE systems, resulting in reduced import capability for both 
utilities.  In fact, such an interconnection may have a significant impact on Southern California’s 
import capability.   

Any interconnection with SCE’s 230 kV transmission lines in South Orange County would result 
in the same negative impacts – including an interconnection at Trabuco Substation.  SDG&E has 
provided Energy Division with the results of power flow analyses demonstrating such effects. 

The California ISO identified the same concerns with any alternative that would include a similar 
connection to SCE’s 230 kV system, as expressed by CAISO witness Robert Sparks: 

The Group 3 DEIR alternatives [alternatives that incorporate elements that parallel the 
South Orange County 138 kV system with the SCE 230 kV system] provide a new 
independent transmission source to serve the SDG&E’s South Orange County service 
area from the SCE system.  […]  The SCE 230 kV line is a critical facility associated 
with the transmission corridor between the Los Angeles area and the San Diego area. As 
a consequence, the Group 3 DEIR alternatives result in the 138 kV network being 
paralleled to the existing 230 kV corridor linking the Los Angeles basin and San Diego. 
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This paralleling of lower capacity networks with higher capacity networks lowers the 
overall capability of the 230 kV corridor.  

The CAISO conducted additional analysis to test the impact of the Group 3 DEIR 
alternatives on the capability of the 230 kV corridor.  Based on this analysis, the CAISO 
found numerous overloading concerns under Category B and Category C contingencies 
in the South Orange County and SCE systems.  The CAISO identified four thermal 
overloads for Category B contingencies and 52 thermal overloads for Category C 
contingencies in the 2024 Summer Off-Peak case.  Even for the 2024 Summer Peak case 
with only about 200 MW flowing northbound between the two areas, there were 3 
thermal overloads identified for Category C contingencies.  This indicates that the 
Alternatives have significant adverse impacts on the Transfer Capability between the two 
areas and system operation without further improvement in the south Orange County 
system. 

SCE’s System Impact Study is similarly likely to identify significant impacts to a number of 
important import paths and therefore require Reliability Upgrades to SCE’s and SDG&E’s 
systems at SDG&E’s expense (which would be passed on to CAISO ratepayers).  To properly 
assess the risk to the import limit, a WECC PRG (Path Rating Group) would be formed to 
determine any additional projects that would be needed to mitigate the impact to the import limit.  
These costs also would be attributed to SDG&E and then to CAISO ratepayers. 

Because none of the Reliability Upgrades or WECC projects have been identified at this time 
(and would not be for at least several years), their environmental impacts have not been assessed.   

 The Trabuco Substation Alternative Has Not Been Assessed to Determine Its 
Effectiveness and Impacts. 

ORA did not present a coherent plan of service to address the reliability issues in SDG&E’s 
South Orange County system.  ORA describes its Trabuco Substation Alternative as an 
interconnection of Trabuco Substation and an SCE transmission line, but does not describe any 
other work it recommends to address the South Orange County reliability issues (other than its 
infeasible and ineffective suggestions regarding Talega Substation, addressed in Chapter 3 of 
SDG&E’s Rebuttal Testimony). ORA’s cost estimate for its Trabuco Substation Alternative 
expressly excludes “the costs of rebuilding Capistrano Substation as a 138/12 kV substation, or 
the cost of reconfiguring the Talega Substation,” and ORA nowhere identifies any upgrades to 
SDG&E’s 138 kV system.  ORA does not discuss how the SCE interconnection may affect the 
flow of power over the 138 kV and 230 kV transmission systems in South Orange County 
specifically, and the bulk power system in Southern California generally.   
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SDG&E, which has an obligation to provide reliable electric service to its South Orange County 
customers, must address the reliability issues in its system with a coherent and comprehensive 
plan of service.  Assuming for the moment that all of the required work is feasible to construct 
and can be completed in a reasonable period of time, and based upon its preliminary analyses of 
the Trabuco Substation alternative, SDG&E sets forth below the necessary elements of a plan of 
service that includes an SCE 230 kV interconnection at an expanded and rebuilt Trabuco 
Substation.  It does not include upgrades to neighboring systems which will only be known after 
a comprehensive analysis.  

Lacking a plan from ORA or Frontlines, SDG&E made the following assumptions to create a 
high-level power flow assessment to determine the effectiveness of the Trabuco Substation 
Alternative.  The following changes were made to the model: 

 The existing Trabuco 138 kV straight bus was re-configured into a breaker and a 
half bus. 

 A new breaker and a half 230 kV bus was created for the new Trabuco Substation 
230 kV connection. 

 60 MVar capacitor banks were added to the end buses of the new Trabuco 230 kV 
breaker and a half bus. 

 One of the two SCE 220 kV transmission lines which connect San Onofre to 
Santiago was opened and the ends connected to the new 230 kV bus at Trabuco 
Substation. 

 Two 230/138 kV transformers were added to connect the Trabuco 230 kV bus to 
the Trabuco 138 kV bus. 

 Talega Banks 60 and 62 were removed. 

 WECC Path 43 was increased to 1161 MW. 

SDG&E’s power flow assessment found the following: 

 Transmission line TL695, which is connected to the Talega 138 kV bus will need 
to be replaced, and 69 kV capacitors will need to be added at Oceanside and 
Basilone Road substations.  Further analysis is needed to specify equipment size 
and location.  

 When either Talega Bank 61 or 63 is out of service, flow on Path 43 will be 
constrained. Additional analysis is needed to determine the new path flow limit. 

Table 9-1 lists transmission elements which will load above the Applicable Rating in violation of 
NERC standards.  Table 9-2 lists contingencies which will require load to be shed. 
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Table 9-1: Contingencies Leading to Violation of Applicable Ratings with Trabuco 
Substation Alternative 

 Near Term 
Transmission Planning 

Horizon 

Long Term Transmission Planning 
Horizon 

Year =  2020 2025 2030 
Contingency Overloaded Element Overloaded Element Overloaded Element 
C3:TA BK61 + TB to 
SO230 TA BK63 TA BK63 TA BK63 

C3:13846 + TB to 
SO230 - 13836 13836 

C3:TB to SO230 + TB 
to Santiago230 - 13816 13816 

Table 9-2: Contingencies Requiring Load to be Shed with Trabuco Substation Alternative 

 Near Term 
Transmission Planning 

Horizon 

Long Term Transmission Planning Horizon 
 

Year =  2020 2025 2030 
Contingency Overloaded Element Overloaded Element Overloaded 

Element 
C3:13831 + TB to 
SO230 - - 13816 

C3:13835 + 13836 - - 13846C 
C3:13835 + TB to 
SO230 - 13816 13816 

C3:13836 + TB to 
SO230 13846A, 13846C 13846A, 13846C 13846A, 13846C 

C3:13846 + TB to 
SO230 13836 13836 13836 

C3:TA BK61 + TB to 
SO230 TA BK63 TA BK63 TA BK63 

C3:TA BK61 + TB to 
Santiago230 TA BK63 TA BK63 TA BK63 

C3:TA BK63 + TB to 
SO230 TA BK61 TA BK61, TA 5E 

CB 
TA BK61, TA 5E 

CB 
C3:TA BK63 + TB to 
Sangiago230 

 
- TA BK61 TA BK61 



ED10-SDGE 07/14/15 Partial Response 2 
A.12-05-020 South County Reliability Enhancement Project Proceeding (SOCRE) 

Energy Division Data Request Proceeding Dated June 30, 2015 
Questions: PN14.2 

 

Page 7 of 16 
 

C3:TB to SO230 + TB 
to Santiago230 - 13816, TA BK61, 

TA BK63 
13816, TA BK61, 

TA BK63 

SDG&E has not thoroughly evaluated the SCE-Trabuco Alternative.  Generally, it would likely 
be necessary to upgrade the two existing lines from Trabuco to Capistrano and Laguna Niguel, 
and add a third Trabuco-Capistrano 138 kV line in order to make a 230/138 kV source at 
Trabuco fully redundant to Talega.  This would also include rebuilding and expanding the 138 
kV yard at Capistrano to accommodate the additional line termination.  SDG&E has not had 
sufficient time to estimate the cost of upgrading/adding these lines.  This would also include 
rebuilding and expanding the 138 kV yard at Capistrano to accommodate the additional line 
termination.  SDG&E may also need to construct a new dynamic voltage control device (SVC, 
STATCOM or Synchronous Condenser) at the new Trabuco Substation at an estimated cost of 
$80 million to $100 million (without AFUDC, permitting or mitigation).  Additional analysis is 
needed to determine the size of equipment. 

A single 230/138 kV transformer at a rebuilt Trabuco substation is not a feasible alternative.  
Good utility practice requires a certain level of redundancy in substation design.  SDG&E 
generally designs major bulk power substations to have multiple, redundant sources (i.e., two 
transmission sources, multiple transformers, double buses, etc.) so that planned or forced outages 
do not result in a complete loss of capacity.  A single 230/138 kV transformer would be removed 
from service for any single planned or forced outage involving the bank, and thereby remove a 
rebuilt Trabuco Substation as a source for the 138 kV network.  A 230/138 kV Trabuco 
substation fed from two 230 kV lines, through a conventional breaker & half bus arrangement, 
feeding two or more parallel 230/138 kV transformers could not be removed as a source for the 
138 kV system for any single contingency.  The single-transformer arrangement would not meet 
one of SDG&E’s objectives for this project, which is to provide a fully redundant source to 
South Orange County in the event of the catastrophic loss of Talega Substation, and thus would 
not achieve the same level of reliability as SDG&E’s Proposed Project.    

The aggregate South Orange County peak load is forecast to exceed the capacity of SDG&E’s 
standard 230/138 kV transformer (392 MVA), or even a non-standard 450 MVA transformer.  
Therefore, SDG&E would install at a minimum two 392 MVA 230/138 kV transformers at 
Trabuco and reserve space for a future third transformer to enable enough capacity to feed the 
South Orange County load center at the system peak demand.  The site for the transformers must 
be large enough to accommodate them, and will increase grading and below grade impact. 

 SDG&E’s current load forecast for South Orange County predicts load will exceed 450 
MW in 2017.  As a result, a rebuilt Trabuco Substation with a single 392 MVA or 450 
MVA transformer would not be able to provide redundancy for South Orange County in 
the event of a Talega Substation outage even before construction of the proposed Trabuco 



ED10-SDGE 07/14/15 Partial Response 2 
A.12-05-020 South County Reliability Enhancement Project Proceeding (SOCRE) 

Energy Division Data Request Proceeding Dated June 30, 2015 
Questions: PN14.2 

 

Page 8 of 16 
 

230/138/12 kV Substation would be complete.  Even if load growth is a bit slower, 
designing the system only to a near-term planning horizon is short sighted.  The expected 
service life of a transformer is over 60 years.  If a rebuilt Trabuco Substation has only a 
single 450 MVA transformer, then additional infrastructure will likely be required if there 
is unexpected load growth within the transformer’s service life.  This event would require 
installation of another transformer and the infrastructure required to connect it to the grid, 
which would require further expansion of the substation, and result in greater future 
costs. 

 Moreover, SDG&E must look at the practice of custom equipment from a global system 
perspective.  Increasing the rating of a transformer also increases the rating of the 
equipment around it.  The bus, circuit breakers, etc. must be analyzed to ensure they meet 
the larger MVA rating of the larger capacity transformer.  Moreover, to ensure reliability 
in the event the 450 MVA transformer were to fail, SDG&E would need to acquire a 
spare 450 MVA transformer as this is a non-standard size for which SDG&E has no 
spare.  It may also cause reliability issues for shortage of spares on any larger sized 
equipment that is also customized due to the higher MVA rating of the transformer.  To 
mitigate this issue, any spare equipment deemed “unique” must also be ordered and 
incorporated into SDG&E’s spare policy.  Warehousing and ongoing upkeep of these 
devices add “hidden” costs that need to be accounted for in analyzing the financial impact 
of this decision.  Additionally, impedance values must be analyzed and size/spacing must 
be custom designed to meet any increases in equipment size caused by additional cooling 
design changes in the equipment, which are necessary to meet the higher rating.   

SDG&E notes that this alternative effectively adds an interconnection between SDG&E’s 138 
kV system and SCE’s 230 kV system, where none exist today, and would subject the 138 kV 
system in SOC to significant and likely unpredictable loop flows.  This alternative presents some 
significant operational challenges that would need to be thoroughly studied.  Moreover, 
connecting to a major 230 kV transmission path may reduce the maximum amount of power 
which can be transferred into Southern California from Nevada, Arizona or Mexico.  This can 
only be determined after a thorough study of the interconnection. 

 Trabuco Substation Does Not Have Space to Add a 230 kV Switchyard, and 
Expansion Would be Difficult and Costly. 
 

o Trabuco Substation Does Not Have Space to Add a 230 kV Switchyard  

There is no room at the Trabuco Substation property for expansion to a 230/138/12 kV 
substation.  Trabuco Substation is bounded by the I-5 freeway to the east and Camino Capistrano 
to the west.  There are businesses immediately north and south of the substation.  See 
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Attachment 41 to SDG&E’s Rebuttal Testimony (Google Earth aerial photo of Trabuco 
Substation). 

SDG&E’s existing Trabuco Substation is built on a pad approximately 290 ft x 323 ft.  The 
substation was built as a single bus- single breaker 138/12 kV distribution substation, with a 
planned ultimate configuration of four 138/12 kV transformers and four 138 kV transmission 
lines.  Trabuco Substation currently has three 138 kV transmission lines and four 138/12 kV 
transformers.  Trabuco Substation was built with an older, less compact design, and thus is 
somewhat larger than Pico Substation.  However, due to its layout of the 138 kV on the west side 
of the substation, along Camino Capistrano, and the 12 kV distribution coming from the east side 
out to Camino Capistrano, there is no room for expansion inside the Trabuco Substation site.  

ORA’s Trabuco Substation Alternative proposes to convert Trabuco Substation into a 
230/138/12 kV substation.  Such a substation is considerably larger than a distribution 
substation. 

SDG&E’s requirement for a 230/138 kV transmission bus serving bulk power transformers is a 
breaker and half arrangement.  (See Attachment 30 to SDG&E’s Rebuttal Testimony).  This is 
required for a cost effective, reliable bus configuration that allows for breaker and/or bus 
maintenance without line/bank interruption and minimal disruption in a breaker failure situation.  
It is also SDG&E’s standard to build at least one spare position when constructing a new 
substation to allow for future growth and/or maintenance activities.  Doing so is prudent and 
cost-effective, while failing to do so could result in significant additional costs if rebuilding the 
substation is later necessary to address such issues.   

If Trabuco Substation were rebuilt as a 230/138/12 kV substation, the minimum requirement for 
the substation would be: 

• A 6 element 230 kV 3000A (possibly 4000A due to the SCE connection) breaker 
and half bus arrangement, with two 230 kV TL positions, two high side connections to 
the 230/138 kV transformer positions spare positions (TL and bank spare position), and a 
voltage regulating device. 

• A new expanded control shelter to accommodate the additional control & 
protection necessary for the added transmission elements 

• A minimum 12 element 138 kV  3000 amp breaker and half bus arrangement, 
with four 138/12 kV transformers, two low side connections for the 230/138 kV 
transformers, four 138 kV TLs, and spare positions. 

To allow for property line setback requirements and required landscaping required by local or 
state jurisdiction and/or noise requirements, fire safety requirements, and standard drive aisle 
access, a minimum size yard for a 230/138/12 kV substation yard would be approximately 6-7 
acres using GIS technology or approximately 12 acres using AIS technology – depending on the 
topography and arrangement of the land.  This acreage accounts for the space requirements for 
water quality and hydromodification management criteria, as required by the Regional Water 
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Quality Control Board, which is usually met through the combined use of underground 
infiltration tanks, and above ground detention basins.  This acreage also accounts for required 
drive aisles between equipment for proper maintenance access and equipment transport, 
placement of equipment for optimum EMF and noise requirements, installation of required 
underground termination connections, cable pulling space requirements, and any required pole 
placements. 

Even using GIS technology, an expanded 230/138/12 kV Trabuco Substation will not fit on the 
existing substation property.  Using GIS technology, an expanded 230/138/12 kV Trabuco 
Substation would require purchasing of the adjoining properties to the north and south of the 
existing substation site.  This acreage is necessary to allow for construction of the new and 
required 230/138 kV breaker and half bus arrangement, and a complete rebuild in the northern 
property of the existing distribution station.  

o Expanding and Rebuilding Trabuco Substation Would be Difficult and Costly 

As noted above, Trabuco Substation is bounded by the I-5 freeway to the east and Camino 
Capistrano to the west.  There are businesses immediately north and south of the substation, both 
of which would need to be acquired in order to build a 230/138/12 kV substation.  The parking 
lot to the north is part of an AT&T Operations District facility.  To expand Trabuco Substation 
would require negotiating acquisition of one or more business properties, or pursuing 
condemnation if possible.  Either would incur considerable additional cost, to be imposed on 
ratepayers, that does not exist at Capistrano Substation, where SDG&E already owns sufficient 
property to construct a 230/138/12 kV substation—and can do so efficiently while undertaking 
the required rebuild of the aging existing substation.  While a cost of the property acquisition 
cannot be obtained on such a short time frame, the cost would be substantial due to the cost of 
property acquisition, and the cost of relocating the existing businesses that would have to be 
acquired.   

The Trabuco Substation would have to be completely rebuilt to align the 230/138/12 kV within 
the narrow strip of land, while the existing Trabuco Substation remains in operation to serve 
customers.  The new 138/12 kV substation would be moved to the property north of the existing 
substation property in order to accommodate the new 230 kV GIS and bank additions in both the 
existing property and the property to the South.  Trabuco Substation has not been identified at 
this point as an aging substation required to be rebuilt, and an early rebuild would impose 
unnecessary costs on ratepayers.  

Although no preliminary engineering has been performed, the non- budgetary estimated cost to 
build a 230/138/12 kV substation at Trabuco would be higher than the proposed 230/138/12 kV 
rebuilt Capistrano Substation because Trabuco has more existing equipment than Capistrano that 
would need to be replaced in the rebuilt substation.  The estimated cost of constructing a 
230/138/12 kV substation at Trabuco and the relocation of the existing distribution circuits is 
approximately $173 - $211 million.  This cost does not include relocating the existing 138 kV 
transmission, adding new 138 kV and 230 kV transmission lines, permitting, mitigation, property 
acquisition costs, ROW, or AFUDC. 
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Attached as Attachment 39 to SDG&E’s Rebuttal Testimony is a simple block diagram of what a 
230/138/12 kV layout at a rebuilt Trabuco Substation would look like at a minimum.  This block 
diagram is based on equipment sizes from the Proposed Project’s Capistrano layout.  However, 
without a complete engineering study and detailed design work, this diagram cannot account for 
hydro modification,  setback and noise requirements, distribution and transmission lines routes 
entering/exiting the substation, or actual number and size of required underground termination 
stands and/or poles.  Also, without a complete Planning study done on the SCE interconnection, 
the final actual ratings of the equipment cannot be determined--this may affect the final size of 
the equipment which may affect the layout.  Additional property may need to be acquired to 
account for all the final engineered requirements.   

The layout and visual aesthetics of a rebuilt 230/138/12 kV Trabuco Substation would be very 
similar to the proposed rebuilt 230/138/12 kV Capistrano Substation, with two 40-50 ft GIS 
buildings required for the 138 kV and the 230 kV GIS, and a voltage control device.   

A 230/138/12 kV Trabuco Substation would have to be built in two phases.  Phase 1 would 
include moving the entire existing substation to the north and rebuilding it to include 138 kV GIS 
and equivalent distribution equipment to the existing site (four 138/12 kV transformers, four 
sections of 12 kV switchgear, and four 12 kV capacitors). Phase 2 would include removing 
existing equipment, grading, and installing the 230 kV equipment, including the two 230/138 kV 
transformers, 230 kV GIS and the required voltage control device.  This 230 kV equipment 
would be placed on the existing yard and the property acquired immediately to the south of the 
existing site.  The length of the construction would also be similar to Capistrano and would 
depend upon system outage requirements.  The estimated construction length could be between 
2-3 years. 

The impact to the area would involve site work noise and dust suppression, and construction in 
the street of Camino Capistrano for almost the entire construction length.  Street construction 
would be lengthy due to the relocation of the existing 16 distribution circuits and three 138 kV 
transmission lines and then the installation of the 230 kV transmission lines and new 138 kV 
lines to Capistrano Substation.  Traffic would also be impaired by the haul trucks required for the 
site development work. 

****************************************************************** 

Notwithstanding SDG&E’s concerns regarding the feasibility, prudence and cost of a Trabuco 
Substation Alternative, and the reduced reliability and increased cost of considering a rebuilt 
Trabuco Substation with a single, non-standard transformer, Energy Division has requested that 
SDG&E provide estimates of required acreage for rebuilding Trabuco Substation to meet the 
equipment options presented in Energy Division’s Table 14.2.  Energy Division also instructed 
SDG&E not to provide a range of acreage estimates, but rather to provide a single number.  
Energy Division’s Table 14.2 only provides for fewer 138/12 kV transformers than currently 
exist at Trabuco Substation, and thus necessitates construction of a new distribution substation.  
If the Commission were to order SDG&E to construct a 230/138/12 kV substation at and 
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adjacent to the existing Trabuco Substation, SDG&E would seek to construct the substation with 
the minimum requirements described above, which would require approximately 6-7 acres using 
GIS technology.  Subject to its expressed concerns and the caveats noted in footnotes to its 
responses to Table 14.2, SDG&E provides its responses to Table 14.2 below. 
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(1) Site Caveats 
 This acreage could decrease or increase depending upon final equipment required with SCE 

interconnection. 
 This is based on using current SDG&E equipment including SDG&E’s standard 230/138 kV 

392MVA transformer. 
 This acreage allows room for a dynamic voltage control device, which may be reduced to a static 

device upon further engineering of the Trabuco Substation Alternative. 
 This layout is not based on a detailed and engineered design.  It is simply a high level conceptual 

layout. 
 This assumes a 20 foot setback along the western length of the properties which is the same 

setback that currently exists at Trabuco. It does not account for any required setbacks on the 
north, south, or east side of the property or additional setbacks along Camino Capistrano. 

 This does not account for any geotechnical site specific requirements which may affect site 
grading. 

 This assumes we can install driveways along Camino Capistrano. 
 This assumes we can acquire (at the minimum), the property immediately north and south of 

Trabuco Substation.  The cost of doing so is unknown.  Additional property may be required to 
meet hydromodification and setback requirements as acquisition of the north and south parcels 
combined with the existing Trabuco substation property will only amount to a total of 5.7 acres. 

 This acreage assumes 25% for hydromodification/water quality but may more or less space could 
be required once detailed design and study has taken place. 

 This acreage may not meet noise requirements without additional barriers although some acreage 
has been included to minimize noise at property line. 

 This may not meet spacing required for transmission and distribution getaways or any required 
pole placements inside the substation as further study would be required to determine spacing 
required for this infrastructure. 

(2) Trabuco Substation currently has four distribution 138/12 kV transformers and 16 distribution 
circuits. To only install one distribution transformer will mean relocating approximately 90MVA of 
substation capacity to adjacent substations near Trabuco.  The two adjacent substations (Capistrano 
and Margarita) are both already heavily loaded, serving almost 160 MVA of load between them.  
Moving 90 MVA of capacity to these two substations is not possible and would trigger construction 
of a new 138/12 kV distribution substation to meet these needs.  If this occurs, it would move at least 
12 distribution circuits to the new substation site (approximately 2.5 to 3 acres) and a minimum of 
two 138 kV transmission lines to serve the new substation site. Depending on the location of the new 
substation site to the existing Trabuco load, the new substation would meet SDG&E’s standards for a 
distribution substation ultimate configuration of four 138/12 kV transformers and 16 circuits at the 
new substation site.  

(3) Trabuco Substation currently has four distribution 138/12 kV transformers and 16 distribution 
circuits. To only install two distribution transformers will mean relocating approximately 60MVA of 
substation capacity to adjacent substations located near Trabuco.  The two adjacent substations 
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(Capistrano and Margarita) are both already heavily loaded, serving almost 160 MVA of load 
between them.  Moving 60 MVA of capacity to these two substations is not possible and would 
trigger construction of a new 138/12 kV distribution substation (approximately 2.5 to 3 acres) to meet 
these needs.  If this occurs, it would move at least 8 distribution circuits to the new substation site and 
a minimum of two 138 kV transmission lines to serve the new substation site.  Depending on the 
location of the new substation site to the existing Trabuco load, the new substation would meet 
SDG&E’s standards for a distribution substation ultimate configuration of four 138/12 kV 
transformers and 16 circuits at the new substation site.  

(4) Trabuco Substation currently has four distribution 138/12 kV transformers and 16 distribution 
circuits. To only install three distribution transformers will mean relocating approximately 30MVA of 
substation capacity to adjacent substations located near Trabuco.   This impact would need to be 
studied, but it could trigger construction of a new 138/12 kV distribution substation (approximately 
2.5 to 3 acres) to meet these needs.  If this occurs, it would move at least 4 distribution circuits to the 
new substation site and a minimum of two 138 kV transmission lines to serve the new substation site. 
Depending on the location of the new substation site to the existing Trabuco load, the new substation 
would meet SDG&E’s standards for a distribution substation ultimate configuration of two 138/12 kV 
transformers and 8 circuits at the new substation site.  

(5) SDG&E does not consider it prudent to install space for only one 138/12 kV distribution transformer 
–at least one spare position is required for a portable transformer connection to mitigate the loss of 
service if the single transformer were to fail.  Moreover, SDG&E’s standard practice is to install two 
distribution transformers to reduce the risk of load dropping in the event of a single transformer 
outage; without two distribution transformers, SDG&E would seek other means of providing reliable 
service to its customers through cross-ties to other distribution substations, which has not been 
studied here. 

(6)  SDG&E does not consider it prudent to install space for only one 230/138 kV transformer–at least 
one spare position is required for a spare transformer.  As set forth above, installing a single 392 
MVA 230/138 kV transformer, or even a non-standard 450 MVA 230/138 kV transformer (with its 
attendant costs for spares and potential changes to other equipment specifications), would be 
insufficient to allow a rebuilt 230/138/12 kV Trabuco Substation to serve South Orange County load 
in the event of a Talega Substation outage, which SDG&E’s Proposed Project is able to do. 

(7) Space savings at the rebuilt Trabuco Substation acquired through installation of only one or two 
138/12 kV transformers is assumed to be gained through lining transformers/switchgear in a row from 
the West to East direction, thus gaining property back on the North End by eliminating a row of 
equipment.  Further studies would have to be performed to ensure that there is enough space to 
perform this alignment, and firewalls may be required to protect switchgear from damage caused by 
catastrophic failure of the oil containing transformers.  However, as noted above, a new distribution 
substation will be required. 
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(8) 230/138 kV transformer reduction would not necessarily reduce substation footprint as the additional 
property that could be gained on the East and West sides of the substation would likely still be 
consumed by setback requirements caused by noise, EMF, and fire safety distances.  Additionally, 
access roads inside the perimeter of the substation would not be re-routed to accommodate this 
reduction in space.  
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December 19, 2014 
 
 
Andrew Barnsdale, Project Manager 
California Public Utilities Commission 
505 Sansome Street #300 
San Francisco, CA 94111 
 

Re: CEQA Alternatives Screening Report for San Diego Gas & Electric Company’s South 
Orange County Reliability Enhancement Project, Application No. A.12‐05‐020 
 

Dear Mr. Barnsdale: 
 
San Diego Gas & Electric Company (“SDG&E”) provides the following additional comments on the 
CPUC’s “CEQA Alternatives Screening Report for San Diego Gas & Electric Company’s South Orange 
County Reliability Enhancement Project” (“SOCRE Alternatives Report”).  These comments 
supplement the comments provided on November 21, 2014.  SDG&E is continuing to complete its 
comments on the SOCRE Alternatives Report, but provides this second set of comments now to 
expedite your review. 
 

I. NERC Reliability Standards for Transmission Planning 

SDG&E has an obligation to provide reliable electric service to South Orange County.  See, e.g., D. 14-
03-004 at 13 (listing numerous statutory requirements to provide reliable electric service).  At the 
minimum, SDG&E is obligated to comply with all NERC reliability standards by, among other things, 
the Federal Power Act § 215 and its Transmission Control Agreement with CAISO.  In turn, under 
Public Utilities Code § 345: “The Independent System Operator shall ensure efficient use and reliable 
operation of the transmission grid consistent with achievement of planning and operating reserve criteria 
no less stringent than those established by the Western Electricity Coordinating Council and the North 
American Electric Reliability Council.”  SDG&E identified compliance with the NERC reliability 
standards to be an objective of the proposed Project.  
 
The SOCRE Alternatives Report discusses the NERC transmission planning standards, which establish 
minimum reliability criteria, and some of CAISO’s more stringent planning criteria.  Based upon a 
consultant’s review of certain scenarios over a 10 year planning horizon, the CPUC concludes that 
SDG&E’s current system is not forecast to violate the NERC transmission planning (“TPL”) standards 
because SDG&E is permitted under those reliability standards to drop service to its South Orange 
County customers under a host of outage events.  Therefore, the CPUC concludes that the project is not 
“necessary” to comply with the NERC standards and that projects that would provide a lower level of 
reliability to SDG&E’s South Orange County customers are proper “alternatives” to the Project. 
 

 

Mary I. Turley 
  

8315 Century Park Court, CP21C 
San Diego, CA 92123-1550 

 
Tel: 858.654.1749 
Fax: 858.637.3770 
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The Report’s discussion, however, is incomplete and therefore fails to recognize the NERC standard’s 
importance in evaluating feasible alternatives. 
 

A. TPL-003-0b (Category C) 

NERC Reliability Standard TPL-003-0b addresses “System Performance Following Loss of Two or 
More Bulk Electric System Elements.”  TPL-003-0b requires SDG&E to “demonstrate through a valid 
assessment that its portion of the interconnected transmission systems is planned such that the network 
can be operated to supply projected customer demands and projected Firm (nonrecallable reserved) 
Transmission Services, at all demand Levels over the range of forecast system demands, under the 
contingency conditions as defined in Category C of Table I.”  TPL-003-0b at 2.  Unlike TPL-002-0b, 
TPL-003-0b provides: “The controlled interruption of customer Demand, the planned removal of 
generators, or the Curtailment of firm (non-recallable reserved) power transfers may be necessary to 
meet this standard.”  Id. 

In its 2010-11 Transmission Plan at 207, CAISO found: 

The southern Orange County area in SDG&E‘s service territory demonstrates multiple Category 
C-driven issues by 2020. More than 40 combinations of contingencies can result in load shed in 
the southern Orange County area. Some of these problems are existing ones and there are SPSs to 
address these issues. Detailed contingency analysis results are presented in Appendix A. There 
are more than 40 contingencies that result in overloads in 2020 and the number is more than 70 
beyond 2025. The ISO standards do not recommend using SPS that looks at more than six 
contingencies causing more than four elements to get overloaded. 

CAISO found that these Category C issues should be mitigated through the Project.  See CAISO 2010-
11 Transmission Plan, Appendix A at 196-199. 

Notwithstanding the CAISO’s determination, the SOCRE Alternatives Report at 1-20 asserts:  

Although some transmission planning components of these standards are mandatory (see TPL-
003-0b and TPL-004-0a), the applicant is not required by NERC, WECC, or CAISO to design its 
transmission system to avoid load shedding during the types of outages addressed by NERC 
standards TPL-003-0 and TPL-004-0 (CAISO 2011a, NERC 2013c).  Category C and D events 
identified by the applicant and during CAISO’s review of the proposed project are important 
considerations (SDG&E 2012, 2014a, CAISO 2011a); however, construction of the proposed 
project is not necessary to ensure that the applicant’s South Orange County 138-kV system 
remains in compliance with NERC standards TPL-003-0 and TPL-004-0. For this reason, 
compliance with NERC standards TPL-003-0 and TPL-004-0 does not serve as a useful criterion 
for the screening of alternatives presented in this report.   

(Emphasis added).  In other words, the Report concludes that SDG&E can simply discontinue electric 
service to some or all of its South Orange County customers if any of the Category C outages occur. 

The Report’s statement is neither complete nor accurate. 
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First, the statement fails to recognize that the applicant, SDG&E, is “required by … CAISO” to mitigate 
the South Orange County Category C issues by construction of the Project.  The CAISO 2010-11 
Transmission Plan states that the Category C issues should be addressed through construction of 
“SOCRUP Alt. 3,” which is the Project.  SDG&E is required to do so pursuant to its agreement with 
CAISO.  See Transmission Control Agreement § 4.3 (“Participating TOs shall be responsible for 
operating and maintaining those lines and facilities in accordance with this Agreement, the Applicable 
Reliability Criteria, the Operating Procedures, and other criteria, CAISO Protocols, procedures, and 
directions of the CAISO issued or given in accordance with this Agreement.”)  This statement should be 
corrected.   

Second, the Commission recently expressed its disapproval of long term system planning that relies 
upon load shedding.  Decision 14-03-004 (“We agree with SDG&E and IEP that that it is not prudent to 
take a long-term system planning approach that assumes reliance on load shedding in a densely-
populated urban area as mitigation for contingency events.”)  The Report should explain why the CPUC 
is considering alternatives that rely on load shedding for long term solutions in light of the 
Commission’s agreement that it is not prudent to do so.  If the CPUC relying on the U.S. Census 
definition of “urban area” as more than one million people (Report at 1-20) to distinguish when long 
term load shedding is prudent, the CPUC should clearly state that the roughly 300,000 people in South 
Orange County served by SDG&E may be subjected to long-term load shedding while the population of 
San Diego is not.1 

Third, the Report’s conclusion that TPL-003-0b does not require SDG&E to mitigate Category C issues 
in South Orange County is inaccurate.  The Report’s conclusion is based on the assumption that SDG&E 
may simply shed load if Category C events occur.  Based on this understanding, the Report concludes 
that compliance with TPL-003-0b is not a useful screening criteria and that alternatives that do not 
mitigate the Category C issues are feasible. 

The Report’s conclusion fails to recognize that TPL-003-0b requires that before, during and after the 
failure of two or more transmission elements (a Category C event), the electric system must remain 
“System Stable and both Thermal and Voltage Limits within Applicable Rating.”   TPL-003-0b at 4, 
Table I (Column 1 under System Limits or Impacts).2  Footnote a explains: “Applicable rating refers to 
the applicable Normal and Emergency facility thermal Rating or system voltage limit as determined and 
consistently applied by the system or facility owner.  Applicable Ratings may include Emergency 
Ratings applicable for short durations as required to permit operating steps necessary to maintain system 
control.” 

The impact of this Category C requirement can be summarized as follows: 

                                                 
1  SDG&E fully serves Dana Point, San Clemente and San Juan Capistrano, and shares service with SCE in Aliso Viejo, 
Laguna Beach, Laguna Hills, Laguna Niguel and Mission Viejo. In local unincorporated communities, SDG&E fully serves 
Ladera Ranch and Las Flores and partially serves Coto de Caza.  SDG&E also serves other unincorporated areas that are not 
included in the US Census such as Wagon Wheel. 
2  The NERC Glossary of Terms defines a System Operating Limit (“SOL”) as the most limiting value that ensures operation 
within acceptable reliability criteria.  A facility thermal rating is a SOL.  SDG&E is required by NERC Transmission 
Operating Standards to operate within SOLs.  TOP-004-2_R1 (“Each Transmission Operator shall operate within the 
Interconnection Reliability Operating Limits (IROLs) and System Operating Limits (SOLs).”) 
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(1) To avoid the System Operator shedding South Orange County load (i.e., taking lines out of 
service, which stops electric service to customers served off such lines) in such an event, 
SDG&E must design its system to: (1) avoid an N-1-1 situation where a single outage of a 
transmission element would leave the system vulnerable, in the event of a second outage, to any 
line exceeding its Applicable Rating, as CAISO’s Operating Procedure 3100 would require 
preparing for such a second outage by shedding load after the first outage alone; and (2) avoid a 
situation where any Category C outage would result in any line exceeding its Applicable Rating.  
Where a line has both a normal and emergency rating, and the thermal loading of the line can be 
brought back to its normal rating within the time limit allowed by the emergency rating, then a 
line will not exceed its Applicable Rating.  However, in South Orange County, many lines have 
no emergency rating or very short-term emergency ratings (15 minutes to 30 minutes), and 
therefore load shedding must occur immediately upon the thermal loading of the line exceeding 
its normal rating. 

(2) In South Orange County, because many lines have no emergency rating or very short-term 
emergency ratings (15 minutes to 30 minutes), SDG&E’s system must be designed for immediate 
load shedding under the circumstances described above to remain within Applicable Ratings.  
Because there is insufficient time for manual load shedding, the only method for such immediate 
load shedding is a Special Protection System (SPS).  However, while CAISO considers SPS an 
appropriate mitigation tool in certain circumstances, its planning standards state: “There should 
be no more than 6 local contingencies (single or credible double contingencies) that would 
trigger the operation of a SPS.  B) The SPS should not be monitoring more than 4 system 
elements or variables.”  There are too many Category C contingencies in South Orange County 
where the Applicable Ratings would not allow time for manual adjustment of the system for 
SDG&E to utilize SPSs in compliance with CAISO planning standards.  As SDG&E is bound to 
follow CAISO planning standards, SDG&E cannot employ SPS to mitigate all of the Category C 
contingency events in SOC. 

SDG&E explains the application of TPL-003-0b’s requirement to keep “Thermal and Voltage Limits 
within Applicable Rating” in more detail below. 

The attached CAISO Procedure 3100, “System Operating Limit Establishment Procedure for the 
Operations Horizon,” explains pre-and post-contingency requirements to stay within facility ratings.  
Attached Procedure 3100A, Examples on Acceptable Thermal Performance, provides a particularly clear 
explanation.  As explained in CAISO Procedure 3100 at 15-17: 

3.6.2 Mitigating SOLs in Post-contingency State 

After a contingency occurs, the system may be in the following states: 

(1) Post-contingency Acceptable System Performance is not met. The System Operators shall 
take immediate actions to adjust the system to meet the Post-contingency Acceptable System 
Performance. 

(2) All Post-contingency Acceptable System Performance is met. However, Pre-contingency 
Acceptable System Performance is not met. The System Operators shall take immediate actions 
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to adjust system to meet the Pre-contingency Acceptable System Performance within applicable 
time duration. 

(3) All Post-contingency Acceptable System Performance and Pre-contingency Acceptable 
System Performance are met. However, studies indicate that the system will experience 
unacceptable post-contingency performance if another contingency is to occur. The system needs 
to be adjusted as soon as practicable to prepare for the next contingency. 

3.6.3 Mitigating Thermal Limited SOLs 

While there are stability or voltage limited SOLs within the ISO system, the majority of the SOLs 
are established based on thermal limitations.  Since no facility should be operated above its 
applicable thermal limits, an SOL may be established as a pre-contingency flow limit to ensure 
that following a contingency, all facilities remain within their applicable Facility Ratings. For 
these flow limits, System Operators must be aware what facilities are being protected under their 
applicable facility ratings, so that if the contingency occurs, they can take appropriate actions. 

Facility ratings are generally defined as normal or short-term with the distinction being that 
normal ratings may be used continuously whereas use of short-term ratings is time limited. In 
addition, there may be multiple short-term ratings with different time limits applicable for their 
use. In all cases, ratings must have a time duration (whether continuous or other) specified for 
that rating. 

When a pre-contingency flow limit is established, it is important to understand that if the actual 
pre-contingency flow is at or near the flow limit, three scenarios exist for post-contingency flow 
(as illustrated in 3100A, WECC Examples on Acceptable Thermal Performance): 

1. Post-contingency facility loading may be within normal ratings1 in which case no further 
action is necessary. 

2. Post-contingency facility loading may be above normal ratings, but within a defined short-term 
rating. In that case the System Operator must take whatever action is necessary to return facility 
loading to an applicable continuous rating within the time frame allowed by the short-term rating. 
For example, consider a line with the following ratings: 

 
Description  Limit  Duration  
Normal  800 MVA  Continuous  
Short-term 4-hour  900 MVA  4 hour  
Short-term 15-min  950 MVA  15 min  

And assume that the post-contingency loading of the line is 910 MVA. In this case the line 
loading is within its 15 minute short-term rating and the System Operator has 15 minutes to 
return line loading to an appropriate lower level. In most cases this will be to the 800 MVA 
normal rating; however, each Participating Transmission Owner defines short-term ratings based 
on its facility rating methodology and the conditions under which they may be applied. It is 
possible, for example, for the 15 minute rating to be based on returning the line loading to be 
within the 4 hour rating in 15 minutes and to be within the normal rating in an additional 4 hours. 
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… 

However, for facilities in SCE, SDG&E, and VEA, the facility rating methodology is to return 
the facility loading below the next available lower short-term rating within the associated time 
duration, then to return the facility loading below the normal rating within additional time 
duration associated with the lower short-term rating. In the absence of specific instructions to the 
contrary as provided by SCE, SDG&E, or VEA, it is assumed that following a contingency 
which loads some facility above its normal rating, but within a defined short-term rating, the 
facility loading can be returned below the next available lower short-term rating within the 
associated time duration and then be returned below the normal rating within the additional time 
duration as specified for the lower short-term rating in use2. 

3. Post-contingency facility loading may be above all defined ratings. If pre-contingency loading 
was within the defined pre-contingency SOL, this should not be the case; however, if at any time 
any facility is loaded above its highest defined short-term rating, the System Operator shall take 
immediate actions to get the facility loading within its defined rating. 

A clear distinction needs to be made between exceeding a pre-contingency flow limit and 
exceeding all defined Facility Ratings. If a pre-contingency flow limit is being exceeded, actions 
must be taken to either reduce loading or mitigate the concern, (such as checking with the facility 
owner to determine if higher short-term ratings can be applied based on current conditions). If 
some facility is loaded above all defined ratings for that facility, 

(Footnote omitted).  Again, attached CAISO Procedure 3100A provides a clear depiction of the different 
scenarios. 

Under TPL-003-0b, Category C3 provides that the assessed contingency is as follows: “Category B (B1, 
B2, B3, or B4) contingency, manual system adjustments, followed by another Category B (B1, B2, B3, 
or B4) contingency.”  This “N-1-1” scenario means that, after a single outage, SDG&E must be able to 
make manual system adjustments that will allow the system to perform within applicable ratings (the 
SOL) in the event of another outage.   

During normal operations, SDG&E operators monitor system conditions and make adjustments as 
necessary to maintain reliability.  Following a single element outage (N-1), the Transmission Security 
Management (TSM) software will assess the system to determine if a second element outage, referred to 
as (N-1)-1, will create a system condition which will results in an overload.  If the TSM finds a potential 
overload exists, then operators must take action to prevent the overload prior to the second outage.  In 
laymen’s term, “operators are securing the system for the next outage.”   

In South Orange County, because there is no significant generation to turn on to reduce overloads, the 
only option is to shed load (i.e., stop serving customers).  This will result in lowering the flow of power 
through the overloaded element and removing the overload.  Therefore, in South Orange County, 
following the loss of a single element system, operators must make adjustments to prepare for the loss of 
the next element (Category C) and the only option is to shed load. 
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The time within which SDG&E must make such adjustments, i.e., shed load, is determined by the line 
ratings.  When a transmission line has a thermal overload, the temperature of the metal conductor 
increases.  For overhead lines, as the conductor heats up, the transmission line will sag.  Under CPUC 
General Order 95, SDG&E’s transmission lines must maintain certain clearances from the ground and 
structures.  Whether there is tolerance for sag depends on the circumstances of each transmission line.  If 
the temperature continues to increase, at some point the conductor will be damaged, requiring 
replacement of the line and a long duration outage.   

In setting Normal and Emergency Ratings, a utility must take into account the physical limitations of the 
conductor itself, the construction of the line and tolerance for any sag, the normal demand on the line 
and, if any emergency rating is set, how long the line can be above the normal rating before the physical 
limits are exceeded. 

In South Orange County, SDG&E’s transmission lines were designed for maximum loading without 
margin for emergency ratings.  This was an acceptable practice when these transmission lines were 
constructed.  The Normal Rating of the South Orange County transmission lines have been set at the 
maximum load that SDG&E believes can be safely accommodated by these lines.  There is no tolerance 
for sag on many of these transmission lines.  Although some lines have short emergency ratings (15 to 
30 minutes), other lines have no Emergency Ratings.   

Because there are no Emergency Ratings some lines in South Orange County, and because TPL-003-0b 
requires that all other lines in SDG&E’s South Orange County system remain within Applicable Ratings 
even after specified outages of two other transmission elements, SDG&E’s measures to reduce overloads 
on other lines must be essentially instantaneous or SDG&E will be in violation of TPL-003-0b.   

To keep the system within Applicable Ratings during a Category C contingency, on lines with no 
emergency rating (or a short emergency rating), there is no time for operators to manually determine 
which load to shed.  Instead, an automatic protection system must be utilized to disconnect customers 
within seconds after the other elements fail.  These automatic protection systems are known as Special 
Protection Schemes (“SPS”). 

SDG&E employs SPS in accordance with CAISO planning standards.  Under its Transmission Control 
Agreement with CAISO, Section 6.1.3: “In operating and maintaining its transmission facilities, each 
Participating TO shall take proper care to ensure the safety of personnel and the general public.  It shall 
act in accordance with Good Utility Practice, applicable law, the CAISO Tariff, CAISO Protocols, the 
Operating Procedures, and the Applicable Reliability Criteria.”  CAISO has adopted Planning Standards 
as authorized by the CAISO Tariff.  The CAISO Planning Standards currently in effect are effective 
from September 18, 2014 to March 30, 2015. 

CAISO has considered the advantages and disadvantages of SPS, and provided guidance on the use of 
SPS to mitigate Category C and D contingencies: 

As stated in the NERC glossary, a Special Protection System (SPS) is “an automatic protection 
system designed to detect abnormal or predetermined system conditions, and take corrective 
actions other than and/or in addition of faulted components to maintain system reliability.” In the 
context of new projects, the possible action of an SPS would be to detect a transmission outage 
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(either a single contingency or credible multiple contingencies) or an overloaded transmission 
facility and then curtail generation output and/or load in order to avoid potentially overloading 
facilities or prevent the situation of not meeting other system performance criteria. … 

The primary reasons why SPS might be selected over building new transmission facilities are that 
SPS can normally be implemented much more quickly and at a much lower cost than 
constructing new infrastructure. In addition, SPS can increase the utilization of the existing 
transmission facilities, make better use of scarce transmission resources and maintain system 
reliability.  Due to these advantages, SPS is a commonly considered alternative to building new 
infrastructure in an effort to keep costs down when integrating new generation into the grid 
and/or addressing reliability concerns under multiple contingency conditions.  While SPSs have 
substantial advantages, they have disadvantages as well.  With the increased transmission system 
utilization that comes with application of SPS, there can be increased exposure to not meeting 
system performance criteria if the SPS fails or inadvertently operates.  Transmission outages can 
become more difficult to schedule due to increased flows across a larger portion of the year; 
and/or the system can become more difficult to operate because of the independent nature of the 
SPS.  If there are a large number of SPSs, it may become difficult to assess the interdependency 
of these various schemes on system reliability.  These reliability concerns necessarily dictate that 
guidelines be established to ensure that performance of all SPSs are consistent across the ISO 
controlled grid. 

CAISO Sept. 2014 Planning Standards at 9.   

Given these concerns, CAISO set specific guidelines for the use of SPS that are binding on SDG&E.  
SPS6 provides: “A) There should be no more than 6 local contingencies (single or credible double 
contingencies) that would trigger the operation of a SPS.  B) The SPS should not be monitoring more 
than 4 system elements or variables.”  Id. at 10.   

The SOCRE Alternatives Report at 1-16 recognizes that CAISO found that too many SPS would be 
required in South Orange County to mitigate the many Category C issues, noting: “CAISO described the 
need for the project based on CAISO guidelines that recommend Special Protection Systems not be used 
to address more than six contingencies that could cause more than four elements to overload and because 
the large number of potential Category C events identified exceeds this amount.”  But the Report then 
fails to recognize that, because the Category C overloads cannot be mitigated by SPS, other SDG&E 
transmission lines will exceed their Applicable Ratings.  SDG&E more recent analysis, using 2014 load 
forecasts, still finds too many Category C contingencies requiring instantaneous load shedding to be 
addressed with SPSs within CAISO guidelines.  As a result, SDG&E will be in violation of TPL-003-0b.  
Any alternative to the proposed Project must mitigate these violations. 
 

II. Talega Substation Maintenance Outages 

Under NERC TPL-004-0b, SDG&E considers “System Performance Following Extreme Events 
Resulting in the Loss of Two or More Bulk Electric System Elements (Category D).”  Such events may 
include “Loss of a substation (one voltage level plus transformers).”  Utilities study such events to 
determine whether the outage risk makes it prudent to mitigate such risk. 
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Because Talega Substation is the source of all power to South Orange County, Category D events at 
Talega Substation (loss of the 230 kV service or the loss of 138 kV service) would drop service to all 
SDG&E customers in South Orange County—roughly around 300,000 people. 

However, because Talega Substation is the sole source, a single forced outage (such as Category B 
events) that occur during a planned maintenance outage at Talega will drop service to all or some 
SDG&E customers in South Orange County.  See CAISO 2010-2011 Transmission Plan at 207 (“Failure 
of certain components in this area under maintenance conditions can result in loss of entire South 
Orange County load which is expected to be about 523 MW by 2020. There are 16 combinations of 
credible contingencies just at Talega substation which result in loss of partial or complete Orange 
County load under maintenance condition.”) 

South Orange County peak load exceeds 300 MW and loss of all load is a “NERC reportable event” 
requiring an investigation into the event.  SDG&E must perform maintenance at its Talega Substation.  
SDG&E can only perform maintenance without a risk of losing some or all South Orange County load if 
there is a second source of power into the South Orange County system.   

Any alternative to the Project should only be considered feasible if it provides such a second source. 
 
III.  No Project Alternative 

Under CEQA Guideline § 15126.6, Energy Division must consider a “no project” alternative.  Section 
15126.6(e) provides: “The “no project” analysis shall discuss the existing conditions at the time the 
notice of preparation is published, or if no notice of preparation is published, at the time environmental 
analysis is commenced, as well as what would be reasonably expected to occur in the foreseeable future 
if the project were not approved, based on current plans and consistent with available infrastructure and 
community services.”  (Emphasis added). 
 
As discussed above, SDG&E has an obligation to meet NERC reliability standards and CAISO planning 
standards.  If the Commission were to select the “no project” alternative, SDG&E would have an 
obligation to implement, or where necessary seek authorization to implement, other projects in an 
attempt to ensure compliance with NERC reliability standards as well as more stringent CAISO 
standards.   
 
SDG&E’s Proponent’s Environmental Assessment (“PEA”) identified the projects that SDG&E would 
implement, or where necessary seek authorization to implement, if the Commission were to select the 
“no project” alternative.  See PEA at 5-3 to 5-7 (“SDG&E would be required to undertake other 
construction activities in order to continue providing electric service within South Orange County.  
These construction activities would likely result in their own significant short-term environmental 
impacts similar to the Proposed Project and could also result in potential long-term impacts not 
attributable to the Proposed Project due to requirements for additional easements and ROW.  For 
additional description of theses potential effects, see the Rebuild South Orange County 138kV System 
Alternative.”)  In response to ORA’s Data Request 6, Question 6, of which Energy Division received a 
copy. SDG&E stated: “These projects would be the same as those identified under the ‘Rebuild the 
SDG&E Northern 138kV System Alternative.’”   
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The Rebuild the SDG&E Northern 138kV System Alternative consists of adding a dynamic 
voltage control device and replacing two 230/138kV transformers at the Talega Substation, 
rebuilding the existing Capistrano Substation, upgrading several 138kV transmission lines, 
modifying three 230kV transmission lines and adding a new 138kV transmission line from San 
Luis Rey Substation to San Mateo Substation.  This additional 138kV transmission line at San 
Luis Rey Substation, located in the city of Oceanside, County of San Diego would also require 
the addition of two new 230/138kV transformers.  The addition of new transformers would 
require an expansion of the existing San Luis Rey Substation.  The addition of the dynamic 
voltage control device at Talega Substation would require an expansion of the existing facility.  
The CAISO, when presented with this project, rejected the Rebuild the SDG&E Northern 138kV 
System Alternative due to the costs, which are significantly greater than the Proposed Project.   

PEA at 5-20 to 5-21. 

Contrary to SDG&E’s identification of “what would be reasonably expected to occur in the foreseeable 
future if the project were not approved,” CEQA Guideline § 15126.6(e), the SOCRE Alternatives Report 
says only: 

The components of the No Project Alternative described in this report were defined by the CPUC 
with input from the applicant. Regardless of whether the proposed project is constructed, it is 
reasonably foreseeable that the following would occur prior to 2018 (SDG&E 2012, CAISO 
2014d): 

o Talega Substation’s STATCOM would be replaced; and 
o Between 2015 and the end of 2017, two new, dynamic synchronous condensers 

(approximately 700 MVARs at 230 kV)14 would be installed in locations within the 
South Orange County service area as approved by the CAISO to provide additional 
reactive power support in the proposed project area. 

No other improvements to the applicant’s 138-kV and 230-kV transmission systems in addition 
to the STATCOM and dynamic synchronous condenser installations are included as part of the 
No Project Alternative.  It is assumed, however, that energy efficiency improvements and energy 
generation installations that would incrementally reduce load on SDG&E’s South Orange County 
138-kV system will continue to be implemented throughout the 10-year planning horizon. 

SOCRE Alternatives Report at 3-3 (emphasis added). 

SDG&E notes that replacement of two transformers at Talega Substation is estimated to cost between 
$15-20 million dollars and replacement of the STATCOM at Talega Substation to maintain voltage 
support is estimated to cost $80-100 million dollars.  This cost estimate does not include the potential 
purchase of additional property to accommodate the replacement equipment.  Neither of these 
replacements at Talega Substation is needed if the Proposed Project is constructed. 

The No Project Alternative described in the SOCRE Alternatives Report does not accurately reflect 
“what would be reasonably expected to occur in the foreseeable future if the project were not approved,” 
as required by CEQA Guideline § 15126.6(e).  As stated in the SOCRE Alternatives Report, the No 
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Project Alternative “would not substantially reduce the risk of instances that could result in the loss of 
power to customers served by the South Orange County 138-kV system through the 10-year planning 
horizon.”  As a result, SDG&E would be obliged by its obligation to provide its customers with reliable 
electric service to implement, and where necessary to seek authorization to implement, the projects 
identified above.   

Consideration of the No Project Alternative must consider the environmental impacts of the work that 
SDG&E reasonably expects to perform (or seek permission to perform) if the No Project Alternative is 
selected. 

********************************************************* 
 
SDG&E appreciates Energy Division’s consideration of these comments and will continue to work 
diligently to provide complete comments on the SOCRE Alternatives Report. 

Sincerely, 

 

Mary I. Turley 

SDG&E Project Manager 
 



 
 
 
 

 
 
 
 
 

EXHIBIT 8 

CAISO Corrected May 26, 2015 Testimony of Robert Sparks 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 



Application No.: 12-05-020 

Exhibit No.:   

Witness:  Robert Sparks 
 
 
 
 
 
In the Matter of the Application of San Diego Gas & 
Electric Company (U902E) for a Certificate of 
Public Convenience and Necessity for the South 
Orange County Reliability Enhancement Project. 

Application 12-05-020 

 
 
 
 
 
 
 
 

CORRECTED TESTIMONY OF ROBERT SPARKS 
ON BEHALF OF THE CALIFORNIA INDEPENDENT SYSTEM OPERATOR 

CORPORATION 

 



Table of Contents 

I.  CAISO RELIABILITY OBJECTIVES FOR THE SOCRE PROJECT .......................... 2 

II.  DEIR ALTERNATIVES TO THE SOCRE PROJECT ................................................ 11 

III.  CONCLUSION .............................................................................................................. 21 

 

 

 



BEFORE THE PUBLIC UTILITIES COMMISSION OF THE 1 
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 3 
 4 
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CORPORATION 7 
 8 

Q. What is your name and by whom are you employed? 9 

A. My name is Robert Sparks. I am employed by the California Independent System 10 

Operator Corporation (CAISO), 250 Outcropping Way, Folsom, California as 11 

Manager, Regional Transmission. 12 

 13 

Q. Please describe your educational and professional background.  14 

A. I am a licensed Professional Electrical Engineer in the State of California. I hold a 15 

Master of Science degree in Electrical Engineering from Purdue University, and a 16 

Bachelor of Science degree in Electrical Engineering from California State 17 

University, Sacramento. 18 

 19 

Q. What are your job responsibilities? 20 

A. I manage a group of engineers responsible for planning the CAISO controlled 21 

transmission system in southern California to ensure compliance with NERC, 22 

WECC, and CAISO Transmission Planning Standards in the most cost effective 23 

manner. 24 

 25 

Q. What is the purpose of your testimony? 26 

A. The purpose of my testimony is to provide the technical analysis underlying the 27 

CAISO’s recommendation that the Commission approve San Diego Gas & Electric 28 
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Company’s (SDG&E) Application for a certificate of public convenience and 1 

necessity for the South Orange County Reliability Enhancement (SOCRE) project. 2 

This testimony presents an updated analysis of reliability needs in the South Orange 3 

County area and a comparative analysis of the SOCRE project versus the 4 

alternatives studied in the Energy Division’s Draft Environmental Impact Report 5 

(DEIR). Based on this updated analysis, the CAISO continues to see reliability 6 

needs for the SOCRE project and found that the SOCRE project is superior to the 7 

other DEIR alternatives because it is more effective at resolving the identified 8 

reliability needs without having negative system impacts on other reliability 9 

requirements. The CAISO’s recommendations are discussed in more detail in the 10 

testimony of Mr. Neil Millar on behalf of the CAISO.  11 

 12 

I. CAISO RELIABILITY OBJECTIVES FOR THE SOCRE PROJECT 13 

Q. What is the primary driver for the need for the SOCRE project in the South 14 

Orange County area?  15 

A. The SOCRE project is necessary to meet reliability requirements specified by the 16 

North American Electric Reliability Corporation (NERC) and the CAISO Planning 17 

Standards. As noted in the 2010-2011 transmission plan, the primary driver for the 18 

SOCRE project was the exceedance of applicable ratings during multiple Category 19 

C contingencies under Planning Standard TPL-003. In addition, the CAISO has 20 

identified numerous potential NERC violations of TPL-002 and TPL-003 during 21 

planned maintenance outages at the Talega Substation. These reliability concerns 22 

cannot be met by existing or expanded remedial action schemes in the study area.  23 

 24 

The timing of the SOCRE project was driven by the need for capital maintenance to 25 

be conducted by SDG&E. The capital maintenance needs provided the opportunity 26 

more efficiently to leverage other construction work to address the excessively 27 

complex remedial action schemes in the area and further demonstrated the 28 

inadequacy of the existing system to adequately accommodate maintenance or 29 

construction-related outages.  30 
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Q. When is the SOCRE project needed to comply with the NERC Standards? 1 

A. Notwithstanding a significant reduction in long-term load forecast for the South 2 

Orange County area, the SOCRE project is needed immediately, and the reliability 3 

concerns worsen over time.1 The CAISO conducted an updated analysis for this 4 

proceeding and found that the reliability concerns are comparable with those 5 

initially identified in the CAISO’s 2010-2011 transmission plan. 6 

 7 

Q. Please explain the CAISO’s analysis conducted for this proceeding. 8 

A. The CAISO conducted power flow studies on the 2024 summer peak case for all 9 

Category A, B, C and D contingencies in the South Orange County 230/138 kV 10 

system without the SOCRE project.2  11 

 12 

Table 1 presents a summary comparison of the reliability concerns identified in the 13 

CAISO’s updated analysis and the reliability concerns identified based on the 14 

underlying assumptions used in the 2010-2011 transmission plan.3  Table 1 also 15 

shows the impact of the SOCRE project on the 2024 case, which indicates that all 16 

reliability concerns are resolved. A detailed comparison of thermal overloads for the 17 

most severe contingencies is provided in Table A-2 of Appendix A. All thermal 18 

overload results under all contingencies for both cases are provided in Tables A-3A 19 

and A-3B of Appendix A, respectively.  20 

 21 

  22 

                                                 
1 The forecasted 2024 1-in-10 coincident peak load in South Orange County is 489.5 MW. In addition, the 
CEC’s 2024 1-in-10 coincident peak load includes a 43 MW load reduction which results in a net peak load in 
the summer 2024 of 446 MW, or about 13% lower than net peak load forecast used in the 2010-2011 
transmission plan. 
2 The CAISO also notes that the 2013-2014 transmission plan identified sixteen Category C contingency 
overloads in the South Orange County area with forecasted loads for the year 2015. 
3 The CAISO’s updated analysis used the 2024 Summer Peak Case to determine reliability concerns. The 
2010-2011 transmission plan analysis used the 2020 Summer Peak Case. 
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Table 1   Summary Comparison of Reliability Concerns 1 

Pre‐Contingency 
System Condition 

NERC 
Standard 

Total number of reliability concerns  

Power Flow Concerns 

Without  the SOCRE project 
With the SOCRE 

project 

Updated 
Analysis  

2010‐2011 
Transmission 
Plan Analysis 

Updated 
Analysis  

all transmission 
facilities in service 

TPL‐002 
(Category B) 

thermal overloads  0  1  0 

TPL‐003 
(Category C) 

thermal overloads  26  44  0 

overloaded branches  8  6  0 

unique contingencies  13  19  0 

TPL‐004 
(Category D) 

area blackout events  2  2  0 

 2 
As indicated in Table 1, with all facilities in-service pre-contingency, the CAISO’s 3 

updated analysis shows that there are no Category B contingencies in the South 4 

Orange County 138 kV system that would result in violation of NERC mandatory 5 

reliability criteria TPL-002 or the CAISO transmission planning standards. 6 

However, as described below, there are Category B contingency violations during 7 

planned outage conditions required for maintenance of electrical facilities at the 8 

Talega substation. 9 

 10 

With respect to NERC planning criterion TPL-003, the CAISO identified various 11 

South Orange County transmission facilities with thermal overloads in the event of 12 

Category C contingencies, despite the lower load demand forecast in the updated 13 

analysis. Based on the CAISO’s updated analysis for this proceeding, the CAISO 14 

identified 26 thermal overloads on 8 distinct facilities. The number of the unique 15 

contingencies identified was 13 in the updated analysis, compared to 19 based on 16 
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the 2010-2011 transmission plan assumptions.4 The updated results indicate that 1 

significant reliability concerns under Category C contingencies are comparable to 2 

those initially identified in the CAISO’s 2010-2011 transmission plan. 3 

In addition to the contingencies studied above, the CAISO identified two Category 4 

D events under TPL-004 that would result in loss of the entire load in the South 5 

Orange County service area in both the updated and original analyses. Without the 6 

SOCRE project, this potential for an area blackout exists whenever the Talega 7 

West/East 230 kV buses or Talega West/East138 kV buses are out of service.  8 

 9 

Q. Please explain the CAISO-identified reliability concerns during maintenance 10 

outages. 11 

A. Substations are points in the power network where transmission branches and 12 

distribution feeders are connected together through circuit breakers or switches via 13 

buses and transformers. This allows for the switching operations of transmission 14 

equipment for operation and maintenance purposes. Regular maintenance and 15 

service on substations without load interruptions is necessary for reliable system 16 

operation.  17 

 18 

To comply with NERC TPL-002 and TPL-003 R1.3.12, the CAISO, as a Planning 19 

Authority, assessed the system reliability performance by including the planned 20 

(including maintenance and construction) outage of any bulk electric system 21 

element at demand levels for which planned outages are performed. The CAISO 22 

identified inadequate system performance during maintenance periods at the Talega 23 

230/138 kV Substation. Table 2 presents reliability concerns with a single facility 24 

out of service for maintenance at the Talega 230/138 kV Substation and without the 25 

SOCRE project.  26 

 27 

                                                 
4 The primary driver for the differences between the 2024 and the 2020 case are the recent system 
improvements at the Talega and Pico 138 kV substations and the lower load forecast. 
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Table 2: Reliability Concerns with Facility Out of Service for Maintenance in Talega 1 

230/138 kV Substation 2 

Type ID 
Facility Out of 

Service for 
Maintenance 

Contingency 
Followed by 

Category Category Description 
load serving capability 
to the South Orange 
County Area (MW) 

Type1-B1 230 East Bus Bank #63  B Transformer (B3) 0 

Type1-B2 
230 West Bus 

Bank #60  B Transformer (B3) 0 

Type2-B1 Bank #61  B Transformer (B3) 195 

Type2-B2 CB #4E Bank #63  B Transformer (B3) 195 

Type1-C01 

138 East Bus  

CB BK #50  C  Breaker Failure (C2)  0 

Type1-C02 CB BK #63  C  Breaker Failure (C2)  0 

Type1-C03 
138 West 

Bus  
C  Bus Section (C1)  0 

Type1-C04 CB #11W  C  Breaker Failure (C2)  0 

Type1-C05 CB #5W  C  Breaker Failure (C2)  0 

Type1-C06 CB #6W  C  Breaker Failure (C2)  0 

Type1-C07 CB #7W  C  Breaker Failure (C2)  0 

Type1-C08 CB #8W  C  Breaker Failure (C2)  0 

Type1-C09 

138 West Bus  

138 East Bus  C  Bus Section (C1)  0 

Type1-C10 CB #11E  C  Breaker Failure (C2)  0 

Type1-C11 CB #5E  C  Breaker Failure (C2)  0 

Type1-C12 CB #BK60  C  Breaker Failure (C2)  0 

Type1-C13 CB #6T  C  Breaker Failure (C2)  0 

Type1-C14 CB #7T  C  Breaker Failure (C2)  0 

Type1-C15 CB #8E  C  Breaker Failure (C2)  0 

Type1-C16 

230 East Bus  

230 West 
Bus 

C  Bus Section (C1)  0 

Type1-C17 CB #1W  C  Breaker Failure (C2)  0 

Type1-C18 CB #2W  C  Breaker Failure (C2)  0 

Type1-C19 CB #3W  C  Breaker Failure (C2)  0 

Type1-C20 CB #4W  C  Breaker Failure (C2)  0 

Type1-C21 CB #BK63  C  Breaker Failure (C2)  0 

Type1-C22 

230 West Bus 

230 East Bus  C  Bus Section (C1)  0 

Type1-C23 CB #1E  C  Breaker Failure (C2)  0 

Type1-C24 CB #2E  C  Breaker Failure (C2)  0 
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Type1-C25 CB #3E  C  Breaker Failure (C2)  0 

Type1-C26 CB #4E  C  Breaker Failure (C2)  0 

Type1-C27 CB #BK60  C  Breaker Failure (C2)  0 

Type2-C01 

138 West Bus  

CB # BK61  C  Breaker Failure (C2)  195 

Type2-C02 CB #4T  C  Breaker Failure (C2)  195 

Type2-C03 CB #5T  C  Breaker Failure (C2)  195 

Type2-C04 

230 West Bus 

CB # BK61  C  Breaker Failure (C2)  195 

Type2-C05 CB #4T  C  Breaker Failure (C2)  195 

Type2-C06 CB #5E  C  Breaker Failure (C2)  195 

Type2-C07 CB #5T  C  Breaker Failure (C2)  195 

Type2-C08 
Bank #61 

CB #4W  C  Breaker Failure (C2)  195 

Type2-C09 CB #5W  C  Breaker Failure (C2)  195 

Type2-C10 

Bank #63 

CB #4E  C  Breaker Failure (C2)  195 

Type2-C11 CB #4T  C  Breaker Failure (C2)  195 

Type2-C12 CB #5T  C  Breaker Failure (C2)  195 

Type2-C13 

CB #4E 

230 West 
Bus 

C  Bus Section (C1)  195 

Type2-C14 CB # BK63  C  Breaker Failure (C2)  195 

Type2-C15 CB #1W  C  Breaker Failure (C2)  195 

Type2-C16 CB #4W  C  Breaker Failure (C2)  195 

Type2-C17 CB #2W  C  Breaker Failure (C2)  195 

Type2-C18 CB #3W  C  Breaker Failure (C2)  195 

Type2-C19 

CB #5E 

138 West 
Bus  

C  Bus Section (C1)  195 

Type2-C20 CB # BK50  C  Breaker Failure (C2)  195 

Type2-C21 CB # BK63  C  Breaker Failure (C2)  195 

Type2-C22 CB #11W  C  Breaker Failure (C2)  195 

Type2-C23 CB #5W  C  Breaker Failure (C2)  195 

Type2-C24 CB #6W  C  Breaker Failure (C2)  195 

Type2-C25 CB #7W  C  Breaker Failure (C2)  195 

Type2-C26 CB #8W  C  Breaker Failure (C2)  195 

 1 
The CAISO identified a total of 57 reliability events that would result in an 2 

uncontrolled interruption of service when a maintenance outage at the Talega 3 

Substation is followed by a contingency event. These events can be broken down 4 

into two types: Type 1 events that result in the loss of all load in the South Orange 5 
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County area; and Type 2 events that result in the loss of significant, but not all load. 1 

The CAISO identified 29 Type 1 events in which the combination of planned 2 

maintenance followed by a contingency resulted in uncontrolled interruption of 3 

service to the entire South Orange County. Two of these Type 1 events were the 4 

result of Category B contingencies, meaning the failure of just a single transformer 5 

element could potentially disrupt service to all South Orange County customers 6 

during a planned maintenance at the Talega Substation. The remaining 27 Type 1 7 

events were a result of Category C contingencies. 8 

 9 

Paraphrasing the operational concern differently, there are no windows for 10 

performing necessary maintenance or construction activities without facing 11 

unacceptable risk of the loss of all load in South Orange County. This is primarily 12 

due to the South Orange County system relying on a single power source from the 13 

Talega Substation to serve approximately 460 MW of load. This represents 29 14 

single points of failure as demonstrated by these 29 Type 1 planned maintenance 15 

outage/contingency events. 16 

 17 

In addition to the 29 Type 1 events, there were also 28 Type 2 events under which 18 

planned maintenance followed by a contingency results in an uncontrolled 19 

interruption of service to a significant number of customers. Two of the Type 2 20 

events were a result of Category B contingencies. The remaining 26 Type 2 events 21 

were a result of Category C contingencies resulting in the loss of substantial South 22 

Orange County area load. During these events, the remaining system can only 23 

provide load serving capability up to 195 MW, about 40% of the area peak load, to 24 

keep facilities within emergency ratings5. In other words, there is a very limited 25 

time frame when maintenance can be performed on this additional set of facilities 26 

without creating unacceptable risk of the loss of load in South Orange County.  27 

                                                 
5 Within 30 minutes after the contingency, the equipment loading would need to be reduced to its Normal 
Rating of approximately 168 MW. 



CORRECTED TESTIMONY OF ROBERT SPARKS 
ON BEHALF OF THE CALIFORNIA INDEPENDENT SYSTEM OPERATOR 

CORPORATION  

A.12-05-020 
Page 9 of 21 

 
Based on the SDG&E 8760-hour load duration curve6 there are only about 260 1 

hours a year, or about 3% of all hours, during which the loads in the South Orange 2 

County area would be lower than 195 MW. In other words, the 195 MW of load 3 

serving capability means that, without the SOCRE project in-service, the CAISO 4 

and SDG&E operations would not be able to find adequate maintenance windows 5 

without a significant risk of load service interruption.  6 

 7 

The existing system does not provide adequate windows for maintenance or planned 8 

construction activities without risking area blackout or non-consequential loss of 9 

load under four Category B contingencies. This is a violation of the NERC TPL-002 10 

planning standard that does not allow non-consequential load service interruption 11 

under Category B contingencies. In addition, during maintenance or planned 12 

construction, 53 Category C contingency events result in area blackout or load 13 

shedding in South Orange County, which results in an unacceptable reliability risk. 14 

There is no acceptable method of implementing the necessary load shedding for 15 

these overlapping Category C contingencies. Shedding load after the first 16 

contingency to prepare for the second contingency is not allowed by the CAISO 17 

Planning Standards for long-term planning purposes. Shedding load after the second 18 

contingency would require an exceedingly complex Special Protection System 19 

(SPS) that would not meet the CAISO Planning Standards. 20 

 21 

Q. Can the reliability concerns identified by the CAISO be resolved through an 22 

SPS? 23 

No. The CAISO Planning Standards include guidelines that specifically address the 24 

complexity that can reliably be managed in relying on an SPS. As stated in the 25 

CAISO Planning Standards, “SPSs have substantial advantages, [but] they have 26 

disadvantages as well. With the increased transmission system utilization that comes 27 

with application of SPS, there can be increased exposure to not meeting system 28 

                                                 
6 See Figure 5. 
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performance criteria if the SPS fails or inadvertently operates. Transmission outages 1 

can become more difficult to schedule due to increased flows across a larger portion 2 

of the year; and/or the system can become more difficult to operate because of the 3 

independent nature of the SPS. If there are a large number of SPSs, it may become 4 

difficult to assess the interdependency of these various schemes on system 5 

reliability.” In order to mitigate concerns regarding the complexity of an SPS, the 6 

CAISO Planning Standards specify that any one SPS (1) should not be monitoring 7 

more than six local contingencies and (2) should not be monitoring more than four 8 

transmission system elements.   9 

 10 

The CAISO’s updated analysis identified 13 unique local contingencies that would 11 

need to be monitored by an SPS if the SOCRE project is not built. This is well in 12 

excess of the six allowable local contingences that may be addressed by an SPS 13 

pursuant to CAISO Planning Standards. In addition, the CAISO’s updated analysis 14 

identified 8 transmission elements on which power flow would need to be 15 

monitored, without the SOCRE Project. This is double the allowed limit of 16 

monitored elements for an SPS under the CAISO Planning Standards.7 In real time 17 

system operations, the SPS design would likely need to monitor even more elements 18 

because of operational complexities such as load levels, planned maintenance and 19 

configuration variation.  20 

 21 

Implementation of the SOCRE project eliminates all local contingencies that would 22 

otherwise need to be monitored by an SPS.  23 

 24 

                                                 
7 Please see Tables A-4 and A-5 in Appendix A for the list of 13 unique local contingencies and 8 
transmission elements on which power flow would need to be monitored.  



CORRECTED TESTIMONY OF ROBERT SPARKS 
ON BEHALF OF THE CALIFORNIA INDEPENDENT SYSTEM OPERATOR 

CORPORATION  

A.12-05-020 
Page 11 of 21 

 
II. DEIR ALTERNATIVES TO THE SOCRE PROJECT  1 

Q. Please provide an overview of the alternatives to the SOCRE project identified 2 

in the DEIR. 3 

A. The DEIR identified 11 alternatives to the SOCRE project. For this analysis, the 4 

CAISO has classified the 11 alternatives into 4 groups based on common mitigation 5 

characteristics and system performance.  6 

 7 

The No Project alternative is designated as the sole alternative in Group 1. This 8 

alternative is unique because it does not address any of the system performance 9 

issues identified by the CAISO and therefore does not propose any mitigation 10 

strategies. Alternatives B1, B2, B3, B4, and E are designated as Group 2 11 

alternatives, all of which focus on South Orange County 138 kV System 12 

improvements.8 Alternatives C1, C2, and D are designated as Group 3 alternatives, 13 

because each one incorporates an element that parallels the South Orange County 14 

138 kV system with the Southern California Electric Company (SCE) 230 kV 15 

system. Alternatives F, G, and H are designated as Group 4 alternatives, all of which 16 

provide a second new 230 kV or 138 kV transmission source into the South Orange 17 

County service area from a substation other than the Talega Substation. 18 

 19 

Q.  Do the DEIR alternatives to the SOCRE project address the reliability 20 

concerns identified by the CAISO?  21 

A. No, all of the DEIR alternatives fail to meet the reliability concerns identified by the 22 

CAISO. The CAISO identified ongoing reliability concerns for each Group of DEIR 23 

alternatives. Table 3 lists the reliability concerns for each DEIR alternative group.9  24 

 25 
  26 

                                                 
8 The CAISO notes that the Group 2 alternatives are similar to “SOCRUP Alternative 2” as evaluated in the 
2010-2011 CAISO transmission plan. 
9 More detailed load flow results are shown in Tables B-1, B-2A, B-2B, B-3A, and B-3B in Appendix A. 
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Table 3. Summary of Reliability Concerns  1 

Alternatives 
Pre-contingency of all 

facilities in-service  

One Element 
out of service 

for 
maintenance at 

Talega 

Group # ID  Name Cat. B Cat. C Cat. D Cat. B Cat. C 

1 A No Project 0 26 2 4 53 

2 

B1 Reconductor Laguna Niguel–Talega 138-kV 
Line 

0 2 2 4 53 

B2 Use of Existing Transmission Lines 

B3 
Phased Construction of Alternatives B1 and 
B2 

B4 Rebuild South Orange County 138-kV 
System 

E New 230-kV Line Operated at 138 kV 

3 

C1 SCE 230-kV Loop In to Capistrano in GIS 

4 56 0 0 0 C2 
SCE 230-kV Loop In to Capistrano Alt 
Route 

D SCE 230-kV Loop In to Reduced-Footprint 
Substation at Landfill in GIS 

4 

F 230-kV Rancho Mission Viejo Substation 0 2 1 0 2 

G 138-kV San Luis Rey–San Mateo Line & 
Sub Expansion 0 4 1 0 2 

 SOCRE Project 0 0 0 0 0 

 2 
Q. Do the DEIR alternatives allow for necessary maintenance in the South Orange 3 

County area? 4 

A. Only the DEIR alternatives in Group 3 provide a second independent transmission 5 

source that is adequate to maintain reliable network service to all the South Orange 6 

County load during maintenance conditions followed by a forced outage at the 7 

Talega Substation. DEIR alternatives in Groups 1 and 2 do not provide any load 8 

serving capability during such conditions. The alternatives in Group 4 add a second 9 

independent transmission source at a suboptimal location, and therefore do not 10 

provide adequate load serving capability without additional network upgrades. 11 

 12 
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Table 4. Load Serving Capabilities under Maintenance Conditions 1 

Alternatives 
Under maintenance condition followed by one of the 

forced Outages at Talega Substation 

 Group 
# 

ID Name 

load serving 
capability  limiting facility  typical worst event 

MW 

1 A No Project 0 NA 

Talega 138 kV West 
out of service 
followed by Talega 
138 kV East Bus 
outage 2 

B1 Reconductor Laguna 
Niguel–Talega 138-kV Line 

0 NA 

B2 
Use of Existing 
Transmission Lines 

B3 Phased Construction of 
Alternatives B1 and B2 

B4 Rebuild South Orange 
County 138-kV System 

E New 230-kV Line Operated 
at 138 kV 

3 

C1 SCE 230-kV Loop In to 
Capistrano in GIS 

670* 
Talega Tap-L. 
Niguel 138 kV 

Break  Failure at 
Capistrano 

(CB_CP138BT "CP-
TR/LNL/PI") 

C2 SCE 230-kV Loop In to 
Capistrano Alt Route 

D 
SCE 230-kV Loop In to 
Reduced-Footprint 
Substation at Landfill in GIS

4 

F 230-kV Rancho Mission 
Viejo Substation 

350 
TL13838 (R. M. 
Viejo-Margarita) 

Talega 138 kV West 
out of service 

followed by Talega 
138 kV East Bus 

outage G 
138-kV San Luis Rey–San 
Mateo Line & Sub 
Expansion 

180 
TL13833/32 (San 
Mateo-L. Niguel) 

SOCRE Project 850 
SONGS-

Capistrano 230 
kV Line 

SONGS-Talega 230 
kV Line 

* Estimated by assuming that TL13834 (Capistrano-Trabuco) was upgraded along with the three alternatives 2 
in Group #3, otherwise load serving capability would be limited to 450 MW due to limitations on TL13834. 3 

 4 
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Q. Please explain why the Capistrano Substation is the best electrical location to 1 

add a second transmission source in the South Orange County area. 2 

A. As can be seen in Table 4 above, the Capistrano Substation is the best location to 3 

add a second transmission source into the South Orange County area because it can 4 

serve the entire load in the event of a maintenance outage followed by a forced 5 

outage at the Talega Substation. Providing a second transmission source at this 6 

location provides unique benefits because the Capistrano Substation is: 7 

 Electrically located in the load center of SDG&E’s South Orange County 8 

service area; 9 

 Within close proximity to a collection of 138 kV substations that serve 10 

approximately 375 MW of load, or 82% area peak load; 11 

 Currently accommodating six 138 kV transmission lines; and 12 

 Resistant to cascading outages associated with the loss of the existing 138 13 

kV Talega transmission source. 14 

 15 

Q.  Will the DEIR’s No Project Alternative meet the CAISO identified-reliability 16 

objectives? 17 

A. No. As described above, the CAISO’s analysis of the existing system has 18 

demonstrated numerous reliability concerns in the South Orange County system if 19 

no upgrade were made in the planning horizon.  20 

 21 

Q. If the Commission approves the No Project Alternative what additional 22 

improvements will be necessary to meet NERC or CAISO transmission 23 

planning standards? 24 

A. To address the identified reliability needs, additional improvements include:  25 

 Upgrading the existing 138 kV system to re-conductor the Talega-Pico, 26 

Pico-Capistrano, Capistrano-Trabuco, Talega Tap-San Mateo-Laguna 27 

Niguel, Talega-Pico-San Mateo 138 kV lines; and 28 
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 Expansion of the 230/138 kV Talega Substation by sectioning the 1 

230/138 kV buses, adding at least two more bay positions at both 230 kV 2 

and 138 kV voltage sides, and upgrading the two 230/138 kV 3 

transformers (Banks #60 and #62). 4 

 5 

However, as described in SDG&E’s Initial Prepared Testimony, SDG&E cannot 6 

expand the Talega Substation without shutting down its service depending on the 7 

status of the construction and the nature of the forced outage because it is the sole 8 

transmission source. For this reason, SDG&E considered building a temporary 9 

substation configuration to facilitate the construction, but rejected this alternative 10 

due to its high estimated cost and the environmental concerns discussed in 11 

SDG&E’s Proponent’s Environmental Assessment (PEA). This minimal work 12 

strategy is not cost effective compared with the SOCRE project. The SOCRE 13 

project would not only address the identified reliability needs but also eliminate the 14 

sole transmission source issue.  15 

 16 

Q. Will the DEIR Group 2 Alternatives (B1, B2, B3, B4 and E) meet the CAISO-17 

identified reliability objectives? 18 

A. No. The Group 2 DEIR alternatives are similar to an alternative configuration 19 

investigated in the CAISO 2010-2011 TPP. As indicated in Table 3, if all facilities 20 

are in-service as a pre-contingency condition, Alternatives B1, B2, B3, B4, and E 21 

would address some of the reliability concerns for the Category C events. However, 22 

these alternatives would not address the Talega Bank #60 and #62 overload 23 

concerns for the overlapping contingency (Category C) of Talega Bank #63 and 24 

#61. In addition, the DEIR Alternatives are not adequate to meet system 25 

performance during maintenance outages at the Talega Substation as described 26 

above. All or a significant amount of customer load in the area would be interrupted 27 

with any one of the 4 Category B or the 53 Category C events listed in Table 2. 28 

 29 
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Q. If the Commission approves one of the DEIR Group 2 alternatives, what 1 

additional improvements will be necessary to meet NERC or CAISO 2 

transmission planning standards? 3 

A. The scope of each of these upgrade alternatives would need to be expanded to 4 

include upgrades to the Talega Substation in order to eliminate the Bank #60 and 5 

#62 overloads for the Category C contingency and meet the NERC TPL-002 and 6 

TPL-003 maintenance requirement (R1.3.12). This work would include:  7 

 Upgrading two of the 230/138 kV transformers at Talega Substation, Banks 8 

#60 and #62; and  9 

 Rebuilding and extending the existing non-standard substation layout and 10 

230/138 kV buses configurations at the Talega Substation.  11 

 12 

As described above, rebuilding and expanding the Talega substation is not feasible 13 

without building costly temporary facilities during the construction process in order 14 

to ensure service to customers. In addition, as indicated in SDG&E’s testimony, the 15 

equipment at the Capistrano Substation is inadequate and any alternative without 16 

rebuilding the Capistrano Substation is infeasible. Based on these considerations, 17 

the Group 2 DEIR alternatives will not be a cost effective means to meet the 18 

identified reliability concerns when compared to the SOCRE project.10  19 

 20 

Q. Will the DEIR Group 3 alternatives (C1, C2, or D) meet the CAISO-identified 21 

reliability objectives? 22 

A. While these alternatives meet some of the immediate reliability concerns in the 23 

South Orange County area, they are unacceptable because of their negative impact 24 

on transfer capability on the major transmission corridor between San Diego and the 25 

Los Angeles basin.  26 

 27 

                                                 
10 The CAISO notes that this is the same reason that “SOCRUP Alternative 2” was not selected in the 
CAISO’s 2010-2011 transmission plan. 
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As discussed in the testimony of Mr. Millar, in approving the SOCRE project, the 1 

CAISO ensured that mitigations for the immediate area reliability issues would not 2 

compromise the overall effectiveness or reliability of the bulk electric system in 3 

Southern California. The existing 230 kV corridor connecting the LA Basin to the 4 

San Diego area previously played a key role in supporting flows southward when 5 

the San Onofre Nuclear Generating Station was in service. Now this major 6 

transmission link between San Diego and the Los Angeles basin serves as a back up 7 

to each area during emergency transmission and resource conditions.  8 

 9 

The Group 3 DEIR alternatives provide a new independent transmission source to 10 

serve the SDG&E’s South Orange County service area from the SCE system. In the 11 

Group 3 alternatives, the South Orange County 138 kV system would be 12 

interconnected with the SCE 230 kV transmission system at the Prima Deschecha 13 

landfill near the existing Capistrano Substation and an existing SCE 230 kV line. 14 

The SCE 230 kV line is a critical facility associated with the transmission corridor 15 

between the Los Angeles area and the San Diego area. As a consequence, the Group 16 

3 DEIR alternatives result in the 138 kV network being paralleled to the existing 17 

230 kV corridor linking the Los Angeles basin and San Diego. This paralleling of 18 

lower capacity networks with higher capacity networks lowers the overall capability 19 

of the 230 kV corridor.  20 

 21 

The CAISO conducted additional analysis to test the impact of the Group 3 DEIR 22 

alternatives on the capability of the 230 kV corridor. Based on this analysis, the 23 

CAISO found numerous overloading concerns under Category B and Category C 24 

contingencies in the South Orange County and SCE systems.11 The CAISO 25 

identified four thermal overloads for Category B contingencies and 52 thermal 26 

overloads for Category C contingencies in the 2024 Summer Off-Peak case.12 Even 27 

                                                 
11 See Table B-2A and Table B-2B of Appendix A for more detailed results. 
12 Table B-2A. 
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for the 2024 Summer Peak case with only about 200 MW flowing northbound 1 

between the two areas, there were 3 thermal overloads identified for Category C 2 

contingencies. This indicates that the Alternatives have significant adverse impacts 3 

on the Transfer Capability between the two areas and system operation without 4 

further improvement in the south Orange County system.  5 

 6 

Q. If the Commission approves one of the Group 3 DEIR alternatives, what 7 

additional improvements will be necessary to meet NERC or CAISO 8 

transmission planning standards? 9 

A. To maintain transfer capability between the Los Angeles and San Diego bulk 10 

electric power supply systems, major portions of the existing 138 kV transmission 11 

lines between the Talega Substation and the Capistrano Substation would need to be 12 

rebuilt or upgraded if the Commission were to approve the Group 3 DEIR 13 

alternatives. The CAISO would also need to conduct detailed analysis to identify 14 

whether additional upgrades to transmission facilities in the SCE system would be 15 

needed. Given the additional costs of including these upgrades in the scope of these 16 

alternatives, the CAISO expects that the Group 3 DEIR alternatives would not be 17 

cost effective when compared to the SOCRE project. 18 

 19 

Q. Would the DEIR’s Alternative F, 230-kV Rancho Mission Viejo Substation, 20 

meet the CAISO-identified reliability objectives? 21 

A. No. Although the specifications of the DEIR’s Alternative F may appear to be 22 

similar to those of the SOCRE project, Alternative F does not provide an electrically 23 

equivalent new 230 kV transmission source in South Orange County when 24 

compared to the SOCRE project. In terms of system power flow performance and 25 

reliability, the new Rancho Mission Viejo Substation would be inferior to the new 26 

Capistrano Substation proposed in the SOCRE project. 27 

 28 

The Rancho Mission Viejo Substation is an electrically inferior 230 kV transmission 29 

source because (1) it is not electrically located in the load center of South Orange 30 
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County, and (2) there are only two 138 kV lines connected to the existing Rancho 1 

Mission Viejo Substation.  2 

 3 

In addition, because the Rancho Mission Viejo Substation is only one bus away 4 

from the Talega Substation, cascading impacts can occur at Rancho Mission Viejo 5 

Substation during contingencies at the Talega Substation. The loss of the Talega 138 6 

kV substation (Category D event) would also trip one of the two 138 kV lines out of 7 

the Rancho Mission Viejo Substation. This would result in cascading outages on the 8 

remaining 138 kV line and lead to interruption of all load service in the south 9 

Orange County area, except the distribution load served by the Rancho Mission 10 

Viejo Substation. The remaining 138 kV line at the Rancho Mission Viejo 11 

Substation would be not be able to serve the other substation loads in the area. This 12 

is due to the poor location of the new second transmission source and its weak link 13 

with the rest of main 138 kV system.  14 

 15 

More details regarding the CAISO’s analysis of Alternative F and the identified 16 

reliability concerns associated with this alternative are presented in Table B-3A of 17 

Appendix A.  18 

 19 

Q. If the Commission approves Alternative F what additional improvements 20 

would be necessary to meet NERC or CAISO transmission planning 21 

standards? 22 

A. As shown in Table B-3A in Appendix A, the 138 kV line between Talega and 23 

Laguna Niguel would need to be upgraded in addition to the Alternative F 24 

improvements. Also, to avoid cascading outages, an additional 138 kV line may be 25 

needed between the Rancho Mission Viejo, Margarita, and Trabuco Substations 26 

because upgrading the existing 138 kV lines out of the Rancho Mission Viejo 27 

Substation may not be feasible or adequate to address the identified contingency 28 
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concerns.13 More system improvements to address load growth would also likely be 1 

necessary in the future because of the inferior locational attributes of the Rancho 2 

Mission Viejo Substation.  3 

 4 

Q. Would the DEIR’s Alternative G, New 138-kV San Luis Rey–San Mateo Line 5 

and San Luis Rey Substation Expansion, meet the CAISO-identified reliability 6 

objectives? 7 

A. No. In addition to feasibility concerns associated with Alternative G, adding a new 8 

long 138-kV San Luis Rey–San Mateo line as the new transmission source into the 9 

South Orange County area is a significantly weaker source than any of the 230 kV 10 

transmission alternatives. Similar to Alternative F, the new transmission source is 11 

not electrically located in the load center. There are only two 138 kV lines out of the 12 

existing San Mateo Substation, and it is only one bus away from the Talega 13 

Substation, which makes the two transmission sources not fully independent.  14 

 15 

The loss of the Talega 138 kV substation (Category D event) would trip one of the 16 

two 138 kV lines out of the San Mateo Substation. The remaining 138 kV line at the 17 

San Mateo Substation would be inadequate to serve the other substation loads in the 18 

area, resulting in interruption of all load service in the South Orange County area, 19 

except the distribution load served by the San Mateo Substation. This is similar to 20 

the poor location issue for Alternative F discussed above. These findings are 21 

supported by the identified reliability concerns listed in Table B-3B of Appendix A.  22 

 23 

Q. If the Commission approves Alternative G what additional improvements 24 

would be necessary to meet NERC or CAISO transmission planning 25 

standards? 26 

A. As shown in Table B-3B in Appendix A, the 138 kV lines between Talega and 27 

Laguna Niguel and between Talega and Pico would also need to be upgraded. In 28 

                                                 
13 The CAISO notes that the Margarita-Trabuco 138 kV line is mostly underground. 
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addition, as described above, to avoid cascading outages, additional upgrades may 1 

be needed at the 230/138 kV San Luis Rey Substation and between San Mateo, 2 

Laguna Niguel, and Capistrano. More system improvements to address load growth 3 

would also likely be needed in the future due to the inferior locational attributes of a 4 

new source at the San Mateo substation. Given the additional costs of including 5 

these upgrades in the scope of this alternative, the CAISO expects it would not be 6 

cost effective when compared to the SOCRE project. 7 

 8 

III. CONCLUSION 9 

Q.  Please summarize your conclusions. 10 

A. The CAISO’s updated analysis of reliability needs in the South Orange County area 11 

found comparable results to the analysis documented in the CAISO’s 2010-2011 12 

Transmission Plan. These results confirm the need for the SOCRE Project to meet 13 

NERC and CAISO Planning Standards. Based on the CAISO’s updated analysis, 14 

none of the alternatives in the DEIR provide a more effective means to meet 15 

reliability needs identified. The SOCRE project was found to be superior to the 16 

DEIR alternatives because the SOCRE project is more effective without negative 17 

system impacts on other requirements. 18 

 19 

Q. Does this conclude your testimony? 20 

A. Yes, it does. 21 

 22 

 23 



APPENDIX A 
 
The CAISO used assumptions consistent with the 2014-2015 transmission plan in 
conducting its updated SOCRE project analysis. The assumptions are shown in Table A-1 
and can be summarized as follows: 

 Latest load forecast by California Energy Commission (CEC);  
 San Onofre Nuclear Generating Station (SONGS) retirement announced by 

Southern California Edison on July 6, 2012; 
 Once-Through Cooled (OTC) generation retirement schedule; 
 CEC/Commission Long-Term Procurement Process forecasts and 

authorization, including energy efficiency, behind the meter solar, Energy 
Storage, Demand Response, and conventional resources; 

 The Commission’s 33% renewable portfolio standards; and 
 Network upgrade projects implemented and approved by CAISO since the 

CAISO 2010-2011 transmission plan. 
 

For comparison purposes, the assumptions in the 2020 Summer Peak case used in the 
original CAISO’s 2010-2011 transmission plan analysis of the SOCRE project are also 
provided in Table A-1. 

 
The CAISO investigated the 11 DEIR alternatives based on the CAISO’s understanding on 
the available project descriptions. Comparison of system performance between the SOCRE 
project and the DEIR Alternatives were based on the same assumptions in Table A-1 for the 
2024 Summer Peak case.  
 
Load forecast and generation resources assumptions 
 
Table A-1 summarizes and compares the load and generation resource assumptions for the 
South Orange County area used in the 2024 and the 2020 Summer Peak cases. The 
forecasted 1-in-10 coincident peak load in the 2024 Summer Peak case is about 3% lower 
than the peak load in the 2020 Summer Peak case used in the 2010-2011 transmission plan. 
In addition, there is 48.6 MW of load reduction built into the 2024 Summer Peak case as a 
result of the projected energy efficiency, energy storage, demand response, distributed 
generation and the existing landfill generator. Therefore, the net peak load in the 2024 
Summer Peak case is about 446 MW, about 13% lower than the net peak load in the 2020 
Summer Peak case. 

 
  



APPENDIX A 
Page 2 of 28 

 

Table A-1. Load and Generation Resources Assumptions 
(CAISO 2014-2015 TPP VS. CAISO 2010-2011 TPP) 

  

Unit 
2014‐2015 TPP: 
2024 Summer 

2010‐2011 TPP: 
2020 Summer 

Load 
Forecast 

1‐in‐10 coincident peak  MW  489.5  503.2 

Load 
Reduction 

Energy Efficiency  MW  30.9  0 

Demand Response  MW  2  0 

Preferred Resources (DG)  MW  7.3  0 

Energy Storage  MW  3.1  0 

total of load reduction  MW  43.3  0.0 

Net Peak Load in SOC  MW  446.2  503.2 

Generation Resource (Landfill) 
MW (in 
NQC) 

5.3  3.3 

 
 

Transmission Upgrades 

With regard to transmission improvements in the South Orange County 138 kV system 
since the CAISO 2011-2011 TPP, a few minor network upgrades have been implemented to 
eliminate various power flow concerns, such as the Talega-Trabuco 138 kV line loop-in and 
the new 138 kV tap on the Talega-Pico 138 kV line. The Talega synchronous condensers 
project was approved by the CAISO after the SONGS retirement, and will be in service by 
the summer of 2015 based on the latest schedule. Figure 1 and Figure 2 show one-line 
diagrams of the SDG&E South Orange County 230/138 kV system configurations in the 
years 2011 and 2015 and represent the base case or “existing system” in the CAISO 2010-
2011 and 2014-2015 TPP, respectively.  
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Figure 1.  Southern Orange County 230/138 kV System Configuration in the Year of 

2011 ( the existing system in the CAISO 2010~2011 TPP)  
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Figure 2.  Southern Orange County 230/138 kV System Configuration in the Year of 

2015 (the existing system in the CAISO 2014~2015 TPP) 

San
Onofre 

Talega E
scondido

230 kV

Capistrano 

138 kV

Laguna Niguel

Trabuco

San Mateo

Rancho Mission 
Viejo

Pico

Margarita

138 kV

T
L

13
83

5

TL23030

T
L

13
81

6

TL13837

TL23052

TL23007

T
L

13
83

8

TL13830

L
13

83
3

T
L

13
83

1

T
L

13
83

4

L
13

83
6

L13846

Transformer

230 kV line & Sub

138 kV line & Sub

Legend

Line tap

69 kV

San Luis Rey

STATCOM 
(±100 Mvar)

(

40 Mvar Cap

 
 
 

  



APPENDIX A 
Page 5 of 28 

 

Figure 3 shows the SOCRE project that was approved in the CAISO 2010-2011 
Transmission Plan. Figure 4 presents the SOCRE project that was modified by SDG&E and 
accepted by the CAISO to improve load services at Laguna Niguel and San Mateo without 
increasing cost after the CAISO 2014-2015 TPP. 

 
 

 

Figure 3.  Southern Orange County 230/138 kV System Configuration with the 

proposed SOCRE project modeled in the CAISO 2014~2015 TPP 
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Figure 4.  Southern Orange County 230/138 kV System Configuration with the 

proposed SOCRE project that was refined with minor modifications after the 

CAISO 2014~2015 TPP (for information purpose only)  
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Figure 5. SDG&E’s 8760-hour load duration curve used in the CAISO 

production simulation data base in Gridview 
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Table A-2   Comparison of Thermal Overloads for Worst Contingency in the SDG&E South 
Orange County area 

 

 

CAISO 2014-2015 TPP vs. CAISO 2010-2011 TPP 

Overloaded Facility Worst Contingency Category 
Category 

Description 

Thermal Loading (% over applicable 
rating) 

2024 Summer 
Peak Case 

2020 Summer 
Peak Case 

 22841 TA TAP        
138   22396 
LAGNA NL      138  
1   

SL-10233_ 22840 TALEGA        
138   22656 PICO          138  1 

B L-1   101.09 

 22841 TA TAP        
138   22396 
LAGNA NL      138  
1   

TALEGA‐TA TAP33‐PICO‐
SANMATEO        138.0 Tap33 ‐
‐ TALEGA       138.0 to PICO        
138.0 Circuit 

C  L‐1/L‐1  127.43    

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ CAPSTRNO     
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1     155.88 

 22112 
CAPSTRNO      
138   22656 PICO    
138  1   

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
PICO         138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  114.13    

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to 
TRABUCO      138.0 Circuit 

C  L‐1/L‐1     121.32 

 22112 
CAPSTRNO      
138   22860 
TRABUCO       138  
1   

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
PICO         138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  144.47    

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to 
TRABUCO      138.0 Circuit 

C  L‐1/L‐1     156.2 

 22840 TALEGA       
138   22656 PICO    
138  1   

TALEGA‐TA TAP33‐PICO‐
SANMATEO        138.0 Tap33 ‐
‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  106.99    
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TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to 
TRABUCO      138.0 Circuit 

C  L‐1/L‐1     146.01 

 22840 TALEGA       
138   22842 TA 
TAP33      138  1   

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  113.16    

 22841 TA TAP        
138   22396 
LAGNA NL      138  
1   

TALEGA‐TA TAP33‐PICO‐
SANMATEO        138.0 Tap33 ‐
‐ TALEGA       138.0 to PICO        
138.0 Circuit 

C  L‐1/L‐1  127.43    

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ CAPSTRNO     
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1     155.88 

 22840 TALEGA       
138   22842 TA 
TAP33      138  1   

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  113.16    

 22842 TA TAP33    
138   22656 PICO    
138  1   

TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  109.36    

 22844 TALEGA       
230   22840 
TALEGA        138  
1  BK60 

Tran TALEGA       230.00 to 
TALEGA       138.00 BK61 ‐‐ 
Tran TALEGA       230.00 to 
TALEGA       138.00 BK63 

C  T‐1/L‐1  120.93  131.73 

 22844 TALEGA       
230   22840 
TALEGA        138  
3  BK62 

Tran TALEGA       230.00 to 
TALEGA       138.00 BK61 ‐‐ 
Tran TALEGA       230.00 to 
TALEGA       138.00 BK63 

C  T‐1/L‐1  118.68  129.27 

SDG&E's South 
Orange County 
Service Area 

Loss of Talega West/East 230 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 

load drop for 
the area (460 

MW)   

load drop for 
the area (503 

MW)   

SDG&E's South 
Orange County 
Service Area 

Loss of Talega West/East 138 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 

load drop for 
the area (460 

MW)   

load drop for 
the area (503 

MW)   
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Table A-3A   Thermal Overloads in the SDG&E South Orange County area 

2024 Summer Peak Case in CAISO 2014-2015 TPP

ID Overloaded Facility Contingency Category 
Category 

Description 

Thermal 
Loading (% 

over 
applicable 

rating) 

20SP‐1 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

SANMATEO‐TA TAP‐TALEGA‐
LAGNA NL      138.0 Tap ‐‐ TALEGA      
138.0 to R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  102.85 

20SP‐2 

 22112 CAPSTRNO      
138   22860 TRABUCO     
138  1   

PICO         138.0 to TRABUCO      
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  144.47 

20SP‐3 

 22112 CAPSTRNO      
138   22860 TRABUCO     
138  1   

PICO         138.0 to TRABUCO      
138.0 Circuit ‐‐ R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1/L‐1  113.98 

20SP‐4 

 22840 TALEGA        138   
22656 PICO          138  1   

TALEGA‐TA TAP33‐PICO‐
SANMATEO        138.0 Tap33 ‐‐ 
TALEGA       138.0 to R.MSNVJO     
138.0 Circuit 

C  L‐1/L‐1  106.99 

20SP‐5 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

PICO         138.0 to TRABUCO      
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  114.13 

20SP‐6 

 22840 TALEGA        138   
22842 TA TAP33      138  
1   

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  113.16 

20SP‐7 

 22840 TALEGA        138   
22842 TA TAP33      138  
1   

SANMATEO‐TA TAP‐TALEGA‐
LAGNA NL      138.0 Tap ‐‐ TALEGA      
138.0 to PICO         138.0 Circuit 

C  L‐1/L‐1  108.31 

20SP‐8 

 22840 TALEGA        138   
22842 TA TAP33      138  
1   

R.MSNVJO     138.0 to MARGARTA     
138.0 Circuit ‐‐ TALEGA       138.0 to 
PICO         138.0 Circuit 

C  L‐1/L‐1  100.26 

20SP‐9 

 22842 TA TAP33      
138   22656 PICO          
138  1   

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  109.36 

20SP‐10 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

TALEGA‐TA TAP33‐PICO‐
SANMATEO        138.0 Tap33 ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  127.43 
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20SP‐11 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  122.55 

20SP‐12 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ PICO         138.0 to 
TRABUCO      138.0 Circuit 

C  L‐1/L‐1  111.78 

20SP‐13 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

PICO         138.0 to TRABUCO      
138.0 Circuit ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1/L‐1  100.74 

20SP‐14 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1/L‐1  108.89 

20SP‐15 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit 

C  L‐1/L‐1  102.5 

20SP‐16 

 22844 TALEGA        230   
22840 TALEGA        138  
1  BK62 

Tran TALEGA       230.00 to TALEGA     
138.00 Circu ‐‐ Tran TALEGA       
230.00 to TALEGA       138.00 Circu 

C  T‐1/T‐1  118.68 

20SP‐17 

 22844 TALEGA        230   
22840 TALEGA        138  
3  BK60 

Tran TALEGA       230.00 to TALEGA     
138.00 Circu ‐‐ Tran TALEGA       
230.00 to TALEGA       138.00 Circu 

C  T‐1/T‐1  120.93 

20SP‐18 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

BA_PI138E_PICO 138KV E  C 
Bus 

Section 
(C1) 

127.43 

20SP‐19 

 22844 TALEGA        230   
22840 TALEGA        138  
1  BK60 

CB_TA4W_TA BK 62 + TA BK 63  C 

Breaker 
Failure or 
internal 
Fault (C2) 

120.93 

20SP‐20 

 22844 TALEGA        230   
22840 TALEGA        138  
1  BK60 

CB_TA5W_TA BK 62 + TA BK 63 + 
TA K 50 

C 

Breaker 
Failure or 
internal 
Fault (C2) 

120.65 

20SP‐21 

 22844 TALEGA        230   
22840 TALEGA        138  
3  BK62 

CB_TA4W_TA BK 62 + TA BK 63  C 

Breaker 
Failure or 
internal 
Fault (C2) 

118.68 

20SP‐22 

 22844 TALEGA        230   
22840 TALEGA        138  
3  BK62 

CB_TA5W_TA BK 62 + TA BK 63 + 
TA K 50 

C 

Breaker 
Failure or 
internal 
Fault (C2) 

118.4 

20SP‐23 

 22840 TALEGA        138   
22842 TA TAP33      138  
1   

CA_PI13836B_TL13836 TALEGA‐
PICO  ck 1 

C 
Commod 
Structure 

(C5) 
113.16 
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20SP‐24 

 22841 TA TAP        138   
22396 LAGNA NL      
138  1   

BA_PI138W"PICO_138KV  C 
Bus 

Section 
(C1) 

111.78 

20SP‐25 

 22842 TA TAP33      
138   22656 PICO          
138  1   

CA_PI13836B_TL13836 TALEGA‐
PICO  ck 1 

C 
Commod 
Structure 

(C5) 
109.36 

20SP‐26 

 22840 TALEGA        138   
22656 PICO          138  1   

CA_TA7T_TA‐TB 1 + TA‐RMV 1 138 
kV 

C 
Commod 
Structure 

(C5) 
106.99 

20SP‐27 

SDG&E's South Orange 
County Service Area 

Loss of Talega West/East 230 kV 
Buses plus BK #60/61/62/63) 

D 
Loss of 

substation 
(D8) 

Blackout 
resulting in 
load drop 
for the area 
(460 MW of 
customers)  

20SP‐28 

SDG&E's South Orange 
County Service Area 

Loss of Talega West/East 138 kV 
Buses plus BK #60/61/62/63) 

D 
Loss of 

substation 
(D8) 
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Table A-3B   Thermal Overloads in the SDG&E South Orange 
County area 

 

                     2020 Summer Peak Case in CAISO 2010‐2011 TPP   

ID Overloaded Facility Contingency Category 
Category 

Description 
Thermal Loading (% 

over applicable rating) 

20SP‐1 
 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

SL-10233_ 22840 TALEGA        
138   22656 PICO          138  1 

B L-1 101.09 

20SP‐2 
 22112 CAPSTRNO      
138   22656 PICO         
138  1   

TALEGA       138.0 to R.MSNVJO    
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  121.32 

20SP‐3 
 22112 CAPSTRNO      
138   22656 PICO         
138  1   

R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  111.92 

20SP‐4 
 22112 CAPSTRNO      
138   22656 PICO         
138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
TALEGA       138.0 to R.MSNVJO    
138.0 Circuit 

C  L‐1/L‐1  107.34 

20SP‐5 
 22112 CAPSTRNO      
138   22656 PICO         
138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit 

C  L‐1/L‐1  100.48 

20SP‐6 
 22112 CAPSTRNO      
138   22860 
TRABUCO       138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ TA TAP‐LAGNA 
NL‐SANMATEO‐TALEGA     
138.0 TA TAP 

C  L‐1/L‐1  101.17 

20SP‐7 
 22112 CAPSTRNO      
138   22860 
TRABUCO       138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  133.92 

20SP‐8 
 22112 CAPSTRNO      
138   22860 
TRABUCO       138  1   

R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  137.72 

20SP‐9 
 22112 CAPSTRNO      
138   22860 
TRABUCO       138  1   

TALEGA       138.0 to R.MSNVJO    
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  156.2 
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20SP‐
10 

 22840 TALEGA        
138   22656 PICO         
138  1   

TALEGA       138.0 to R.MSNVJO    
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  146.01 

20SP‐
11 

 22840 TALEGA        
138   22656 PICO         
138  1   

R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  136.58 

20SP‐
12 

 22840 TALEGA        
138   22656 PICO         
138  1   

MARGARTA     138.0 to 
TRABUCO      138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  100.09 

20SP‐
13 

 22840 TALEGA        
138   22656 PICO         
138  1   

CAPSTRNO     138.0 to 
TRABUCO      138.0 Circuit ‐‐ TA 
TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP 

C  L‐1/L‐1  101.23 

20SP‐
14 

 22840 TALEGA        
138   22656 PICO         
138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  122.1 

20SP‐
15 

 22840 TALEGA        
138   22656 PICO         
138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit 

C  L‐1/L‐1  125.03 

20SP‐
16 

 22840 TALEGA        
138   22656 PICO         
138  1   

TA TAP‐LAGNA NL‐SANMATEO‐
TALEGA     138.0 TA TAP ‐‐ 
TALEGA       138.0 to R.MSNVJO    
138.0 Circuit 

C  L‐1/L‐1  131.94 

20SP‐
17 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

MARGARTA     138.0 to 
TRABUCO      138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  112.57 

20SP‐
18 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ CAPSTRNO     
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  116.81 

20SP‐
19 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  121.59 

20SP‐
20 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ R.MSNVJO     
138.0 to MARGARTA     138.0 
Circuit 

C  L‐1/L‐1  124.98 
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20SP‐
21 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CAPSTRNO     138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       
138.0 to R.MSNVJO     138.0 
Circuit 

C  L‐1/L‐1  133.06 

20SP‐
22 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  141.01 

20SP‐
23 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  144.45 

20SP‐
24 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

TALEGA       138.0 to PICO         
138.0 Circuit ‐‐ TALEGA       
138.0 to R.MSNVJO     138.0 
Circuit 

C  L‐1/L‐1  152.72 

20SP‐
25 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

TALEGA       138.0 to R.MSNVJO    
138.0 Circuit ‐‐ TALEGA       
138.0 to TRABUCO      138.0 
Circuit 

C  L‐1/L‐1  114.14 

20SP‐
26 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CAPSTRNO     138.0 to 
TRABUCO      138.0 Circuit ‐‐ 
TALEGA       138.0 to PICO         
138.0 Circuit 

C  L‐1/L‐1  155.87 

20SP‐
27 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO     
138.0 Circuit 

C  L‐1/L‐1  106.72 

20SP‐
28 

 22844 TALEGA        
230   22840 TALEGA    
138  1 BK#62   

Tran TALEGA       230.00 to 
TALEGA       138.00 BK61 ‐‐ Tran 
TALEGA       230.00 to TALEGA      
138.00 BK63 

C  T‐1/L‐1  129.27 

20SP‐
29 

 22844 TALEGA        
230   22840 TALEGA    
138  3 BK60 

Tran TALEGA       230.00 to 
TALEGA       138.00 BK61 ‐‐ Tran 
TALEGA       230.00 to TALEGA      
138.00 BK63 

C  T‐1/L‐1  131.73 

20SP‐
30 

 22112 CAPSTRNO      
138   22860 
TRABUCO       138  1   

CB_TA7T_TA‐TB 1 + TA‐RMV 1 
138 kV 

C 
Breaker Failure 
or internal 
Fault (C2) 

156.2 

20SP‐
31 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CA_PI13836B_TL13836 
TALEGA‐PICO  ck 1 

C 
Commod 

Structure (C5) 
152.16 
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20SP‐
32 

 22840 TALEGA        
138   22656 PICO         
138  1   

CB_TA7T_TA‐TB 1 + TA‐RMV 1 
138 kV 

C 
Breaker Failure 
or internal 
Fault (C2) 

146.01 

20SP‐
33 

 22844 TALEGA        
230   22840 TALEGA    
138  1   

CB_TA5W_TA BK 62 + TA BK 63 
+ TA K 50 

C 
Breaker Failure 
or internal 
Fault (C2) 

132.47 

20SP‐
34 

 22844 TALEGA        
230   22840 TALEGA    
138  1   

CB_TA4W_TA BK 62 + TA BK 63  C 
Breaker Failure 
or internal 
Fault (C2) 

131.73 

20SP‐
35 

 22844 TALEGA        
230   22840 TALEGA    
138  3   

CB_TA5W_TA BK 62 + TA BK 63 
+ TA K 50 

C 
Breaker Failure 
or internal 
Fault (C2) 

130 

20SP‐
36 

 22844 TALEGA        
230   22840 TALEGA    
138  3   

CB_TA4W_TA BK 62 + TA BK 63  C 
Breaker Failure 
or internal 
Fault (C2) 

129.27 

20SP‐
37 

 22112 CAPSTRNO      
138   22656 PICO         
138  1   

CB_TA7T_TA‐TB 1 + TA‐RMV 1 
138 kV 

C 
Breaker Failure 
or internal 
Fault (C2) 

121.32 

20SP‐
38 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CB_TA7T_TA‐TB 1 + TA‐RMV 1 
138 kV 

C 
Breaker Failure 
or internal 
Fault (C2) 

113.72 

20SP‐
39 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CA_13836_TL13836 TALEGA‐
PICO     ck 1 

C 
Commod 

Structure (C5) 
101.09 

20SP‐
40 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

B_PI138E_PICO 138KV E  C 
Bus Section 

(C1) 
101.09 

20SP‐
41 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

B_TA13836_TALEGA 138KV 
13836 

C 
Bus Section 

(C1) 
101.09 

20SP‐
42 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

BA_PI138E_PICO 138KV E  C 
Bus Section 

(C1) 
101.09 
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20SP‐
43 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CB_PI13836_TL13836 TALEGA‐
PICO  ck 1 

C 
Breaker Failure 
or internal 
Fault (C2) 

101.09 

20SP‐
44 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CB_TA8W_TA‐PI 1 + TA BK 63 + 
TA BK 50 

C 
Breaker Failure 
or internal 
Fault (C2) 

101.01 

20SP‐
45 

 22841 TA TAP        
138   22396 LAGNA 
NL      138  1   

CB_TA8T_TA‐PI 1  138 + TA‐
SMO 1 138 

C 
Breaker Failure 
or internal 
Fault (C2) 

100.91 

20SP‐
46 

SDG&E's South 
Orange County 
Service Area 

Loss of Talega West/East 230 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 
(D8) 

Blackout resulting in 
load drop for the 
area (460 MW of 

customers)   20SP‐
47 

SDG&E's South 
Orange County 
Service Area 

Loss of Talega West/East 138 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 
(D8) 

 
 
 

Table A-4 SPS Design Comparison of Unique Contingencies that would trigger 
operation of SPS  

Unique 
Contingency # 

Unique Contingencies Monitored by SPS  
Updated SOCRE Analysis  
(2024 Summer Peak Case) 

2010-2011 TPP SOCRE Analysis 
(2020 Summer Peak Case) 

1 

CAPSTRNO     138.0 to PICO         138.0 
Circuit ‐‐ TALEGA       138.0 to R.MSNVJO    
138.0 Circuit 

CAPSTRNO     138.0 to PICO         138.0 Circuit ‐‐ 
TALEGA       138.0 to R.MSNVJO     138.0 Circuit 

2 

CAPSTRNO     138.0 to PICO         138.0 
Circuit ‐‐ CAPSTRNO     138.0 to 
TRABUCO      138.0 Circuit 

CAPSTRNO     138.0 to PICO         138.0 Circuit ‐‐ 
CAPSTRNO     138.0 to TRABUCO      138.0 Circuit 

3 

R.MSNVJO     138.0 to MARGARTA     
138.0 Circuit ‐‐ TALEGA       138.0 to PICO   
138.0 Circuit 

R.MSNVJO     138.0 to MARGARTA     138.0 
Circuit ‐‐ TALEGA       138.0 to PICO         138.0 
Circuit 

4 

TALEGA       138.0 to PICO         138.0 
Circuit ‐‐ TALEGA       138.0 to R.MSNVJO    
138.0 Circuit 

TALEGA       138.0 to PICO         138.0 Circuit ‐‐ 
TALEGA       138.0 to R.MSNVJO     138.0 Circuit 

5 

CAPSTRNO     138.0 to PICO         138.0 
Circuit ‐‐ PICO         138.0 to TRABUCO      
138.0 Circuit 

CAPSTRNO     138.0 to PICO         138.0 Circuit ‐‐ 
R.MSNVJO     138.0 to MARGARTA     138.0 
Circuit 

6 

CAPSTRNO     138.0 to PICO         138.0 
Circuit ‐‐ R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit 

CAPSTRNO     138.0 to PICO         138.0 Circuit ‐‐ 
TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     138.0 
TA TAP 
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7 

PICO         138.0 to TRABUCO      138.0 
Circuit ‐‐ R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit 

CAPSTRNO     138.0 to PICO         138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO      138.0 Circuit 

8 

PICO         138.0 to TRABUCO      138.0 
Circuit ‐‐ TALEGA       138.0 to R.MSNVJO    
138.0 Circuit 

CAPSTRNO     138.0 to TRABUCO      138.0 Circuit 
‐‐ TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     
138.0 TA TAP 

9 

SANMATEO‐TA TAP‐TALEGA‐LAGNA NL      
138.0 Tap ‐‐ TALEGA       138.0 to PICO        
138.0 Circuit 

CAPSTRNO     138.0 to TRABUCO      138.0 Circuit 
‐‐ TALEGA       138.0 to PICO         138.0 Circuit 

10 

SANMATEO‐TA TAP‐TALEGA‐LAGNA NL      
138.0 Tap ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

MARGARTA     138.0 to TRABUCO      138.0 
Circuit ‐‐ TALEGA       138.0 to PICO         138.0 
Circuit 

11 

TALEGA‐TA TAP33‐PICO‐SANMATEO        
138.0 Tap33 ‐‐ TALEGA       138.0 to PICO    
138.0 Circuit 

MARGARTA     138.0 to TRABUCO      138.0 
Circuit ‐‐ TALEGA       138.0 to TRABUCO      138.0 
Circuit 

12 

TALEGA‐TA TAP33‐PICO‐SANMATEO        
138.0 Tap33 ‐‐ TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

R.MSNVJO     138.0 to MARGARTA     138.0 
Circuit ‐‐ TALEGA       138.0 to TRABUCO      138.0 
Circuit 

13 

Tran TALEGA       230.00 to TALEGA       
138.00 BK#61 ‐‐ Tran TALEGA       230.00 
to TALEGA       138.00 BK#63 

TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     138.0 
TA TAP ‐‐ R.MSNVJO     138.0 to MARGARTA     
138.0 Circuit 

14 

  

TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     138.0 
TA TAP ‐‐ TALEGA       138.0 to PICO         138.0 
Circuit 

15 

TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     138.0 
TA TAP ‐‐ TALEGA       138.0 to R.MSNVJO     
138.0 Circuit 

16 

TA TAP‐LAGNA NL‐SANMATEO‐TALEGA     138.0 
TA TAP ‐‐ TALEGA       138.0 to TRABUCO      
138.0 Circuit 

17 

TALEGA       138.0 to PICO         138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO      138.0 Circuit 

18 

TALEGA       138.0 to R.MSNVJO     138.0 Circuit ‐‐ 
TALEGA       138.0 to TRABUCO      138.0 Circuit 

19 

Tran TALEGA       230.00 to TALEGA       138.00 
BK61 ‐‐ Tran TALEGA       230.00 to TALEGA       
138.00 BK63 

number of 
unique 
contingencies  

13  19 
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Table A-5   Comparison of Monitored System Elements required by an SPS 
(CAISO 2010-2011 TPP vs CAISO 2014-2015 TPP) 

Element or Variables 
# 

Elements Monitored by SPS  

Updated SOCRE Analysis  
(2024 Summer Peak Case) 

2010-2011 TPP SOCRE Analysis  
(2020 Summer Peak Case) 

1   22112 CAPSTRNO      138   22656 PICO          138  1     22112 CAPSTRNO      138   22656 PICO          138  1   

2   22112 CAPSTRNO      138   22860 TRABUCO  138  1   22112 CAPSTRNO      138   22860 TRABUCO  138  1 

3   22840 TALEGA        138   22656 PICO          138  1     22840 TALEGA        138   22656 PICO          138  1   

4   22841 TA TAP        138   22396 LAGNA NL      138  1     22841 TA TAP        138   22396 LAGNA NL      138  1  

5   22844 TALEGA        230   22840 TALEGA        138  1     22844 TALEGA        230   22840 TALEGA        138  1   

6   22844 TALEGA        230   22840 TALEGA        138  3     22844 TALEGA        230   22840 TALEGA        138  3   

7   22840 TALEGA        138   22842 TA TAP33      138  1   
  
  

8   22842 TA TAP33      138   22656 PICO          138  1   

number of elements   8  6 

 
 
  



APPENDIX A 
Page 20 of 28 

 

Table B-1   Thermal Overloads in the SDG&E South Orange County 
area  

 

With Alternative B1/B2/B3/B4/E: Upgrade South Orange County 138 kV 
System 

2024 Summer Peak Case in CAISO 2014‐2015 TPP   

ID Overloaded Facility Contingency Category 
Category 

Description 

Thermal Loading (% 
over applicable 

rating) 

24SP‐1 
 22844 TALEGA        230   
22840 TALEGA        138  
1   

tran_7019_Tran TALEGA       
230.00 to TALEGA       138.00 
Circu‐‐‐tran_7020_Tran 
TALEGA       230.00 to TALEGA      
138.00 Circu 

C  T‐1‐1  120.69 

24SP‐2 
 22844 TALEGA        230   
22840 TALEGA        138  
3   

tran_7019_Tran TALEGA       
230.00 to TALEGA       138.00 
Circu‐‐‐tran_7020_Tran 
TALEGA       230.00 to TALEGA      
138.00 Circu 

C  T‐1‐1  118.44 

24SP‐3 
SDG&E's South Orange 
County Service Area 

Loss of Talega West/East 230 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 
(D8)  load drop for the 

area (up to 460 
MW of customers)  

24SP‐4 
SDG&E's South Orange 
County Service Area 

Loss of Talega West/East 138 
kV Buses plus BK 
#60/61/62/63) 

D 
Loss of 

substation 
(D8) 
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Table B-2A   Thermal Overloads in the SDG&E South Orange County area 

 

With Alternative C1/C2/D: SCE 230 kV Loop-in to South Orange County 138 kV System 

2024 Summer Peak Case in CAISO 2014‐2015 TPP   

ID Overloaded Facility Contingency Category 
Category 

Description 

Thermal Loading (% 
over applicable 
rating) (Summer 

Peak) 

24SP‐1 
 22112 CAPSTRNO      
138   22860 TRABUCO       
138  1   

line_7000_Line CAPSTRNO     
138.0 to LAGNA NL     138.0 
Circuit‐‐‐line_7009_Line TALEGA       
138.0 to R.MSNVJO     138.0 
Circuit 

C  L‐1‐1  105.12 

24SP‐2 
 22112 CAPSTRNO      
138   22860 TRABUCO       
138  1   

line_7009_Line TALEGA       138.0 
to R.MSNVJO     138.0 Circuit‐‐‐
tran_7020_Tran TALEGA       
230.00 to TALEGA       138.00 Circu 

C  T‐1/L‐1  100.87 

24SP‐3 
 22112 CAPSTRNO      
138   22860 TRABUCO       
138  1   

line_7009_Line TALEGA       138.0 
to R.MSNVJO     138.0 Circuit‐‐‐
tran_7019_Tran TALEGA       
230.00 to TALEGA       138.00 Circu 

C  T‐1/L‐1  100.8 

 
 
 

Table B-2B   Thermal Overloads in the SDG&E South Orange County 
area 

 

With Alternative C1/C2/D: SCE 230 kV Loop-in to South Orange County 
138 kV System 
2024 Summer Off‐Peak Case for the SDGE area with 1600 MW Southbound 
Flow via Path 44 

 

ID Overloaded Facility Contingency Category 
Category 

Description 

Thermal Loading (% 
over applicable rating) 

(Summer Off-Peak) 

24OP‐
1 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

B  L‐1  103.98 

24OP‐
2 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit 

B  L‐1  105.95 
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24OP‐
3 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

B  L‐1  112.96 

24OP‐
4 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

B  L‐1  142.96 

24OP‐
5 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit‐‐‐
line_7004_Line CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit 

C  L‐1‐1  131.84 

24OP‐
6 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7008_Line TALEGA       138.0 to 
PICO         138.0 Circuit‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  L‐1‐1  107.19 

24OP‐
7 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

C  L‐1‐1  146.16 

24OP‐
8 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7004_Line CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit 

C  L‐1‐1  146.36 

24OP‐
9 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7006_Line MARGARTA     
138.0 to TRABUCO      138.0 Circuit 

C  L‐1‐1  119.01 

24OP‐
10 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1‐1  112.19 

24OP‐
11 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7008_Line TALEGA       138.0 to 
PICO         138.0 Circuit 

C  L‐1‐1  107.54 

24OP‐
12 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7009_Line TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1‐1  108.69 

24OP‐
13 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
tran_7019_Tran TALEGA       230.00 
to TALEGA       138.00 Circu 

C  T‐1/L‐1  101.88 
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24OP‐
14 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

SCE‐L_0002_Line VIEJOSC      230.0 
to S.ONOFRE      230.0 Circu‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  L‐1‐1  127.4 

24OP‐
15 

 22112 CAPSTRNO      
138   22396 LAGNA NL   
138  1   

tran_7019_Tran TALEGA       230.00 
to TALEGA       138.00 Circu‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  T‐1/L‐1  101.56 

24OP‐
16 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

B_CP138SO_CAPISTRANO 138KV S  C 
Bus Section 

(C1) 
111.02 

24OP‐
17 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

CB_CP13834_CP‐TB 1 + CP‐LNL 1 
138 kV 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

111.02 

24OP‐
18 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

CB_CP13837_CP‐TB 1 + CP‐LNL 1 
138 kV 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

111.02 

24OP‐
19 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit‐‐‐
line_7004_Line CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit 

C  L‐1‐1  111.03 

24OP‐
20 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  L‐1‐1  109.35 

24OP‐
21 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit 

C  L‐1‐1  131.48 

24OP‐
22 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7004_Line CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit 

C  L‐1‐1  160.41 

24OP‐
23 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7006_Line MARGARTA     
138.0 to TRABUCO      138.0 Circuit 

C  L‐1‐1  117.74 

24OP‐
24 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1‐1  109.83 
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24OP‐
25 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7009_Line TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1‐1  105.83 

24OP‐
26 

 22112 CAPSTRNO      
138   22656 PICO          
138  1   

SCE‐L_0002_Line VIEJOSC      230.0 
to S.ONOFRE      230.0 Circu‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  L‐1‐1  130.21 

24OP‐
27 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

B_CP138NO_CAPISTRANO 138KV N  C 
Bus Section 

(C1) 
112.96 

24OP‐
28 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

B_LNL138W_LAGUNA NIGUEL 
138KV W 

C 
Bus Section 

(C1) 
105.95 

24OP‐
29 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

B_PI138W_PICO 138KV W  C 
Bus Section 

(C1) 
112.96 

24OP‐
30 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

BA_PI138W"PICO_138KV  C 
Bus Section 

(C1) 
100.11 

24OP‐
31 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_CP_CAPBK1_CP‐PI 138 + CP 
CAPBK1 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

112.96 

24OP‐
32 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_CP13816_CP‐PI 138 + CP 
CAPBK1 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

112.96 

24OP‐
33 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_LNL_BK40  C 

Breaker 
Failure or 

internal Fault 
(C2) 

105.95 

24OP‐
34 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_LNL_BK41  C 

Breaker 
Failure or 

internal Fault 
(C2) 

105.95 

24OP‐
35 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_LNL13837_TL13837 CP‐LNL ck 1  C 

Breaker 
Failure or 

internal Fault 
(C2) 

105.95 

24OP‐
36 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_LNL138BT_CP‐LNL + TATAP‐LNL 
1 138 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

101.04 
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24OP‐
37 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_PI13816_CAPSTRNO ‐ PICO ck 1  C 

Breaker 
Failure or 

internal Fault 
(C2) 

112.96 

24OP‐
38 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

CB_PI138BT_CP‐PI 1 + TA‐PI 1 138 
kV 

C 

Breaker 
Failure or 

internal Fault 
(C2) 

112.88 

24OP‐
39 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit‐‐‐
line_7016_Line TALEGA       230.0 to 
S.ONOFRE     230.0 Circuit 

C  L‐1‐1  108.07 

24OP‐
40 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit‐‐‐
line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit 

C  L‐1‐1  147.94 

24OP‐
41 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1‐1  100.97 

24OP‐
42 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit‐‐‐
line_7016_Line TALEGA       230.0 to 
S.ONOFRE     230.0 Circuit 

C  L‐1‐1  115.98 

24OP‐
43 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit 

C  L‐1‐1  175.32 

24OP‐
44 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

C  L‐1‐1  205.57 

24OP‐
45 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1‐1  119.36 

24OP‐
46 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7009_Line TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1‐1  130.48 

24OP‐
47 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
tran_7017_Tran CAPSTRNO     
230.00 to CAPSTRNO     138.00 

C  T‐1/L‐1  127.02 
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Circu 

24OP‐
48 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
tran_7019_Tran TALEGA       230.00 
to TALEGA       138.00 Circu 

C  T‐1/L‐1  140.07 

24OP‐
49 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

SCE‐L_0002_Line VIEJOSC      230.0 
to S.ONOFRE      230.0 Circu‐‐‐
line_7000_Line CAPSTRNO     138.0 
to LAGNA NL     138.0 Circuit 

C  L‐1‐1  119.06 

24OP‐
50 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

SCE‐L_0002_Line VIEJOSC      230.0 
to S.ONOFRE      230.0 Circu‐‐‐
line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

C  L‐1‐1  129.7 

24OP‐
51 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

SCE‐L_0002_Line VIEJOSC      230.0 
to S.ONOFRE      230.0 Circu‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  L‐1‐1  174.29 

24OP‐
52 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

tran_7017_Tran CAPSTRNO     
230.00 to CAPSTRNO     138.00 
Circu‐‐‐line_7015_Line CAPSTRNO     
230.0 to S.ONOFRE     230.0 Circuit 

C  T‐1/L‐1  126.65 

24OP‐
53 

 22112 CAPSTRNO      
138   22860 TRABUCO   
138  1   

tran_7019_Tran TALEGA       230.00 
to TALEGA       138.00 Circu‐‐‐
line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit 

C  T‐1/L‐1  139.64 

24OP‐
54 

 22113 CAPSTRNO      
230   22112 
CAPSTRNO      138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
tran_7018_Tran CAPSTRNO     
230.00 to CAPSTRNO     138.00 
Circu 

C  T‐1/L‐1  109.57 

24OP‐
55 

 22113 CAPSTRNO      
230   22112 
CAPSTRNO      138  1   

tran_7018_Tran CAPSTRNO     
230.00 to CAPSTRNO     138.00 
Circu‐‐‐line_7015_Line CAPSTRNO     
230.0 to S.ONOFRE     230.0 Circuit 

C  T‐1/L‐1  109.25 

24OP‐
56 

 22841 TA TAP        
138   22396 LAGNA NL   
138  1   

line_7015_Line CAPSTRNO     230.0 
to S.ONOFRE     230.0 Circuit‐‐‐
line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

C  L‐1‐1  111.25 
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Table B-3A   Thermal Overloads in the SDG&E South Orange County area 

 

With Alternative F: 230-kV Rancho Mission Viejo Substation 

2024 Summer Peak Case in CAISO 2014‐2015 TPP   

ID Overloaded Facility Contingency Category Category Description 
Thermal Loading (% 

over applicable rating) 

24SP‐1 
 22841 TA TAP        138   
22396 LAGNA NL      138  
1   

line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 
to MARGARTA     138.0 Circuit 

C  L‐1‐1  108.16 

24SP‐2 
 22841 TA TAP        138   
22396 LAGNA NL      138  
1   

line_7004_Line CAPSTRNO     138.0 
to TRABUCO      138.0 Circuit‐‐‐
line_7002_Line CAPSTRNO     138.0 
to PICO         138.0 Circuit 

C  L‐1‐1  101.64 

24SP‐3 
SDG&E's South Orange 
County Service Area 

Loss of Talega West/East 138 kV 
Buses plus BK #60/61/62/63) 

D 
Loss of substation 

(D8) 
Load drop for the 

area   
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Table B-3B   Thermal Overloads in the SDG&E South Orange County area 

 

With Alternative G: 138-kV San Luis Rey–San Mateo Line & San Luis Rey Sub Expansion 

 2024 Summer Peak Case in CAISO 2014‐2015 TPP   

ID Overloaded Facility Contingency Category 
Category 

Description 

Thermal Loading 
(% over applicable 

rating) 

24SP‐1 
 22841 TA TAP        
138   22396 LAGNA NL 
138  1   

line_7002_Line CAPSTRNO     138.0 to 
PICO         138.0 Circuit‐‐‐
line_7009_Line TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1‐1  122.46 

24SP‐3 
 22841 TA TAP        
138   22396 LAGNA NL 
138  1   

line_7002_Line CAPSTRNO     138.0 to 
PICO         138.0 Circuit‐‐‐
line_7007_Line R.MSNVJO     138.0 to 
MARGARTA     138.0 Circuit 

C  L‐1‐1  108.86 

24SP‐4 
 22841 TA TAP        
138   22396 LAGNA NL 
138  1   

line_7004_Line CAPSTRNO     138.0 to 
TRABUCO      138.0 Circuit‐‐‐
line_7002_Line CAPSTRNO     138.0 to 
PICO         138.0 Circuit 

C  L‐1‐1  102.26 

24SP‐2 
 22842 TA TAP33      
138   22656 PICO          
138  1   

line_7008_Line TALEGA       138.0 to 
PICO         138.0 Circuit‐‐‐
line_7009_Line TALEGA       138.0 to 
R.MSNVJO     138.0 Circuit 

C  L‐1‐1  109.09 

24SP‐5 
SDG&E's South 
Orange County 
Service Area 

Loss of Talega West/East 138 kV Buses 
plus BK #60/61/62/63) 

D 
Loss of 

substation (D8)
load drop for the 

area 
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EXHIBIT 10 

SDG&E Recirculated DEIR Comment Table 
  



Exhibit 10 - San Diego Gas & Electric Company (SDG&E) Comments  
South Orange County Reliability Enhancement Project 
Recirculated Draft Environmental Impact Report 
 

 Page 1 of 8
 

Comment 
# 

Section 
Name 

Page # 
Paragraph 
or Table # 

General Comment 

3.0 – Description of Alternatives 

1.  3.0 N/A N/A Please refer to SDG&E’s detailed comment letter for overarching comments on the Description of Alternatives section of the Recirculated DEIR. Specific comments on the content of Section 3.0 
are provided below. 

2.  3.2.12 2-22 Figure 3-5 Lines 33-34 state that the “Santiago–SONGS 230-kV line would then become two new transmission lines: the Trabuco-SONGS 230 kV transmission line and the Trabuco-Santiago 230-kV 
transmission line.”  This is an incorrect statement. The arrangement shown in Figure 3-5 shows a disconnect switch, not a circuit breaker, at Trabuco. The transmission line would be treated as a 
single 3-terminal transmission line.  

3.  3.2.12 2-22 & 
Fig 3-5 

Lines 24-25 
Figure 3-5 Text description of the expanded Trabuco 230kV substation states that GIS would be used. However, Figure 3-5 does not appear to show a GIS design.  

4.  3.2.12 2-22 Line 24 Text states that the 230/138 kV transformer would be housed in a GIS building. However, within a GIS substation, the switchgear (not the transformers) are typically located in the enclosed gas-
insulated buildings. Transformers can be installed within GIS buildings, but such a design would be very costly for the building, would increase the cost of the transformer, and would increase 
the cost for the ventilation system required to cool the transformers. Additionally, the building size would be very large. 

5.  3.2.12 2-23 Lines 17-18 Text states that the Trabuco Substation would have comparable specifications to SDG&E’s proposed San Juan Capistrano Substation. This is not true. In order for a Trabuco substation to be 
equivalent to the proposed San Juan Capistrano, two 392 MVA 230/138kV transformers would be required at the Trabuco site. Only one transformer (even a non-standard 450MVA transformer) 
would be insufficient in the case Talega is lost. Also, the San Juan Capistrano Substation is being constructed as a very reliable breaker and half configuration whereas the proposed Trabuco 
design is not even as reliable as a single breaker single bus design. 

6.  3.2.12 2-23 Line 22 Text states that “a new 230kV line would not be installed…” 
This statement is not true.  A new 230kV line would need to be constructed to connect the existing SCE 220kV line to the Trabuco substation site.  The statement in this line contradicts the 
description of two new transmission lines that need to be built in order to interconnect with SCE, refer to Alternative J, page 2-22, lines 27-35. 

7.  3.2.12 2-23 Lines 20-21 Text states that “Capistrano Substation would not be expanded” 
This is not true. As SDG&E repeatedly has informed Energy Division and as set forth in attached SDG&E Corrected Opening Testimony, Chapter 5, Corrected Supplemental Testimony, Chapter 
3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4, Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7, Corrected Second Supplemental 
Testimony, Chapter 4, Section 6, under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

8.  3.2.12 2-23 Lines 23-24 The text states that “the SDG&E South Orange County 138kV system would not require any reconductoring under this alternative.” 
This statement is not correct.  To avoid violation of NERC TPL-003-0b and its successor TPL-001-4, SDG&E would pursue the following projects to prevent the overloads listed in Table 4-1 of 
its Second Supplemental Testimony.  The list of transmission projects includes:  
• Upgrade TL13836 to a higher rating: Talega Substation to Pico Substation; 
• Upgrade TL13816 to a higher rating: Pico Substation to Capistrano Substation; 
• Upgrade TL13846A to a higher rating: Pico Substation to TL13846 tap point; 
• Upgrade TL13846C to a higher rating: Talega Substation to TL13846 tap point. 
In addition, In order for a second 230/138 kV source located at Trabuco Substation to be fully redundant to the existing source at Talega, and given that two of the lines are located are located in 
a common transmission corridor south of Trabuco Substation and could be subject to a common-mode failure, it would be necessary to add at least one additional 138 kV line from Trabuco 
Substation to Capistrano Substation.   

9.  3.2.12 2-23 Lines 27, 28, 
33, & 38 

As further explained in comments to Section 5.0 (Comparison of Alternatives), the Trabuco Substation Alternative could have greater impacts to traffic and cumulative impacts when compared 
to the Proposed Project if full road closures would be required during 230kV underground construction. In addition, there is not sufficient information concerning the design of the Trabuco 
Substation alternative to accurately compare anticipated impacts to those of the Proposed Project. 
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10.  3.2.12 N/A Figure 3-5 The Trabuco Substation conceptual Site Plan shows the 230kV connection at the northern portion of the expanded substation site. However, the inset street map (top right corner of the Figure 3-
5) shows the 230kV connection at the southern (existing 138kV) portion of the site. In order to connection the 230kV lines at the southern portion of the expanded Trabuco site, the new 230kV 
yard would need to be constructed at this location, and the 138kV yard would need to be relocated to the northern (expanded) portion of the Trabuco site. This is inconsistent with other 
descriptions of the Trabuco Substation alternative. 

11.  3.2.12 N/A Figure 3-5 No design or location is provided for 230kV support structures that would be required as part of the Trabuco Substation alternative. Each option would require multiple new 230kV cable pole 
structures. The western connection option would require two cable poles at the interconnection point (~0.5 mile north of the Trabuco Substation, adjacent to Camino Capistrano). The eastern 
connection option would require two cable poles at the interconnection point (near the intersection of Los Altos and Plaza Avenue) and two additional cable poles east of the I-5 crossing, 
immediately west of the intersection of Los Altos and Las Ramblas (33.565298, -117.671742). It’s unknown at this time but cable poles could probably fit just east of I5 in the parking lot adjacent to 
Puerta Real. Parking stalls would be lost and new ROW would be required until we get into franchise position with the cable/trench/conduit. The eastern connection option would also require at 
least two more cable pole structures to connect to the SCE lines and removal of at least one lattice tower. Further engineering and design with SCE would be required to identify the proper 
solution. While the underground segments of underground 230kV transmission line would largely be installed in franchise position (city streets) the overhead segment of the eastern connection 
option would require new ROW.  

12.  3.2.12 2-23 Line 13 While the state of existing underground utilities within the segment of Camino Capistrano between the existing SCE transmission lines and the Trabuco Substation site has not been analyzed, it 
cannot be known at this time if sufficient space exists within this segment of Camino Capistrano to install new 230kV duct bank. Similarly, the proposed alternative underground 230kV 
alignment, which would connect the existing SCE transmission lines to the Trabuco Substation site partially by new underground transmission lines within Plaza Road, Los Altos Road, and La 
Alameda Roads, has also not been analyzed.  
Therefore, the feasibility of connecting the existing SCE transmission lines to the Trabuco Substation site via new underground transmission lines cannot be confirmed. 

13.  3.2.12 2-22 Line 46 The text states that “[t] his alternative would not require any work at the existing Capistrano or Talega Substations..”  This statement fails to identify the replacement of Talega transformer Banks 
60 and 62. These transformer banks are beyond their useful life and will be replaced. As noted previously, this statement also fails to properly account for the need to rebuild Capistrano 
Substation. 

14.  3.2.12 2-22 Lines 27-29 There is no mention of a 230 kV voltage control device, capacitors, or a dynamic voltage control device.  These pieces of equipment would likely be needed as part of a Trabuco Substation 
Alternative.  All elements required for the double circuit 230kV transmission line segment must be accounted for. 

15.  3.2.12 2-23 Lines 5-7 The RDEIR states that the “CPUC’s review of the applicant’s power flow data indicates that Alternative J would ensure that each of the potential Category C (N-1-1) contingencies identified by 
the applicant and CAISO (Section 1.2.1) would be avoided through the 10-year planning period.”  This statement misstates the relevant inquiry.  The proper question is whether Alternative J 
allows SDG&E to comply with mandatory NERC, WECC and CAISO reliability standards.  That must be determined by running power flow analysis of the electric system as modified by 
Alternative J against NERC contingencies, including Category C (N-1-1) contingencies.  SDG&E and CAISO power flow analyses referred to in Section 1.2.1 analyzed the then-current electric 
system, and as modified by the Proposed Project, against NERC contingencies.  Alternative J includes an interconnection with SCE’s transmission system, and that change to the electric system 
was not modeled in any of the power flow analyses referred to in Section 1.2.1.  SDG&E provided Energy Division with power flow results showing NERC violations for both ORA’s Trabuco 
Alternative and the RDEIR Alternative J as part of SDG&E’s Rebuttal Testimony and Second Supplemental Testimony.    

16.  Impact 
LU-2 

2-144 Lines 14-16 The RDEIR states: “However, the proposed project would directly conflict with applicable building height regulations defined within the San Juan Capistrano Municipal Code.”  The 
Commission’s General Order 131-D, CPUC Decision 94-06-014, and numerous court rulings confirm that the CPUC has exclusive jurisdiction over the construction of electric utility facilities, 
preempting local ordinances.  Therefore the local ordinances cited in the RDEIR are not “applicable” to the Proposed Project.   

4.4 – Biological Resources 

17.  4.4 N/A N/A Please refer to SDG&E’s detailed comment letter for overarching comments on the Biological Resources Section of the Recirculated DEIR. Specific comments on the content of Section 4.4 are 
provided below. 

18.  Impact 
BR-6 

2-77 Line 4 Text states “the proposed project may conflict with two conservation easements established within the Orange County Southern Subregion HCP…”  
The Talega Conservation Easement has not been recorded, cannot be viewed or reviewed by the public or SDG&E, and therefore should not be described as “established”. The Easement has no 
legal power until it has been recorded.  SDG&E has rights that supersede any existing or proposed conservation easements as SDG&E’s ROW pre-date all conservation easements in the Project 
area. 
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19.  Impact 
BR-6 

2-77 Lines 14-16 As an initial matter, any activities conducted by SDG&E within existing SDG&E ROW, Easement, or fee-owned property would not cause a conflict with any subsequently recorded 
conservation easement or with the provisions of the Orange County Southern Region HCP. The Proposed Project crosses the Prima Deschecha Landfill Conservation Easement at two locations, 
and contains one proposed new 230kV structure (No. 26), the removal of existing 138kV structures, and the use of existing unpaved access roads.  See Exhibit 6 (Second Supplemental 
Testimony, Attachment 50).     
The Proposed Project would require temporary work space for the construction of the new 230kV structure and permanent work space for the inspection and maintenance of the 230kV structure 
(No. 26) for the life of the project (refer to Exhibit 6 (Second Supplemental Testimony, Attachment 51 [Structure 26 Detail Map] and Attachment 52 [Structure 26 Aerial Photograph]).  All 
ground disturbing activities (e.g. grading, grubbing, and vegetation removal) will be contained within the limits of SDG&E’s existing ROW.  SDG&E would also utilize the existing access road 
network during construction and operation (refer to Attachment 50).  SDG&E’s rights to its 150-foot ROW in this area includes the ongoing use of the existing network of unpaved access roads 
that lead to and connect all existing structures, as well as existing structures owned and operated by SCE within its adjacent ROW.   
In addition, as shown in Attachments 51and 52, the small portion (approximately 210 square feet) of the Structure 26 work area that could extend outside of SDG&E’s existing ROW is limited to 
the existing roadbed (access road), and no earthwork (grading, grubbing, clearing, etc.) would be required.  This area could be used for the placement of construction equipment (such as a crane) 
or maintenance equipment (such as an aerial bucket truck).  As existing road bed, this area is already disturbed.   
During a meeting with between SDG&E and USFWS on September 11, 2015, the USFWS agreed that this particular scope of work anticipated at this location (Structure 26) would not create a 
conflict between the Proposed Project and that Prima Deschecha Conservation Easement.  USFWS agreed that the Proposed Project would not conflict with the Prima Deschecha Landfill 
Conservation Easement as work associated with the Proposed Project would be contained within SDG&E existing rights pursuant to SDG&E ROW Easement. 
Therefore, impacts (if any) of the Proposed Project on the existing Prima Deschecha Landfill Conservation Easement would be less than significant.  The Final EIR should incorporate this 
corrected determination of impacts in the Biological Resources and Land Use and Planning sections. 

20.  Impact 
BR-6 

2-75 Line 44 NCCP Implementing Agreement (page16) Section 6.2(a)(3) states the following: (3) This Agreement provides adequately for the mitigation of potential "significant effects on the 
environment," as defined in Public Resources Code 66474, that may result from Activities in the Subregional Plan Area.  Therefore, the conclusion for Impact BR-6 should be “Less than 
Significant With Mitigation” rather than “Significant.”   

21.  Impact 
BR-6 

2-76 Lines 28-30 This text states that “[t]he SDG&E Subregional NCCP/HCP does not specify a process for coordination with all landowners, conservation easement holders, and regional plans in the proposed 
project area to determine the locations of preserve areas (SDG&E 1995a,b).”  However, NCCP Implementing Agreement (page14) Section 5. 7 states the following: Whenever any portion of 
the Subregional Plan Area falls within the boundaries of a Preserve Area, SDG&E will coordinate with USFWS and CDFG in respect of SDG&E Activities within such Preserve Area in 
accordance with the provisions and procedures of Sections 6 and 7 of the Subregional Plan, and the management entity for any such 
Preserve Area to avoid impacts to Covered Species and biological resources and where impacts are unavoidable to· minimize or mitigate such impacts, as more fully set forth in 
Section 6 and 7 of the Subregional Plan. 
This section of the Implementing Agreement does provide a process for coordination with all landowners, conservation easement holders and regional plans in the proposed project area to 
determine the locations of preserve areas by coordinating with the USFWS and CDFW (aka CDFG), who would provide approval for the designation of Preserve.  

4.5 – Cultural Resources 

22.  4.5 N/A N/A Please refer to SDG&E’s detailed comment letter for overarching comments on the Cultural Resources Section of the Recirculated DEIR. Specific comments on the content of Section 4.5 are 
provided below. 

4.10 – Land Use and Planning 

23.  4.10 N/A N/A Please refer to SDG&E’s detailed comment letter for overarching comments on the Land Use and Planning Section of the Recirculated DEIR regarding zoning pre-emption and conservation 
easements.  
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5.0 – Comparison of Alternatives 

24.  5.0 N/A N/A Please refer to SDG&E’s detailed comment letter for overarching comments on the Comparison of Alternatives section of the Recirculated DEIR. Specific comments on the content of Section 
5.0 are provided below. 

25.  5.2 2-148 Lines 38-40 Text refers to the Proposed Project and asserts significant impacts from “(i.e., impacts on air quality, biological resources, cultural resources, land use and planning, transportation and traffic, and 
cumulative impacts).”  This statement is in error.  With respect to traffic impacts, as stated in SDG&E’s April 10, 2015 Comments on the Draft EIR, Detailed Comments at 3-4: “SDG&E’s 
construction and engineering contractors do not expect a full closure of any of these roads during underground construction and SDG&E did not state there would be any full road closures in the 
PEA.  The Project refinements identified in more detail in Attachment A – Minor Project Design Refinements (Dated April, 2015) will eliminate the temporary and cumulative traffic impacts.”  
With respect to biological and land use impacts, as set forth in SDG&E’s September 24, 2015 RDEIR Comments, SDG&E is in full compliance with its Natural Communities Conservation Plan 
(“NCCP”) and, with the Segment 4 Design Revision set forth in Exhibit 2, bringing permanent transmission structures within SDG&E’s existing easements, the United States Fish & Wildlife 
Service (“USFWS”) has agreed that no conflict between the Proposed Project and recorded and potential conservation easements is expected.  With respect to land use impacts on local height 
limitations, the Commission’s General Order 131-D, CPUC Decision 94-06-014, and numerous court rulings confirm that the CPUC has exclusive jurisdiction over the construction of electric 
utility facilities, preempting local ordinances. Therefore the local ordinances cited in the RDEIR are not applicable to the Proposed Project.  With respect to the potential historical resource, on 
August 21, 2015, SDG&E submitted to the Keeper its objection to the proposed determination of eligibility of the existing utility structure for the NRHP, opposing the SHRC’s recommendation.  
If the Keeper finds that the existing utility structure is not eligible for listing on the NRHP, then the Proposed Project would not have a significant effect on any historical resource. 

26.  5.2.1 2-151 Lines 9-12 Text states that “it is assumed that none of the components of the proposed project would be constructed” and “minor maintenance work would occur as needed to repair or replace failed or 
inadequate substation equipment.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably expected to occur in the foreseeable future if the project were not 
approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to “foster meaningful public participation and informed decision 
making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
in attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), 
Exhibit 5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6) (all of which 
has been served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

27.  5.2.1 2-151 Lines 16-17 Text states: “It is anticipated that minor maintenance work would occur as needed to repair or replace failed or inadequate substation equipment and transmission line facilities as described in 
Chapter 3, ‘Description of Alternatives.’”  At page 2-6, the RDEIR describes two overloads under NERC Category C contingencies and states: “Other Category C (N-1-1) scenarios are also 
possible by 2020, but these are the two worst-case (highest potential overload) scenarios described by the applicant. In accordance with CPUC General Order 131-D, it is anticipated that the 
applicant would implement system adjustments (e.g., reconductor 138-kV line segments) prior to this date to ensure that some or all of these overload scenarios do not occur.”  CEQA Guideline 
§ 15126.6(e)(2) requires the EIR to discuss “what would be reasonably expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful 
evaluation, analysis, and comparison with the proposed project” and to “foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f).  The RDEIR, Section 5.2.1 
and Table 5-1 fail to do so. 

28.  5.2.2 2-151 
2-152 
2-153 

Lines 38, 44 
Line 38 

Lines 16-17, 
22, 30 

Text states that “Alternative B1 does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), Exhibit 
5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6) (all of which has been 
served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to SDG&E’s 
customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least as a 
138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 
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29.  5.2.3 2-154 
 

2-155 

Line 8, 14, 
22, 32, 38 

Lines 5, 18-
19, 24, 32, 

Text states that “Alternative B2 does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), Exhibit 
5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6) (all of which has been 
served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to SDG&E’s 
customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least as a 
138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

30.  5.2.4 2-156 
2-157 

Lines 13, 19 
Lines 13, 26-

27, 32, 40 

Text states that “Alternative B3 does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
in attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), 
Exhibit 5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6)  (all of which 
has been served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

31.  5.2.8 2-163 
2-164 

Lines 26, 32 
Lines 31, 48  

Text states that “Alternative D does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
in attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), 
Exhibit 5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6) (all of which 
has been served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

32.  5.2.9 2-165 
2-166 

 
2-167 

Lines 37, 43 
Lines 1, 29, 

42, 48 
Line 7 

Text states that “Alternative E does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
in attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), 
Exhibit 5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6)  (all of which 
has been served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 
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33.  5.2.10 2-167 
2-168 

Lines 30, 36 
Lines 3, 22, 

30,  

Text states that “Alternative F does not include the expansion of the existing Capistrano Substation.”  CEQA Guideline § 15126.6(e)(2) requires the EIR to discuss “what would be reasonably 
expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and comparison with the proposed project” and to 
“foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), Exhibit 
5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6) (all of which has been 
served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to SDG&E’s 
customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least as a 
138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

34.  5.2.12 2-171 
2-172 

 
2-173 

Lines 27, 37 
Lines 7, 21, 

47-48 
Line 5 

Text states that “Capistrano Substation would not be expanded, but equipment at Capistrano Substation found to be inadequate would be replaced.”  CEQA Guideline § 15126.6(e)(2) requires 
the EIR to discuss “what would be reasonably expected to occur in the foreseeable future if the project were not approved.”  This is necessary to “allow meaningful evaluation, analysis, and 
comparison with the proposed project” and to “foster meaningful public participation and informed decision making.”  Id. § 15126.6(d), (f). 
This statement does not reflect what is reasonably expected to occur in the foreseeable future.  As SDG&E repeatedly has informed Energy Division in response to data requests and as set forth 
in attached Exhibit 3 (SDG&E Corrected Opening Testimony, Chapter 5), Exhibit 4 (Corrected Supplemental Testimony, Chapter 3, Section 3, Chapter 4, Section 3, Chapter 5, Section 4), 
Exhibit 5 (Corrected Rebuttal Testimony, Chapter 5, Section 8, Chapter 8, Section 7, Chapter 9, Section 7), and Exhibit 6 (Second Supplemental Testimony, Chapter 4, Section 6)  (all of which 
has been served on Energy Division), under all Alternatives to the Proposed Project, the 138/12kV substation at Capistrano would still need to be rebuilt to provide reliable electric service to 
SDG&E’s customers served by that substation, primarily in the City of San Juan Capistrano.  SDG&E has a legal obligation to provide reliable electric service, and rebuilding Capistrano, at least 
as a 138/12 kV substation, is a reasonably anticipated action under all Alternatives as well as the Proposed Project.  As set forth in the above testimony, many of the Alternatives would require 
expansion of the Capistrano 138 kV yard to accommodate a new 138kV line to Capistrano. 

35.  5.2.12 2-171 Lines 3-6 Text states that the Trabuco Substation expansions would utilize an approximately 2-acre parcel located north of the existing Trabuco Substation. 
However, as stated within SDG&E’s testimony relating to the Trabuco Alternative, approximately 6 -7 acres of total area would be needed to adequately construct a new 230/138/12kV 
substation at the Trabuco site. This would require acquisition of not only the 2.7-acre north adjacent parcel, but also the southern adjacent parcel (approximately 1.0 acre). 

36.  5.2.8 2-165 Line 20 Text states that “Alternative D would have similar significant impacts on biological resources, cultural resources, and land use.” However, this contradicts page 2-163 (lines 26 – 29), which 
states that Alternative D would avoid significant impacts to cultural resources. 

37.  5.2.10 2-167 Lines 36 – 42 Text states that Alternative F (230kV RMV Substation) would “substantially reduce impacts to land use and planning” because the 230kV substation would not be constructed and the Capistrano 
site, thus eliminating conflicts with local zoning codes governing the maximum height of structures. However, the RMV substation would be constructed to similar specifications as the San Juan 
Capistrano, and would therefore be anticipated to include GIS buildings approximately 50 feet in height. DEIR section 5.2.10 does not contain a discussion of the consistency of 50-foot 
buildings with the County of Orange Zoning Ordinance at the RMV site. The Recirculated DEIR (page 2-163, lines 43 – 45) states that 50-foot GIS buildings would create a significant impact at 
the Prima Deschecha Landfill site, which is also located within unincorporated Orange County.  Ultimately, although consistency with local zoning requirements is addressed in an inconsistent 
manner between alternatives, the Recirculated DEIR fails to acknowledge that local ordinances setting height limitations are preempted by the CPUC’s exclusive jurisdiction over substation 
construction. 

38.  5.2.11 2-169 Line 16 Text includes reference “(SCE 2012)”. This reference is not included within either the DEIR References (CPUC February 2015) or the Recirculated DEIR References (CPUC August 2015).  

39.  5.2.12 2-171 Lines 26 - 28 The text states that the Trabuco Substation alternative would not require reconductoring throughout the 138kV system. 
This is not necessarily true. As further explained in the comments to Recirculated DEIR Section 3 and SDG&E’s testimony, a third (new) 138kV power line would be required between Trabuco 
and Capistrano.  The potential impacts from this 138kV work are not addressed within Section 5.2.12 of the Recirculated DEIR. While the exact impacts associated with this 138kV work cannot 
be known without at least a preliminary design, impacts would reasonably be anticipated to be greater than those disclosed in the Recirculated DEIR for the Trabuco Substation alternative. 
Specifically, impacts associated with air quality, biological resources, and cultural resources, would likely increase (compared to the Trabuco Substation alternative as described in the 
Recirculated DEIR) due to the larger scope of work and impact area alone. Impacts to traffic and transportation would also increase as the existing 138kV alignment between Trabuco and 
Capistrano is located adjacent to the existing railroad alignment, and also crosses SR-73 and numerous local roadways. 
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40.  5.2.12 2-171 Lines 31-33 The DEIR assumes a reduction in air emission commensurate with the reduction in the area of disturbance. This method does not necessarily provide an accurate comparison of anticipated 
emissions. The majority of air emissions (for criteria pollutants) are a direct result of the number and duration of use of heavy construction equipment. Disturbance area does not necessarily 
equate to the amount of heavy construction equipment usage, and thus emissions. Therefore, assuming an 88 percent reduction in emissions is not correct. While assuming a Trabuco Substation 
alternative could result in overall heavy equipment usage, some reduction of total emissions of criteria pollutants could reasonably be assumed. However, a determination of the exact reduction 
amount cannot be accurately completed without actually describing a construction scenario and calculating the impacts in a similar method as was completed for the Proposed Project. 
In addition, the assertion that the Trabuco Substation alternative would reduce emissions below significance thresholds is unsubstantiated and not likely to be correct. While the apparent reduced 
scope of work the Trabuco Substation Alternative could be assumed to reduce total emissions, the emissions from specific scopes of work or phases of construction could have similar, 
significant impacts resulting from the emissions of criteria pollutants, including exceedance of localized significance thresholds (LSTs). For example, construction of the 230kV substation at the 
San Juan Capistrano Substation site would result in exceedance of regional and localized thresholds for NOx, PM10, and PM2.5. It is reasonable that construction of the 230kV yard at Trabuco 
would result in similar emission during substation construction. In addition, as stated in comments to Recirculated DEIR Section 3, SDG&E asserts that the 138/12kV Capistrano Substation 
would need to be rebuilt and expanded as part of a Trabuco Substation Alternative. Thus, impacts to air quality would still occur at the Capistrano Substation site similar to the Proposed Projects 
impacts for demolition, site development, and construction of the 138/12kV substation. Impacts from construction of the 230kV yard would be shifted to the Trabuco Substation site. 
Finally, impacts relating to the emission of criteria pollutants could reasonably be anticipated to be higher for the Trabuco Substation Alternative when compared to the Proposed Project, with 
respect to substation construction activities. While actual impacts cannot be known due to the lack of detailed design for the Trabuco Alternative, the Trabuco Substation Alternative would 
include more substation construction activities than the Proposed Project, and thus could ultimately result in higher total emissions and more exceedances of regional and local significance 
thresholds. The Proposed Project, which would limit major substation construction to the Capistrano site, would include three major phases of construction: 1) demolition (lower and upper 
yards); 2) site development and grading (lower and upper yards); and 3) substation construction (lower/138kV and upper/230kV). Comparatively, the Trabuco Substation Alternative could 
require up to six major phases of substation construction spread between two sites (Capistrano and Trabuco). Specifically the Trabuco Substation Alternative would require the following phases 
at the Trabuco Substation Site: 1) demolition (would occur across the entire expanded site, including both demolition of structures and facilities for the two acquired properties, and demolition of 
the existing Trabuco 138/12kV substation facilities and getaways); 2) site development and grading (would occur across the entire expanded site); and 3) substation construction, including the 
rebuilding of the 138/12kV yard and the construction of the new 230/138kV yard. Additionally, the Capistrano Substation would also require major construction, including 1) demolition (lower 
and upper yards); 2) site development and grading (lower yard only); and 3) substation construction (lower yard, 138/12kV only). Thus, due to the potentially increased substation construction 
activities, the Trabuco Substation Alternative could require greater amounts of heavy construction equipment, longer cumulative construction duration, and larger disturbance area (6-7 acres at 
the Trabuco site in addition to the 6.4 acres at the Capistrano Site). Depending upon the actual design and construction scenario for the Trabuco Substation Alternative, impacts to air quality 
(emissions of criteria pollutants) from substation construction could increase when compared to the Proposed Project. 

41.  5.2.11 2-172 Lines 21 – 35 Text states that Alternative J would reduce significant impacts relating to City of San Juan Capistrano zoning height restrictions because Alternative J would not include expansion of the 
Capistrano Substation. However, as noted above, CPUC’s jurisdiction preempts local land use laws, including height restrictions, and thus a utility project could not conflict with such laws 
because they are not applicable.  Therefore, Alternative J does not reduce significant impacts to land use as compared to the Proposed Project, because such significant impact does not exist.  

42.  5.2.12 2-172 Lines 44 – 47 Text states that Alternative J would avoid significant impacts to traffic and transportation, in part by avoiding impacts resulting from underground installation of 138 and 12kV lines west of the 
Capistrano Substation site (including impacts along Camino Capistrano). However, as previously stated within SDG&E’s comments on Recirculated DEIR Section 3, SDG&E believes that 
construction and operation of a new 230kV substation at the Trabuco site would still require the reconstruction and expansion of the Capistrano 138/12kV substation. While there would be no 
230kV construction at the Capistrano site under the Trabuco Substation Alternative, the potential traffic impacts along Camino Capistrano and Calle San Diego are a result of underground 
construction of 138kV and 12kV lines, which would still occur as part of the 138/12kV Capistrano Substation rebuild that would still be required under the Trabuco Substation Alternative. 
Therefore, the impacts to traffic and transportation at Camino Capistrano and Calle San Diego would be similar for the Proposed Project and the Trabuco Substation Alternative. 

43.  5.2.12 N/A N/A The Recirculated DEIR does not provide sufficient design for the Trabuco Substation Alternative to accurately compare the anticipated impacts to those of the Proposed Project. In addition to the 
missing scope items (such as the 138kV system upgrades, rebuild of the Capistrano 138/12kV substation, and rebuild of the Trabuco 138/12kV substation) identified within the other comments 
to Sections 3 and 5 of the Recirculated DEIR, SDG&E believes that other system upgrades are likely in order to complete the interconnection with the SCE system. Because the potential 
interconnection with SCE at the Trabuco Substation has not been studied by SDG&E, SCE, or the CAISO, the scope of potential system upgrades cannot be known at this time. Therefore, the 
comparison of the adverse impacts anticipated for the Trabuco Substation Alternative and Proposed Project is flawed, and the potential reduction in impacts that Trabuco Alternative may have is 
being greatly overstated.  
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44.  5.2.12 2-172 Lines 44 – 47 The text states that construction of new 230kV underground “may require partial closures along Camino Capistrano in an industrial area of the City of Laguna Niguel; however, no full road 
closures are anticipated.” 
This statement is not correct and is misleading. Construction of new 230kV underground, if possible, would require at a minimum partial closure of Camino Capistrano and could require 
complete closure. Camino Capistrano is a two lane road between the Trabuco Substation and existing SCE transmission lines, and varies in width; however the Oso Creek bridge crossing 
bottlenecks to approximately 25 feet in width. Assuming that sufficient space exists for installation of new underground 230kV (see comments to Section 3 above), construction would require a 
minimum of 20 feet, which would result in a minimum closure of one lane of traffic during construction. The OSO Creek crossing may also present many challenges to construction and may 
require more challenging construction methods due to the age, size and congestion of other utilities on the side of or internal to the bridge. The horizontal drilling method is a method that may 
work, however, it would require substantial space to accommodate construction on either side of the Oso Creek bridge and may require full road closures during construction and presents risks to 
the environment such as frac-out. 
Similarly, if the alternative 230kV connection route is selected (east of I-5, along La Alameda and Los Altos roads), construction of the 230kV underground connection would also require, at a 
minimum, closure of one lane of traffic, which would equate to half of each of the two-lane roads along the underground alignment.  
As stated in the DEIR (Section 4.15, Pg. 4.15-19, lines 11-12), complete closure of a roadway during underground construction would be considered a significant impact under CEQA. 

45.  5.2.12 2-172 Lines 47 – 50 The text states that the Trabuco Substation Alternative does not include expansion of the Capistrano Substation, and as such would not have cumulative impacts on traffic and transportation 
associated with the partial closure of Camino Capistrano west of the substation site. 
However, this statement is not necessarily correct. As described in SDG&E comments to Recirculated DEER Sections 3 and 5, the 138/12kV Capistrano Substation would need to be rebuilt and 
expanded as part of the Trabuco Substation Alternative. While there would be no 230kV construction at the Capistrano site under the Trabuco Substation Alternative, the potential cumulative 
traffic impacts along Camino Capistrano are a result of underground construction of 138kV and 12kV lines, which would still occur as part of the 138/12kV Capistrano Substation rebuild that 
would still be required under the Trabuco Substation Alternative. Therefore, the cumulative impacts to traffic and transportation at Camino Capistrano would be similar for the Proposed Project 
and the Trabuco Substation Alternative. 

46.  5.2.12 2-173 Lines 10 – 15 Text concludes that the Trabuco Substation would reduce impacts to air quality and land use, but these impacts would remain significant (lines 10 & 11). However, lines 12 and 13 contradict this 
by stating that impacts to air quality would be reduced to less than significant. While a detailed design and construction scenario would be needed to estimate air emissions, SDG&E believes that 
while the Trabuco Alternative may reduce overall air emissions, it is likely that certain phases of construction (such as site development and substation construction) could continue to result in 
temporary, significant exceedances of regional and local significance thresholds in a similar manner to the Proposed Project. 

 




